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THIS ANNUAL REPORT FEATURES ART no ED MELI.

Mell brings on architectural eye to the desert. emphasizing
grophuc elements and stripping away details that do not
serve his vision From landscapes to storms. longhorn cattle
to desert flowers he presents the natural power and beauty
of Arizona in bold colors and Inner. energizing the vistas with
has singular style

Featured Work: Evening Edges (Cover) Desert Kings (Pg 4-5).
Momnng Sun (pg Io-ll). Shadowed Rim (Pg 12)



DINNAQLE WEST CADITAL CORPORATION

COMBINES A SOLID FOUNDATION AND A CLEAR

STRATEGY TO BUILD SHAREHOLDER VALUE...

Superior reliability and operating performance across our business

Excellent customer satisfaction and deep community involvement - Affordable electricity rates

A balanced, high-performing power generation portfolio - A constructive regulatory environment

Targeted investments in innovative technologies - Solid financial results

...WITH A SHARDENED FOCUS

ON OLJ112 CORE UTILITY BUSWES8.
THE APS VISION

Creat ing a  sus ta inab le  energy  f u ture  f or  A r i zona.

THE APS MISSION

We safely and efficiently generate and deliver reliable

energy to meet the changing needs of our customers.



PNW AR 2

DEAR FELLOW
SHAQEHOLDEQS_..
Pinnacle West delivered superior value for our shareholders in 2015 by

providing our customers with excellent service, managing our operations

well and exercising financial discipline.

The company produced net income of $437 million, or $3.92 per share, which

constituted a 9.5 percent increase over the previous year. Our consolidated

earned return on average common equity was 9-77 percent.

Significantly, we continued to provide our investors with the steady dividend
growth which makes our equity attractive in uncertain times. Our Board of

Directors approved an increase for the fourth straight year, raising our annual
dividend bye percent to $2.50 per share.

In difficult market conditions for electric utility equities, the price of Pinnacle

West shares declined during 2015 from record highs at the beginning of the

year. The company delivered a total return to our shareholders - a combination

of share price movement and dividends paid .- of (2.0) percent, 42.1 percent

and 91.3 percent over the last one, three and five years ending December 31.

These results compare favorably with the S&P 1500 Electric Utility Index

returns of (5.2) percent, 35-1 percent and 64.0 percent for the same periods.

Pinnacle West shares have performed well thus far in 2016, rising 6-7 percent

in value since the beginning of the year to $68.83 per share as of February 29.

Our efforts to strengthen the colnpany's balance sheet continue to produce

positive results. Credit rating agencies Fitch and Moody's both upgraded

the company in 2015. All three major agencies now rate Pinnacle West the

equivalent of A-, the best our credit ratings have been in 30 years.

Looking ahead, we anticipate 2016 earnings per share in the range of $3.90 to

$4.10, assuming normal weather. We aim to achieve a return on equity of more

than 9-5 percent and, subject to the Board's discretion, to increase the dividend

at an annual rate of 5 percent.

l II



DONALD E. BRAN DT
CHAIRMAN. PRESIDENT AND
CHIEF EXECUTIVE OFFICER

ECONOMIC GROWTH

Arizona's improving economic conditions, coupled with higher retail customer sales, enhanced

our ability to deliver superior results for Pinnacle West shareholders in 2015

Despite the economic downturn that hit toward the end of the previous decade, Arizona's enduring

long-term growth potential has always played an important role in our value proposition. In 2015

we saw further signs of healthy economic recovery

EARNINGS PER SHARE
INCREASE IN 2015

NET INCOME
IN MILLIONS
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SUPERIOR RELIABILITY AND SERVICE

Arizona Public Service has powered the recovery

with service ranked among the industry's leaders

in reliability, customer satisfaction and workplace

safety. We produce electricity from a diverse, high

performing and increasingly clean portfolio of

generation. We have deep roots in our community

giving back more than $10 million in 2015 to

charitable causes across Arizona

INVESTED IN 2015 TO ENHANCE

THE ARIZONA POWER GRID

We invested $1 billion in 2015 to enhance the

Arizona power grid and improve our ability to

serve customers, and we plan to invest an additional

$3.6 billion in infrastructure enhancements over

the next three years. These investments will create

value for our customers, benefit Arizona's economy

and drive projected annual rate base growth of

6 to 7 percent through 2018

APS has three essential elements to its business

model. directed at both customers and shareholders

These include

PROJECTED ANNUAL RATE

BASE GROWTH THROUGH 2018

OUTSTANDING RELIABILITY FOR OUR CUSTOMERS

APS's electric reliability remained near the top

four industry in 2015, despite one of the most

challenging summer storm seasons in recent Arizona

history. Our average customer experienced less than

one outage - 0.82 per customer - compared to an

industry median of 1.025 interruptions

One of our important reliability investments in 2015

was a 110-mile transmission line from the Phoenix

metropolitan area to Yuma

INDUSTPY

UUTAGES PER CUSTGMER
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The 500-kilovolt line, energized in May 2015, will improve reliability for Yuma customers and

strengthen the high-voltage power grid. The transmission construction project was one of the

largest in the West, and the largest completed by APS in more than 25 years. Over the next three

years we plan to invest $450 million enhancing Arizona's transmission system

SUPERIOR AND IMPROVINGCUSTOMER SATISFACTION. APS ranked in the top 10 for customer

satisfaction again in 2015 among large investor-owned utilities, according to J.D. Power and

Associates. Satisfaction ratings improved for the third consecutive year

We introduced new programs and initiatives in 2015 that respond directly to the requests and

needs of our customers. Our new APS Notification Center, which provides our customers with

information via their smartphones about their electricity usage, billing, and restoration times

during power outages, meets these new technological demands

FORWARD-THINKING Gnu:MODERNIZATION. We have invested in advanced technologies that

enhance system reliability and resilience, and enable future innovations in customer service

These projects, along with our fully deployed advanced meter program, will ensure APS stays

at the forefront of grid modernization and can adapt to future requirements more easily

In November, we announced a partnership with the Department of the Navy to develop a 25

megawatt microgrid project at Marine Corps Air Station Yuma. A microgrid is a term used to

describe a small-scale power grid that can operate independently or in conjunction with the

area's main electrical grid. This is APS's first microgrid project and the first military base to

secure 100 percent backup power. We also plan to install a 40-megawatt solar facility this year

to serve some four large customers

Technology advances also create new opportunities for utilities to interact with each other for

the benefit four customers. In 2015, we announced plans to join the California Independent

System Operator's Energy Imbalance Market. When we begin participation later this year, it

will give us more flexibility to manage our energy resources, producing an estimated savings

for our customers of between $7 million and $18 million per year

TOD IO
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HIGH-PERFORMING, CLEANER ENERGY MIX

The electricity we provided our customers in 2015 came

from a diverse mix of high-performing and increasingly

clean generation. Approximately 47 percent of our energy

mix comes from carbon-free resources

The four main components of our generation capacity include

NUCLEAR. A vital part of our clean, carbon-free power is

generated at the focal point of our fleet: Palo Verde Nuclear

Generating Station. The nation's largest producer of power

of any kind for 24 years running, Palo Verde had a stellar

2015, achieving its highest-ever net generation, a record

32.5 million megawatt-hours of electricity

OF THE WATER USED BY ALL OUR

GENERATING FACILITIES COMES
FROM RECLAIMED WATER

PALO VERDE

Our team at Palo Verde has taken a leading role in the

industry response to the severe natural disaster in Japan

in 2011 and the resulting accident at the Fukushima Daiichi

nuclear plant. We completed a significant number of

enhancements in 2015, investing $125 million in new

equipment and modifications to existing facilities to

make a safe plant even safer

AS nATion's LARGEST POWER PQODUCER

coAL. A large number of factors have made us re-examine

the role of our coal plants. While federal environmental

policy tops the list, economic conditions strongly affect

our generation mix. Sustained low gas prices allow us to

save money for our customers by reducing coal generation

in favor of natural gas. And, America's growing reliance

on renewable energy requires the support of flexible

generation capable of ramping up and down frequently

something base-load coal facilities do inefficiently

We must make prudent decisions for our customers and

shareholders, while also recognizing the community impacts

OF ELECTRICITY WE PROVIDE COMES

FROM CARBON-FREE RESOURCES



PNW AR 9

WE HAVE INVESTED IN ADVANCED

TECHNOLOGIES THAT ENHANQE SYSTEM

RELIABILITY AND IQESILIENCE

AND ENABLE FUTLJQE INNOVATIONS

IN CUSTOMER SERVICE

In 2015 we made the decision to close one of three units we own at the Cholla Power Plant

This followed our 2013 closure of the three oldest, least efficient units at our Four Corners

Power Plant. These two actions retired 820 megawatts of coal generation, resulting in a

29 percent reduction in carbon emissions from the plants. We also anticipate reductions

in mercury emissions of 63 percent, particulate by 43 percent, NOt by 36 percent and

SO2 by 29 percent

To meet federal environmental standards, we plan to spend $400 million through 2018 to

install selective catalytic reduction pollution controls on the two remaining units at Four

Corners, reducing regional haze

RENEWABLES.Although nuclear power accounts for most of our carbon-free generation, our

growing renewable portfolio contributes 1,278 megawatts to that mix. We completed two

utility-scale solar plants in 2015: one at Arizona's Luke Air Force Base, and the other an

innovative partnership with the City of Phoenix to build a solar plant on top of a former landfill

These projects concluded our AZ Sun program, which now generates 170 megawatts from

nine solar installations across Arizona and brings our overall solar portfolio to 950 megawatts

The program has advanced Arizona's solar leadership, evidenced by the state's number two

spot in the nation for overall solar growth as measured by the Solar Electric Power Association

To advance our leadership in sustainable solar power, APS launched innovative research

and development programs in 2015, including our Solar Partner Program, which is installing

solar panels on 1,500 customer homes across the Phoenix metro area. The program, the first

and largest of its kind in the country, studies solar production in late afternoons as the sun

sets, but when customer energy use peaks



NATUNAL GAs. Many people assume in our sunny climate that solar will

dependably supply a major portion of our customers' electricity needs

Unfortunately, the sun does not shine to suit our schedule, nor does it

necessarily coincide with our customers' electricity demands

In fact, on the peak customer electricity demand day of 2015, rooftop

solar generation did not correspond optimally to customer demand

by any measure. Rather, rooftop solar generation peaked at about the

noon hour, well before customer demand surged. Our customers

thirst for electricity peaked at 5 p.m., a striking five-hour imbalance

At exactly the same time, rooftop solar generation had declined to

only 38 percent of its capacity, and continued falling to zero by 7 p.m

while customer demand remained intense, exceeding the level at

noon. That's right, zero! Even in Arizona. the sun does not shine on cue

This example demonstrates why we need to back up renewable energy

with reliable power sources. And, today, that means natural gas

We are investing $500 million through 2019 to modernize our

Ocotillo Power Plant in Tempe, replacing two 1960s-era units with

five efficient combustion turbines that can start up and reach full

power in less than 10 minutes

WE ARE INVESTING

MILLION

TO MODERNIZE CUR OCOTILLO POW ER PLANT

The Ocotillo project will enable and support the continued growth

of renewable resources. The units will also be smaller and quieter and

thanks to an innovative cooling approach, will use 80 percent less water

per megawatt-hour

Recognizing the importance of being good stewards of the state's

precious water resources, we added water usage to our top corporate

metrics in 2015. We are already a leader in water conservation, with

more than two-thirds of the water used by our generating fleet coming

from reclaimed water. Palo Verde alone recycles nearly 20 billion gallons

of wastewater each year, using no groundwater for its operations
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An important part four request will be a suggested change in the design of electricity rates.

We want to align prices more closely with costs, and to create clear price signals that support

cost-reducing customer technologies.

We were the first in the country to raise the issue of rate reform in a serious way. We take pride

in that leadership. Now, others in our industry have joined the effort to address rate restructuring.

In 2015, the Nevada Public Utilities Commission ruled unanimously to pass a new rate structure

that removes much of the unfairness from that state's net metering rules. The Nevada decision follows

last year's ruling in Hawaii that closed the state's net metering program to new solar customers.

COMMUNITY UPDATE

I see our employees as the company's greatest asset. They possess incomparable work expertise

and a time-proven commitment to improving the communities where we live and do business.

They have demonstrated great generosity with their time, resources and skills, volunteering

127,000 hours during the year - valued at $2.9 million - and contributing $3.9 million to Arizona

non-profits through our community services fund. We must add this marvelous effort on the part

of our employees to the more than $10 million APS gave back to the community through corporate

giving and the APS Foundation.

The future of APS lies in good hands. We have a history of developing the leaders of tomorrow,

and unlocking potential in people and places that sometimes get overlooked.

For example, our commitment to veteran support underlines our philosophy of hiring the best

and the brightest. When employers know how to translate the leadership and experience these

men and women gain in the military into their own businesses, they open up opportunities not

only for those they hire, but for the future of their companies. At APS, veterans make up 20

percent of our workforce. They come to us ready to work, grow and shoulder responsibility.

We have a stronger future and company because of them.

a
\ MILLION

GIVEN BACK TO THE
COMMUNITY IN 2015

VOLUNTEERED BY APS EMPLOYEES

I

i

I'll\
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Beyond our employee base, our business relies on

partnerships with vendors and suppliers from across

Arizona and around the world. We see great value in

creating opportunities that promote an equal chance

for success, and in 2015 the Edison Electric Institute's

Supplier Diversity Executive Council recognized our

program's innovation and excellence. Last year, we

spent more than $395 million with diverse suppliers

_ the highest total in our pr<>ram's 23-year history.

The years ahead promise to bring change to the way

we do business, from the way our company generates

electricity, to how it flows to and from our customers,

and to the way our rates are structured to ensure fairness.

I have great optimism about these future changes

and challenges. Your company has the resources

and strengths to address them and flourish. We will

continue to be a driving force in the communities

we serve, nurture constructive relationships with

our regulators, and ensure a solid future for APS and

Pinnacle West by developing our leaders of tomorrow.

Thank you for your investment.

,4?2 t
DONALD E. BRANDT
CHAIRMAN, PRESIDENT AND

CHIEF EXECUTIVE OFFICER



I
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BOARD MEMBERS & OFFICERS

PINNACLE WEST
BOARD MEMBERS

P\NNACLE WEST OFFICERS MARK A. SCHIAVONI 2009 PATRICK DINKEL 1986

DONALD E. BRANDT 2002
Executive Vice President &

Chief Operating Officer

Vice President, Transmission &

Distribution Operations

DONALD E. BRANDT 2009 Chairman of the

Board, President &

Chief Executive Officer
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Chairman of the Board,

President & Chief Executive

Officer, Pinnacle West and APS

Vice President,
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Senior Vice President,
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Nuclear Generating Station
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BARBARA M. GOMEZ 1978Executive Vice President 81
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Human ResourcesSenior Vice President, Transmission,
JAMES R. HATFIELD 2008
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ROBERT s. AIKEN l9B6

Senior Vice President,

Public PolicyIndependent Business Consultant
Vice President, Federal Affairs JOHN s. HATFIELD 2010
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DENISE R. DANNER 2009
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Vice President, Controller 81
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Senior Vice President, Regulatory
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BRYAN KEARNEY 2014

ROY A HERBERGER, JR, PH.D. 1992

Vice President 8:
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LEE R. NICKLOY 2010

DWIGHT c.  MIMS doorPresident Emeritus, Thunderbird
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Vice President 8: Treasurer BARBARA D. LOCKWOOD 1999

Vice President, Regulation
DIANE WOOD 1998

DALE E. KLEIN, PH.D. 2010
Secretary

Senior Vice President, Regulatory
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ARIZONA PUBLIC SERVICE
OFFICERS
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Vice President,

Resource Management
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Chief Sustainability Officer LEE R. NICKLCY
DONALD E. BRANDT Vice President 8:Treasurer

JOHN J. CADOGAN 2009

Associate Director of the
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Chairman of the

Board, President 81

Chief Executive Oftlcer
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HUMBERTO s. LOPEZ 1995
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PUBLIC POLICY

Earlier this year we notified the Arizona Corporation Commission that we plan to file a request in

lune 2016 for an adjustment to our rates. If approved, the changes would likely take effect in 2017

Five years have passed since our last request

We have begun meeting with stakeholder to preview the issues that will be addressed in our filing

Long-time investors in Pinnacle 'West will recall that APS concluded its last two rate cases constructively

through settlement agreements. We always pursue an equitable and harmonious resolution of these

matters. However, we anticipate this year might be more contentious due to the expected participation

of the national rooftop solar leasing companies. These companies have a vested financial interest

in delay and a track record of disrupting regulatory proceedings across the country

*wn2 %29w~4



Retail electric sales (Gwen)

Total electric sales (Gwh)

Average retail revenue (per kph)

Generating capacity owned or leased - year-end (MW)

Generation output (Gwh)

System peak load (MW)

Electric customers - year-end

Employees - year-end

CAPITAL EXWENDITURES

OPERATING STATISTICS

Earnings per share - net income attributable to common shareholders

Indicated annual dividend - year-end

Stock price per share - year-end

Market capitalization - year-end

Common shares outstanding - year-end

$200

STOCK SUMMARY

PER SHARE HIGHLIGHTS (DILUTED)

$160

$120

(value of$100 invested as of Decen1ber 31, 2010, with dividends reinvested)

*C

(dollars and shares in millions, except per share amounts)

ST OCK PERFORM ANCE COM PARISON

•
o

PINNACLE WEST HIGHLIGHTS

....

•
•

O
9

2 7 , 9 5 1

3 4 , 2 9 1

11.'7B¢

6 ,186

2 7 , 4 5 2

7 ,031

1,190,242

6 , 4 0 7

$64.48

$7156

111.1

$1,060

$3 .92

$2.50

2 0 1 5

2 7 , 5 8 5

3 2 , 7 8 1

11.63a

6 , 4 2 6

2 6 , 9 2 2

7 , 0 0 7

1,174,760

6 , 3 6 6

$68 .31

$ 7 5 5 3

110.6

s3.58

$2.38

s883

2014

28 ,088

31,884

11.51¢

6,894

26,173

6,927

1,161,028

6.438
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s52.Q2

$5,831

110.2

53.66

s2.2'7

sQ86

2013

$80

•

o
PINNACLE WEST COMMON STOCK

EDISON ELECTQIC INSTITUTE INDEX

S&P too INDEX

$100

$100

$100

$122

$120

$102

$134

$122

$118

$145

$138

$157

$195

$178

$178

$191

s 171

$181 •

2010 2011 2012 2013 2014 2015
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CONDENSED CONSOLIDATED FINANCIAL STATEMENTS
(dollars in millions)

2015 2014 2013

Year EndedDecember 31,

CONDENSED CONSOLIDATED STATEMENTS OF INCOME

Operating revenues

Fuel and purchased power

Other operating expenses

Operat ing income

Net other income

Interest expense

Income taxes

Net income

Less: Net income attributable to no controlling interests

Net  income at t r ibutable to common shareholders

s3,496

[1,101]

[1,540]

8 5 5

18

[179]

[ 238 ]

4 5 6

19

$437

$ 3 , 4 9 2

[ 1 , 1 8 0 ]

( 1 , 5 0 1 )

8 1 1

1 9

[ 1 8 5 ]

[ 2 2 1 ]

4 2 4

2 6

$ 3 9 8

$ 3 , 4 5 5

[ 1 , 0 Q 6 ]

[ 1 5 1 8 ]

8 4 6

1 1

[ 1 8 7 ]

[ 2 3 0 ]

4 4 0

8 4

$ 4 0 6

December 31,

CONDENSED CONSOLIDATED BALANCE SHEETS

Assets

Current assets

Investments and other assets

Property, plant and equipment - net

Deferred debits

Total assets

5890

800

11,809

1.529

$15,028

$974

7 8 6

11,194

1 , 3 3 5

$14,289

$1,044

727

10,889

827

$13,487

Liabi l i t ies  and Equity

Current l iabil it ies,  excluding current maturit ies oblong-term debt

Long-term debt

Deferred credits and other

Total equity

Total l iabi l i t ies and equity

$1,085

3 , 8 2 0

5 , 4 0 4

4,719

$15,028

$1,176

3 , 3 9 0

5 , 2 0 4

4,519

$14,289

$1,078

8 ,315

4 , 7 5 3

4 , 3 4 1

$18,487

Year Ended December 31,

CONDENSED CONSOLIDATED STATEMENTS OF CASH FLOWS

Cash and cash equivalents at beginning of year

Net cash flow provided by operating activities

Net cash flow used for investing activities

Net cash flow provided by (used for) financing activities

Cash and cash equivalents at end of year

$8

1 , 0 9 4

[ L 0 6 6 ]

4

saO

$ 10

1 , 1 0 0

[ 9 2 3 ]

[179]

$ 8

$26

1,153

[1,00Q]

[160]

$10

Complete audited consolidated financial statements are included in our Annual Report on Form 10-K.

III
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FOLQWAQD-LOOKIN@ STATEMENTS

This report contains forward-looking statements based on current expectations. These forward-looking

statements are often identified by words such as "estimate," "predict," "may," "believe," "plan," "expect,"

"require," "intend," "assume" and similar words. Because actual results may differ materially from

expectations, we caution you not to place undue reliance on these statements. A number of factors could

cause future results to differ materially from historical results, or from outcomes currently expected or

sought by us. A discussion of some of these risks and uncertainties is contained in our Annual Report on

Form 10-K and is available on our website at pinnaclewest.com, which you should review carefully before

placing any reliance on our forward-looking statements, financial statements or disclosures. We assume

no obligation to update any forward-looking statements, even if our internal estimates change, except as

may be required by applicable law.
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GLOSSARY OF NAMES AND TECHNICAL TERMS

ac

ACC

ADEQ

AFUDC

ANPP

APS

ARO

BART

Base Fuel Rate

BCE

BHP Billiton

BNCC

CAISO

CCR

Cholla

dc

distributed energy systems

DOE

DOI

DOJ

DSM

DSMAC

EES

El Dorado

El Paso

EPA

FERC

Four Comers

GWh

kV

k p h

LFCR

MMBtu

MW

MW h

Native Load

Navajo Plant

NERC

NRC

NTEC

OCI

OSM

Palo Verde

Pinnacle West

PSA

RES

Salt River Project or SRP

SCE

SIB

TCA

VIE

Alternating Current

Arizona Corporation Commission

Arizona Department of Environmental Quality

Allowance for Funds Used During Construction

Arizona Nuclear Power Project, also known as Palo Verde

Arizona Public Service Company, a subsidiary of the Company

Asset retirement obligations

Best available retrofit technology

The portion of APS's retail base rates attributable to fuel and purchased power costs

Bright Canyon Energy Corporation, a subsidiary of the Company

BHP Billiton New Mexico Coal. Inc.

BHP Navajo Coal Company

California Independent System Operator

Coal combustion residuals

Cholla Power Plant

Direct Current

Small-scale renewable energy technologies that are located on customers' properties, such as rooftop solar
systems

United States Department of Energy

United States Department of the Interior

United States Department of Justice

Demand side management

Demand side management adjustment charge

Energy Efficiency Standard

El Dorado Investment Company, a subsidiary of the Company

El Paso Electric Company

United States Environmental Protection Agency

United States Federal Energy Regulatory Commission

Four Corners Power Plant

Gigawatt-hour, one billion watts per hour

Kilovolt, one thousand volts

Kilowatt-hour, one thousand watts per hour

Lost Fixed Cost Recovery Mechanism

One million British Thennal Units

Megawatt, one million watts

Megawatt-hour, one million watts per hour

Retail and wholesale sales supplied under traditional cost-based rate regulation

Navajo Generating Station

North American Electric Reliability Corporation

United States Nuclear Regulatory Commission

Navajo Transitional Energy Company, LLC

Other comprehensive income

Office of Surface Mining Reclamation and Enforcement

Palo Verde Nuclear Generating Station or PVNGS

Pinnacle West Capital Corporation (any use of the words "Company," "we," and "our" refer to Pinnacle West)

Power supply adjustor approvedby the ACC to provide for recovery or refund of variations in actual fuel and
purchased power costs compared with the Base Fuel Rate

Arizona Renewable Energy Standard and Tariff

Salt River Project Agricultural Improvement and Power District

Souther California Edison Company

System Improvement Benefits

Transmission cost adjustor

Variable interest entity
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FORWARD-LOOKING STATEMENTS

This document contains forward-looking statements based on current expectations. These forward-
looking statements are often identified by words such as "estimate," "predict," "may," "believe," "plan,"
"expect," "require," "intend," "assume" and similar words. Because actual results may differ materially from
expectations, we caution readers not to place undue reliance on these statements. A number of factors could
cause future results to differ materially from historical results, or from outcomes currently expected or sought
by Pinnacle West or APS. In addition to the Risk Factors described in Item lA and in Item 7 -
"Management's Discussion and Analysis of Financial Condition and Results of Operations," these factors
include, but are not limited to:

our ability to manage capital expenditures and operations and maintenance costs while maintaining
reliability and customer service levels,
variations in demand for electricity, including those due to weather, the general economy, customer and
sales growth (or decline), and the effects of energy conservation measures and distributed generation,
power plant and transmission system performance and outages,
competition in retail and wholesale power markets,
regulatory and judicial decisions, developments and proceedings,
new legislation or regulation, including those relating to environmental requirements, nuclear plant
operations and potential deregulation of retail electric markets,
fuel and water supply availability;
our ability to achieve timely and adequate rate recovery of our costs, including returns on and of debt and
equity capital investment,
our ability to meet renewable energy and energy efficiency mandates and recover related costs,
risks inherent in the operation of nuclear facilities, including spent fuel disposal uncertainty,
current and future economic conditions in Arizona, including in real estate markets,
the development of new technologies which may affect electric sales or delivery,
the cost of debt and equity capital and the ability to access capital markets when required,
environmental and other concerns surrounding coal-fired generation, including regulation of greenhouse
gas emissions,
volatile fuel and purchased power costs,
the investment performance of the assets of our nuclear decommissioning trust, pension, and other
postretirement benefit plans and the resulting impact on future funding requirements,
the liquidity of wholesale power markets and the use of derivative contracts in our business,
potential shortfalls in insurance coverage,
new accounting requirements or new interpretations of existing requirements,
generation, transmission and distribution facility and system conditions and operating costs,
the ability to meet the anticipated future need for additional generation and associated transmission
facilities in our region,
the willingness or ability of our counterparties, power plant participants and power plant land owners to
meet contractual or other obligations or extend the rights for continued power plant operations, and
restrictions on dividends or other provisions in our credit agreements and ACC orders.

These and other factors are discussed in the Risk Factors described in Item lA of this report, which
readers should review carefully before placing any reliance on our financial statements or disclosures. Neither
Pinnacle West nor APS assumes any obligation to update these statements, even if our internal estimates
change, except as required by law.

2
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PART I

ITEM 1. BUSINESS

Pinnacle West

Pinnacle West is a holding company that conducts business through its subsidiaries. We derive
essentially all of our revenues and earnings from our wholly-owned subsidiary, APS. APS is a vertically
integrated electric utility that provides either retail or wholesale electric service to most of the State of Arizona
with the major exceptions of about one-half of the Phoenix metropolitan area, the Tucson metropolitan area
and Mohave County in northwestern Arizona

Pinnacle West's other subsidiaries are El Dorado and BCE. Additional information related to these
subsidiaries is provided later in this report

Our reportable business segment is our regulated electricity segment, which consists of traditional
regulated retail and wholesale electricity businesses (primarily electric service to Native Load customers) and
related activities, and includes electricity generation, transmission and distribution

BUSINESS OF ARIZONA PUBLIC SERVICE COMPANY

APS currently provides electric service to approximately 1.2 million customers. We own or lease
6,186 MW of regulated generation capacity and we hold a mix of both long-term and short-term purchased
power agreements for additional capacity, including a variety of agreements for the purchase of renewable
energy. During 2015, no single purchaser or user of energy accounted for more than 1.3% of our electric
revenues



The following map shows APS's retail service territory, including the locations of its generating
facilities and principal transmission lines.
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Energy Sources and Resource Planning

To serve its customers, APS obtains power through its various generation stations and through
purchased power agreements. Resource planning is an important function necessary to meet Arizona's future
energy needs. APS's sources of energy by type used to supply energy to Native Load customers during 2015
were as follows:

Purchased Power -

Renewables: 5. l %

Purchased Power -

(`onvcnlionall: la. 1%

Renewables (mvncd)z

I .SOm

(iz1:;;()il: 18.5"11

Generation Faciljti_e§

APS has ownership interests in or leases the coal, nuclear, gas, oil and solar generating facilities
described below. For additional information regarding these facilities, see Item 2

Coal-Fueled Generating Facilities

Four Corners - Four Corners was originally a 5-unit coal-fired power plant, which is located in the
northwester corner of New Mexico. APS operates the plant and owns 100% of Four Corners Units l, 2 and 3
and 63% of Four Corners Units 4 and 5 following the acquisition of SCE's interest in Units 4 and 5 described
below. As of December 30, 2013, APS retired Units 1, 2 and 3. APS has a total entitlement from Four Corners
of 970 MW.

On December 30, 2013, APS purchased SCE's 48% interest in each of Units 4 and 5 of Four Comers
The final purchase price for SCE's interest was approximately $182 million. In connection with APS's most
recent retail rate case with the ACC, the ACC reserved the right to review the prudence of the Four Comers

5
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transaction for cost recovery purposes upon the closing of the transaction. On December 23, 2014, the ACC
approved rate adjustments related to APS's acquisition of SCE's interest in Four Corners resulting in a revenue
increase of $57.1 million on an annual basis. On February 23, 2015, the ACC decision approving the rate
adjustment was appealed. APS has intervened and is actively participating in the proceeding. The Arizona
Court of Appeals has suspended the appeal pending the Arizona Supreme Court's decision in the SIB matter
discussed in Note 3, which could have an effect on the outcome of this Four Corners proceeding. We cannot
predict when or how this matter will be resolved.

Concurrently with the closing of the SCE transaction, BHP Billiton, the parent company of BNCC, the
coal supplier and operator of the mine that serves Four Corners, transferred its ownership of BNCC to NTEC, a
company fanned by the Navajo Nation to own the mine and develop other energy projects. BHP Billiton will
be retained by NTEC under contract as the mine manager and operator until July 2016. Also occurring
concurrently with the closing, the Four Corners' co-owners executed a long-term agreement for the supply of
coal to Four Corners from July 2016, when the current coal supply agreement expires, through 2031 (the "2016
Coal Supply Agreement"). El Paso, a 7% owner in Units 4 and 5 of Four Corners, did not sign the 2016 Coal
Supply Agreement. Under the 2016 Coal Supply Agreement, APS has agreed to assume the 7% shortfall
obligation. On February 17, 2015, APS and El Paso entered into an asset purchase agreement providing for the
purchase by APS, or an affiliate ofAPS, of El Paso's 7% interest in each of Units 4 and 5 of Four Corners. The
cash purchase price, which will be subject to certain adjustments at closing, is immaterial in amount, and the
purchaser will assume El Paso's reclamation and decommissioning obligations associated with the 7% interest.
Completion of the purchase is subject to the receipt of certain regulatory approvals and is expected to occur in
July 2016 .

When APS, or an affiliate ofAPS, ultimately acquires El Paso's interest in Four Corners, NTEC has the
option to purchase the interest within a certain timeframe pursuant to an option granted by APS to NTEC. On
December 29, 2015, NTEC notified APS of its intent to exercise the option. APS is negotiating a definitive
purchase agreement with NTEC for the purchase of the 7% interest. The 2016 Coal Supply Agreement
contains alternate pricing terms for the 7% shortfall obligations in the event NTEC does not purchase the
interest.

EPA, in its final regional haze rule for Four Corners, required the Four Corners' owners to elect one of
two emissions alternatives to apply to the plant. On December 30, 2013, APS, on behalf of the co-owners,
notified EPA that they chose the alternative BART compliance strategy requiring the permanent closure of
Units 1, 2 and 3 by January 1, 2014 and installation and operation of SCR controls on Units 4 and 5 by July 31,
2018. On December 30, 2013, APS retired Units 1, 2 and 3.

The Four Corners plant site is leased from the Navajo Nation and is also subject to an easement from
the federal government. APS, on behalf of the Four Corners participants, negotiated amendments to an
existing facility lease with the Navajo Nation, which extends the Four Corners leasehold interest from 2016 to
2041. The Navajo Nation approved these amendments in March 201 l. The effectiveness of the amendments
also required the approval of the DOI, as did a related federal rights-of-way grant. A federal environmental
review was undertaken as part of the DOI review process and culminated in the issuance by the DOI of a
record of decision on July 17, 2015. The record of decision provided the authority for the Bureau of Indian
Affairs to sign the lease amendments and rights-of-way renewals, which occurred in late July 2015.

On December 21, 2015, several environmental groups tiled a notice of intent to sue with OSM and
other federal agencies under the Endangered Species Act alleging that OSM's reliance on the Biological
Opinion and Incidental Take Statement prepared in connection with the environmental review described above
were not in accordance with applicable law. We are monitoring this matter and will intervene if a lawsuit is
filed. We cannot predict the timing or outcome of this matter.
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In 2012, several environmental groups filed a lawsuit in federal district court against OSM challenging
OSM's 2012 approval of a penni revision which allowed for the expansion of mining operations into a new
area of the mine that serves Four Corners ("Area IV North"). In April 2015, the court issued an order
invalidating the permit revision, thereby prohibiting mining in Area IV North until OSM takes action to cure
the defect in its permitting process identified by the court. On December 29, 2015, OSM took action to cure
the defect in its permitting process by issuing a revised environmental assessment and finding of no new
significant impact, and reissued the permit. This action is subject to possible judicial review

Cholera - Cholla was originally a 4-unit coal-fired power plant, which is located in northeastern
Arizona. APS operates the plant and owns 100% of Cholla Units 1, 2 and 3. PacifiCorp owns Cholla Unit 4
and APS operates that unit for PacifiCorp. On September ll, 2014, APS announced that it would close its 260
MW Unit 2 at Cholla and cease burning coal at Units l and 3 by the mid-2020s if EPA approves a compromise
proposal offered by APS to meet required environmental and emissions standards and rules. On April 14
2015, the ACC approved APS's plan to retire Unit 2, without expressing any view on the future recoverability
ofAPS's remaining investment in the Unit. (See Note 3 for details related to the resulting regulatory asset and
Note 10 for details of the proposal.) APS believes that the environmental benefits of this proposal are greater
in the long tern than the benefits that would have resulted from adding the emissions control equipment. APS
closed Unit 2 on Gctober 1, 2015. Following the closure of Unit 2, APS has a total entitlement from Cholla of
387 MW

APS purchases all of Cholla's coal requirements from a coal supplier that mines all of the coal under
long-term leases of coal reserves with the federal and state governments and private landholders. The Cholla
coal contract runs through 2024. In addition, APS has a long-term coal transportation contract that runs
through 2017. See "Current and Future Resources - Future Resources and Resource Plan" below for a
discussion of future plans for Cholla

Navajo Generating Station - The Navajo Plant is a 3-unit coal-fired power plant located in northern
Arizona. Salt River Project operates the plant and APS owns a 14% interest in Navajo Units l, 2 and 3. APS
has a total entitlement from the Navajo Plant of 315 MW. The Navajo Plant's coal requirements are purchased
from a supplier with long-term leases from the Navajo Nation and the Hopi Tribe. The Navajo Plant is under
contract with its coal supplier through 2019, with extension rights through 2026. The Navajo Plant site is
leased from the Navajo Nation and is also subject to an easement from the federal government. The current
lease expires in 2019. See "Environmental Matters - EPA Environmental Regulation - Regional Haze Rules
Navajo Plant" below for a discussion of potential future plans for the Navajo Plant

These coal-fueled plants face uncertainties, including those related to existing and potential legislation
and regulation, that could significantly impact their economics and operations. See "Environmental Matters
below and "Management's Discussion and Analysis of Financial Condition and Results of Operations
Overview and Capital Expenditures" in Item 7 for developments impacting these coal-fueled facilities. See
Note 10 for infonnation regarding APS's coal mine reclamation obligations

Nuclear

Palo Verde Nuclear Generating Station __ Palo Verde is a 3-unit nuclear power plant located
approximately 50 miles west of Phoenix, Arizona. APS operates the plant and owns 29. 1% of Palo Verde
Units l and 3 and approximately 17% of Unit 2. In addition, APS leases approximately 12.1% of Unit 2
resulting in a 29.1% combined ownership and leasehold interest in that unit. APS has a total entitlement from
Palo Verde of 1.146 MW



Palo Verde Leases - In 1986, APS entered into agreements with three separate lessor trust entities in
order to sell and lease back approximately 42% of its share of Palo Verde Unit 2 and certain common facilities
The leaseback was originally scheduled to expire at the end of 2015 and contained options to renew the leases
or to purchase the leased property for fair market value at the end of the lease terns. On July 7, 2014, APS
exercised the fixed rate lease renewal options. The length of the renewal options resulted in APS retaining the
assets through 2023 under one lease and 2033 under the other two leases. At the end of the lease renewal
periods, APS will have the option to purchase the leased assets at their fair market value, extend the leases for
up to two years, or return the assets to the lessons. See Note 18 for additional information regarding the Palo
Verde Unit 2 sale leaseback transactions

Palo Wide Operating Licenses - Operation of each of the three Palo Verde Units requires an
operating license from the NRC. The NRC issued full power operating licenses for Unit 1 in June 1985, Unit 2
in April 1986 and Unit 3 in November 1987, and issued renewed operating licenses for each of the three units
in April 201 l, which extended the licenses for Units l, 2 and 3 to June 2045, April 2046 and November 2047
respectively

Palo Verde Fuel Cyele - The Palo Verde participants are continually identifying their future nuclear
fuel resource needs and negotiating arrangements to fill those needs. The fuel cycle for Palo Verde is
comprised of the following stages

mining and milling of uranium ore to produce uranium concentrates
conversion of uranium concentrates to uranium hexafluoride
enrichment of uranium hexafluoride
fabrication of fuel assemblies
utilization of fuel assemblies in reactors, and
storage and disposal of spent nuclear fuel

The Palo Verde participants have contracted for 100% of Palo Verde's requirements for uranium
concentrates and conversion services through 2018 and 45% of its requirements in 2019-2025. The
participants have also contracted for 100% of Palo Verde's enrichment services through 2020 and 20% of its
enrichment services for 2021-2026, and all of Palo Verde's fuel assembly fabrication services through 2022

Spent Nuclear Fuel and Waste Disposal - The Nuclear Waste Policy Act of 1982 ("NWPA") required
the DOE to accept, transport, and dispose of spent nuclear fuel and high level waste generated by the nation's
nuclear power plants by 1998. The DOE's obligations are reflected in a contract for Disposal of Spent Nuclear
Fuel and/orHigh-LevelRadioactive Waste (the "Standard Contract") with each nuclear power plant. The DOE
failed to begin accepting spent nuclear fuel by 1998. APS is directly and indirectly involved in several legal
proceedings related to DOE's failure to meet its statutory and contractual obligations regarding acceptance of
spent nuclear fuel and high level waste

APS Lawsuit for Breach ofStandard Contract In December 2003, APS, acting on behalf of itself
and the participant owners of Palo Verde, filed a lawsuit against DOE in the U.S. Court of Federal Claims for
damages incurred due to DOE's breach of the Standard Contract. The Court of Federal Claims ruled in favor
ofAPS and the Palo Verde participants in October 2010 and awarded $30.2 million in damages to APS and the
Palo Verde participants for costs incurred through December 2006

On December 19, 2012, APS, acting on behalf of itself and the participant owners of Palo Verde, filed a
second breach of contract lawsuit against the DOE. This lawsuit sought to recover damages incurred due to
DOE's failure to accept Palo Verde's spent nuclear fuel for the period beginning January 1, 2007 through
June 30, 2011. On August 18, 2014, APS and DOE entered into a settlement agreement, stipulating to a
dismissal of the lawsuit and payment of $57.4 million by DOE to the Palo Verde owners for certain specified



costs incurred by Palo Verde during the period January 1, 2007 through June 30, 2011. APS's share of this
amount is $16.7 million.

APS's first claim made pursuant to the terms of the August 18, 2014 settlement agreement, which was for
the period July 1, 2011 through June 30, 2014, was for $42.0 million (APS's share of this amount was $12.2
million), and payment was received on June 1, 2015. APS's second claim made pursuant to the terms of the August
18, 2014, settlement agreement, which was for the period July 1, 2014 through June 30, 2015, and was for $12.0
million (Aps's share of this amount is $3.6 million), was submitted to the DOE on November 2, 2015. The second
claim is presently being reviewed by DOE.

Amounts recovered in the lawsuit and settlement were recorded as adjustments to regulatory liability
and had no impact on current income.

The One-Mill  Fee - In 201 l, the National Association of Regulatory Utility Commissioners and the
Nuclear Energy Institute challenged DOE's 2010 determination of the adequacy of the one tenth of a cent per
kph fee (the "one-mill fee") paid by the nation's commercial nuclear power plant owners pursuant to their
individual obligations under the Standard Contract. This fee is recovered by APS in its retail rates. In
June 2012, the U.S. Court of Appeals for the District of Columbia Circuit (the "D.C. Circuit") held that DOE
failed to conduct a sufficient fee analysis in making the 2010 determination. The D.C. Circuit remanded the
2010 determination to the Secretary of the DOE ("Secretary") with instructions to conduct a new fee adequacy
determination within six months. In February 2013, upon completion of DOE's revised one-mill fee adequacy
determination, the D.C. Circuit reopened the proceedings. On November 19, 2013, the D.C. Circuit found that
the DOE did not conduct a legally adequate fee assessment and ordered the Secretary to notify Congress of his
intent to suspend collecting annual fees for nuclear waste disposal from nuclear power plant operators, as he is
required to do pursuant to the NWPA and the D.C. Circuit's order. On January 3, 2014, the Secretary notified
Congress of his intention to suspend collection of the one-mill fee, subject to Congress' disapproval. On May
16, 2014, the DOE notified all commercial nuclear power plant operators who are party to a Standard Contract
that it reduced the one-mill fee to zero, thus effectively terminating the one-mill fee.

DOE is Construction Authorization Applieationfor* Yueca Mountain _ The DOE had planned to meet
its NWPA and Standard Contract disposal obligations by designing, licensing, constructing, and operating a
permanent geologic repository at Yucca Mountain, Nevada. In June 2008, the DOE submitted its Yucca
Mountain construction authorization application to the NRC, but in March 2010, the DOE filed a motion to
dismiss with prejudice the Yucca Mountain construction authorization application. Several interested parties
have also intervened in the NRC proceeding. Additionally, a number of interested parties filed a variety of
lawsuits in different jurisdictions around the country challenging the DOE's authority to withdraw the Yucca
Mountain construction authorization application and NRC's cessation of its review of the Yucca Mountain
construction authorization application. The cases have been consolidated into one matter at the D.C. Circuit.
In August 2013, the D.C. Circuit ordered the NRC to resume its review of the application with available
appropriated times.

On October 16, 2014, the NRC issued Volume 3 of the safety evaluation report developed as part of the
Yucca Mountain construction authorization application. This volume addresses repository safety after
permanent closure, and its issuance is a key milestone in the Yucca Mountain licensing process. Volume 3
contains the staff's finding that the DOE's repository design meets the requirements that apply after the
repository is pennanently closed, including but not limited to the post-closure performance objectives in
NRC's regulations.

On December 18, 2014, the NRC issued Volume 4 of the safety evaluation report developed as part of
the Yucca Mountain construction authorization application. This volume covers administrative and
programmatic requirements for the repository. It documents the staff's evaluation of whether the DOE's
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research and development and performance confirmation programs, as well as other administrative controls
and systems, meet applicable NRC requirements. Volume 4 contains the staff's finding that most
administrative and programmatic requirements in NRC regulations are met, except for certain requirements
relating to ownership of land and water rights.

Publication of Volumes 3 and 4 does not signal whether or when the NRC might authorize construction
of the repository.

Waste Confidence ...- On June 8, 2012, the D.C. Circuit issued its decision on a challenge by several
states and environmental groups of the NRC's Rulemaking regarding temporary storage and permanent disposal
of high level nuclear waste and spent nuclear fuel. The petitioners had challenged the NRC's 2010 update to
the agency's Waste Confidence Decision and temporary storage rule ("Waste Confidence Decision").

The D.C. Circuit found that the agency's 2010 Waste Confidence Decision update constituted a major
federal action, which, consistent with the National Environmental Policy Act ("NEPA"), requires either an
environmental impact statement or a finding of no significant impact from the agency's actions. The D.C.
Circuit found that the NRC's evaluation of the environmental risks from spent nuclear fuel was deficient, and
therefore remanded the 2010 Waste Confidence Decision update for further action consistent with NEPA.

On September 6, 2012, the NRC Commissioners issued a directive to the NRC staff to proceed directly
with development of a generic environmental impact statement to support an updated Waste Confidence
Decision. The NRC Commissioners also directed the staff to establish a schedule to publish a final rule and
environmental impact study within 24 months of September 6, 2012.

In September 2013, the NRC issued its draft Generic Environmental Impact Statement ("GEIS") to
support an updated Waste Confidence Decision. On August 26, 2014, the NRC approved a final rule on the
environmental effects of continued storage of spent nuclear fuel. The continued storage rule adopted the
findings of the GEIS regarding the environmental impacts of storing spent fuel at any reactor site after the
reactor's licensed period of operations. As a result, those generic impacts do not need to be re-analyzed in the
environmental reviews for individual licenses. Although Palo Verde had not been involved in any licensing
actions affected by the D.C. Circuit's June 8, 2012, decision, the NRC lifted its suspension on final licensing
actions on all nuclear power plant licenses and renewals that went into effect when the D.C. Circuit issued its
June 2012 decision. The August 26th final rule has been subject to continuing legal challenges before the NRC
and the Court oflAppeals.

Palo Verde has sufficient capacity at its on-site independent spent fuel storage installation ("ISFSI") to
store all of the nuclear fuel that will be irradiated during the initial operating license period, which ends in
December 2027. Additionally, Palo Verde has sufficient capacity at its on-site ISFSI to store a portion of the
fuel that will be irradiated during the period of extended operation, which ends in November 2047. If
uncertainties regarding the United States government's obligation to accept and store spent fuel are not
favorably resolved, APS will evaluate alterative storage solutions that may obviate the need to expand the
ISFSI to accommodate all of the fuel that will be irradiated during the period of extended operation.

Nuclear Decommissioning Costs -APS currently relies on an external sinking fund mechanism to
meet the NRC financial assurance requirements for decommissioning its interests in Palo Verde Units l, 2 and
3. The decommissioning costs of Palo Verde Units 1, 2 and 3 are currently included in APS's ACC
jurisdictional rates. Decommissioning costs are recoverable through a non-bypassable system benefits charge
(paid by all retail customers taking service from the APS system). Based on current nuclear decommissioning
trust asset balances, site specific decommissioning cost studies, anticipated future contributions to the
decommissioning trusts, and return projections on the asset portfolios over the expected remaining operating
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life of the facility, we are on track to meet the current site specific decommissioning costs for Palo Verde at the
time the units are expected to be decommissioned. See Note 19 for additional information about APS's nuclear
decommissioning trusts.

Palo Verde Liability and Insurance Matters - See "Palo Verde Nuclear Generating Station - Nuclear
Insurance" in Note 10 for a discussion of the insurance maintained by the Palo Verde participants, including
APS, for Palo Verde.

Impact ofEartnquake and Tsunami in Japan on Nuclear Energy Industry - On March 11, 2011, an
earthquake measuring 9.0 on the Richter Scale occurred off the coast of Japan causing a series of seven
tsunamis. As a result, the Fukushima Daiichi Nuclear Power Station experienced severe damage.

Following the earthquake and tsunamis, the NRC established a task force to conduct a systematic and
methodical review of NRC processes and regulations to determine whether the agency should make additional
improvements to its regulatory system. On March 12, 2012, the NRC issued the first regulatory requirements
based on the recommendations of the Near Term Task Force. With respect to Palo Verde, the NRC issued two
orders requiring safety enhancements regarding: (1) mitigation strategies to respond to extreme natural events
resulting in the loss of power at the plant, and (2) enhancement of spent fuel pool instrumentation.

The NRC has issued a number of guidance documents regarding implementation of these requirements.
Palo Verde has met the NRC's imposed deadlines for installation of equipment to address these requirements,
but has minor additional work to perform in 2016. Palo Verde has spent approximately $125 million on capital
enhancements as of December 3 l, 2015 (APS's share is 29.l%).

Natural Gas and Oil Fueled Generating Facilities

APS has six natural gas power plants located throughout Arizona, consisting of Redhawk, located near
Palo Verde, Ocotillo, located in Tempe (discussed below), Sundance, located in Coolidge, West Phoenix,
located in southwest Phoenix, Saguaro, located north of Tucson, and Yucca, located near Yuma. Several of the
units at Yucca run on either gas or oil. APS has one oil-only power plant, Douglas, located in the town of
Douglas, Arizona. APS owns and operates each of these plants with the exception of one oil-only combustion
turbine unit and one oil and gas steam unit at Yucca that are operated by APS and owned by the Imperial
Irrigation District. APS has a total entitlement from these plants of 3,179 MW. Gas for these plants is
financially hedged up to three years in advance of purchasing and the gas is generally purchased one month
prior to delivery. APS has long-term gas transportation agreements with three different companies, some of
which are effective through 2024. Fuel oil is acquired under short-term purchases delivered primarily to West
Phoenix, where it is distributed to APS's other oil power plants by truck.

Ocotillo is a 330 MW 4-unit gas plant located in the metropolitan Phoenix area. In early 2014, APS
announced a project to modernize the plant, which involves retiring two older 110 MW steam units, adding
five 102 MW combustion turbines and maintaining two existing 55 MW combustion turbines. In total, this
increases the capacity of the site by 290 MW, to 620 MW, with completion targeted by summer 2019. APS
completed a competitive solicitation process in which the Ocotillo project was evaluated against other
alternatives. Consistent with the independent monitor's report, the Ocotillo project was selected as the best
alterative. APS must finalize the permitting process before construction begins.

Solar Facilities

To date, APS has begun operation of 170 MW of utility scale solar through its AZ Sun Program,
discussed below. These facilities are owned by APS and are located in multiple locations throughout Arizona.
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Additionally, APS owns and operates more than forty small solar systems around the state. Together
they have the capacity to produce approximately 4 MW of renewable energy. This fleet of solar systems
includes a 3 MW facility located at the Prescott Airport and l MW of small solar in various locations across
Arizona. APS has also developed solar photovoltaic distributed energy systems installed as part of the
Community Power Project in Flagstaff Arizona. The Community Power Project, approved by the ACC on
April l, 2010, is a pilot program through which APS owns, operates and receives energy from approximately l
MW of solar photovoltaic distributed energy systems located within a certain test area in Flagstaff; Arizona
Additionally, APS owns 12 MW of solar photovoltaic systems installed across Arizona through the ACC
approved Schools and Government Program

In December 2014, the ACC voted that it had no objection to APS implementing a 10 MWdc
(approximately 8.5 MWac) residential rooftop program. The first stage of the residential rooftop solar
program, called the "Solar Partner Program", is to be 8 MW followed by a 2 MW second stage that will only
be deployed if coupled with distributed storage. Under this program, APS will own, operate and maintain
approximately 1,500 residential systems. The program will target specific distribution feeders in an effort to
maximize potential system benefits, while employing multiple "use cases" that will lead to a better
understanding of the byproducts stemming from the multitude of complex technical interactions occurring as
distributed energy resources are employed on the APS grid

Purchased Power Contracts

In addition to its own available generating capacity, APS purchases electricity under various
arrangements, including long-term contracts and purchases through short-term markets to supplement its
owned or leased generation and hedge its energy requirements. A portion ofAPS's purchased power expense
is netted against wholesale sales on the Consolidated Statements of Income. (See Note 16.) APS continually
assesses its need for additional capacity resources to assure system reliability

Purchased Power Capacity - APS's purchased power capacity under long-term contracts as of
December 31, 2015 is summarized in the table below. All capacity values are based on net capacity unless
otherwise noted.

Dates Available Capacity (MW)

May 15 to September 15 annually through 2020

Summer seasons through October 2019

1`!P¢

Exchange Agreement (b)

Tolling Agreement

Demand Response Agreement (c)

.
Summer seasons through 2024

(a)

(b)

(<=)

<d>

Up to 60 MW of capacity is available; however, the amount of electricity available to APS
under this agreement is based in large part on customer demand and is adjusted armually
This is a seasonal capacity exchange agreement under which APS receives electricity during
the summer peak season (from May 15 to September 15) and APS returns a like amount of
electricity during the winter season (from October 15 to February 15)
The capacity under this agreement may be increased in 5 MW increments in each of 2015 and
2016 and 10 MW increments in years 2017 through 2024, up to a maximum of 50 MW
Renewable energy purchased power agreements are described in detail below under "Current
and Future Resources - Renewable Energy Standard - Renewable Energy Portfolio
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Current and Future Resources

Current Demand and Reserve Margin

Electric power demand is generally seasonal. In Arizona, demand for power peaks during the hot
summer months. APS's 2015 peak one-hour demand on its electric system was recorded on August 15, 2015 at
7,031 MW, compared to the 2014 peak of 7,007 MW recorded on July 23, 2014. APS's reserve margin at the
time of the 2015 peak demand, calculated using system load serving capacity, was 28%. Excluding certain
contractual rights to call on additional capacity on short notice, which APS may use in the event of unusual
weather or unplanned outages, the 2015 reserve margin was 21%. APS anticipates the reserve margin for 2016
will be approximately 24%. Due to expiring purchase contracts and anticipated load growth, APS anticipates
additional resources will be needed by 2017 in order to maintain its 15% planning reserve criteria.

Future Resources and Resource Plan

On May 8, 2015, the ACC acknowledged APS's 2014 resource plan. Under the ACC's resource
planning rule, APS's next resource plan would be due on April l, 2016. On September 16, 2015, however, the
ACC issued an order extending the timeframe for all utilities, including APS, to file their next resource plans.
The new schedule is designed to allow utilities additional time to consider the impacts of the Clean Power Plan
and improve the resource planning process by allowing more time for input and review by the ACC and
applicable stakeholders. Under the revised schedule, APS will file a preliminary resource plan on March l,
2016 and a final resource plan on April 3, 2017. The revised schedule provides that the ACC will complete its
review by February 1, 2018.

On September 11, 2014, APS announced that it would close Cholla Unit 2 and cease burning coal at the
other APS-owned units (Units 1 and 3) at the plant by the mid-2020s, if EPA approves a compromise proposal
offered by APS to meet required environmental and emissions standards and rules. On April 14, 2015, the
ACC approved APS's plan to retire Unit 2, without expressing any view on the future recoverability of APS's
remaining investment in the Unit. APS closed Unit 2 on October 1, 2015. Previously, APS estimated Cholla
Unit 2's end of life to be 2033. APS is currently recovering a return on and of the net book value of the unit in
base rates and plans to seek recovery of the unit's decommissioning and other retirement-related costs over the
remaining life of the plant in its next retail rate case. APS believes it will be allowed recovery of the remaining
net book value of Unit 2 ($l22 million as of December 31, 2015), in addition to a return on its investment. In
accordance with GAAP, in the third quarter of 2014, Unit 2's remaining net book value was reclassified from
property, plant and equipment to a regulatory asset. If the ACC does not allow full recovery of the remaining
net book value of Cholla Unit 2, all or a portion of the regulatory asset will be written off and APS's net
income, cash flows, and financial position will be negatively impacted.

Renewable Energy Standard

In 2006, the ACC adopted the RES. Under the RES, electric utilities that are regulated by the ACC
must supply an increasing percentage of their retail electric energy sales from eligible renewable resources,
including solar, wind, biomass, biogas and geothermal technologies. The renewable energy requirement is 6%
of retail electric sales in 2016 and increases annually until it reaches 15% in 2025. In APS's 2009 retail rate
case settlement agreement (the "2009 Settlement Agreement"), APS committed to have 1,700 GWh of new
renewable resources in service by year-end 2015 in addition to its RES renewable resource commitments. APS
met its settlement commitment and RES target for 2015.

A component of the RES is focused on stimulating development of distributed energy systems.
Accordingly, under the RES, an increasing percentage of that requirement must be supplied from distributed
energy resources. This distributed energy requirement is 30% of the overall RES requirement of 6% in 2016.
The following table summarizes the RES requirement standard (not including the additional commitment
required by the 2009 Settlement Agreement) and its timing:
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RES ask %Hof :Mil cl¢¢>t1'ic sales

Percent of RES to be supplied Hom distributed energy
resources

30% 30% 30%

In 2013, the ACC conducted a hearing to consider APS's proposal to establish compliance with

distributedenergyrequirements by tracing and recording distributed energy, rather than acquiring and retiring

renewable energy credits. On February 6, 2014, the ACC established a proceeding to modify the renewable

energy rules to establish a process for compliance with the renewable energy requirement that is not based

solely on the use of renewable energy credits. OnSeptember 9, 2014, the ACC authorized a Rulemaking

process to modify the RES rules. The proposed changes would permit the ACC to find that utilities have

complied with the distributed energy requirement in light of all available information. The ACC adopted these

changes on December 18, 2014. The revised rules went into effect on April 21, 2015

Renewable Energy Portfolio. To date,APS has a diverse portfolio of existing andplanned renewable
resources totaling 1,328 MW, including solar, wind, geothermal, biomass and biogas. Of this portfolio, 1,278
M W are currently in operation and 50 MW are under contract for development or are under construction
Renewable resources in operation include 189 MW of facilities owned by APS, 629 MW of long-term
purchased power agreements, and an estimated 427 MW of customer-sited, third-party owned distributed
energy resources

APS's strategy to achieve its RES requirements includes executing purchasedpowercontracts for new
facilities, ongoing development of distributed energy resources and procurement of new facilities to be owned
by APS. In September 2015, APS completedconsmction of its 170 MW AZ Sun Program. APS has invested

approximately $675 million in its AZ Sun Program. See Note3 for additional details about theAZ Sun

Program



The following table summarizes APS's renewable energy sources currently in operation and under

development. Agreements for the development and completion of future resources are subject to various

conditions, including successful siring, permitting and interconnection of the projects to the electric grid.

Location

Actual/
Target

Commercial
Operation

Date
Term

(Years)

Net
Capacity

In Operation
( M W AC)

Net Capacity
Planned/
Under

Development
( M W AC)

APSO'waned

Gila Bend, ....
Gin Bola, A;
Hyder, AZ
Hyper, AZ
Chino Valley, AZ
Hyper, AZ
Yuma, AZ
G i a  n m .  A ;
Glendale,

B"¢¢l¢¢ye, AZI

2011
zaax
2011
2012
2012
2013
2013
2014
2015
2815

17

AZ Various

5
19
14
35
32
10
18

170
4

Solar:
AZ Sun Program:
Paloma
Cotton Counter
Hyder Phase 1
Hyper Phase 2
Chino Valley
Hyper II
Foothills
Gila Bend
Luke AFB
Dwean Star

Subtotal AZ Sun Program
Multiple Facilities
Distributed Energy:

ANSOwned(a)
Total APS Owned
PnrehalsedPower Agreement;
Solar:

AZ Variewns 15
189

9 (»=>

3 9
25
3 9
30
3 9

zsSalina
RE Ajo
SUB E AZ 1
Saddle Mountain

Bwisw
Gillespie

G m  n m  A Z
Ago, AZ
P r a m  A Z  §
Tonopah, AZ

Tonopah, As l

Maricopa County, AZ

2913
2011
2011
2012
Z e n

2013

w
15
1 5

Santa Rosa, NM
Mwntaimtir, NM
Williams. AZ

2006
2089
2012

20
38
25

90
Jan
99

Imperial County, CA 2006

i
Snowflake.... 2008

Glendale, AZ
WII1PYM, AZ

I

4
2010
2812

20
29

3
3

629

A Z
Bagdad, AZ
A Z

Various
2011

2811-2012

427 41

Win al
AragonneMesa
High Lcmesomne
Perrin Ranch Wind

GeoIherm».a8:
Salton Sea

Biomass:
Snowflake

Biogas:
Glendale Landfill
no www wane

Total Purchased Power Agreements

DistributlbtiE*1l°l'£5'
Solar (b)

Third-puny Dwnwd
Agreement l
Agreement 2

Total Distributed Energy
TotalRenewable Portfolio

3

4
I

25
29-21 18

460
1,278

41
so
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(a)

(b)

(<=)

Includes Flagstaff Community Power Project, APS School and Government Program and APS
Solar Partner Program.
Includes rooftop solar facilities owned by third parties. Distributed generation is produced in DC
and is converted to AC for reporting purposes.
This amount represents the Solar Partner Program consisting of approximately 1,500 APS-owned
rooftop solar systems. We are in the process of installing these systems and expect all to be
installed and operational by mid-2016, at which time the 9 MW will be considered "in operation"
for purposes of this table.

Demand Side Management

In December 2009, Arizona regulators placed an increased focus on energy efficiency and other
demand side management programs to encourage customers to conserve energy, while incentivizing utilities to
aid in these efforts that ultimately reduce the demand for energy. The ACC initiated its Energy Efficiency
Rulemaking, with a proposed Energy Eliiciency Standard ("EES") of 22% cumulative annual energy savings by
2020. This standard was adopted and became effective on January 1, 2011. This standard will likely impact
Arizona's future energy resource needs. (See Note 3 for energy efficiency and other demand side management
obligations).

Government Awards

Through various DOE initiatives, the Federal government made a number of programs available for
utilities to develop renewable resources, improve reliability and create jobs. In 2015, APS completed its work
on a $3 million financial award for a high penetration photovoltaic generation study related to the Community
Power Project in Flagstaff; Arizona.

Competitive Environment and Regulator Oversight

Retail

The ACC regulates APS's retail electric rates and its issuance of securities. The ACC must also
approve any significant transfer or encumbrance ofAPS's property used to provide retail electric service and
approve or receive prior notification of certain transactions between Pinnacle West, APS and their respective
affiliates.

APS is subject to varying degrees of competition tram other investor-owned electric and gas utilities in
Arizona (such as Southwest Gas Corporation), as well as cooperatives, municipalities, electrical districts and
similar types of governmental or non-profit organizations. In addition, some customers, particularly industrial
and large commercial customers, may own and operate generation facilities to meet some or all of their own
energy requirements. This practice is becoming more popular with customers installing or having installed
products such as rooftop solar panels to meet or supplement their energy needs.

On April 14, 2010, the ACC issued a decision holding that solar vendors that install and operate solar
facilities for non-profit schools and governments pursuant to a specific type of contract that calculates
payments based on the energy produced are not "public service corporations" under the Arizona Constitution,
and are therefore not regulated by the ACC. APS cannot predict when, and the extent to which, additional
electric service providers will enter or re-enter APS's service territory.

In 1999, the ACC approved mies for the introduction of retail electric competition in Arizona. As a
result, as of January 1, 2001, all ofAPS's retail customers were eligible to choose alternate energy suppliers.
Although some very limited retail competition existed in APS's service tem'tory in 1999 and 2000, there are
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currently no active retail competitors offering unbundled energy or other utility services to APS's customers
In 2000, the Arizona Superior Court found that the rules were in part unconstitutional and in other respects
unlawful, the latter finding being primarily on procedural grounds, and invalidated all ACC orders authorizing
competitive electric services providers to operate in Arizona. In 2004, the Arizona Court of Appeals
invalidated some, but not all of the rules and upheld the invalidation of the orders authorizing competitive
electric service providers. In 2005, the Arizona Supreme Court declined to review the Court of Appeals
decision

In 2008, the ACC directed the ACC staff to investigate whether such retail competition was in the
public interest and what legal impediments remain to competition in light of the Court of Appeals' decision
referenced above. The ACC staff's report on the results of its investigation was issued on August 12, 2010
The report stated that additional analysis, discussion and study of all aspects of the issue are required in order
to perform a proper evaluation. While the report did not make any specific recommendations other than to
conduct more workshops, the report did state that the current retail electric competition rules are incomplete
and in need of modification

On May 9, 2013, the ACC voted to re-examine the facilitation of a deregulated retail electric market in
Arizona. The ACC subsequently opened a docket for this matter and received comments from a number of
interested parties on the considerations involved in establishing retail electric deregulation in the state. One of
these considerations was whether various aspects of a deregulated market, including setting utility rates on a

market" basis, would be consistent with the requirements of the Arizona Constitution. On September ll
2013, after receiving legal advice from the ACC start; the ACC voted 4-1 to close the current docket and await
full Arizona Constitutional authority before any further examination of this matter. The motion approved by
the ACC also included opening one or more new dockets in the future to explore options to offer more rate
choices to customers and innovative changes within the existing cost-of-service regulatory model that could
include elements of competition. The ACC opened a docket on November 4, 2013 to explore technological
advances and innovative changes within the electric utility industry. A series of workshops in this docket were
held in 2014 and another in February of 2015. No further workshops are scheduled and no actions were taken
as a result of these workshops

On January 28, 2016, an ACC Commissioner, Robert L. Bums, sent APS a Notice of Investigation
pursuant to an Arizona statute that authorizes a Commissioner and his agents to inspect the accounts, books
papers and documents of any public service corporation, and examine under oath any officer, agent or
employee of such corporation in relation to the business and affairs of the corporation. The Notice states that
Commissioner Bums intends to investigate whether APS has used funds recoverable from ratepayers for
political contributions, lobbying, or charitable donations purposes, whether APS's corporate affiliates have
made contributions or donations under APS' brand name, and the degree to which APS and Pinnacle West are

intertwined" in temps of organization, management and operations. APS intends to cooperate with this
investigation to the full extent that the matter is lawfully authorized, but cannot predict its timing or outcome

Wholesale

FERC regulates rates for wholesale power sales and transmission services. (See Note 3 for information
regarding APS's transmission rates.) During 2015, approximately 5.2% ofAPS's electric operating revenues
resulted from such sales and services. APS's wholesale activity primarily consists of managing fuel and
purchased power supplies to serve retail customer energy requirements. APS also sells, in the wholesale
market, its generation output that is not needed for APS's Native Load and, in doing so, competes with other
utilities, power marketers and independent power producers. Additionally, subject to specified parameters
APS hedges both electricity and fuels. The majority of these activities are undertaken to mitigate risk in APS's
portfolio
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Environmental Matters

Climate Change

Legislative I n i t i a t i v e s . There have been no recent a t t emp t s  b y Congress to pass legislation that would
regulate greenhouse gas ("GHG") emissions, and it is unclear whether the ll41" Congress will consider a
climate change bill. In the event climate change legislation ultimately passes, the actual economic and
operational impact of such legislation on APS depends on a variety of factors, none of which can be fully
known until a law is enacted and the specifics of the resulting program are established. These factors include
the terms of the legislation with regard to allowed GHG emissions, the cost to reduce emissions, in the event a
cap-and-trade program is established, whether any permitted emissions allowances will be allocated to source
operators free of cost or auctioned (and, if so, the cost of those allowances in the marketplace) and whether
offsets and other measures to moderate the costs of compliance will be available, and, in the event of a carbon
tax, the amount of the tax per pound of carbon dioxide ("CON") equivalent emitted

In addition to federal legislative initiatives, state-specific initiatives may also impact our business
While Arizona has no pending legislation and no proposed agency rule regulating GHGs in Arizona, the
California legislature enacted AB 32 and SB 1368 in 2006 to address GHG emissions. In October 201 l, the
California Air Resources Board approved final regulations that established a state-wide cap on GHG emissions
beginning on January l, 2013 and established a GHG allowance trading program under that cap. The first
phase of the program, which applies to, among other entities, importers of electricity, commenced on
January l, 2013. Under the program, entities selling electricity into California, including APS, must hold
carbon allowances to cover GHG emissions associated with electricity sales into California from outside the
state. APS is authorized to recover the cost of these carbon allowances through the PSA

Reg u l a t o r y  I n i t i a t i v e s . In 2009, EPA determined that GHG emissions endanger public health and
welfare. As a result of this "endangerment finding," EPA determined that the Clean Air Act required new
regulatory requirements for new and modified major GHG emitting sources, including power plants. APS will
generally be required to consider the impact of GHG emissions as part of its traditional New Source Review
("NSR") analysis for new major sources and major modifications to existing plants

On June 2, 2014, EPA issued two proposed rules to regulate GHG emissions from modified and
reconstructed electric generating units ("EGUs") pursuant to Section 11l(b) of the Clean Air Act and existing
fossil filet-fired power plants pursuant to Clean Air Act Section l1l(d). On August 3, 2015, EPA finalized each
of these carbon pollution standards for existing, new, modified, and reconstructed EGUs

EPA's final rules require newly built fossil fuel-fired EGUs, along with those undergoing modification
or reconstruction, to meet CON performance standards based on a combination of best operating practices and
equipment upgrades. EPA established separate perfonnance standards for two types of EGUs: stationary
combustion turbines, typically natural gas, and electric utility steam generating units, typically coal

with respect to existing power plants, EPA's recently finalized "Clean Power Plan" imposes state
specific goals or targets to achieve reductions in CON emission rates from existing EGUs measured from a
2012 baseline. In a significant change from the proposed rule, EPA's final performance standards apply
directly to specific units based upon their fuel-type and configuration (i.e., coal- or oil-fired steam plants
versus combined cycle natural gas plants). As such, each state's goal is an emissions performance standard
that reflects the fuel mix employed by the EGUs in operation in those states. The final rule provides guidelines
to states to help develop their plans for meeting the interim (2022-2029) and final (2030 and beyond) emission
performance standards, with three distinct compliance periods within that timeframe. States were originally
required to submit their plans to EPA by September 2016, with an optional two-year extension provided to



states establishing a need for additional time, however, it is expected that this timing will be impacted by the

court-imposed stay described below.

ADEQ, with input from a technical working group comprised of Arizona utilities and other
stakeholders, is presently working to develop a compliance plan for submittal to EPA. In addition to these on-
going state proceedings, EPA has taken public comments on proposed model mies and a proposed federal
compliance plan, which included consideration as to how the Clean Power Plan will apply to EGUs on tribal
land such as the Navajo Nation.

The legality of the Clean Power Plan is being challenged in the U.S. Court of Appeals for the D.C.

Circuit, the parties raising this challenge include, among others, the ACC. On February 9, 2016, the U.S.

Supreme Court granted a stay of the Clean Power Plan pending judicial review of the rule, which temporarily

delays compliance obligations under the Clean Power Plan. We cannot predict the extent of such delay.

With respect to our Arizona generating units, we are currently evaluating the range of compliance
options available to ADEQ, including whether Arizona deploys a rate- or mass-based compliance plan. Based
on the fuel-mix and location of our Arizona EGUs, and the significant investments we have made in renewable
generation and demand-side energy efficiency, ifADEQ selects a rate-based compliance plan, we believe that
we will be able to comply with the Clean Power Plan for our Arizona generating units in a manner that will not
have material financial or operational impacts to the Company. On the other hand, if ADEQ selects a mass-
based approach to compliance with the Clean Power Plan, our annual cost of compliance could be material.
These costs could include costs to acquire mass-based compliance allowances.

As to our facilities on the Navajo Nation, EPA has yet to determine whether or to what extent EGUs on
the Navajo Nation will be required to comply with the Clean Power Plan. EPA has proposed to determine that
it is necessary or appropriate to impose a federal plan on the Navajo Nation for compliance with the Clean
Power Plan. In response, we filed comments with EPA advocating that such a federal plan is neither necessary
nor appropriate to protect air quality on the Navajo Nation. If EPA reaches a determination that is consistent
with our preferred approach for the Navajo Nation, we believe the Clean Power Plan will not have material
financial or operational impacts on our operations within the Navajo Nation.

Alternatively, if EPA determines that a federal plan is necessary or appropriate for the Navajo Nation,
and depending on our need for future operations at our EGUs located there, we may be unable to comply with
the federal plan unless we acquire mass-based allowances or emission rate credits within established carbon
trading markets, or curtail our operations. Subject to the uncertainties set forth below, and assuming that EPA
establishes a federal plan for the Navajo Nation that requires carbon allowances or credits to be surrendered for
plan compliance, it is possible we will be required to purchase some quantity of credits or allowances, the cost
of which could be material.

Because ADEQ has not issued its plan for Arizona, and because we do not know whether EPA will
decide to impose a plan or, if so, what that plan will require, there are a number of uncertainties associated with
our potential cost exposure. These uncertainties include: whether judicial review will result in the Clean
Power Plan being vacated in whole or in part or, if not, the extent of any resulting compliance deadline delays,
whether any plan will be imposed for EGUs on the Navajo Nation, the future existence and liquidity of
allowance or credit compliance trading markets, the applicability of existing contractual obligations with
current and former owners of our participant-owned coal-fired EGUs, the type of federal or state compliance
plan (either rate- or mass-based), whether or not the trading of allowances or credits will be authorized
mechanisms for compliance with any final EPA or ADEQ plan, and how units that have been closed will be
treated for allowance or credit allocation purposes.
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In the event that the incurrence of compliance costs is not economically viable or prudent for our
operations in Arizona or on the Navajo Nation, or if we do not have the option of acquiring allowances to
account for the emissions from our operations, we may explore other options, including reduced levels of
output, as an alternative to purchasing allowances. Given these uncertainties, our analysis of the available
compliance options remains on-going, and additional information or considerations may arise that change our
expectations.

Company Response to Climate Change Initiatives. We have undertaken a number of initiatives that
address emission concerns, including renewable energy procurement and development, promotion of programs
and rates that promote energy conservation, renewable energy use, and energy efficiency. (See "Energy
Sources and Resource Planning - Current and Future Resources" above for details of these plans and
initiatives.) APS currently has a diverse portfolio of renewable resources, including solar, wind, geothermal,
biogas, and biomass, and we expect the percentage of renewable energy in our resource portfolio to increase
over the coming years.

APS prepares an inventory of GHG emissions from its operations. This inventory is reported to EPA
under the EPA GHG Reporting Program and is voluntarily communicated to the public in Pinnacle West's
annual Corporate Responsibility Report, which is available on our website (www.pinnaclewest.com). The
report provides information related to the Company and its approach to sustainability and its workplace and
environmental performance. The information on Pinnacle West's website, including the Corporate
Responsibility Report, is not incorporated by reference into or otherwise a part of this report.

EPA Environmental Regulation

Regional Haze Rules. In 1999, EPA announced regional haze rules to reduce visibility impairment in
national parks and wilderness areas. The rules require states (or, for sources located on tribal land, EPA) to
determine what pollution control technologies constitute the BART for certain older major stationary sources,
including fossil-fired power plants. EPA subsequently issued the Clean Air Visibility Rule, which provides
guidelines on how to perform a BART analysis.

The Four Comers and Navajo Plant participants' obligations to comply with EPA's final BART
determinations (and Cholla's obligations to comply with ADEQ's and EPA's determinations), coupled with the
financial impact of potential future climate change legislation, other environmental regulations, and other
business considerations, could jeopardize the economic viability of these plants or the ability of individual
participants to continue their participation in these plants.

Cholla. In 2007, ADEQ required APS to perform a BART analysis for Cholla pursuant to the Clean
Air Visibility Rule. APS completed the BART analysis for Cholla and submitted its BART recommendations
to ADEQ in early 2008. The recommendations include the installation of certain pollution control equipment
that APS believes constitutes BART. ADEQ reviewed APS's recommendations and submitted its proposed
BART State Implementation Plan ("SIP") for Cholla and other sources in Arizona in early 201 l.

Gn December 5, 2012, EPA issued a final BART rule applicable to Cholla. EPA approved ADEQ's
BART emissions limits for sulfur dioxide ("SO2") and emissions of particulate matter ("PM"), but added a SON
removal efficiency requirement of 95%. In addition, EPA disapproved ADEQ's BART detenninations for
oxides of nitrogen ("NOX") and promulgated a Federal Implementation Plan ("FIP") establishing a new, more
stringent "bubbled" NOt emission rate applicable to the two BART-eligible Cholla units owned by APS and
the other BART-eligible unit owned by PacifiCorp.

APS believes that EPA's final rule as it applies to Cholla, which would require installation of SCR
controls with a cost to APS of approximately $100 million (excludes costs related to Cholla Unit 2 which was
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closed on October 1, 2015), is unsupported and that EPA had no basis for disapproving Arizona's SIP and
promulgating a FIP that is inconsistent with the state's considered BART determinations under the regional
haze program. Accordingly, on February 1, 2013, APS filed a Petition for Review of the final BART rule in
the United States Court of Appeals for the Ninth Circuit. Briefing in the case was completed in February 2014

In September 2014, APS met with EPA to propose a compromise BART strategy wherein, pending
certain regulatory approvals, APS would permanently close Cholla Unit 2 (which occurred on October 1, 2015)
and cease burning coal at Units 1 and 3 by the mid-2020s. (See Note 3 for details related to the resulting
regulatory asset.) APS made the proposal with the understanding that additional emission control equipment
is unlikely to be required in the future because retiring and/or converting the units as contemplated in the
proposal is more cost effective than, and will result in increased visibility improvement over, the current BART
requirements for NOx imposed on the Cholla units under EPA's BART FIP. APS's proposal involves state and
federal Rulemaking processes. In light of these ongoing administrative proceedings, on February 19, 2015
APS, PacifiCorp (owner of Cholla Unit 4), and EPA jointly moved the court to sever and hold in abeyance
those claims in the litigation pertaining to Cholla pending regulatory actions by the state and EPA. The court
granted the parties' unopposed motion on February 20, 2015. On October 16, 2015, ADEQ issued the Cholla
permit, which incorporates APS's proposal, and subsequently submitted a proposed revision to the SIP to the
EPA, which would incorporate the new permit terms. APS is unable to predict when or whether APS's
proposal may ultimately be approved by the EPA

Four Corners. On August 6, 2012, EPA issued its final BART determination for Four Corners, which
requires APS to install and operate SCR control technology on Units 4 and 5 by July 31, 2018. (APS retired
Four Corners Units 1-3 on December 30, 2013.) APS estimates that its 63% share of the cost of these controls
for Four Comers Units 4 and 5 would be approximately $400 million. In addition, APS and El Paso entered
into an asset purchase agreement providing for the purchase by APS, or an affiliate ofAPS, of El Paso's 7%
interest in Four Corners Units 4 and 5. Completion of the purchase is subject to the receipt of certain
regulatory approvals and is expected to occur in July 2016. In December 2015, NTEC notified APS of its
intention to exercise its option to acquire the 7% interest from APS. The cost of the controls related to the 7%
interest is approximately $45 million, which will be assumed by the ultimate owner of the 7% interest

Navajo Plant. On January 18, 2013, EPA issued a proposed BART rule for the Navajo Plant, which
would require installation of SCR technology in order to achieve a new, more stringent plant-wide NO
emission limit. In addition, EPA proposed a "better than BART" alternative and solicited comment on other
options that could set longer time frames for installing pollution controls if the Navajo Plant can achieve
additional emission reductions. On July 26, 2013, a group of stakeholders, including SRP, the operating agent
for the Navajo Plant, submitted to EPA two suggested alternatives to BART, which would achieve greater NO
emission reductions and result in greater reasonable progress toward the national visibility goal than EPA's
proposed BART determination. On July 28, 2014, EPA issued a final Navajo Plant BART rule approving the
alterative stakeholder plan. Depending on which alternate operating scenario the Navajo Plant participants
ultimately select, the required NOt emission reductions could be achieved by either closing one of the three
750 MW units at the plant or curtailing energy production across all three units, such that the emission
reductions are commensurate with the closure of approximately one of the Navajo Plant units. APS estimates
that its share of costs for upgrades at the Navajo Plant, based on EPA's FIP, could be up to approximately $200
million. In October 2014, a coalition of environmental groups, an Indian tribe, and others filed petitions for
review in the United States Court oflAppeals for the Ninth Circuit asking the Court to review EPA's final
BART rule for the Navajo Plant. We cannot predict the outcome of this petition

Mercury and other Hazardous Air Pollutants. In 201 l, EPA issued rules establishing maximum
achievable control technology standards to regulate emissions of mercury and other hazardous air pollutants
from fossil-fired plants. APS estimates that the cost for the remaining equipment necessary to meet these
standards is approximately $8 million for Cholla (excluding costs related to Cholla Unit 2, which was closed
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on October 1, 2015). No additional equipment is needed for Four Comers Units 4 and 5 to comply with these
rules. SRP, the operating agent for the Navajo Plant, estimates that APS's share of costs for equipment
necessary to comply with the rules is approximately $1 million. The United States Supreme Court's recent
decision in Michigan vs. EPA reversed and remanded the MATS proceeding back to the DC Circuit Court. The
Circuit Court then remanded the MATS rule back to EPA to address Rulemaking deficiencies identified by the
Supreme Court. Further EPA action on the MATS rule is pending. This proceeding does not materially impact
APS. Regardless of how EPA addresses the deficiencies in the MATS Rulemaking, the Arizona State Mercury
Rule, the stringency of which is roughly equivalent to that of MATS, would still apply to Cholla

Coal Combustion Waste. On December 19, 2014, EPA issued its Final regulations governing the
handling and disposal of coal combustion residuals ("CCR"), such as fly ash and bottom ash. The rule
regulates CCR as a non-hazardous waste under Subtitle D of the Resource Conservation and Recovery Act
("RCRA") and establishes national minimum criteria for existing and new CCR landfills and surface
impoundments and all lateral expansions consisting of location restrictions, design and operating criteria
groundwater monitoring and corrective action, closure requirements and post closure care, and recordkeeping
notification, and Internet posting requirements. The rule generally requires any existing unlined CCR surface
impoundment that is contaminating groundwater above a regulated constituent's groundwater protection
standard to stop receiving CCR and either retrofit or close, and further requires the closure of any CCR landfill
or surface impoundment that cannot meet the applicable performance criteria for location restrictions or
structural integrity

Because the Subtitle D rule is self-implementing, the CCR standards apply directly to the regulated
facility, and facilities are directly responsible for ensuring that their operations comply with the rule's
requirements. While EPA has chosen to regulate the disposal of CCR in landfills and surface impoundments as
non-hazardous waste under the final rule, the agency makes clear that it will continue to evaluate any risks
associated with CCR disposal and leaves open the possibility that it may regulate CCR as a hazardous waste
under RCRA Subtitle C in the future

APS currently disposes of CCR in ash ponds and dry storage areas at Cholla and Four Corners. APS
estimates that its share of incremental costs to comply with the CCR rule for Four Corners is approximately
$15 million, and its share of incremental costs for Cholla is approximately $85 million. The Navajo Plant
currently disposes of CCR in a dry landfill storage area. APS estimates that its share of incremental costs to
comply with the CCR rule for the Navajo Plant is approximately $1 million

Ejyluent Limitation Guidelines. On September 30, 2015, EPA Finalized revised effluent limitation
guidelines establishing technology-based wastewater discharge limitations for fossil-fired EGUs. EPA's final
regulation targets metals and other pollutants in wastewater streams originating from fly ash and bottom ash
handling activities, scrubber activities, and coal ash disposal leachate. Based upon an earlier set of preferred
alternatives, the final effluent limitations generally require chemical precipitation and biological treatment for
flue gas desulfurization scrubber wastewater, "zero discharge" from fly ash and bottom ash handling, and
impoundment for coal ash disposal leachate. Compliance with these limitations will be required in connection
with National Pollution Discharge Elimination System ("NPDES") discharge permit renewals, which occur in
five-year intervals, that arise between 2018 and 2023. Until a draft NPDES permit for Four Comers is
proposed during that timeframe, we are uncertain what will be required to control these discharges in
compliance with the finalized effluent limitations at that facility. Cholla and the Navajo Plant do not require
NPDES permitting

Ozone NationaIAmbientAir Quality Standards. On October 1, 2015, EPA finalized revisions to the
primary ground-level ozone national ambient air quality standards ("NAAQS") at a level of 70 parts per billion
("ppb"). with ozone standards becoming more stringent, our fossil generation units will come under
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increasing pressure to reduce emissions of nitrogen oxides and volatile organic compounds, and to generate
emission offsets for new projects or facility expansions located in ozone nonattainment areas. EPA is expected
to designate attainment and nonattainment areas relative to the new 70 ppb standard by October l, 2017
Depending on when EPA approves attainment designations for the Arizona and Navajo Nation jurisdictions in
which our fossil generation units are located, revisions to SIPs and FIPs, respectively, implementing required
controls to achieve the new 70 ppb standard are expected to be in place between 2020 and 2021. At this time
because proposed SIPs and FIPS implementing the revised ozone NAAQSs have yet to be released, APS is
unable to predict what impact the adoption of these standards may have on the Company. APS will continue to
monitor these standards as they are implemented within the jurisdictions affecting APS

Clean Air Aet Citizen Lawsuit. On October 4, 201 l, Earthjustice, on behalf of several environmental
organizations, filed a lawsuit in the United States District Court for the District of New Mexico against APS
and the other Four Corners participants alleging violations of the NSR provisions of the Clean Air Act
Subsequent to tiling its original Complaint, on January 6, 2012, Earthjustice filed a First Amended Complaint
adding claims for violations of the Clean Air Act's New Source Performance Standards ("NSPS") program
The case was held in abeyance while APS negotiated a settlement with DOJ and environmental plaintiffs. In
March 2015, the parties agreed in principle to settle the case, and on June 24, 2015, DOJ lodged the proposed
consent decree with the United States District Court for the District of New Mexico. On August 17, 2015, the
consent decree was entered by the district court

The settlement requires installation of pollution control technology and implementation of other
measures to reduce sulfur dioxide and nitrogen oxide emissions from the two Four Corners units, although
installation of much of this equipment was already planned in order to comply with EPA's Regional Haze Rule
requirements. The settlement also requires the Four Corners co-owners to pay a civil penalty of $1.5 million
and spend $6.7 million for certain environmental mitigation projects to benefit the Navajo Nation. APS is
responsible for 15 percent of these costs based on its ownership interest in the units at the time of the alleged
violations, which does not result in a material impact on our financial position, results of operations or cash
flows.

Superfund-Related Matters. The Comprehensive Environmental Response Compensation and
Liability Act ("Superfund") establishes liability for the cleanup of hazardous substances found contaminating
the soil, water or air. Those who generated, transported or disposed of hazardous substances at a contaminated
site are among those who are potentially responsible parties ("PRPs"). PRPs may be strictly, and often are
jointly and severally, liable for clean-up. On September 3, 2003, EPA advised APS that EPA considers APS to
be a PRP in the Motorola 52"" Street Superfund Site, Operable Unit 3 ("OU3") in Phoenix, Arizona. APS has
facilities that are within this Superfund site. APS and Pinnacle West have agreed with EPA to perform certain
investigative activities of the APS facilities within OUT. In addition, on September 23, 2009, APS agreed with
EPA and one other PRP to voluntarily assist with the funding and management of the site-wide groundwater
remedial investigation and feasibility study work plan. We estimate that our costs related to this investigation
and study will be approximately $2 million. We anticipate incurring additional expenditures in the future, but
because the overall investigation is not complete and ultimate remediation requirements are not yet finalized, at
the present time expenditures related to this matter cannot be reasonably estimated

On August 6, 2013, the Roosevelt Irrigation District ("RID") filed a lawsuit in Arizona District Court
against APS and 24 other defendants, alleging that RID's groundwater wells were contaminated by the release
of hazardous substances from facilities owned or operated by the defendants. The lawsuit also alleges that
under Superfund laws, the defendants are jointly and severally liable to RID. The allegations against APS arise
out ofAPS's current and former ownership of facilities in and around OUT. As part of a state governmental
investigation into groundwater contamination in this area, on January 25, 2015, ADEQ sent a letter to APS
seeking information concerning the degree to which, if any, APS's current and former ownership of these
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facilities may have contributed to groundwater contamination in this area. We are unable to predict the
outcome of these matters, however, we do not expect the outcome to have a material impact on our financial
position, results of operations or cash flows

Manufactured Gas Plant Sites. Certain properties which APS now owns or which were previously
owned by it or its corporate predecessors were at one time sites of or sites associated with, manufactured gas
plants. APS is taking action to voluntarily remediate these sites. APS does not expect these matters to have a
material adverse effect on its financial position, results of operations or cash flows

Navajo Nation Environmental Issues

Four Corners and the Navajo Plant are located on the Navajo Reservation and are held under easements
granted by the federal government, as well as leases from the Navajo Nation. See "Energy Sources and
Resource Planning - Generation Facilities - Coal-Fueled Generating Facilities" above for additional
information regarding these plants

In July 1995, the Navajo Nation enacted the Navajo Nation Air Pollution Prevention and Control Act,
the Navajo Nation Safe Drinking Water Act, and the Navajo Nation Pesticide Act (collectively, the "Navajo
Acts"). The Navajo Acts purport to give the Navajo Nation Environmental Protection Agency authority to
promulgate regulations covering air quality, drinking water, and pesticide activities, including those activities
that occur at Four Corners and the Navajo Plant. On October 17, 1995, the Four Corners participants and the
Navajo Plant participants each filed a lawsuit in the District Court of the Navajo Nation, Window Rock
District, challenging the applicability of the Navajo Acts as to Four Corners and the Navajo Plant. The Court
has stayed these proceedings pursuant to a request by the parties, and the parties are seeking to negotiate a
settlement

In April 2000, the Navajo Nation Council approved operating penni regulations under the Navajo
Nation Air Pollution Prevention and Control Act. APS believes the Navajo Nation exceeded its authority when
it adopted the operating permit regulations. On July 12, 2000, the Four Corners participants and the Navajo
Plant participants each filed a petition with the Navajo Supreme Court for review of these regulations. Those
proceedings have been stayed, pending the settlement negotiations mentioned above. APS cannot currently
predict the outcome of this matter

On May 18, 2005, APS, SRP, as the operating agent for the Navajo Plant, and the Navajo Nation
executed a Voluntary Compliance Agreement to resolve their disputes regarding the Navajo Nation Air
Pollution Prevention and Control Act. As a result of this agreement, APS sought, and the courts granted,
dismissal of the pending litigation in the Navajo Nation Supreme Court and the Navajo Nation District Court,
to the extent the claims relate to the Clean Air Act. The agreement does not address or resolve any dispute
relating to other Navajo Acts. APS cannot currently predict the outcome of this matter

Water Supply

Assured supplies of water are important for APS's generating plants. At the present time, APS has
adequate water to meet its needs. However, the Four Comers region, in which Four Corners is located, has
been experiencing drought conditions that may affect the water supply for the plants if adequate moisture is not
received in the watershed that supplies the area. APS is continuing to work with area stakeholders to
implement agreements to minimize the effect, if any, on future operations of the plant. The effect of the
drought cannot be fully assessed at this time, and APS cannot predict the ultimate outcome, if any, of the
drought or whether the drought will adversely affect the amount of power available, or the price thereof, from
Four Corners
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Conflicting claims to limited amounts of water in the southwestern United States have resulted in
numerous court actions, which, in addition to future supply conditions, have the potential to impact APS's
operations

Sun Juan RiverA¢Hudieation. Both groundwater and surface water in areas important to APS's
operations have been the subject of inquiries, claims, and legal proceedings, which will require a number of
years to resolve. APS is one of a number of parties in a proceeding, filed March 13, 1975, before the Eleventh
Judicial District Court in New Mexico to adjudicate rights to a stream system from which water for Four
Corners is derived. An agreement reached with the Navajo Nation in 1985, however, provides that if Four
Comers loses a portion of its rights in the adjudication, the Navajo Nation will provide, for an agreed upon
cost, sufficient water from its allocation to offset the loss. In addition, APS is a party to a water contract that
allows the company to secure water for Four Comers in the event of a water shortage and is a party to a
shortage sharing agreement, which provides for the apportionment of water supplies to Four Corners in the
event of a water shortage in the San Juan River Basin

Gila River A¢Hudieation. A summons served on APS in early 1986 required all water claimants in the
Lower Gila River Watershed in Arizona to assert any claims to water on or before January 20, 1987, in an
action pending in Arizona Superior Court. Palo Verde is located within the geographic area subject to the
summons. APS's rights and the rights of the other Palo Verde participants to the use of groundwater and
effluent at Palo Verde are potentially at issue in this action. As operating agent of Palo Verde, APS filed claims
that dispute the court's jurisdiction over the Palo Verde participants' groundwater rights and their contractual
rights to effluent relating to Palo Verde. Alternatively, APS seeks confirmation of such rights. Several of
APS's other power plants are also located within the geographic area subject to the summons. APS's claims
dispute the court's jurisdiction over APS's groundwater rights with respect to these plants. Alternatively, APS
seeks confirmation of such rights. In November 1999, the Arizona Supreme Court issued a decision
confirming that certain groundwater rights may be available to the federal government and Indian tribes. In
addition, in September 2000, the Arizona Supreme Court issued a decision affirming the lower court's criteria
for resolving groundwater claims. Litigation on both of these issues has continued in the trial court. In
December 2005, APS and other parties filed a petition with the Arizona Supreme Court requesting
interlocutory review of a September 2005 trial court order regarding procedures for determining whether
groundwater pumping is affecting surface water rights. The Arizona Supreme Court denied the petition in May
2007, and the trial court is now proceeding with implementation of its 2005 order. No trial date concerning
APS's water rights claims has been set in this matter

Little Colorado River AzHudication. APS has filed claims to water in the Little Colorado River
Watershed in Arizona in an action pending in the Apache County, Arizona, Superior Court, which was
originally filed on September 5, 1985. APS's groundwater resource utilized at Cholla is within the geographic
area subject to the adjudication and, therefore, is potentially at issue in the case. APS's claims dispute the
court's jurisdiction over its groundwater rights. Alternatively, APS seeks confirmation of such rights. Other
claims have been identified as ready for litigation in motions filed with the court. No trial date concerning
APS's water rights claims has been set in this matter

Although the above matters remain subject to further evaluation, APS does not expect that the
described litigation will have a material adverse impact on its financial position, results of operations, or cash
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BUSINESS OF OTHER SUBSIDIARIES

Bright Canyon Energy

On July 3 l, 2014, Pinnacle West announced its creation of a wholly-owned subsidiary, BCE. BCE will
focus on new growth opportunities that leverage the Company's core expertise in the electric energy industry.
BCE's first initiative is a 50/50 joint venture with BHE U.S. Transmission LLC, a subsidiary of Berkshire
Hathaway Energy Company. The joint venture, named TransCanyon, is pursuing independent transmission
opportunities within the eleven states that comprise the Western Electricity Coordinating Council, excluding
opportunities related to transmission service that would otherwise be provided under the tariffs of the retail
service territories of the venture partners' utility affiliates. TransCanyon continues to pursue transmission
development opportunities in the western United States consistent with its strategy

EI Dorado

El Dorado owns minority interests in several energy-related investments and Arizona community-based
ventures. El Dolado's short-term goal is to prudently realize the value of its existing investments. As of
December 31, 2015, El Dorado had total assets of approximately $9 million. El Dorado is not expected to
contribute in any material way to our future financial performance, nor will it require any material amounts of
capital over thenext three years

OTIIER INFORMATION

Pinnacle West, APS and El Dorado are all incorporated in the State ofArizona. BCE is incorporated in
Delaware. Additional information for each of these companies is provided below

Principal Executive Office
Address

Year of
Incorporation

Approximate
N amber of

Employees at
December 31. 2015

NorthFiR*h Stvéet
85004

400 North Fifth Street
RO. Box 53999
Phoenix. AZ 85072-3999

93

409 North Finn Stwtl

EI Dorado 400 North Fifth Street
Phoenix. AZ 85004

The APS number includes employees at jointly-owned generating facilities (approximately 2,830
employees) for which APS serves as the generating facility manager. Approximately 1,673 APS employees are
union employees, represented by the International Brotherhood of Electrical Workers ("IBEW") or the United
Security Professionals of America ("USPA"). APS concluded negotiations with IBEW representatives over the
new collective bargaining agreement in April 2015, and the new agreement is in place until March 3 l, 2018
The contract provides an average wage increase of 2.0% for the first year, 2.25% for the second year and 3.0%
for the third year. The Company concluded negotiations with the USPA over the terms of a new collective
bargaining agreement in May of 2014, and the new agreement is in place until May 31, 2017
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WHERE TO FIND MORE INFORMATION

We use our website (www.pinnaclewest.com) as a channel of distribution for material Company
information. The following filings are available free of charge on our website as soon as reasonably
practicable alter they are electronically filed with, or furnished to, the Securities and Exchange Commission
("SEC"): Annual Reports on Form 10-K, definitive proxy statements for our annual shareholder meetings
Quarterly Reports on Form 10-Q, Current Reports on Form 8-K and all amendments to those reports. Our
board and committee charters. Code of Ethics for Financial Executives, Code of Ethics and Business Practices
and other corporate governance infonnation is also available on the Pinnacle West website. Pinnacle West will
post any amendments to the Code of Ethics for Financial Executives and Code of Ethics and Business
Practices, and any waivers that are required to be disclosed by the rules of either the SEC or the New York
Stock Exchange, on its website. The information on Pinnacle West's website is not incorporated by reference
into this report

You can request a copy of these documents, excluding exhibits, by contacting Pinnacle West at the
following address: Pinnacle West Capital Corporation, O18ce of the Corporate Secretary, Mail Station 8602
P.O. Box 53999, Phoenix, Arizona 85072-3999 (telephone 602-250-4400)

ITEM IA. RISK FACTORS

In addition to the factors affecting specific business operations identified in the description of these
operations contained elsewhere in this report, set forth below are risks and uncertainties that could affect our
financial results. Unless otherwise indicated or the context otherwise requires, the following risks and
uncertainties apply to Pinnacle West and its subsidiaries, including APS

REGULATORY RISKS

Our/inancial condition depends upon APS's ability to recover costs in a timely mannerfrom customers
through regulated rates and otherwise execute its business strategy

APS is subject to comprehensive regulation by several federal, state and local regulatory agencies that
significantly influence its business, liquidity, results of operations and its ability to fully recover costs from
utility customers in a timely manner. The ACC regulates APS's retail electric rates and FERC regulates rates
for wholesale power sales and transmission services. The profitability ofAPS is affected by the rates it may
charge and the timeliness of recovering costs incurred through its rates. Consequently, our financial condition
and results of operations are dependent upon the satisfactory resolution of any APS rate proceedings and
ancillary matters which may come before the ACC and FERC, including in some cases how court challenges to
these regulatory decisions are resolved. Arizona, like certain other states, has a statute that allows the ACC to
reopen prior decisions and modify otherwise final orders under certain circumstances

APS is currently pursuing certain activities, such as microgrid investments and construction of
renewable facilities intended for specific customers. To date, APS has not received regulatory assurance of
cost recovery for such investments. As APS engages in these activities, we will have to demonstrate to regulators
that these investments are both prudent and useful in providing electric service to customers

The ACC must also approve APS's issuance of securities and any significant transfer or encumbrance of
APS property used to provide retail electric service, and must approve or receive prior notification of certain
transactions between us, APS and our respective affiliates. Decisions made by the ACC or FERC could have a
material adverse impact on our financial condition, results of operations or cash flows
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In a recent appellate challenge to an ACC rate decision regarding a water company (referred to in Note 3 as
SIB"), the Arizona Court of Appeals considered the question of how the ACC should determine the "fair value" of

a utility's properly, as specified in the Arizona Constitution, in connection with authorizing the recovery of costs
through rate adjustors or surcharges outside of a rate case. The Court of Appeals reversed the ACC's method of
finding fair value in that case, and raised questions concerning the relationship between fair value findings and the
recovery of capital and certain other utility costs through adjustors. The ACC sought review by the Arizona
Supreme Court of this decision and APS filed a brief supporting the ACC's petition to the Arizona Supreme Court
for review of the Court of Appeals' decision. On February 9, 2016, the Arizona Supreme Court granted review of
the decision and oral argument is set for March 22, 2016. If the decision is upheld by the Supreme Court without
modification, certain APS rate adjustors may require modification. This could in turn have an impact on APS's
ability to recover certain costs in between rate cases. APS cannot predict the outcome of this matter

APS's ability to conduct its business operations and avoid fines an d penalties depends upon compliance with
federal, state or local statutes, regulations andACC requirements, and obtaining and maintaining certain
regulatory permits, approvals and certyieates

APS must comply in good faith with all applicable statutes, regulations, rules, tariffs, and orders of
agencies that regulate APS's business, including FERC, NRC, EPA, the ACC, and state and local governmental
agencies. These agencies regulate many aspects ofAPS's utility operations, including safety and performance
emissions, siring and consmction of facilities, customer service and the rates that APS can charge retail and

wholesale customers. Failure to comply can subject APS to, among other things, fines and penalties. For
example, under the Energy Policy Act of 2005, FERC can impose penalties (up to one million dollars per day
per violation) for failure to comply with mandatory electric reliability standards. APS is also required to have
numerous permits, approvals and certificates from these agencies. APS believes the necessary pennies
approvals and certificates have been obtained for its existing operations and that APS's business is conducted
in accordance with applicable laws in all material respects. However, changes in regulations or the imposition
of new or revised laws or regulations could have an adverse impact on our results of operations. We are also
unable to predict the impact on our business and operating results from pending or future regulatory activities
of any of these agencies

On January 28, 2016, an ACC Commissioner, Robert L. Bums, sent APS a Notice of Investigation
pursuant to an Arizona statute that authorizes a Commissioner and his agents to inspect the accounts, books
papers and documents of any public service corporation, and examine under oath any officer, agent or
employee of such corporation in relation to the business and affairs of the corporation. The Notice states that
Commissioner Bums intends to investigate whether APS has used funds recoverable from ratepayers for
political contributions, lobbying, or charitable donations purposes, whether APS's corporate affiliates have
made contributions or donations under APS' brand name, and the degree to which APS and Pinnacle West are

intertwined" in terms of organization, management and operations. APS intends to cooperate with this
investigation to the full extent that the matter is lawfully authorized, but cannot predict its timing or outcome

The operation ofAPS's nuclear power plant exposes it to substantial regulatory oversight andpotentially
significant liabilities and capital expenditures

The NRC has broad authority under federal law to impose safety-related, security-related and other
licensing requirements for the operation of nuclear generation facilities. Events at nuclear facilities of other
operators or impacting the industry generally may lead the NRC to impose additional requirements and
regulations on all nuclear generation facilities, including Palo Verde. As a result of the March 2011 earthquake
and tsunamis that caused significant damage to the Fukushima Daiichi Nuclear Power Plant in Japan, various
industry organizations analyzed information from the Japan incident and develop action plans for U.S. nuclear
power plants. Additionally, the NRC performed its own independent review of the events at Fukushima
Daiichi, including a review of the agency's processes and regulations in order to determine whether the agency
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should promulgate additional regulations and possibly make more iilndamental changes to the NRC's system
of regulation. As a result of the Fukushima event, the NRC has directed nuclear power plants to implement the
first tier recommendations of the NRC's Near Term Task Force. In response to these recommendations, Palo
Verde expects to spend approximately $0.5 million for capital enhancements to the plant over the next year in
addition to the approximate $125 million that has already been spent on capital enhancements as of December
3 l, 2015 (APS's share is 29.l%). We cannot predict whether these amounts will increase or whether additional
financial and/or operational requirements on Palo Verde and APS may be imposed.

In the event of noncompliance with its requirements, the NRC has the authority to impose a
progressively increased inspection regime that could ultimately result in the shut-down of a unit or civil
penalties, or both, depending upon the NRC's assessment of the severity of the situation, until compliance is
achieved. The increased costs resulting from penalties, a heightened level of scrutiny and implementation of
plans to achieve compliance with NRC requirements may adversely affect APS's financial condition, results of
operations and cash flows.

APS is subject to numerous environmental laws and regulations, and changes in, or liabilities under,
existing or new laws or regulations may increase APS 's cost of operations or impact ifs business plans.

APS is, or may become, subject to numerous environmental laws and regulations affecting many
aspects of its present and future operations, including air emissions, water quality, discharges of wastewater
and streams originating from fly ash and bottom ash handling facilities, solid waste, hazardous waste, and coal
combustion products, which consist of bottom ash, fly ash, and air pollution control wastes. These laws and
regulations can result in increased capital, operating, and other costs, particularly with regard to enforcement
efforts focused on power plant emissions obligations. These laws and regulations generally require APS to
obtain and comply with a wide variety of environmental licenses, permits, and other approvals. If there is a
delay or failure to obtain any required environmental regulatory approval, or ifAPS fails to obtain, maintain, or
comply with any such approval, operations at affected facilities could be suspended or subject to additional
expenses. In addition, failure to comply with applicable environmental laws and regulations could result in
civil liability as a result of government enforcement actions or private claims or criminal penalties. Both
public officials and private individuals may seek to enforce applicable environmental laws and regulations.
APS cannot predict the outcome (financial or operational) of any related litigation that may arise.

Environmental Clean Up. APS has been named as a PRP for a Superfund site in Phoenix, Arizona, and
it could be named a PRP in the future for other environmental clean-up at sites identified by a regulatory body.
APS cannot predict with certainty the amount and timing of all future expenditures related to environmental
matters because of the difficulty of estimating clean-up costs. There is also uncertainty in quantifying
liabilities under environmental laws that impose joint and several liability on all PRPs.

Regional Haze. APS has received final rulemakings imposing new requirements on Four Corners,
Cholla and the Navajo Plant. Pursuant to these rules, EPA and ADEQ will require these plants to install
pollution control equipment that constitutes BART to lessen the impacts of emissions on visibility surrounding
the plants. The financial impact of installing and operating the required pollution control equipment could
jeopardize the economic viability of these plants or the ability of individual participants to continue their
participation in these plants.

Coal Ash. In December 2014, EPA issued final regulations governing the handling and disposal of
CCR, which are generated as a result of burning coal and consist 0£ among other things, fly ash and bottom
ash. The rule regulates CCR as a non-hazardous waste. APS currently disposes of CCR in ash ponds and dry
storage areas at Cholla and Four Corners and in a dry landfill storage area at the Navajo Plant. To the extent
the rule requires the closure or modification of these CCR units or the construction of new CCR units beyond
what we currently anticipate, APS would incur significant additional costs for CCR disposal.
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Ozone National Ambient Air Quality Standards. In 2015, EPA finalized revisions to the national
ambient air quality standards for nitrogen oxides, which set new, more stringent standards intended to protect
human health and human welfare. Depending on the stringency of the final standards and the implementation
requirements, APS may be required to invest in new pollution control technologies and to generate emission
rEsets for new projects or facility expansions located in ozone nonattainment areas

APS cannot assure that existing environmental regulations will not be revised or that new regulations
seeking to protect the environment will not be adopted or become applicable to it. Revised or additional
regulations that result in increased compliance costs or additional operating restrictions, particularly if those
costs incurred by APS are not fully recoverable from APS's customers, could have a material adverse effect on
its financial condition, results of operations or cash flows. Due to current or potential future regulations or
legislation coupled with trends in natural gas and coal prices, the economics of continuing to own certain
resources, particularly coal facilities, may deteriorate, warranting early retirement of those plants, which may
result in asset impairments. APS would seek recovery in rates for the book value of any remaining investments
in the plants as well as other costs related to early retirement, but cannot predict whether it would obtain such
recovery

APSfaees physical and operational risks related to climate effects, and potentialjinaneial risks resulting from
climate change litigation and legislative and regulatory ports to limit GHG emissions

Concern over climate change has led to significant legislative and regulatory efforts to limit CON
which is a major byproduct of the combustion of fossil fuel, and other GHG emissions

Finaneial Risks - Greenhouse Gas Regulation and the Clean Power Plan. In 2015, EPA finalized a
rule to limit carbon dioxide emissions from existing power plants. The implementation of this rule within the
jurisdictions where APS operates could result in a shift in in-state generation from coal to natural gas and
renewable generation. Such a substantial change in APS's generation portfolio could require additional capital
investments and increased operating costs, and thus have a significant financial impact on the Company. See
Note 10 for additional risks and uncertainties resulting from the Clean Power Plan

Physical and Operational Risks. Weather extremes such as drought and high temperature variations
are common occurrences in the Southwest's desert area, and these are risks that APS considers in the normal
course of business in the engineering and construction of its electric system. Large increases in ambient
temperatures could require evaluation of certain materials used within its system and represent a greater
challenge

Deregulation or restructuring of the electric industry may result in increased competition, which could have
a significant adverse impact on APS's business and its results of operations

In 1999, the ACC approved rules for the introduction of retail electric competition in Arizona. Retail
competition could have a significant adverse financial impact on APS due to an impairment of assets, a loss of
retail customers, lower profit margins or increased costs of capital. Although some very limited retail
competition existed in APS's service area in 1999 and 2000, there are currently no active retail competitors
offering unbundled energy or other utility services to APS's customers. On May 9, 2013, the ACC voted to re
examine the facilitation of a deregulated retail electric market in Arizona. The ACC subsequently opened a
docket for this matter and received comments from a number of interested parties on the considerations
involved in establishing retail electric deregulation in the state. One of these considerations is whether various
aspects of a deregulated market, including setting utility rates on a "market" basis, would be consistent with
the requirements of the Arizona Constitution. On September ll, 2013, after receiving legal advice from the
ACC staff the ACC voted 4-1 to close the current docket and await full Arizona Constitutional authority
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before any further examination of this matter. The motion approved by the ACC also included opening one or
more new dockets in the future to explore options to offer more rate choices to customers and innovative
changes within the existing cost-of-service regulatory model that could include elements of competition.

One of these options would be a continuation or expansion ofAPS's existing AG (Alternative
Generation) - 1 program, which essentially allows up to 200 MW of cumulative load to be served via a buy-
through arrangement with competitive suppliers of generation. On November 25, 2015, the ACC issued an
order approving a request by several AG-1 customers and suppliers to extend the term of the program from
July 1, 2016 to the conclusion ofAPS's next general rate case. The order also authorized APS to defer for
future recovery unmitigated unrecovered costs attributable to the program at 90% of the first $10 million per
year and at 100% of amounts above $10 million per year.

In 2010, the ACC issued a decision holding that solar vendors that install and operate solar facilities for
non-profit schools and governments pursuant to a specific type of contract that calculates payments based on
the energy produced are not "public service corporations" under the Arizona Constitution, and are therefore not
regulated by the ACC. The use of such products by customers within our territory results in some level of
competition. APS cannot predict when, and the extent to which, additional service providers will enter APS's
service territory, increasing the level of competition in the market.

Proposals to enable or support retail electric competition are made from time to time in legislative or
other forums in Arizona. We cannot predict future regulatory or legislative action that might result in increased
competition.

OPERATIONAL RISKS

APS's results of operations can be adversely affected by variousfaetors impacting demand for electricity.

Weather Conditions. Weather conditions directly influence the demand for electricity and affect the
price of energy commodities. Electric power demand is generally a seasonal business. In Arizona, demand for
power peaks during the hot summer months, with market prices also peaking at that time. As a result, APS's
overall operating results fluctuate substantially on a seasonal basis. In addition, APS has historically sold less
power, and consequently earned less income, when weather conditions are milder. As a result, unusually mild
weather could diminish APS's financial condition, results of operations and cash flows.

Higher temperatures may decrease the snowpack, which might result in lowered soil moisture and an
increased threat of forest fires. Forest fires could threaten APS's communities and electric transmission lines
and facilities. Any damage caused as a result of forest fires could negatively impact APS's financial condition,
results of operations or cash flows.

Effects ofEnelgy Conservation Measures and Distributed Energy The ACC has enacted
rules regarding energy efficiency that mandate a 22% annual energy savings requirement by 2020. This will
likely increase participation by APS customers in energy efficiency and conservation programs and other
demand-side management efforts, which in tum will impact the demand for electricity. The rules also include
a requirement for the ACC to review and address financial disincentives, recovery of fixed costs and the
recovery of net lost income/revenue that would result from lower sales due to increased energy efficiency
requirements. To that end, the settlement agreement in APS's most recent retail rate case (the "2012 Settlement
Agreement") includes a mechanism, the LFCR, to address these matters.

APS must also meet certain distributed energy requirements. A portion ofAPS's total renewable
energy requirement must be met with an increasing percentage of distributed energy resources (generally, small
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scale renewable technologies located on customers' properties). The distributed energy requirement was 25%
of the overall RES requirement of 3% in 2011 and increased to 30% of the applicable RES requirement for
2012 and subsequent years. Customer participation in distributed energy programs would result in lower
demand, since customers would be meeting some or all of their own energy needs. Reduced demand due to
these energy efficiency and distributed energy requirements, unless substantially offset through ratemaking
mechanisms, could have a material adverse impact on APS's financial condition, results of operations and cash
flows.

Customer and Sales Growth. For the three years 2013 through 2015, APS's retail customer growth
averaged 1.3% per year. We currently expect annual customer growth to average in the range of 2.0-3.0% for
2016 through 2018 based on our assessment of modestly improving economic conditions in Arizona. For the
three years 2013 through 2015 APS experienced annual increases in retail electricity sales averaging 0.1%,
adjusted to exclude the effects of weather variations. We currently estimate that annual retail electricity sales
in kph will increase on average in the range of 0.5-1.5% during 2016 through 2018, including the effects of
customer conservation and energy efficiency and distributed renewable generation initiatives, but excluding the
effects of weather variations. Actual customer and sales growth may differ from our projections as a result of
numerous factors, such as economic conditions, customer growth, usage patterns and energy conservation,
impacts of energy efficiency programs and growth in distributed generation, and responses to retail price
changes. Additionally, recovery of a substantial portion of our fixed costs of providing service is based upon
the volumetric amount of our sales. If our customer growth rate does not continue to improve as projected, or
if it declines, or if the Arizona economy fails to improve, we may be unable to reach our estimated demand
level and sales projections, which could have a negative impact on our financial condition, results of operations
and cash flows.

The operation of power generation facilities and transmission systems involves risks that could result in
reduced output or unscheduled outages, which could materially affect APS's results of operations.

The operation of power generation, transmission and distribution facilities involves certain risks,
including the risk of breakdown or failure of equipment, fuel interruption, and perfonnance below expected
levels of output or efficiency. Unscheduled outages, including extensions of scheduled outages due to
mechanical failures or other complications, occur from time to time and are an inherent risk ofAPS's business.
Because our transmission facilities are interconnected with those of third parties, the operation of our facilities
could be adversely affected by unexpected or uncontrollable events occurring on the larger transmission power
grid, and the operation or failure of our facilities could adversely affect the operations of others. leAPS's
facilities operate below expectations, especially during its peak seasons, it may lose revenue or incur additional
expenses, including increased purchased power expenses. Concerns over physical security of these assets is
also increasing, which may require us to incur additional capital and operating costs to address. Damage to
certain of our facilities due to vandalism or other deliberate acts could lead to outages or other adverse effects.

The inability to successfully develop or acquire generation resources to meet reliability requirements, new

or evolving standards or regulations would adversely impact our business.

Potential changes in regulatory standards, impacts of new and existing laws and regulations, including
environmental laws and regulations, and the need to obtain certain regulatory approvals create uncertainty
surrounding our generation portfolio, The current abundance of low, stably priced natural gas, together with
environmental and other concerns surrounding coal-fired generation resources, create strategic questions
related to the appropriate generation portfolio and fuel diversification mix. In addition, APS is required by the
ACC to meet certain energy resource portfolio requirements such as the EES and the RES. The development
of any generation facility is subject to many risks, including risks related to financing, siring, permitting,
technology, the construction of sufficient transmission capacity to support these facilities and stresses to
generation and transmission resources from intermittent generation characteristics of renewable resources.
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APS's inability to adequately develop or acquire the necessary generation resources could have a material
adverse impact on our business and results of operations

The lack of aeeess to sujieient supplies of water could have a material adverse impact on APS's business
and results of operations

Assured supplies of water are important for APS's generating plants. Water in the southwestern United
States is limited, and various parties have made conflicting claims regarding the right to access and use such
limited supply of water. Both groundwater and surface water in areas important to APS's generating plants
have been and are the subject of inquiries, claims and legal proceedings. In addition, the region in which
APS's power plants are located is prone to drought conditions, which could potentially affect the plants' water
supplies. APS's inability to access sufficient supplies of water could have a material adverse impact on our
business and results of operations

We are subject to cyberseeurity risks and risks of unauthorized access to our systems

In the regular course of our business, we handle a range of sensitive security, customer and business
systems information. A security breach of our information systems such as theft or the inappropriate release of
certain types of information, including confidential customer, employee, financial or system operating
information, could have a material adverse impact on our financial condition, results of operations or cash
flows. We operate in a highly regulated industry that requires the continued operation of sophisticated
infonnation technology systems and network infrastructure. Despite implementation of security measures, our
technology systems are vulnerable to disability, failures or unauthorized access. Our generation, transmission
and distribution facilities, information technology systems and other infrastructure facilities and systems and
physical assets could be targets of such unauthorized access. Failures or breaches of our systems could impact
the reliability of our generation, transmission and distribution systems and also subject us to financial harm. If
our technology systems were to fail or be breached and if we are unable to recover in a timely way, we may not
be able to fulfill critical business functions and sensitive confidential data could be compromised, which could
have a material adverse impact on our financial condition, results of operations or cash flows

We are subject to laws and rules issued by multiple government agencies concerning safeguarding and
maintaining the confidentiality of our security, customer and business information. One of these agencies
NERC, has issued comprehensive regulations and standards surrounding the security of our operating systems
and is continually in the process of developing updated and additional requirements with which the utility
industry must comply. The increasing promulgation ofNERC rules and standards will increase our
compliance costs and our exposure to the potential risk of violations of the standards

We have experienced, and expect to continue to experience, these types of threats and attempted
intrusions. The implementation of additional security measures could increase costs and have a material
adverse impact on our financial results. We have obtained cyder insurance to provide coverage for a portion of
the losses and damages that may result from a security breach of our information technology systems, but such
insurance may not cover the total loss or damage caused by a breach. These types of events could also require
significant management attention and resources, and could adversely affect Pinnacle West's and APS's
reputation with customers and the public
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The ownership and operation of power generation and transmission facilities on Indian lands could result

in uncertainty related to continued leases, easements and rights-of-way, which could have a significant

impact on our business

Certain APS power plants and portions of the transmission lines that cony power from these plants are
located on Indian lands pursuant to leases, easements or other rights-of-way that are effective for specified
periods. APS is unable to predict the final outcome of pending and future approvals by applicable governing
bodies with respect to renewals of these leases, easements and rights-of-way

There are inherent risks in the ownership and operation of n uclearfacilities, such as environmental, health

fuel supply, spent fuel disposal, regulatory andjinancial risks and the risk of terrorist attack

APS has an ownership interest in and operates, on behalf of a group of participants, Palo Verde, which
is the largest nuclear electric generating facility in the United States. Palo Verde constitutes approximately
19% of our owned and leased generation capacity. Palo Verde is subject to environmental, health and financial
risks, such as the ability to obtain adequate supplies of nuclear fuel, the ability to dispose of spent nuclear fuel
the ability to maintain adequate reserves for decommissioning, potential liabilities arising out of the operation
of these facilities, the costs of securing the facilities against possible terrorist attacks, and unscheduled outages
due to equipment and other problems. APS maintains nuclear decommissioning trust funds and external
insurance coverage to minimize its financial exposure to some of these risks, however, it is possible that
damages could exceed the amount of insurance coverage. In addition, APS may be required under federal law
to pay up to $111 million (but not more than $16.6 million per year) of liabilities arising out of a nuclear
incident occurring not only at Palo Verde, but at any other nuclear power plant in the United States. Although
we have no reason to anticipate a serious nuclear incident at Palo Verde, if an incident did occur, it could
materially and adversely affect our results of operations and financial condition. A major incident at a nuclear
facility anywhere in the world could cause the NRC to limit or prohibit the operation or licensing of any
domestic nuclear unit and to promulgate new regulations that could require significant capital expenditures
and/or increase operating costs

The use of derivative eontraets in the normal course of our business could result in jinaneiul losses that
negatively impact our results of operations

APS's operations include managing market risks related to commodity prices. APS is exposed to the
impact of market fluctuations in the price and transportation costs of electricity, natural gas and coal to the
extent that unhedged positions exist. We have established procedures to manage risks associated with these
market fluctuations by utilizing various commodity derivatives, including exchange traded futures and options
and over-the-counter forwards, options, and swaps. As part of our overall risk management program, we enter
into derivative transactions to hedge purchases and sales of electricity and fuels. The changes in market value
of such contracts have a high correlation to price changes in the hedged commodity. To the extent that
commodity markets are illiquid, we may not be able to execute our risk management strategies, which could
result in greater unhedged positions than we would prefer at a given time and financial losses that negatively
impact our results of operations

The Dodd-Frank Wall Street Reform and Consumer Protection Act ("Dodd-Frank Act") contains

measures aimed at increasing the transparency and stability of the over-the counter, or OTC, derivative markets

and preventing excessive speculation. The Dodd-Frank Act could restrict, among other things, trading positions

in the energy futures markets, require different collateral or settlement positions, or increase regulatory

reporting over derivative positions. Based on the provisions included in the Dodd-Frank Act and the

implementation of regulations, these changes could, among other things, impact our ability to hedge

commodity price and interest rate risk or increase the costs associated with our hedging programs



We are exposed to losses in the event of nonperformance or nonpayment by counterparties. We use a
risk management process to assess and monitor the financial exposure of all counterparties. Despite the fact
that the majority ofAPS's trading counterparties are rated as investment grade by the rating agencies, there is
still a possibility that one or more of these companies could default, which could result in a material adverse
impact on our earnings for a given period.

Changes in technology could create challenges for APS's existing business.

Alternative energy technologies that produce power or reduce power consumption or emissions are
being developed and commercialized, including renewable technologies such as photovoltaic (solar) cells,
customer-sited generation, energy storage (batteries), and efficiency technologies. Advances in technology and
equipment/appliance efficiency could reduce the demand for supply from conventional generation, which
could adversely affect APS's business.

APS continues to pursue and implement advanced grid technologies, including transmission and
distribution system technologies and digital meters enabling two-way communications between the utility and
its customers. Many of the products and processes resulting from these and other alternative technologies have
not yet been widely used or tested on a long-term basis, and their use on large-scale systems is not as
established or mature as APS's existing technologies and equipment. Widespread installation and acceptance
of new technologies could enable the entry of new market participants, such as technology companies, into the
interface between APS and its customers and could have other unpredictable effects on APS's business.

Deployment of renewable energy technologies is expected to continue across the western states and
result in a larger portion of the overall energy production coming from these sources. These trends, which
have benefited from historical and continuing government subsidies for certain technologies, have the potential
to put downward pressure on wholesale power prices throughout the western states which could make APS's
existing generating facilities less economical and impact their operational patterns and long-term viability.

We are subject to employee workforce factors that could adversely affect our business and/inuncial
condition.

Like most companies in the electric utility industry, our workforce is maturing, with approximately
36% of employees eligible to retire by the end of 2018. Although we have undertaken efforts to recruit and
train new employees, we face increased competition for talent. We are subject to other employee workforce
factors, such as the availability of qualified personnel, the need to negotiate collective bargaining agreements
with union employees and potential work stoppages. These or other employee workforce factors could
negatively impact our business, financial condition or results of operations.

FINANCIAL RISKS

Financial market disruptions or new rules or regulations may increase our financing easts or limit our
access to various/inancial markets, which may adversely affect our liquidity and our ability to implement
ourjinancial strategy.

Pinnacle West and APS rely on access to credit markets as a significant source of liquidity and the
capital markets for capital requirements not satisfied by cash flow from our operations. We believe that we
will maintain sufficient access to these financial markets. However, certain market disruptions or rules or
regulations may cause our cost of borrowing to increase generally, and/or otherwise adversely affect our ability
to access these financial markets.
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In addition, the credit commitments of our lenders under our bank facilities may not be satisfied or
continued beyond current commitment periods for a variety of reasons, including new rules and regulations,
periods of financial distress or liquidity issues affecting our lenders or financial markets, which could
materially adversely affect the adequacy of our liquidity sources and the cost of maintaining these sources.

Changes in economic conditions, monetary policy, financial regulation or other factors could result in
higher interest rates, which would increase interest expense on our existing variable rate debt and new debt we
expect to issue in the future, and thus reduce funds available to us for our current plans.

Additionally, an increase in our leverage, whether as a result of these factors or otherwise, could adversely
affect us by:

causing a downgrade of our credit ratings,
increasing the cost of future debt financing and refinancing,
increasing our vulnerability to adverse economic and industry conditions, and
requiring us to dedicate an increased portion of our cash flow from operations to payments on
our debt, which would reduce funds available to us for operations, future investment in our
business or other purposes.

A downgrade four credit ratings would materially and adversely affect our business, flnaneial condition
and results of operations.

Our current ratings are set forth in "Liquidity and Capital Resources - Credit Ratings" in Item 7. We
cannot be sure that any of our current ratings will remain in effect for any given period of time or that a rating
will not be lowered or withdrawn entirely by a rating agency if, in its judgment, circumstances in the future so
warrant. Any downgrade or withdrawal could adversely affect the market price of Pinnacle West's and APS's
securities, limit our access to capital and increase our borrowing costs, which would diminish our financial
results. We would be required to pay a higher interest rate for future tinancings, and our potential pool of
investors and funding sources could decrease. In addition, borrowing costs under our existing credit facilities
depend on our credit ratings. A downgrade could also require us to provide additional support in the form of
letters of credit or cash or other collateral to various counterparties. If our short-term ratings were to be
lowered, it could severely limit access to the commercial paper market. We note that the ratings from rating
agencies are not recommendations to buy, sell or hold our securities and that each rating should be evaluated
independently of any other rating.

Investment performance, changing interest rates and other economic factors could decrease the value of
our benefit plan assets and nuclear decommissioning trust funds and increase the valuation of our related
obligations, resulting in sign yieant addition alfunding requirements. We are subject to risks related to the
provision of employee healthcare gene/its and healthcare reform legislation. Any inability tofully recover
these easts in our utility rates would negatively impact ourjinaneial condition.

We have significant pension plan and other postretirement benefits plan obligations to our employees
and retirees, and legal obligations to fund nuclear decommissioning trusts for Palo Verde. We hold and invest
substantial assets in these trusts that are designed to provide funds to pay for certain of these obligations as
they arise. Declines in market values of the fixed income and equity securities held in these trusts may
increase our funding requirements into the related trusts. Additionally, the valuation of liabilities related to our
pension plan and other postretirement benefit plans are impacted by a discount rate, which is the interest rate
used to discount future pension and other postretirement benefit obligations. Declining interest rates decrease
the discount rate, increase the valuation of the plan liabilities and may result in increases in pension and other
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postretirement benefit costs, cash contributions, regulatory assets, and charges to OCI. Changes in
demographics, including increased number of retirements or changes in life expectancy and changes in other
actuarial assumptions, may also result in similar impacts. The minimum contributions required under these
plans are impacted by federal legislation. Increasing liabilities or otherwise increasing funding requirements
under these plans, resulting from adverse changes in legislation or otherwise, could result in significant cash
funding obligations that could have a material impact on our financial position, results of operations or cash
flows.

We recover most of the pension costs and other postretirement benefit costs and all of the nuclear
decommissioning costs in our regulated rates. Any inability to fully recover these costs in a timely manner
would have a material negative impact on our financial condition, results of operations or cash flows.

Employee healthcare costs in recent years have continued to rise. Most of the Patient Protection and
Affordable Care Act provisions have been implemented, however, costs and other effects of the legislation,
which may include the cost of compliance and potentially increased costs of providing for medical insurance
for our employees, cannot be determined with certainty at this time.

Our each flow depends on the performance ofAPS.

We derive essentially all of our revenues and earnings from our wholly owned subsidiary, APS.
Accordingly, our cash flow and our ability to pay dividends on our common stock is dependent upon the
earnings and cash flows ofAPS and its distributions to us. APS is a separate and distinct legal entity and has
no obligation to make distributions to us.

APS's financing agreements may restrict its ability to pay dividends, make distributions or otherwise
transfer funds to us. In addition, an ACC financing order requires APS to maintain a common equity ratio of at
least 40% and does not allow APS to pay common dividends if the payment would reduce its common equity
below that threshold. The common equity ratio, as defined in the ACC order, is total shareholder equity
divided by the sum of total shareholder equity and long-term debt, including current maturities of long-tenn
debt.

Pinnacle West's ability to meet its debt service obligations could be adversely affected because its debt
securities are structurally subordinated to the debt securities and other obligations omits subsidiaries.

Because Pinnacle West is structured as a holding company, all existing and future debt and other
liabilities of our subsidiaries will be effectively senior in right of payment to our debt securities. The assets
and cash flows of our subsidiaries will be available, in the first instance, to service their own debt and other
obligations. Our ability to have the benefit of their cash flows, particularly in the case of any insolvency or
financial distress affecting our subsidiaries, would arise only through our equity ownership interests in our
subsidiaries and only after their creditors have been satisfied.

The market price of our common stock may be volatile.

The market price of our common stock could be subject to significant fluctuations in response to
factors such as the following, some of which are beyond our control:

variations in our quarterly operating results,
operating results that vary from the expectations of management, securities analysts and
investors,
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changes in expectations as to our fixture financial performance, including financial estimates by
securities analysts and investors,
developments generally affecting industries in which we operate,
announcements by us or our competitors of significant contracts, acquisitions, joint marketing
relationships, joint ventures or capital commitments,
announcements by third parties of significant claims or proceedings against us,
favorable or adverse regulatory or legislative developments,
our dividend policy;
future sales by the Company of equity or equity-linked securities, and
general domestic and international economic conditions.

In addition, the stock market in general has experienced volatility that has often been unrelated to the
operating performance of a particular company. These broad market fluctuations may adversely affect the
market price of our common stock.

Certain provisions four articles of incorporation and bylaws and ofArizona law make it dwieultfor
shareholders to change the composition four board and may discourage takeover attempts.

These provisions, which could preclude our shareholders from receiving a change of control premium,
include the following:

• restrictions on our ability to en gage in a wide range of "business combination" transactions
with an "interested shareholder" (generally, any person who owns l0% or more of our
outstanding voting power or ally of our affiliates or associates) or any affiliate or associate of
an interested shareholder, unless specific conditions are met,

anti-greenmail provisions of Arizona law and our bylaws that prohibit us from purchasing
shares of our voting stock from beneficial owners of more than 5% of our outstanding shares
unless specified conditions are satisfied,

the ability of the Board of Directors to increase the size of the Board of Directors and fill
vacancies on the Board of Directors, whether resulting from such increase, or from death,
resignation, disqualification or otherwise, and
the ability of our Board of Directors to issue additional shares of common stock and shares of
preferred stock and to determine the price and, with respect to preferred stock, the other terms,
including preferences and voting rights, of those shares without shareholder approval.

While these provisions have the effect of encouraging persons seeking to acquire control of us to
negotiate with our Board of Directors, they cc old enable the Board of Directors to hinder or frustrate a
transaction that some, or a majority, of our shareholders might believe to be in their best interests and, in that
case, may prevent or discourage attempts to remove and replace incumbent directors.

ITEM LB. UNRESOLVED STAFF COMMENTS

Neither Pinnacle West nor APS has received written comments regarding its periodic or current reports
from the SEC staff that were issued 180 days or more preceding the end of its 2015 fiscal year and that remain
unresolved.
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ITEM 2. PROPERTIES

Generation Facilities

APS's portfolio ofowned and leased generating facilities is provided in the table below

Principal
Fuels
Used

Primary
Dispatch

Owned
Capacity

Units Owned (a)

Nuclear.

Palo Verde (b) 29.1% Uranium Base Load

Total Nuclear

63%
Steam

Four Corners 4, 5 (c)

Cholla (d)

Navajo (e)

Ocot i l lo

14%

Base Load

Base Load

Base Load

Pcakillg

Total Steam

Combined Cycle

Redhawk

West Phoenix

Load Following

Load Following

Total Combined Cycle

Combustion Turbine

Ocotillo

Saguaro l, 2 Gas/Oil Peaking

PeakingDouglas

Sundance

West Phoenix

Yucca 1 2 3

Yucca 4

Yucca 5

Total Combustion Turbine

Solar

Gas/Oil

Peaddng

Pealking

Peaking

Peaking

Solar

Solar

As Available

As Available

As Available

A5Availabl¢

As Available

As Available

As Available

Cotton Center

Hyder

Paloma

Chino V8ll¢Y

Gila Bend

Hyder 11

Foothills

Luke AFB

Solar

Desert Star

APS Owned Distributed Energy

Multiple facilities

Total Solar

Total Capacity

Solar

As Available

As Available

As Available

As Available

39



(a) 100% unless otherwise noted
(b) See "Business of Arizona Public Sen/ice Company - Energy Sources and Resource Planning

Generation Facilities - Nuclear" in Item l for details regarding leased interests in Palo Verde. The
other participants are Salt River Project (l7.49%), SCE (l5.8%), El Paso (15.8%), Public Service
Company of New Mexico (l0.2%), Souther California Public Power Authority (5.9l%), and Los
Angeles Department of Water & Power (5.7%). The plant is operated by APS.

(c) The other participants are Salt River I'roject (10%), Public Service Company of New Mexico (13%),
Tucson Electric Power Company (7%) and El Paso (7%). The plant is operated by APS.

(d) Cholla Unit 2's last day of service was on October 1, 2015.
(e) The other participants are Salt River Project (21 .7%), Nevada Power Company (11 .3%), the United

States Government (24.3%), Tucson Electric Power Company (7.5%) and Los Angeles Department of
Water & Power (21 .2%). The plant is operated by Salt River Project.

See "Business of Arizona Public Service Company - Environmental Matters" in Item 1 with respect
to matters having a possible impact on the operation of certain ofAPS's generating facilities.

See "Business of Arizona Public Service Company" in Item l for a map detailing the location ofAPS's
major power plants and principal transmission lines.

Transmission and Distribution Facilities

Current Facilities. APS's transmission facilities consist of approximately 6,070 pole miles of
overhead lines and approximately 49 miles of underground lines, 5,847 miles of which are located in Arizona.
APS's distribution facilities consist of approximately 11,077 miles of overhead lines and approximately 18,07 l
miles of underground primary cable, all of which are located in Arizona. APS distribution facilities reflect an
actual net gain of 169 miles in 2015. APS shares ownership of some of its transmission facilities with other
companies. The following table shows APS's jointly-owned interests in those transmission facilities recorded
on the Consolidated Balance Sheets at December 3 l, 2015:

Percent Owned
(Weighted-
Average)

64.6%
50.0%
50.0%

Morgan -"PinnaCle Peak System

Palo Verde - Estrella 500kV System

Round Valley. System

ANPP 500kV System

Navajo Southern System

Four Corners Switchyards

Palo Verde - Yuma 500kV System

Phoenix -- Mead System

Palo Verde - Morgan System

Hassayampa - North Gila System

Cholla 500 Switchyard

Saguaro 500 Switchyard

33.4%
22.7%
49.8%
19.3%
17.1%
87.7%
80.0%
85.7%
75.0%

Expansion. Each year APS prepares and files with the ACC a ten-year transmission plan. In APS's
2015 plan, APS projects it will develop 275 miles of new lines over the next ten years. One significant project
currently under development is a new 500kV path that will span from the Palo Verde hub around the western
and norther edges of the Phoenix metropolitan area and terminate at a bulk substation in the northeast part of
Phoenix. The Palo Verde to Morgan System includes Palo Verde-Delaney-Sun Valley-Morgan. The project
consists of four phases. The first phase, Morgan to Pinnacle Peak 500kV, is currently in-service. The second
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and third phases, Delaney to Palo Verde 500kV and Delaney to Sun Valley 500kV, are under construction and
are expected to be energized by May 2016. The fourth phase, Morgan to Sun Valley 500k\/Q has been
permitted and is in final design and development. In total, the projects consist of over 100 miles of new 500kV
lines, with many of those miles constructed with the capability to string a 230kv line as a second circuit.

APS continues to work with regulators to identify transmission projects necessary to support renewable
energy facilities. Two such projects, which are included in APS's 2015 transmission plan, are the Delaney to
Palo Verde line and the North Gila to Hassayampa line, both of which are intended to support the transmission
of renewable energy to Phoenix and California. The North Gila to Hassayampa line went into service in May
2015.

Physical Security Standards. On July 14, 2015, FERC approved version 2 of the proposed Physical
Security Reliability Standard CIP-014 (CIP-014-2). As a result, CIP-014-2, the Physical Security Reliability
Standard that requires transmission owners and operators to protect those critical transmission stations and
substations and their associated primary control centers that, if rendered inoperable or damaged as a result of a
physical attack, could result in widespread instability, uncontrolled separation or cascading within an
interconnection, became effective on October 2, 2015, triggering a series of staggered, but interdependent
obligations for APS. As required by the Physical Security Reliability Standard, APS determined its critical
transmission stations and substations and associated primary control centers that will be required to comply
with the standard by October 2, 2015. However, as contemplated under CIP-014-2, this verification has
triggered additional requirements and obligations within the Physical Security Reliability Standard that are not
yet due to be completed. These remaining obligations, which consist of a risk evaluation and development and
verification of a physical security plan, are due to be completed by the end the third quarter of 2016. Until
APS has completed all required activities under the Physical Security Reliability Standard, we cannot predict
the extent of any financial or operational impacts on APS.

NERC Critical Infrastructure Protection Requirements. In 2014, APS initiated a comprehensive
project to ensure compliance with Version 5 of NERC's Critical Infrastructure Protection Requirements (CIP
V5) which will become effective April l, 2016. APS will be incurring incremental capital expenditures
through 2017 associated with the CIP V.5 compliance implementation project estimated to be approximately
$52 million.

Plant and Transmission Line Leases and Rights-of-Way on Indian Lands

The Navajo Plant and Four Corners are located on land held under leases from the Navajo Nation and
also under rights-of-way from the federal government. The right-of-way and lease for the Navajo Plant expire
in 2019 and the right-of-way and lease for Four Corners were scheduled to expire in 2016. In March, 2011, the
Navajo Nation Council signed a resolution approving a 25-year extension to the existing Four Corners lease
term and providing Navajo Nation consent to renewal of the related rights-of-way. The effectiveness of the
lease amendment also required the approval of the DOI, as did the related federal rights-of-way grant. A
federal environmental review was undertaken as part of the DOI review process, and culminated in the
issuance by DOI of a record of decision on July 17, 2015. The record of decision provides the authority for the
Bureau of Indian Affairs to sign the lease amendments and rights-of-way renewals, which occurred in late July
2015.

Certain portions of the transmission lines that carry power from several of our power plants are located
on Indian lands pursuant to rights-of-way that are effective for specified periods. Some of these rights-of-way
have expired and our renewal applications have not yet been acted upon by the appropriate Indian tribes or
federal agencies. Other rights expire at various times in the future and renewal action by the applicable tribe or
federal agencies will be required at that time. In recent negotiations, certain of the affected Indian tribes have
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required payments substantially in excess of amounts that we have paid in the past for such rights-of-way. The
ultimate cost of renewal of certain of the rights-of-way for our transmission lines is therefore uncertain.

ITEM 3. LEGAL PROCEEDINGS

See "Business of Arizona Public Service Company - Environmental Matters" in Item 1 with regard to
pending or threatened litigation and other disputes.

See Note 3 for ACC and FERC-related matters.

See Note 10 for information regarding environmental matters, Superfund-related matters, matters
related to a September 2011 power outage and a New Mexico tax matter.

ITEM 4. MINE SAFETY DISCLOSURES

Not applicable.
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EXECUTIVE OFFICERS OF PINNACLE WEST

Pinnacle West's executive officers are elected no less often than annually and may be removed by the

Board of Directors at any time. The executive officers, their ages at February 19, 2016, current positions and

principal occupations for the past five years are as follows:

Name

Donald E. Brandt

Age

61
Period

2009-Present

Robert S. Bement

Denise R. Danner

KG

60

20 l3-Present

2008-Present

2008-Present

2011-Pnesent

2010-Present

Patrick Dinkel 52
2009'PI'¢S¢Dt
20 l4-Present

2012-2014

20 l l -20 IN

RandallK.Edington 62

Position

Chairman of the Board and Chief Executive Officer of Pinnacle West;
Chairman of the Board of APS

President of APS

President of Pinnacle West

Chief Executive Officer of APS

Senior Vice President, Site Operations, PVNGS, of APS

Vice President, Controller and Chief Accounting Officer of Pinnacle
West; Chief Accounting Officer of APS

Vice President and Controller of APS

Vice President, Transmission and Distribution Operations of APS

Vice President, Resource Management of APS

Xpse President, Power Marketing, Resource Planning and Acquisition of

Vice President, Power Marketing and Resource Planning of APS

Executive Vice President and Chief Nuclear Officer, PVNGS, of APS
20 l0-2011

2007-Present

David p. Falck 62

DanielT.Froetscher 54

Barbara M.Gomez 61

Jeffrey B. Guldner 50

James R. Hatfield 58

John S. Hatfield

Tammy D. McLeod

50

54

Lee R. Nickloy

Mark A. Schiavoni

49

60

Executive Vice President and Gcnerd Counsel of Pinnacle West and APS

Secretary of Pinnacle West and APS

Senior Vice Presiderl, Transmission, Distribution & Customers of APS

Vice President, Energy Delivery ofAPS

Vice President, Human Resources of APS

Vice President, Chief Procurement Officer of APS

Vice President, Supply ChainManagement ofAPS

Senior Vice President, Public Policy of APS

Senior Vice President, Customers and Regulation of APS

Vice President, Rates and Regulation of APS

Executive Vice President ofPinnaCle West and APS

Chief Financial Otiicer of Pinnacle West and APS

Senior Vice President of Pinnacle West and APS

Vice President, Communications of APS

Vice President, ReSource Management of APS

Vice President and Chief Customer Officer of APS

Vice President and measurer of Pinnacle West arid APS

Executive Vice President and Chief Operating Oidicer of APS

Executive Vice President, Operations of APS

Senior Vice President, Fossil Operations of APS

2009-Present

2009-2012

2014-Present

2008-2014

2914-Present

20 l3-20 l4

2010-20]3

2014-Present

2012-2014

2007-2012

2012-Present

2008-Present

2008-2012

20 l0-Present

2014-present

2007-2014

.2010-present

20 l4-Present

2012-2014

2009-2012
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PART II

ITEM 5. MARKET FOR REGISTRANTS' COMMON EQUITY, RELATED
STDCIGIOLDER MATTERS AND ISSUER PURCHASES OF EQUITY SECURITIES

Pinnacle West's common stock is publicly held and is traded on the New York Stock Exchange. At the
close of business on February 12, 2016, Pinnacle West's common stock was held of record by approximately
20,570 shareholders.

QUARTERLY STOCK PRICES AND DIVIDENDS PAID PER SHARE
STOCK SYMBOL: PNW

High2015

let Quarter

2»a Quarter
3.4 Quarter

4th Quarter

$ 73 .3l

64.95

65.23

67.02

s

Low

61.53

56.01

56.77

60.70

$

Close

63.75

56.89

64.14

64,48

s

Dividends

Per Share

0.595

0.595

0.595

0.625

High2014

In Quarter

2nd Quarter

3rd Quarter

4m Quarter

s 55.99

58.06

57,95

71.1 l

s

Low

51.15

53.71

52.13

54.59

s

Dividends

Close Per Share

54.66 $ 0.5675

57.84 0.5675

54.64 0.5675

68.31 0.595

APS's common stock is wholly-owned by Pinnacle West and is not listed for trading on any stock
exchange. As a result, there is no established public tradingmarket for APS's common stock.

The chart below sets forth the dividends paid on APS's common stock for each of the four quarters for

2015 and 2014.

Common Stock Dividends

(Dollars in Thousands)

Quarter

In Quarter

2»a Quarter
3raQua11er

am Quarter

s

2015

65,800

65,900

65,900

69,300

s

2014

62,500

62,600

62,700

65,800

The sole holder ofAPS's common stock, Pinnacle West, is entitled to dividends when and as declared
out of legally available funds. As of December 31, 2015, APS did not have any outstanding preferred stock.
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Issuer Purchases of Equity Securities

The following table contains information about our purchases of our common stock during the fourth

quarter of 20 l5.

Total
Number of

Shares
Purchased

(I)

Average
Price Paid
per Share

Total Number of
Shares Purchased
as PaN of Publicly
Announced Plans

or Programs

Maximum Number of
Shares that May Yet Be
Purchased Under the
Plans or ProgramsPeriod

October l _ October31, 2015

November l - November 30, 20 l5

December 1 - December 31, 2015

Total

61,471 $ 65.74

6 4 7 l $ 65.74
-

(1) Represents shares of common stock withheld by Pinnacle West to satisfy tax withholding obligations
upon the vesting of performance shares.
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The selected data presented below as of and for the years ended December 31, 2015, 2014, 2013, 2012

and 2011 are derived from the Consolidated Financial Statements. The data should be read in connection with

the Consolidated Financial Statements including the related notes included in Item 8 of this Form l0-K.

OPERATING RESULTS

Operating revenues

Income from continuing opeiadons

Income (loss) from discontinued
operations - net of income taxes

Net income

Less: Net income attributable to
no controlling interests

Net income attributable to common
shareholders

COMMON STOCK DATA

Book value per share - year~end

Eamings per weighted-average
common share outstanding:

Continuing operations attributable to
common shareholders - basic

Net income attributable to common
shareholders - basic

Continuing operations attributable to
commoN shareholders - diluted

Net income attributable to common
shareholders - diluted

Dividends declared per share

Weighted-average common shares
outstanding - basic

Weighted-average common shares
outstanding - diluted

BALANCE SHEET DATA (a)

Total assets

Liabilities and equity:

Cement liabilities

Long-term debt less current
maturities

Deferred credits and other

Total liabilities

Total equity

Total liabilities and equity

ITEM 6. SELECTED FINANCIAL DATA

PINNACLE WEST CAPITAL CORPORATION CONSOLIDATED

$ 437257 $

s

$

$

$

s

s 1s,o2s,2ss s 14,2s8,890 s 1344s6,s26 s 33,357,123 s 13,089,837

s

111,552,130

l l 1,025,944

2015

3,495,443 $

456,190 $

1,442,317 $

456,190

18,933

41.30 $

3.94 s

3.94 $

3.92 $

2.44 s

3.92 $

111,178,141

110,626,101

2014 2013 2012

(dollars in thousands, except per share amounts)

3,491,632 $

423,696

1,559,143 $

423,696

397,595 $ 406,074 $ E 381,542 s 339,473

26,101

39.50

3.59

3.58

3.59 $

3.58 $

2.33

s

s

$

s

s

l 10,805,943

109,984, l60

3,454,628 $

439,966 s

1,618,644 s 1,0s3,54z s

439,966

33,892

38.07 s

3.69

3.66

3.69 $

3.66 $

2.23 s

s :

s

11U,527,3l l

109,510,296

i

3,301,804 $

418,993 s

(5,829)

413,164

31,622

36.20 s

3.54

3.48 $

3.50

3.45 $

2.67 s

$

$

109,864,243

109,052,840

3,241,379

355,634

2011

1,342,705

11,306

366,940

27,467

34.98

2.99

3.01

3.11

3.09

2.10

(a) During the fourth quarter of 2015, we adopted the new accounting standard related to balance sheet
presentation of debt issuance costs. See further discussion in Note 2.
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SELECTED FINANCIAL DATA

ARIZONA PUBLIC SERVICE COMPANY CONSOLIDATED

z01s__ 2014 2013 2012

(dollars in thousands)

2011

$ 3,492,357 $

1,101,298

1,779,075

611,984

33,332

3,488,946 $

1,179,829

1,716,325

592,792

36,358

3,451,251
1,095,709
1,733,677

621,865
20,797

$ 3,293,489 $

994,190

1,693,170

605,529

16,358

3,237,241
1,009,464
1,673,394

554,383
24,974

176,109

469,207

181,830

447,320

183801

458,861

194,777

427,110

215,584

363,773

18,933 26,101 33,892 31,613 21,524

$ 450,274 $ 421,219 $ 424,969 $ 395,497 $ 336,249

$ 14,982,182 s 14,190,362 s 13,359,517 s 13,220,050 $ 13,011,056

OPERATING RESULTS

Electric operating revenues

Fuel and purchased power costs

Other operating expenses

Operating income

Other income

Interest expense - net of allowance
for borrowed funds

Net income

Less: Net income attributable to
no controlling interests

Net income attributable to common
shareholder

BALANCE SHEET DATA (a)

Total assets

Liabilities and equity:

Total equity

Long-termdebt less current
mattunties

Total capitalization

Current liabilities

Deferred credits and other

Total liabilities and equity

$ 4,814,794 $ 4,629,852 $ 4,454,874 $ 4,222,483 $ 4,051,406

3,337,391

8,152,185

1,424,708

5,405,289

14,982,182

2,881,573
7,511,425
1,532,464
5,146,473

14,190,362

2,649,604

7,104,478

1,580,847

4,674,192

s 13,359,517 s

3,051,596

7,274,079

1,043,087

4,902,884

13,220,050 s

2,872,872
6,924,278
1,322,714
4,764,064

13,011,056

(a) During the fourth quarter of 2015, we adopted the new accounting standard related to balance sheet
presentation of debt issuance costs. See further discussion in Note 2.
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ITEM 7. MANAGEMENT'S DISCUSSION AND ANALYSIS
OF FINANCIAL CONDITION AND RESULTS OF OPERATIONS

INTRODUCTION

The following discussion should be read in conjunction with Pinnacle West's Consolidated Financial
Statements and APS's Consolidated Financial Statements and the related Notes that appear in Item 8 of this
report. For information on factors that may cause our actual future results to differ from those we currently
seek or anticipate, see "Forward-Looking Statements" at the front of this report and "Risk Factors" in Item lA.

OVERVIEW

Pinnacle West owns all of the outstanding common stock ofAPS. APS is a vertically-integrated
electric utility that provides either retail or wholesale electric service to most of the state of Arizona, with the
major exceptions of about one-half of the Phoenix metropolitan area, the Tucson metropolitan area and
Mohave County in northwestern Arizona. APS currently accounts for essentially all of our revenues and
eamlngs.

Areas of Business Focus

Operational Performance, Reliability and Recent Developments.

Nuclear. APS operates and is a joint owner of Palo Verde. The March 2011 earthquake and tsunamis
in Japan and the resulting accident at Japan's Fukushima Daiichi nuclear power station had a significant impact
on nuclear power operators worldwide. In the aftermath of the accident, the NRC conducted an independent
assessment to consider actions to address lessons learned from the Fukushima events. The independent
assessment, named the "Near Term Task Force," recommended a number of proposed enhancements to U.S.
commercial nuclear power plant equipment and emergency plans. The NRC has directed nuclear power plants
to begin implementing some of the Near Term Task Force's recommendations. To implement these
recommendations, Palo Verde expects to spend approximately $0.5 million for capital enhancements to the
plant through 2016 in addition to the approximate $125 million that has already been spent on capital
enhancements as of December 31, 2015 (APS's share is 29.1%).

Coal and Related Environmental Matters and Transactions. APS is a joint owner of three coal-
fired power plants and acts as operating agent for two of the plants. APS is focused on the impacts on its coal
fleet that may result from increased regulation and potential legislation concerning GHG emissions. On
June 2, 2014, EPA proposed a rule to limit carbon dioxide emissions from existing power plants (the "Clean
Power Plan"), and EPA finalized its proposal on August 3, 2015.

EPA's nationwide CON emissions reduction goal is 32% below 2005 emission levels. As finalized for
the state of Arizona and the Navajo Nation, compliance with the Clean Power Plan could involve a shift in
generation from coal to natural gas and renewable generation. Until implementation plans for these
jurisdictions are finalized, we are unable to determine the actual impacts to APS. APS continually analyzes its
long-range capital management plans to assess the potential effects of these changes, understanding that any
resulting regulation and legislation could impact the economic viability of certain plants, as well as the
willingness or ability of power plant participants to continue participation in such plants.
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Cholla

On September 11, 2014, APS announced that it would close its 260 MW Unit 2 at Cholla and cease
burning coal at Units 1 and 3 by the mid-2020s if EPA approves a compromise proposal offered by APS to
meet required environmental and emissions standards and rules. On April 14, 2015, the ACC approved APS's
plan to retire Unit 2, without expressing any view on the future recoverability ofAPS's remaining investment
in the Unit. (See Note 3 for details related to the resulting regulatory asset and Note 10 for details of the
proposal.) APS believes that the environmental benefits of this proposal are greater in the long term than the
benefits that would have resulted from adding emissions control equipment. APS closed Unit 2 on October l

Four Corners

Asset Purchase Agreement and Coal Supply Matters. On December 30, 2013, APS purchased SCE's
48% interest in each of Units 4 and 5 of Four Corners. The Final purchase price for the interest was
approximately $182 million. In connection with APS's most recent retail rate case with the ACC, the ACC
resewed the right to review the prudence of the Four Comers transaction for cost recovery purposes upon the
closing of the transaction. On December 23, 2014, the ACC approved rate adjustments related to APS's
acquisition of SCE's interest in Four Corners resulting in a revenue increase of $57.1 million on an annual
basis. On February 23, 2015, the ACC decision approving the rate adjustments was appealed. APS has
intervened and is actively participating in the proceeding. The Arizona Court of Appeals has suspended the
appeal pending the Arizona Supreme Court's decision in the SIB matter discussed below, which could have an
effect on the outcome of this Four Corners proceeding. We cannot predict when or how this matter will be
resolved

Concurrently with the closing of the SCE transaction, BHP Billiton, the parent company of BNCC, the
coal supplier and operator of the mine that serves Four Corners, transferred its ownership of BNCC to NTEC, a
company formed by the Navajo Nation to own the mine and develop other energy projects. BHP Billiton will
be retained by NTEC under contract as the mine manager and operator until July 2016. Also occurring
concurrently with the closing, the Four Corners' co-owners executed the 2016 Coal Supply Agreement for the
supply of coal to Four Corners from July 2016, when the current coal supply agreement expires, through 2031
El Paso, a 7% owner in Units 4 and 5 of Four Corners, did not sign the 2016 Coal Supply Agreement. Under
the 2016 Coal Supply Agreement, APS has agreed to assume the 7% shortfall obligation. On February 17
2015, APS and El Paso entered into an asset purchase agreement providing for the purchase by APS, or an
affiliate ofAPS, of El Paso's 7% interest in each of Units 4 and 5 of Four Corners. The cash purchase price
which will be subject to certain adjustments at closing, is immaterial in amount, and the purchaser will assume
El Paso's reclamation and decommissioning obligations associated with the 7% interest. Completion of the
purchase is subject to the receipt of certain regulatory approvals and is expected to occur in July 2016

When APS, or an affiliate ofAPS, ultimately acquires E1 Paso's interest in Four Corners, NTEC has the
option to purchase the interest within a certain timeframe pursuant to an option granted by APS to NTEC. On
December 29, 2015, NTEC notified APS of its intent to exercise the option. APS is negotiating a definitive
purchase agreement with NTEC for the purchase of the 7% interest. The 2016 Coal Supply Agreement
contains alternate pricing terms for the 7% shortfall obligations in the event NTEC does not purchase the
interest

Lease Extension. APS, on behalf of the Four Corners participants, negotiated amendments to an
existing facility lease with the Navajo Nation, which extends the Four Corners leasehold interest from 2016 to
2041. The Navajo Nation approved these amendments in March 2011. The effectiveness of the amendments
also required the approval of the DOI, as did a related federal rights-of-way grant. A federal environmental
review was undertaken as part of the DOI review process, and culminated in the issuance by DOI of a record
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of decision on July 17, 2015. The record of decision provided the authority for the Bureau of Indian Affairs to
sign the lease amendments and rights-of-way renewals, which occurred in late July 2015. On December 21
2015, several environmental groups filed a notice of intent to sue with OSM and other federal agencies under
the Endangered Species Act alleging that OSM's reliance on the Biological Opinion and Incidental Take
Statement prepared in connection with the environmental review described above were not in accordance with
applicable law. We are monitoring this matter and will intervene if a lawsuit is filed. We cannot predict the
timing or outcome of this matter

Natural Gas. APS has six natural gas power plants located throughout Arizona, including Ocotillo
Ocotillo is a 330 MW 4-unit gas plant located in the metropolitan Phoenix area. In early 2014, APS announced
a project to modernize the plant, which involves retiring two older 110 MW steam units, adding five 102 MW
combustion turbines and maintaining two existing 55 MW combustion turbines. In total, this increases the
capacity of the site by 290 MW, to 620 MW, with completion targeted by summer 2019. APS completed a
competitive solicitation process in which the Ocotillo project was evaluated against other alternatives
Consistent with the independent monitor's report, the Ocotillo project was selected as the best alternative. APS
must finalize the permitting process before construction can begin

Transmission and Delivery. APS is working closely with regulators to identify and plan for
transmission needs that continue to support system reliability, access to markets and renewable energy
development. The capital expenditures table presented in the "Liquidity and Capital Resources" section below
includes new APS transmission projects through 2018, along with other transmission costs for upgrades and
replacements. APS is also working to establish and expand advanced grid technologies throughout its service
territory to provide long-term benefits both to APS and its customers. APS is strategically deploying a variety
of technologies that are intended to allow customers to better monitor their energy use and needs, minimize
system outage durations, as well as the number of customers that experience outages, and facilitate greater cost
savings to APS through improved reliability and the automation of certain distribution functions, including
remote meter reading and remote connects and disconnects

Renewable Energy. The ACC approved the RES in 2006. The renewable energy requirement is 6% of
retail electric sales in 2016 and increases annually until it reaches 15% in 2025. In the 2009 Settlement
Agreement, APS agreed to exceed the RES standards, committing to use APS's best efforts to obtain 1,700
GWh of new renewable resources to be in service by year-end 2015, in addition to its RES renewable resource
commitments. APS met its settlement commitment and RES target for 2015. A component of the RES targets
development of distributed energy systems

In 2013, the ACC conducted a hearing to consider APS's proposal to establish compliance with
distributed energy requirements by tracking and recording distributed energy, rather than acquiring and retiring
renewable energy credits. On February 6, 2014, the ACC established a proceeding to modify the renewable
energy rules to establish a process for compliance with the renewable energy requirement that is not based
solely on the use of renewable energy credits. On September 9, 2014, the ACC authorized a Rulemaking
process to modify the RES rules. The proposed changes would permit the ACC to find that utilities have
complied with the distributed energy requirement in light of all available information. The ACC adopted these
changes on December 18, 2014. The revised rules went into effect on April 21, 2015

On July 1, 2014, APS filed its 2015 RES implementation plan and proposed a RES budget of
approximately $154 million. Cn December 31, 2014, the ACC issued a decision approving the 2015 RES
implementation plan with minor modifications, including reducing the requested budget to approximately $152
million



On July 1, 2015, APS filed its 2016 RES implementation plan and proposed a RES budget of
approximately $148 million. On January 12, 2016, the ACC approved APS's plan and requested budget.

APS has developed owned solar resources through the ACC-approved AZ Sun Program. APS has
invested approximately $675 million in its AZ Sun Program. Agreements for the development and completion
of future resources are subject to various conditions, including successful siring, pennitting and
interconnection of the project to the electric grid.

In accordance with the ACC's decision on the 2014 RES plan, on April 15, 2014, APS filed an
application with the ACC requesting permission to build an additional 20 MW of APS-owned utility scale solar
under the AZ Sun Program. In a subsequent filing, APS also offered an alternative proposal to replace the 20
MW of utility scale solar with 10 MW (approximately 1,500 customers) of APS-owned residential solar that
will not be under the AZ Sun Program. On December 19, 2014, the ACC voted that it had no objection to APS
implementing its residential rooftop solar program. The first stage of the residential rooftop solar program,
called the "Solar Partner Program", is to be 8 MW followed by a 2 MW second stage that will only be
deployed if coupled with distributed storage. The program will target specific distribution feeders in an effort
to maximize potential system benefits, as well as make systems available to limited-income customers who
cannot easily install solar through transactions with third parties. The ACC expressly reserved that any
detennination of prudence of the residential rooftop solar program for rate making purposes shall not be made
until the project is fully in service and APS requests cost recovery in a future rate case.

Demand Side Management. In December 2009, Arizona regulators placed an increased focus on
energy efficiency and other demand side management programs to encourage customers to conserve energy,
while incentivizing utilities to aid in these efforts that ultimately reduce the demand for energy. The ACC
initiated an Energy Efficiency Rulemaking, with a proposed Energy Efficiency Standard of 22% cumulative
annual energy savings by 2020. The 22% figure represents the cumulative reduction in future energy usage
through 2020 attributable to energy efficiency initiatives. This standard became effective on January l, 201 l .

On June 1, 2012, APS filed its 2013 DSM Plan. In 2013, the standards required APS to achieve
cumulative energy savings equal to 5% of its 2012 retail energy sales. Later in 2012, APS filed a supplement
to its plan that included a proposed budget for 2013 of $87.6 million.

On March ll, 2014, the ACC issued an order approving APS's 2013 DSM Plan. The ACC approved a
budget of $68.9 million for each of 2013 and 2014. The ACC also approved a Resource Savings Initiative that
allows APS to count towards compliance with the ACC Electric Energy Efficiency Standards, savings from
improvements to APS's transmission and delivery system, generation and facilities that have been approved
through a DSM Plan.

On March 20, 2015, APS filed an application with the ACC requesting a budget of $68.9 million for
2015 and minor modifications to its DSM portfolio going forward, including for the first time three resource
savings projects which reflect energy savings on APS's system. The ACC approved APS's 2015 DSM budget
on November 25, 2015. In its decision, the ACC also approved that verified energy savings from APS's
resource savings projects could be counted toward compliance with the Electric Energy Efficiency Standard,
however, the ACC ruled that APS was not allowed to count savings from systems savings projects toward
determination of its achievement tier level for its performance incentive, nor may APS include savings from
conservation voltage reduction in the calculation of its Lost Fixed Cost Recovery mechanism.

On June 1, 2015, APS filed its 2016 DSM Plan requesting a budget of $68.9 million and minor
modifications to its DSM portfolio to increase energy savings and cost effectiveness of the programs. The
DSM Plan also proposed a reduction in the DSMAC of approximately 12%.
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Electric Energy Ejfieieney. On June 27, 2013, the ACC voted to open a new docket investigating
whether the Electric Energy Efficiency Standards should be modified. The ACC held a series of three
workshops in March and April 2014 to investigate methodologies used to determine cost effective energy
efficiency programs, cost recovery mechanisms, incentives, and potential changes to the Electric Energy
Efficiency and Resource Planning Rules.

On November 4, 2014, the ACC staff issued a request for informal comment on a draft of possible
amendments to Arizona's Electric Utility Energy Efficiency Standards. The draft proposed substantial changes
to the rules and energy efficiency standards. The ACC accepted written comments and took public comment
regarding the possible amendments on December 19, 2014. A formal Rulemaking has not been initiated and
there has been no additional action on the draft to date.

Rate Matters. APS needs timely recovery through rates of its capital and operating expenditures to
maintain its financial health. APS's retail rates are regulated by the ACC and its wholesale electric rates
(primarily for transmission) are regulated by FERC. On June l, 2011, APS filed a rate case with the ACC.
APS and other parties to the retail rate case subsequently entered into the 2012 Settlement Agreement detailing
the terms upon which the parties have agreed to settle the rate case. See Note 3 for details regarding the 2012
Settlement Agreement terns and for information on APS's FERC rates.

On January 29, 2016, APS filed a NOI informing the ACC that APS intends to submit a rate case
application in June 2016 using an adjusted test year ending December 31, 2015. The NOI provides an
overview of the key issues APS expects to address in its formal request such as rate design changes
(residential, commercial and industrial), a decoupling mechanism, permission to defer for potential future
recovery costs associated with the Company's Ocotillo Modernization Project, permission to defer for
potential future recovery costs associated with environmental standards compliance, inclusion of post-test year
plant and modifications to certain adjustor mechanisms, among other items. In its rate application, APS will
request that its proposed pricing changes take effect in July 2017. APS is still developing the exact amount of
the request.

APS has several recovery mechanisms in place that provide more timely recovery to APS of its fuel
and transmission costs, and costs associated with the promotion and implementation of its demand side
management and renewable energy efforts and customer programs. These mechanisms are described more
fully in Note 3 .

As part ofAPS's acquisition of SCE's interest in Units 4 and 5 of Four Corners, APS and SCE agreed,
via a "Transmission Termination Agreement" that, upon closing of the acquisition, the companies would
terminate an existing transmission agreement ("Transmission Agreement") between the parties that provides
transmission capacity on a system (the "Arizona Transmission System") for SCE to transmit its portion of the
output from Four Comers to California. APS previously submitted a request to FERC related to this
termination, which resulted in a FERC order denying rate recovery of $40 million that APS agreed to pay SCE
associated with the termination. APS and SCE negotiated an alternate arrangement under which SCE would
assign its 1,555 MW capacity rights over the Arizona Transmission System to third parties, including 300 MW
to APS's marketing and trading group. However, this alternative arrangement was not approved by FERC. On
December 22, 2015, APS and SCE agreed to terminate the Transmission Termination Agreement and allow for
the Transmission Agreement to expire according to its terns, which includes settling obligations in accordance
with the terms of the Transmission Agreement. APS has established a regulatory asset of $12 million at
December 31, 2015 in connection with the expiration of the Transmission Agreement, which it expects to
recover through its FERC-jurisdictional rates.
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Net Metering. On July 12, 2013, APS filed an application with the ACC proposing a solution to
address the cost shift brought by the current net metering rules. On December 3, 2013, the ACC issued its
order on APS's net metering proposal. The ACC instituted a charge on customers who install rooftop solar
panels after December 31, 2013. The charge of $0.70 per kilowatt became effective on January l, 2014, and is
estimated to collect $4.90 per month from a typical future rooftop solar customer to help pay for their use of
the electric grid. The fixed charge does not increase APS's revenue because it is credited to the LFCR.

In making its decision, the ACC determined that the current net metering program creates a cost shift,
causing non-solar utility customers to pay higher rates to cover the costs of maintaining the electric grid. The
ACC acknowledged that the $0.70 per kilowatt charge addresses only a portion of the cost shift.

On October 20, 2015, the ACC voted to conduct a generic evidentiary hearing on the value and cost of
distributed generation to gather information that will inform the ACC on net metering issues and cost of
service studies in upcoming utility rate cases. A hearing has been scheduled to commence in April 2016. APS
cannot predict the outcome of this proceeding.

In 2015, Arizona jurisdictional utilities UNS Electric, Inc. and Tucson Electric Power Company both
filed applications with the ACC requesting rate increases. These applications include rate design changes to
mitigate the cost shift caused by net metering. On December 9, 2015, APS filed testimony in the UNS
Electric, Inc. rate case in support of the UNS Electric, Inc. proposed rate design changes. APS has also
requested intervention in the upcoming Tucson Electric Power Company rate case. The outcomes of these
proceedings will not directly impact our financial position.

Appellate Review of Third-Party Regulatory Decision ("System Improvement Benefits " or "SIB '9_
In a recent appellate challenge to an ACC rate decision involving a water company, the Arizona Court of
Appeals considered the question of how the ACC should determine the "fair value" of a utility's property, as
specified in the Arizona Constitution, in connection with authorizing the recovery of costs through rate
adjustors outside of a rate case. The Court of Appeals reversed the ACC's method of finding fair value in that
case, and raised questions concerning the relationship between the need for fair value findings and the recovery
of capital and certain other utility costs through adjustors. The ACC sought review by the Arizona Supreme
Court of this decision and APS filed a brief supporting the ACC's petition to the Arizona Supreme Court for
review of the Court of Appeals' decision. On February 9, 2016, the Arizona Supreme Court granted review of
the decision and oral argument is set for March 22, 2016. If the decision is upheld by the Supreme Court
without modification, certain APS rate adjustors may require modification. This could in tum have an impact
on APS's ability to recover certain costs in between rate cases. APS cannot predict the outcome of this matter.

Financial Strength and Flexibility. Pinnacle West and APS currently have ample borrowing capacity
under their respective credit facilities, and may readily access these facilities ensuring adequate liquidity for
each company. Capital expenditures will be funded with internally generated cash and external financings,
which may include issuances of long-term debt and Pinnacle West common stock.

Other Subsidiaries.

Bright Canyon Energy. On July 31, 2014, Pinnacle West announced its creation of a wholly-owned
subsidiary, BCE. BCE will focus on new growth opportunities that leverage the Company's core expertise in
the electric energy industry. BCE's first initiative is a 50/50 joint venture with BHE U.S. Transmission LLC, a
subsidiary of Berkshire Hathaway Energy Company. The joint venture, named TransCanyon, is pursuing
independent transmission opportunities within the eleven states that comprise the Western Electricity
Coordinating Council, excluding opportunities related to transmission service that would otherwise be
provided under the tariffs of the retail service territories of the venture partners' utility affiliates. TransCanyon
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continues to pursue transmission development oppomnities in the western United States consistent with its

strategy.

The operations of El Dorado are not expected to have any material impact on our financial
results, or to require any material amounts of capital, over the next three years.

El Dorado.

Key Financial Drivers

In addition to the continuing impact of the matters described above, many factors influence our
financial results and our future financial outlook, including those listed below. We closely monitor these
factors to plan for the Colnpany's current needs, and to adjust our expectations, financial budgets and forecasts
appropriately.

Electric Operating Revenues. For the years 2013 through 2015, retail electric revenues comprised
approximately 93% of our total electric operating revenues. Our electric operating revenues are affected by
customer growth or decline, variations in weather from period to period, customer mix, average usage per
customer and the impacts of energy efficiency programs, distributed energy additions, electricity rates and
tariffs, the recovery of PSA deferrals and the operation of other recovery mechanisms. These revenue
transactions are affected by the availability of excess generation or other energy resources and wholesale
market conditions, including competition, demand and prices.

Customer and Sales Growth. Retail customers in APS's service territory increased 1.2% for the year
ended December 31, 2015 compared with the prior year. For the three years 2013 through 2015, APS's
customer growth averaged 1.3% per year. We currently expect annual customer growth to average in the range
of 2.0-3.0% for 2016 through 2018 based on our assessment of modestly improving economic conditions in
Arizona. Retail electricity sales in kph, adjusted to exclude the effects of weather variations, increased 0.7%
for the year ended December 31, 2015 compared with the prior year, reflecting the effects of improving
economic conditions and customer growth, partially offset by customer conservation and energy efficiency and
distributed renewable generation initiatives. For the three years 2013 through 2015, APS experienced annual
increases in retail electricity sales averaging 0.1%, adjusted to exclude the effects of weather variations. We
currently estimate that annual retail electricity sales in kph will increase on average in the range of 0.5-1 .5%
during 2016 through 2018, including the effects of customer conservation and energy efficiency and distributed
renewable generation initiatives, but excluding the effects of weather variations. A slower recovery of the
Arizona economy could further impact these estimates.

Actual sales growth, excluding weather-related variations, may differ from our projections as a result
of numerous factors, such as economic conditions, customer growth, usage patterns and energy conservation,
impacts of energy efficiency programs and growth in distributed generation, and responses to retail price
changes. Based on past experience, a reasonable range of variation in our kph sales projections attributable to
such economic factors under normal business conditions can result in increases or decreases in annual net
income of up to $10 million.

Weather In forecasting the retail sales growth numbers provided above, we assume normal weather
patterns based on historical data. Historically, extreme weather variations have resulted in annual variations in
net income in excess of $20 million. However, our experience indicates that the more typical variations from
normal weather can result in increases or decreases in annual net income of up to $10 million.

Fuel and Purchased Power Costs. Fuel and purchased power costs included on our Consolidated
Statements of Income are impacted by our electricity sales volumes, existing contracts for purchased power
and generation fuel, our power plant performance, transmission availability or constraints, prevailing market
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prices, new generating plants being placed in service in our market areas, changes in our generation resource
allocation, our hedging program for managing such costs and PSA deferrals and the related amortization.

Operations and Maintenance Expenses. Operations and maintenance expenses are impacted by
customer and sales growth, power plant operations, maintenance of utility plant (including generation,
transmission, and distribution facilities), inflation, outages, renewable energy and demand side management
related expenses (which are offset by the same amount of operating revenues)and other factors. On September
30, 2014, Pinnacle West announced plan design changes to the group life and medical postretirement benefit
plan, which reduced net periodic benefit costs. See Note 7.

Depreciation andAmortization Expenses. Depreciation and amortization expenses are impacted by
net additions to utility plant and other property (such as new generation, transmission, and distribution
facilities), and changes in depreciation and amortization rates. See "Capital Expenditures" below for
information regarding the planned additions to our facilities. See Note 3 regarding deferral of certain costs
pursuant to an ACC order.

Property Taxes. Taxes other than income taxes consist primarily of property taxes, which are affected
by the value of property in-service and under consmction, assessment ratios, and tax rates. The average
property tax rate in Arizona for APS, which owns essentially all of our property, was 11.0% of the assessed
value for 2015, 10.7% for 2014 and 10.5% for 2013. We expect property taxes to increase as we add new
generating units and continue with improvements and expansions to our existing generating units, transmission
and distribution facilities. (See Note 3 for property tax deferrals contained in the 2012 Settlement Agreement.)

Income Taxes. Income taxes are affected by the amount of pretax book income, income tax rates,
certain deductions and non-taxable items, such as AFUDC. In addition, income taxes may also be affected by
the settlement of issues with taxing authorities.

Interest Expense. Interest expense is affected by the amount of debt outstanding and the interest rates
on that debt (see Note 6). The primary factors affecting borrowing levels are expected to be our capital
expenditures, long-term debt maturities, equity issuances and internally generated cash flow. An allowance for
borrowed funds used during construction offsets a portion of interest expense while capital projects are under
construction. We stop accruing AFUDC on a project when it is placed in commercial operation.

RESULTS OF OPERATIONS

Pinnacle West's only reportable business segment is our regulated electricity segment, which consists
of traditional regulated retail and wholesale electricity businesses (primarily electric service to Native Load
customers) and related activities and includes electricity generation, transmission and distribution.

Operating Results - 2015 compared with 2014.

Our consolidated net income attributable to common shareholders for the year ended December 31,
2015 was $437 million, compared with $398 million for the prior year. The results reflect an increase of
approximately $34 million for the regulated electricity segment primarily due to the Four Corners-related rate
change, lower operations and maintenance expenses, and higher retail sales due to customer growth and
changes in customer usage patterns and related pricing, partially offset by higher depreciation and
amortization. The all other segment's income was higher by $5 million primarily related to El Dorado's
investment losses in 2014.
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The following table presents net income attributable to common shareholders by business segment
compared with the prior year

Year Ended
December 31

Net change
(dollars in millions)

2.391 $
(868)
(494)
(172)

1
2.309 $
(908)
(417)
(1.72)

82
40

(77)

(9)

I

I(179)
(239)
(19)

(185)
(224)
(26)

(15)

. . . Electricity s

Operating revenues less fuel and purchased power expenses

Depreciation and amortization

Tunes income

All other income and expenses, net

. . forlitiintldwediimdsusCdduring

Income taxes

18)
Regulated electricity segment income

Net Income Attributable to Common Shareholders
(2) (7)

Operating revenues lessfuel andpurehasedpower eucpenses. Regulated electricity segment operating
revenues less fuel and purchasedpower expenses were $82 million higher for the year ended December 3 l
2015 compared with the prior year. The following table summarizes the major componentsof this change

Operating
revenues

s

Increase (Decrease)
Fuel and

purchased
power

expenses Net change
(dollars in millions)

$ 56

ding 01°F | . (68) (1)

(15)

Fem .. .

Higher retail sades due to customer growth and changes in
customer usage patterns and related pricing

Effects of weather

...
Changes in long-term wholesale contracted sales

e . . itbins

(69)

(40) (25)

(79)  $

Operations and maintenance. Operations and maintenance expenses decreased $40 million for the
year ended December 31, 2015 compared with the prior year primarily because of:

A decrease of $21 million for employee benefit costs
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A decrease of $14 million in fossil generation costs primarily related to lower planned outage
costs

A decrease of $13 million for costs related to corporate support

A decrease of $8 million related to costs for demand-side management, renewable energy and
similar regulatory programs, which is partially offset in operating revenues and purchased
power

An increase of $9 million related to higher nuclear generation costs

An increase of $6 million in customer service costs including costs related to a new customer
infonnation system, and

An increase of $1 million related to other miscellaneous factors

Depreciation and amortization. Depreciation and amortization expenses were $77 million higher for
the year ended December 31, 2015 compared with the prior year primarily related to

An increase of $34 million related to the absence of 2014 Four Corners cost deferrals and the
related 2015 amortization

An increase of $16 million related to the Four Comers acquisition adjustment

An increase of $20 million due to increased plant in service

An increase of $10 million related to the regulatory treatment of the Palo Verde sale
leaseback, which is offset in no controlling interests, and

A decrease of $3 million due to other miscellaneous factors

All other income and expenses, net. All other income and expenses, net, were $9 million lower for the
year ended December 31, 2015 compared with the prior year primarily due to the return on the Four Comers
acquisition in 2014

Interest charges, net ofallowaneefor borrowed funds used during construction. Interest charges
net of allowance for borrowed funds used during construction, decreased $6 million for the year ended
December 3 l, 2015 compared with the prior year, primarilybecause of lower interest rates on our debt in the
current year

Income taxes. Income taxes were $15 million higher for the year ended December 31, 2015 compared
with the prior year primarily due to the effects of higher pretax income in the current year

Operating Results - 2014 compared with 2013

Our consolidated net income attributable to common shareholders for the year ended December 31
2014 was $398 million, compared with $406 million for the prior year. The results reflect a decrease of
approximately $4 million for the regulated electricity segment primarily due to higher fossil generation costs
lower retail sales due to the effects of weather, higher property taxes, and lower retail transmission revenues. These
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negative factors were partially offset by lower operations and maintenance expenses related to lower employee
benefit costs, higher other income, and increased revenues for lost fixed cost recovery. All other segment's income
was lower by $4 million primarily related to El Dorado's investment losses

The following table presents net income attributable to common shareholders by business segment

compared with the prior year

Year Ended
December 31

Net change

(dollars in millions)

(47)2.309 $
(908)
(417)
(172)

2.356 $
(925)
(416)
(164)

(1)
(8)

(185)
(224)
(26)

(187)
(232)
(34)

Operating revenues less fuel and purchased power expenses

Depneciadon and amortization

All other income and expenses, net

. 1 net of . .
. "au

Income taxes

is;
Regulated electricity segment income

Net Income Attributable to Common Shareholders

(7) (3)
(4)
(4)
(8)

Operating revenues less fuel andpurehasedpower euqpenses. Regulated electricity segment operating
revenues less fuel and purchased power expenses were $47 million lower for the year ended December 3 l
2014 compared with the prior year. The following table summarizes the major components of this change

Operating
revenues

$

Increase (Decrease)

Fuel and
purchased

power
expenses Net change

(dollars in millions)

(45) s (16) $

( 7 )

(20)
(7)

(4) (4)

EifeOts.of werslllher

Lower demand side management regulatory surcharges, offset by
renewable energy regulatory surcharges and purchased power

retail iransmissioii :even

Lower retail sales due to changes in customer usage patterns and
related pricing, partially offset by customer growth

Higher netfuel and Purchased power costs, including related
deferrals and higher off-system sales margins

Lost fixed cost recovery

Miscellaneous items,net

( 1 )

(47)
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Operations and m a i n t e n a n c e . Operations and maintenance expenses decreased $17 million for the
year ended December 31, 2014 compared with the prior year primarily because of:

A decrease of $33 million related to costs for demand-side management, renewable energy and
similar regulatory programs, which were partially offset in operating revenues and purchased
power,

A decrease of $20 million related to lower employee benefit costs

An increase of $33 million in generation costs, primarily related to an increased ownership
share in Four Corners, a portion of which is deferred in depreciation and amortization, and
higher fossil maintenance costs, and

An increase of $3 million related to miscellaneous other factors

Depreciation and amortization. Depreciation and amortization expenses were $1 million higher for
the year ended December 31, 2014 compared with the prior year primarily related to higher plant balances of
approximately $23 million, partially offset by higher Four Comers cost deferrals in the current year of
approximately $22 mill ion.

Taxes other than income t ax e s . Taxes other than income taxes were $8 million higher for the year
ended December 3 l, 2014 compared with the prior year primarily due to higher property tax rates and higher
plant balances.

All other income and expenses, net. All other income and expenses, net, were $17 million higher for
the year ended December 31, 2014 compared with the prior year due to the debt return on the Four Comers
acquisition, an increase in the allowance for equity funds used during construction due to higher balances, and
other non-operating income.

I n c o m e  t a x e s . Income taxes were $8 million lower for the year ended December 31 , 2014 compared
with the prior year primarily due to the effects of lower pretax income in the current year

LIQUIDITY AND CAPITAL RESOURCES

Overview

Pinnacle West's primary cash needs are for dividends to our shareholders and principal and interest
payments on our indebtedness. The level of our common stock dividends and future dividend growth will be
dependent on declaration by our Board of Directors and based on a number of factors, including our financial
condition, payout ratio, free cash flow and other factors.

Our primary sources of cash are dividends from APS and external debt and equity issuances. An ACC
order requires APS to maintain a common equity ratio of at least 40%. As defined in the related ACC order
the common equity ratio is defined as total shareholder equity divided by the sum of total shareholder equity
and long-term debt, including current maturities of long-term debt. At December 3 l , 2015, APS's common
equity ratio, as defined, was 55%. Its total shareholder equity was approximately $4.7 billion, and total
capitalization was approximately $8.6 billion. Under this order, APS would be prohibited from paying
dividends if such payment would reduce its total shareholder equity below approximately $3.4 billion
assuming APS's total capitalization remains the same. This restriction does not materially affect Pinnacle
West's ability to meet its ongoing cash needs or ability to pay dividends to shareholders

59

Il l



APS's capital requirements consist primarily of capital expenditures and maturities of long-term debt.

APS funds its capital requirements with cash from operations and, to the extent necessary, external debt

financing and equity infusions from Pinnacle West

Many ofAPS's current capital expenditureprojects quality for bonus depreciation. On December 18,
2015, President Obama signed into law the Consolidated Appropriations Act, 2016 (H.R. 2029) which
combined the tax and government funding bills (The Protecting Americans from Tax Hikes Act and Omnibus
Bill) containing an extension of bonus depreciation through 2019. Enactment of this legislation is expected to
generate approximately $375-$425 million of cash tax benefits over the next three years, which is expected to
be fully realized by APS and Pinnacle West Consolidated during this time frame. The cash generated by the
extension of bonus depreciation is an acceleration of the tax benefits that APS wouldhaveotherwise received
over 20 years. At Pinnacle West Consolidated, the extension of bonus depreciation will, in tum, delay until
2019 full cash realization of approximately $82 million of currently unrealized Investment Tax Credits, which
are recorded as a deferred tax asset on the Consolidated Balance Sheet as ofDecember 3 l, 2015.

Summary of Cash Flows

The following tables present net cash provided by (used for) operating, investing and financing
activities for the years ended December 31, 2015, 2014 and 2013 (dollars in millions):
Pinnacle West Consolidated

2015 2014 2013

$ s
|

4

Netcgsh
Net cash flow used for investing activities

for)

Net increase (decrease) in cash and cash equivalents $

13094 1,100

(1,066) (923)
(179)

32 $ (2)  $

1153

(1,009)

(161)

(17)

Arizona Public Service Company

2015 2014
s

1
Net cash flow used for investing activities

Net increase in cash and cash equivalents

2013
$ 1,100 1,124. s 1,194

(1,060) (922) (1,009)
(22) (201) (185)

18 s 1 $$

Operating Cash Flows

2015Compared with 2014. PinnacleWest's consolidated net cash provided by operating activities was
$1,094 million in 2015 compared to $1,100 million in 2014, a decrease of $6 million in net cash provided. The
decrease is primarily related to a $135 million income tax refund received in the first quarter of2014, which is
partially offset by a $48 million change in cash collateral posted, and other changes in working capital
including increased cash receipts for the Four Comers-related rate change of $56 million.

2014 Compared with 2013. Pinnacle West's consolidated net cash provided by operating activities was
$1,100 million in 2014 compared to $1,153 million in 2013, a decrease of $53 million in net cash provided.
The decrease is primarily related to $99 million in higher fuel and purchased power costs, a $39 million
increase in cash collateral posted, $34 million of higher pension contributions in 2014, and other changes in
working capital. The decrease is partially offset by a $121 million increase in income tax refunds net of
payments (primarily related to a $135 million income tax refund received in the first quarter of 2014). APS's
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operating cash flows included income tax refunds of approximately $86 million in 2014 compared with payments of
$8 million in 2013.

Retirement plans and other postretirement benefits. Pinnacle West sponsors a qualified defined
benefit pension plan and a non-qualified supplemental excess benefit retirement plan for the employees of
Pinnacle West and our subsidiaries. The requirements of the Employee Retirement Income Security Act of
1974 ("ERISA") require us to contribute a minimum amount to the qualified plan. We contribute at least the
minimum amount required under ERISA regulations, but no more than the maximum tax-deductible amount.
The minimum required funding takes into consideration the value of plan assets and our pension benefit
obligations. Under ERISA, the qualified pension plan was 116% funded as of January l, 2015 and is estimated
to be approximately 116% funded as of January 1, 2016. Under GAAP, the qualified pension plan was 89%
funded as of January l, 2015 and is estimated to be approximately 88% funded as of January l, 2016. See
Note 7 for additional details. The assets in the plan are comprised of fixed-income, equity, real estate, and
short-term investments. Future year contribution amounts are dependent on plan asset performance and plan
actuarial assumptions. We made contributions to our pension plan totaling $100 million in 2015, $175 million
in 2014, and $141 million in 2013. The minimum required contributions for the pension plan are zero for the
next three years. We expect to make voluntary contributions up to a total of $300 million during the
2016-2018 period. With regard to our contributions to our other postretirement benefit plans, we made a
contribution of approximately $1 million in 2015, $1 million in 2014, and $14 million in 2013. We expect to
make contributions of approximately $1 million in each of the next three years to our other postretirement
benefit plans.

Investing Cash Flows

2015 Compared with 2014. Pinnacle West's consolidated net cash used for investing activities was
$1,066 million in 2015, compared to $923 million in 2014, an increase of $143 million in net cash used
primarily related to increased capital expenditures.

2014 Compared with 2013. Pinnacle West's consolidated net cash used for investing activities was
$923 million in 2014, compared to $1,009 million in 2013, a decrease of $86 million in net cash used. The
decrease in net cash used for investing activities is primarily related to APS's purchase of SCE's interest in
Units 4 and 5 of Four Comers of approximately $209 million in 2013, partially ouTset by an increase of
approximately $123 million in other capital expenditures.
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Capital Expenditures. The following table summarizes the estimated capital expenditures for the next
three years:

Capital Expenditures
(dollars in millions)

2016

Estimated for the Year Ended
December 31,

2017 z018

$
E

i
I
I

I
1
I

\

e
I
I

8

78 $

1

-199

237

133

345

210

82

1,285 s

81
1

130
112
222
376
120
82

1,124

Are ..
Generation:

NuelearFI1l4el

Renewables

New Gas Generation

Distribution

Other (a)

$

81

110

235

77

134

357

123

88

1,205

(a) Primarily information systems and facilities projects.

Generation capital expenditures are comprised of various improvements to APS's existing fossil and
nuclear plants. Examples of the types of projects included in this category are additions, upgrades and capital
replacements of various power plant equipment, such as turbines, boilers and environmental equipment. The
estimated renewables capital expenditures include a planned utility-scale solar facility, which is subject to
regulatory approval. We have not included estimated costs for Cholla's compliance with MATS or EPA's
regional haze rule since we have challenged the regional haze rule judicially and we have proposed a
compromise strategy to EPA, which, if approved, would allow us to avoid expenditures related to
environmental control equipment. The portion of estimated costs for 2016 through 2018 for installation of
pollution control equipment needed to ensure Four Corners' compliance with EPA's regional haze rules have
been included in the table above. Costs related to the Navajo Plant's compliance with the regional haze rules
are not included in the table above, as they are expected to be incurred post-2018. The portion of estimated
costs for 2016 through 2018 for incremental costs to comply with the CCR rule for Four Comers and Cholla
have also been included in the table above.

On February 17, 2015, APS and El Paso entered into an asset purchase agreement providing for the
purchase by APS, or an affiliate ofAPS, of El Paso's 7% interest in each of Units 4 and 5 of Four Corners. On
December 29, 2015, NTEC notified APS of its intent to exercise its option to purchase the 7% interest. The
table above does not include capital expenditures related to El Paso's 7% interest in Four Comers Units 4 and 5
of $27 million in 2016 and $20 million in 2017. We are monitoring the status of other environmental matters,
which, depending on their final outcome, could require modification to our planned environmental
expenditures.

Distn'butionand transmission capital expendituresare comprised of infrastructure additions and
upgrades, capital replacements, and new customer construction. Examples of the typesof projects included in
the forecast include power lines, substations, and line extensions to new residential and commercial
developments.
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Capital expenditures will be funded with internally generated cash and external linancings, which may
include issuances of long-temi debt and Pinnacle West common stock.

Financing Cash Flows and Liquidity

2015 Compared with 2014. Pinnacle West's consolidated net cash provided by financing activities was
$4 million in 2015, compared to $179 million net cash used in 2014, an increase of $183 million in net cash
provided. The increase in net cash provided by financing activities is primarily due to $237 million lower
repayments of long-tenn debt and $111 million higher issuances of long-term debt (see below), partially offset
by a $142 million net change in short-term borrowings.

2014 Compared with 2013. Pinnacle West's consolidated net cash used for financing activities was
$179 million 'm 2014, compared to $161 million in 2013, an increase of $18 million in net cash used. The
increase in net cash used for financing activities is primarily due to $530 million in higher repayments of long-
term debt, a $67 million net reduction in funds received through short-term borrowings, and $11 million in
higher dividend payments, partially offset by $595 million in higher issuances of long-term debt (see below).

Significant Financing Aetivities. On December 16, 2015, the Pinnacle West Board of Directors
declared a quarterly dividend of $0.625 per share of common stock, payable on March 1, 2016, to shareholders
of record on February 1, 2015. During 2015, Pinnacle West increased its indicated annual dividend from $2.38
per share to $2.50 per share. For the year ended December 31, 2015, Pinnacle West's total dividends paid per
share of common stock were $2.41 per share, which resulted in dividend payments of $260 million.

On January 12, 2015, APS issued $250 million of 2.20% unsecured senior notes that mature on January
15, 2020. The net proceeds from the sale were used to repay commercial paper borrowings and replenish cash
temporarily used to fund capital expenditures.

On May 19, 2015, APS issued $300 million of 3.15% unsecured senior notes that mature on May 15,
2025. The net proceeds from the sale were used to repay short-term indebtedness consisting of commercial
paper borrowings and drawings under our revolving credit facilities, incurred in connection with the payment
at maturity of our $300 million aggregate principal amount of 4.65% notes due May 15, 2015.

On May 28, 2015, APS purchased all $32 million of Maricopa County, Arizona Pollution Control
Corporation Pollution Control Revenue Refunding Bonds, 2009 Series B, due 2029 in connection with the
mandatory tender provisions for this indebtedness. These bonds were classified as current maturities of long-
term debt on our Consolidated Balance Sheets at December 3 l , 2014.

On June 26, 2015, APS entered into a $50 million term loan facility that matures June 26, 2018.
Interest rates are based on APS's senior unsecured debt credit ratings. APS used the proceeds to repay and
refinance existing short-term indebtedness.

On November 6, 2015, APS issued $250 million of 4.35% unsecured senior notes that mature on
November 15, 2045. The net proceeds from the sale were used to refinance via redemption and cancellation at
par our indebtedness related to the principal amounts of the Navajo County, Arizona Pollution Control
Corporation Pollution Control Revenue Refunding Bonds (Arizona Public Service Company Cholla Project),
2009 Series A and 2009 Series C both due June l, 2034, and repay commercial paper borrowings and replenish
cash temporarily used to fund capital expenditures.

On November 17, 2015, APS redeemed at par and canceled all $38 million of the Navajo County,
Arizona Pollution Control Corporation Revenue Refunding Bonds (Arizona Public Service Company Cholla
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Project), 2009 Series A. These bonds were classified as current maturities of long-term debt on our
Consolidated Balance Sheets at December 31, 2014

On November 17, 2015, APS canceled all $32 million of the Navajo County, Arizona Pollution Control
Corporation Revenue Refunding Bonds (Arizona Public Service Company Cholla Project), 2009 Series B
purchased in connection with the mandatory tender provision on May 30, 2014

On December 8, 2015, APS redeemed at par and canceled all $32 million of the Navajo County
Arizona Pollution Control Corporation Revenue Refunding Bonds (Arizona Public Service Company Cholla
Project), 2909 Series C

Available Credit Facilities. Pinnacle West and APS maintain committed revolving credit facilities in
order to enhance liquidity and provide credit support for their commercial paper programs

At December 31, 2015, Pinnacle West had a $200 million revolving credit facility that matures in
May 2019. Pinnacle West has the option to increase the amount of the facility up to a maximum of $300
million upon the satisfaction of certain conditions and with the consent of the lenders. At December 31 , 2015
Pinnacle West had no outstanding borrowings under its credit facility, no letters of credit outstanding and no
commercial paper borrowings

On September 2, 2015, APS replaced its $500 million revolving credit facility that would have matured
in April 2018, with a new $500 million facility that matures in September 2020

At December 3 l, 2015, APS had two credit facilities totaling $1 billion, including the $500 million
credit facility that matures in September 2020 and a $500 million credit facility that matures in May 2019. APS
may increase the amount of each facility up to a maximum of $700 million each, for a total of $1 .4 billion
upon the satisfaction of certain conditions and with the consent of the lenders. Interest rates are based on APS's
senior unsecured debt credit ratings. These facilities are available to support APS's $250 million commercial
paper program, for bank borrowings or for issuances of letters of credit. At December 3 l, 2015, APS had no
outstanding borrowings or letters of credit under its revolving credit facilities

See "Financial Assurances" in Note 10 for a discussion ofAPS's separate outstanding letters of credit

Other Financing Matters. See Note 3 for information regarding the PSA approved by the ACC

See Note 16 for information related to the change in our margin and collateral accounts

Debt Provisions

Pinnacle West's and APS's debt covenants related to their respective bank financing arrangements
include maximum debt to capitalization ratios. Pinnacle West and APS comply with this covenant. For both
Pinnacle West and APS, this covenant requires that the ratio of consolidated debt to total consolidated
capitalization not exceed 65%. At December 3 l, 2015, the ratio was approximately 47% for Pinnacle West and
46% for APS. Failure to comply with such covenant levels would result in an event of default which
generally speaking, would require the immediate repayment of the debt subject to the covenants and could
cross-default" other debt. See further discussion of "cross-default" provisions below

Neither Pinnacle West's nor APS's financing agreements contain "rating triggers" that would result in
an acceleration of the required interest and principal payments in the event of a rating downgrade. However
our bank credit agreements and term loan facilities contain a pricing grid in which the interest rates we pay for
borrowings thereunder are determined by our current credit ratings
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All of Pinnacle West's loan agreements contain "cross-default" provisions that would result in defaults
and the potential acceleration of payment under these loan agreements if Pinnacle West or APS were to default
under certain other material agreements. All ofAPS's bank agreements contain "cross-default" provisions that
would result in defaults and the potential acceleration of payment under these bank agreements ifAPS were to
defaultunder certain other material agreements. Pinnacle West and APS do not have a material adverse change
restriction for credit facility borrowings.

See Note 6 for further discussions of liquidity matters.

Credit Ratings

The ratings of securities of Pinnacle West and APS as of February 12, 2016 are shown below. We are
disclosing these credit ratings to enhance understanding of our cost of short-term and long-term capital and our
ability to access the markets for liquidity and long-term debt. The ratings reflect the respective views of the
rating agencies, from which an explanation of the significance of their ratings may be obtained. There is no
assurance that these ratings will continue for any given period of time. The ratings may be revised or
withdrawn entirely by the rating agencies i£ in their respective judgments, circumstances so warrant. Any
downward revision or withdrawal may adversely affect the market price of Pinnacle West's or APS's securities
and/or result in an increase in the cost of or limit access to, capital. Such revisions may also result in
substantial additional cash or other collateral requirements related to certain derivative instruments, insurance
policies, natural gas transportation, fuel supply, and other energy-related contracts. At this time, we believe we
have sufficient available liquidity resources to respond to a downward revision to our credit ratings.

Moody's Standard & Poor's Fitch
Pinnacle We;t

Corporate credit rating

Commercialpaper

Outlook

4

AS

P-2

Stable

A-

_ A.;

Stable

A.

FT
Stable

i
APS |

Senior unsecured

Outlook

A2

A2

Stable

A
A-

A-2

Stable

A -

A
F T

Stable

0ff-Balance Sheet Arrangements

See Note 18 for a discussion of the impacts on our financial statements of consolidating certain VIEs.
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Contractual Obligations

The following table summarizes Pinnacle West's consolidated contractual requirements as of
December 31, 2015 (dollars in millions)

Thereafter Total

9411 debt nawvnents
includiil interest: (a)

4.422 $

pinnacle w81

Total long-term debt payments
including interest

Fwd power
r re

Renewable energy credits (c)

(ti)
Cod reclamation

Noncontrolling interests (e)

Total contractual commitments 2.407 $ 2.292 $ 13,237 $ 19,447

(a)

(b)

(c)
<d)
(6)

The long-term debt matures at various dates through 2045 and bears interest principally at fixed
rates. Interest on variable-rate long-term debt is determined by using average rates at
December 31, 2015 (see Note 6)
Our fuel and purchased power commitments include purchases of coal, electricity, natural gas
renewable energy, nuclear fuel, and natural gas transportation (see Notes 3 and 10). These amounts
include commitments incurred assuming an additional 7% in the 2016 Coal Supply Agreement
Contracts to purchase renewable energy credits in compliance with the RES (see Note 3)
These contractual obligations include commitments for capital expenditures and other obligations
Payments to the no controlling interests relate to the Palo Verde Sale Leaseback (see Note 18)

This table excludes $34 million 'm unrecognized tax benefits because the timing of the future cash
outflows is uncertain. Estimated minimum required pension contributions are zero for 2016, 2017 and2018
(see Note 7)

CRITICAL ACCOUNTING POLICIES

In preparing the financial statements in accordance with accounting principles generally accepted in the
United States ofAmerica ("GAAP"), management must often make estimates and assumptions that affect the
reported amounts of assets, liabilities, revenues, expenses and related disclosures at the date of the financial
statements and during the reporting period, Some of those judgmentscan be subjective and complex, and
actual results could differ from those estimates. We consider the following accounting policies to be our most
critical because of the uncertainties, judgments and complexities of the underlying accounting standards and
operations involved



Regulatory Accounting

Regulatory accounting allows for the actions of regulators, such as the ACC and FERC, to be reflected
in our financial statements. Their actions may cause us to capitalize costs that would otherwise be included as
an expense in the current period by unregulated companies. Regulatory assets represent incurred costs that
have been deferred because they are probable of future recovery in customer rates. Regulatory liabilities
generally represent expected future costs that have already been collected from customers. Management
continually assesses whether our regulatory assets are probable of fume recovery by considering factors such
as applicable regulatory environment changes and recent rate orders to other regulated entities in the same
jurisdiction. This determination reflects the current political and regulatory climate in Arizona and is subject to
change in the future. If ligature recovery of costs ceases to be probable, the assets would be written off as a
charge in current period earnings. We had $1,364 million of regulatory assets and $1,140 million of regulatory
liabilities on the Consolidated Balance Sheets at December 31, 2015.

Included in the balance of regulatory assets at December 3 l, 2015 is a regulatory asset of $619 million

for pension benefits. This regulatory asset represents the future recovery of these costs through retail rates as

these amounts are charged to earnings. If these costs are disallowed by the ACC, this regulatory asset would

be charged to OCI and result in lower futureearnings.

See Notes l and 3 for more information.

Pensions and Other Postretirement Benefit Accounting

Changes inour actuarial assumptions used in calculating our pension andother postretirementbenefit
liability and expense can have a significant impact on our earnings and financial position. Themost relevant
actuarial assumptions are the discountrate used to measure our liability and net periodic cost, theexpected
long-term rate of return on plan assets used to estimate earnings on invested funds over the long-term, the
mortality assumptions, and the assumed healthcare cost trend rates. We review these assumptionson an annual
basis and adjust them asnecessary.

The following chart reflects the sensitivities that a change in certain actuarial assumptions would have
had on the December 3 l, 2015 reported pension liability on the Consolidated Balance Sheets and our 2015
reported pension expense, after consideration of amounts capitalized or billed to electric plant participants, on
Pinnacle West's Consolidated Statements of Income (dollars in millions):

Increase (Decrease)

Impact 0D
Pension
Liability

Impact OD
Pension
Expense

$ (329) $
399

(ll)
16

Actuarial Assumption (a)

Discount fame ,

Increase1%

Expected long-term rateof return on planassets:

Increase 1%

Decrease 1%
- (13)

13

(a) Each fluctuation assumes that the other assumptions of the calculation are held constant while the
rates are changed by one percentage point.
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The following chart reflects the sensitivities that a change in certain actuarial assumptions would have
had on the December 31, 2015 other postretirement benefit obligation and our 2015 reported other
postretirement benefit expense, after consideration of amounts capitalized or billed to electric plant
participants, on Pinnacle West's Consolidated Statements of Income (dollars in millions):

Q
Increase (Decrease)

Impact on Other
Postretirement

Benefit
Obligation

Impact on Other
Postretirement

Benefit Expense

$ (3)

I

(84) $
417 6

.a

i
9

(80) (6)

i

Actuarial Assumption (a)

Increase 1%

Healthcare cost trend rate (b):

w

Decrease 1%

Increase 1%

. : . . 1%
4.

(4)
4

(a) Each fluctuation assumes that the other assumptions of the calculation are held constant while the
rates are changed by one percentage point.
This assumes a 1% change in the initial and ultimate healthcare cost trend rate.(b)

See Note 7 for further details about our pension and other postretirement benefit plans.

Fair Value Measurements

We account for derivative instruments, investments held in our nuclear decommissioning trust fund,
certain cash equivalents, and plan assets held in our retirement and other benefit plans at fair value on a
recurring basis. Fair value is the price that would be received to sell an asset or paid to transfer a liability in an
orderly transaction between market participants at the measurement date. We use inputs, or assumptions that
market participants would use, to determine fair market value. We utilize valuation techniques that maximize
the use of observable inputs and minimize the use of unobservable inputs. The significance of a particular
input determines how the instrument is classified in a fair value hierarchy. The determination of fair value
sometimes requires subjective and complex judgment. Our assessment of the inputs and the significance of a
particular input to fair value measurement may aiTect the valuation of the instruments and their placement
within a fair value hierarchy. Actual results could differ from our estimates of fair value. See Note l for a
discussion on accounting policies and Note 13 for fair value measurement disclosures.

OTHER ACCOUNTING MATTERS

During the fourth quarter of 2015, we early adopted two new accounting standards related to balance
sheet presentation of debt issuance costs, and balance sheet presentation of deferred income taxes. The
adoption of these standards did not impact our results of operations or cash flows.

During the first quarter of 2016, we will be adopting new consolidation accounting guidance. We do
not expect the adoption of this guidance to have a material impact on our f'mancial statements.
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We are currently evaluating the impacts of adopting new revenuerecognition guidance and financial
instrument recognition and measurement guidance. These two new accountingstandards will be effective for
us on January l, 2018.

See Note 2 for additional information related to accounting matters.

MARKET AND CREDIT RISKS

Market Risks

Our operations include managing market risks related to changes in 'interest rates, commodity prices

and investments held by our nuclear decommissioning trust fund and benefit plan assets.

Interest Rate and Equity Risk

We have exposure to changing interest rates. Changing interest rates will affect interest paid on
variable-rate debt and the market value of fixed income securities held by our nuclear decommissioning trust
fund (see Note 13 and Note 19) and benefitplan assets. The nuclear decommissioning trust fund and benefit
plan assets also have risks associated with the changing market value of their equity and other non-fixed
income investments. Nuclear decommissioning and benefit plan costs are recovered in regulated electricity
prices.

The tables below present contractual balances of our consolidated long-term and short-term debt at the

expected maturity dates, as well as the fairvalue of those instruments on December 31, 2015 and 2014. The

interest ratespresented in the tables below representthe weighted-average interestrates as of December3 l ,

2015 and 2014(dollars 'm millions):

Pinnacle West - Consolidated

2015

Fixed-Rate
Long-Term Debt

Interest

Rates

6.15% 3

Amount

314

i

Variable-Rate
Long-Term Debt

Interest

Rates Amount

0;01% s .44

1.17% 125

1.02% 50

11;
-

0.23%

1.75%

8.75%

32.20%

4.64%
an-an-:u

2016

2017

2018

2019

2020

Years thereafter

Total

Fair value

49

268

268

$

$ $

32
500
250;

2,490
3,586

`i§39
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Short-Term Variable-Rate
Long-Term Debt

Fixed-Rate
Long-Term Debt

InterestInterest
Amount Amount

Interest
Rates Amount

0.40% $ 0.03% $

0.04%

0.82%

32 4.32% $

6.15%

Years thereafter 0.27%

1.75%

8.75%

4.90%

$ $ 3

Fair value

The tables below present contractual balances ofAPS's long-term debt at the expected maturity dates
as well as the fair value of those instruments on December 3 l, 2015 and 2014. The interest rates presented in
the tables below represent the weighted-average interest rates as of December 31, 2015 and 2014 (dollars in
millions)

APS - Consolidated

Fixed-Rate
Long-Term Debt

Interest
Amount

Variable-Rate
Long-Term Debt

Interest
Rates Amount

0.01% $ 44 g 6;15% $

Years thereafter 0.23%

1.75%

8.75%

2.20%

4.64%

$

Fair value

Short-Term Variable-Rate
Long-Term Debt

Interest

Fixed-Rate
Long-Term Debt

InterestInterest
Rates Amount Amount Amount

0.03% $

0.04%

0.03%

32 4.32% s

6.15%

1
1.75%

8.75%

4.90%Years thereafter 0.27%

$
Fair value
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Commodity Price Risk

We are exposed to the impact of market fluctuations in the commodity price and transportation costs of
electricity and natural gas. Our risk management committee, consisting of officers and key management
personnel, oversees company-wide energy risk management activities to ensure compliance with our stated
energy risk management policies. We manage risks associated with these market fluctuations by utilizing
various commodity instruments that may quality as derivatives, including futures, forwards, options and
swaps. As part of our risk management program, we use such instruments to hedge purchases and sales of
electricity and fuels. The changes in market value of such contracts have ahighcorrelation to price changes in
the hedged commodities.

The following table shows the net pretax changes in mark-to-market of our derivative positions in 2015
and 2014 (dollars in millions):

2015 2014

(115)
(44)

s s (73)
(64)

of net positions. at oyeaur

Increase in regulatory asset

iii OCI:

Change in mark-to-market losses for future deliveries

the

Change in valuation techniques

of no P9=itions at end `

(1)
122

s (154) (115)
cl

The table below shows the fair value of maturities of our derivative contracts (dollars in millions) at
December 31, 2015 by maturities and by the type of valuation that is performed to calculate the fair values,
classified in their entirety based on the lowest level ofinput that is significant to the fair value measurement.
See Note 1, "Derivative Accounting" and "Fair Value Measurements", for more discussion of our valuation
methods.

Source of Fair Value

Observable prices provided by other external
SollI'c8s.

2016 2017 2018 2019 2020

Total
fair

value
t

s (65>$ (40)$ (16) $ 'f-' s s (121)
Pn'cesbased on unobservable inputs

Total by maturity
(7)

(47) $
(6)
(6) $

(33)
(154)

in

(ll)
(76) s;

(7)
(23) .s
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The table below shows the impact that hypothetical price movements of 10% would have on the
market value of our risk management assets and liabilities included on Pinnacle West's Consolidated Balance
Sheets at December 31, 2015 and 2014 (dollars in millions):

December 31, 2015
Gain (Loss)

December 31, 2014
Gain (Loss)

Price Up
10%

Price Down
10%

Price Up
10%

Price Down
10%

s
3
I 3 s

29

32 $

Regulatory asset (liability) or OCI (a)

Blb¢tl 'i¢ily .

Natural gas •

Mood " s

35

37

(2) s
(35)
(37) I

|.

(3)
(29)
.(32)

Q -

(a) Thesecontracts are economic hedges of our forecasted purchases of natural gas and electricity.
The impactof these hypothetical price movements would substantially offset the impact that these
same price movements would have on the physical exposures being hedged. To the extent the
amounts are eligible for inclusion in the PSA, the amounts are recorded as either a regulatory asset
or liability.

Credit Risk

We are exposed to losses in the event of non-performance or non-payment by counterparties. See Note

16 for a discussion of our credit valuation adjustment policy.

ITEM 7A. QUANTITATIVE AND QUALITATIVE
DISCLOSURESABOUT MARKET RISK

See "Market and Credit Risks" in Item 7 above for a discussion of quantitative and qualitative

disclosures about market risks.
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ITEM 8. FINANCIAL STATEMENTS AND SUPPLEMENTARY DATA

INDEX TO FINANCIAL STATEMENTS AND
FINANCIAL STATEMENT SCHEDULES

Mana;1ement's Report on Internal Control over Financial Reporting (Pinnacle West Capital Corporation)

Report of Independent Registered Public Accounting Finn

Pinnacle West Consolidated Statements oflncome for 2015. 2014 and 2013

Pinnacle West Consolidated Statements of Comprehensive Income for 20]5, 2014, and 2013

Pinnacle West Consolidated Balance Sheets as of December 31. 2015 and 2014

Pinnacle West Consolidated Statements of Cash Flows for 2015. 2014 and 20 l

Pinnacle West Consolidated Statements of Changes in Equity for 2015, 2014 and 2013

Management's Report on Internal Control over Financial Reporting (Arizona Public Service Company)

Report of Independent Registered Public Accounting Firm

APS Consolidated Statements oflncome for 20 l5. 2014 and 2013

APS Consolidated Statements of Comprehensive Income for 2015. 2014 and 2013

APS Consolidated Balance Sheets as of December 31. 2015 and 2014

APS Consolidated Statements ofCasli Flows for 2015. 2014 and 2013

APS Consolidated Statements of Changes in Equity for 2015. 2014 and 20 l

Combined Notes to Consolidated Financial Statements
Note l. Summary of Significant Accounting Policies

Note 2. New Accounting Standards

Note 3 Regulatory Matters

Note 4. Income Taxes

Note 5. Lines of Credit and Short-Term Borrowings

Note 6. Long-Temi Debt and Liquidiw Matters

Note 7. Retirement Plans and Other Postretirement Benefits

Note 8. Leases

Note 9. Jointly-Owned Facilities

Note 10. Commitments and Contingencies

Note ll. Asset Retirement Obligations

Note 12. Selected Quarterly Financial Data (Unaudited)

Note 13. Fair Value Measurements

Note 14. Earnings Per Share

Note 15. Stock-Based Compensation

Note 16. Derivative Accounting

Note 17. Other Income and Other Expense

Note 18. Palo Verde Sale Leaseback Variable Interest Entities

Note 19. Nuclear Decommissioning Trusts

Note 20. Changes in Accumulated Other Comprehensive Loss

See Note 12 for the selected quarterly financial data (unaudited) required to be presented in this Item
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MANAGEMENT'S REPORT ON INTERNAL CONTROL
OVER FINANCIAL REPORTING

(PINNACLE WEST CAPITAL CORPORATION)

Our management is responsible for establishing and maintaining adequate internal control over
financial reporting, as such term is defined in Exchange Act Rules 13a-15(f), for Pinnacle West. Management
conducted an evaluation of the effectiveness of our internal control over financial reporting based on the
framework in Internal Control - Integrated Framework (2013) issued by the Committee of Sponsoring
Organizations of the Treadway Commission. Based on our evaluation under the framework in Internal
Control - Integrated Framework (2013), our management concluded that our internal control over financial
reporting was effective as of December 3 l, 2015. The effectiveness of our internal control over financial
reporting as of December 31, 2015 has been audited by Deloitte & Touche LLP, an independent registered
public accounting firm, as stated in their report which is included herein and also relates to the Company's
consolidated financial statements

February 19, 2016
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REPORT OF INDEPENDENT REGISTERED PUBLIC ACCOUNTING FIRM

To the Board of Directors and Stockholders of
Pinnacle West Capital Corporation
Phoenix. Arizona

We have audited the accompanying consolidated balance sheets of Pinnacle West Capital Corporation and
subsidiaries (the "Company") as of December 31, 2015 and 2014, and the related consolidated statements of
income, comprehensive income, changes in equity, and cash flows for each of the three years in the period
ended December 31. 2015. Our audits also included the financial statement schedules listed in the Index at
Item 15. We also have audited the Company's internal control over financial reporting as of December 31
2015, based on criteria established in Internal Control - Integrated Framework (2013) issued by the
Committee of Sponsoring Organizations of the Treadway Commission. The Company's management is
responsible for these financial statements and financial statement schedules, for maintaining effective internal
control over financial reporting, and for its assessment of the effectiveness of internal control over financial
reporting, included in the accompanying Managelnent's Report on Internal Control over Financial Reporting
Our responsibility is to express an opinion on these financial statements and financial statement schedules and
an opinion on theCompany's internal control over financial reporting based on our audits

We conducted our audits in accordance with the standards of the Public Company Accounting Oversight Board
(United States). Those standards require that we plan and perform the audit to obtain reasonable assurance
about whether the financial statements are free of material misstatement and whether effective internal control
over financial reporting was maintained in all material respects. Our audits of the financial statements
included examining, on a test basis, evidence supporting the amounts and disclosures in the financial
statements, assessing the accounting principles used and significant estimates made by management, and
evaluating the overall financial statement presentation. Our audit of internal control over financial reporting
included obtaining an understanding of internal control over financial reporting, assessing the risk that a
material weakness exists and testing and evaluating the design and operating effectiveness of internal control
based on the assessed risk. Our audits also included performing such other procedures as we considered
necessary in the circumstances. We believe that our audits provide a reasonable basis for our opinions

A company's internal control over financial reporting is a process designed by, or under the supervision of, the
company's principal executive and principal financial officers, or persons performing similar functions, and
effected by the company's board of directors, management, and other personnel to provide reasonable
assurance regarding the reliability of financial reporting and the preparation of financial statements for external
purposes in accordance with generally accepted accounting principles. A company's internal control over
financial reporting includes those policies and procedures that (1) pertain to the maintenance of records that, in
reasonable detail, accurately and fairly reflect the transactions and dispositions of the assets of the company
(2) provide reasonable assurance that transactions are recorded as necessary to permit preparation of financial
statements in accordance with generally accepted accounting principles and that receipts and expenditures of
the company are being made only in accordance with authorizations of management and directors of the
company, and (3) provide reasonable assurance regarding prevention or timely detection of unauthorized
acquisition, use, or disposition of the company's assets that could have a material effect on the financial
statements

Because of the inherent limitations of internal control over financial reporting, including the possibility of
collusion or improper management override of controls, material misstatements due to error or fraud may not
be prevented or detected on a timely basis. Also, projections of any evaluation of the effectiveness of the
internal control over financial reporting to future periods are subject to the risk that the controls may become
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inadequate because of changes in conditions, or that the degree of compliance with the policies or procedures
may deteriorate

In our opinion, the consolidated financial statements referred to above present fairly, in all material respects
the financial position of Pinnacle West Capital Corporation and subsidiaries as of December 31, 2015 and
2014, and the results of their operations and their cash flows for each of the three years in the period ended
December 31, 2015, in conformity with accounting principles generally accepted in the United States of
America. Also, in our opinion, such financial statement schedules, when considered in relation to the basic
consolidated financial statements taken as a whole, present fairly, in all material respects, the information set
forth therein. Also, in our opinion, the Company maintained, in all material respects, effective internal control
over financial reporting as of December 31, 2015, based on the criteria established in Internal Control
Integrated Framework (2013) issued by the Committee of Sponsoring Organizations of the Treadway
Commission

A P

Phoenix. Arizona
February 19, 2016



PINNACLE WEST CAPITAL CORPORATION
CONSOLIDATED STATEMENTS OF INCOME

(dollars and shares in thousands, except per share amounts)

Year Ended December 31

$ 3,495,443 $ 3,491,632 s 3,454,628

101 .298

868.377

494.422

095.709

OPERATING REVENUES

OPERATING EXPENSES

Fuel and purchased power

Operations and maintenance

Depreciation and amortization

Taxes other than income taxes

Other expenses

179.829

908.025

417.358

172.295

415.708

164.167

2.680.390 2.608.305

846.323854.602

35.215 30.790

OPERATING INCOME

GTHER INCOME (DEDUCTIONS)

Allowance for equity funds used during construction (Note 1)

Otherincome (Note 17)

Other expense (Note 17) (17,823) (21,746) (16,024)

11,261

INTEREST EXPENSE

Interest charges

Allowance for borrowed funds used during construction (Note 1)

194.964
(16,259)
178.705

INCOME BEFORE INCOME TAXES

INCQME TAXES (None 4)

NET INCOME

Less: Net income aettxibutable to nancomtrolling interests (Name 18)

NET INCOME ATTRIBUTABLE TO COMMON SHAREHOLDERS

237.720

281.888

(14,861 >

187.027

670.557

230.591

439.966

33.892
406,074$

18.933

437.257 $

200.950

(15,457)

185.493

644.401

220.705
423.696

26.101

397,595 $

WEIGHTED-AVERAGE COMMON SHARES OUTSTANDING
BASIC

WE1GMTE1>»AVERAGE COMMGN SHARES GUTSTANDING
110.626 109.984

110.806

EARNINGS PER WEI -Avmacn common SHARE

Net income attributable to common shareholders -- basic

Net income attributable to common shareholders -» diluted
s

s

The accompanying notes are an integral part of the financial statements
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PINNACLE WEST CAPITAL CORPORATION
CONSOLIDATED STATEMENTS OF COMPREHENSIVE INCOME

(dollars in thousands)

Year Ended December31

NET INCQME $ 456,190 $ 423,696 $ 439.966

(957) (810)

13.483

(213)

26.747

OTHER COMPREHENSIVE INCOME (LOSS), NET OF TAX

Derivative instruments
Net unrealized loss, net of tax benefit (expense) of $(342), $(438), and
$140 (Note 16)

ReclassiiieaNon of net realized loss, no oftax bcneiitgof 81801, $7,932
and $17§472 (Note 16)

Pension and other postretirement benefits activity, net of tax (expense)
benefit of $(l3,302), $l,307, and $(6,l56) (Note 7)

Total other comprehensive income
20

23.393

(2,761)

479.583

18.933
433.608

26
475.921COMPREHENSIVE 1ncomE

Less: Comprehensive income attributable to no controlling interests 33

COMPREHENSIVE INCOME AHRIBUTABLB TO COMMON
SHAREHOLDERS $ 460,650 $ 407,507 $ 442.029

The accompanying notes are an integral part of the financial statements
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PINNACLE WEST CAPITAL CORPORATION
CONSOLIDATED BALANCE SHEETS

(dollars in thousands)

December31

ASSETS

39.488 $
274591
96.240
(3,125)

234.234
45.697

297.740
100.533
(3,094)

218.889
37.097

122.232

15.905 13.785

149.555 129.808

38.817

973.435890.516

12 17.620

713.866

54.047

785.533

CURRENT ASSETS

Cash and cash equivalents

CuStomer and other receivables

Accrued unbilled revenues

Allowance for doubtful accounts

Materials and supplies (at average cost)

Fossil fuel (ataverage cost)

Deferred income taxes (Note 4)

Income tax receivable (Note 4)

Assets from risk management activities (Note 16)

fuel and purchased v¢w¢twsvl=t°1v asset (Note 3)
Other regulatory assets (Note 3)

Er curreNt

Total current assets

AND OTHER ASSETS

Assets {i°om risk management activities (Note 16)
Nuclear trust (Notes 13 gndlg)

Other assets

T<mu.invesunentsaNd otherassets

PROPERTY, PLANT AND EQUIPMENT (Notes 1, 6 and 9)

Plant inservice and held for U88

Accumulated depreciation and amortization

52.518

799.820

16,222,232

(5,594,094)

10.628

816.307

15,543,063

(5,397,751)

10 1454312

682.807

117.385

123.975

123.139

11.808.944

119.755

125,201

l 1.194.330

Construction work in progress

as:'f;;'~ '"° l¢ll1s¢b8¢k,li8t of accumulated depreciation of $233,665 and $229,795

Intangible assets, net of accumulated amortization of $546,038 and $489,538

Nuclear fuel, net of awcunilildted amortization Of $146,228 and $143,554

Total property, plant and equipment

DEFERRED DBBITS

Regulatory assets (Notes 1, 3 and 4)

Assets for otlxerpOstretilteNldmt benefits (Note 7)

Other

Total »d8§Bil'l'¢d debits
TOTAL ASSETS

214.146
185.997
128.835

1.528.978
$ 15,028,258 s 14,288,890

054.087

152.290

129.215

The accompanying notes are an integral part of the financial statements
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PINNACLE WEST CAPITAL CORPORATION
CONSOLIDATED BALANCE SHEETS

(dollars in thousands)

December31

s 297,480

138.600

5a3os

69.363

295.211

140.613

52.603

357.580

73.073
77.716
28;573

383.570
72,307
59.676

197.86 l

154424317

3.462.391

178.962

3.006.573

2.723.425

415.003

2.582.636

196

358.288

89.973

115.609

50.602

198.292

1s7.080

L1n1m.mEs AND EQUITY
CURRENT LIABILITIES

payable
Accrued taxes (Note 4)

Common dividends payable

Shun-mm (Note 5)

Current maturities of long-term debt (Note 6)

Liabilities from risk management activities (Note 16)

Deferred fuel and purchased power regulatory liability (Note 3)

Other cun'ent liabilities

LONG-TERM DEBT LESS CURRENT MATURITIES (Note 6)

Deferred income taxes (Note 4)

we 14844 and 7)
Liabilities for asset retirements (Note ll)

Liabilities from risk management activities (Note 16)

Coal mine reclamation

ihvesunartaxéiedir
Unrecognized tax benefits (Note 4) 19.377

186,345 188.286

5.404.093 5.204.072

(5,806)

z,sss,a62
2.092.803

2.5124970

(3,40 l )

926.065

(37,593)

(7,155)

(44,748)

4.583917

(57,756)

(10,385)
(68,141)

Total deferred credits and other

COWMHW S AND CONTINGENCIES (SEE NOTES)

EQUITY

Common stock, no par value; aluthorizzed 1so,000,o00¢=ln:es, 111,095,402 and
110,649,762 issued at respectiVe dates

Treasury stock at cost; 115,030 shares at end of 2015 and 78,400 shares at end of 2014

Total common stock

Retained earnings

Accumulated auger comprelieiisive

Pension and other postretirement benefits (Note 7)

Derivative insuumentS~0~IOt¢. 16)
Total accumulated other comprehensive loss

Total shareholders" equity

Noncontrolling interests (Note 18)

Total equity

TOTAL LIABILITIES AND EQUITY

The accompanying notes are an integral part of the financial statements
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PINNACLE WEST CAPITAL CORPORATION
CONSOLIDATED STATEMENTS OF CASH FLOWS

(dollars in thousands)

Year Ended December 31

CASH FLDWS FROM DPBRJYEING Acrwmes
Net Income 423.696 s 439.966

492.322
21.678

(35,215)
236.819

496.487
(26,927)
40.757

(30,790)
159.023
26,246

(25,581)
249.296
52.542

(381)

(22,219) (52,672)

(3,737)

Depreciation and amortization including nuclear fuel

Defdlied tired and purchased power

Deferred fuel and purchased power amortization

AlloWance for equity used during Construction

Deferred income taxes

Deferred invesunenr tax credit

Change in derivative instruments fair value

Changes in and liabilities
Customer and other receivables

AocmlwduNbilledrevenues

Materials, supplies and fossil fuel

IncoMe tax receivable
Other current assets

I 132.419

(44,991)
(1,951)

(11,878)
(133,094)
(17,913)
45.414

(23,945)
2.509
3

(34,266)
(2,013)

i

1

(353)

(7,513)
(324)

22.776

17,892
(343)

(24,975)

(10,328)
(20,535) 59.618

(56,561)
(80,993)

1.0994627

12,355
I37.270

(91,425)

64.473
(42,389)

(24,050)(81,959)
1.094.327

(910,634)
20.325

(15,457)

Accrued taxes

Change 'm margin and collateral accounts - assets

M  » ;.  i l l .. '  lnslco ' " ,. "
Change in long-term income tax receivable

Change in long-term regulatory liabilities

Change in other long-tenn liabilities

1118¥9°9l9°=1 activities
CASH FLOWS FROM INVESTING ACTIVITIES

Contributions in aid of construction

Proceeds Nom nuclear decommissioning trust sales
(373,444)

(L016522)
41

(14,861)
446.025

(463,274)
(2,059)

(l,009,40l)

(1,076,087)
46.546

(16,259)
478.813

(496,062)
(3,184)

(1,066,233) I ( m s )Net liiaiihtlow Used for investing iwtivitia

CASH FLOWS FROM FINANCING ACTIVITIES

IssuaNCe oflongetam debt
Repayment of long-term debt

sNort-team borrowianga and payments - net
Dividends paid on common stock

Common stock eqdtyissuance e naofputchaseS
Distributions to nonoontrolling interests

842.415
(415,570)
(147,400)
(260,027)

19.373
(35,002)

(652,578)
(5,725)

(246,671)
15.288

(20,482)

136.307
(122,828)

60.950
(235,244)

17.319
(17,385)

3Net cash flow provided by (used for) financing activities
NET INCREASE {DECREASE) IN CASH AND CASH EQUIVALBNTS
CASH AND CASH EQUIVALENTS AT BEGINNING OF YEAR
CASH AND CASH EQUIVALBNTS AT BND OF

31

(178,881)
(1,922)

(160,582)
(16,676)
26.202

The accompanying notes are an integral part of the financial statements
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PINNACLE WEST CAPITAL CORPORATION
CONSOLIDATED STATEMENTS OF CHANGES IN EQUITY

(dollars in thousands, except per share amounts)

Accumulated

Common Stock

Shares Amount

Treasuly Stock

Shares Amount

Retained
Eamings

Comprehensive
Income (Loss)

Noncontrolling
Interests

BaLlanee,Deoembcr3l,20l2 109,837,957 $2,466,923 q95,192) (4,211) s 1,m,102 ~,,(I14,m8) 129,443 s 4,w2,2s9s s $

4»06.074

35.955 35.955

442.746 24.635

we)
24.635

094.290) (9, 7 )

Net income

Other comprehensive income

Dividends on common stock
($2.23 per shame)

Issuance of common stock

Pmohaseof stock (a)

Reissuance oftreasury stock
for stock-based
compensation and other

Net capital activities by
nonconztrolling interests

170.538

Balance, December 3 l, 2013 I 10,280,703 2,491,558 (98,944) (4,308) 1,785,273 (78,053)

(17,385)

145.990

(17,385)

4.340.460

397.595 26 423.696

(256,803)

369.059

Net income

Ollie: comprehensive income

Dividends on common stock
($2.33 per shale)

ISsuance of common stock

Purchase oftreasury stock (a)

Reissuanee oftrealslujr stock
for stock-based
compensation and other

Net capita activities by
nonoontrolling interests

(139,746) (7,893)

(256,803)

21.412

(7,893)

Balance, December 31, 2014 110,649,762 2,512,970 (98-400) (3,401) I326,065

(20,482)

151.609

(20,482)

4.519.102

437.257 18.933

23.393 23.393

(270,519)

445.640 28.698 28.698

(154,151) (10,136)

Net income

Other comprehensive income

Dividends on common stock
(82.44 per siraxe)

Issuance of common stock

Purchase oftxealS\1n*y1E¢t6ck(a)

Reissuance oftreasury stock
for stock-based
compensation and other

Net capital activities by
noneontrolling interests

118.121

Balance, December 31, 2015 111,095,402 $2,541,668 (115,030) s (5,806) s 2,092,803 s (44,748) $

(354004) (35,902)

135.540 s 4.719_457

(a) Primarily represents shares of common stock withheld from certain stock awards for tax purposes

The accompanying notes are an integral part of the financial statements

82

72





MANAGEMENT'S REPORT ON INTERNAL CONTROL
OVER FINANCIAL REPORTING

(ARIZONA PUBLIC SERVICE COMPANY)

Our management is responsible for establishing and maintaining adequate internal control over
financial reporting, as such term is defined in Exchange Act Rules l3a-15(f), for APS. Management conducted
an evaluation of the effectiveness of our internal control over financial reporting based on the framework in
Internal Control - Integrated Framework (2013) issued by the Committee of Sponsoring Organizations of the
Treadway Commission. Based on our evaluation under the framework in Internal Control .......Integrated
Framework (2013), our management concluded that our internal control over financial reporting was effective
as of December 31, 2015. The eflflectiveness of our internal control over financial reporting as of December 3 l
2015 has been audited by Deloitte & Touche LLP, an independent registered public accounting firm, as stated
in their report which is included herein and also relates to the Company's financial statements

February 19, 2016
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REPORT OF INDEPENDENT REGISTERED PUBLIC ACCOUNTING FIRM

To the Board of Directors and Stockholder of
Arizona Public Service Company
Phoenix. Arizona

We have audited the accompanying consolidated balance sheets of Arizona Public Service Company and
subsidiary (the "Company") as of December 31, 2015 and 2014, and the related consolidated statements of
income, comprehensive income, changes in equity, and cash flows for each of the three years in the period
ended December 31. 2015. Our audits also included the financial statement schedule listed in the Index at Item
15. We also have audited the Company's internal control over financial reporting as of December 31, 2015
based on criteria established in Internal Control - Integrated Framework (2013) issued by the Committee of
Sponsoring Organizations of the Treadway Commission. The Company's management is responsible for these
financial statements and financial statement schedule, for maintaining effective internal control over financial
reporting, and for its assessment of the effectiveness of internal control over financial reporting, included in the
accompanying Management's Report on Internal Control over Financial Reporting. Our responsibility is to
express an opinion on these financial statements and financial statement schedule and an opinion on the
Company's internal control over financial reporting based on our audits

We conducted our audits in accordance with the standards of the Public Company Accounting Oversight Board
(United States). Those standards require that we plan and perform the audit to obtain reasonable assurance
about whether the financial statements are free of material misstatement and whether effective internal control
over financial reporting was maintained in all material respects. Our audits of the financial statements
included examining, on a test basis, evidence supporting the amounts and disclosures in the financial
statements, assessing the accounting principles used and significant estimates made by management, and
evaluating the overall financial statement presentation. Our audit of internal control over financial reporting
included obtaining an understanding of internal control over financial reporting, assessing the risk that a
material weakness exists and testing and evaluating the design and operating effectiveness of internal control
based on the assessed risk. Our audits also included performing such other procedures as we considered
necessary in the circumstances. We believe that our audits provide a reasonable basis for our opinions

A company's internal control over financial reporting is a process designed by, or under the supervision 0£ the
company's principal executive and principal financial officers, or persons performing similar functions, and
effected by the company's board of directors, management, and other personnel to provide reasonable
assurance regarding the reliability of financial reporting and the preparation of financial statements for external
purposes in accordance with generally accepted accounting principles. A company's internal control over
financial reporting includes those policies and procedures that (1) pertain to the maintenance of records that, in
reasonable detail, accurately and fairly reflect the transactions and dispositions of the assets of the company
(2) provide reasonable assurance that transactions are recorded as necessary to permit preparation of financial
statements in accordance with generally accepted accounting principles and that receipts and expenditures of
the company are being made only in accordance with authorizations of management and directors of the
company, and (3) provide reasonable assurance regarding prevention or timely detection of unauthorized
acquisition, use, or disposition of the company's assets that could have a material effect on the financial
statements

Because of the inherent limitations of internal control over financial reporting, including the possibility of
collusion or improper management override of controls, material misstatements due to error or fraud may not
be prevented or detected on a timely basis. Also, projections of any evaluation of the effectiveness of the
internal control over financial reporting to future periods are subject to the risk that the controls may become
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inadequate because of changes in conditions, or that the degree of compliance with the policies or procedures
may deteriorate

In our opinion, the consolidated financial statements referred to above present fairly, in all material respects
the financial position of Arizona Public Service Company and subsidiary as of December 31, 2015 and 2014
and the results of their operations and their cash flows for each of the three years in the period ended
December 3 l, 2015, in conformity with accounting principles generally accepted in the United States of
America. Also, in our opinion, such financial statement schedule, when considered in relation to the basic
consolidated financial statements taken as a whole, presents fairly, in all material respects, the information set
forth therein. Also, in our opinion, the Company maintained, in all material respects, effective internal control
over financial reporting as of December 31, 2015, based on the criteria established in Internal Control
Integrated Framework (2013) issued by the Committee of Sponsoring Organizations of the Treadway
Commission

2.4»K4!~4¢.¢.z¢P

Phoenix. Arizona
February 19, 2016
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ARIZONA PUBLIC SERVICE COMPANY
CONSOLIDATED STATEMENTS OF INCOME

(dollars in thousands)

Year Ended December31

ELECTRIC OPERATING REVENUES $ 3,492,357 $ 3,488,946 $ 3,451,251

101.298

494.298

179.829

882.442

417.264

245.036

171.499

2.880.373

095.709

897.824

415.612

256.864

163.377

2.829.386

621.865

OPERATING EXPENSES

Fuel and power

Operations and maintenance

Depneciationand amortizatioN

Income taxes (Note 4)

Taxes other thaN income taxes

Total

OPBRATING nq(g0mE 592.792

14.302

35.215

(19,019) 1 (13,403)

36.358

(20,449)
20.797

Income taxes (Note 4)

... wt 7 . ... (now 11
Other income (Note 17)

Total 33.332

INTEREST EXa>ENSE
180.123 186.323 188.011

Interest on short-term borrowings

Allowance for borrowed funds used during construction (Note 1) (16,183)

176.1w

(15,457) (14,861)

183.801

NET INCOME 469.207 458.861

Less: Net income athibuilable to noncom-ailing interests (Note 18) 18.933 26.101 33892

NET AITRIBHTA8LB TOCDMMON SHAREs-IOLDER s 450,274 s 421,219 s 424,969i

The accompanying notes are an integral part of the financial statements
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ARIZONA PUBLIC SERVICE COMPANY
CONSOLIDATED STATEMENTS OF COMPREHENSIVE INCOME

(dollars in thousands)

Year Ended December31

NET n~/com]8 $ 469,207 $ 447.320 s 458.861

(957) (809) (214)

26.747

oncER COMPREHENSIVE INCOME (LOSS), NET OF TAX

Derivative installments

Net unrealized loss, net of tax benefit (expense) of $(342), $(438), and
$ l40 (Note 16)

Rzelaéisificafion of net realized loss, net of tax baiefit bf $l.80l, $74932
and$17,472 (Note 16)

Pension and other postretirement benefits activity, net of tax (expense)
benefit of$(l l,776), $4,655, and $(6,003) (Note 7)

Total other comprehensive income
18.006 (7,635)

494584COr»4PREHENSIVE 1ncomE
Less: Comprehensive income attributable to no controlling interests 18.933 33.892

COMPREHENSIVE INCOME AURIBUTABLE TO COMMON
SHAREHOLDER $ 471,510 $ 426.258 $ 460.692

The accompanying notes are an integral part of the financial statements
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ARIZONA PUBLIC SERVICE COMPANY
CONSOLIDATED BALANCE SHEETS

(dollars in thousands)

December 3]

ASSETS

PROPERTY, PLANT AND EQUIPMENT (Notes 1, 6 and 9)

Plant in service and held for fixture use

Accumulated depreciation and amortization

s 15,539,811

(5,394,650)

Construction work in progress

Palo VMeMelms&4w& net of accumulated depreciation of $233,665 and $229,795

s 816,218,724

(5,590,937)

10.627.787

812.845 682.807

117.385 121,255
l 19.600
125,201
194.024l 1.804.976

12.106

34.455

781.757 764.848

22.056
274.428 297.712

100.533
(3,094)

I 218.889

(3,125)

234,234

45 37.097

149.555 129.808

55

38.69335.765

870.755

Intangible assets, net of accumulated amortization of $546,038 and $489,538

NUclear fuel. net ofaCcumUlaaed amortization of $146,228 and $143,554

Total property, plant and equipment

INVESTMENTS AND OTHER ASSETS

Nuclear decommissioning trust (Notes 13 and 19)

Assets from risk (Note 16)

Other assets

Tctad investmentsand Cr
CURRENT ASSETS

Cash Caslreqtxivalentts

Customer and other receivables

AccrUed unbilled revenues

Allowance for doubtful accounts

MaterialS and supplies (atwerwage cost)

Fossil fuel (at average cost)

tiwuinn risk management activities (Note 16)

Deferred tiu el and purchased power regulatory asset (Note 3)

Other regulatory assets (Note 3)
Deferred income taxes (Note 4)

Other Cement assets

Total current assets

DEFERRED DEBITS

Regulatory assets (Notes l, 3, and 4)

for other postwtirzment benefits (Note 7)

Other

Total deferred debits

TOTAL ASSETS

054.087

149,260

128.026

1.331.373

$ 14,982,182 $ 14,190,362

182,525
127.923

The accompanying notes are an integral part of the financial statements
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ARIZONA PUBLIC SERVICE COMPANY
CONSOLIDATED BALANCE SHEETS

(dollars in thousands)

December31,

2015 2014

178,162

2,379,696

2,148,493

s 178,162
2,379,696
1,968,718

4 .

(19,942)

(7,155)

. 4,679;254f

135,540

4,814,794

3,337,391

_s,1s2, iss

£31,949
(10,385)

4,478,243

151,609

4.39i852

2,881,573

748l1;42s-

i 147,444.

383,570

289,93o

131,110

.45a;3ss

65,s00

59,676

1394549
167,302

_1,s32,84.

3 5 7 , 5 8 0

".291,574.

144 ,488

56,993

69 ,400

• 134013 r

7 7 , 7 1 6

2 8 5 7 3

9 , 6 s s

u s , 4 7 a

180,535

.1L224»?0£"*.

CAPITALIZATION

Carman stock

Additional paid-in capital

Nausea earning;
Accumulated other comprehensive (loss):

Plension mu ( Naur u

Derivative instruments (Note 16)

Total shanelroldar

ro controlling interests (Note 18)

Long-term debt less current maturities (Note 6)

CURRENT LIABILITIES

Cument maturities of long-term debt (Note 6)

Accounts payable

Accrued taxes (Note 4)

Common diiridends payable

C"¥*M°"'°¢'°*i*= .
Liabilities ham risk management activities (Note 16)

for l l ) 9
Defened iirel and purchased power regulatory liability (Note 3)

Other current liabilities

r a w . ligbifitigs

DEFERRED CREDITS AND OTHER

iNcome (Now 4) .

Regulatory liabilities (Notcs l, 3, and 4)

Lanbilitiee 11)

Liabilities for pension benefits (Note 7)
Liabilities : pk 163 §
Customer advances

Deterred investment tax credit

Other

COMMITMENTS AND CONT1NGENC1BS (SEE NOTES)

2,764,489

994,152

415,003

459,065
89,973

l 15,609

201,984

187,080

35,25 l

142,683

5,405,289

2,511,365

1,051,196

" 1358,288

424,508

so,602

123,052

. 498,292

178,607

45,740

144,823

5,146,473

s 14,982,182 s *14,190,362.

The accompanying notes are an integral part of the financial statements.

89

lllllll I I I

3

E

.s



ARIZONA PUBLIC SERWCE COMPANY
CONSOLIDATED STATEMENTS OF CASH FLOWS

(dollars in thousands)

Year Ended December 31,
2015 2014 2013

i
I

s 469,207 $ 447,320 s 458,861

571,540
14,997

1,617
(35,215)
223,069

s,473
(381)

496,393
(26,927)
40,757

(30:790}
155,401
26,246

339

492,226
21,678
31,190

(25,581)
278,101
52,542

534

(21,040)
4,293

(23,945)

i
I

I
:

l

4,498
(34,891)
13,378
(3f7ls):

(324)
22,776

(20,535)

i\

(52,466)
(3,737)
3,724

135,119
3,766

(2,355)
8,65o

33,970
(343)

(24,975)
59,618

I
i

E
au

i
1
1

2,778
(62739),
(85,642)

1,124,167

(46,552)
(1,951)

(l l,878)
(134,590)
(17,112)
47,870

5,760
(9,005)

993
12,355
64,473

137,665
(91,244)
(46,675)
(24,969)

1,194,691

(10,328)
(813)

(82,628)
1,190,030 I

(l,072,053) f
46,546

(16,183) i
478,813

(496,062) 3
(1,093)

(l,069,032) 2

(910,684)
20,325

(15,457)
356,195

(373,444)
347

f ( 9 u , u s )

(l§0l6,322)
41,090

(14,361)
446,025

(463,274)
(2,067)

g
1842,415

(415,570)
(147,400)9
(266,900)

(35,002) 3
(22,457)
11,541
4,515

22.056

i

136,307
(122,828)

60,950
(242,100)
(17,385)

(185,056)
226,

3,499
3.725s.

606,126
(527,578)

(5,725)
(253,600)
(20,482)

(201,259)
790

3,725
4.515 s

i

$ $14,831.
167,670 i

(86,054) s
173,436

7,524
180,757

s 83,798
69,400

44:712
65,800

s

FROM OPERATING
Net income

Depreciation and amortization including nuclear Iilel

Deferred fuel and purchased power amortization

Defensed income taxes

Change in derivative instruments fair value

Customer and other receivables

Mamerids, supplies and fossil fuel

Other current assets

Accmcd taxes

Change in margin and collateral accounts - mess
» a t  . . . \ . . . + -  .
Change in long-term regulatory liabilities

Change in unrecognized taxbeneiits

Change in other long-term liabilities

by ;
CASH FLOWS FROM INVESTING ACTIVITIES

Contributions in aid of construction

Proceeds from nuclear decommissioning trust sales
r . "Qin " .,.. 1|.0 trust
Other .

Nacl1aa»~~:naéd Nr" " I
CASH FLOWS FROM FINANCING ACTIVITIES

oiiltrtig-term
Repayment of long-term debt

Dividends paid on common stock

Net cash flow used for financing activities
;qs,rn~te1xsnse
CASH AND CASH EQUNALENTS AT BEGINNING OF YEAR

Supplemented disclosure of cash flow information:

Income taxes, net of refunds

Significant non-cash investing and financing activities:

Dividends declared but not paid
Lil1bilitleiuslmNledrelatedtoaeqai3itioulriofSCB'sE'Olll?Gonners' Miterer

33,1s4
62,500

145,609

The accompanying notes are an integral part of the financial statements.
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ARIZONA PUBLIC SERVICE COMPANY
CONSOLIDATED STATEMENTS OF CHANGES IN EQUITY

(dollars in thousands)

Common Stock

Shares Amount

Additional
Paid-In
Capital

Retained
Earnings

Accumulated
Other

Comprehensive
Income (Loss)

Noncontrolling
Interests Total

Bsdance, December 31, 2012 71,264,947 s 17/,162 $2,379,696 s1,624,z37 s (89,095) s 129,483 s 4,222,4ss

114 424,969 33,892 458,861

35.723

(244,800)
(8)

35,723

(244,800)

(8)

Net income

Other comprehensive income

Dividends on common stock

Other

Net capital activities by
nonoomrolling interests umm# (17,385) (17,385)

Balance, December 31, 2013 71,264,947 178,162 2,379,696 1,804,398 (53.372) 145,990 4,454,874

421,219 26,101

5,039

(256,900)

Net income

Other comprehensive income

Dividends on common stock

Other l -

447,320

5,039

(256,900)

1

Net capital activities by
no controlling interests (20,482) (20,482)

Balzuuce, December31, 2014 71,264,941 178,162 2,379,696 1,968,718 (48,333) 151,609 4,629,852

450,274 - 18,933

21,236

(270,500)
l

inn

469,207

21,236

(270,500)

l

Net income

Other comprehensive income

Dividelmds on common stock

Other

Net capital activities by
noncontroiling interests

Balance, December 3 l , 20 l5

1l-u-an -in

71,264,947 $ 178,162 $2,379,696 $2,148,493 s (27,097) $

(35,002) (35,002)

135,540 s 4,814,794

The accompanying notes are an integral part of the financial statements.
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CQMBINED NOTES TO CONSOLIDATED FINANCIAL STATEMENTS

Summary of Significant Accounting Policies

Description of Business and Basis of Presentation

Pinnacle West is a holding company that conducts business through its subsidiaries, APS, El Dorado,
and BCE. APS, our wholly-owned subsidiary, is a vertically-integrated electric utility that provides either
retail or wholesale electric service to substantially all of the state of Arizona, with the major exceptions of
about one-half of the Phoenix metropolitan area, the Tucson metropolitan area and Mohave County in
northwestern Arizona. APS accounts for essentially all of our revenues and earnings, and is expected to
continue to do so. El Dorado is an investment firm. BCE is a subsidiary that was formed in 2014 that focuses
on growth opportunities that leverage the Company's core expertise in the electric energy industry. BCE is
currently pursuing transmission opportunities through a joint venture arrangement.

Pinnacle West's Consolidated Financial Statements include the accounts of Pinnacle West and our
subsidiaries: APS, El Dorado and BCE. APS's consolidated financial statements include the accounts ofAPS
and certain VIEs relating to the Palo Verde sale leaseback. Intercompany accounts and transactions between
the consolidated companies have been eliminated.

We consolidate VIEs for which we are the primary beneficiary. Wedeterminewhether we are the
primary beneficiary of a VIE through a qualitative analysis that identifies which variable interest holder has the
controlling financial interest in the VIE. In performing our primary beneficiary analysis, we consider all
relevant facts and circumstances, including the design and activities of the VIE, the terms of the contracts the
VIE has entered into, and which parties participated significantly in the design or redesign of the entity. We
continually evaluate our primary beneficiary conclusions to determine if changes have occurred which would
impact our primary beneficiary assessments. We have determined that APS is the primary beneficiary of
certain VIE lessor trusts relating to the Palo Verde sale leaseback, and therefore APS consolidates these entities
(see Note 18).

Our consolidated financial statements reflect all adjustments (consisting only of normal recurring
adjustments, except as otherwise disclosed in the notes) that we believe are necessary for the fair presentation
of our financial position, results of operations and cash flows for the periods presented.

Accounting Records and Use of Estimates

Our accounting records are maintained in accordance with GAAP. The preparation of financial
statements in accordance with GAAP requires management to make estimates and assumptions that affect the
reported amounts of assets and liabilities, disclosure of contingent assets and liabilities at the date of the
financial statements and reported amounts of revenues and expenses during the reporting period. Actual results
could differ from those estimates.

Regulatory Accounting

APS is regulated by the ACC and FERC. The accompanying financial statements reflect the rate-
making policies of these commissions. As a result, we capitalize certain costs that would be included as
expense in the current period by unregulated companies. Regulatory assets represent incurred costs that have
been deferred because they are probable of future recovery in customer rates. Regulatory liabilities generally
represent expected future costs that have already been collected from customers .
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COMBINED NOTES TO CONSOLIDATED FINANCIAL STATEMENTS

Management continually assesses whether our regulatory assets are probable of future recovery by
considering factors such as changes in the applicable regulatory environment and recent rate orders applicable
to APS or other regulated entities in the same jurisdiction. This determination reflects the current political and
regulatory climate in Arizona and is subject to change in the future. If future recovery of costs ceases to be
probable, the assets would be written off as a charge in current period earnings.

See Note 3 for additional information.

Electric Revenues

We derive electric revenues primarily from sales of electricity to our regulated Native Load customers.
Revenues related to the sale of electricity are generally recorded when service is rendered or electricity is
delivered to customers. The billing of electricity sales to individual Native Load customers is based on the
reading of their meters, which occurs on a systematic basis throughout the month. Unbilled revenues are
estimated by applying an average revenue/kWh by customer class to the number of estimated kWhs delivered
but not billed. Differences historically between the actual and estimated unbilled revenues are immaterial. We
exclude sales taxes and franchise fees on electric revenues from both revenue and taxes other than income
taxes.

Revenues from our Native Load customers and non-derivative instruments are reported on a gross
basis on Pinnacle West's Consolidated Statements of Income. In the electricity business, some contracts to
purchase energy are netted against other contracts to sell energy. This is called a "book-out" and usually
occurs for contracts that have the same terms (quantities and delivery points) and for which power does not
flow. We net these book-outs, which reduces both revenues and fuel and purchased power costs.

Some of our cost recovery mechanisms are alternative revenue programs. For alternative revenue
programs that meet specified accounting criteria, we recognize revenues when the specific events permitting
billing of the additional revenues have been completed.

Allowance for Doubtful Accounts

The allowance for doubtful accounts represents our best estimate of existing accounts receivable that
will ultimately be uncollectible. The allowance is calculated by applying estimated write-off factors to various
classes of outstanding receivables, including accrued utility revenues. The write-off factors used to estimate
uncollectible accounts are based upon consideration of both historical collections experience and
management's best estimate of future collections success given the existing collections environment.

Property, Plant and Equipment

Utility plant is the term we use to describe the business property and equipment that supports electric
service, consisting primarily of generation, transmission and distribution facilities. We report utility plant at its
original cost, which includes:

material and labor,
contractor costs,
capitalized leases;
construction overhead costs (where applicable), and
allowance for funds used during construction.
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COMBINED NOTES TO CONSOL1DATED FINANCIAL STATEMENTS

Pinnacle West's property, plant and equipment included in the December 31, 2015 and 2014
consolidated balance sheets is composed of the following (dollars in thousands):

2015 2014

s
Property, Plant and Equipment:

Transmission

Gcnerd plant

Accumulated depreciation and amortization

n o
Construction work in progress

nm vole are hctofaccmmaiited

Intangible assets, net of accumulated amortization

Total property, plant and equipment s

1,33§,90zl
2,494,744
5,543,561§

847,025
16,222_,23sg
(5,594,094)
10,62¢,13q

816,307
117,34
123,975
123,139

11,808,944 $

7,158,729

2,247,309

5,339,322

797,703

15,543,063

(5,397,75l)

10,145,312

682,807

121,255

l 19,755

125,201

11,194,330

Property, plant and equipment balances and classes for APS are not materially different than Pinnacle

West.

We expense the costs of plant outages,major maintenance and routine maintenance as incurred. We
chargeretired utility plant to accumulated depreciation. Liabilities associatedwith the retirement of tangible
long-lived assets are recognized at fair value as incurred and capitalized aspart of the related tangible long-
lived assets. Accretion of the liability due to the passage of time is an operating expense, and the capitalized
cost is depreciatedover the useful lifeof the long-lived asset. See Note ll.

APS records a regulatory l iabi l i ty for the difference between the amount that has been recovered in

regulated rates and the amount calculated in accordance with guidance on accounting for asset retirement

obligations. APS believes it can recover in regulated rates the costs calculated in accordance with this

accounting guidance.

We record depreciation on utility plant on a straight-line basis over the remaining useful life of the
related assets. The approximate remaining average useful lives of our utility property at December 31, 2015
were as follows:

Fossil plant - 19 years;
Nuclear plant - 28 years;
Other generation - 25 years,
Transmission - 39 years,
Distribution - 33 years; and
Other - 7 years.

Pursuant to an ACC order, we deferred operating costs in 2013 and 2014 related to APS's acquisition of

additional interests in Units 4 and 5 and the related closure of Units 1-3 of Four Comers. See Note 3 for further

discussion. These costs were deferred and are now being amortized on the depreciation line of the

Consolidated Statements of Income.
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COMBINED NOTES TO CONSOLIDATED FINANCIAL STATEMENTS

Depreciation of utility property, plant and equipment is computed on a straight-line, remaining-life

basis. Depreciation expense was $430 million in 2015, $396 million in 2014, and $400 million in 2013. For

the years 2013 through 2015, the depreciation rates ranged from a low of 0.30% to a high of 12.37%. The

weighted-average depreciation rate was 2.74% in 2015, 2.77% in 2014, and 3.00% in 2013

Allowance for Funds Used During Construction

AFUDC represents the approximate net composite interest cost of borrowed funds and an allowed

return on the equity funds used for construction of regulated utility plant. Both the debt and equity

components ofAFUDC are non-cash amounts within the Consolidated Statements of Income. Plant

construction costs, including AFUDC, are recovered in authorized rates through depreciation when completed

projects are placed into commercial operation

AFUDC was calculated by using a composite rate of 8.02% for 2015, 8.47% for 2014, and 8.56% for

2013. APS compounds AFUDC semi-annually and ceases to accrue AFUDC when construction work is

completed and the property is placed in service

Materials and Supplies

APS values materials, supplies and fossil fuel inventory using a weighted-average cost method. APS

materials, supplies and fossil fuel inventories are carried at the lower of weighted-average cost or market

unless evidence indicates that the weighted-average cost (even if in excess of market) will be recovered

Fair Value Measurements

We account for derivative instruments, investments held in our nuclear decommissioning trust, certain
cash equivalents and plan assets held in our retirement and other benefit plans at fair value on a recurring basis
Due to the short-term nature of net accounts receivable, accounts payable, and short-term borrowings, the
carrying values of these instruments approximate fair value. Fair value measurements may also be applied on
a nonrecurring basis to other assets and liabilities in certain circumstances such as impairments. We also
disclose fair value information for our long-term debt, which is carried at amortized cost (see Note 6)

Fair value is the price that would be received for an asset or paid to transfer a liability (exit price) in the
principal or most advantageous market which we can access for the asset or liability in an orderly transaction
between willing market participants on the measurement date. Inputs to fair value may include observable and
unobservable data. We maximize the use of observable inputs and minimize the use of unobservable inputs
when measuring fair value

We determine fair market valueusing observable inputs such as actively-quoted prices for identical
instruments when available. When actively quoted prices are not available for the identical instruments, we
use other observable inputs, such as prices for similar instruments, other corroborative market information, or
prices provided by other external sources. For options, long-term contracts and other contracts for which
observable price data are not available, we use models and other valuation methods, which may incorporate
unobservable inputs to determine fair market value

The use of models and other valuation methods to determine fair market value often requires subjective
and complex judgment. Actual results could differ from the results estimated through application of these
methods
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COMBINED NOTES TO CONSOLIDATED FINANCIAL STATEMENTS

See Note 13 for additional information about fair value measurements

Derivative Accounting

We are exposed to the impact of market fluctuations in the commodity price and transportation costs of
electricity, natural gas, coal and in interest rates. We manage risks associated with market volatility by
utilizing various physical and financial instruments including futures, forwards, options and swaps. As part of
our overall risk management program, we may use derivative instruments to hedge purchases and sales of
electricity and fuels. The changes in market value of such contracts have a high correlation to price changes in
the hedged transactions. We also enter into derivative instruments for economic hedging purposes. Contracts
thathavethe same terms (quantities, delivery points and delivery periods) and for which power does not flow
are netted, which reduces both revenues and fuel and purchased power expenses in our Consolidated
Statements of Income, but does not impact our financial condition, net income or cash flows

We account for our derivative contracts in accordance with derivatives and hedging guidance, which
requires all derivatives not qualifying for a scope exception to be measured at fair value on the balance sheet as
either assets or liabilities. Transactions with counterparties that have master netting arrangements are reported
net on the balance sheet. See Note 16 for additional information about our derivative instruments

Loss Contingencies and Environmental Liabilities

Pinnacle West and APS are involved in certain legal and environmental matters that arise in the normal
course of business. Contingent losses and environmental liabilities are recorded when it is determined that it is
probable that a loss has occurred and the amount of the loss can be reasonably estimated. When a range of the
probable loss exists and no amount within the range is a better estimate than any other amount, Pinnacle West
and APS record a loss contingency at the minimum amount in the range. Unless otherwise required by GAAP
legal fees are expensed as incurred

Retirement Plans and Other Postretirement Benefits

Pinnacle West sponsors a qualified defined benefit and account balance pension plan for the employees
of Pinnacle West and its subsidiaries. We also sponsor an other postretirement benefit plan for the employees
of Pinnacle West and its subsidiaries that provides medical and life insurance benefits to retired employees
Pension and other postretirement benefit expense are determined by actuarial valuations, based on assumptions
that are evaluated annually. See Note 7 for additional information on pension and other postretirement
benefits

Nuclear Fuel

APS amortizes nuclear fuel by using the unit-of-production method. The unit-of-production method is
based on actual physical usage. APS divides the cost of the fuel by the estimated number of thennal units it
expects to produce with that fuel. APS then multiplies that rate by the number of thermal units produced
within the current period. This calculation determines the current period nuclear fuel expense

APS also charges nuclear fuel expense for the interim storage and permanent disposal of spent nuclear
fuel. The DOE is responsible for the permanent disposal of spent nuclear fuel and charged APS $0.001 per
kph of nuclear generation through May 2014, at which point the DOE suspended the fee. In accordance with
a settlement agreement with the DOE in August 2014, we will now accrue a receivable for incurred claims and



COMBINED NOTES TO CONSOLIDATED FINANCIAL STATEMENTS

an offsetting regulatory liability through the settlement period ending December of 2016. See Note 10 for
information on spent nuclear fuel disposal costs

Income Taxes

Income taxes are provided using the asset and liability approach prescribed by guidance relating to
accounting for income taxes. We file our federal income tax return on a consolidated basis, and we tile our
state income tax returns on a consolidated or unitary basis. In accordance with our intercompany tax sharing
agreement, federal and state income taxes are allocated to each list-tier subsidiary as though each first-tier
subsidiary tiled a separate income tax return. Any difference between that method and the consolidated (and
unitary) income tax liability is attributed to the parent company. The income tax accounts reflect the tax and
interest associated with management's estimate of the largest amount of tax benefit that is greater than 50%
likely of being realized upon settlement for all known and measurable tax exposures (see Note 4)

Cash and Cash Equivalents

We consider all highly liquid investments with a remaining maturity of three months or less at
acquisition to be cash equivalents

The following table summarizes supplementalPinnacle Westcash flow information foreach ofthe last
three years(dollars in thousands)

Year ended December 31

6,550

170209
$ (102,154) $

177.074
18.537Income taxes. net of refunds

Significant non-cash investing and financing activities

Dividends declared but not paid

Liasiliaes dimmed Ur

s3J9s
69.363 65.790 62.528

Intangible Assets

We have no goodwill recorded and have separately disclosed other intangible assets, primarily APS's
software, on Pinnacle West's Consolidated Balance Sheets. The intangible assets are amortized over their finite
useful lives. Amortization expense was $58 million in 2015, $53 million in 2014, and $53 million in 2013
Estimated amortization expense on existing intangible assets over the next five years is $48 million in 2016
$36 million in 2017. $18 million in 2018. $9 million in 2019, and $3 million in 2020. At December 31. 2015
the weighted-average remaining amortization period for intangible assets was 5 years

Investments

El Dorado accounts for its investments using either the equity method (if significant influence) or the
cost method (if less than 20% ownership and no significant influence)
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COMBINED NOTES TO CONSOLIDATED FINANCIAL STATEMENTS

Our investments in the nuclear decommissioning trust fund are accounted for in accordance with
guidance on accounting for certain investments in debt and equity securities. See Note 13 and Note 19 for
more infonnation on these investments

Business Segments

Pinnacle West's reportable business segment is our regulated electricity segment, which consists of
traditional regulated retail and wholesale electricity businesses (primarily electricity service to Native Load
customers) and related activities and includes electricity generation, transmission and distribution. All other
segment activities are insignificant

Preferred Stock

At December 31, 2015, Pinnacle West had 10 million shares of serial preferred stock authorized with
no par value, none of which was outstanding, and APS had 15,535,000 shares of various types of preferred
stock authorized with $25, $50and$100 par values, none of which was outstanding

New Accounting Standards

In May 2014, new revenue recognition guidance was issued. This guidance provides a single
comprehensive model for entities to use in accounting for revenue arising from contracts with customers and
supersedes most current revenue recognition guidance. The new revenue standard will be effective for us on
January l, 2018. The guidance may be adopted using a full retrospective application or a simplified transition
method that allows entities to record a cumulative effect adjustment in retained earnings at the date of initial
application. We are currently evaluating this new guidance and the impacts it may have on our financial
statements

In February 2015, new consolidation accounting guidance was issued thatamendsmany aspects of the
guidance relating to the analysis and consolidation of variable interest entities. The new guidance is effective
for us, and will be adopted, during the first quarter of 2016; and may be adopted using either a full
retrospective or modified retrospective approach. We do not expect the adoption of this guidance to have a
material impact on our financial statements

In January 2016, new guidance was issued relating to the recognition and measurement of financial
instruments. The amended guidance will require certain investments in equity securities to be measured at fair
value with changes in fair value recognized in net income, and modifies the impairment assessment of certain
equity securities. The new guidance is effective for us on January 1, 2018. Certain aspects of the guidance
may require a cumulative-effect adjustment and other aspects of the guidance are required to be adopted
prospectively. We are currently evaluating this new accounting standard and the impacts it may have on our
financial statements

During the fourth quarter of 2015 we elected to early adopt the following accounting standard updates

Balance sheet presentation of deferred income taxes. See Note 4

Balance sheet presentation of debt issuance costs: Adopted on a retrospective basis, the new guidance
requires debt issuance costs to be presented on the balance sheets as a direct reduction to the related
debt liabilities. Prior to the adoption of this guidance we were required to present debt issuance costs as
an asset on the balance sheets. As a result of adopting this guidance, our December 31, 2015
Consolidated Balance Sheet includes $28 million of debt issuance costs as a reduction to our long-term
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COMBINED NOTES TO CONSOLIDATED FINANCIAL STATEMENTS

debt. Our December 31, 2014 Consolidated Balance Sheet presents $25 million of debt issuance costs
as a reduction to long-term debt, this amount was previously presented as a component of non-current
other deferred debits. The adoption of this guidance did not impact our results of operations or cash
Hows. Debt issuance costs continue to be amortized as interest expense. See Note 6.

3. Regulatory Matters

Retail Rate Case Filings with the Arizona Corporation Commission

Upcoming Rate Case Filing

On January 29, 2016, APS filed a NOI informing the ACC that APS intends to submit a rate case
application in June 2016 using an adjusted test year ending December 31, 2015. The NOI provides an
overview of the key issues APS expects to address in its formal request such as rate design changes
(residential, commercial and industrial), a decoupling mechanism, permission to defer for potential future
recovery costs associated with the Company's Ocotillo Modernization Project, permission to defer for
potential future recovery costs associated with environmental standards compliance, inclusion of post-test year
plant and modifications to certain adjustor mechanisms, among other items. In its rate application, APS will
request that its proposed pricing changes take elTect in July 2017. APS is still developing the exact amount of
the request.

Prior Rate Case Filing

On June 1, 2011, APS filed an application with the ACC for a net retail base rate increase of $95.5
million. APS requested that the increase become effective July 1, 2012. The request would have increased the
average retail customer bill by approximately 6.6%. On January 6, 2012, APS and other parties to the general
retail rate case entered into the2012 Settlement Agreement detailing the terms upon which the parties agreed
to settle the rate case. On May 15, 2012, the ACC approved the 2012 Settlement Agreement without material
modifications.

Settlement Agreement

The 2012 Settlement Agreement provides for a zero net change in base rates, consisting of: (1) a non-
fuel base rate increase of $116.3 million, (2) a filet-related base rate decrease of $153.1 million (to be
implemented by a change in the Base Fuel Rate from $0.03757 to $0.03207 per kph), and (3) the transfer of
cost recovery for certain renewable energy projects from the RES surcharge to base rates in an estimated
amount of $36.8 million.

other key provisions of the 2012 Settlement Agreement include the following:

• An authorized return on common equity of l0.0%,

A capital structure comprised of 46. 1% debt and 53 .9% common equity,

A test year ended December 31, 2010, adjusted to include plant that is in service as of
March 31, 2012;

Deferral for future recovery or refund of property taxes above or below a specified 2010 test
year level caused by changes to the Arizona property tax rate as follows:
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Deferral of increases in property taxes of 25% in 2012, 50% in 2013 and 75% for 2014
and subsequent years if Arizona property tax rates increase, and

Deferral of 100% in all years if Arizona property tax rates decrease,

A procedure to allow APS to request rate adjustments prior to its next general rate case related
to APS's acquisition of additional interests in Units 4 and 5 and the related closure of Units 1-3
of Four Corners (APS made its filing under this provision on December 30, 2013, see "Four
Corners" below),

Implementation of a "Lost Fixed Cost Recovery" rate mechanism to support energy efficiency
and distributed renewable generation,

Modifications to the Environmental Improvement Surcharge to allow for the recovery of
carrying costs for capital expenditures associated with government-mandated environmental
controls, subject to an existing cents per kph cap on cost recovery that could produce up to
approximately $5 million in revenues annually,

Modifications to the PSA, including the elimination of the 90/10 sharing provision,

A limitation on the use of the RES surcharge and the DSMAC to recoup capital expenditures
not required under the terms of the 2009 Settlement Agreement,

Allowing a negative credit that existed in the PSA rate to continue until February 2013, rather
than being reset on the anticipated July 1, 2012 rate effective date;

Modification of the TCA to streamline the process for future transmission-related rate changes,
and

Implementation of various changes to rate schedules, including the adoption of an experimental
"buy-through" rate that could allow certain large commercial and industrial customers to select
alternative sources of generation to be supplied by APS.

The 2012 Settlement Agreement was approved by the ACC on May 15, 2012, with new rates effective
on July 1, 2012. This accomplished a goal set by the parties to the 2009 Settlement Agreement to process
subsequent rate cases within twelve months of sufficiency findings from the ACC staff, which generally occurs
within 30 days after the filing of a rate case.

Cost Recovery Mechanisms

APS has received regulatory decisions that allow for more timely recovery of certain costs through the
following recovery mechanisms.

Renewable Energy Standard. In 2006, the ACC approved the RES. Under the RES, electric utilities
that are regulated by the ACC must supply an increasing percentage of their retail electric energy sales from
eligible renewable resources, including solar, wind, biomass, biogas and geothermal technologies. In order to
achieve these requirements, the ACC allows APS to include a RES surcharge as part of customer bills to
recover the approved amounts for use on renewable energy projects. Each year APS is required to file a five-
year implementation plan with the ACC and seek approval for funding the upcoming year's RES budget.

In 2013, the ACC conducted a hearing to consider APS's proposal to establish compliance with
distributed energy requirements by tracking and recording distributed energy, rather than acquiring and retiring
renewable energy credits. On February 6, 2014, the ACC established a proceeding to modify the renewable
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energy rules to establish a process for compliance with the renewable energy requirement that is not based
solely on the use of renewable energy credits. On September 9, 2014, the ACC authorized a Rulemaking
process to modify the RES rules. The proposed changes would permit the ACC to find that utilities have
complied with the distributed energy requirement in light of all available information. The ACC adopted these
changes on December 18, 2014. The revised rules went into effect on April 21, 2015.

In accordance with the ACC's decision on the 2014 RES plan, on April 15, 2014, APS filed an
application with the ACC requesting permission to build an additional 20 MW of APS-owned utility scale solar
under the AZ Sun Program. In a subsequent filing, APS also offered an alternative proposal to replace the 20
MW of utility scale solar with 10 MW (approximately 1,500 customers) of APS-owned residential solar that
will not be under the AZ Sun Program. On December 19, 2014, the ACC voted that it had no objection to APS
implementing its residential rooftop solar program. The first stage of the residential rooftop solar program,
called the "Solar Partner Program", is to be 8 MW followed by a 2 MW second stage that will only be
deployed if coupled with distributed storage. The program will target specific distribution feeders in an effort
to maximize potential system benefits, as well as make systems available to limited-income customers who
cannot easily install solar through transactions with third parties. The ACC expressly reserved that any
determination of prudence of the residential rooftop solar program for rate making purposes shall not be made
until the project is fully in service and APS requests cost recovery in a future rate case.

On July 1,2014, APS filed its 2015 RES implementation plan and proposed a RES budget of
approximately $154 million. On December 31, 2014, the ACC issued a decision approving the 2015 RES
implementation plan with minor modifications, including reducing the requested budget to approximately $152
million.

On July 1, 2015, APS filed its 2016 RES implementation plan and proposed a RES budget of
approximately $148 million. On January 12, 2016, the ACC approved APS's plan and requested budget.

DemandSide MunagementA¢8ustorCharge. The ACC Electric EnergyEfficiency Standards require
APS to submit a DSM Plan for review by and approval of the ACC.

On June 1, 2012, APS filed its 2013 DSM Plan. In 2013, the standards required APS to achieve
cumulative energy savings equal to 5% of its 2012 retail energy sales. Later in 2012, APS tiled a supplement
to its plan that included a proposed budget for 2013 of $87.6 million.

On March 11, 2014, the ACC issued an order approving APS's 2013 DSM Plan. The ACC approved a
budget of $68.9 million for each of 2013 and 2014. The ACC also approved a Resource Savings Initiative that
allows APS to count towards compliance with the ACC Electric Energy Efficiency Standards, savings from
improvements to APS's transmission and delivery system, generation and facilities that have been approved
through a DSM Plan.

On March 20, 2015, APS filed an application with the ACC requesting a budget of $68.9 million for
2015 and minor modifications to its DSM portfolio going forward, including for the first time three resource
savings projects which reflect energy savings on APS's system. The ACC approved APS's 2015 DSM budget
on November 25, 2015. In its decision, the ACC also approved that verified energy savings from APS's
resource savings projects could be counted toward compliance with the Electric Energy Efficiency Standard,
however, the ACC ruled that APS was not allowed to count savings from systems savings projects toward
detennination of its achievement tier level for its performance incentive, nor may APS include savings from
conservation voltage reduction in the calculation of its LFCR mechanism.
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On June 1, 2015, APS filed its 2016 DSM Plan requesting a budget of $68.9 million and minor
modifications to its DSM portfolio to increase energy savings and cost effectiveness of the programs. The
DSM Plan also proposed a reduction in the DSMAC of approximately 12%.

Electrie Energy Efficiency. On Jame 27, 2013, the ACCvoted to open a new docket investigating
whether the Electric Energy Efficiency Standards should be modified. The ACC held a series of three
workshops in March and April 2014 to investigate methodologies used to determine cost effective energy
efficiency programs, cost recovery mechanisms, incentives, and potential changes to the Electric Energy
Efficiency and Resource Planning Rules.

On November 4, 2014, the ACC staff issued a request for informal comment on a draft of possible
amendments to Arizona's Electric Energy Efficiency Standards. The draft proposed substantial changes to the
rules and energy efficiency standards. The ACC accepted written comments and took public comment
regarding the possible amendments on December 19, 2014. A formal Rulemaking has not been initiated and
there has been no additional action on the draft to date.

PSA Mechanism and Balance. The PSA provides for the adjustment of retail rates to reflect variations
in retail fuel and purchased power costs. The PSA is subject to specified parameters and procedures, including the
following:

APS records defer°als for recovery or refund to the extent actual retail fuel and purchased
power costs vary from the Base Fuel Rate,

An adjustment to the PSA rate is made annually each February 1 (unless otherwise approved by
the ACC) and goes into effect automatically unless suspended by the ACC;

The PSA uses a forward-looking estimate of fuel and purchased power costs to set the annual
PSA rate, which is reconciled to actual costs experienced for each PSA Year (February 1
through January 31) (see the following bullet point);

The PSA rate includes (a) a "Forward Component," under which APS recovers or refunds
differences between expected fuel and purchased power costs for the upcoming calendar year
and those embedded in the Base Fuel Rate, (b) a "Historical Component," under which
differences between actual fuel and purchased power costs and those recovered through the
combination of the Base Fuel Rate and the Forward Component are recovered during the next
PSA Year, and (c) a "Transition Component," under which APS may seek mid-year PSA
changes due to large variances between actual fuel and purchased power costs and the
combination of the Base Fuel Rate and the Forward Component, and

The PSA rate may not be increased or decreased more than $0.004 per kph in a year without
permission of the ACC.
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The following table shows the changes in the deferred fuel and purchasedpower regulatory asset
(liability) for 2015 and 2014 (dollars in thousands):

Beginning balance

Deferred fuel and purchased power costs - current period

Amounts charged to customers '

Ending balance $

Year Ended December31,

2015 2014
6,926 S 205755

(14,997) 26,927

(1,617) . (40,156)

( 9 , 6 8 8 )  s 6,926

The PSA rate for the PSA year beginning February l, 2016 is $0.001678 per kph, as compared to
$0.000887 per kph for the prior year. This new rate is comprisedof a forward component of $0.001975 per
kph and a historical component of $(0.000297) per kph. On October 15, 2015, APS notified the ACC that it
was initiating a PSA transition component of $(0.004936) per kph for the months of November 2015,
December 2015, and January 2016. The PSA transition component is a mid-year adjustment to thePSA rate
that may be established when conditions change sufficiently to cause high balances to accrue in the PSA
balancing account. The transition component expired on February 1, 2016. Any uncollected (overcollected)
deferrals during the PSA year, alter accounting for the transition component, will be included in the calculation
of the PSA rate for the PSA year beginningFebruary 1, 20 l7.

Transmission Rates, Transmission Cost Aayustor and Other TransmissionMatters. In July 2008,
FERC approved an Open Access Transmission Tariff for APS to move from fixed rates to a formula rate-
setting methodology in order to more accurately reflect and recover the costs that APS incurs in providing
transmission services. A large portion of the rate represents charges for transmission services to serve APS's
retail customers ("Retail Transmission Charges"). In order to recover the Retail Transmission Charges, APS
was previously required to tile an application with, and obtain approval from, the ACC to reflect changes in
Retail Transmission Charges through the TCA. Under the terms of the 2012 Settlement Agreement, however,
an adjustment to rates to recover the Retail Transmission Charges will be made annually each June l and will
go into effect automatically unless suspended by the ACC.

The formula rate is updated each year effective June l on the basis ofAPS's actual cost of service, as
disclosed in APS's FERC Form l report for the previous fiscal year. Items to be updated include actual capital
expenditures made as compared with previous projections, transmission revenue credits and other items. The
resolution of proposed adjustments can result in significant volatility in the revenues to be collected. APS
reviews the proposed formula rate filing amounts with the ACC star Any items or adjustments which are not
agreed to by APS and the ACC staff can remain in dispute until settled or litigated at FERC. Settlement or
litigated resolution of disputed issues could require an extended period of time and could have a significant
effect on the Retail Transmission Charges because any adjustment, though applied prospectively, may be
calculated to account for previously over- or under-collected amounts.

Effective June l, 2014, APS's annual wholesale transmission rates for all users of its transmission
system increased by approximately $5.9million for the twelve-month period beginning June 1, 2014 in
accordance with the FERC-approved formula. An adjustment toAPS's retail rates to recover FERC-approved
transmission charges went into effect automatically on June l, 2014.

Effective June 1, 2015, APS's annual wholesale transmission rates for allusersof its transmission
system decreased by approximately $17.6 million for the twelve-month period beginning June l, 2015 in
accordance with the FERC-approved formula. An adjustment to APS's retail rates to recover FERC-approved
transmission charges went into effect automatically on June 1, 2015.
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APS's formula rate protocols have been in effect since 2008. Recent FERC orders suggest that FERC is
examining the structure of formula rate protocols and may require companies such as APS to make changes to
their protocols in the future.

Lost Fixed Cost Recovery Mechanism. The LFCR mechanism permits APS to recover on an after-the-
fact basis a portion of its fixed costs that would otherwise have been collected by APS in the kph sales lost
due to APS energy efficiency programs and to distributed generation such as rooftop solar arrays. The fixed
costs recoverable by the LFCR mechanism were established in the 2012 Settlement Agreement and amount to
approximately 3.1 cents per residential kph lost and 2.3 cents per non-residential kph lost. The LFCR
adjustment has a year-over-year cap of 1% of retail revenues. Any amounts left unrecovered in a particular
year because of this cap can be carried over for recovery in. a future year. The kWh's lost from energy
efficiency are based on a third-party evaluation ofAPS's energy efficiency programs. Distributed generation
sales losses are determined from the metered output from the distributed generation units .

APS files for a LFCR adjustment every January. APS filed its 2014 annual LFCR adjustment on
January 15, 2014, requesting a LFCR adjustment of $25.3 million, elective March l, 2014. The ACC
approved APS's LFCR adjustment without change on March ll, 2014, which became effective April l, 2014.
APS filed its 2015 annual LFCR adjustment on January 15, 2015, requesting an LFCR adjustment of $38.5
million, which was approved on March 2,2015, effective for the first billing cycle of March. APS filed its
2016 annual LFCR adjustment on January 15, 2016, requesting an LFCR adjustment of $46.4 million (a $7.9
million annual increase), to be effective for the first billing cycleof March 2016.

Net Metering

On July 12, 2013, APS filed an application with the ACC proposing a solution to address thecost shift
brought by the current net metering rules. On December 3, 2013, the ACC issued its order on APS's net
metering proposal. The ACC instituted a charge on customers who install rooftop solar panels after
December 31, 2013. The charge of $0.70 per kilowatt became effective on January 1, 2014, and is estimated to
collect $4.90 per month from a typical future rooftop solar customer to help pay for their use of the electric
grid. The fixed charge does not increase APS's revenue because it is credited to the LFCR.

In making its decision, the ACC determined that the current net metering program creates a cost shift,
causing non-solar utility customers to pay higher rates to cover the costs of maintaining the electric grid. The
ACC acknowledged that the $0.70 per kilowatt charge addresses only a portion of the cost shift.

On October 20, 2015, the ACC voted to conduct a generic evidentiary hearing on the value and cost
of distributed generation to gather information that will inform the ACC on net metering issues and cost of
service studies in upcoming utility rate cases. A hearing has been scheduled to commence in April 2016. APS
cannot predict the outcome of this proceeding.

In 2015, Arizona jurisdictional utilities UNS Electric, Inc. and Tucson Electric Power Company both
filed applications with the ACC requesting rate increases. These applications include rate design changes to
mitigate the cost shift caused by net metering. On December 9, 2015, APS filed testimony in the UNS
Electric, Inc. rate case in support of the UNS Electric, Inc. proposed rate design changes. APS has also
requested intervention in the upcoming Tucson Electric Power Company rate case. The outcomes of these
proceedings will not directly impact our financial position.
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Appellate Review of Third-Party Regulatory Decision ("System Improvement Benefits" or "SIB")

In a recent appellate challenge to an ACC rate decision involving a water company, the Arizona Court
of Appeals considered the question of how the ACC should detennine the "fair value" of a utility's property, as
specified in the Arizona Constitution, in connection with authorizing the recovery of costs through rate
adjustors outside of a rate case. The Court of Appeals reversed the ACC's method of finding fair value in that
case, and raised questions concerning the relationship between the need for fair value findings and the recovery
of capital and certain other utility costs through adjustors. The ACC sought review by the Arizona Supreme
Court of this decision and APS filed a brief supporting the ACC's petition to the Arizona Supreme Court for
review of the Court of Appeals' decision. On February 9, 2016, the Arizona Supreme Court granted review of
the decision and oral argument is set for March 22, 2016. If the decision is upheld by the Supreme Court
without modification, certain APS rate adjustors may require modification. This could in tum have an impact
on APS's ability to recover certain costs in between rate cases. APS cannot predict the outcome of this matter.

Four Corners

On December 30, 2013, APS purchased SCE's 48% ownership interest in each of Units 4 and 5 of Four
Comers. The 2012 Settlement Agreement includes a procedure to allow APS to request rate adjustments prior
to its next general rate case related to APS's acquisition of the additional interests in Units 4and 5 and the
related closure of Units 1-3 of Four Corners. APS made its filing under this provision on December 30, 2013.
On December 23, 2014, the ACC approved rate adjustments resulting in a revenue increase of $57.1 million on
an annual basis. This includes the deferral for future recovery of all non-fuel operating costs for the acquired
SCE interest in Four Corners, net of the non-fuel operating costs savings resulting from the closure of Units
1-3 from the date of closing of the purchase through its inclusion in rates. The 2012 Settlement Agreement
also provides for deferral for future recovery of all unrecovered costs incurred in connection with the closure
of Units 1-3. The deferral balance related to the acquisition of SCE's interest in Units 4 and 5 and the closure
of Units 1-3 was $70 million as of December 31, 2015 and is being amortized in rates over a total of 10 years.
On February 23, 2015, the Arizona School Boards Association and the Association of Business Officials filed a
notice of appeal in Division 1 of the Arizona Court of Appeals of the ACC decision approving the rate
adjustments. APS has intervened and is actively participating in the proceeding. The Arizona Court of
Appeals has suspended the appeal pending the Arizona Supreme Court's decision in the SIB matter discussed
above, which could have an effect on the outcome of this Four Corners proceeding. We cannot predict when or
how this matter will be resolved.

As part ofAPS's acquisition of SCE's interest in Units 4 and 5, APS and SCE agreed, via a
"Transmission Termination Agreement" that, upon closing of the acquisition, the companies would terminate
an existing transmission agreement ("Transmission Agreement") between the parties that provides transmission
capacity on a system (the "Arizona Transmission System") for SCE to transmit its portion of the output from
Four Corners to California. APS previously submitted a request to FERC related to this termination, which
resulted in a FERC order denying rate recovery of $40 million that APS agreed to pay SCE associated with the
termination. APS and SCE negotiated an alternate arrangement under which SCE would assign its 1,555 MW
capacity rights over the Arizona Transmission System to third-parties, including 300 MW to APS's marketing
and trading group. However, this alternative arrangement was not approved by FERC. On December 22,
2015, APS and SCE agreed to terminate the Transmission Termination Agreement and allow for the
Transmission Agreement to expire according to its terms, which includes settling obligations in accordance
with the terms of the Transmission Agreement. APS has established a regulatory asset of $12 million at
December 31, 2015 in connection with the expiration of the Transmission Agreement, which it expects to
recover through its FERC-jurisdictional rates.
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Cholla
On September ll, 2014, APS announced that it would close Cholla Unit 2 and cease burning coal at the

other APS-owned units (Units 1 and 3) at the plant by the mid-2020s, if EPA approves a compromise proposal

offered by APS to meet required environmental and emissions standards and rules. On April 14, 2015, the

ACC approved APS's plan to retire Unit 2, without expressing any view on the future recoverability ofAPS's

remaining investment in the Unit. APS closedUnit 2 on October l, 2015. Previously, APS estimated Cholla

Unit 2's end of life to be 2033. APS is currently recovering a return on and of the net book value of the unit in

baseratesand plans to seek recovery of the unit's decommissioning and other retirement-related costs over the

remaining life of the plant in its next retail rate case. APS believes it will be allowed recovery of the remaining

net book value of Unit 2 ($l22 million as of December 31, 2015), in addition to a return on its investment. In

accordance with GAAP, in the third quarter of 2014, Unit 2's remaining net book value was reclassified from

property, plant and equipment to a regulatory asset. If the ACC does not allow full recovery of the remaining

net book value of Cholla Unit 2, all or a portion of the regulatory asset will be written off and APS's net

income, cash flows, and financial position will be negatively impacted.

Regulatory Assets and Liabilities

The detail of regulatory assets is as follows (dollars in thousands):

Amortization
Through

P¢i\1Si9Ii= : (a)
2o33
204s

December31, 2015

Current Nom-Current

~+- s " 6.19,223

9,913 127,518

5,495 133,112

December31, 2014

Current Non-Current

¥i"4a5,u37

9,913 136,182

4,813 . 118,396

s

2018

2024

71,852

6,6s9

69,697

63,582 i.
I

51 ,209

6,689

46,233

70,565

1,766
45,507

48,462 1,716

37,612

46,200

18,143
34,751
50,453
16,375

3

r

l
LI1,515

1,520

4,543

332

12,163

34,440

34,162

30,283

16,410

13,756

4,543

l 1,37211,040

2045

2016

2046

2036

(d )
2034

2024

2016

2050

2015

1,435
1,528
9,os6

332
6,926

4182026 418 6,085 6,503

Retired power plant costs

Deferred fuel and purchased power - mark-
to-market (Note 16)

Income taxes -- investment tax credit basis
adjustment

Palo Verde vs (Note 18)

Deferred property taxes

Tax expense of Medicare subsidy

Mead-Phoenix transmission line CIAC

Cod reclamation

Otter
T

Total regulatory assets (e)

2015. .

Various 5 2,942

s 149,555 s ;.1;14,1M $

4,23s

819

136,734

5
1,054,087

(a) This asset represents the future recovery of pension benefit obligations through retail rates. If these

costs are disallowed by theACC, this regulatory asset would be charged to OCI and result in lower

future revenues. See Note 7 for further discussion.

See "Cost Recovery Mechanisms" discussion above,(b)
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(¢)
(d)
(e)

Subject to a carrying charge.
Per the provision of the 2012 Settlement Agreement.
There are no regulatory assets for which the ACC has allowed recovery of costs, but not allowed a
return by exclusion loom rate base. FERC rates are set using a formula rate as described in
"Transmission Rates, Transmission Cost Adjustor and Other Transmission Matters."

The detail of regulatory liabilities is as follows (dollars in thousands):

Amortization
Through

Asset retirement obligations

Removal costs

2057* s

(a)

December31, 2014

Current Non-Current

$

31,033

32 , 311 .

3,505

371

4,396

1 2 , 5 9 6

31,335

...

272,825
1.94599
92,727

65,594

;
r

(d)
2045

2045

2047

2017

20 l7

2030

2016

2019

12.069

Other postretilemcnt b¢i1¢fits
Income taxes -- deferred investment tax credit

Income taxes - change in rams

Spent nuclear fuel

Renewable energy standard (b)}=

Demand side management (b)

Sundance maintenance .

Deferred fuel and purchased power (b) (c)

Defamed gains oN utility pmpmy

Four Comers coal reclamation

Other

Total regulatory liabilities

2031

Yarious

$

December31, 2015

Current Non-Current

277,554

39,746 240,367

34,100 179,521

3,604 97, l75

1,113 72,454

3,05 l 67,437

43,773 4,365

6,079 19,115

- 13,678

9,68s _

22062= T 6 , 0 1 1

8,920

2,550 7,565

145,766 $ 994,152 $

2,062 , s,001
- 1,200

-934 9,535
130,549 $ 1,051,196

(a) In accordance with regulatory accounting guidance, APS accrues for removal costs for its
regulated assets, even if there is no legal obligation for removal (see Note ll).
See "Cost Recovery Mechanisms" discussion above.
Subject to a carrying charge.
See Note 7.

(b)
(¢)
(d)

4 . IIICOID8 Taxes

Certain assets and liabilities are reported differently for income tax purposes than they are for financial
statement purposes. The tax effect of these differences is recorded as deferred taxes. We calculate deferred
taxesusing currently enacted income tax rates.

APS has recorded regulatory assets and regulatory liabilities related to income taxes on its Balance
Sheets in accordance with accounting guidance for regulated operations. The regulatory assets are for certain
temporary differences, primarily the allowance for equity funds used during construction, investment tax credit
basis adjustment and tax expense of Medicare subsidy. The regulatory liabilities primarily relate to deferred
taxes resulting from investment tax credits ("ITC") and the change in income tax rates.

In accordance with regulatory requirements, APS ITs are deferred and are amortized over the life of
the related property with such amortization applied as a credit to reduce current income tax expense in the
statement of income.
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Net income associated with the Palo Verde sale leaseback VIEs is not subject to tax (see Note 18). As

a result, there is no income tax expense associated with the VIEs recorded on the Pinnacle West Consolidated

and APS Consolidated Statements of Income

The following is a tabular reconciliation of the total amounts of unrecognized tax benefits, excluding
interest and penalties, at the beginning and end of the year that are included in accrued taxes and unrecognized
tax benefits (dollars in thousands)

Pinnacle West Consolidated APS Consolidated

s 44,775 s  4 1 , 9 9 1 133,422 44,175 41,997 133,241s s $ s

(10,244) (2,282) (108,099) (10444) (2,282) (107,918)

Additions for tax positions of the current year

for ¢»f1nli¢=r Swf#
Reductions for tax positions of prior years for

Mr-mawr
Settlements with taxiIng authorities

Total unrecognized tax benefits, December 3 l
(2,259) 4459)

$ 34,447 $ 44,775 s 41,997 $ 34,447 $ 44,775 $ 41,997

During the year ended December 31, 2013, Internal Revenue Service ("IRS") guidance was released
which provided clarification regarding an APS tax accounting method change approved by the IRS in the third
quarter of 2009. As a result of this guidance, uncertain tax positions decreased $67 million. Additionally, the
IRS finalized the examination of tax returns for the years ended December 31, 2008 and 2009, which further
reduced uncertain tax positions by approximately $41 million. These reductions in uncertain tax positions
materially offset by an increase in deferred tax liabilities, resulted in a cash refund that was received in the first
quarter of 2014

Included in the balances ofunrecognized tax benefits are the following tax positions that, if recognized

would decrease our effective tax rate (dollars in thousands)

Pinnacle West Consolidated APS Consolidated

9.523 s 11.207 s 9,827 s 9,523 11,207 ss 9,827

As of thebalance sheet date, the tax year ended December 31, 2012 and all subsequent tax years
remain subject to examination by the IRS. With a few exceptions, we are no longer subject to state income tax
examinations by tax authorities for years before 201 l

We reflect interest and penalties, if any, on unrecognized tax benefits in the Pinnacle West
Consolidated andAPS Consolidated Statements of Income as income tax expense. The amount of interest
expense or benefit recognized related to unrecognized tax benefits are as follows (dollars in thousands)

Pinnacle West Consolidated APS Consolidated

Um¢°@iz¢¢ tax hanwefit interest. fnxpenscl
s (161) s 752 s (3,716) s (161) Sp 152 (3,716)
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Following are the total amount of accrued liabilities for interest recognized related to unrecognized

benefits that could reverse and decrease our effective tax rate to the extent matters are settled favorably (dollars

in thousands)

Pinnacle West Consolidated APS Consolidated

Unreco»gni::nod taxbenefit interest accrued S s04 sf 965 s 213 304 s 965 s

Additionally, as of December 31, 2015, we have recognized less than $1 million of interest expense to

be paidon the underpaymentof income taxes for certain adjustments that we have filed, or will file, with the

The components of  income tax expense are as fol lows (dol lars in thousands)

Pinnacle West Consolidated

Year Ended December31

APS Consolidated

Year Ended December31

Federal 6 , 4 8 5 $ 4 0 , 1 1 5 $  ( 9 7 , 5 3 1 )

Total  cur rent

$ (12,335) $ 25,054 $ (81,784) $
10.537

(71,247)(7,572) 35,436 14,298 55,713 (85,548)

Federal 221.505 2 0 8 . 3 2 6 165.027 305.389

Total deferred

IncolnNc tax exvws¢
245,292

3217,720

167.365

1 7 , 9 0 4

185.269

S Z 20 ;705  ;.

279.973

21.865
30 l .838

$230,591

2 3 1 . 5 4 3

s  z 4 s 4 s 4 1 .

181.647
s ,?»389

3 3 0 . 6 4 3

On the APS Consolidated Statements of Income. federal and state income taxes are allocated between

operating income and other income

s
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The following chart compares pretax income at the 35% federal income tax rate to income tax expense

(dollars in thousands)

Pinnacle West Consolidated

Year Ended December31

APS Consolidated

Year Ended December 31

Federal incometax expense »¢a5%s¢ann¢ry rate S 242,869 S 225,540

Increases (reductions) in tax expense resulting

s  2 3 4 , 6 9 5 s , 2 s o , ¢ s 7 $  2 3 9 , 6 3 8 $ 2 4 6 , 3 8 4

State  i n cU r ¢mx act  o f  fa l d er a l  i n co me tax
20433

(2,169) (3,356) (1,892)
#37

(3,231)
Credits and favorable adjustments related to
prior years resolved in current year

MediCare Subsidy Part-D

Allowance for equity funds used during
construction (see Note l)

Palo Verde (see

(9,711) (8,523) (6,997) (9,7l1) (8,523) (6,997)

I nvestment  tax cred i t  amor t i zat ion

(6,626)
(5,527)

(218)
$ 237.720

(9,135)
(4,928)
(1,228)

$ 220,705

(11862)

(3,548)

(551)

$ 230,591

(6,426)
(5,527)

4940)
$ 245,841

(9,135)
(4,928)
1:670)

$ 237,360 $ 245,095

(11,862)
(3,548)

I n co me tax  exp en se

During the fourth quarter of 2015, we prospectively adopted guidance requiring deferred income tax
assets and liabilities tobe presented as non-current on the balancesheetand eliminatingthe requirement to

presenta current portion. As a result of this guidance all deferred incometax assets and liabilities are

presentedas net non-current deferred income tax liabilities on the ConsolidatedBalance Sheet as of December

31, 2015. Priorperiods havenot been restated

The following table shows the net deferred income tax liability recognized on the Consolidated

Balance Sheets (dollars iii thousands)

Pinnacle West Consolidated

December 31

APS Consolidated

December 31

L o n g - te r m l i ab i l i t y

s

s 122.232

(2,723,425) (2,582,636) (2,764,489) (2,57l,365)

(2,723,425) s (2460,404) 8 (2,764,489) s (2,516,112)

On February 17, 201 l, Arizona enacted legislation (I-I.B. 2001) that included a four-year phase-in of

corporate income tax rate reductions beginning in 2014. As aresultof these tax rate reductions, Pinnacle West

has revised the tax rate applicable to reversing temporary items in Arizona. In accordance with accounting for

regulated companies, the benefit of this rate reduction is substantially offset by a regulatory liability. As of

December 31, 2015, APS has recorded a regulatory liability of $75 million, with a corresponding decrease in

accumulated deferred income tax liabilities, to reflect the impact of this change in tax law

On April 4, 2013, New Mexico enacted legislation (H.B. 641) that included a five-year phase-in of

corporate income tax rate reductions beginning in 2014. As aresultof these tax rate reductions, Pinnacle West

has revised the tax rate applicable to reversing temporary items in New Mexico. In accordance with accounting
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for regulated companies, the benefit of this rate reduction is substantially offset by a regulatory liability. As of

December 31, 2015, APS has recorded a regulatory liability of $2 million, with a corresponding decrease in

accumulated deferred income tax liabilities, to reflect the impact of this change in tax law.

The components of the net deferred income tax liability were as follows (dollars in thousands):

Pinnacle West Consolidated

December 31,

2015 2014

APS Consolidated

December31,

2015 2014
.1

n.

$ 70,498 $ 57,505 $ 70,498 $ 57,505

I
l

216,765
100,779
83,034
60,707

191,028
60,956
59,557

149,033
992,357

216,765

100,779 .

83,034

605707

181,787

60,956

229,772

96,232

90,496

60,409

194,54 l

65,169

229,772

96,232

90,496

60,4119

205,227

65,169 '

68,347

138,729

1,011,886

176,015
950,542

161,379
955,503

r
I
1

(3,l l6,752)

(10,626)

(71,737)

(2,958,369)

g(12»17ll
(59,170)

(3,l l6,752)

(Imam

(70,986)

(2,958,369)

i (12,171)
(58,495)

(54,l10)

DEFERRED TAX ASSETS

Risk management activities

Regulatory liabilities:

Asset retirement obligation and removal costs

Unamortizeld investment tax credits

Other postretirement benefits

Other . <

Pension liabilities

Renewable energy incentives

Credit and loss carry forwards

Otller

Total deferred tax assets

DEFERRED TAX LIABILITIES

Plant-related

Other postretirement assets

Regulatory assets: 5

Allowance for equity funds used during construction

Deferred tired and purchased power

Deferred fuel and purchased power - mark-to-market

Pension benefits . 1

Retired power plant costs (see Note 3)

Other

Other

Total deferred tax [iabi1itj¢§
Deferred income taxes -- net

1

(55,020)

(240,692)

(53,420)

(108,441)

(4,984)

(3,'715,782)

$ (2,723,425)

(48,286)

ws)
(38,187)

(191»747)
(57,255)

(999123)

(5,484)

(3¢4~72»29&1-
s (2,460,404)

(54,110)

(55,020)
(240,692)
(53,420)

.,= (108,441)

(4984)
(3»71S,031)

$ (2,764,489)

(48,286)

(2,498)

(38,187)

(191,747)

(57,255)

(99,123)

(5,484)

(3,4»7l,615)
$ (2,5l6,ll2)

As of December 31, 2015, the deferred tax assets for credit and loss carry forwards relate primarily to

federal general business credits of approximately $82 million, which first begin to expire in 203 l, and other

federal and state loss carryforwards of $3 million, which first begin to expire in 2019. The credit and loss

carryforwards amount above has been reduced by $26 million of unrecognized tax benefits.
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ill-lll I l l I



CQMBINED NOTES TO CONSOLIDATED FINANCIAL STATEMENTS

s. Lines of Credit and Short-Term Borrowings

Pinnacle West and APS maintain committed revolving credit facilities in order to enhance liquidity and

provide credit support for their commercial paper programs, to refinance indebtedness, and for other general

corporate purposes.

The table below presents the consolidated credit facilities and the amounts available and outstanding as

of December 31, 2015 and 2014 (dollars in thousands):

s

December 31,2015

Pinnate 0- in
West APS Total

zon;§e9's1,oon,an0 s1,2w,000
OulstamdingCommercialPaper Borrowings - -

" .mono Sr,w,en¢ S1,200,000s

December 31, 2014

_Pinnacle- - -
West APS Total

s zo0,o0p s 1,000,000 $1,200,000

-_ (147,400) (147,400)

s  2o0,ouh s .s52,600 s 1,052,600

0.125% 0.100% 0.175% o.125%.

Pinnacle West

At December 31, 2015, Pinnacle West had a $200 million revolving credit facility that matures in

May 2019. Pinnacle West has the option to increase the amount of the facility up to a maximum of $300

million upon the satisfaction of certain conditions and with the consent of the lenders. AtDecember 31, 2015,
PinnacleWest hadno outstanding borrowings under its credit facility, no letters of credit outstanding and no

commercial paper borrowings.

APS

On September 2, 2015, APS replaced its $500 million revolving credit facility that would have matured

in April 2018, with a new $500 million facility that matures in September 2020.

At December 31, 2015, APS had two credit facilities totaling $1 billion, including the $500 million

credit facility that mares in September 2020 and a $500 million credit facility that matures in May 2019. APS

may increase the amount of each facility up to a maximum of $700 million each, for a total of $1 .4 billion,

upon the satisfaction of certain conditions and with the consent of the lenders. Interest rates are based on APS's

senior unsecured debt credit ratings, These facilities are available to support APS's $250 million commercial

paper program, for bank borrowings or for issuances of letters of credit. At December 31, 20 l5, APS had no

outstanding borrowings or letters of credit under its revolving credit facilities. See "Financial Assurances" in

Note 10 for a discussion ofAPS's other outstanding letters of credit.

Debt Provisions

On February6, 2013, the ACC issued a financingorder in which, subjectto specified parameters and

procedures, it approved APS's short-term debtauthorization equalto a sum of 7% flAPS's capitalization, and

$500million (which is required to be used for costs relating to purchases of natural gas and power). This

financing order is set to expire on December 31, 2017.See Note 6 for additional long-term debt provisions.
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6. Long-Term Debt and Liquidity Matters

All of Pinnacle West's andAPS's debt is unsecured. The following table presents the components of
long-term debt on the Consolidated Balance Sheetsoutstanding at December 31, 2015 and 2014 (dollars in
thousands):

Maturity

Dates (a)

Interest

Rates

December31,

2015 2014

,2029-2038
2024-2034

(b>
1.75%-5.75%

292,405
211,150

303555
3,375,000

s l56;405

249,300

405,705

2,875,000

13,420
4.

i

2016-2045

. f 2015

2018

2.20%-8.75%

8.00%

(G)
4

~(d)

r (e)

50,000

(10,374)

4,6s6

427.896)
3,694,971

3574580

3,337,391

4,s66

3,265,143
. 8335514
2,881,573

Pollution control bonds:

Variable

Fixed

Total pollution control bonds

Senior unsecured notes

Palo Verde sale leaseback lessor num

Term loan

Unamoitizzeddiscoimrt

Unamortized premium

UziaMonilned debtissuance Ws:
Total APS long-term debt

Less client maturities

Total APS long-term debt less current maturities

Term loan

APS

Pilllll1d¢ wm

n o r
n n u 4 m 1 n s J

2017 (0
9

4
9

I
2 $

125,000 125,000

. ~a.606£sns

(a)
(b)

(c)
(d>

(8)

( 0

This schedule does not reflect the timing of redemptions that may occur prior to maturities.
The weighted-average rate for the variable rate pollution control bonds was 0.01%-0.24% at
December 31, 2015 and 0.03%-0.27% at December 31, 2014.
The weighted-average interest rate was 1.024% at December 3 l , 2015.
In the fourth quarter of 2015, we adopted a new accounting standard related to balance sheet
presentation of debt issuance costs. See Note 2 for additional details.
Current mamrities include $108 million of pollution control bonds expected to be remarkeded
in 2016 and $250 million in senior unsecured notes that mature in 2016.
The weighted-average interest rate was 1.174% at December 3 l, 2015 and 1.019% at
December 31, 2014.
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The following table shows principal payments due on Pinnacle West's and APS's total long-term debt
(dollars in thousands):

s

Consolidated
APS

357,589
Year

2016

2017

201s i

2019

.2020

Thereafter

Total

Consolidated
Pinnacle West

.is 357,580
125,000

s2,000

500,000

4 250,000

2,538,975
IS 3,853,555 s

sz ,000

500,000

250,000

2,538,975

3,728,555

Debt Fair Value

Our long-term debt fair value estimates arebased on quoted market prices for the same or similar
issues, and are classified within Level 2 of the fair value hierarchy. Certain of our debt instruments contain
third-party credit enhancements and, in accordance with GAAP, we do not consider the effect of these credit
enhancements when determining fair value. The following table represents the estimated fair value of our
long-term debt, includingcurrentmaturities (dollars in thousands):

As of
December31, 2015

As of
December31, 2014

s s 8
Fair Val\\e

3 125,000
3,714,108

g 3 , w , 1 0 s

P i x M a n i a  w w

APS
Total s

Carrying
Amount

125,000

3,694,97 I

3,819,971

Fair Value
12s,000

3,98 l ,367

s 4,106,367

Crowing
Amount

125,000

3,265,143

3;390,143

Credit Facilities and Debt Issuances

APS

On January 12, 2015, APS issued $250 million of 2.20% unsecured senior notes that mature on January
15, 2020. The net proceeds from the sale wereused to repay commercialpaper borrowings andreplenish cash
temporarily used to fund capitalexpenditures.

On May 19, 2015, APS issued $300 million of 3,15% unsecured senior notes thatmature on May 15,
2025. The net proceeds from the sale were used to repay short-term indebtedness consistingof commercial
paper borrowings and drawingsunder our revolvingcredit facilities, incurred in connection with the payment
at maturity of our $300 million aggregate principal amount of 4.65% notes due May 15, 2015.

On May 28, 2015, APS purchased all $32 million of Maricopa County, Arizona Pollution Control
Corporation Pollution Control Revenue Refunding Bonds, 2009 Series B, due 2029 in connection with the
mandatory tender provisions for this indebtedness. These bonds were classified as current maturities of long-
term debt on our Consolidated Balance Sheets at December 31, 2014.

On June 26, 2015, APS entered into a $50 million term loan facility that mares June 26, 2018.
Interest rates are based onAPS's senior unsecured debt credit ratings. APS used the proceeds to repay and
refinance existing short-term indebtedness.
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On November 6, 2015, APS issued $250 million of 4.35% unsecured senior notes that mature on
November 15, 2045. The net proceeds from the sale were used to refinance via redemption and cancellation at
par our indebtedness related to the principal amounts of the Navajo County, Arizona Pollution Control
Corporation Pollution Control RevenueRefunding Bonds (Arizona Public Service Company Cholla Project),
2009 Series A and 2009 Series C both due June 1, 2034, and repay commercial paper borrowings and replenish
cash temporarily used to fund capital expenditures.

On November 17, 2015, APS redeemed at par and canceled all $38 million of the Navajo County,
Arizona Pollution Control Corporation Revenue Refunding Bonds (Arizona Public Service Company Cholla
Project), 2009 Series A. These bonds were classified as current maturities of long-term debt on our
Consolidated Balance Sheets at December 31, 2014.

On November 17, 2015, APS canceled all $32 million of theNavajo County, Arizona Pollution Control
Corporation Revenue Refunding Bonds (Arizona Public Service Company Cholla Project), 2009 Series B,
purchased in connection with the mandatory tender provision on May 30, 2014.

On December 8, 2015, APS redeemed at par and canceled all $32 million of the Navajo County,
Arizona Pollution Control Corporation Revenue Refunding Bonds (Arizona Public Service Company Cholla
Project), 2009 Series C.

See "Lines of Credit and Short-Term Borrowings" in Note 5 and "Financial Assurances" in Note 10 for
discussion ofAPS's separate outstanding letters of credit.

Debt Provisions

Pinnacle West's and APS's debt covenants related to their respective bank financing arrangements
include maximum debt to capitalization ratios. Pinnacle West and APS comply with this covenant. For both
Pinnacle West and APS, this covenant requires that the ratio of consolidated debt to total consolidated
capitalization not exceed 65%. At December 3 l, 2015, the ratio was approximately 47% for Pinnacle West and
46% for APS. Failure to comply with such covenant levels would result in an event of default which, generally
speaking, would require the immediate repayment of the debt subject to the covenants and could cross-default
other debt. See further discussion of "cross-default" provisions below.

Neither Pinnacle West's nor APS's financing agreements contain "rating triggers" that would result in
an acceleration of the required interest and principal payments in the event of a rating downgrade. However,
our bank credit agreements contain a pricing grid in which the interest rates we pay for borrowings thereunder
are determined by our current credit ratings.

All of Pinnacle West's loan agreements contain "cross-default" provisions that would result in defaults
and the potential acceleration of payment under these loan agreements if Pinnacle West or APS were to default
under certain other material agreements. All ofAPS's bank agreements contain "cross-default" provisions that
would result in defaults and the potential acceleration of payment under these bank agreements ifAPS were to
default under certain other material agreements. Pinnacle West and APS do not have a material adverse change
restriction for credit facility borrowings.

An existing ACC order requires APS to maintain a common equity ratio of at least 40%. As defined in
the ACC order, the common equity ratio is total shareholder equity divided by the sum of total shareholder
equity and long-term debt, including current maturities of long-term debt. At December 31, 2015, APS was in
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compliance with this common equity ratio requirement. Its total shareholder equity was approximately $4.7
billion, and total capitalization was approximately $8.6 billion. APS would be prohibited from paying
dividends if the payment would reduce its total shareholder equity below approximately $3.4 billion, assuming
APS's total capitalization remains the same. Since APS was in compliance with this common equity ratio
requirement, this restriction does not materially affect Pinnacle West's ability to meet its ongoing capital
requirements.

Although provisions in APS's articles of incorporation and ACC financing orders establish maximum
amounts of preferred stock and debt that APS may issue, APS does not expect any of these provisions to limit
its ability to meet its capital requirements. On February 6, 2013, the ACC issued a financing order in which,
subject to specified parameters and procedures, it approved an increase in APS's long-term debt authorization
from $4.2 billion to $5.1 billion in light of the projected growth ofAPS and its customer base and the resulting
projected financing needs, and authorized APS to enter into derivative financial instruments for the purpose of
managing interest rate risk associated with its long- and short-term debt. This financing order is set to expire
on December 3 l, 2017. See Note 5 for additional short-term debt provisions.

7. Retirement Plans and Other Postretirement Benefits

Pinnacle West sponsors a qualified defined benefit and account balance pension plan (The Pinnacle
West Capital Corporation Retirement Plan) and a non-qualified supplemental excess benefit retirement plan for
the employees of Pinnacle West and its subsidiaries. All new employees participate in the account balance
plan. Defined benefit plans specify the amount of benefits a plan participant is to receive using information
about the participant. The pension plan covers nearly all employees. The supplemental excess benefit
retirement plan covers officers of the Company and highly compensated employees designated for
participation by the Board of Directors. Our employees do not contribute to the plans. We calculate the
benefits based on age, years of service and pay.

Pinnacle West also sponsors an other postretirement benefit plan (Pinnacle West Capital Corporation
Group Life and Medical Plan) for the employees of Pinnacle West and its subsidiaries. This plan provides
medical and life insurance benefits to retired employees. Employees must retire to become eligible for these
retirement benefits, which are based on years of service and age. For the medical insurance plan, retirees make
contributions to cover a portion of the plan costs. For the life insurance plan, retirees do not make
contributions. We retain the right to change or eliminate these benefits.

On September 30, 2014, Pinnacle West announced plan design changes to the other postretirement
benefit plan, which required an interim remeasurement of the benefit obligation for the plan. Effective January
1, 2015, those eligible retirees and dependents over age 65 and on Medicare can choose to be enrolled in a
Health Reimbursement Arrangement (HRA). The Company will provide a subsidy allowing post-65 retirees to
purchase a Medicare supplement plan on a private exchange network. The remeasurement of the benefit
obligation included updating the assumptions. The remeasurement reduced net periodic benefit costs in 2014
by $10 million ($5 million of which reduced expense). The remeasurement also resulted in a decrease in
Pinnacle West's other postretirement benefit obligation of $316 million, which was offset by the related
regulatory asset and accumulated other comprehensive income.

Because of the plan changes, the Company is currently in the process of seeking IRS and regulatory
approval to move approximately $100 million of the other postretirement benefit trust assets into a new trust
account to pay for active union employee medical costs.
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Pinnacle West uses a December 31 measurement date each year for its pension and other postretirement
benefit plans. The market-related value of our plan assets is their fair value at the measurement date. See Note
13 for further discussion of how fair values are determined. Due to subjective and complex judgments, which
may be required in determining fair values, actual results could differ from the results estimated through the
application of these methods

A significant portion of the changes 'm the actuarial gains and losses of our pension and postretirement
plans is attributable to APS and therefore is recoverable in rates. Accordingly, these changes are recorded as a
regulatory asset or regulatory liability. In its 2009 retail rate case settlement, APS received approval to defer a
portion of pension and other postretirement benefit cost increases incurred in 2011 and 2012. We deferred
pension and other postretirement benefit costs of approximately $14 million in 2012 and $11 million in 2011
Pursuant to an ACC regulatory order, we began amortizing theregulatory asset over three years beginning in
July 2012. We amortized approximately $5 million in 2015, $8 million in 2014, $8 million in 2013 and $4
million in 20 l2

The following table provides detailsof the plans' net periodic benefit costs and the portion of these
costs charged to expense (including administrative costs and excluding amounts capitalized as overhead
consmction, bil led to electric plant participants or charged to the regulatory asset or liability) (dollars i n

thousands)

Pension Other Benefits

Service costvbeneiits earned during
53,080 s

123.983

(158398)

. 64,195

I 12.392

(146,333)

16,827
28

(35855) (45,717)

(37,968) (9,626)

$ 4,531 $

Interest cost on benefit obligation

:Mn Qu p144 assets
Amortization of

Prior service cost (credit)

Net periodic benefit cost

dfeulf s

31.056

36,029 $

20,936

35,108 $

21,985 s

71,203 s

384968 s

(25,013) $
(10,391) $

(179)

11,310
30,547

1s"469
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The following table shows the plans' changes in the benefit obligations and filed status for the years

2015 and 2014 (dollars in thousands)

Pension Other Benefits

Change in Benefit Obligation

$ 3.078.648 $

59.627

2,646,530 $

53.080

682,335 s

16.827

890,418
18

(137,115)
(91,340)

(128,550)
378.394

(24,988)

(55,256)

(29,054)

Benefit obligation at January 1

Service cost

Interest cost

Benefit payments

Actuarial (gain) loss

Plan amendments

Benefit obligation at December 31 078.648 647.020

(388,599)
682.335

Changein P1l1m Assets

Fair value of plan assets at January 1

Actual return on plan assets

Employer contributions

Benefit payments

Fair value of plan assets at December 3 l

292.992

834.625

(2,399)

748.339

105,223

Funded States at D4e¢wn»:|hur 31 s

2.615.404
(44,690)
100.000

(127,940)
2.542.774
(491,029) s

(116,709)

2.615.404

(463,244) s

833.017
185,997

(19,707)
834.625
152,290

The following table shows the projected benefit obligation and the accumulated benefit obligation for
pension plans with an accumulated obligation in excess of plan assets as of December 31, 2015 and 2014
(dollars in thousands)

Projected benaiit obligautinn

Accumulated benefit obligation

Fair value afplan assets

s 3.033.803 s

2.873.467

2,542,774

3,078,648

The following table shows the amounts recognized on the Consolidated Balance Sheets as of
December 31, 2015 and 2014 (dollars in thousands)

Pension Other Benefits

185,997 s 152,290Noaneurrent asset

Current liability

Noncurrent liability

Net amount recognized $

(10,031)

(480,998)

(491,029) $

s

(9,508)

(453,736)

(463,244) s 185.997 $ 152.290
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The following table shows the details related to accumulated other comprehensive loss as of

December 31, 2015 and 2014 (dollars in thousands):

Pension

n u . . . . lows

Prior service cost (credit)

APS's.l:ic»ttion (34844) liability*

Income tax expense (benefit)

s

2015

s 679,501

609

(619,223)

(23,663)

37,224 s~

2014

577,976

1,z03

(485,037)

(36,890)

57,252

0tIler Bendits
2015 2014

127,124 148,006

(341,301) (379,269)

213;621 230,916

925 851

. 369 504

The following table shows the estimated amounts that will be amortized from accumulated other

comprehensive loss and regulatory assets and liabilities into net periodic benefit cost in 2016 (dollars in

thousands):

Prior service cost (credit)

Pension

38,9234
527

Other
Bcnc§ts

a,7s4
(37,884)

L 39,4541 (34,wo )

The following table shows the weighted-average assumptions used for both the pension and other

benefits to determine benefit obligations and net periodic benefit costs:

Benefit Obligations
As of December31,

2015 2014 2015

January -
September

2013

488%4.31%

4.52%

. ~'~ "4.02°/r .
4.14%

4.00%

4.02%
4.14%
4.60%

5.10%

Benefit Costs
For the Years Ended December31,

2.014

October -
December

. 4.88% . j
4.41%

4.00%

91%

4.20%

4.00%

N/A N/A 6.90% 6.90% 6.90% 7.00%

n»!A N/A » _-4. % 6.80% 4.25%

7.00% 7.00% 7.00% 7.50% 7.50% 7.50%

5.00%
5.00% 590%

5 .00% 5 .00%

f 7.50%
5.00%

580%

5.00%

7.50%
5.00%

Discount rate - other benefits

4 . .

Expected long-term return on plan assess -
pension

Initial healthcare cost trend rate (pre-65
participants)

Ultimate healthcare cost trend rate

" ..

Number of years to ultimate trend rate
(post-65 P@f¢i¢iP@1l1¢S)

4 4 4

0 0 0 4 0 4

In selecting the pretax expected long-term rate of return on plan assets, we consider past performance

and economic forecasts for the types of investments held by the plan. For 2016, we are assuming a 6.90%

long-term rate of return for pension assets and 4.74% (before tax) for otherbenefitassets, which we believe is

reasonable given our asset allocation in relation to historical and expected performance.
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In October 2014, the Society of Actuaries' Retirement Plans Experience Committee issued its final
reports on its recommended mortality basis ("RP-2014 Mortality Tables Report" and "Mortality Improvement
Scale MP-2014 Report"). At December 31, 2014, we updatedour mortality assumptions using the
recommended basis with modifications to better reflect our plan experience and additional data regarding
mortality trends. The updated mortality assumptions resulted in a $67 million increase in Pinnacle West's
pension and other postretirement obligations, which was offset by the related regulatory asset, regulatory
liability and accumulated other comprehensive income.

In selecting our healthcare trend rates, we consider past performance and forecasts of healthcare costs.
A one percentage point change 'mthe assumed initial and ultimate healthcare cost trend rates would have the
following effects (dollars in thousands):

1% Increase 1% Decrease

, consideration nfamounts capitalized i
I
4 8,834 s (5,890)

. . . . .

Effect on service and interest cost components of net periodic other postlwetirement benefit
costs

poaswngiaremnnt bcnefnt obligation
i
1

9,069

106,322

(6,949)
(80,332)

Plan Assets

The Board of Directors has delegated oversight of the pension and other postretirement benefit plans'
assets to an Investment Management Committee ("Committee"). The Committee has adopted investment
policy statements ("ITS") for the pension and the other postretirement benefit plans'assets. The investment
strategies for these plans include external management of plan assets, and prohibition of investments in
Pinnacle West securities.

The overall strategy of the pension plan's ITS is to achieve an adequate level of trust assets relative to
the benefit obligations. To achieve this objective, the plan's investment policy provides for mixes of
investments including long-term fixed income assets and return-generating assets. The target allocation
between return-generating and long-term fixed income assets is defined in the ITS and is a function of the
plan's funded status. The plan's funded status is reviewed on at least a monthly basis.

Long-term fixed income assets, alsoknown as liability-hedging assets, are designed to offsetchanges
in the benefitobligations due to changes in interest rates. Long-term fixed income assetsconsist primarily of
fixed income debt securities issued by the U.S. Treasury, other governmentagencies, and corporations. Long-
term fixed income assetsmay also include interestrate swaps, U.S. Treasury iiutures and other instruments.

Return-generatingassets are intended toprovide areasonable long-term rate of investment return with
a prudent level of volatility. Return-generatingassets are composed of U.S. equities, international equities, and
alterative investments. International equities include investments in both developed and emerging markets.
Alternative investments include investments in real estate,private equity and variousother strategies. Theplan
may hold investments in return-generating assets by holding securities in partnerships and common and
collective trusts.

Based on the ITS, and given the pension plan's funded status at year-end 2015, the long-term fixed
income assets had a target allocation of 58% with a permissible range of 55% to 61% and the return-generating
assets had a target allocation of 42% with a permissible range of 39% to 45%. The return-generating assets
have additional target allocations, as a percent of total plan assets, of 22% equities in U.S. and other developed
markets, 6% equities in emerging markets, and 14% in alternative investments. The pension plan ITS does not
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provide for a specific mix of long-term fixed income assets, but does expect the average credit quality of such
assets to be investment grade. As of December 31, 2015, long-term fixed income assets represented 60% of
total pension plan assets, and return-generating assets represented 40% of total pension plan assets.

As of December 3 l, 2015, the asset allocation for other postretirement benefit plan assets is governed
by the ITS for those plans, which provides for different asset allocation target mixes depending on the
characteristics of the liability. Some of these asset allocation target mixes vary with the plan's funded status.
As of December 3 l , 2015, investment in fixed income assets represented 40% of the other postretirement
benefit plan total assets, and non-fixed income assets represented 60% of the other postretirement benefit
plan's assets. Fixed income assets are primarily invested in corporate bonds of investment-grade U.S. issuers,
and U.S. Treasuries. Non-fixed income assets are primarily invested in large cap U.S. equities in diverse
industries, and international equities in both emerging and developed markets.

See Note 13 for a discussion on the fair value hierarchy and how fair value methodologies are applied.
The plans invest directly in fixed income and equity securities, in addition to investing indirectly in fixed
incomesecurities, equity securities and real estate through the use of mutual funds, partnerships and common
and collective trusts. Equity securities held directly by the plans are valued using quoted active market prices
from the published exchange on which the equity security trades, and are classified as Level 1. Fixed income
securities issued by the U.S. Treasury held directly by the plans are valued using quoted active market prices,
and are classified as Level 1. Fixed income securities issued by corporations, municipalities, and other
agencies are primarily valued using quoted inactive market prices, or quoted active market prices for similar
securities, or by utilizing calculations which incorporate observable inputs such as yield, maturity and credit
quality. These instruments are classified as Level 2.

Mutual funds, partnerships, and common and collective trusts are valued utilizing a net asset value
(NAV) concept or its equivalent. Exchange traded mutual funds, are classified as Level 1, as the valuation for
these instruments is based on the active market in which the fund trades.

Common and collective trusts, are maintained by banks or investment companies and hold certain
investments in accordance with a stated set of objectives (such as tracking the pedomanceof the S&P 500
Index). The trust's shares are offered to a limited group of investors, and are not traded in an active market.
The NAV for trusts investing in exchange traded equities is derived from the quoted active market prices of the
underlying securities held by the trusts. The NAV for trusts investing in real estate is derived from the
appraised values of the trust's underlying real estate assets. As of December 31, 2015, the plans were able to
transact in the common and collective trusts at NAV and classifies these investments as Level 2.

Investments in partnerships are also valued using the concept ofnAv, which is derived from the value
of the partnerships' underlying assets. The plan's pamerships holdings relate to investments in high-yield
fixed income instruments and assets of privately held portfolio companies. Certain partnerships also include
funding commitments that may require the plan to contribute up to $75 million to these partnerships; as of
December 31, 2015, approximately $40 million of these commitments have been funded. Partnerships are
classified as Level 2 if theplan is able to transact in thepartnership at the NAV, otherwise the partnership is
classified as Level 3.

The plans' trustee provides valuation of our plan assets by using pricing services that utilize
methodologies described to determine fair market value. We have internal control procedures to ensure this
infonnation is consistent with fair value accounting guidance. These procedures include assessing valuations
using an independent pricing source, verifying that pricing can be supported by actual recent market
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transactions, assessing hierarchy classifications, comparing investment returns with benchmarks, and obtaining

and reviewing independent audit reports on the trustee's internal operating controls and valuation processes.

The fair value of Pinnacle West's pension plan and other postretirement benefit plan assets at
December 31, 2015, by asset category, are as follows (dollars in thousands):

Quoted Prices
in Active

Markets for
Identical

Assets
(Level 1)

Significant
Other

Observable
Inputs

(Level 2)

Significant
Unobservable

Inputs
(L¢veI3) Other (b)

Balance an
December 31,

2015

Pension Plan:
I

I

s 1,893 s $ I
! s 1,s93

in-lun 1,108,736 i -*ml

274,778

113,008 a -
1,108,736

274,778

113,008

233,021

14,680
a dun- 233,021

14,680
i
t
I

i
130,097

185,892
150,359

1z7,s40 42,097 i
l 16,307

-Lr

$ 640,679 $

29,599

1,845,531 s 42,097 s
1

14,467
14,467 $

130,097
185,892
150,359
169,937
l 16,307
44,066

2,542,774

240 s -anu- s
i 240

217,026 3
131,435

31,106 i sun-n

217,026

131,435

31,106

253193

12,390

I 253,193
12,390

I
1
J

81,516
28,539
13,512

i

I

e
i

Assets:

Fixed income securities:

U.S. Treasury

£*lh~r(1)
Equities:

U.S. -, a

International companies

U.S. equities

Real estate

Mutual funds - Intemationad equities

Total Pension Plan

Assets:

Fixed income securities:

U.s. Treasury

(I)

Equities:

International companies

U.s. equities

Real estate
.M,mu,|.f,_um5... . . . . .

Short-term investments and other 3,331

315,030 s cu-w

81,516
28,539
13,512
52,568
l 1,492

833,017

52,568

5,065

s 5 454,s91 s, .

3,096
3,095 s

(a)
(b)

This category consists primarily of debt securities issued by municipalities.

Represents plan receivables and parables.
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Assets:

Cash .and cash equivalents

Fixed Income Securities:

Corporate

U.S. Treasury

Other (a)

Equities:

U.S. Companies

lntemational Companies

CommOn and collective trusts*

U.S. Equities

International Equities

Real estate

Partnerships

Short-term investments and other

Total Pension Plan

Other Benefits:

Assets*

Cash and cash equivalents

Fixed Income Securities:

Corporate

U.S. Treasury

Other (a)

EqUities:

U.S. Companies

International Companies ' .

Common and collective trusts:

U.S. Equities ,

International Equities

Real Estate

Short-term investments and other

Total Other Benefits

The fair value of Pinnacle West's pension plan and other postretirement benefit plan assets at
December 31, 2014, by asset category, are as follows (dollars in thousands):

Pension Plan :

COMBINED NOTES TO CONSOLIDATED FINANCIAL STATEMENTS

s

s

$

s

Quoted Prices
in Active

Markets for
Identical
Assets

(Level 1)

265,106

17,813

246,87
18,069

l30,%7.

5s6,640

291,817

vs-

318 $

327 s.

1

g

*.

;

I
I

¢~

*a
I
a

127,336
3.l"7,15q..
129,715
131;337
26,016

8

Significant

Observable
Other

Inputs
(Level 2)

1,162,096

113,265

88,258

85,746

11,657

7,40s

416,321

187,961

35,291

$

Significant
Unobservable

Inputs
(Level 3)

27,929

H E

| -

s

$

Other (b)

16,883

I6:883`

88358
85,746

11,657

11,508

s 434,625
4,100

4,100

Anna-»

$

s

Balance at
December 31,

z0l4

246,387 .
1s,069

124,336

317,157
l29,'715

42,s99
2.€1$,494

1,162,096
291,817
1134265

187,961

130,967

35,291

265,106

17,813

318

387

(a)
(b)

This category consists primarily of debt securities issued by municipalities.

Represents plan receivables and parables,
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The following table shows the changes in fair value for assets that are measured at fair value on a
recurring basis using significant unobservable inputs (Level 3) for the year ended December 31, 2015 and 2014
(dollars in thousands):

Pension

s s

i

2015

27,929

2,789

13,187

(1,808)

5114
8,669

927
19,984
(1,642)

;

I

Partnerships

B e g i N n i n g ba lanc e  o f  J aN uary 1  1

Actual  return on assets st i l l  held  at  December  3 l

Purchases .

Sales

Transfers in anti/or out of LeVels

Ending balance at December 3 l s 42,097 s 27,929

Contributions

Future year contribution amounts are dependent on plan asset performance and plan actuarial
assumptions. We made contributions to our pension plan totaling $100 million in 2015, $175 million in 2014,
and $141 million in 2013. The minimum required contributions for the pension plan are zero for the next three
years. We expect to m e voluntary contributions up to a total of $300 million during the 2016-2018 period.
With regard to contributions to our other postretirement benefit plans, we made a contribution of $1 million in
2015, $1 million in 2014, and $14 million in 2013. We expect to make contributions of approximately $1
million in each of the next three years to our other postretirement benefit plans. APS Mds its share of the
contributions. APS's share of the pension plan contribution was $100 million in 2015, $175 million in 2014,
and $140 million in 2013. APS's share of the contributions to the other postretirement benefit plan was $1
million in 2015, $1 million in 2014, and $14 million in2013.

Estimated Fun re Benefit Payments

Benefit payments, which reflect estimated future employee service, for the next fiveyears and the
succeeding fiveyears thereafter, are estimated to be as follows (dollars in thousands):

s

Other Benefits

S

Year

2016

2017

2918

2019

2020

Years 2021-2025

t
f

Pension

152,146

171,005

170,534

180,700

188,988
1,023,451

26,468
28,444
30,490
32,438
334982

l84,335

Electric plant participants contribute to the above amounts in accordance with their respective
participation agreements.

Employee Savings Plan Benefits

Pinnacle West sponsors a defined contribution savings plan for eligible employees of Pinnacle West
and its subsidiaries. In 2015, costs related to APS's employees represented 99% of the total cost of this plan.
In a defined contribution savings plan, the benefits a participant receives result from regular contributions
participants make to their own individual account, the Company's matching contributions and earnings or
losses on their investments. Under this plan, the Company matches a percentage of the participants'
contributions in cash which is then invested in the same investment mix as participants elect to invest their own
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future contributions. Pinnacle West recorded expenses for this plan of approximately $9 million for 2015, $9
million for 2014, and $9 million for 2013.

8. Leases

We lease certain vehicles, land, buildings, equipment and miscellaneous other items through operating
rental agreements with varying terms, provisions and expiration dates.

Total lease expense recognized in the Consolidated Statements of Income was $17 million in2015, $18
million in 2014, and $18 million in 2013. APS's lease expense was $14 million in 2015, $15 million in 2014,
and $15 million in 2013.

Estimated futureminimum lease payments for Pinnacle West's and APS's operating leases,excluding
purchasedpoweragreements, are approximately as follows (dollars in thousands):

s

Year

2616 .
2017
2018

2019

.zo2a

Thereafter

Total iwlmnalease M e n u

z

Pinnacle West
Consolidated

1 9,182
8,557

. .045

6,121

4,835

61,251

196,99 s

APS

a,'t97T'i
s,31'/
A n n

5,961
f agsao

61,101
. .$ 5,736

4 1

In 1986, APS entered into agreements with three separate lessor trust entities in order to sell and lease
back interests in Palo Verde Unit 2 and related common facilities. These lessor trust entities have been deemed
VIEs for which APS is the primary beneficiary. As the primary beneficiary, APS consolidated these lessor trust
entities. The impacts of these sale leaseback transactions are excluded from our lease disclosures as lease
accounting is eliminated upon consolidation. See Note 18 for a discussion oWEs.
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Jointly-Owned Facilities

APS shares ownership of some of its generating and transmission facilities with other companies. We
are responsible for our share of operating costs which are included in the corresponding operating expenses on
our consolidated statement of income. We are also responsible for providing our own financing. Our share of
operating expenses and utility plant costs related to these facilities is accounted for using proportional
consolidation. The following table shows APS's interests in those jointly-owned facilities recorded on the
ConsolidatedBalance Sheets at December 31, 2015 (dollars in thousands):

Percent
OwI1ed

Plant in
Service

Accumulated
Depreciation

Construction
Work iD
Progress

29.1%
16.8%
28.0%

$ $ 22,228

4,142

64,069(b)

(a) 3
77,317

4

1
4,460

63.0%
`14.0%

63.3% (b)

1,067,376

356,767

231,609

233,665

577,321

168,132

53,777 1,390

i
I

|

I

36,576

19,361

5,z26

9,833

13,173

18,359

l1,087

286

1,594

397

133

1,6s1

15]

1,008

2,592

133,813

Palo Verde Units l Md 3

Vdnde 2 (a)

Palo Verde Common

Penn Suleilaaunetmuu.-14

Four Corners Generating Station

names
Cholla common facilities (c)

ANPP 500kV System

Palo Verde - Yuma 500kV System

Phoenix - Mead System

Morgan - Pinnacle Peak System

Pro Verde -- Morgan System

Cliolla 500 Switchyard

33.4%

19.3%
49.8985
l'7.l%
smog;
64.6%

. "saw | r
87.7%
80.0%
85.7%
'rs.1¥s4»

(b)
Tb)
(b)
(b)
(b)
<b)
(b)
'(b)
(b)
(b)1
(b)
(11)

$ 1,744,137

583,633

643,201

351,050

857,555

274,640

158,623

109,348

62,139

14,043

38,420

39,089

89,832

129,855

.703
12

164854

547

773

i 1,159
15
26

(a)
(b)
(C)

See Note 18.
Weighted-average of interests.
PacifiCorp owns Cholla Unit 4 and APS operates the unit for PacifiCorp. The common facilities at
Cholla are jointly-owned.

Commitments and Contingencies

Palo Verde Nuclear Generating Station

Spent Nuclear Fuel and Waste Disposal

On December 19, 2012, APS, acting on behalf of itself and the participant owners of Palo Verde, tiled a
second breach of contract lawsuit against DOE in the United States Court of Federal Claims ("Court of Federal
Claims"). The lawsuit sought to recover damages incurred due to DOE's breach of the Contract for Disposal
of Spent Nuclear Fuel and/or High Level Radioactive Waste ("Standard Contract") for failing to accept Palo
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Verde's spent nuclear fuel and high level waste from January 1, 2007 through June 30, 2011, as it was required

to do pursuant to the terms of the Standard Contract and the Nuclear Waste Policy Act. On August 18, 2014,

APS and DOE entered into a settlement agreement, stipulating to a dismissal of the lawsuit and payment of

$57.4 million by DOE to the Palo Verde owners for certain specified costs incurred by Palo Verde during the

period January 1, 2007 through June 30, 2011. APS's share of this amount is $16.7 million. Amounts

recovered in the lawsuit and settlement were recorded as adjustments to a regulatory liability and had no

impact on the amount of current reported net income. In addition, the settlement agreement provides APS with

a method for submitting claims and getting recovery for costs incurred through 2016.

APS's first claim made pursuant to the terms of the August 18, 2014 settlement agreement, which was

for the period July l, 2011 through June 30, 2014, and was for $42.0 million (Aps's share of this amount was

$12.2 million), was received on June 1, 2015. APS's $12.2 million share was recorded as an adjustment to a

regulatory liability and had no impact on the amount of current reported net income. APS's second claim made

pursuant to the terms of the August 18, 2014 settlement agreement, which was for the period July 1, 2014

through June 30, 2015, was filed for $12.0 million (APS's share of this amount would be $3.6 million), and has

been submitted to, but not yet approved by, the DOE in the fourth quarter of 2015.

Nuclear Insurance

Public liability for incidents at nuclear power plants is governed by the Price-Anderson Nuclear

Industries Indemnity Act ("Price-Anderson Act"), which limits the liability of nuclear reactor owners to the

amount of insurance available from both commercial sources and an industry retrospective payment plan. In

accordance with the Price-Anderson Act, the Palo Verde participants are insured against public liability for a

nuclear incident up to $13.5 billion per occurrence. Palo Verde maintains the maximum available nuclear

liability insurance in the amount of $375 million, which is provided by American Nuclear Insurers ("ANI").

The remaining balance of $13.1 billion of liability coverage is provided through a mandatory industry-wide

retrospective assessment program. If losses at any nuclear power plant covered by the program exceed the

accumulated funds, APS could be assessed retrospective premium adjustments. The maximum retrospective

premium assessment per reactor under the program for each nuclear liability incident is approximately $127.3

million, subject to an annual limit of $19 million per incident, to be periodically adjusted for inflation. Based

on APS's ownership interest in the three Palo Verde units, APS's maximum potential retrospective premium

assessment per incident for all three units is approximately $1 ll million, with a maximum annual retrospective

premium assessment of approximately $16.6 million.

The Palo Verde participants maintain "all risk" (including nuclear hazards) insurance for property
damage to, and decontamination 0£ property at Palo Verde in the aggregate amount of $2.8 billion, a
substantial portion of which must first be applied to stabilization and decontamination. APS has also secured
insurance against portions of any increased cost of replacement generation or purchased power and business
interruption resulting from a suddenand unforeseen accidental outage of any of the three units. The property
damage, decontamination, and replacement power coverages are provided by Nuclear Electric Insurance
Limited ("NEIL"). APS is subject to retrospective premium assessments under all NEIL policies if NEIL's
losses in any policy year exceed accumulated funds. The maximum amount APS could incur under the current
NEIL policies totals approximately $23.1 million for each retrospective premium assessment declared by
NEIL's Board of Directors due to losses. In addition, NEIL policies contain rating triggers that would result in
APS providing approximately $61.7 million of collateral assurance within 20 business days of a rating
downgrade to non-investment grade. The insurance coverage discussed in this and the previous paragraph is
subject to certain policy conditions, sublimity and exclusions.
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Fuel and Purchased Power Commitments and Purchase Obligations

APS is party to various fuel and purchased power contracts and purchase obligations with terms
expiring between 2016 and 2043 that include required purchase provisions. APS estimates the contract
requirements to be approximately $876 million in 2016; $949 million in 2017; $737 million in 2018; $603
million in 2019; $498 million in 2020; and $7.8 billion thereafter. However, these amounts may vary
significantly pursuant to certain provisions in such contracts that permit us to decrease required purchases
under certain circumstances.

Of the various fuel and purchased power contracts mentioned above, some of those contracts for coal
supply include take-or-pay provisions. The current coal contracts with take-or-pay provisions have terms
expiring through 203 l .

The following table summarizes our estimated coal take-or-pay commitments (dollars in thousands):

s
' `2316

176,714

M 7

1.95128 s

Years Ended December31,

2 0 8 'z'019

1 s 9 , s s s s 1 9 3 , s 1 8 s

2020 " rt»¢r¢aEr
198,160 s 2,270,974

(a) Total take-or-pay commitments are approximately $3.2 billion. The total net present value of these
commitments is approximately $2.2 billion.

APS may spend more to meet its actual fuel requirements than the minimum purchase obligations in
our coal take-or-pay contracts. The following table summarizes actual payments under the coal contracts which
include take-or-pay provisions for each of the last three years (dollars in thousands):

Total PWIYMBMS

Year Ended December 31,

z01s - 2 0 1 7 - z 0 1 3

$ 2 1 1 , 3 2 7 s 2 3 6 : 7 7 3 s 1 8 8 , 4 9 6
I

Renewable Energy Credits

APS has entered into contracts to purchaserenewable energy credits to comply with the RES. APS
estimates the contract requirements to be approximately $42 million in 2016; $40 million in 2017; $40 million
in 2018; $40 million in 2019; $40 million in 2020; and $432 million thereafter. These amounts do not include
purchases of renewable energy credits that are bundled withenergy.

Coal Mine Reclamation Obligations

APS must reimburse certain coal providers for amounts incurred for final and contemporaneous coal
mine reclamation. We account for contemporaneous reclamation costs as part of the cost of the delivered coal.
We utilize site-specific studies of costs expected to be incurred in the future to estimate our final reclamation
obligation. These studies utilize various assumptions to estimate the future costs. Based on the most recent
reclamation studies, APS recorded an obligation for the coal mine final reclamation of approximately $202
million at December 31, 2015 and $198 million atDecember 31, 2014. Under our current coal supply
agreements, we expect to make payments for the final mine reclamation as follows: $15 million in 2016; $16
million in 2017; $18 million in 2018; $19 million in 2019; $20 million in 2020; and $262 million thereafter.
Any amendments to current coal supply agreements may change the timing of the contribution. Portions of
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these funds will be held in an escrow account and distributed to certain coal providers under the terms of the
applicable coal supply agreements.

Superfund-Related Matters

SuperfUnd establishes liability for the cleanup of hazardous substances found contaminating the soil,
water or air. Those who generated, transported or disposed of hazardous substances at a contaminated site are
among those who are PRPs. PRPs may be strictly, and often are jointly and severally, liable for clean-up. On
September 3, 2003, EPA advised APS that EPA considers APS to be a PRP in the Motorola 52"" Street
Superfund Site, OUT in Phoenix, Arizona. APS has facilities that are within this Superfund site. APS and
Pinnacle West haveagreed with EPA to perform certain investigative activities of the APS facilities within
OUT. In addition, on September23,2009, APS agreed with EPA and one other PRP to voluntarily assist with
the funding and management of the site-wide groundwater remedial investigation and feasibility study work
plan. We estimate that our costs related to this investigation and study will be approximately $2 million. We
anticipate incurring additional expenditures in the future, but because the overall investigation is not complete
and ultimate remediation requirements are not yet finalized, at the present time expenditures related to this
matter cannot be reasonably estimated.

On August 6, 2013, RID filed a lawsuit in Arizona District Court against APS and 24 other defendants,
alleging that RID's groundwater wells were contaminated by the release of hazardous substances from
facilities owned or operated by the defendants. The lawsuit also alleges that, under Superfund laws, the
defendants are jointly and severally liable to RID. The allegations against APS arise out ofAPS's current and
former ownership of facilities in and around OUT. As part of a state governmental investigation into
groundwater contamination in this area, on January 25, 2015, ADEQ sent a letter to APS seeking information
concerning the degree to which, if any, APS's current and former ownership of these facilities may have
contributed to groundwater contamination in this area. We are unable to predict the outcome of these matters,
however, we do not expect the outcome to have a material impact on our financial position, results of
operations or cash flows.

Southwest Power Outage

On September 8, 2011 at approximately 3 :30 PM, a 500 kV transmission line running between the
Hassayampa and North Gila substations in southwestern Arizona tripped out of service due to a fault that
occurred at a switchyard operated by APS. Approximately ten minutes after the transmission line went off-
line, generation and transmission resources for the Yuma area were lost, resulting in approximately 69,700 APS
customers losing service.

On September 6, 2013, a purported consumer class action complaint was filed in Federal District Court
in San Diego, California, naming APS and Pinnacle West as defendants and seeking damages for loss of
perishable inventory and sales as a result of interruption of electrical service. APS and Pinnacle West filed a
motion to dismiss, which the court granted on December 9, 2013. On January 13, 2014, the plaintiffs appealed
the lower court's decision. The appeal is now fully briefed and pending before the United States Court of
Appeals for the Ninth Circuit, which heard oral argument on February 9, 2016. A written decision on the case
is expected 30-60 days after oral argument. We believe the District Court's decision will be upheld on appeal,
but cannot predict the outcome attheappellate court. If the District Court's decision is reversed, the case
would be remanded for discovery and trial, and there is insufficient information at this time to reasonably
estimate any possible loss or range of loss to APS and Pinnacle West.
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Clean Air Act Citizen Lawsuit

On October 4, 2011, Earthjustice, on behalf of several environmental organizations, filed a lawsuit in
the United States District Court for the District of New Mexico against APS and the other Four Corners
participants alleging violations of the NSR provisions of the Clean Air Act. Subsequent to filing its original
Complaint, on January 6, 2012, Earthjustice tiled a First Amended Complaint adding claims for violations of
the Clean Air Act's NSPS program. The case was held in abeyance while APS negotiated a settlement with
DOJ and environmental plaintiffs. In March 2015, the parties agreed in principle to settle the case, and on June
24, 2015, DOJ lodged the proposed consent decree with the United States District Court for the District of New
Mexico. On August 17, 2015, the consent decree was entered by the district court.

The settlement requires installation of pollution control technology and implementation of other

measures to reduce sulfur dioxide and nitrogen oxide emissions from the two Four Corners units, although

installation of much of this equipment was already planned in order to comply with EPA's Regional Haze Rule

requirements. The settlement also requiresth Four Comers co-owners to pay a civil penalty of $1.5 million

and spend $6.7 million for certain environmental mitigation projects to benefit the Navajo Nation. APS is

responsible for 15 percent of these costs based on its ownership interest in the units at the time of the alleged

violations, which does not result in a material impact on our financial position, results of operations or cash

Environmental Matters

APS is subject to numerous environmental laws and regulations affecting many aspects of its present
and future operations, including air emissions, water quality, wastewater discharges, solid waste, hazardous
waste, and CCRs. These laws and regulations can change from time to time, imposing new obligations on APS
resulting in increased capital, operating, and other costs. Associated capital expenditures or operating costs
could be material. APS intends to seek recovery of any such environmental compliance costs through our
rates, but cannot predict whether it will obtain such recovery. The following proposed and final rules involve
material compliance costs to APS.

Regional Haze Rules. APS has received the final Rulemaking imposing new requirements on Four
Comers, Cholla and the Navajo Plant. EPA and ADEQ will require these plants to install pollution control
equipment that constitutes BART to lessen the impacts of emissions on visibility surrounding the plants.

Four Corners. Based on EPA's final standards, APS estimates that its 63% share of the cost of these

controls for Four Corners Units 4 and 5 would be approximately $400 million. In addition, APS and El Paso

entered into an asset purchase agreement providing for the purchase by APS, or an affiliate ofAPS, of El

Paso's 7% interest in Four Corners Units 4 and 5. When APS, or an aiiiliate ofAPS, ultimately acquires El

Paso's interest in Four Corners, NTEC has the option to purchase the interest within a certain timeframe

pursuant to an option granted by APS to NTEC. In December 2015, NTEC notified APS of its intent to

exercise the option. APS is negotiating a definitive purchase agreement with NTEC for the purchase of the 7%

interest. The cost of the pollution controls related to the 7% interest is approximately $45 million, which will

be assumed by the ultimate owner of the 7% interest.

Navajo Plant. APS estimates that its share of costs for upgrades at the Navajo Plant, based on EPA's
FIP, could be up to approximately $200 million. In October 2014, a coalition of environmental groups, an
Indian tribe and others filed petitions for review in the United States Court of Appeals for the Ninth Circuit
asking the Court to review EPA's final BART rule for the Navajo Plant. We cannot predict the outcome of this
review process.
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Cholera. APS believes that EPA's final rule as it applies to Cholla, which would require installation of
SCR controls with a cost to APS of approximately $100 million (excludes costs related to Cholla Unit 2 which
was closed on October 1, 2015), is unsupported and that EPA had no basis for disapproving Arizona's SIP and
promulgating a FIP that is inconsistent with the state's considered BART determinations under the regional
haze program. Accordingly, on February 1, 2013, APS filed a Petition for Review of the final BART rule in
the United States Court of Appeals for the Ninth Circuit. Briefing in the case was completed in February 2014

In September 2014, APS met with EPA to propose a compromise BART strategy wherein, pending
certain regulatory approvals, APS would permanently close Cholla Unit 2 and cease burning coal at Units 1
and 3 by the mid-2020s. (See Note 3 for details related to the resulting regulatory asset.) APS made the
proposal with the understanding that additional emission control equipment is unlikely to be required in the
iilture because retiring and/or converting the units as contemplated in the proposal is more cost effective than
and will result in increased visibility improvement over, the current BART requirements for NOx imposed on
the Cholla units under EPA's BART FIP. APS's proposal involves state and federal Rulemaking processes. In
light of these ongoing administrative proceedings, on February 19, 2015, APS, PacifiCorp (owner of Cholla
Unit 4), and EPA jointly moved the court to sever and hold in abeyance those claims in the litigation pertaining
to Cholla pending regulatory actions by the state and EPA. The court granted the parties' unopposed motion on
February 20, 2015. On October 16, 2015,ADEQ issued the Cholla permit, which incorporates APS's proposal
and subsequently submitted a proposed revision to the SIP to the EPA, which would incorporate the new
permit terms. APS is unable to predict when or whether APS's proposal may ultimately be approved by the

Mercury adAir Toxie Standards ("MATS"). In 2011, EPA issued rules establishing maximum
achievable control technology standards to regulate emissions of mercury and other hazardous air pollutants
from fossil-fired plants. APS estimates that the cost for the remaining equipment necessary to meet these
standards is approximately $8 million for Cholla (excludes costs related to Cholla Unit 2 which was closed on
October 1, 2015). No additional equipment is needed for Four Corners Units 4 and 5 to comply with these
rules. SRP, the operating agent for the Navajo Plant, estimates that APS's share of costs for equipment
necessary to comply with the rules is approximately $1 million. The United States Supreme Court's recent
decision inMichigan vs. EPA reversed and remanded the MATS proceeding back to the DC Circuit Court. The
Circuit Court then remanded the MATS rule back to EPA to address Rulemaking deficiencies identified by the
Supreme Court. Further EPA action on the MATS rule is pending. This proceeding does not materially impact
APS. Regardless of how EPA addresses the deficiencies in the MATS Rulemaking, the Arizona State Mercury
Rule, the stringency of which is roughly equivalent to that of MATS, would still apply to Cholla

Coal Combustion Waste. On December 19, 2014, EPA issued its final regulations governing the
handling and disposal of CCR, such as fly ash and bottom ash. The rule regulates CCR as a non-hazardous
waste under Subtitle D of RCRA and establishes national minimum criteria for existing and new CCR landfills
and surface impoundments and all lateral expansions consisting of location restrictions, design and operating
criteria, groundwater monitoring and corrective action, closure requirements and post closure care, and
recordkeeping, notification, and Internet posting requirements. The rule generally requires any existing
unlined CCR surface impoundment that is contaminating groundwater above a regulated constituent's
groundwater protection standard to stop receiving CCR and either retrofit or close, and further requires the
closure of any CCR landfill or surface impoundment that cannot meet the applicable performance criteria for
location restrictions or structural integrity

Because the Subtitle D Mlle is self-implementing, the CCR standards apply directly to the regulated
facility, and facilities are directly responsible for ensuring that their operations comply with the rule's
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requirements. While EPA has chosen to regulate the disposal of CCR in landfills and surface impoundments as
non-hazardous waste under the final rule, the agency makes clear that it will continue to evaluate any risks
associated with CCR disposal and leaves open the possibility that it may regulate CCR as a hazardous waste
under RCRA Subtitle C in the future

APS currently disposes of CCR in ash ponds and dry storage areas at Cholla and Four Comers. APS
estimates that its share of incremental costs to comply with the CCR rule for Four Comers is approximately
$15 million, and its share of incremental costs for Cholla is approximately $85 million. The Navajo Plant
currently disposes of CCR in a dry landfill storage area. APS estimates that its share of incremental costs to
comply with the CCR rule for the Navajo Plant is approximately $1 million

Clean Power Plan. On August 3, 2015, EPA finalized carbon pollution standards for existing, new
modified, and reconstructed EGUs. EPA's final rules require newly built fossil fuel-tired EGUs, along with
those undergoing modification or reconstruction, to meet CON performance standards based on a combination
of best operating practices and equipment upgrades. EPA established separate performance standards for two
types of EGUs: stationary combustion Mrbines, typically natural gas; and electric utility steam generating
units, typically coal

With respect to existing power plants, EPA's recently finalized "Clean Power Plan" imposes state
specific goals or targets to achieve reductions in CON emission rates from existing EGUs measured from a
2012 baseline. In a significant change from the proposed rule, EPA's final performance standards apply
directly to specific units based upon their fuel-type and configuration (i.e., coal- or oil-fired steam plants
versus combined cycle natural gas plants). As such, each state's goal is an emissions performance standard
that reflects the fuel mix employed by the EGUs in operation in those states. The final rule provides guidelines
to states to help develop their plans for meeting the interim (2022-2029) and final (2030 and beyond) emission
performance standards, with three distinct compliance periods within that timeframe. States were originally
required to submit their plans to EPA by September 2016, with an optional two-year extension provided to
states establishing a need for additional time, however, it is expected that this timing will be impacted by the
court-imposed stay described below

ADEQ, with input from a technical working group comprised of Arizona utilities and other
stakeholders, is presently working to develop a compliance plan for submittal to EPA. In addition to these on
going state proceedings, EPA has taken public comments on proposed model rules and a proposed federal
compliance plan, which included consideration as to how the Clean Power Plan will apply to EGUs on tribal
land such as the Navajo Nation

The legality of the Clean Power Plan is being challenged in theU.S.Court ofAppeals for the D.C
Circuit, the parties raising this challenge include, among others, the ACC. On February 9, 2016, the U.S
Supreme Court granted a stay of the Clean Power Plan pending judicial review of the mle, which temporarily
delays compliance obligations under the Clean Power Plan. We cannot predict the extent of such delay

With respect to our Arizona generating units, we are currently evaluating the range of compliance
options available to ADEQ, including whether Arizona deploys a rate- or mass-based compliance plan. Based
on the fuel-mix and location of our Arizona EGUs, and the significant investments we have made in renewable
generation and demand-side energy efficiency, if ADEQ selects a rate-based compliance plan, we believe that
we will be able to comply with the Clean Power Plan for our Arizona generating units in a manner that will not
have material financial or operational impacts to the Company. On the other hand, ifADEQ selects a mass
based approach to compliance with the Clean Power Plan, our annual cost of compliance could be material
These costs could include costs to acquire mass-based compliance allowances
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As to our facilities on the Navajo Nation, EPA has yet to determine whether or to what extent EGUs on
the Navajo Nation will be required to comply with the Clean Power Plan. EPA has proposed to determine that
it is necessary or appropriate to impose a federal plan on the Navajo Nation for compliance with the Clean
Power Plan. In response, we filed comments with EPA advocating that such a federal plan is neither necessary
nor appropriate to protect air quality on the Navajo Nation. If EPA reaches a determination that is consistent
with our preferred approach for the Navajo Nation, we believe the Clean Power Plan will not havematerial
financial or operational impacts on our operations within the Navajo Nation.

Alternatively, if EPA determines that a federal plan is necessary or appropriate for the Navajo Nation,
and depending on our need for future operations at our EGUs located there, we may be unable to comply with
the federal plan unless we acquire mass-based allowances or emission rate credits within established carbon
trading markets, or curtail our operations. Subject to the uncertainties set forth below, and assuming that EPA
establishes a federal plan for the Navajo Nation that requires carbon allowances or credits to be surrendered for
plan compliance, it is possible we will be required to purchase some quantity of credits or allowances, the cost
of which could be material.

Because ADEQ has not issued its plan for Arizona, and because we do not know whether EPA will
decide to impose a plan or, if so, what that plan will require, there are a number of uncertainties associated with
our potential cost exposure. These uncertainties include: whether judicial review will result in the Clean
Power Plan being vacated in whole or inpart or, if not, theextent of any resulting compliance deadline delays,
whether any plan will be imposed for EGUs on the Navajo Nation, the future existence and liquidity of
allowance or credit compliance trading markets; the applicability of existing contractual obligations with
current and former owners of our participant-owned coal-fired EGUs, the type of federal or state compliance
plan (either rate- or mass-based), whether or not the trading of allowances or credits will be authorized
mechanisms for compliance with any final EPA or ADEQ plan; and how units that have been closed will be
treated for allowance or credit allocation purposes.

In the event that the incurrence of compliance costs is not economically viable or prudent for our

operations in Arizona or on the Navajo Nation, or if we do not have the option of acquiring allowances to

account for the emissions from our operations, we may explore other options, including reduced levels of

output, as an alterative to purchasing allowances. Given these uncertainties, our analysis of the available

compliance options remains on-going, and additional information or considerations may arise that change our

expectations.

Other environmental rules that could involve material compliance costs include those related to

effluent limitations, the ozone national ambient air quality standard, greenhouse gas emissions, and other

rules or matters involving the Clean Air Act, Clean Water Act, Endangered Species Act, the Navajo Nation, and
water supplies for our power plants. The financial impact of complying with current and future environmental

rules could jeopardize the economic viability of our coal plants or the willingness or ability of power plant

participants to fund any required equipment upgrades or continue their participation in these plants. The

economics of continuing to own certain resources, particularly our coal plants, may deteriorate, warranting

early retirement of those plants, which may result in asset impairments. APS would seek recovery in rates for

the book value of any remaining investments in the plants as well as other costs related to early retirement, but

cannot predict whether it would obtain such recovery.
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Notice of Intent to Sue Related to Four Corners

On December 21, 2015, several environmental groups tiled a notice of intent to sue with OSM and
other federal agencies under the Endangered Species Act alleging that OSM's reliance on the Biological
Opinion and Incidental Take Statement prepared in connection with a federal environmental review were not in
accordance with applicable law. The environmental review was undertaken as part of the DOTs review process
necessary to allow for the effectiveness of lease amendments and related rights-of-way renewals for Four
Corners. We are monitoring this matter and will intervene if a lawsuit is filed. We cannot predict the timing
or outcome of this matter.

New Mexico Tax Matter

On May 23, 2013, the New Mexico Taxation and Revenue Department ("NMTRD") issued a notice of
assessment for coal severance surtax, penalty, and interest totaling approximately $30 million related to coal
supplied under the coal supply agreement for Four Corners (the "Assessment"). APS's share of the
Assessment is approximately $12 million. For procedural reasons, on behalf of the Four Corners co-owners,
including APS, the coal supplier made a partial payment of the Assessment and immediately filed a refund
claim with respect to that partial payment in August 2013. The NMTRD denied the refund claim. On
December 19, 2013, the coal supplier and APS, on its own behalf and as operating agent for Four Corners,
filed a complaint with the New Mexico District Court contesting both the validity of the Assessment and the
refund claim denial. On June 30, 2015, Me court ruled Mat the Assessment was not valid and further ruled that
APS and the other Four Corners co-owners receive a refund of all of the contested amounts previously paid
under the applicable tax statute. The NMTRD filed an appeal of the decision on August 31, 2015. The parties
are engaged in settlement discussions and we do not expect the outcome to have a material impact on our
financial position, results of operations or cash flows.

Financial Assurances

In the normal course of business, we obtain standby letters of credit and surety bonds from financial
institutions and other third parties. These instruments guarantee our own future performance and provide third
parties with financial and performance assurance in the event we do not perform. These instruments support
certain debt arrangements, commodity contract collateral obligations, and other transactions. As of
December 3l, 2015, standby letters of credit totaled $79 million and will expire in 2016. As of December 31,
2015, surety bonds expiring through 2018 totaled $158 million. The underlying liabilities insured by these
instruments are reflected on our balance sheets, where applicable. Therefore, no additional liability is reflected for
the letters of credit and surety bonds themselves.

We enter into agreements that include indemnification provisions relating to liabilities arising from or
related to certain of our agreements. Most significantly, APS has agreed to indemnify the equity participants
and other parties in the Palo Verde sale leaseback transactions with respect to certain tax matters. Generally, a
maximum obligation is not explicitly stated in the indemnification provisions and, therefore, the overall
maximum amount of the obligation under such indemnification provisions cannot be reasonably estimated.
Based on historical experience and evaluation of the specific indemnities, we do not believe that any material
loss related to such indemnification provisions is likely.

Pinnacle West has issued parental guarantees and has provided indemnification under certain surety
bonds for APS which were not material at December 31, 2015.
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Asset Retirement Obligations

APS has asset retirement obligations for its Palo Verde nuclear facilities and certain other generation
transmission and distribution assets

The Palo Verde asset retirement obligation primarily relates to final plant decommissioning. This
obligation is based on the NRC's requirements for disposal of radiated property or plant and agreements APS
reached with the ACC for final decommissioning of the plant. The non-nuclear generation asset retirement
obligations primarily relate to requirements for removing portions of those plants at the end of the plant life or
lease term and coal ash pond closures. Some ofAPS's transmission and distn'bution assets have asset
retirement obligations because they are subject to right of way and easement agreements that require final
removal. These agreements have a history of uninterrupted renewal that APS expects to continue. As a result
APS cannot reasonably estimate the fair value of the asset retirement obligation related to such transmission
and distribution assets. Additionally, APS has aquifer protection permits for some of its generation sites that
require the closure of certain facilities at those sites

In 2015, a revision to the estimated cash flows for the decommissioning study was completed for the
Four Comets coal-fired plant, which resulted in an increase to the ARO in the amount of $24 million. Also in
2015, Four Comers spent $32 million in actual decommissioning costs. In addition, APS recognized an ARO
for Cholla as a result of new CCR environmental rules that were published in the Federal Register in the
second quarter of 2015. See Note 10 for additional information related to the CCR environmental rules. This
resulted in an increase to the ARO in the amount of $39 million, an increase in plant in service of $23 million
and a reduction of the regulatory liability of $16 million. Finally, in 2015 there was a revision in estimated cash
flows for the Cholla decommissioning, which resulted in a decrease of the ARO in the amount of $3 million

In 2014, an update to the 2013 decommissioning study was completed for Palo Verde nuclear
generation facility to incorporate additional spent fuel related charges resulting in an increase to the ARO in the
amount of $20 million. Also in 2014, an updated Four Corners Units 1-3 coal-iired power plant
decommissioning study was finalized, which resulted in an increase to the ARO of $24 million. In addition
Four Comers spent $30 million in actual decommissioning costs. Finally, in 2014 APS also recognized an
ARO related to a new solar facility on leased property that requires the land to be returned to its original
condition upon decommissioning of the plant, which resulted in an increase to the ARO of $6 million

The following table shows the change in our asset retirement obligations for 2015 and 2014 (dollars in
thousands)

s 390,750 3463/29s

(29,497)

ebliwnivns at °f=ynr
Changes attributable to

Settlements

Newly incured obligation

ob . s

25

(32,048)

17.556

42

443,576 s 390,750

As mentioned above, decommissioning activities for Four Corners Units 1-3 began in January 2014
Decommissioning activities for Cholla ash ponds began in January 2015. Thus, $29 million of the total ARO
of $444 million at December 3 l, 2015, is classified as a current liability on the balance sheet. At December 3 I
2014, $32 million of the total ARO of $391 million was classified as a current liability on the balance sheet
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In accordance with regulatory accounting, APS accrues removal costs for its regulated utility assets

even if there is no legal obligation for removal. See detail of regulatory liabilities in Note 3

12 Selected Quarterly Financial Data (Unaudited)

Consolidated quarterly financial information for 2015 and 2014 is provided in the tables below (dollars
in thousands, except per share amounts). Weather conditions cause significant seasonal fluctuations in our
revenues, therefore, results for interim periods do not necessarily represent results expected for the year

March 31

2015 Quarter Ended

June 30 September30, December31 Total

s 671,219
214.944
67.684

s s90,648

210.965

s

67.371

1,199,146
220.449
445
139.555
261.978

734,430 s 3,495,443
222.019 868.377
109.834 854.602
22.847 237.720

456.190

ivvenlxes

Operations and maintenance

0P°I=liHsiiw°me
Income taxes

N8¢iB»u9lli¢
Net income attributable to common
shareholders 122.902 437.257

Earnings Per Share

ram income dzribuunble taocmnmnn

Net income attributable to common
shareholders - Diluted

March 31

2014 Quarter Ended

June 30 September 30, Decembn31 Total

686,251

212.882
s 1»1725667

223.418

s 3,491,632
908.025Operations and maintenance

726,450

260.503

60 1st

Income taxes 134.753 220.705

24.691

254.113

74.540

141.384 248.086

Net income attributable to common
shareholders 15.766 132.458 243.961 397.595

Earnings Per Share

Nz t i n leix3°" . n

Net income attributable to common
shareholders - Diluted
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Selected Quarterly Financial Data (Unaudited) - APS

APS's quarterly financial information for 2015 and 2014 is as follows (dollars in thousands):

March 31,

2015 Quarter Ended,

June 30, September30, December31,

2015

Total

Operating revenues

Operations and maintenance

Operat ing income '

Net income attributable to common shareholder

676,668

209,947

61,333

19,868

889,723
208,03 l
162,704 .
125,362

s 1,198,380
216,011
somas
261,187

733,586
219,146
86,709
43,857

s 3,492,357
853,135
611,984
450,274

March 31,

2014 Quarter Ended,

June 30, September30, December31,

2014

Total

Overvtins revenues

Operations and maintenance

w m  i n c o m e

Net income attributable to common shareholder

I
>
i

s 1 685,545

208,285

69,635

19,518

905,578
208,059
180,394
134,916

_S 1,172,I%
212,430

287828
251,047

s 725,633
253,668
54,835
15,738

$3,488,946

882,442

592,792
421,219

13. F a i r  V a l u e  M e a s u r e m e n t s

We classify our assets and liabilities that are carried at fair value within the fair value hierarchy. This
hierarchy ranks the quality and reliability of the inputs used to determine fair values, which are then classified
and disclosed in one of three categories. The three levels of the fair value hierarchy are:

Level l - Unadjusted quoted prices in active markets for identical assets or liabilities that we have the
ability to access at the measurement date. Active markets are those in which transactions for the asset or
liability occur in sufficient frequency and volume to provide information on an ongoing basis. This category
includes exchange traded equities, exchange traded derivative instruments, exchange traded mutual funds, cash
equivalents, and investments in U.S. Treasury securities.

Level 2 - Utilizes quoted prices in active markets for similar assets or liabilities; quoted prices in
markets that are not active; and model-derived valuations whose inputs are observable (such as yield curves).
This category includes non-exchange traded contracts such as forwards, options, swaps and certain investments
in fixed income securities. This category also includes certain investments that are valued and redeemable
based on NAV, such as common and collective trusts and commingled funds.

Level 3 - Valuation models with significant unobservable inputs that are supported by little or no
market activity. Instruments in this category include long-dated derivative transactions where valuations are
unobservable due to the length of the transaction, options, and transactions in locations where observable
market data does not exist. The valuation models we employ utilize spot prices, forward prices, historical
market data and other factors to forecast future prices.

A s s e t s  and  l i ab i l i t i es  a re  c l as s i f i ed  i n  t he i r ent i r ety bas ed  on  t he  l owes t  l e v e l  o f  i npu t  t ha t  i s  s i gn i f i c an t

t o  t h e  f a i r  v a l u e  m e a s u r e m e n t .  T h u s ,  a  v a l u a t i o n  m a y  b e  c l a s s i f i e d  i n  L e v e l  3  e v e n  t h o u gh  t h e  v a l u a t i o n  m a y

i n c l u d e  s i gn i f i c a n t  i n p u t s  t h a t  a r e  r e a d i l y  o b s e r v a b l e .  W e  m a x i m i z e  t h e  u s e  o f  o b s e r v a b l e  i n p u t s  a n d  m i n i m i z e

t h e  u s e  o f  u n o b s e r v a b l e  i n p u t s .  W e  r e l y  p r i m a r i l y  o n  t h e  m a r k e t  a p p r o a c h  o f  u s i n g p r i c e s  a n d  o t h e r  m a r k e t
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information for identical and/or comparable assets and liabilities. If market data is not readily available, inputs
may reflect our own assumptions about the inputs market participants would use. Our assessment of the inputs
and the significance of a particular input to the fair value measurement requires judgment and may affect the
valuation of fair value assets and liabilities as well as theirplacementwithin the fair value hierarchy levels.
We assess whether a market is active by obtaining observable broker quotes, reviewing actual market activity,
and assessing the volume of transactions. We consider broker quotes observable inputs when the quote is
binding on the broker, we can validate the quote with market activity, or we can determine that the inputs the
broker used to arrive at the quoted price are observable.

Recurring Fair Value Measurements

We apply recurring fair value measurements to certain cash equivalents, derivative instruments,
investments held in our nuclear decommissioning trust and plan assets held in our retirement and other benefit
plans. See Note 7 for the fair value discussion of plan assets held in our retirement and other benefit plans.

Cash Equivalents

Cash equivalents represent short-term investments with original maturities of three months or less in
exchange traded money market funds that are valued using quoted prices in active markets.

Risk Management Activities - Derivative Instruments

Exchange traded commodity contracts are valued using unadjusted quoted prices. For non-exchange
traded commodity contracts, we calculate fair value based on the average of the bid and offer price, discounted
to reflect net present value. We maintain certain valuation adjustments for a number of risks associated with
the valuation of future commitments. These include valuation adjustments for liquidity and credit risks. The
liquidity valuation adjustment represents the cost that would be incurred if all unmatched positions were closed
out or hedged. The credit valuation adjustment represents estimated credit losses on our net exposure to
counterparties, taking into account netting agreements, expected default experience for the credit rating of the
counterparties and the overall diversification of the portfolio. We maintain credit policies that management
believes minimize overall credit risk.

Certain non-exchange traded commodity contracts are valued based on unobservable inputs due to the
long-term nature of contracts, characteristics of the product, or the unique location of the transactions. Our
long-dated energy transactions consist of observable valuations for the near-term portion and unobservable
valuations for the long-term portions of the transaction. We rely primarily on broker quotes to value these
instruments. When our valuations utilize broker quotes, we perform various control procedures to ensure the
quote has been developed consistent with fair value accounting guidance. These controls include assessing the
quote for reasonableness by comparison against other broker quotes, reviewing historical price relationships,
and assessing market activity. When broker quotes are not available, the primary valuation technique used to
calculate the fair value is the extrapolation of forward pricing curves using observable market data for more
liquid delivery points in the same region and actual transactions at more illiquid delivery points.

Option contracts are primarily valued using a Black-Scholes option valuation model, which utilizes
both observable and unobservable inputs such as broker quotes, interest rates and price volatilities.

When the unobservable portion is significant to the overall valuation of the transaction, the entire
transaction is classified asLevel 3. Our classification of instruments as Level 3 is primarily reflective of the
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long-term nature of our energy transactions and the use of option valuation models with significant
unobservable inputs

Our energy risk management committee, consisting of officers and key management personnel
oversees our energy risk management activities to ensure compliance with our stated energy risk management
policies. We have a risk control function that is responsible forvaluing our derivative commodity instruments
in accordance with established policies and procedures. The risk control function reports to the chief financial
officer's organization

Investments Held in our Nuclear Decommissioning Trust

The nuclear decommissioning trust invests in fixed income securities and equity securities. Equity
securities are held indirectly through commingled funds. The commingled funds are valued based on the
concept of NAV, which is a value primarily derived from the quoted active market prices of the underlying
equity securities. We may transact in these commingled funds on a semi-monthly basis at the NAV We
classify these investments as Level 2. The commingled funds are maintained by a bank and hold investments in
accordance with the stated objective of tracking the performance of the S&P 500 Index. Because the
commingled fund shares are offered to a limited group of investors, they are not considered to be traded in an
active market

Cash equivalents reported within Level 1 represent investments held in a short-term investment
exchange-traded mutual fund, which invests in certificates of deposit, variable rate notes, time deposit
accounts, U.S. Treasury and Agency obligations, U.S. Treasury repurchase agreements, and commercial paper

Fixed income securities issued by the U.S. Treasury held directly by the nuclear decommissioning trust
are valued using quoted active market prices and are typically classified as Level 1. Fixed income securities
issued by corporations, municipalities, and other agencies, including mortgage-backed instruments, are valued
using quoted inactive market prices, quoted active market prices for similar securities, or by utilizing
calculations which incorporate observable inputs such as yield curves and spreads relative to such yield curves
These instruments are classified as Level 2. Whenever possible, multiple market quotes are obtained which
enables a cross-check validation. A primary price source is identified based on asset type, class, or issue of
securities

We price securities using information provided by our trustee for our nuclear decommissioning trust
assets. Our trustee uses pricing services that utilize the valuation methodologies described to determine fair
market value. We have internal control procedures designed to ensure this information is consistent with fair
value accounting guidance. These procedures include assessing valuations using an independent pricing
source, verifying that pricing can be supported by actual recent market transactions, assessing hierarchy
classifications, comparing investment reams with benchmarks, and obtaining and reviewing independent audit
reports on the tnlstee's internal operating controls and valuation processes. See Note 19 for additional
discussion about our nuclear decommissioning trust
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Fair Value Tables

The following table presents the fair value at December 31, 2015 of our assets and liabilities that are

measured at fair value on a recurring basis (dollars in thousands)

Balance at
December31

Quoted Pn'ees
in Active

Markets for
Identical

Assets
(Level 1)

Significant
Other

Observable
Inputs

(Level 2)

Significant
Unobservable

Inputs (a)
(Level 3) Other

s 2 2 , 9 9 2 s 30,264 s g&5,34s) (b) 28,011

314.957 314.957

12.260

l17.245

(335) (¢)

R i sk  man ag emen t  act i v i t i es
der ivat ive instruments

Nuclear  decommission ing  t rust

F ixed  income secur i t i es

U . S .  T r e a s u r y

Mor tgage-backed  secur i t i es 9 9 . 0 6 5

l 17.245
96.243
99.065
72,206
23.555O t h e r

T o t a l

R i sk  man ag emen t  act i v i t i es
der ivat ive instruments

$

129.505

129.505 $

606.026

629,018 $ 30,364 $

(335)
(25,680) $ 763,207

(144,044) s , (63,343) 139,69s (b) s (167,689)

(3)
(b)
(c)

Primarily consists of heat rate options and other long-dated electn'city contracts

Represents counterparty netting, margin and collateral. See Note 16

Represents nuclear decommissioning trust net pending securities sales and purchases
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The following table presents the fair value at December 31, 2014 of our assets and liabilities that are

measuredat fair value on a recurring basis (dollars in thousands):

Risk management activities -
denvatwe Instruments:

Nuclear decommissioning trust:

U.S. . • ..fInd»
Fixed income securities:

U.S.

Cash and cash equivalent iimds

Mortgage-backed securities

Other

Total

Risk management activities -
derivative instruments:

COMBINED NOTES TO CONSOLIDATED FINANCIAL STATEMENTS

s

$

$

Quoted Prices
in Active

Markets for
Identical

Assets
(Level 1)

118,843

l18,843
3'

11s,s4$

~é_ .s

-1-

t

$

s

Significant
Other

Observable
Inputs

(Level 2)

11,453
1.09;&a9*

ss,465
_69;;1'a9
14,212

623,037 s

(95,061) 5 (73,984) s ss,767 (b) s

309,620

20,769

al-nun

s

s

Significant
Unobservable

Inputs (a)
(Level 3)

32i598 s 4 (21,962) (b)~ s 31,405

32,598 $

-

an--»

Other

(7,245)

(29,207)

(7,245) (c)

$

Balance at
December31,

2014

309,620

118,843

4,2o8

109,379

88,465

6 9 3 3 9

14,212

713,866

745,27 l

(a)
(b)
(c)

Primarily consists of heat rate options and other long-dated electricity contracts.

Represents counterpartynetting, marginand collateral. See Note 16.

Represents nucleardecommissioning trust netpending securities sales andpurchases.

Fair Value Measurements Classified as Level 3

The significantunobservable inputsused in the fair valuemeasurement of our energy derivative
contracts include broker quotes that cannot be validated as an observable input primarily due to the long-term

nature of the quote and option model inputs. Significant changes in these inputs in isolation would result in

significantly higheror lower fair value measurements. Changes in our derivative contract fair values,

including changesrelating to unobservable inputs, typically will not impact net income due to regulatory

accounting treatment (see Note 3).

Because our forward commodity contracts classified as Level 3 are currently in a net purchase position,

we would expect price increases of the underlying commodity to result in increases in the net fair value of the

related contracts. Conversely, i f the price of the underlying commoditydecreases, thenet fair value of the

related contracts would likely decrease.
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Our option contracts classified asLevel 3 primarily relate to purchase heat rate options. The
significant unobservable inputs at December 3 l, 2015 for these instruments include electricity prices, and
volatilities. The significant unobservable inputs at December 31, 2014 for these instruments include electricity
prices, gas prices and volatilities. If electricity prices and electricity price volatilities increase, we would expect
the fair value of these options to increase, and if these valuation inputs decrease, we would expect the fair
value of these options to decrease. If natural gas prices and natural gas price volatilities increase, we would
expect the fair value of these options to decrease, and if these inputs decrease, we would expect the fair value
of the options to increase. The commodity prices and volatilities do not always move in corresponding
directions. The options' fair values are impacted by the net changes of these various inputs.

Other unobservable valuation inputs include credit and liquidity reserves which do not have a material
impact on our valuations, however, significant changes in these inputs could also result in higher or lower fair
value measurements.

The following tables provide information regarding our significant unobservable inputs used to value

our risk management derivative Level 3 instruments at December 31, 2015 and December 31, 2014:

December31, 2015
Fair Value (thousands) Weighted-

AverageAssets Liabilities
Valuation
Technique

Significant
Unobservable Input RangeCommodity Contracts

Electrici ty:

Forward  Contracts (a)  $ 24 ,543 $ 54,679 Discounted
cash flows

$15.92 - $40.73 $ 26.86

- 5,628 Qption model Q

sim - $44.13 3 3 . 9 1

4 0 % ¢ 59% 52%

Electricity
forward price
(per1vrwh>

(p¢l'M Wll)

Electricity price
volatilities

go; pi-ice
1

\

35%

Natural Gas:
i

Fmva»dc°nm1=m»ts(a) . s,s21 . 3,o36
Total $ 30,364 $ 63,343

Discounted .
3 cash floWs

n=~=»»r»1 go;
fcwwrd price
(perm u m ) 12.18-$3.14 2.61

(a )
(b)

Includes swaps and physical and financial contracts.
Electricity and natural gas price volatilities are estimated based on historical forward price
movements due to lack of market quotes for implied volatilities.
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December31, 2014
Fair Value (thousands)

Assets Liabilities
Valuation
Technique

Significant
Unobservable Input Range

Weighted-
AverageCommodity Contracts

Electricity:

Forward Contracts (a) $ 29,471 $ 55 ,894 Discounted
cash flows

$19.51 _ $56.72 $ 35.27
Option ContractS (b) l5,035§ Gption model

$32.14.$66.09 4583s

Electricity
forward price
(per Mph)

Nsltlmal gas
forwardprice
(perMMBtu)

. »\ : . s .

$3.18 _ $3.29 $ 3.25

;_
I 23% - 63% 41%

Natural gas price
volatilities 23%- 41% 31%

Natural Gas:

3,127 3,055
Discounted
cash flows

Natural gas
forward price
(per mm8ru) $2.98 _ $4.13 s 3.45Forward Contracts (a)

Total
8 .

;

(a)
(b)

Includes swaps and phys i ca l and f inancial  cont racts.
Electrici ty and natural  gas price volat i l i t ies are est imated based on historical  forward price
movements due to lack of  market  quotes for impl ied volat i l i t ies.

The fol lowing table shows the changes in fai r value for our risk management act ivi t ies'  assets and
l iabi l i t ies that  are measured at  fai r value on a recurring basis using Level  3 inputs for the years ended
December 3 l , 2015 and 2014 (dol lars in thousands):

Year Ended
December31,

2015 2014

s (41,386}` . (49,165)s

;

Commodity ContractsP i a _ . |  . .  i t of  . .
.

Total net gains (l055es) realindkunn-m1iz¢a:

Included in OCI
44 a .

Settlements

Transfers firm Level 3 into Level 2

Nd

i f
P
r

(452)

.€4"4Q99)
14,809

4,315

. . f t82,9I9) 83%

W'
.(239)

I (432)
12,080

(1,592)
.s

Net unrealized gains included in earnings related to instruments still held at end of period $ $

Amounts included in earnings are recorded in ei ther operat ing revenues or fuel  and purchased power
depending on the nature of  the underlying contract .

Transfers ref lect  the fai r market  value at  the beginning of  the period and are t riggered by a change in
the lowest  signi f icant  input  as of  the end of  the period.  We had no signi f icant  Level  l  t ransfers to or f rom any
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The following table presents the calculation of Pinnacle West's basic and diluted earnings per share for
continuing operations attributable to common shareholders for the years ended December 31, 2015, 2014 and
2013 (in thousands, except per share amounts):

14.

fW'=i@llW°4 avuagawmmon shill diluted

Weighted average common shares outstanding - basic

na'e8a.qf '  .  ' 1

other hierarchy level. Transfers in or out of Level 3 are typically related to our long-dated energy transactions
that extend beyond available quoted periods.

Financial Instruments Not Carried at Fair Value

The carrying value of our net accounts receivable, accounts payable and short-term borrowings
approximate fair value. Our short-term borrowings are classified within Level 2 of the fair value hierarchy.
See Note 6 for our long-term debt fair values.

Contingently issuable performance shares and restricted stock units

Earnings per average common share attributable to common shareholders
-  b a s i c

- & i

Earnings Per Share

COMBINED NOTES TO CONSOLIDATED FINANCIAL STATEMENTS

comcmori Si1iHIt1=holde1'

8

2015

l- nl - n

437,257 s » 397,595 s
111,026 110,626

526 552

111,552 111,17a

3.94

3 3 2 s Ii

1E
l

I

I
I

2014

8.58

3.59

2013

408074

109,984

822

110,896

3.69

3.66
Q

15. Stock-Based Compensation

Pinnacle West has incentive compensation plans under which stock-based compensation is granted to
officers, key-employees, and non-officer members of the Board of Directors. Awards granted under the 2012
Long-Term Incentive Plan ("2012 Plan") may be in the form of stock grants, restricted stock units, stock units,
performance shares, restricted stock, dividend equivalents, performance share units, performance cash,
incentive and non-qualified stock options, and stock appreciation rights. The 2012 Plan authorizes up to 4.6
million common shares to be available for grant. As of December 31, 2015, 2.8 million common shares were
available for issuance under the 2012 Plan. During 2015, 2014, and 2013, the Company has granted awards in
the form of restricted stock units, stock units, stock grants, and performance shares. The Company has not
granted stock options since 2004 and has no stock options outstanding. Awards granted from 2007 to 201 l
were issued under the 2007 Long-Term Incentive Plan ("2007 Plan"), and no new awards may be granted
under the 2007 Plan.

Stock-Based Compensation Expense and Activity

Compensation cost included in net income for stock-based compensation plans was $19 million in
2015, $33 million in 2014, and $25 million in 2013. The compensation cost capitalized is immaterial for all
years. Income tax benefits related to stock-based compensation arrangements were $7 million in 2015, $13
million in 2014, and $10 million in 2013.
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As of December 31, 2015, there were approximately $14 million of unrecognized compensation costs
related to nonvested stock-based compensation arrangements. These costs are expected to be recognized over
a weighted-averageperiodof 2 years. The total fair value of shares vested was $21 million in 2015, $20
million in 2014 and $20 million in 2013.

The following table is a summary of awards granted and the weighted-average fair value for the three
years ended 2015, 2014 and 2013.

Restricted Stock Units, Stock
Grants, and Stock Units (a)
2015 2014 2013

Units granted .

Weighted-average grant date fair value
1 5241551 179,291 ."

$ 64.12 $ 54.89 s 55.14

151,436
64.97

(a)

Performance Shares (b)
2015 2014 2013

166,244 176,332

$ $ 54.86 $ 55.45

4 in 2015, 49,018 in 2014, and

(b)

Units granted includes awards that will be cash settled of45,10
52,620 in 2013.

Reflects the target payout level.

The following table is a summary of the status of non-vested awards as of December 3l , 2015 and
changesduring theyear.

Restricted Stack Units, Stock
Grants, and Stock Units Performance Shares

Weighted-
Average

Grant Date
Fair Value

i .

1

:

Weighted-
Average

Grant Date
Shares Fair Value

4S<>4933 (8). 5.137

152,651 64.12

1
l1, 2015

Granted

Vested

Nonvestedat December 31, 2015

(198,424)

(6,873)

428,287

49.20

56.78

56.69

Shares (b)

324,230

151,430

40,496

(202,480)

. (7,844)

305,832

64.97

54.98

54.98

57.89

59.78
§

Vested Awards ourswmamgmhecMw31, 21013 202 ,4s0106,712

(a)

(b)

Includes 127,634 of awards that will be cash settled and 353,299 of awards that will be settled in
shares.

Nonvestedperformance shares are reflected at target payout level. The increase or decrease in the
number of shares from the target level to the estimated actualpayout level is included in the
increase for performance factor amounts in the year the award vests.

Share-based liabilities paid relating to restricted stock unit awards was $10 million, $9 million and $10
million in 2015, 2014 and 2013, respectively. This includes cash used to settle restricted stock units of $3
million, $3 million and $4 million in 2015, 2014 and 2013, respectively. Share-based liabilities paid relating to
performance share awards was $16 million, $12 million and $15 million in 2015, 2014 and 2013, respectively.
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Restricted Stock Units. Stock Grants.. and Stock Units

Restricted stock units have been granted to oiiicers and key employees. Restricted stock units typically
vest and settle in equal annual installments over a 4-year period after the grant date. Vesting is typically
dependent upon continuous service during the vesting period, however, awards granted to retirement-eligible
employees will vest upon the employee's retirement. Awardees elect to receive payment in either 100% stock
or 50% in cash and 50% in stock. Restricted stock unit awards typically include a dividend equivalent feature
This feature allows each award to accrue dividend rights, equal to the amount of dividends that they would
have received had they directly owned stock, equal to the number of vested restricted stock units from the date
of grant to the date of payment plus interest compounded quarterly. If the award is forfeited the employee is
not entitled to the dividends on those shares

In December 2012, a retention award of 50,617 restricted stock units was granted to the Chairman of
the Board. President, and Chief Executive Officer of Pinnacle West. This award will vest and will be paid in
shares of common stock on December 31, 2016, provided that he remains employed with the Company until
the vesting date. The award can be increased up to an additional 33,745 restricted stock units payable in stock
if certain performance requirements are met

Restricted stock unit awards are accounted for as liability awards, with compensation cost initially
calculated on the date of grant using the Company's closing stock price, and remeasure at each balance sheet

Stock grants are issued to non-officer members of the Board of Directors. They may elect to receive
the stock grant, or to defer receipt until a later date and receive stock units in lieu of the stock grant. The
members of the Board of Directors who elect to defer may elect to receive payment in either 100% stock, or
50% in cash and 50% in stock. The stock units accrue dividend rights, equal to the amount of dividends the
Directors would have received had they directly owned stock equal to the number of vested restricted stock
units or stock units from the date of grant to the date of payment plus interest compounded quarterly. The
dividends and interest are paid, based on the Director's election, in either stock, or 50% in cash and 50% in
stock

Performance Share Awards

Performance share awards have been granted to officers and key employees. Performance share
awards contain two performance element criteria that affect the number of shares received after the end of a
three-year perfonnance period if performance criteria conditions are met. The performance share grant criteria
is based 50% upon the percentile ranking of Pinnacle West's total shareholder return at the end of the three
year performance period, as compared with the total shareholder return of all relevant companies in a specified
utility index and the other 50% is based upon six non-financial separate performance metrics. The exact
number of shares issued will vary from 0% to 200% of the target award. Shares received include dividend
rights paid in stock equal to the amount of dividends that they would have received had they directly owned
stock, equal to the number of vested performance shares from the date of grant to the date of payment plus
interest compounded quarterly. If the award is forfeited or if the performance criteria are not achieved the
employee is not entitled to the dividends on those shares

Performance share awards are accounted for as liability awards, with compensation cost initially
calculated on the date of grant using the Company's closing stock price, and remeasure at each balance sheet
date. Management evaluates the probability of meeting the performance criteria at each balance sheet date. If
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performance criteria are not achieved, no compensation cost is recognized and any previously recognized
compensation cost is reversed

16. Derivative Accounting

We are exposed to the impact of market fluctuations in the commodity price and transportation costs of
electricity, natural gas, coal, emissions allowances and in interest rates. We manage risks associated with
market volatility by utilizing various physical and financial derivative instruments, including futures, forwards
options and swaps. As part of our overall risk management program, we may use derivative instruments to
hedge purchases and sales of electricity and fuels. Derivative instruments that meet certain hedge accounting
criteria may be designated as cash How hedges andare used to limit our exposure to cash flow variability on
forecasted transactions. The changes in market value of such instruments have a high correlation to price
changes in the hedged transactions. We also enter into derivative instruments for economic hedging purposes
While we believe the economic hedges mitigate exposure to fluctuations in commodity prices, these
instruments have not been designated as accounting hedges. Contracts that have the same terms (quantities
delivery points and delivery periods) and for which power does not flow are netted, which reduces both
revenues and iiuel and purchased power costs in our Consolidated Statements of Income, but does not impact
our financial condition. net income or cash flows

On June 1, 2012, we elected to discontinue cash flow hedge accounting treatment for the significant
majority of our contracts that had previously been designated as cash flow hedges. This discontinuation is due
to changes in PSA recovery (see Note 3), which now allows for l 00% deferral of the unrealized gains and
losses relating to these contracts. For those contracts that were De-designated, all changes in fair value after
May31, 2012 are no longer recorded through OCI, but are deferred through the PSA. The amounts previously
recorded in accumulated OCI relating to these instruments will remain in accumulated OCI, and will transfer to
earnings in the same period or periods during which the hedged transaction affects earnings or sooner if we
determine it is probable that the forecasted transaction will not occur. Cash flow hedge accounting treatment
will continue for a limited number of contracts that are not subject to PSA recovery

Our derivative instruments, excluding those qualifying for a scope exception, are recorded on the
balance sheet as an asset or liability and are measured at fair value. See Note 13 for a discussion of fair value
measurements. Derivative instruments may qualify for the normal purchases and normal sales scope exception
if they require physical delivery and the quantities represent those transacted in the normal course of business
Derivative instruments qualifying for the normal purchases and sales scope exception are accounted for under
the accrual method of accounting and excluded from our derivative insMment discussion and disclosures
below

Hedge effectiveness is the degree to which the derivative instrument contract and the hedged item are
correlated and is measured based on the relative changes in fair value of the derivative instrument contract and
the hedged item over time. We assess hedge effectiveness both at inception and on a continuing basis. These
assessments exclude the time value of certain options. For accounting hedges that are deemed an effective
hedge, the effective portion of the gain or loss on the derivative instrument is reported as a component of OCI
and reclassified into earnings in the same period during which the hedged transaction affects earnings. We
recognize in current earnings, subject to the PSA, the gains and losses representing hedge ineffectiveness, and
the gains and losses on any hedge components which are excluded from our effectiveness assessment. As cash
flow hedge accounting has been discontinued for the significant majority of our contracts, after May 3 l , 2012
effectiveness testing is no longer being performed for these contracts
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For its regulated operations, APS defers for fume rate treatment 100% of the unrealized gains and

losses on derivatives pursuant to the PSA mechanism that would otherwise be recognized in income. Realized

gainsand losses onderivatives aredeferred in accordance with the PSA to the extentthe amounts are above or

below the Base Fuel Rate (see Note 3). Gains and losses from derivatives in the following tablesrepresent the

amounts reflected in income before theeffect of PSA deferrals

As of December 31, 2015, we had the following outstanding gross notional volume of derivatives

which represent both purchases and sales (does not reflect net position)

Commodity Quantity

2.487 GWh

182 Billion cubic feet

Gains and Losses from Derivative Instruments

The following table provides information about gains and losses from derivative instruments in
designated cash flow accounting hedging relationships during the years ended December 3 l, 2015, 2014 and
2013 (dollars in thousands)

Financial Statement

Location

Year Ended
December31

Comnwdity Contracts

""i];OCI0jl. \ \ . Inarllnuun

d e r i va t i ve
(615)1 s (372) s (353)

Loss Reclassified from Accumulated OCI into Income
(Effective Portion Realized) (a)

Fuel and
purchased
power (b)

Fuel  and
pur c has ed

p o w e r  ( b )

(5,988) (21,415) (44,219)

m:»~=w@¢ mmwmmwr
Testing)

(a ) During the years ended December 3 l, 2015, 2014, and 2013, we had no losses reclassified from

accumulated OCI to earnings related to discontinued cash flow hedges

Amounts are before the effect of PSA deferrals(b)

During the next twelve months, we estimate that a net loss of $4 million before income taxes will be

reclassified from accumulated OCI as an offset to the effect of market price changes for the related hedged

transactions. In accordance with the PSA, most of these amounts will be recorded as either a regulatory asset

or liability and have no immediate effect on earnings

Bxs
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The following table provides information about gains and losses from derivative instruments not
designated as accounting hedging instruments during the years ended December 31, 2015, 2014 and 2013
(dollars in thousands):

Year Ended
December31,

2014Commodity Contracts

Net Gain .R,¢08ni2¢4 iN Income

Net Loss Recognized in Income

Financial Statement

Location

revenues .
2015

s 574`  s» 324 s

2013
289

Fuel and purchased
power (a)

Total
(108,973)

(109,399) s
(66,367)
(66,o43) s

(10,449)
(10,160)

(a) Amountsare before the effect of PSA deferrals.

Derivative Instruments in the Consolidated Balance Sheets

Our derivative transactions are typically executed under standardized or customized agreements, which
include collateral requirementsand, in the event of a default, would allow for the netting of positive and
negative exposures associated with a single counterparty. Agreements that allow for the offsetting of positive
and negative exposures associated with a single counterparty are considered master netting arrangements.
Transactions with counterparties that have master netting arrangements are offset and reported net on the
Consolidated Balance Sheets. Transactions that do not allow for offsetting of positive and negative positions
are reported gross on the Consolidated Balance Sheets.

We do not offset a counterparty's current derivative contracts with the counterparty's non-current
derivative contracts, although our master netting arrangements would allow current and non-current positions
to be offset in the event of a default. Additionally, in the event of a default, our master netting arrangements
would allow for the offsetting of all transactions executed under the master netting arrangement. These types
of transactions may include non-derivative instruments, derivatives qualifying for scope exceptions, trade
receivables and trade parables arising from settled positions, and other forms of non-cash collateral (such as
letters of credit). These types of transactions are excluded from the offsetting tables presented below.

The significant majority of our derivative instruments are not currently designated as hedging
instnlments. The Consolidated Balance Sheets as of December 31, 2015 and December 31, 2014, include
gross liabilities of $3 million and $4 million, respectively, of derivative instruments designated as hedging
instruments.
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The following tables provide information about the fair value of our risk management activities
reported on a gross basis, and the impacts of offsetting as of December 31, 2015 and 2014. These amounts
relate to commodity contracts and are located in the assets and liabilities from risk management activities lines
of our Consolidated Balance Sheets.

Amounts
Offset Other

(¢)

s 672
t

As of December31, 2015:
(dollars in thousands)

Investments and other assets

T0tgl assess

Gross
Recognized
Derivatives

(8)

3 7 , 3 9 6

l5 ,960

53 ,356

Net
Rccagnized

(b) Derivatives

( 2 2 , 1 6 3 )  s 15 ,233

(3,854) 12,106
(26,017) 278139 672

Amount
Reported on

Balance Shut

s 1s,9os
12,106

28,011.

Deferred credits and other

Total $

(113,s60)

(93,827)

(207,3a7)
(154,031) $

40,223

3,854

44 , 011

18,060

(73,337)
(89,973)

(163,310)
s (135,971) $

(4,379) (77,716)
(89,973)

(4,379) (167,689)
(3,707) $ (139,678)

(a)
(b)
(c)

All of our gross recognized derivative instruments were subject to master netting arrangements.
Includes cash collateral provided to counterparties of $18,060.
Represents cash collateral and cash margin that is not subject to offsetting. Amounts relate to non-
derivative instruments, derivatives qualifying for scope exceptions, or collateral and margin posted
in excess of the recognized derivative instrument. Includes cash collateral received from
counterparties of $4,379, and cash margin provided to counterparties of $672.

s s

Other

(¢)

355

As of December31, 2014:
(dollars in thousands)

Investments and other assets

Total assets ,

Gross
Recognized
Dcdvatives

(80

28,557
24,810

53,367

Amounts
Offset

(b)

( 1 5 , 1 2 7 )

( 7 , 1 9 0 )

( 2 2 , 3 1 7 )

Net
Recognized
Derivatives

13,430

17,620

31,050 355

Amount
Reported on

Balance Sheet

s : 13;7s5
17,620

31,405

(52,226) 1
(50,602)

(102,828)

(7,443)

I
I
I.

Def mea credits and other

Total $

(86,055)
(82,990)

(169,945)
_(115,6783 $

33,829
32,388
66,217
43,900 $ ( 7 1 , 7 7 8 )  $

(59,669)
__ (50,602)

(7,4484 . i 1w;=11>
(7/0s8) s* (7s,866)

(a)
(b)
(c)

All of our gross recognized derivative instruments were subject to master netting arrangements.
Includes cash collateral provided to counterparties of $43,900.
Represents cash collateral and margin that is not subject to offsetting. Amounts relate to non-
derivative instruments, derivatives qualifying for scope exceptions, or collateral and margin posted
in excess of the recognized derivative instrument. Includes cash collateral received from
counterparties of $7,443, and cash margin provided to counterparties of $355.
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COMBINED NOTES TO CONSOLl])ATED FINANCIAL STATEMENTS

Credit Risk and Credit Related Contingent Features

We are exposed to losses in the event of nonperformance or nonpayment by counterparties. We have
risk management contracts with many counterparties, including one counterparty for which our exposure
represents approximately 87% of Pinnacle West's $28 million of risk management assets as of December 3 l,
2015. This exposure relates to a long-term traditional wholesale contract with a counterparty that has a high
credit quality. Our risk management process assesses and monitors the financial exposure of all counterparties.
Despite the fact that the great majority of trading counterparties' debt is rated as investment grade by the credit
rating agencies, there is still a possibility that one or more of these companies could default, resulting in a
material impact on consolidated earnings for a given period. Counterparties in the portfolio consist principally
of financial institutions, major energy companies, municipalities and local distribution companies. We
maintain credit policies that we believe minimize overall credit risk to within acceptable limits. Determination
of the credit quality of our counterparties is based upon a number of factors, including credit ratings and our
evaluation of their financial condition. To manage credit risk, we employ collateral requirements and
standardized agreements that allow for the netting of positive and negative exposures associated with a single
counterparty. Valuation adjustments are established representing our estimated credit losses on our overall
exposure to counterparties.

Certain of our derivative instrument contracts contain credit-risk-related contingent features including,
among other things, investment grade credit rating provisions, credit-related cross-default provisions, and
adequate assurance provisions. Adequate assurance provisions allow a counterparty with reasonable grounds
for uncertainty to demand additional collateral based on subjective events and/or conditions. For those
derivative instruments in a net liability position, with investment grade credit contingencies, the counterparties
could demand additional collateral if our debt credit rating were to fall below investment grade (below BBB-
for Standard & Poor's or Fitch or Baan for Moody's).

The following table provides information about our derivative instruments that have credit-risk-related
contingent features atDecember 3 l, 2015 (dollars in thousands):

air.v=lnm=°£a¢miv=luv¢mmm»m inanat
Cash collateral posted

Aadidnnilcaah onllqmuui in t h e w a n (a )

December31,
2015

2073;7
18,060

112,391

(a) This amount is after counterparty netting and includes those contracts which qualify for scope
exceptions, which are excluded from the derivative details above.

We also have energy related non-derivative instrument contracts with investment grade credit-related
contingent features, which could also require us to post additional collateral of approximately $161 million if
our debt credit ratings were to fall below investment grade.
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COMBINED NOTES TO CONSOLIDATED FINANCIAL STATEMENTS

17. Other Income and Other Expense

The following table provides detail of Pinnacle West's Consolidated other income and other expense

for 2015, 2014 and 2013 (dollars 'm thousands):

2015 2014 2013
1

s 493 s $ 1,629

i
-

128

621 1
_ E

1,010
s,3s6

212
9,6os s

75
1,704

I
l
£ (8,207)

(3,711)
(4,106)

(16,024)

Interest income
M M M 8 1 9 ofFoumtéiamdemrs 4 8 5 .

Miscellaneous

Other expense:

Investment loss - net

Total other expense $

(11,29z)

(2,080)

(4,451)

(17,823) $

(9,657) s

(9,426)

(24653)
(21,746) $

Other Income and Other Expense - APS

The following table provides detail ofAPS's other income and other expense for 2015, 2014 and 2013
(dollars in thousands):

2015 2014 2013

s 163 s 689 $ 1,234
zofFo\n=Oom»:unsmlits48c5 8

1

$

716
1,955 4
2,834 $

- 9'

88,386

1,197
1,023

11,295 $

1,024

1,638

3,896

$ ( l l ,648)  $

(2,219)

(5,152)

Interest income

Gain on disposition of property

Total other income

Non-operating costs (a)

Miscellaneous
s (19,or9) s E.;I

(10,397) $
(615)

(2,391)
(13,403) $

(9,626)

(4,992)

(5,831)

(20,449)

(a) As defined by FERC, includes non-operating utility income and expense (items excluded ti~om

ut i l i ty rate recovery).

18. Palo Verde Sale Leaseback Variable Interest Entities

In 1986, APS entered into agreements with three separate VIE lessor trust entities in order to sell and
lease back interests in Palo Verde Unit 2 and related common facilities. The original lease was scheduled to
end on December 31, 2015, however, the lease agreements include fixed rate renewal options which APS
exercised on July 7, 2014. As a result, APS will retain the assets through 2023 under one lease and 2033 under
the other two leases. APS will be required to make payments relating to these leases of approximately $23
million annually for the period 2016 through 2023, and about $16 million annually for the period 2024 through
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COMBINED NOTES TO CONSOLIDATED FINANCIAL STATEMENTS

2033. At the end of the lease renewal periods, APS will have the option to purchase the leased assets at their
fair market value, extend the leases for up to two years, or return the assets to the lessons.

The fixed rate renewal periods give APS the ability to utilize the assets for a significant portion of the
assets' economic life, and therefore provide APS with the power to direct activities of the VIEs that most
significantly impact the VIEs' economic performance. Predominately due to the fixed rate renewal periods,
APS has been deemed the primary beneficiary of these VIEs and therefore consolidates the VIEs.

As a result of consolidation, we eliminate lease accounting and instead recognize depreciation and
interest expense, resulting in an increase in net income for 2015, 2014 and 2013 of $19 million, $26 million
and $34 million, respectively, entirely attributable to the no controlling interests. The income attributable to
the no controlling interests decreased in 2015 and 2014 compared with the prior year because of lower rent
income resulting from the lease extensions.

In accordance with the regulatory treatment, higher depreciation expense and a regulatory liability
were recorded in consolidation to offset the decrease in the no controlling interests' share of net income that
resulted from the lease extensions. Accordingly, income attributable to Pinnacle West shareholders was not
impacted by the consolidation or the lease extensions. Consolidation of these VIEs also results in changes to
our Consolidated Statements ofCashFlows, but does not impact net cash f lows.

Our Consolidated Balance Sheets at December 3 l, 2015 and December 3 l, 2014 include the following
amounts relating to the VIEs (dollars in thousands):

December31,
2015

December 31,
2014

Current maturities of long-term debt
. . |

1117,35

3
S 135,549

121,255
13,420

151,609

Assets of theVIEs are restricted and may only be used for payment to the no controlling interest
holders. Other than the VIEs' assets reported on our consolidated financial statements, the creditors of the
VIEs have no other recourse to the assets ofAPS or Pinnacle West, except in certain circumstances, suchas a
default by APS under the lease.

APS isexposed to losses relating to these VIEs upon the occurrence of certain events that APS does not
consider reasonably likely to occur. Under certain circumstances (for example, the NRC issuing specified
violation orders with respect to Palo Verdeor the occurrence of specified nuclear events), APS could be
required to make specified payments to the VIEs' no controlling equity participants and take title to the leased
Unit 2 interests, which, if appropriate, may be required to be written down in value. If such an event were to
occur during the lease extension period, APS may be required to pay the no controlling equity participants
approximately $288 million beginning in 2016, and up to $465 million over the lease extension term.

For regulatory ratemaking purposes, the agreements continue to be treated as operating leases and, as a
result, we have recorded a regulatory asset relating to the arrangements.
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COMBINED NOTES TO CONSOLIDATED FINANCIAL STATEMENTS

19. Nuclear Decommissioning 'hosts

To fund the costs APS expects to incur to decommission Palo Verde, APS established external

decommissioning trusts in accordance with NRC regulations. Third-party investment managers are authorized

to buy and sell securities per stated investment guidelines. The trust fundsare invested in fixed income

securities and equity securities. APS classifies investments in decommissioning trust funds as available for

sale. As a result, we record the decommissioning trust funds at their fair value on our Consolidated Balance

Sheets. See Note 13 for a discussion of how fair value is determined and the classification ofthenuclear

decommissioning trust investments within the fair value hierarchy. Because of the ability ofAPS to recover

decommissioning costs in rates and in accordance with the regulatory treatment for decommissioning trust

funds, we have deferred realized and unrealized gains and losses (including other-than-temporary impairments

on investment securities) in other regulatory liabilities. The following table includes the unrealized gains and

losses based on the original cost of the investment and summarizes the fair value ofAPS's nuclear

decommissioning trust fund assets at December 31, 2015 and December 31, 2014 (dollars in thousands):

Fair Value

Total
Unrealized

Gains

Total
Unrealized

Losses

$
I

Deolennbd&31l.,'24l1§
Bquiw securities

Net parables (a)

314,957 $ 157,098 $ (115)

420,574 11,955 (2,645)

(335) - -

"735,196 169,053 (2,760)8. s

Fair Value

Total
Unrealizaed

Gains

Total
Unrealized

Losses

!I
s 159,274

17,260
$ (15)

(1,073)
I

2014.

Eflllilv securities

Net parables (a)

309,620 $

411,491

(7,245) .
7134s66j s 17s,534_ $ (Lass)

(a ) Net parables relate to pending purchases and sales of securities.

The costs of securities sold are determined on the basis of specific identification. The following table

sets forth approximate gains and losses and proceeds from the sale of securities by the nuclear

decommissioning trust funds (dollars in thousands):

s

2013
5,459

(6,706)
446,025

Year Ended December31,

2015 2014

5 , 1 s 9 4 , 7 2 5 s

( 6 , 2 2 5 ) ( 4 ,525 )

478 ,813 356,195I

»-9: : .a

Realized losses

\

(a ) Proceeds are reinvested in the trust.
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COMBINED NOTES TO CONSOLIDATED FINANCIAL STATEMENTS

The fair value of fixed income securities, summarized by contractual maturities, at December 3 l, 2015

is as follows (dollars in thousands):

Less than one year

l year - 5 years

5 years - 10 Years

Greater than 10 years

Total 4
1

Fair Value

s 14,o61

117,356

. 114,769

174,448

429,574

20. Changes in Accumulated Other Comprehensive Loss

The following table shows the changes in Pinnacle West's consolidated accumulated other

comprehensive loss, including reclassification adjustments, net of tax, by component for the years ended

December 31, 2015 and 2014 (dollars in thousands):

Year Ended December 31,

2015 2014

Balance at beginning of period

Denv°` :five In striuurnents

$ (6s,141) $ (78,053)

(957)
41s7
3,230

(810)
135,483

12,673
Persian and Olher Po¢tr¢lirel1entBelnefiu

OCI (loss) before reclassifications

Net current period OCI (loss)

OCI (loss) before reclassifications

Nct can°ent period 0c1 (loss)

i
7

Bnliunce at end of period s

16,980
3,143

20,163

144»74§) s

(5,419)
m a
(2,761)

(68,141)

(a)

<b>

These amounts represent realized gains and losses and are included in the computation of fuel and
purchased power costs and are subject to the PSA. See Note 16.
These amounts primarily represent amortization of actuarial loss, and are included in the computation
of net periodic pension cost. See Note 7.
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Changes in Accumulated Other Comprehensive Loss - APS

The following table shows the changes in APS's accumulated other comprehensive loss, including

reclassification adjustments, net of tax, by component for the years ended December 31, 2015 and 2014

(dollars in thousands):

$_

Year Ended December 31,

2015 2014

(48,333) $ (53,372)Balance at beginning of period

DeriVatiVeiNstruments
1
I
1

s

I
!1
l
I

(957)

4,1s1

3,230

(809)
13,483 .
12,674

OCI (loss) before rcclassiiications

. . ".. heln\livclols(a)

Net current period OCI (loss)

OCI (loss) before reclassifications

.. .... " .. J .. . in non Tb)
Net current period OCI (loss)

IfPensiuil and Other pustretiremnt nwNts

MUra at and ofpewrlfnd .

14,726
i 3,280
18,006

k27,097) s

(10,415)
i 2,780
(7,635)

(48,333)

(a>

(b)

These amounts represent realized gains and losses and are included in the computation of fUel and
purchased power costs and are subject to the PSA. See Note16.
These amounts primarily represent amortization of actuarial loss, and are included in the computation
of net periodic pension cost. See Note7.
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PINNACLE WEST CAPITAL CORPORATION HOLDING COMPANY
SCHEDULE I CONDENSED FINANCIAL INFORMATION OF REGISTRANT

CONDENSED STATEMENTS OF COM;PREHENS1VE IncomE
(dollars in thousands)

2013

s

Year Ended December31,

2015 2014

550 642

12,733 23,507

(i2,1s3) (2z,s6s).

s s 799

24,930

424.131)

Operalting revenues

Operating expenses

Operating loss

Other

Equity in earnings of subsidiaries

Other expense

To-ml

Interest expense

Income before income taxes

Income tax benefit

Net income Mtlibutable to common slianeholders .

Other comprehensive income - attributable to common shareholders

Total comprehensive income amributabletO eommoll Shaxdaaldas

446,508

(3,302)

443;1206

2,672

. ";423;35i.

(8,906)
437,257

23,393

4 4 1 5 5 3 .s

411,528
(3,276)

3,663
34,724
(15,871)
391r;59s

9,912

420,926
(1,999)

418,927
3,226

391,570
(14,504)
406,074
35,955

442,n29

See Combi ned  Notes to Consol i dated  F i nanci a l  S tatements .
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PINNACLE WEST CAPITAL CORPORATION HOLDING COMPANY
SCHEDULE I CONDENSED FINANCIAL INFORMATION OF REGISTRANT

CONDENSED BALANCE SHEETS
(dollars in thousands)

December31,

2015 2014
I

I

s 1
i 17,432

93,093
s 3,oas

99,958

66,979

7,329

124

177,478

14,895
197

125,617
Ii

4,630,570

i

!

4,815,236

41,065

43,422

4,899,723

5,025,340 $

43,051
4,673,621
4,851,099

$
I

s

1
i

!

3

5,901
6,904

69,363
33,120

115,288
125,000

5,250
12,220
65,790
38,992

122,252
125,000

;

I
i
I

i
1
I

21,933

43,662

65,595

12,055
29,22s
43,462
84,7451I

I
I.

i
i

ASSETS

Current assets

Accounts receivable

Income tax receivable

Total current assets

r msslmssu aunts

Investments in subsidiaries

Other assets

Total Assets

Current liabilities

Accrued taxes

pssaus
Other current liabilities

Long-term debt less current maturities

Deferred income taxes

OMer

Common stock equity

Accumulated other comprehensive loss

Total Pinnacle West Shareholders' equity

Total E<l\1ily

ram maas-av i
1
I

2,535,862

(44,748)

i  2,092,803

4,583,917

135,540

4,719,457

.s ,025,340 s

2,509,569

(68,141)

1,926,065

4,367,493

151,609

4,519,102

4,851,099

See Combi ned  Notes to Consol i dated  F i nanci a l  S tatements.
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PINNACLE WEST CAPITAL CORPORATION HOLDING COMPANY
SCHEDULE I - CONDENSED FINANCIAL INFORMATION OF REGISTRANT

CONDENSED STATEMENTS OF CASH FLOWS
(dollars in thousands)

2015

Year Ended December 31,

2014 2013

$ 437,257 $ 397,595 $ 406,074

1

(446,508)

92
12,967
l 1,336

637
(124882)
266,900

(6,w5)
262,804

(411,528)
94

4,406
(22,945

2,017
(1,795)

253,600
18,432

239,876

(420,926)

(2s,s06)

21,671

(2,449)

1,-wa
242,100

. (15,955)
204,096

i

(3,462)

(38491)
157

(1,010)

(7,806)

(10,236)
322

(1,450)

(1 l,364)

(3,400)

2,149

(ws)
(3,350)

}
z

15,288 .

s
a

Cash ilows littianrn '
Net income

Aalusmwnuno reconcile no incummo netash opening
actlvttlaz I

Equity in earnings of subsidiaries - net
.. *_ . . . o

Deferred income taxes

Accolmits receivable

Accounts payable

Dividends receive ii°om subsidiaries
Other.
Net cash flow provided by operating activities

Construction work in progress

Repayments of loans firm subsidiaries

. " oflolsnsto •  ' .

Net cash flow used for investing activities

CashUu~v:uomn" .. " '  Z
Issuance of long-term debt

Repayment of long-term debt

Other

no we How wma for iisiivaaes

Net increase (decrease) in cash and cash equivalents

Cash and cash equivalents at end of year $

19.373

(246554)
14,344

. 3,083

17,432 s

125,000

x:»14~s;aw1>
(125,000)

161

=. 1231, 222 i  .
(2,710)

3,0ss $

17,319
29s

(217,627)
(16,881)
22,679

5,798

See Combined Notes to Consolidated Financial Statements.
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PINNACLE WEST CAPITAL CORPORATION
SCHEDULE II -_ RESERVE FOR UNCOLLECTIBLES

(dollars in thousands)

Column A Column B Column D Column E

Balance at
beginning
of period

Column C

Additions

Charged to
cost and
expenses

ChargeS"
to other
accounts Deductions

Balance
at end of
period

E
.
1

1

$ $ $ $

Description

Rescave for l  collect ibles :

20 l 5

2 0 1 4

20 l a

3,094

3,203

3,34o

4,073
3,942
4,923

l

4,042
4,051
5,060

3,125
3,994
3,203
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ARIZONA PUBLIC SERVICE COMPANY
SCHEDULE H RESERVE FOR UNCOLLECTIBLES

(dollars in thousands)

Column A Column B Column D Column E

Description

Reserve for uncolloctibles

Balance at
bcginniag
of period

Column C

Additions

Charged to
cost and
expenses

Charged
to other
accounts Deductions

Balance
at end of
period

$ 3.094 $ 4.073 $ $ 4,042 s 3



ITEM 9. CIIANGES IN AND DISAGREEMENTS WITH ACCOUNTANTS
ON Acco0nT1nG AND FINANCIAL DISCLOSURE

ITEM PA. CONTROLS AND PROCEDURES

(a) Disclosure Controls and Procedures

The term "disclosure controls and procedures" means controls and other procedures of a company that
are designed to ensure that information required to be disclosed by a company in the reports that it files or
submits under the Securities Exchange Act of 1934 (the "Exchange Act") (15 U.S.C. 78a et seq.) is recorded
processed, summarized and reported, within the time periods specified in the SEC's rules and forms
Disclosure controls and procedures include, without limitation, controls and procedures designed to ensure that
information required to be disclosed by a company in the reports that it files or submits under the Exchange
Act is accumulated and communicated to a company's management, including its principal executiveand
principal financial officers, or persons performing similar functions, as appropriate to allow timely decisions
regarding required disclosure

Pinnacle West's management, with the participation of Pinnacle West's Chief Executive Officer and
Chief Financial Officer, have evaluated the effectiveness of Pinnacle West's disclosure controls and procedures
as of December 31. 2015. Based on that evaluation. Pinnacle West's Chief Executive Officer and Chief
Financial Officer have concluded that, as of that date, Pinnacle West's disclosure controls and procedures were
effective

APS's management, with the participation flAPS's Chief Executive Officer and Chief Financial
Officer, have evaluated the effectiveness ofAPS's disclosure controls and procedures as of December 3 l
2015. Based on that evaluation. APS's Chief Executive Officer and Chief Financial Officer have concluded
that, as of that date, APS's disclosure controls and procedures were effective

(b) Management's Annual Reports on Internal Control Over Financial Reporting

Reference is made to "Management's Report on Internal Control over Financial Reporting (Pinnacle
West Capital Corporation)" on page 74 of this report and "Management's Report on Internal Control over
Financial Reporting (Arizona Public Service Company)" on page 83 of this report

<<=) Attestation Reports of the Registered Public Accounting Firm

Reference is made to "Report of Independent Registered Public Accounting Firm" on page 75 of this
report and "Report of Independent Registered Public Accounting Firm" on page 84 of this report on the
internal control over financial reporting of Pinnacle West and APS, respectively

(<1> Changes In Internal Control Over Financial Reporting

No change in Pinnacle West's or APS's internal control over financial reporting occurred during the
fiscal quarter ended December 31, 2015 that materially affected, or is reasonably likely to materially affect
Pinnacle West's or APS's internal control over financial reporting



ITEM 9B. OTHER INFORMATION

None.

PART III

ITEM 10. DIRECTORS, EXECUTIVE OFFICERS
AND CORPORATE GOVERNANCE OF PINNACLE WEST

Reference is hereby made to "Information About Our Board and Corporate Governance," "Proposal 1
- Election of Directors" and to "Section l6(a) Beneficial Ownership Reporting Compliance" in the Pinnacle

West Proxy Statement relating to the Annual Meeting of Shareholders to be held on May 18, 2016 (the "2016
Proxy Statement") and to the "Executive Officers of Pinnacle West" section in Part I of this report.

Pinnacle West has adopted a Code of Ethics for Financial Executives that applies to financial
executives including Pinnacle West's Chief Executive Officer, Chief Financial Officer, Chief Accounting
Officer, Controller, Treasurer, and General Counsel, the President and Chief Operating Officer ofAPS and
other persons designated as financial executives by the Chair of the Audit Committee. The Code of Ethics for
Financial Executives is posted on Pinnacle West's website (wwwpinnacleweshcom). Pinnacle West intends to
satisfy the requirements under Item 5.05 of Form 8-K regarding disclosure of amendments to, or waivers from,
provisions of the Code of Ethics for Financial Executives by posting such information on Pinnacle West's
website.

ITEM 11. EXECUTIVE COMPENSATION

Reference is hereby made to "Directors' Compensation," "Report of the Human Resources
Committee," "Executive Compensation," and "Human Resources Committee Interlocks and Insider
Participation" in the 2016 Proxy Statement.

ITEM 12. SECURITY OWNERSHIP OF
CERTAIN BENEFICIAL OWNERS AND MANAGEMENT

AND RELATED STOCKHOLDER MATTERS

Reference is hereby made to "Ownership of Pinnacle West Stock" in the 2016 Proxy Statement.

Securities Authorized for Issuance Under Equity Compensation Plans

The following table sets forth information as of December 31, 2015 with respect to the 2012 Plan and
the 2007 Plan, under which our equity securities are outstanding or currently authorized for issuance.
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Equity Compensation Plan Information

Weighted-
average

exercise price
of outstanding

options,
warrants and

Fights

(b)

Number of
securities remaining
available for future

issuance under
equity

compensation plans
(excluding

securities reflected
in column (a))

(0
2,763,056

Number of
securities to be

issued upon
exercise of

outstanding
options, warrants

and Hgllts

(4)

1 ,611,402
I
!

I
\
r

Plan Category

Equity compensation plans approved by security holders

Equity compensation plans not approved by security holders

T o t a l 1,611,402 3 2,763,056

(a) This amount includes shares subject to outstanding performance share awards and restricted
stock unit awards at the maximum amount of shares issuable under such awards. However, payout of the
performance share awards is contingent on the Company reaching certain levels of performance during a three-
year performance period. If the performance criteria for these awards are not fully satisfied, the award
recipient will receive less than the maximum number of shares available under these grants and may receive
nothing from these grants.

(b) The weighted-average exercise price in this column does not take performance share awards
or restricted stock unit awards into account, as those awards have no exercise price.

(c) Awards under the 2012 Plan can take the form of options, stock appreciation rights, restricted
stock, performance shares, performance share units, performance cash, stock grants, stock units, dividend
equivalents, and restricted stock units. Additional shares cannot be awarded under the 2007 Plan. However, if
an award under the 2012 Plan is forfeited, terminated or canceled or expires, the shares subject to such award,
to the extent of the forfeiture, termination, cancellation or expiration, may be added back to the shares
available for issuance under the 2012 Plan.

Equity Compensation Plans Approved By Security Holders

Amounts in column (a) in the table above include shares subject to awards outstanding under two
equity compensation plans that were previously approved by our shareholders: (a) the 2007 Plan, which was
approved by our shareholders at our 2007 annual meeting of shareholders and under which no new stock
awards may be granted; and (b) the 2012 Plan, which was approved by our shareholders at our 2012 annual
meeting of shareholders. See Note 15 of the Notes to Consolidated Financial Statements for additional
information regarding these plans.

Equity Compensation Plans Not Approved by Secure°ty Holders

The Company does not have any equity compensation plans under which shares can be issued that
have not been approved by the shareholders.

ITEM 13. CERTAIN RELATIONSHIPS AND RELATED
TRANSACTIONS, AND MRECTOR INDEPENDENCE

Reference is hereby made to "Information About Our Board and Corporate Governance" and "Related
Party Transactions" in the 2016 Proxy Statement,
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ITEM 14. PRINCIPAL ACCOUNTANT
FEES AND SERVICES

Pinnacle West

Reference is hereby made to "Accounting and Auditing Matters -Audit Fees and - Pre-Approval
Policies" in the 2016 Proxy Statement

The following fees were paid to APS's independent registered public accountants, Deloitte & Touche
LLP, for the last two fiscal years

212.600

Type of Service

A m i r F »( l )
Audit-Related Fees (2)

Tax Fees (3)

Al l  Other Fees (4) 10.000

(1) The aggregate fees billed for services rendered for the audit of annual financial statements and
for review of financial statements included in Reports on Form 10-Q

(2) The aggregate fees billed for assurance services that are reasonably related to the performance
of the audit or review of the financial statements that are not included in Audit Fees reported above, which
primarily consist of fees for employee benefit plan audits performed in 2015 and 2014

(3) The aggregate fees billed primarily related to tax compliance and tax planning
(4) The aggregate fees billed for advice relating to thedevelopmentof a statement of work for the

Company's system integrator for its new Customer Information System

Pinnacle West's Audit Committee pre-approves each audit service and non-audit service to be provided
by APS's registered public accounting firm. The Audit Committee has delegated to the Chair of the Audit
Committee the authority to pre-approve audit and non-audit services to be performed by the independent
public accountants if the services are not expected to cost more than $50,000. The Chair must report any pre
approval decisions to theAudit Committee at its next scheduled meeting. All of the services performed by
Deloitte & Touche LLP for APS in 2015 were pre-approved by the Audit Committee or the Chair of the Audit
Committee consistent with the pre-approval policy



PART IV

ITEM 15. EXHIBITS AND FINANCIAL STATEMENT SCHEDULES

Financial Statements and Financial Statement Schedules

See the Index to Financial Statements and Financial Statement Schedule in Part II, Item 8

Exhibits Filed

The documents listed below are being filed or have previously been filed on behalf of Pinnacle West or
APS and are incorporated herein by reference from the documents indicated and made a part hereof. Exhibits
not identified as previously filed are filed herewith

Exhibit
No Registrant(s)

Pinnacle West

Description Previously Filed as Exhibit Date Filed

8 /7 /2008Articles of Incorporation, restated as
of  May 21,  2008

3.1 to Pinnacle West/APS June 30
2008 Form 10-Q Report, File
No. 1-8962

3.2 Pinnacle West Pinnacle West Capital Corporation
Bylaws, amended as of May 19

3.1 to Pinnacle West/APS June 30
2010 Form 10-Q Report, File
No. 1-8962

8/3/2010

Articles of Incorporation, restated as
of  May 25,  1988

4.2 to APS's  Form 18 Regismt ion
Nos. 33-33910 and 33-55248 by
means of September 24, 1993
Form 8-K Report ,  Fi le No.  1-4473

9/29/1993

Amendment to the Art ic les of
Incorporat ion of  Arizona Publ ic
Service Company, amended May 16,

3.1 to Pinnacle West/APS May 22
2012 Form 8-K Report, File Nos
1-8962 and 1-4473

5/22/2012

Arizona Publ ic  Serv ice Company
Bylaws, amended as of
December 16. 2008

3.4 to Pinnacle West/APS
December 31. 2008 Form 10-K, File
No. 1-4473

2/20/2009

Pinnacle West Specimen Cert i f icate of
Pinnacle West Capital Corporat ion
Common Stock, no par value

4.1 to Pinnacle West June 28, 2011
Form 8-K Report, File No. 1-8962

6/28/2011

Pinnacle West Indenture dated as of January 1
1995 among APS and The Bank of
New York Mellon. as Trustee

4.6 to APS's Registrat ion Statement
Nos. 33-61228 and 33-55473 by
means of January 1, 1995 Form 8-K
Report ,  Fi le No. 1-4473

1/11/1995

Pinnacle West First Supplemental Indenture dated
as of January 1, 1995

4.4 to APS's Registrat ion Statement
Nos. 33-61228 and 33-55473 by
means of January 1, 1995 Form 8-K
Report ,  Fi le No. 1-4473

1/11/1995

Pinnacle West Indenture dated as of November 15,
1996 between APS and The Bank of
New York. as Trustee

4.5 to APS's Registration Statements
Nos. 33-61228, 33-55473, 33-64455
and 333- 15379 by means of
November 19.  1996 Form 8-K
Report ,  Fi le No. 1-4473

11/22/1996



Exhibit
No. Registrant(s)

Pinnacle West

Date Filed

11/22/19964.3a

Description

First Supplemental Indenture dated
as of November 15. 1996

PreviouslyFiled asExhibit

4.6 to APS's Registration Statements
Nos. 33-61228. 33-55473. 33-64455
and 333-15379 by means of
November 19. 1996 Form 8-K
Report, File No. 1-4473

4.3b Pinnacle West Second Supplemental Indenture
dated as of April 1, 1997

4.10 to APS's Registration Statement
Nos. 33-55473. 33-64455 and
333-15379 by means of April 7
1997 Form 8-K Report, File
No. 1-4473

4/9/1997

4.3c Pinnacle West Third Supplemental Indenture dated
as of November 1. 2002

10.2 to Pinnacle West's March 31
2003 Form 10-Q Report, File
No. 1-8962

5/15/2003

4.4 Pinnacle West Indenture dated as of December 1
2000 between the Company and The
Bank of New York. as Trustee
relating to Senior Unsecured Debt
Securities

4.1 to Pinnacle West's Registration
Statement No. 333-52476

12/21/2000

4.5 Pinnacle West Indenture dated as of December 1
2000 between the Company and The
Bank of New York. as Trustee
relating to Subordinated Unsecured
Debt Securities

4.2 to Pinnacle West's Registration
Statement No. 333-52476

12/21/2000

4.6 Pinnacle West Indenture dated as of January 15
1998 between APS and The Bank of
New York Mellon Trust Company
N.A. (successor to JPMorgan Chase
Bank, N.A., formerly known as The
Chase Manhattan Bank), as Trustee

4.10 to APS's Registration Statement
Nos. 333-15379 and 333-27551 by
means of January 13, 1998 Form 8-K
Report, File No. 1-4473

1/16/1998

4.6a Pinnacle West Seventh Supplemental Indenture
dated as of May 1, 2003

4.1 to APS's Registration Statement
No. 333-90824 by means of May 7
2003 Font 8-K Report, File
No. 1-4473

5/9/2003

4.6b Pinnacle West Eighth Supplemental Indenture dated
as of June 15. 2004

4.1 to APS's Registration Statement
No. 333-106772 by means of
June 24, 2004 Form 8-K Report, File
No. 1-4473

6/28/2004

4.6c Pinnacle West Ninth Supplemental Indenture dated
as of August 15, 2005

4.1 to APS's Registration Statements
Nos. 333-106772 and 333-121512 by
means of August 17, 2005 Form 8-K
Report, File No. 1-4473

8/22/2005

4.6d Tenth Supplemental Indenture dated
as of August 1, 2006

4.1 to APS's July 31, 2006 Form 8-K
Report, File No. 1-4473

8/3/2006

4.6e Pinnacle West Eleventh Supplemental Indenture
dated as of February 26, 2009

4.6e to Pinnacle West/APS 2014
Form 10-K Report, File Nos. 1-8962
and 1-4473

2/20/2015

4.6f Pinnacle West Twelfth Supplemental Indenture
dated as of August 25, 2011

4.6f to Pinnacle West/APS 2014
Form 10-K Report, File Nos. 1-8962
and 1-4473

2/20/2015

4.6g Pinnacle West Thirteenth Supplemental Indenture
dated as of January 13, 2012

4.6g to Pinnacle West/APS 2014
Form 10-K Report, File Nos. 1-8962
and 1-4473

2/20/2015

4.6h Pinnacle West Fourteenth Supplemental Indenture
dated as of January 10, 2014

4.6h to Pinnacle West/APS 2014
Form 10-K Report, File Nos. 1-8962
and 1-4473

2/20/2015

I ll



Exhibit
No Registrant(s)

Pinnacle West

Description Previously Filed as Exhibit Date Filed

2 /20 /2015Fifteenth Supplemental Indenture
dated as of June 18. 2014

4.6i to Pinnacle West/APS 2014
Form 10-K Report, File Nos. 1-8962
and 1-4473

Pinnacle West Sixteenth Supplemental Indenture
dated as oflanuary 12, 2015

4.6j to Pinnacle West/APS 2014
Form 10-K Report, File Nos. 1-8962
and 1-4473

2/20/2015

Pinnacle West Seventeenth Supplemental Indenture
dated as of May 19, 2015

4.1 to Pinnacle West/APS May 14
2015 Form 8-K Report, File Nos
1-8962 and 1-4473

5/19/2015

Pinnacle West Eighteenth Supplemental Indenture
dated as of November 6. 2015

4.1 to Pinnacle West/APS November
3, 2015 Form 8-K Report, File Nos
1-8962 and 1-4473

11/6/2015

Pinnacle West Second Amended and Restated
Pinnacle West Capital Corporation
Investors Advantage Plan dated as of
June 23. 2004

4.4 to Pinnacle West's June 23. 2004
Form 8-K Report, File No. 1-8962

8/9/2004

Pinnacle West Third Amended and Restated
Pinnacle West Capital Corporation
Investors Advantage Plan dated as of
November 25. 2008

4.1 to Pinnacle West's Form S-3
Registration Statement
No. 333-155641, File No. 1-8962

11/25/2008

Pinnacle West Agreement, dated March 29, 1988
relating to the filing of instruments
defining the rights of holders of
long-tenn debt not in excess of 10%
of the Company's total assets

4.1 to Pinnacle West's 1987
Form 10-K Report, File No. 1-8962

3/30/1988

Pinnacle West Agreement, dated March 21, 1994
relating to the filing of instruments
defining the rights of holders ofAPS
long-term debt not in excess of 10%
of APS's total assets

4.1 to APS's 1993 Form 10-K
Report, File No. 1-4473

3/30/1994

Pinnacle West Two separate Decommissioning
Trust Agreements (relating to
PVNGS Units l and 3, respectively)
each dated July l, 1991, between
APS and Mellon Bank. N.A.. as
Decommissioning Trustee

10.2 to APS's September 30, 1991
Form 10-Q Report, File No. 1-4473

11/14/1991

10. l . la Pinnacle West Amendment No. 1 to
Decommissioning Trust Agreement
(PVNGS Unit 1), dated as of
December 1. 1994

10.1 to APS's 1994 Form 10-K
Report, File No. 1-4473

3/30/1995

l0 . l . lb Pinnacle West Amendment No. 1 to
Decommissioning Trust Agreement
(PVNGS Unit 3), dated as of
December 1. 1994

10.2 to APS's 1994 Font 10-K
Report, File No. 1-4473

3/30/1995

10.l.1c Pinnacle West Amendment No. 2 to APS
Decommissioning Trust Agreement
(PVNGS Unit 1) dated as of July 1

10.4 to APS's 1996 Fol'lTl 10-K
Report , File No. 1-4473

3/28/1997

l0 . l . ld Pinnacle West Amendment No. 2 to APS
Decommissioning Trust Agreement
(PVNGS Unit 3) dated as of July 1

10.6 to APS's 1996 Form 10-K
Report, File No. 1-4473

3/28/1997



Exhibit
No. Registrant(s)

Pinnacle West

Date Filed

5/15/200210.1.1e

Description

Amendment  No.  3 to  the
Decommi ss i on i ng  Trus t  Ag reement
(PVNGS Uni t  1) ,  d at ed  as  o f
M ar c h  18 .  2002

Previously Filed as Exhibit

1 0 . 2  t o  P i n n a c l e  W e s t ' s  M a r c h  3 1
2 0 0 2  F o r m  1 0 - Q R ep o r t , F i l e
N o .  1 - 8 9 6 2

Pinnacle West Amendment No. 3 to the
Decommissioning Trust Agreement
(PVNGS Unit 3), dated as of
March 18. 2002

10.4 to Pinnacle West's March 2002
Form 10-Q Report, File No. 1-8962

5/15/2002

l0.l.1g Pinnacle West Amendment No. 4 to the
Decommissioning Trust Agreement
(PVNGS Unit 1), dated as of
December 19. 2003

10.3 to Pinnacle West's 2003
Form 10-K Report, File No. 1-8962

3/15/2004

l0.l.lh Pinnacle West Amendment No. 4 to the
Decommissioning Trust Agreement
(PVNGS Unit 3), dated as of
December 19. 2003

10.5 to Pinnacle West's 2003
Form 10-K Report, File No. 1-8962

3/15/2004

Pinnacle West Amendment No. 5 to the
Decommissioning Trust Agreement
(PVNGS Unit 1), dated as of May 1,

10.1 to Pinnacle West/APS
March 31, 2007 Form 10-Q Report
File Nos. 1-8962 and 1-4473

5/9/2007

l0.l.lj Pinnacle West Amendment No. 5 to the
Decommissioning Trust Agreement
(PVNGS Unit 3), dated as of May 1,

10.2 to Pinnacle West/APS
March 31, 2007 Form 10-Q Report
File Nos. 1-8962 and 104473

5/9/2007

10.1.2 Pinnacle West Amended and Restated
Decommissioning Trust Agreement
(PVNGS Unit 2) dated as of
January 31, 1992, among APS
Mellon Bank. N.A.. as
Decommissioning Trustee, and State
Street Bank and Trust Company, as
successor to The First National Bank
of Boston. as Owner Trustee under
two separate Trust Agreements, each
with a separate Equity Participant
and as Lessor under two separate
Facility Leases, each relating to an
undivided interest in PVNGS Unit 2

10.1 to Pinnacle West's 1991
Form 10-K Report, File No. 1-8962

3/26/1992

l0.l.2a Pinnacle West First Amendment to Amended and
Restated Decommissioning Trust
Agreement (PVNGS Unit 2), dated
as of November 1. 1992

10.2 to APS's 1992 Form 10-K
Report, File No. 1-4473

3/30/1993

l0.1.2b Pinnacle West Amendment No. 2 to Amended and
Restated Decommissioning Trust
Agreement (PVNGS Unit 2), dated
as of November l. 1994

10.3 to APS's 1994 Font 10-K
Report, File No. 1-4473

3/30/1995

10 . 1 . 2c Pinnacle West Amendment No. 3 to Amended and
Restated Decommissioning Trust
Agreement (PVNGS Unit 2), dated
as of June 20. 1996

10.1 to APS's June 30. 1996
Form 10-Q Report, File No. 1-4473

8/9/1996

10.1.2d Pinnacle West Amendment No. 4 to Amended and
Restated Decommissioning Trust
Agreement (PVNGS Unit 2) dated as
of December 16. 1996

APS 10.5 to APS's 1996 Form 10-K
Report, File No. 1-4473

3/28/1997

11111-1111-1



Exhibit
No

10.1.2e

Registrant(s)

Pinnacle West
Description

Amendment No. 5 to the Amended
and Restated Decommissioning Trust
Agreement (PVNGS Unit 2), dated
as of June 30. 2000

Previously Filed as Exhibit

10.1 to Pinnacle W est's March 31
2002 Form 10-Q Report, File
No. 1-8962

Date Filed

5/15/2002

10.1.2f Pinnacle West Amendment No. 6 to the Amended
and Restated Decommissioning Trust
Agreement (PVNGS Unit 2), dated
as of March 18. 2002

10.3 to Pinnacle West's March 31
2002 Form 10-Q Report, File
No. 1-8962

5/15/2002

10.l .2g Pinnacle West Amendment No. 7 to the Amended
and Restated Decommissioning Trust
Agreement  (PVNGS Unit  2),  dated
as of December 19. 2003

10.4 to Pinnacle West's 2003
Form 10-K Report, File No. 1-8962

3/15/2004

l 0 . l .2h Pinnacle West Amendment No. 8 to the Amended
and Restated Decommissioning Trust
Agreement (PVNGS Unit 2), dated
as of April 1, 2007

10.1.2h to Pinnacle West's 2007
Form 10-K Report, File No. 1-8962

2/27/2008

Pinnacle West Arizona Publ ic  Serv ice Company
Deferred Compensation Plan, as
restated, effective January 1, 1984
and the second and third
amendments thereto. dated
December 22. 1986. and
December 23, 1987, respectively

10.4 to APS's 1988 Form 10-K
Report, File No. 1-4473

3/8/1989

10.2.1 a Pinnacle West Third Amendment to the Arizona
Public Service Company Deferred
Compensation Plan, effective as of
January 1, 1993

10.3A to APS's 1993 Form 10-K
Report, File No. 1-4473

3/30/1994

10.2.1b Pinnacle West Fourth Amendment to the Arizona
Public Service Company Deferred
Compensation Plan effective as of
May 1, 1993

10.2 to APS's September 30, 1994
Form 10-Q Report, File No. 1-4473

11/10/1994

l0.2.lc Pinnacle West Fifth Amendment to the Arizona
Public Service Company Deferred
Compensation Plan effective
January 1, 1997

10.3A to APS's 1996 Form 10-K
Report, File No. 1-4473

3/28/1997

l0.2.1d Pinnacle West Sixth Amendment to the Arizona
Public Service Company Deferred
Compensation Plan effective
January 1, 200 l

10.8A to Pinnacle West's 2000
Form 10-K Report, File No. 1-8962

3/14/2001

Pinnacle West Arizona Publ ic  Serv ice Company
Directors '  Deferred Compensat ion
Plan, as restated, effective January 1

10.1 to APS's June 30. 1986
Form 10-Q Report, File No. 1-4473

8/13/1986

10.2.28 Pinnacle West Second Amendment to the Arizona
Public Service Company Directors'
Deferred Compensation Plan
effective as of January 1, 1993

10.2A to APS's 1993 Form 10-K
Report, File No. 1-4473

3/30/1994

10.2.2b Pinnacle West Third Amendment to the Arizona
Public Service Company Directors'
Deferred Compensation Plan
effective as of May 1, 1993

10.1 to APS's September 30, 1994
Form 10-Q Report, File No. 1-4473

11/10/1994

l0.2.2c Pinnacle West Fourth Amendment to the Arizona
Public Service Company Directors
Deferred Compensation Plan
effective as of January 1, 1999

l0.8A to Pinnacle West's 1999
Form 10-K Report, File No. 1-8962

3/30/2000



Exhibit
No Registrant(s)

Pinnacle West

Description

Trust for the Pinnacle W est Capital
Corporation, Arizona Public Service
Company and SunCor Development
Company Deferred Compensation
Plans dated August l, 1996

Previously Filed as Exhibit

10.14A to Pinnacle W est's 1999
Form 10-K Report, File No. 1-8962

Date Filed

3/30/2000

10.2.38 Pinnacle West First Amendment dated December 7.
1999 to the Trust for the Pinnacle
West Capital Corporation, Arizona
Public Service Company and SunCor
Development Company Deferred
Compensation Plans

10.15A to Pinnacle West's 1999
Form 10-K Report, File No. 1-8962

3/30/2000

Pinnacle West Pinnacle West Capital Corporat ion,
Arizona Publ ic  Service Company,
SunCor Development Company and
El Dorado Investment Company
Deferred Compensation Plan as
amended and restated effective
January l ,  1996

10.10A to APS's 1995 Font 10-K
Report, File No. 1-4473

3/29/1996

10.2.48 Pinnacle West First  Amendment ef fect ive as of
January l,  1999, to the Pinnacle
West Capital  Corporat ion,  Arizona
Public Service Company, SunCor
Development  Company and El
Dorado Investment  Company
Deferred Compensat ion Plan

10.7A to Pinnacle West's 1999 Form
10-K Report, File No. 1-8962

3/30/2000

l0.2.4b Pinnacle West Second Amendment effective
January 1, 2000 to the Pinnacle West
Capital Corporation, Arizona Public
Service Company, SucCor
Development Company and El
Dorado Investment Company
Deferred Compensation Plan

10.10A to Pinnacle West's 1999
Form 10-K Report, File No. 1-8962

3/30/2000

l0.2.4c Pinnacle West Third Amendment to the Pinnacle
West Capital  Corporat ion,  Arizona
Public Service Company, SunCor
Development  Company and El
Dorado Investment  Company
Deferred Compensat ion Plan
effective as of January 1, 2002

10.3 to Pinnacle West's March 3 l
2003 Font 10-Q Report, File No
1-8962

5/15/2003

10.2.4d Pinnacle West Fourth Amendment to the Pinnacle
West Capital Corporation, Arizona
Public Service Company, SunCor
Development Company and El
Dorado Investment Company
Deferred Compensation Plan
effective January l, 2003

10.64 to Pinnacle West/APS 2005
Form 10-K Report ,  Fi le Nos.  1-8962
and 1-4473

3/13/2006

Pinnacle West Deferred Compensat ion Plan of 2005
for Employees of Pinnacle West
Capital  Corporat ion and Aff i l iates
(as amended and restated effective
January 1, 2016)

Pinnacle West Pinnacle West Capital  Corporat ion
Supplement Excess Benefit
Retirement Plan. amended and
restated as of January l, 2003

l0.7A to Pinnacle West's 2003
Form 10-K Report, File No. 1-8962

3/15/2004



Exhibit
No

10.3.18

Registrant(s)
Pinnacle West

Description

Pinnac l e  West  Cap i t a l  Corporat ion
Supp l ement a l  Excess  Bene f i t
Re t i rement  P l an .  as  amended  and
res t at ed .  dat ed  December  18.  2003

Previously Filed as Exhibit

1 0 . 4 8 b  t o  P i n n a c l e  W e s t / A P S  2 0 0 5
F o r m  1 0 - K  R e p o r t ,  F i l e  N o s .  1 - 8 9 6 2
a n d  1 - 4 4 7 3

Date Filed

3 / 1 3 / 2 0 0 6

Pinnacle West Pinnacle West Capital Corporation
Supplemental Excess Benefit
Retirement Plan of 2005 (as
amended and restated effective
January 1, 2016)

10.4.1" Letter Agreement dated
December 20. 2006 between APS
and Randall K. Edington

10.78 to Pinnacle West/APS 2006
Form 10-K Report, File Nos. 1-8962
and 1-4473

2/28/2007

Letter Agreement dated July 22
2008 between APS and Randall K
Edington

10.3 to Pinnacle West/APS June 30
2008 Form 10-Q Report, File
No. 1-4473

8/7/2008

Pinnacle West Letter Agreement dated June 17
2008 between Pinnacle West/APS
and James R. Hatfield

10.1 to Pinnacle West/APS June 30
2008 Font 10-Q Report, File Nos
1-8962 and 1-4473

8/7/2008

Supplemental Agreement dated
December 26. 2008 between APS
and Randal l  K.  Edington

10.4.10 to Pinnacle West/APS 2008
Form 10-K Report, File No. 1-4473

2/20/2009

Description of 2010 Palo Verde
Specific Compensation Opportunity
for Randall K. Edington

10.4.13 to Pinnacle West/APS 2009
Form 10-K Report, File Nos. 1-8962
and 1-4473

2/19/2010

Pinnacle West Let ter Agreement dated May 21
2009. between Pinnacle West and
David P.  Falck

10.4 to Pinnacle West/APS
March 31, 2010 Form 10-Q Report
File No. 1-8962

5/6/2010

Supplemental Agreement dated
June 19. 2012 between APS and
Randal l  K .  Edington

10.1 to Pinnacle West/APS June 30
2012 Font 10-Q Report File Nos
1-8962 and 1-4473

8/2/2012

Description of 2016 Palo Verde
Specific Compensation Opportunity
for Randall K. Edington

Pinnacle West/APS December 15
2015 Form 8-K Report, File
No. 1-4473

12/21/2015

Supplemental Agreement dated
December 14. 2014 between APS
and Randall K. Dodington

10.4.9 to Pinnacle West/APS 2014
Form 10-K Report, File Nos. 1-8962
and 1-4473

2/20/2015

Pinnacle West Key Execut ive Employment  and
Severance Agreement between
Pinnacle West and certain executive
off icers of Pinnacle West and its
subsidiaries

10.77 to Pinnacle West/APS 2005
Form 10-K Report, File Nos. 1-8962
and 1-4473

3/13/2006

10.5.18 Pinnacle West Form of Amended and Restated Key
Executive Employment and
Severance Agreement between
Pinnacle West and certain officers of
Pinnacle West and its subsidiaries

10.4 to Pinnacle West/APS
September 30, 2007 Form 10-Q
Report, File Nos. 1-8962 and 1-4473

11/6/2007

Pinnacle West Form of Key Executive Employment
and Severance Agreement between
Pinnacle West and certain officers of
Pinnacle West and its subsidiaries

10.3 to Pinnacle West/APS
September 30, 2007 Form 10-Q
Report, File Nos. 1-8962 and 1-4473

11/6/2007



Exhibit
No Registrant(s)

Pinnacle West

Description

Form of  Key Executive Employment
and Severance Agreement between
Pinnacle W est and certain off icers of
Pinnacle West and its subsidiaries

Previously Filed as Exhibit

10.5.3 to Pinnacle W est/APS 2009
Font 10-K Report, File Nos. 1-8962
and 1-4473

Date Filed

2/19/2010

10.5.4"" Pinnacle West Form of  Key Execut ive Employment
and Severance Agreement between
Pinnacle West and certain off icers of
Pinnacle West and its subsidiaries

10.5.4 to Pinnacle West/APS 2012
Form 10-K, File Nos. 1-8962 and
1-4473

2/22/2013

Pinnacle West Pinnacle West Capital Corporation
2007 Long-Term Incentive Plan

Appendix B to the Proxy Statement
for Pinnacle West's 2007 Annual
Meeting of Shareholders, File
No. 1-8962

4/20/2007

10.6.1d Pinnacle West First  Amendment to the
Pinnacle West Capital Corporat ion
2007 Long-Term Incent ive Plan

10.2 to Pinnacle West/APS April 18,
2007 Form 8-K Report, File
No. 1-8962

4/20/2007

l0.6.1b Pinnacle West Performance Share Agreement under
the Pinnacle West Capital
Corporation 2007 Long-Term
Incentive Plan

10.3 to Pinnacle West/APS
March 31, 2009 Form 10-Q Report
File Nos. 1-8962 and 1-4473

5/5/2009

10.6.1c Pinnacle West Font of Performance Share
Agreement under the Pinnacle West
Capital Corporation 2007 Long
Term Incentive Plan

10.1 to Pinnacle West/APS June 30
2010 Form 10-Q Report, File
No. 1-8962

8/3/2010

10.6.1d Pinnacle West Font of Restricted Stock Unit
Agreement under the Pinnacle West
Capital Corporation 2007 Long
Term Incentive Plan

10.2 to Pinnacle West/APS June 30
2010 Form 10-Q Report, File
No. 1-8962

8/3/2010

l 0 .6 . l e Pinnacle West Font of Performance Share
Agreement under the Pinnacle West
Capital Corporation 2007 Long
Tenn Incentive Plan

10.4 to Pinnacle West/APS
March 31, 2011 Form 10-Q Report
File No. 1-8962

4/29/2011

10.6.1i*" Pinnacle West Form of Restric ted Stock Unit
Agreement under the Pinnacle West
Capital  Corporat ion 2007 Long
Term Incent ive Plan

10.5 to Pinnacle West/APS
March 31, 2011 Form 10-Q Report
File No. 1-8962

4/29/2011

10.6.1g Pinnacle West Fonn of Restricted Stock Unit
Agreement under the Pinnacle West
Capital Corporation 2007 Long
Term Incentive Plan (Supplemental
2010 Award)

10.6 to Pinnacle West/APS
March 31, 2011 Form 10-Q Report
File No. 1-8962

4/29/2011

Pinnacle West Description of Annual Stock Grants
to Non-Employee Directors

10.1 to Pinnacle West/Aps
September 30, 2007 Form 10-Q
Report, File No. 1-8962

11/6/2007

Pinnacle West Descript ion of  Annual Stock Grants
to Non-Employee Directors

10.2 to Pinnacle West/APS June 30
2008 Form 10-Q Report ,  Fi le
No.  1-8962

8/7/2008

10.6.4"" Pinnacle West Summary of 2016 CEO Variable
Incentive Plan and Officer Variable
Incentive Plan

Pinnacle West Descript ion of  Restricted Stock Unit
Grant to Donald E. Brandt

Pinnacle West/APS December 24
2012 Form 8-K Report, File
No. 1-8962

12/26/2012



Exhibit
No Registrant(s)

Pinnacle West

Description

P innac l e  West  Cap i t a l  Corporat ion
2012 Long -Te rm Incen t i ve  P l an

Previously Filed as Exhibit

Append ix A to  the  Proxy  S t at ement
f o r  P i nnac l e  Wes t ' s  2012 Annual
Meet ing  of  Shareho lders ,  F i l e
No .  1 -8962

Date Filed

3/29/2012

10 . 6 . 68 Pinnacle West Form of Performance Share Award
Agreement under the Pinnacle West
Capital Corporation 2012 Long
Tenn Incentive Plan

10.1 to Pinnacle West/APS
March 31, 2012 Form 10-Q Report
File Nos. 1-8962 and 1-4473

5/3/2012

l0.6.6b Pinnacle West Form of Restricted Stock Unit Award
Agreement under the Pinnacle West
Capital Corporation 2012 Long
Term Incentive Plan

10.2 to Pinnacle West/APS
March 31, 2012 Form 10-Q Report
File Nos. 1-8962 and 1-4473

5/3/2012

10 . 6 . 6c Pinnacle West Font ofPerfornlance Share Award
Agreement under the Pinnacle West
Capital Corporation 2012 Long
Term Incentive Plan

l0.6.8c to Pinnacle West/APS 2013
Font 10-K Report, File Nos. 1-8962
and 1-4473

2/21/2014

10.6.6d Pinnacle West Form of Restricted Stock Unit Award
Agreement under the Pinnacle West
Capital Corporation 2012 Long
Term Incentive Plan

10.6.8d to Pinnacle West/APS 2013
Form 10-K Report, File Nos. 1-8962
and 1-4473

2/21/2014

10 . 6 . 6e Pinnacle West Form of Performance Share Award
Agreement under the Pinnacle West
Capital Corporation 2012 Long
Term Incentive Plan

l0.6.6f' Pinnacle West Master Amendment to Performance
Share Agreements

10.3 to Pinnacle West/APS
March 31, 2012 Form 10-Q Report
File Nos. 1-8962 and 1-4473

5/3/2012

l0.6.6g Pinnacle West Master Amendment toRestricted
Stock Unit Agreements

10.4 to Pinnacle West/APS
March 31, 2012 Form 10-Q Report
File Nos. 1-8962 and 1-4473

5/3/2012

Pinnacle West Indenture of Lease with Navajo
Tribe of Indians. Four Corners Plant

5.01 to APS's Form S-7 Registration
Statement. File No. 2-59644

9/1/1977

10.7.1a Pinnacle West Supplemental and Additional
Indenture of Lease, including
amendments and supplements to
original lease with Navajo Tribe of
Indians. Four Corners Plant

5.02 to APS's Form S-7 Registration
Statement. File No. 2-59644

9/1/1977

10.7.1b Pinnacle West Amendment and Supplement No. 1
to Supplemental and Additional
Indenture of Lease Four Corners
dated April 25, 1985

10.36 to Pinnacle West's Registration
Statement on Form 8-B Report, File
No. 1-8962

7/25/1985

10.7 . lc Pinnacle West Amendment and Supplement No. 2
to Supplemental and Additional
Indenture of Lease with the Navajo
Nation dated March 7. 2011

10.1 to Pinnacle West/APS
March 31, 2011 Form 10-Q Report
File Nos. 1-8962 and 1-4473

4/29/2011

10.7.1d Pinnacle West Amendment and Supplement No. 3
to Supplemental and Additional
Indenture of Lease with the Navajo
Nation dated March 7. 2011

10.2 to Pinnacle West/APS
March 31, 2011 Form 10-Q Report
File Nos. 1-8962 and 1-4473

4/29/2011

Pinnacle West Application and Grant of multi-party
rights-of-way and easements, Four
Corners Plant Site

5.04 to APS's Form S-7 Registration
Statement, File No. 2-59644

9/1/1977



Exhibit
No Date Filed

7/25/1985l0.7.2a

Registrant(s)

Pinnacle West

Description

Application and Amendment No. 1
to Grant of  multi-party rights-of-way
and easements. Four Corners Site
dated April 25, 1985

Previously Filed as Exhibit

10.37 to Pinnacle W est's Registration
Statement on Form 8-B, Fi le
No. 1-8962

Pinnacle West Application and Grant of APS rights-
of-way and easements,  Four Corners

5.05 to APS's Form S-7 Registration
Statement, File No. 2-59644

9/1/1977

l 0 . 7 . 3a Pinnacle West Application and Amendment No. 1
to Grant of APS rights-of-way and
easements.  Four Comers Site dated
Apri l  25,  1985

10.38 to Pinnacle West's  Registration
Statement on Form 8-B. File
No.  1-8962

7/25/1985

l 0 . 7 . 4a Pinnacle West Four Corners Project Co-Tenancy
Agreement Amendment No. 6

10.7 to Pinnacle  West's  2000
Form 10-K Report,  File No. 1-8962

3/14/2001

10.7.4b Pinnacle West Four Comers Project Co-Tenancy
Agreement Amendment No. 7, dated
December 30, 20]3, among APS, El
Paso Electric Company, Public
Service Company of New Mexico
SRP. SCE. and Tucson Electric
Power Company

10.3 to Pinnacle West/APS March
31, 2014 Form 10-Q Report,  File
Nos.  1-8962 and 1-4473

5/2/2014

Pinnacle West Indenture of Lease, Navajo Units 1
2

5(g) to APS's  Font S-7 Reg is trat ion
Statement.  File  No. 2-36505

3/23/1970

Pinnacle West Application of Grant of rights-of
way and easements,  Navajo Plant

5(h) to APS Form S-7 Registration
Statement.  File  No. 2-36505

3/23/1970

Pinnacle West Water Service Contract Assignment
with the United States Department of
Interior.  Bureau of Reclamation
Navajo Plant

5(1) to APS's Form S-7 Registration
Statement,  File  No. 2-394442

3/16/1971

Pinnacle West Navajo Project Co-Tenancy
Agreement dated as of March 23
1976, and Supplement No. 1 thereto
dated as of October 18. 1976
Amendment No. 1 dated as of July 5
1988. and Amendment No. 2 dated
as of June 14.  1996:  Amendment
No. 3 dated as of February 11, 1997
Amendment No. 4 dated as of
January 21,  1997,  Amendment No. 5
dated as of January 23,  1998
Amendment No. 6 dated as of
July  31,  1998

10.107 to Pinnacle West/APS 2005
Form 10-K Report, File Nos. 1-8962
and 1-4473

3/13/2006

Pinnacle West Navajo Project Participation
Agreement dated as of
September 30,  1969,  and
Amendment and Supplement No. 1
dated as of January 16,  1970,  and
Coordinating Committee Agreement
No. 1 dated as of September 30

10.108 to Pinnacle West/APS 2005
Form 10-K Report, File  Nos.  1-8962
and 1-4473

3/13/2006

Pinnacle West ANPP Partic ipation Agreement
dated August 23,  1973,  among APS,
SRP, SCE, Public  Service  Company
of New Mexico. El Paso. Southern
California Public Power Authority
and Department of Water and Power
of the City of Los Angeles,  and
amendments 1-12 thereto

10. l  to APS's  1988 Form 10-K
Report,  File No. 1-4473

3/8/1989



Exhibit
No Date Filed

5/15/199110.9.1a

Registrant(s)
Pinnacle West

Description

Amendment  No.  13.  dat ed  as  of
Apr i l  22 ,  1991,  t o  ANP P
Part i c ipat ion  Agreement ,  dated
Aug us t  23 ,  1973 ,  amo n g  AP S ,  S R P
SCE ,  P ub l i c  Se rv i c e  Company  o f
New Mexi co .  E l  Paso .  Southe rn
Cal i forn i a Pub l i c  Power  Author i t y
and  Depar tment  of  Wate r  and  Power
of  the  Ci t y  of  Los  Ange l es

Previously Filed as Exhibit

10 . 1  t o A P S ' s  M a r c h 3 1 .  1 9 9 1
F o r m  1 0 - Q  R e p o r t ,  F i l e  N o .  1 - 4 4 7 3

10.9.1b Pinnacle West Amendment  No.  14 to ANPP
Part ic ipat ion Agreement,  dated
August 23, 1973, among APS, SRP,
SCE, Publ ic  Serv ice Company of
New Mexico.  El Paso. Southern
Cal i fornia Publ ic  Power Authori ty
and Department of Water and Power
of the City of  Los Angeles

99.1 to Pinnacle West's June 30
2000 Form 10-Q Report, File
No. 1-8962

8/14/2000

10.9.1c Pinnacle West Amendment No. 15. dated
November 29. 2010. to ANPP
Participation Agreement, dated
August 23, 1973, among APS, SRP
SCE, Public Service Company of
New Mexico. El Paso. Southern
California Public Power Authority
and Department of Water and Power
of the City of Los Angeles

10.9.10 to Pinnacle West/APS 2010
Form 10-K Report, File Nos. 1-8962
and 1-4473

2/18/2011

10 .9 . 1d Pinnacle West Amendment No. 16, dated April 28,
2014, to ANPP Participation
Agreement, dated August 23, 1973,
among APS, SRP, SCE, Public
Service Company of New Mexico
El Paso. Southern California Public
Power Authority, and Department of
Water and Power of the City of Los
Angeles

10.2 to Pinnacle West/APS March
31, 2014 Form 10-Q Report, File
Nos. 1-8962 and 1-4473

5/2/2014

10.10.1 Pinnacle West Asset Purchase and Power Exchange
Agreement dated September 21
1990 between APS and Pacif iCorp
as amended as of  October l l .  1990
and as of July 18, 1991

10.1 to APS's June 30, 1991
Form 10-Q Report, File No. 1-4473

8/8/1991

10 . 10 . 2 Pinnacle West Long-Term Power Transaction
Agreement dated September 21
1990 between APS and PacifiCorp
as amended as of October ll. 1990
and as of]uly 8, 1991

10.2 to APS's June 30. 1991
Form 10-Q Report, File No. 1-4473

8/8/1991

l 0 . 1 0 . 2 a Pinnacle West Amendment No.  1 dated Apri l  5
1995 to the Long-Term Power
Transaction Agreement and Asset
Purchase and Power Exchange
Agreement between Pacif iCorp and

10.3 to APS's 1995 Form 10-K
Report, File No. 1-4473

3/29/1996

10 . 10 . 3 Pinnacle West Restated Transmission Agreement
between PacifiCorp and APS dated
April 5, 1995

10.4 to APS's 1995 Form 10-K
Report, File No. 1-4473

3/29/1996



Exhibit
No

10.10.4

Registrant(s)

Pinnac le W est

Description

Contract among PacifiCorp, APS and
DOE Western Area Power
Administration. Salt Lake Area
Integrated Projects for Firm
Transmission Service dated May 5

Previously Filed as Exhibit

1 0 . 5  t o  A P S ' s  1 9 9 5  F o n t  1 0 - K
Repor t ,  F i l e  No.  1 -4473

Date Filed

3 /29 /1996

10.10.5 Pinnacle West Reciprocal Transmission Service
Agreement between APS and
PacifiCorp dated as of March 2

10.6 to APS's 1995 Form 10-K
Report, File No. 1-4473

3/29/1996

10.11.1 Pinnacle West Five-Year Credit Agreement dated as
of May 9, 2014, among APS, as
Borrower, Barclays Bank PLC, as
Agent and IssuingBank, and the
lenders and other parties thereto

10.3 to Pinnacle West/APS June 30
2014 Form 10-Q Report, File Nos
1-8962 and 1-4473

7/31/2014

10.11.2 Pinnacle West Tenn Loan Agreement dated as of
December 31, 2014 among Pinnacle
West, as Borrower, JPMorgan Chase
Bank, N.A., as Agent, U.S. Bank
Association, as Syndication Agent
TD Bank. N.A.. The Bank of Nova
Scotia and The Bank of Tokyo
Mitsubishi UFJ. Ltd.. as Co
Documentation Agents, and such
institutions compromising the
lenders party thereto

10.11.2 to Pinnacle West/APS 2014
Form 10-K Report, File Nos. 1-8962
and 1-4473

2/20/2015

10.11.3 Pinnacle West Five-Year Credit Agreement, dated
as of May 9, 2014, among Pinnacle
West, as Borrower, Barclays Bank
PLC, as Agent and Issuing Bank, and
the lenders and other parties thereto

10.4 to Pinnacle West/APS June 30
2014 Form 10-Q Report, File Nos
1-8962 and 1-4473

7/31/2014

10.11.4 Pinnacle West Reimbursement Agreement among
APS, the Banks party thereto, and
JPMorgan Chase Bank, N.A., as
Administrative Agent and Issuing
Bank, dated as of April 16, 2010

10.2 to Pinnacle West/APS
March 31, 2010 Form 10-Q R€pollt
File Nos. 1-8962 and 1-4473

5/6/2010

10.11.4a Pinnacle West Amendment No. l to the
Reimbursement Agreement among
APS, the Banks party thereto, and
JPMorgan Chase Bank, N.A., as
Administrative Agent and Issuing
Bank. dated December 22. 2011

10.11.5a to Pinnacle West/APS 201 l
Font 10-K Report, File Nos. 1-8962
and 1-4473

2/24/2012

10.11.5 Pinnacle West Reimbursement Agreement among
APS, the Banks party thereto, and
JPMorgan Chase Bank, N.A., as
Administrative Agent and Issuing
Bank, dated as of April 16, 2010

10.3 to Pinnacle West/APS
March 31, 2010 Form 10-Q Report
File Nos. 1-8962 and 1-4473

5/6/2010

1 0 . l l . 5 a Pinnacle West Amendment No. 1 to the
Reimbursement Agreement among
APS, the Banks party thereto, and
JPMorgan Chase Bank, N.A., as
Administrative Agent and Issuing
Bank. dated December 22. 20] 1

10.11.6a to Pinnacle West/APS 2011
Form 10-K Report, File Nos. 1-8962
and 1-4473

2/24/2012

10.11.6 Five-Year Credit Agreement dated a
of September 2, 2015 among APS, a
Borrower, Barclays Bank PLC, as
Agent and Issuing Bank, and the
lenders and other parties thereto

s
s

10.1 to Pinnacle West/APS
September 30, 2015 Form 10-Q
Report, FileNos. 1-8962 and1-4473

10/30/2015



Exhibit
No Registrant(s) Date Filed

7 / 3 0 / 2 0 1 510.11.7

Description

Term Loan  Agreement  d at ed  as  o f
Jun e  26 ,  2015  amo n g  AP S ,  a s
Borrower ,  Toronto  Domin ion  (Texas )
LLC,  as  Agen t ,  C i t i b ank,  N.A. ,  as
Synd i cat i on  Agent ,  and  such
inst i tut ions compromis ing  the
lenders party  thereto

Previously Filed as Exhibit

1 0 . 1  t o  P i n n a c l e W est / A PS Ju n e 3 0
2 0 1 5  F o r m  1 0 - Q  R e p o r t , F i l e N o s
1 - 8 9 6 2  a n d  1 - 4 4 7 3

10 .12 . 1 P innac l e  West F a c i l i t y  L e a s e , dated  as o f  August 1 ,
1 9 8 6 . b e t w e e n  U . S . B a n k  N a t i o n a l
A s s o c i a t i o n . successor t o  S t a t e  S t ree t
B a n k  a n d  T r u s t C o m p a n y , as
s u c c e s s o r  t o  T h e  F i r s t  N a t i o n a l B a n k
o f  B o s t o n ,  i n  i t s  c a p a c i t y  a s  O w n e r
T rus t ee .  as Lessor .  and  APS.  as
L essee

4 . 3  t o  A P S ' s  F o r m  1 8  R e g i s t r a t i o n
S t a t e m e n t .  F i l e  N o .  3 3 - 9 4 8 0

10/24/1986

1 0 . 1 2 . 1 5 Pinnacle  West Amendment No. 1.  dat ed  as  of
November  1 ,  1986,  t o  Fac i l i t y Lease,
dated  as of August 1,  1986,  be t ween
U.S.  Bank Nat ional Association
successor to  State  St ree t Bank an d
Trus t  Company ,  as successor t o  The
F i rs t  Nat ional Bank of Boston. in its
capacity as  Owner  Trust ee ,  as
Lessor.  and APS. as Lessee

10 .5  t o  AP S ' s  S e p t e mbe r  30 ,  1986
Form 10-Q  Repor t  by  means  o f
Amendment  No.  1 on  December  3
1986 Form 8.  F i l e  No .  1-4473

12/4/1986

10 . 12 . 1b Pinnacle West A m e n d m e n t N o .  2  d a t e d  a s  o f
J u n e  1 ,  1 9 8 7  t o  F a c i l i t y  L e a s e  d a t e d
a s  o f  A u g u s t  1 ,  1 9 8 6  b e t w e e n  U . S
B a n k  N a t i o n a l  A s s o c i a t i o n
successor  to  State Street Bank and
Trust Company,  as successor t o  T h e
F i r s t  N a t i o n a l  B a n k  o f  B o s t o n .  a s
Lessor .  and  APS.  as Lessee

10 .3  t o  AP S ' s  1988  F o rm 10-K
Report ,  F i l e  No.  1-4473

3 / 8 / 1 9 8 9

l 0 . 1 2 . 1 c P i nnac l e West Amendment No. 3.  dated as of
March 17,  1993,  to Facil ity Lease,
dated as  o f  Augus t  1 ,  1986, between
U.S. Bank National Association
successor  to  S t at e  S t ree t  Bank and
Trust  Company ,  as  successor  to  The
F i rs t  Nat ional  Bank of Boston. as
Lessor. and AP S .  a s  L e s s e e

10 .3  t o  AP S ' s  1992  F o rm 10-K
Report ,  F i l e  No.  1-4473

3 / 3 0 / 1 9 9 3

l0.12.ld Pinnacle West A m e n d m e n t No.  4_ dated  as o f
Sep temb er  30 ,  2015,  to  F aci l i ty
L ease , d a t e d  a s  o f  A u g u s t  1 ,  1 9 8 6
b e t w e e n  U . S . B a n k  N a t i o n a l
Association.  successor  to  State Street
B a n k  a n d  T r u s t  C o m p a n y ,  a s
s uc c es s o r  t o  T he  F i r s t N a t i o n a l  B a n k
of  Boston .  as Owner  T rustee under a
T r u s t  A g r e e m e n t  w i t h  E m e r s o n
F in an ce L L C .  as  L esso r .  an d  A PS.  as
L essee

10.2 to  P innac l e  West/APS
Sep t embe r  30 ,  2015 F orm I 0-Q
Repor t ,  F i l e  Nos .  1-8962 and  1-4473

10/30/2015



Exhibit
No Registrant(s)

Pinnacle West

Date Filed

10/30/201510.12.16

Description

Amendment No. 3. dated as of
September 30, 2015, to Facil ity
Lease, dated as of August 1, 1986
between U.S. Bank Nat ional
Association. successor to State Street
Bank and Trust Company, as
successor to The First National Bank
of Boston. as Owner Trustee under a
Trust  Agreement with Securi ty
Pacif ic  Capital  Leasing Corporat ion
as Lessor. and APS. as Lessee

Previously Filed as Exhibit

10.3 to Pinnacle West/APS
September 30, 2015 Form 10-Q
Report,  Fi le Nos. 1-8962 and 1-4473

10.12.2 Pinnacle West Facility Lease, dated as of
December 15. 1986. between U.S
Bank Nat ional Associat ion
successor to State Street Bank and
Trust Company, as successor to The
First Nat ional Bank of Boston. in i ts
capacity as Owner Trustee, as
Lessor. and APS. as Lessee

10.1 to APS's November 18. 1986
Form 8-K Report, File No. 1-4473

1/20/1987

10.12.2a Pinnacle West Amendment No. 1. dated as of
August 1, 1987, to Facility Lease
dated as of December 15. 1986
between U.S. Bank National
Association. successor to State Street
Bank and Trust Company, as
successor to The First National Bank
of Boston. as Lessor. and APS. as
Lessee

4.13 to APS's Fonn 18 Registration
Statement No. 33-9480 by means of
August 1, 1987 Font 8-K Report
File No. 1-4473

8/24/1987

10.12.2b Pinnacle West Amendment No. 2. dated as of
March 17, 1993, to Facility Lease,
dated as of December 15. 1986
between U.S. Bank National
Association. successor to State Street
Bank and Trust Company, as
successor to The First National Bank
of Boston. as Lessor. and APS. as
Lessee

10.4 to APS's 1992 Form 10-K
Report, File No. 1-4473

3/30/1993

10.12.20 Pinnacle West Amendment No. 3, dated July 10
2014, to Facility Lease, dated as of
December 15. 1986. between U.S
Bank National Association
successor to State Street Bank and
Trust Company, as successor to the
First National Bank of Boston. as
Lessor. and APS. as Lessee

10.2 to Pinnacle West/APS June 30
2014 Form 10-Q Report, File Nos
1-8962 and 1-4473

7/31/2014

10.13.1 Pinnacle West Agreement between Pinnacle West
Energy Corporat ion and APS for
Transportat ion and Treatment of
Eff luent by and between Pinnacle
West Energy Corporat ion and APS
dated as of the 10m day of April

10.102 to Pinnacle West/APS 2004
Form 10-K Report, File Nos. 1-8962
and 1-4473

3/16/2005

10.13.2 Pinnacle West Agreement for the Transfer and Use
of Wastewater and Eff luent by and
between APS. SRP and PWE dated
June 1. 2001

10.103 to Pinnacle West/APS 2004
Form 10-K Report, File Nos. 1-8962
and 1-4473

3/16/2005



Exhibit
No

10.13.3

Registrant(s)

Pinnacle West
Description

Agreement for the Sale and Purchase
of Wastewater Effluent dated
November 13, 2000, by and between
the City of Tolleson, Arizona, APS
and SRP

Previously Filed as Exhibit

10.104 to Pinnacle West/Aps 2004
Font 10-K Report, File Nos. 1-8962
and 1-4473

Date Filed

3/16/2005

10.13.4 Pinnacle West Operating Agreement for the Co
Ownership of Wastewater Effluent
dated November 16, 2000 by and
between APS and SRP

10.105 to Pinnacle West/APS 2004
Form 10-K Report, File Nos. 1-8962
and 1-4473

3/16/2005

10.13.5 Pinnacle West Municipal Effluent Purchase and
Sale Agreement dated April 29
2010, by and between City of
Phoenix, City of Mesa, City of
Tempe, City of Scottsdale, City of
Glendale. APS and SRP

10.1 to Pinnacle West/APS
March 3 l, 2010 Form 10-Q Report
File Nos. 1-8962 and 1-4473

5/6/2010

10.14.1 Pinnacle West Contract, dated July 21, 1984, with
DOE providing for the disposal of
nuclear fuel and/or high-level
radioactive waste. ANPP

10.31 to Pinnacle West's Form S-14
Registration Statement, File
No. 2-96386

3/13/1985

10.15.1 Pinnacle West Territorial Agreement between APS
and SRP

10.1 to APS's March 31, 1998
Form 10-Q Report, File No. 1-4473

5/15/1998

10.15.2 Pinnacle West Power Coordination Agreement
between APS and SRP

10.2 to APS's March 31. 1998
Form 10-Q Report, File NG. 1-4473

5/15/1998

10.15.3 Pinnacle West Memorandum of Agreement between
APS and SRP

10.3 to APS's March 31, 1998
Form 10-Q Report, File No. 1-4473

5/15/1998

10.15.3a Pinnacle West Addendum to Memorandum of
Agreement between APS and SRP
dated as of May 19, 1998

10.2 to APS's May 19, 1998 Form 8-
K Report, File No. 1-4473

6/26/1998

Pinnacle West Purchase and Sale Agreement dated
November 8,  2010 by and between
SCE and APS

10.1 to Pinnacle West/APS
November 8, 2010 Form 8-K Report
File Nos. 1-8962 and 1-4473

11/8/2010

Pinnacle West Proposed Sett lement Agreement
dated January 6, 2012 by and among
APS and certain parties to its retail
rate case (approved by ACC Order
No. 73183 )

10.17 to Pinnacle West/APS 2011
Form 10-K Report, File Nos. 1-8962
and 1-4473

2/24/2012

Pinnacle West Ratio of  Eamings to Fixed Charges

Rat io of  Eamings to Fixed Charges

Pinnacle West Ratio of Earnings to Combined
Fixed Charges and Preferred Stock
Dividend Requirements

Pinnacle West

Pinnacle West

Subsidiaries of Pinnacle West

Consent of Deloitte & Touchy LLP

Consent of Deloitte & Touche LLP

Pinnacle West Certificate of Donald E. Brandt
Chief Executive Officer, pursuant to
Rule 13a-14(a) and Rule 15d-14
(a) of the Securities Exchange Act
as amended



Exhibit
No.

31 .2

Registrant(s)

Pinnacle West

Description
Certif icate of James R. Hatf ield
Chief Financial Off icer,  pursuant to
Rule 13a-14(a) and Rule 15d-14
(a) of the Securit ies Exchange Act
as amended

Previously Filed as Exhibit Date Filed

31.3 Cert i f icate of  Donald E. Brandt
Chief Execut ive Off icer,  pursuant to
Rule 13a-14(a) and Rule 15d-14
(a) of the Securit ies Exchange Act
as amended

31.4 Certificate of James R. Hatfield
Chief Financial Officer, pursuant to
Rule 13a-l4(a) and Rule l5d-l4
(a) of the Securities Exchange Act
as amended

32.1° Pinnacle West Cert i f icat ion of  Chief  Execut ive
Off icer and Chief  Financial  Of f icer
pursuant to 18 U.S.C. Section 1350
as adopted pursuant to Section 906
of the Sarbanes-Oxley Act of 2002

32.2= Cert i f icat ion of  Chief  Execut ive
Off icer and Chief  Financial  Of f icer
pursuant to 18 U.S.C. Section 1350
as adopted pursuant to Section 906
of the Sarbanes-Oxley Act of 2002

99.1 Pinnacle West Collateral Trust Indenture among
PVNGS II Funding Corp., Inc., APS
and Chemical Bank. as Trustee

4.2 to APS's 1992 Form I0-K
Report, File No. 1-4473

3/30/1993

99.1a Pinnacle West Supplemental Indenture to Collateral
Trust Indenture among PVNGS II
Funding Corp., Inc., APS and
Chemical Bank. as Trustee

4_3 to APS's 1992 Form 10-K
Report, File No. 1-4473

3/30/1993

99.2° Pinnacle West Participation Agreement, dated as of
August 1, 1986, among PVNGS
Funding Corp., Inc., Bank of
America National Trust and Savings
Association. State Street Bank and
Trust Company, as successor to The
First National Bank of Boston. in its
individual capacity and as ()weer
Trustee. Chemical Bank. in its
individual capacity and as Indenture
Trustee, APS, and the Equity
Participant named therein

28.1 to APS's September 30, 1992
Form 10-Q Report, File No. 1-4473

11/9/1992

99.2a6 Pinnacle West Amendment No. 1 dated as of
November 1,  1986, to Part ic ipat ion
Agreement, dated as of August 1
1986,  among P V N G S Funding
Corp.,  Inc. ,  Bank of  America
National Trust and Savings
Association. State Street Bank and
Trust Company, as successor to The
First  Nat ional Bank of Boston. in i ts
indiv idual capacity and as Owner
Trustee. Chemical Bank. in its
individual capacity and as Indenture
Trustee, APS, and the Equity
Part ic ipant named therein

10.8 to APS's September 30, 1986
Form 10-Q Report by means of
Amendment No. 1. on December 3
1986 Form 8. File No. 1-4473

12/4/1986
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Exhibit
No Registrant(s)

Pinnacle West
Description

Amendment  No.  2.  dat ed  as  of
March  17,  1993,  to  Par t i c ipat ion
Agreement ,  dat ed  as  of  August  1
1986 ,  amo n g P V N G S F und i ng
Corp. ,  Inc . , P V N G S II  Funding
Corp . ,  Inc . ,  S t ate  S t ree t  Bank and
Trust  Company ,  as  successor  to  The
Fi rst  Nat ional  Bank of  Boston.  in  i t s
i nd i vidual  c apac i t y  and  as  Owner
Trust ee .  Chemical  Bank.  i n  i t s
ind ividual  capac i t y  and  as  Indenture
Trustee ,  APS,  and  the  Equi t y
Part i c ipant  named  there in

Previously Filed as Exhibit

2 8 . 4  t o  A P S ' s  1 9 9 2  F o r m  1 0 - K
R e p o r t ,  F i l e  N o .  1 - 4 4 7 3

Date Filed

3 / 3 0 / 1 9 9 3

Pinnacle West Trust Indenture, Mortgage, Security
Agreement and Assignment of
Facility Lease, dated as of August 1
1986. between State Street Bank and
Trust Company, as successor to The
First National Bank of Boston. as
Owner Trustee. and Chemical Bank
as Indenture Trustee

4.5 to APS's Form 18 Registration
Statement. File No. 33-9480

10/24/1986

Pinnacle West Supplemental Indenture No. 1, dated
as of November 1. 1986 to Trust
Indenture, Mortgage, Security
Agreement and Assignment of
Facility Lease, dated as of August l
1986. between State Street Bank and
Trust Company, as successor to The
First National Bank of Boston_ as
Owner Trustee. and Chemical Bank
as Indenture Trustee

10.6 to APS's September 30, 1986
Form 10-Q Report by means of
Amendment No. 1 on December 3
1986 Form 8. File No. 1-4473

12/4/1986

Pinnacle West Supplemental Indenture No. 2 to
TrustIndenture,Mortgage, Security
Agreement and Assignment of
Facility Lease, dated as of August l
1986. between State StreetBank and
Trust Company, as successor to The
First National Bank of Boston. as
Owner Trustee. and Chemical Bank
as Lease Indenture Trustee

4.4 to APS's 1992 Form 10-K
Report, File No. 1-4473

3/30/1993

Pinnacle West Assignment, Assumption and Further
Agreement, dated as of August 1
1986. between APS and State Street
Bank and Trust Company, as
successor to The First National Bank
of Boston. as Owner Trustee

28.3 to APS's Form 18 Registration
Statement. File No. 33-9480

10/24/1986

Pinnacle West Amendment No. l. dated as of
November 1, 1986, to Assignment
Assumption and Further Agreement,
dated as of August 1, 1986, between
APS and State Street Bank and Trust
Company, as successor to The First
National Bank of Boston. as Owner
Trustee

10.10 to APS's September 30, 1986
Form 10-Q Report by means of
Amendment No. l on December 3
1986 Form 8, File No. 1-4473

12/4/1986



Exhibit
No.

99.4b'

Registrant(s)

Pinnacle West
APS

Description

Amendment No. 2, dated as of
March 17, 1993, to Assignment,
Assumption and Further Agreement,
dated as of August 1, 1986, between
APS and State Street Bank and Trust
Company, as successor to The First
National Bank of  Boston, as Owner
Trustee

Previously Filed as Exhibit: a

28.6 to APS's 1992 Form 10-K
Report, File No. 1-4473

Date Filed

3/30/1993

99.5 Pinnacle West
APS

28.2 to APS's September 30, 1992
Form 10-Q Report, File No. 1-4473

l 1/9/1992

/

Part ic ipation Agreement, dated as of
December 15,  1986,  among PVNGS
Funding Report Corp., Inc.,  State
Street Bank and Trust Company, as
successor to The First National Bank
of Boston, in i ts individual capacity
and as Owner Trustee, Chemical
Bank, in i ts individual capacity and
as Indenture Trustee under a Trust
Indenture, APS, and the Owner
Part ic ipant named therein

99.5a Pinnacle West
APS

Amendment No. 1, dated as of
August 1, 1987, to Participation
Agreement, dated as of
December 15, 1986, among PVNGS
Funding Corp., Inc. as Funding
Corporation, State Street Bank and
Trust Company, as successor to The
First National Bank of Boston, as
Owner Trustee, Chemical Bank, as
Indenture Trustee, APS, and the
Owner Participant named therein

28.20 to APS's Form 18 Registrat ion
Statement No. 33-9480 by means of
a November 6, 1986 Font  8 -K
Report ,  Fi le No. 1-4473

8/10/1987

99.5b Pinnacle West
APS

Amendment No. 2, dated as of
March 17, 1993, to Participation
Agreement, dated as of
December 15, 1986, among PVNGS
Funding Corp., Inc., PVNGS II
Funding Corp., Inc., State Street
Bank and Trust Company, as
successor to The First National Bank
of Boston, in its individual capacity
and as Owner Trustee, Chemical
Bank, in its individual capacity and
as Indenture Trustee, APS, and the
Owner Participant named therein

28.5 to APS's 1992 Form 10-K
Report, File No. 1-4473

3/30/1993

99.6 Pinnacle West
APS

Trust Indenture, Mortgage Security
Agreement and Assignment of
Facility Lease, dated as of
December 15, 1986, between State
Street Bank and Trust Company, as
successor to The First National Bank
of Boston, as Owner Trustee, and
Chemical Bank, as Indenture Trustee

10.2 to APS's November 18, 1986
Form 10-K Report, File No. 1-4473

1/20/1987

99.6a Pinnacle West
APS

Supplemental Indenture No. 1, dated
as of August 1, 1987, to Trust
Indenture,  Mortgage, Securi ty
Agreement and Assignment of
Facil ity Lease, dated as of
December 15, 1986, between State
Street Bank and Trust Company, as
successor to The First National Bank
of Boston, as Owner Trustee, and
Chemical Bank, as Indenture Trustee

4.13 to APS's Form 18 Registration
Statement No. 33-9480 by means of
August 1, 1987 Form 8-K Report,
File No. 1-4473

8/24/1987
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Exhibit
No.

99.6b

Registrant(s)

P innac l e  West
A P S

Description

Supplemental  Indenture  No. 2 to
Trust  Indenture  Mortgage ,  Secur i t y
Agreement  and  Ass i gnment  o f
Fac i l i t y  Lease ,  d at ed  as  o f
December  15 ,  1986,  be t ween  S t a t e
S t ree t  Bank and  Trus t  Company ,  as
successor  to  The  F i rs t  Nat ional  Bank
of  Boston ,  as  Owner  Trustee ,  and
Chemica l  Bank,  as  Lease  Ind en ture
Trus t ee

Previously Filed as Exhibit: .

4 . 5  t o  A P S ' s  1 9 9 2  F o r m  1 0 - K
R ep o r t ,  F i l e  N o .  1 -4473

Date Filed

3 / 3 0 / 1 9 9 3

9 9 . 7 Pinnacle West
APS

Ass i gnment ,  Assumpt ion  and  Fur the r
Agreement ,  d at ed  as  o f
De c e mb e r  15 ,  1986 ,  b e t we e n  AP S
and  S tat e  S t ree t  Bank and  Trust
Company ,  as  successor  to  The  F i rs t
Nat ional  Bank of  Boston ,  as  Owner
Trus t ee

10 .5  t o  AP S ' s  No ve mb e r  18 ,  1986
Form 8-K Repor t ,  F i l e  No .  1-4473

1/20/1987

9 9 . 7 a Pinnacle West
A P S

Amendment  No.  1,  dat ed  as  of
M arch  17 ,  1993,  t o  Ass i gnment ,
Assumpt ion  and  Fur ther  Agreement ,
d at ed  as  o f  December  15,  1986,
be tween  APS  and  S t at e  S t ree t  Bank
and  Trus t  Company ,  as  successor  to
The  F i rs t  Nat ional  Bank of  Boston ,
as  Owner  Trus t ee

28 .7  t o  AP S ' s  1992  F o ml  10-K
Report ,  F i l e  No.  1-4473

3 / 3 0 / 1 9 9 3

99.8° Pinnacle West
APS

Indemni t y  Agreement  dat ed  as  o f
M ar c h  17 ,  1993  b y  AP S

28 .3  t o  AP S ' s  1992 F o rm 10-K
Report ,  F i l e  No.  1-4473

3 / 3 0 / 1 9 9 3

9 9 . 9 Pinnacle West
A P S

Extens ion Letter, dated  as  of
Augus t  13 ,  1987,  f rom t he
signator ies  of  the  Part i c ipat ion
Agreemen t  t o  Chemi c a l  Bank

28.20 to  AP S ' s  F orm 18 Reg i s t r a t i on
S t at ement  No .  33-9480 by  means  o f
a  November  6 ,  1986 F orm 8-K
Report ,  F i l e  No.  1-4473

8/10/1987

9 9 . 1 0 Pinnacle West
APS

ACC Order,  Decision No .  61969 ,
dated September 29 ,  1999 , including
the  Retai l  E lec t r i c  Compet i t ion  Rules

1 0 . 2  t o  A P S ' s  S e p t e m b e r  3 0 ,  1 9 9 9
F o r m  1 0 - Q  R e p o r t ,  F i l e  N o .  1 - 4 4 7 3

11/15/1999

99 .11 Pinnacle West P urchase  Agreement  by  and  among
P innac l e  West  Energy  Corporat ion
and  Ger  West , L.L.C. an d  Ne vad a
P ower  Company ,  d at ed  June  21 ,
2 0 0 5

99.5 to Pinnacle West/APS June 30,
2005 Form 10-Q Report, Fi l e  Nos .
1 -8962  an d  1 -4473

8 / 9 / 2 0 0 5

101 . I NS Pinnacle West
APS

X B R L  I n s t a n c e  D o c u m e n t

1 0 1 . S C H Pinnacle West
APS

XBRL Taxonomy E xt ens i on  Schema
Doc ume n t

1 0 1 . C A L Pinnacle West
APS

XBRL Taxonomy Extens ion
Cal cu l a t i on Linkbase Document

10l.LAB Pinnacle West
A P S

X BR L Taxonomy  Ext ens ion  Labe l
Linkbase Document

1 0 l . p R E Pinnacle West
A P S

XBRL Taxonomy Extens ion
Present at ion  L inkbase Document

101 .DE F Pi n n acl e  W est
A P S

XBR L Taxonomy  De f i n i t i on
L i nkbase  Doc ume n t

Reports filed under File No. 1-4473 and 1-8962 were filed in the office of the Securities and Exchange
Commission located in Washington, D.C.
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Management contract or compensatory plan or arrangement to be filed as an exhibit pursuant to Item
15(b) ofFonn 10-K.

¢An additional document, substantially identical in all material respects to this Exhibit, has been entered
into, relating to an additional Equity Participant. Although such additional document may differ in other
respects (such as dollar amounts, percentages, tax indemnity matters, and dates of execution), there are no
material details in which such document differs from this Exhibit.

Additional agreements, substantially identical in all material respects to this Exhibit have been entered
into with additional persons. Although such additional documents may differ in other respects (such as dollar
amounts and dates of execution), there are no material details in which such agreements differ from this
Exhibit.

¢Fumished herewith as an Exhibit.
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SIGNATURES

Pursuant to the requirements of Section 13 or l5(d) of the Securities Exchange Act of 1934, the
Registrant has duly caused this report to be signed on its behalf by the undersigned, thereunto duly authorized

PINNACLE WEST CAPITAL CORPORATION

(Registrant)

Date: February 19, 2016 /s/ Donald E. Brandt

(Donald E. Brandt, Chairman of
the Board of Directors,President and

Chief Executive Officer)

Power of Attorney

We, the undersigned directors and executive officers of Pinnacle West Capital Corporation, hereby
severally appoint James R. Hatfield and David P. Falck, and each of them, our true and lawful attorneys with
full power to them and each of them to sign for us, and in our names in the capacities indicated below, any and
all amendments to this Annual Report on Form 10-K filed with the Securities and Exchange Commission

Pursuant to the requirements of the Securities Exchange Act of 1934, this report has been signed below

by the following persons on behalf of the registrant and in the capacities and on the dates indicated

Signature Title

/s/ Donald E. Brandt

(DonaldE. Brandt,Chairman

of the Board of Directors, President

and Chief Executive Officer)

Principal Executive Officer

and Director

February 19, 2016

/s/ James R. Hatfield

(James R. Hatfield

Executive Vice President and

Chief Financial Officer)

Principal Financial Officer February 19, 2016

/s/ Denise R. Danner

(Denise R. Danner

Vice President. Controller and

Chief Accounting Officer)

Principal Accounting Officer February 19, 2016



/s/ Denis A. Cortese

(Denis A. Cortese, M.D.)
Director February 19, 2016

/s/ Richard P. Fox

(Richard P. Fox)
Director February 19, 2016

/s/ Michael L. Gallagher

(Michael L. Gallagher)
Director February 19, 2016

/s/ Roy A. Herberger, Jr.

(Roy A. Herberger, Jr., Ph.D.)
Director February 19, 2016

/s/ Dale E. Klein

(Dale E. Klein, Ph.D.)
Director February 19, 2016

/s/ Humberto S. Lopez

(Humberto S. Lopez)
Director February 19, 2016

/s/ Kathryn L. Munro

(Kathryn L. Munro)
Director February 19, 2016

/s/ Bruce J. Nordstrom

(Bruce J. Nordstrom)
Director February 19, 2016

/s/ David P. Wakener

(David P. Wagerer)
Director February 19, 2016
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SIGNATURES

Pursuant to the requirements of Section 13 or 15(d) of the Securities Exchange Act of 1934, the
Registrant has duly caused this report to be signed on its behalf by the undersigned, thereunto duly authorized

ARIZONA PUBLIC SERVICE COMPANY

(Registrant)

Date: February 19, 2016 /s/ DonaldE. Brandt

(Donald E. Brandt, Chairman of
the Board of Directors, Presidentand Chief

Executive Officer)

Power of Attorney

We, the undersigned directors and executive officers of Arizona Public Service Company, hereby
severally appoint James R. Hatfield and David P. Falck, and each of them, our true and lawful attorneys with
full power to them and each of them to sign for us, and in our names in the capacities indicated below, any and
all amendments to this Annual Report on Form 10-K filed with the Securities and Exchange Commission

Pursuant to the requirements of the Securities Exchange Act of 1934, this report has been signed below

by the following persons on behalf of the registrant and in the capacities and on the dates indicated

Signature Title

/s/ Donald E. Brandt

(Donald E. Brandt, Chairman

of the Board of Directors, President and

Chief Executive Officer)

Principal Executive Officer

and Director

February 19, 2016

/s/ James R. Hatfield

(James R. Hatfield

Executive Vice President and

Chief Financial Officer)

Principal Financial Officer February 19, 2016

/s/ Denise R. Danner

(Denise R. Danner

Vice President. Controller and

Chief Accounting Officer)

Principal Accounting Officer February 19, 2016



/s/ Denis A. Cortese

(Denis A. Cortese, M.D.)
Director February 19, 2016

/s/ RichardP. Fox

(Richard P. Fox)
Director February 19, 2016

/s/ Michael L. Gallagher

Michael L. Gallagher)
Director February 19, 2016

/s/ Roy A. Herberger, Jr.

(Roy A. Herberger, Jr., Ph.D.)
Director February 19, 2016

/s/ Dale E. Klein

(Dale E. Klein, Ph.D.)
Director February 19, 2016

/s/ Humberto S. Lopez

(Humberto S. Lopez)
Director February 19, 2016

/s/ Kathryn L. Munro

(Kathryn L. Munro)
Director February 19, 2016

/s/ Bruce J. Nordstrom

(Bruce J. Nordstrom)
Director February 19, 2016

/s/ David P. Wagerer

(David P. Wakener)
Director February 19, 2016
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INTRODUCTION

3 Q. Please state your name and business address

My name is Dallas J. Dukes and my business address is 88 East Broadway Blvd., Tucson

Arizona 85701

7 Q. By whom are you employed and what are your duties and responsibilities

I am the Senior Director of Pricing and Economic Forecasting for Tucson Electric Power

Company ("'1`EP"). I  am responsible tor moni toring and determining revenue

requirements, customer pricing and rates structures for all the regulated subsidiaries of

UNS Energy Corporation ("UNS Energy"), including UNS Electric, Inc. ("UNS Electric

or the "Company")

Please describe your background and work experience

I hold a Bachelors of Science degree with a concentration in Accounting from Indiana

University and a Masters in Business Administration from Anderson University. I am

also a Certified Public Accountant. I have 25 years of experience within the utility

industry. Before assuming my current position, I was employed as the Director of

Accounting for TEP

Prior to working for TEP, I was employed by Citizens Gas & Coke Utility ("Citizens

Gas"), for approximately f ive years. Citizens Gas serves approximately 265,000

customers in the Indianapolis, Indiana area. The majority of my time at Citizens Gas was

spent as the Controller

Before then, I was the Controller and Director of Regulatory Affairs for Fountaintown

Natural Gas Company, and Southeastern Indiana Natural Gas Company. Prior to that, I



was employed by the Indiana Office of Utility Consumer Counselor ("OUCC") for

approximately seven years. The majority of my time at the OUCC was spent as a

Principal Accountant. My primary duties at the OUCC were to perfOrm professional

investigative audits and to represent the public's interest as an expert witness in

proceedings before the Indiana Utility Regulatory Commission

7 Q- Could you please summarize your Direct Testimony

I discuss the more significant Company proposals to change both residential and small

commercial customer classes' rate structures. These changes include: (1) raising the basic

service charges for residential and small general service customers, (2) eliminating one of

the volumetric rate tiers from standard residential customer rate, (3) creating a new net

metering rider that allows the customer with distributed generation ("DG customer") to

offSet energy consumption with energy production at the retail rate and to sell excess

energy production to UNS Electric at the Renewable Credit Rate, (4) requiring partial

requirements customers (including new net-metering DG customers) to choose from one of

the two proposed three-part rate tariffs applicable for their service requirement. UNS

Electric is making these proposals to better align rate design with cost-causation and to

reduce inter-class inequities. While the Company understands that there are several

cost-based recovery.

foundational rate-design principles, the primary principle remains that rates should reflect

With that in mind, the Company's proposals address the many

including energy efficiency, distributed

generation and demand response that have contributed to Hat or declining energy sales

changes to the utility industry in recent years

Right now, UNS Electric's current rate design for residential and small commercial

customers does not reflect the way costs are incurred to serve the customers within these

classes. The two-part rate structure of a basic service charge and energy charges is

antiquated and does not reflect the modem and burgeoning market for new distributed

2
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1

2

3

energy and demand-management options. The energy (kph) consumption from seasonal

customers and distributed generation customers (for example) is not reflective of the fixed

costs imposed on the utility. Put simply, UNS Electric's ability to recover these fixed costs

is limited.4

5

6

7

other customers under the

8

g

Consequently, these unrecovered fixed costs are shifted to

present rate design. In particular, higher-use customers pay a higher percentage share of

fixed costs despite the fact that the fixed costs to serve similar lower-use customers is the

same. This phenomenon has created the mistaken belief that a customer using less energy

instead of simply a lower utilization of10

11

12

13

14

15

16

reduces the utility's cost to serve that customer ,--

fixed assets that must remain ready to serve that customer.

17

18

19

20

21

22

23

24

25

26

27

I further detail how UNS Electric is proposing a three-part rate design that adds a demand

charge to the basic service charge and the energy charge. Specifically, the demand charges

would recover fixed costs allocated to the customer's class based on the amount of the

system they use and when they use it. This rate structure would more accurately reflect the

cost of providing service while maintaining consistency with the Company's rate design

objectives. I list the precedent for three-part rate designs to residential customers. I also

explain that such a design (all of its three components) will provide proper price signals so

that customers can make informed choices about energy usage. In my testimony, I detail

the specifics of the Company's proposed three-part rate proposals for residential (RES-0 l

Demand and RES~01 Demand 'l`OU) and small commercial (SGS-10 Demand and SGS-l0

Demand TOU) customers. I also provide the rate impacts using several average energy

(kph) usages. Ultimately, I explain how the three-part rate rewards customers who

improve their load factor consistent with more efficient use of the electric utility system

and how it is not the case that residential customers with very low usage will necessarily

benefit less from such a structure.

3
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I Illll 1_1



|_ I
r

Even so, the Company is not proposing to move all residential and small-commercial

customers to a three-part rate structure in this case. With regards to the two-part rate

structure, UNS Electric proposes to increase the basic service charge to a level much closer

to the appropriate minimum system-cost level. The Company also seeks to remove one of

the rate tiers from the standard residential rate (RES-01). Specifically, UNS Electric seeks

to increase the Basic Service Charge to $20.00 per month for tariff RES-01, Residential

Service .- while having only two tiers in the volumetric Delivery Services-Energy charges

(0-400 kph and usage over 400 kph). The Company's proposals here will begin the

move toward a more balanced rate structure that addresses the issues I have highlighted

above.

Regarding the Company's proposal for the adoption of a new net-metering rider, that rider

will only apply to net metering DG customers that submit a completed application br

interconnection to UNS Electric's grid facilities after June 1, 20] 5. Existing net-metering

DG customers and those with interconnection applications submitted before June 2015

(and ultimately approved) will stay on the current rider for up to 20 years from the date of

approval. New net metering DG customers, in the meantime, would be compensated for

1,

any excess energy with a bill credit at the Renewable Credit Rate. Further, the Company

will purchase excess energy from the DG customer during the billing cycle (that is,

eliminating the banking option). This is a further step to send more accurate price signals

to net metered customers about their true energy costs. still, DG customers still see a

significant savings on their electric bill, as I show through an example I detail later in my

testimony. In other words, the new net-metering rider reduces, but does not eliminate, the

subsidy provided to applicable DG customers.

_

_9:

I also explain that, since DG customers with net metering are partial requirements

customers, the current two-part rate design options are ill-equipped in accounting for how

4
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these customers use UNS Electric's system. This is because two-part rates are designed to

recover costs based on average consumption levels for full-requirements customers. So, it

is appropriate to require all DG customers to be on a three-part rate schedule. While

further mitigating the cost shift I describe in preceding paragraphs, I show how DG

customers still save on their total electric bill. These customers can also reduce bills

through decreasing billing demand or energy usage

Finally, I discuss the Company's proposal for an Economic Development Rider. Because

UNS Electric service territory has been very slow to recover and because it has lost

several of its largest customers (resulting in fewer sales) this rider together will help put

the UNS Electric service territory in a better competitive position to attract and expand

business load. The EDR will be available to customers with projected peak demand of

1,000 kW or more and a load factor of 75% or higher and for live years from the effective

date -. providing discounts on monthly electric bills according to a declining schedule

Potential participants must meet several criteria to qualify and the discounts will only

apply to the qualifying additional loads from business expansion or retention - with total

program participation limited to 50 MW. I detail the criteria and further describe the

discounts to qualifying customers in the last section of my testimony

's

REQUESTED REVENUE INCREASE

22 Q What is the overall revenue increase being requested by UNS Electric

UNS Electric is requesting a $22.6 million increase to test year adjusted non-fuel revenues

This increase will be offset by a proposed $14.9 million reduction in fuel cost and revenues

due to the acquisition of Gila River, lower power market costs and adjustments to test year

sales. UNS Electric's proposed base rates also will include $4.3 million in transmission

costs currently being recovered through the Transmission Cost Adjustor. In addition, UNS



Electric is proposing a one-year credit to the purchased power and fuel adjustment clause

("PPFAC") to reflect the deterred savings accrued as a result of the Deferred Accounting

Order related to the acquisition of Gila River (estimated at $9.3 million). As a result of

these factors, UNS Electric's request would decrease revenue by approximately $5.8

million, or 3.6%, in the first year after new rates take effect. In year two, after the deferred

savings are fully credited, the Company's revenue would rise to a level that represents an

increase of approximately $3.5 million, or 2.1%, over test year adjusted retail revenue



1 III. RATE DESIGN

Overview

5 Q Is UNS Electric proposing changes to its residential, commercial, and industrial

rates?

Yes. I will be discussing the more significant rate changes that UNS Electric is

proposing for the residential and small commercial customer classes. UNS Electric

witness Craig Jones will be discussing other proposed rate design changes

l l Q What are the rate design changes UNS Electric is proposing

To better align rate design with cost-causation and to reduce inter-class inequities, UNS

Electric is proposing the following changes for the residential and small commercial

(small general service) rate classes

Increase the basic service charge to $20 for standard residential customer rates

(Rates RES-01, RES-01 TOU, RES-01 TOU SP)

Increase the basic service charge to $30 for small general service customer rates

(Rates SGS-10, SGS-10 TOU)

Eliminate one of the volumetric rate tiers from standard residential customer

rates (Rates RES-01)

Offer two three-part rate structure options to all customers meeting the

applicability requirements for the residential and small general service rate

classes

Freeze and grandfather the current Rider-4 (Net Metering for Certain Partial

Requirement Services (NM-PRS)), Pre June l, 2015. Rider-4 will have a

proposed expiration date of May 31, 2035



Create a new Rider-10 (NM-PRS), Post June 1, 2015, that discontinues the

banking of kilowatt-hours ("kwh") but allows a net metered customer to: (i)

continue to offset energy consumption with energy production at the retail rate

and (ii) sell excess energy production to UNS Electric at the Renewable Credit

Rate as described in the testimony of Carmine Tillman

Require partial requirement customers qualifying for the new Rider-10 to

choose from one of the two proposed three-part rate tariffs applicable for their

service requirement

10 Q What are the guidelines or criteria adhered to in evaluating its proposed rate design

modifications?

UNS Electric is generally following the principles outlined over five decades ago by

Professor James C. Bonbright in his work, "Principles of Public Utility Rates," which

was reissued in its second edition in 1988. While Professor Bonbright's "Principles" go

back five decades, they continue to serve as the foundation for reasonable rate design

objectives

18 Q What are those foundational principles

They are as follows

1`he related "practical" attributes of

acceptability, and feasibility of application

Freedom from controversies as to proper interpretation

in yielding total revenue requirement under the fair-retum

simplicity, understandability, public

Effectiveness

standard

Revenue stability from year to year

Stability of the rates themselves, with a minimum of unexpected changes

seriously adverse to existing customers
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1

l Avoidance of "undue discrimination" in rate relationships

2

3

Efficiency of the rate classes and rate blocks in discouraging wasteful use of

service while promoting all justified types and amounts of use

4

5 Q- Is there one principle in rate design that is foundational or primary

6 Yes. The principle of cost-causation, i.e. rates should reflect cost based recovery. The

7

8

further away you get from this fundamental foundation, the closer you get to unduly

burdensome and discriminatory rate structures that allow for both intra- & inter- class

9 subsidization.

10

Q-

12

Have fundamental changes occurred in the utility industry since Bonbright's

principles were formulated?

13 A.

14

15

16

Yes. At the time Bonbright's principles were formulated the utility industry was

typically experiencing steady year-over-year growth in kph sales and expanding its

generation, transmission and distribution systems. In addition, customers had little to no

options for alternative power supplies or the ability to control their demand on the

17 expanding utility systems

18

19 However, today there is a growing market of energy efficiency, distributed generation

20 and demand response options available to our customers. New digital metering

21

22

technology and communication applications also allow today's electrical customers to

monitor how and when they use power and the grid

23

24

25

26

27

These factors have contributed to flat or declining kph sales. Rooftop solar and net

metering have become significant factors, especially in Arizona, including UNS

Electric's service territory. So the discussion of appropriate pricing and incentive

structures has become more complex and necessary as it is a much more important issue

A.

u ll



What do you mean by appropriate pricing structures

To address that. I first need to discuss the cost structure of UNS Electric. The majority of

utility costs are fixed - that is, they do not vary with usage. In the case of UNS Electric

its fixed costs stem from investment in and maintenance of equipment and infrastructure

and the salaries of employees that are needed to provide safe, reliable power regardless of

individual customers' kph consumption

Like any electric utility, UNS Electric must do so to meet the potential maximum demand

of every customer. It would be cost prohibitive and economically unsound to invest in an

electrical system scaled differently to meet the unique and constantly changing demands

of each individual customer

The Company has an obligation to invest in and maintain an infrastructure that is capable

of meeting these maximum potential demands of every customer in its service territory

For that reason, UNS Electric incurs essentially the same costs to serve a residential

customer who uses 10 kilowatts ("kW") for ten hours per month (100 kph) as it does to

serve a neighbor who uses 10 kW for 100 hours per month (1,000 kph). The only

completely avoidable cost is the variable cost related to the energy production, primarily

fuel, purchased power and any O&M costs directly related to energy production or

procurement

22 Q Are UNS Electric's residential & small commercial pricing structures presently

designed appropriately based on the principal of cost causation

No, The Company's current rate design for residential and small commercial customers

does not reflect the way costs are incurred to serve the customers within these classes

For decades, rate designs for these classes have incorporated a very simplistic two parl

rate structure, a basic service charge (customer charge) and energy charges. This was

10
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1

l

2

defensible because these customers typically had relatively similar usage levels and

patters. It also allowed utilities to avoid the higher cost of meters capable of measuring

demand.3

4

5

6

7

8

9

10

12

Historically, basic service charges have been limited to bare minimum levels while

inclining price rate tiers have been added, forcing customers who use more power to pay

an increasingly disproportional share of the fixed costs incurred on behalf of all

customers. Today, though, customers have access to a burgeoning market of distributed

energy resources ("DER") and demand management opportunities. The growing

inequities that result from these new options are exacerbated by utility rates that have

become even more inequitable. Thus, UNS Electric is proposing rate design changes that

are designed to address those inequities.

13

14

15

16

17

18

19

20

21

22

23

24

25

26

27

As I described above, customers' individual kph consumption is not indicative of the

fixed costs they impose on their utility. A few examples to illustrate this point are

summarized below.

Seasonal Customers. Portions of UNS Electricals service territory have many

customers who only live in their homes for just part of the year. Under the

Company's current rates, these customers only pay a portion of the fixed costs

associated with providing safe, reliable service to their homes.

V_aca1 l3omes or businesses. Vacant homes and unoccupied apartments with

little to no consumption generate far less revenue for UNS Electric than is

needed to cover the fixed costs they impose on the Company.

Distributed Generation ("DG") Customers. Customers with DG power systems

still rely on UNS Electric to supply the full potential kW requirements of their

home whenever they need it. These customers also need the local distribution

grid to support the reliable operation of their systems and to accept any excess

11
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2

3

4

5

6

power they generate. While UNS Flectric must provide the infrastructure to

address these needs, it cannot recover the cost of these services from DG system

users under current rates, which rely heavily on energy charges to recover fixed

costs. This inequity is exacerbated by net metering, which allows customers to

"bank" their systems' excess energy for free and exchange it for on-demand

service from their utility.

7

8

9

10

11

The situations described above limit UNS Electric's ability to recover its fixed service

costs. Nearly one out of every four residential (Residential RES-01) bills issued by UNS

Electric during the test year - 205,129 to be precise - reflected usage of 300 kph or less.

Because even a studio apartment with basic appliances and moderate usage would likely

consume at least 400 kph per month. these bills probably were generated by vacant

homes. seasonal customers and DG customers. UNS Electric recovered only $10 to $16

in fixed costs per month from these customers - two to three times less than their fair

share of the fixed costs the Company incurs to provide service on their behalf. Those

fixed costs are described in more detail in the testimony of UNS Electric witness Craig

Jones.

12

13

14

15

16

17

18

19

20

21

22

23

24

25

26

27

In future rate filings those unrecovered costs would be shifted to other customers under

the present volumetric rate design. Another way to look at it is: if each of those bills

would have recovered just the test year average fixed cost recovery for the residential

class of $35, the additional cost recovery would at a minimum have been an additional $4

million. That is more than UNS Eiectric's approved revenue increase in its last rate

decision and more than the net requested rate increase in this proceeding.

12
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A.

Q.

i

residential customers' bills recovered above average amounts of fixed costs, while two-

thirds recovered below average amounts. There is no cost basis for such a disparity and

as such this structure is unduly burdensome and inequitable to the higher consumption

established in the most recent rate decision.

users.

UNS Electric recovered, on average. $35 in I ixcd costs per bi l l  f rom residential

customers during the test year. As shown in the chart below, though, approximately two-

thirds of the bills issued in the last 4 years to residential customers (applying the current

RES-01 rate) did not prov ide f ixed cost recovery equivalent to the class average

the system a customer may require at any point in time.

Does the inclining block rate structure also contribute to these intra-class

Yes. As discussed above, kph consumption doesn't directly correlate with how much of

inequities?

Under/Over Payment of Monthly Fixed Costs per Bill
by Percentile of Usage

1
. W

Nearly 70% of residential bills do not cover
the average fixed costs recovery established
in current base rates.

» I
.

This means that about one-third of
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Because we'vc been billing this way for so long, we've sent improper price signals to our

customers. Customers have been led to believe that if they use less energy during a

particular billing period, their utility's costs are reduced by a comparable amount. But

such reductions simply result in lower utilization of fixed utility assets that must remain

at the ready to power every light, appliance, fan, air conditioner, computer, television and

other equipment their customers might choose to use.

Has UNS Electric experienced a reduction in energy sales and use-per-customer

("UPC") for the residential and small commercial rate classes?

Yes, Since 2007 UNS Electric has seen a decline of 8% in its UPC in just the residential

customer class alone.

What do you believe is driving these reductions?

There are several factors contributing to lower consumption, including: adoption of

more energy efficient building codes and applianceenergy efficiency measures,

standards, increased use of distributed generation; challenging economic conditions, and

other conservation cfibrts by UNS Electric's customers.

Have these sales and UPC reductions resulted in lower costs for customers?

On the whole, they have not. While individual customers have enjoyed lower bills due to

energy efficiency and DG systems, their bill savings have not resulted in equivalent

system demand reductions. The level of investment and maintenance required to meet

customer demand has not been reduced, rather, the burden of paying for it has been

shifted from customers who use less energy to those who use more.

14
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1 Q- Why is it important to distinguish between system savings and individual savings

UNS Electric witnesses Craig Jones and Carmine Til lman wil l prov ide more detail

about the cost drivers associated with the electric distribution system and the relationship

with peak demand. Broadly speaking, though, the distribution system is a network

designed primarily to meet the non-coincidental peak demands of customers. The

transmission and generation systems, by contrast, are designed to meet the coincidental

peaks of the distribution system, with reserves and margins for growth and planning

purposes

When customers reduce their energy consumption through temporary vacancies or

intermittent solar DG systems, their peak demand typically does not change. In the case

of DG customers, it could even grow as a result of oversized generating facilities being

added to maximize energy production, that is further discussed in the testimony of

Carmine Tillman

So while customers enjoy bill savings from their reduced usage, the Company's fixed

system costs for distribution service are not reduced. System savings can be realized in

future years through reductions in the system's coincidental peak demand. So customers

need to be given the proper price signals and incentives through rates to promote those

beneficial changes

22 Q How could residential and small commercial rates be structured to most accurately

reflect the costs of providing electric service?

The closest rate structure from a cost recovery only basis is a straight fixed-variable

("SFV") design. Under this method, the monthly basic service charge recovers all fixed

service costs, while variable charges reflect those costs directly tied to energy usage



Is UNS Electric proposing SFV rates in this proceeding

No. Adoption of strict SFV rates would result in dramatic rate increases for customers at

lower kph consumption levels and not provide adequate price signals to customers to

reduce their impacts on the electrical system. This is not consistent with the Company's

rate design objectives and would violate the utility ratemaking principal of gradualism

Q. What type of rate structure would more accurately reflect the cost of providing

service and also be consistent with the Company's rate design objectives

A three-part rate design consistent with those presently employed for larger customers

would be more appropriate and provide a balance between fixed cost recover, cost

causation and price signals incepting more efficient use of the utility system

How would costs be recovered through the three-part rate design proposed by the

Company in this proceeding

Three-part rates, incorporate the following components

Basic Service Charge .- To recover fixed costs directly attributable to the

customer, including the meter, service line, on-site equipment, meter reading

and equipment, customer support and billing and minimum distribution system

Demand Charges ..- To recover fixed costs allocated to the customer's class

based on the amount of the system they use and when they use it

Energy Charges - To recover variable costs directly attributable to the

customers" energy use

22 Q Do any uti l i ties use three-part rates for residential and small commercial

customers

Yes. At least eight utilities offer three-part rates to residential customers in at least 9

states
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2

3

4

5

1. Alabama Power (Alabama)
Arizona Public Service ("APS") (Arizona)

3. Black Hills (South Dakota, Wyoming)
4. Dominion (Virginia, Norlh Carolina)
5. Duke Energy (North Carolina, South Carolina)
6. Georgia Power (Georgia)
7. Salt River Project(Arizona)
8. Xcel Energy (Colorado)6

7

8

In Arizona, APS' optional residential three-part rate has been in effect since the 1980's

Approximately 10 percent of that conlpany's residential customers use that rate

9

10 0- Why does UNS Electric prefer that all customers use three-part rates?

12

13

14

15

Three-part rates more fairly allocate costs to the customers within a class that "cause

them and provide proper price signals that help customers make informed decisions

regarding their energy and electrical system usage, Three-part rates also reward

customers for better load factors and reductions in peak usage - attributes that lead to

lower system costs, which benefits all customers

The Basic Service Charge should be designed to recover the average unavoidable fixed

costs that utilities incur each month. It should provide customers with a more accurate

price signal that reflects the costs incurred to assure minimum service from the electrical

16

17

18

19

20

21

22

grid to provide safe and reliable service

23
Similarly, the Demand Charge should provide customers with a price signal that

accurately reflects the cost of system resources that must be available to serve their

individual peak load. They then can make proper usage and equipment purchase

24

25

26

27

decisions that would reduce that portion of their bill while producing system benefits

A.

2.

I Illll
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Finally, Energy Charges should reflect costs that are entirely avoidable when energy

consumption is reduced

Proposed Changes to the Standard Two-Part Rates.

6 Q Is UNS Electric requesting that all residential and small commercial customers be

migrated to a three-part rate structure?

Although UNS Electric is proposing a three-part rate structure as an option, it is not

proposing to require all residential and small commercial customers to migrate to a three-

part rate structure. Presently, UNS Electric doesn't have the capability to measure

demand for every customer and is not advocating a forced migration to such a structure at

this time. UNS Electric is requesting to begin moving toward a more balanced rate

structure that would make such a move possible in the future.

15 Q What are reasonable steps that can be taken in this proceeding to begin this

transition?

For the standard residential and small general service rates, we can start by moving the

basic service charge much closer to the appropriate minimum system cost recovery level.

In addition. we can remove one of the rate tiers from the standard residential rate. These

changes will provide for more equitable recovery of fixed cost and reduce intra-class

subsidization. The Company is proposing these changes at a level that it believes will

provide for significant improvement of the rate structures without undue rate shock.

24 Q What changes specifically are you requesting for residential customers?

For tariff RES-01, Residential Service, we are requesting an increase in the Basic Service

Charge to $20.00 per month. The Company is also requesting the elimination of the third

tier in the volumetric Delivery Services-Energy charges. In other words, the RES-01 will

18
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have one tier from 0 .- 400 kph and another for all usage over 400 kph. The respective

charges for the two tiers will be $0.030810 per kph for the first 400 kph and $0.050810

per kph for all remaining kph

Net Metering Rider Modifications

7 Q Is UNS Electric requesting changes to its net-metering tariffs? What changes are

you proposing for customers qualifying for Net Metering

Yes. We are proposing the adoption of Rider-10, Net Metering for Certain Partial

Requirements Service (NM-PRS), Post June 1, 2015. The Company's proposed net

metering tariff is described in the testimony of Carmine Tillman. The applicable three

part standard offer tariffs will be mandatory for Net Metering customers taking service

under this Rider

Will Rider-10 apply to all Net Metering customers

No. Rider-10 will only apply to Net Metering customers that submit completed

application for interconnection to UNS Electric's grid facilities after June l, 2015. All

currently existing Net Metering customers and those with completed interconnection

applications that were submitted prior to or on June 1, 2015 (and ultimately approved)

will stay on the Net Metering Rider-4 for a period not to exceed twenty years. UNS

Electric is proposing that the Rider-4 expire no later than May 3 l , 2035

Q How will the Company purchase the excess energy produced by the Net Metering

customer's facility

Net Metering customers would be compensated for any excess energy their DG facility

produces and delivers to UNS Electric with a credit on their current monthly UNS

23
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Electric bill using the Renewable Credit Rate. Net Metering customers could carry over

unused bill credits to future months if they exceed the amount of their current bill

4 Q What is the Renewable Credit Rate and how is it developed?

l `hc Renewable Credit Rate is the price at which UNS Electric wi l l  compensate

customers with DG tor the excess energy produced by the customer's generation facility

as discussed in Carmine 'I`ilghman's testimony

9 Q If adopted, what issues will be remedied by UNS Electric's Net Metering tariff

proposal?

First, eliminating the banking option for excess energy production will no longer give DG

customers the impression that their excess energy can be stored on UNS Electric's system

for future use. By simply purchasing the excess energy from the customer during their

billing cycle, as opposed to allowing customers to use the kph credits at a later time

UNS Electric will send more accurate price signals to Net Metered customers about their

true energy costs

Second, eliminating the banking option helps to partially alleviate the bypass of fixed

cost recovery that occurs when customers self-generate a portion of their energy

requirements. The bypass of fixed cost recovery by DG customers can be illustrated with

an example

The table below presents the average monthly fixed cost recovery and average pre-tax

monthly bills using UNS Electric's proposed rates for three types of residential customers

at monthly electric usage levels of 500 kph, 900 kph, 1,200 kph, and 1,500 kph. The

three customer types all take service under standard offer tariff REs-0l and the bills in

this table are calculated with the RES-01 rates proposed in this application. The first case

20



Monthly Usage No DG

..-_..._.....

Net Metering
with Banking

of Excess kph

Net Metering
with Purchase
of Excess kph

500 kph per Month
$28.88Monthly Fixed Cost Recover) $37.61 $20.20

Average Monthly Bill (pretax) $63.79 $23.38 $28.22

Unrecovered Fixed Costs NA $17.41 $8.73

Monthly Bill Savings NA $40.41 $35.56

900 kph per Month
Monthly Fixed Cost Recovery $57.72 $20.34 $37.27
Average Monthly Bill (pre-tax) $102.05 $23.55 $33.93

Unrecovered Fixed Costs NA $37.38 $20.45
Monthly Bill Savings NA $78.50 $68.12

1,200 kph per Month

Monthly Fixed Cost Recovery $72.97 $20.39 $44.61

Average Monthly Bill (pre-tax) $130.93 $23.62 $39.33

Unrecovered Fixed Costs NA $52.58 $28.36
Monthly Bill Savings NA $107.30 $91.60

1,500 kph per Month

Monthly Fixed Cost Recovery $88.20 $20.61 $52.85
Average Monthly Bill (pre-tax) $159.76 $23.89 $45.46
Unrecovered Fixed Costs NA $67.58 $35.35
Monthly Bill Savings NA $135.87 $114.31

is a customer with no DG, the second a DG customer with Net Metering and banking of

excess kph, and the third a DG customer with Net Metering and utility purchase of

excess kph as proposed in this application. The DG customers have solar PV systems

sized to produce a kph output that would yield zero excess kph on an annual basis and

the load profiles for each customer size are from actual UNS Electric customer data

In this example, a residential customer on RES-01 using 900 kph per month and no DG

system would pay an average of $57.72 per month in fixed costs. The fixed cost recovery

in this case consists of the fixed Basic Service Charge and the variable Delivery Services

Energy charges at that level of consumption. By contrast, the same customer with a DG

system that produces the same annual kph as consumed pays an average of $20.34 per

21



month if allowed to bank kph produced in excess of usage at any time in order to offset

consumption at a later time. This results in a fixed cost recovery shortfall of $37.38. With

a $20.00 per month Basic Service Charge, this customer is paying only $0.34 per month

above the Basic Service Charge for the fixed costs associated with the generation

capacity, transmission, and distribution infrastructure provided to serve the customer

The same DG customer under the regime where UNS Electric purchases the excess kph

generated as proposed in this filing pays $37.27 in fixed costs. In this case UNS Electric

recovers $16.93 more of its fixed costs than under the banking scheme, but is still $20.45

short of the fixed costs recovered from the non-DG customer. Keep in mind that the

$16.93 in fixed costs that is bypassed using the banking scheme, like the utility

infrastructure it is paying for, does not go away. It will ultimately have to be recovered

from the other customers on the system who are not Net Metering customers. Because

UNS Electric purchases the excess kph production, there are now $16.93 less in fixed

costs that must be recovered from customers without Net Metering

17 Q. Customers with DG systems undertake a significant capital investment to reduce

18 their electric bills. How would this proposal impact their savings

Under this proposal, DG customers would still see significant savings on their electric

bills. In the example above, the monthly pre-tax bill savings for a Net Metering customer

using 900 kph per month is reduced by $10.38, from $78.50 to $68.12. This is still a

67% reduction in that DG customer's monthly electric bill

24 Q Will this change to UNS Electric's treatment of Net Metering completely eliminate

the shifting of fixed costs due to DG?

No. The adoption of the new net-metering rider, which no longer allows for energy

banking, will reduce but not eliminate the subsidy. However, when combined with the

22
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proposed standard offer three-part tariff, the magnitude of cost shifts to non-DG

customers will be greatly reduced.

3

4 Q. Why is UNS Electric proposing that new Net Metering customers be required to

take standard offer service on a three-part tariff?5

6

7

8

9

10

11

As I mentioned earlier, the proposed Net Metering changes will not fully mitigate the DG

cost shift. The DG customers' usage patters and load profiles are no longer those of a

1`ull requirements customer » in which the standard volumetric rate is designed to recover

cost based upon. They are partial requirement customers and as such the three-part rate

design is more appropriate. The three-part rate design is presently the Commission

approved structure for UNS Electric's partial requirement customers in the larger rate

classes.12

13

14

15

16

17

18

19

The cost shift is also increased by the fact that a majority of the fixed costs to serve

residential and small commercial customers are recovered through variable energy usage

charges. These usage based charges have built in rate tiers that charge more for usage

when a customer's consumption reaches each subsequent threshold. Assuming that fixed

costs can fairly and equitably be recovered primarily through volumetric rates ignores the

ever increasing magnitude of the cost shift created by DG customers, as well as energy

efficiency and conservation.20

21

22

23

24

25

26

27

DG customers avoid paying a substantial portion of their fixed costs of the system by

avoiding these higher consumption levels. When the energy produced by a DG system is

used by the customer and netted against the energy that would be delivered by the utility,

the fixed costs embedded in the variable utility charges go unrecovered. Furthermore, the

recovery of these fixed costs is being avoided primarily at the higher tier rates in the

inverted block rate structure.

23
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Three-Part Rate Pr9pgs_a_ls.

3 Q Please sum m arize UNS Electr ic 's new three-part  rate proposals for  resident ial

customers

For the residential class, UNS Electric is proposing RES-01 Demand and RES-0 l

Demand TOU. For RES-01 Demand, we are proposing the same $20.00 per month Basic

Service Charge that we are proposing for RES-01. Also, we are proposing a two-tier

monthly Demand Charge with the break point at 7 kw. Billing demand will be based on

the 1-hour maximum measured demand during the billing month. The Delivery Service

Energy charges have a single tier and are reduced significantly from those in RES-01 to

reflect the fixed cost recovery being more properly recovered through the demand

charges. All other charges are identical to those in REs-0l. For REs-0l Demand TOU

the Basic Service. Demand, Delivery Services-Energy, and all other charges except Base

Power are the same as those for RES-01 Demand. The Base Power Charges vary by time

of use

17 Q How would the proposed three-part rates impact residential customer bills?

The table below shows average monthly bills (pre-tax) for residential customers using an

average of 500 kph, 900 kph, 1,200 kph, and 1,500 kph. The customers in this

example are fUll-requirements customers taking service under RES-Ol and RES-0 l

Demand at proposed rates. The following customer examples were developed from UNS

Electric's residential customers' usage data. It is evident from the comparisons presented

in this table that customers at the lower end of the usage spectrum pay higher monthly

bills on the three-part rate than on the two-part rate

Bills calculated using the three-part rate will exceed bills using the two-part rate at lower

levels of consumption. As usage increases, customers on the three-part tariff will have

lower monthly bills

24



Average
Monthly Usage

Average
Monthly Load

Factor

Average Monthly Bill

RES-01
RES-01
Demand

Difference

500 kph 19.4% $70. 16 $79.66 $9.49
900 kph 22.4% $112.26 $116.94 $4.68

1,200 kph 25.0% $144.02 $142.59 $1.43
1,500 kph 27.0% $175.74 $170.38 $5.36
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Q. From this information, can one conclude that residential customers with very low

usage will benefit less from a three-part rate than higher usage customers?

11

12

13

14

15

No. One other piece of information in this table is the average monthly load factor for

each customer profile. Load factor is a concept that indicates how a customer is using

energy relative to the peak demand that the customer incurs. One commonly used

definition of the load factor is the average demand over a period divided by peak demand.

By this definition as average demand increases relative to peak demand, the load factor

increases. It also follows that as a customer uses more energy, i.e., more kph, for any

given peak demand, the load factor increases. It is generally accepted that a higher load

factor implies a more efficient use of the utility system.16

17

18

19

The load profiles used tr these bill comparisons were developed from 2014 UNS

Electric residential customer load data. One trend that is evident is that higher usage

customers generally have higher load factors. As shown in the table above, the lower

usage customers on the three-part rate see a negative impact, which decreases and

becomes a positive benefit at higher usage levels. This occurs because the load factor is

increasing not peak usage. The higher usage customers are using more kph per kW than

lower usage customers. As I mentioned earlier, Delivery Services-Energy charges in the

three-part rate are approximately 70% lower than those in the two-part rate and the

benefits of the lower per kph charges begin to take over as load factor increases.

20
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1 Q.

2

What can one conclude from these results?

The three-part rate with a demand charge rewards customers with higher load factors, all

else equal. More important, a three-part rate will reward customers who improve their

load factor. If residential customers choose to take service on a three-part rate they will

reduce their electric bills by improving their load factor or maintaining a higher load

factor. As I mentioned earlier, higher load factors are consistent with more efficient use

of the electric utility system. Under a three-part rate, customers receive a price signal

encouraging them to improve their load factor, which benefits the customer by reducing

their electric bills and benefits all UNS Electric customers as the system is used more

efficiently.

3

4

5

6

7

8

9

10

11

12 Q. Are there other ways customers can benefit from a three-part rate design?

13

14

Absolutely. Customers continue to have more options to save in the future when

technology can help them manage and reduce demand. As a simple example, consider

someone with two air conditioning units, a pool pump and an electric water heater. That

person (or UNS Electric through energy efhcicncy programs) could invest in systems that

prevent all four appliances from coming on at one time. The units are cycled and thus the

impact on the system and their demand charge is reduced as it relates to those pieces of

equipment. These types of control systems are currently available and properly designed

rate structures and customer education programs could lead to more installations and

system benefits, by providing the proper economic incentive.

Q. Could a three-part rate structure for residential and small commercial customers

encourage development of business models and customer applications aimed at

reducing customers' individual demand?

15

16

17
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Yes. A three-pan rate structure will provide customers pricing options that could lead to

earlier adoption of new energy technologies. For example, UNS Electric and other

26
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companies will be incentivized to combine technologies like solar panels, energy storage

and demand control systems to maximize customer savings and profitability of their

programs

5 Q Please summarize UNS Electric's new three-part rate proposal for small

commercial customers

The small commercial three-part rate tariffs UNS Electric is proposing are SGS-10

Demand and SGS-l0 Demand TOU. We are proposing a Basic Service Charge of $30.00

per month for a SGs-l0 Demand and a two-tiered Demand Charge with a break point at

15 kw. The second tier in the SGs~l0 Delivery Service-Energy charges has been

removed for the three-part rate and the energy charges are reduced significantly to reflect

the fixed cost recovery being more appropriately recovered through demand charges. For

SGS-10 Demand TOU the Basic Service, Demand, Delivery Service-Energy, and all

other charges except Base Power are the same as those for SGS-10 Demand. The Base

Power Charges vary by time of use

17 Q Is UNS Electric proposing that all residential and small commercial customers take

service on three-part rate tariffs?

No. At this time UNS Electric is proposing three-part rate tariffs as optional for

residential and small commercial customers who are not taking service under the Net

Metering Rider-10. All residential and commercial Net Metering Rider-10 customers

will be required to tdcc service under the applicable three-part standard offer tariff

27



Partial Requirements Customers

3 Q- In your summary you state that UNS Electric is proposing that partial requirement

customers qualifying for the new Net Metering Rider-10 must choose from one of

the two proposed three-part rate tariffs applicable for their service requirement

Why is UNS Electric proposing to require these customers to use a three-part rate

tariff?

Simply stated, the Company's current two-patt rate design options do not account for

bow these customers use the system and will never properly recover a fair level of fixed

costs. The two-part rates are designed to recover costs based on the average

and as presently designed and

proposed rely on energy charges to recover fixed cost. Also as discussed above, even

with the changes we are proposing to our present full requirement tariffs (higher Basic

Service Charge and elimination of a tier) -.- these new rates will continue to recover the

majority of fixed cost through volumetric energy rates

consumption levels of full-requirements customers

17 Q Do UNS Electric's proposed three-part rates for partial-requirements residential

and small commercial customers further mitigate the DG cost shifting covered

earlier?

Yes. The table below presents monthly fixed cost recovery and average monthly electric

bills for the same four residential customer profiles that l presented earlier. The examples

in this case are for a tills-requirements residential customer on RES-01 at proposed rates

and two partial-requirements Net Metering customers, one on the proposed RES-01 two

part rate and the other on the proposed RES-01 Demand three-part rate. In both of the Net

Metering cases, UNS Electric is purchasing the excess output of the DG system at the

Renewable Credit Rate

28



Monthly Usage
RES-01 - Full
Requirements

RES-01 - Net
Metering

RES-01
Demand - Net

Metering

500 kph per Month

Monthly Fixed Cost Recovery $37.6 I $28.88

$28.22

$43.78

$43.2 lAverage Monthly Bill (pre-tax) $63.79
Unrecovered Fixed Costs NA $8.73 ($6.17)

Monthly Bill Savings NA $35.56 $20.58
900 kph per Month

$57.72 $37.27Monthly Fixed Cost Recovery $57.38
Average Monthly Bill (pre-tax) $102.05 $33.93 $54.15
Unrecovered Fixed Costs NA $20.45 $0.34
Monthly Bill Savings NA $68.12 $47.90

1,200 kph per Month

Monthly Fixed Cost Recovery $72.97 $44.61 $65.18
Average Monthly Bill (pre-tax) $130.93 $39.33 $60.02
Unrecovered Fixed Costs NA $28.36 $7.79
Monthly Bill Savings NA $91.60 $70.9 I

1,500 kph per Month
Monthly Fixed Cost Recovery $88.20 $52.85 $75.49
Average Monthly Bill (pre-tax) $159.76 $45.46

$35.35Unrecovered Fixed Costs NA
Monthly Bill Savings NA $114.31 $91 .53

As is evident from the results in this table, the three-part rate goes a long way toward

further mitigating the DG cost shift. For the 900 kph per month customer I discussed

earlier, only $0.34 per month in fixed costs is now bypassed. Furthermore, the customer

is still saving $47.90 per month on their total electric bill, which is a savings of 47%

Even the low-usage customer at 500 kph per month, while paying $6. 17 per month more

in fixed costs than the full-requirements customer, is saving $20.58 per month on the total

electric bill, a savings of 32%. For the larger 1,500 kph per month Net Metering

customer on the proposed three-part rate total monthly bill savings are 57%

$68.23 I
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1 Q You showed how residential DG customers with Net Metering will continue to see

significant bill savings on the proposed three-part tariff. Are there any other

opportunities for these customers to lower their monthly bills and realize added

savings

Yes. The incentive still exists for DG customers to reduce bills by decreasing billing

demand or energy usage. However, because volumetric energy charges embodied in the

three-part rate arc much lower than those in the two-part rate, the potential savings from

reduced energy use are not as high as those from reducing peak demand. Regardless

peak demand reductions that are greater than energy use reductions on a percentage basis

will yield a higher load factor and provide benefits to the customer and the electric

system

Economic Development Rider

15

16

Q, Why is UNS Electric proposing an Economic Development Rider in  th is

proceeding

The UNS Electric service territory has been very slow to recover from the economic

downturn post 2007 and has also lost several of its largest customers in the past few

years. Both of which has resulted in fewer sales units to spread the fixed cost of the

system over and thus more cost being allocated to the remaining customers. I`ve already

discussed the declining sales in the UNS Electric service territory and those impacts on

customers' bills. Below is a chart showing the recovery of Real Gross County Product

for Maricopa, Pinal, Pima and other Arizona counties - as opposed to the UNS Electric

service counties. Mohave and Santa Cruz - these two counties have seen little to no

improvement since 2009
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Real Gross County Product (2006=1)

Maricopa and Pinar Mohave and Santa Cruz Other AZ Counties

14 Q Do you believe an Economic Development Rider could assist business growth in

these areas

Yes. along with the rate design changes

discussed in UNS Electric witness Craig Jones' testimony, reducing rates for the business

The inclusion of this additional incentive

classes - should put the UNS Electric service territory in a better competitive position to

attract and expand business load. This would be beneficial to the entire customer base

and the State of Arizona

Please describe UNS Electric's proposed Economic Development Rider

UNS Electric is proposing to offer Rider 13, Economic Development Rider ("EDR") to

current or potential commercial and industrial customers Thai meet certain economic

development criteria within the UNS Electric service areas. The EDR will be available to

customers with a projected peak demand of 1,000 kW or more and a load factor of 75%

or higher. The EDR will be available for five years from the effective date and provides



qualifying customers with discounts on monthly electric bills according to a declining

schedule over a five-year period at which point the discount is terminated. The discounts

will apply only to the qualifying additional loads tram new or expanding business

operations and total program participation will be limited to 50 MW of applicable load

Q What are the qualifying criteria for the proposed EDR?

In addition to demand and load factor, customers must meet several criteria to qualify for

the proposed EDR. First, potential EDR customers must qualify for at least one of two

Arizona state tax credit programs designed to promote business recruitment, retention

and expansion. Arizona's Quality Jobs Tax Credit (A.R.S. §41 -l525) program provides a

tax credit for net increases in full-time employees residing in the state and hired in

qualified employment positions. The Qualified Facility Tax Credit (A.R.S. § 4l-l5l2)

program provides for a reiimdable tax credit for qualifying capital investment in a

manufacturing facility that creates new jobs paying at least 125 percent of the median

county wage and covering at least 80 percent of employee's health care premiums

17 Q Please describe the discounts available to customers qualifying for the proposed

All provisions, charges, and adjustments in the participants' applicable standard offer

retail rate schedule will continue to apply. The proposed EDR will apply discounts on

electric bills specific only to the qualifying additional load of participating customers

Economic Development is defined as new or expanding business operations that build

new facilities. The discounts for Economic Development will be 20%  in Year l

declining to 2.5% in Year 5, and terminating after Year 5. Economic Redevelopment is

defined as new or expanding business operations that occupy existing vacant facilities

The discounts for business expansion that qualifies as Economic Redevelopment wit] be

30% in Year l, declining to 5% in Year 5, and zero after Year 5

6
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BEFORE THE CORPORATION COMMISSION OF OKLAHOMA

CAUSE no. PUD 201500274
IN THE MATTEROF THE APPLICATION OF
OKLAHOMA GAS AND ELECTRIC COMPANY )
REQUESTING COMMISSION APPROVALOF NEW )
DISTRIBUTIVE GENERATION TARIFFS PURSUANT )
TO TITLE17, SECTION 156 OF THE OKLAHOMA )
STATUTES

ORDER no. ss1ss9

Hearing December 1-2. 2015 in Courtroom B
2101 North Lincoln Blvd., Oklahoma city, Oklahoma 73105
Before Administrative Law JudgeJacqueline T. Miller

Appearances William J. Bullard, Kimber L. Shoop, Patrick D. Shore, and Stephanie G
Houle, Attorneys representing Oklahoma Gas and Electric Company

Natasha M. Scott, Deputy General CounselrepresentingPublic Utility
Division, Oklahoma Corporation Commission

Ronald E. Stakem and Jack G. Clark, Jr., Attorneys representing OG&E
Shareholders Association

Thomas P.Schroedter and Jennifer H. Castillo, Attorneys representing
Oklahoma Industrial Energy Consumers

Jim Roth, Dominic D. Williams, Deborah R. Thompson and Thad Culley
Attorneys representing the Alliance for Solar Choice

Laurie Williams and Jacquelyn Dill, Attorneys representing Sierra Club
Dara M. Derryberry, Assistant Attorney General representing Office

of Attorney General, State of Oldahoma

FINAL ORDER

The Corporation Commission of the State of Oklahoma ("Commission") being regularly
in session and the undersigned Commissioners present and participating, there comes on for
consideration and action the Application of Oklahoma Gas and Electric Company ("OG&E" or
Company") for an Order of the Commission approving certain tariffs to be applied to customers

with distributed generation ("DG") facilities as of November 1, 2014, pursuant to 17 O.S. §l56

1. PROCEDURAL HISTORY

On July 31, 2015, Oldahoma Gas and Electric Company ("OG&E") filed an Application
initiating this cause along with the direct testimony of Roger D. Walldngstick, a Motion for
Protective Order, Motion to Determine Notice Requirements and Approve Form of Notice and a
Motion for Procedural Schedule

On August 5, 2015, the Attorney General filed an Entry of Appearance for Jerry J
Sanger. On August 6, 2015, OIEC filed an Entry of Appearance. On August 12, 2015, the
Alliance for Solar Choice ("TASC") tiled a Motion to Associate Counsel and Entries of
Appearance for Thad Cullley, William L. Humes, Jim Roth and Dominic D. Williams. On



Cause No. PUD 201500274
Final Order

Page 21 of 22

The Commission further finds that the statute provides that a higher fixed charge for
customers within the same class of service that have DG is one means to avoid subsidization
between customers within that class of service and shall be deemed in the public interest

The Commission further finds that OG&E's existing tariffs could create the opportunity
for subsidies between DG participants and non-participants, however, the Commission is not
persuaded a subsidy has been demonstrated in this Cause. Further, the Commission is not
convinced that the proposed tariffs charge DG customers only the amount required to recover the
full costs necessary to serve these customers. The Commission finds that it is appropriate at this
time to address any DG issues relating to 17 O.S. § 156 in OG&E's current general rate
proceeding, Cause No. PUD 201500273. Review of any proposed DG tariflf(s) in the rate case
will allow the Commission to perform a full and thorough evaluation based upon updated
information, and no party has alleged that this course of action would result in a violation of 17
O.S.§ 156

The Commission further finds that there is no basis to deem OG&E's application and
proposed tariffs as constituting alleged inappropriate or prohibited single issue ratemddng. This
Commission has, at various times, and for good cause shown, granted various requests for stand
alone riders or trackers and done so outside the context of a general rate case

The Commission further finds that the items on PUD's Checklist for Distributive
Generation Tariff Filings were not completely considered and addressed in this Cause. The
Commission recognizes the value of these items and encourages all the parties to submit relevant
information in fixture filings relating to DG, as well as methods by which to inform and educate
customers

The Commission further finds that the Motion to Dismiss filed by TASC is moot due to
the Cause proceeding to merit hearing

v. ORDER

Based upon the above and foregoing the Commission orders the following

L The application to approve the tariffs proposed by the Applicant in this cause is hereby
denied and

2. Updated proposals by OG&E to address the issues set forth in 17 O.S. §156 should be
examined and determined in its current general rate proceeding, Cause No. PUD
201500273

3. The existing NEBO tariff remains in effect until further order of the Commission

17 o.s. § 156 (D)
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Decision No. C15-0990

BEFORE THE PUBLIC UTILITIES COMMISSION OF THE STATE OF COLORADO

PROCEEDING no. 14M-0235E

IN THE MATTER OF COMMISSION CONSIDERATION OF RETAIL RENEWABLE
DISTRIBUTED GENERATION AND NET METERING

DECISION CLOSING PROCEEDING

Mailed Date: September 15, 2015
Adopted Date: August 26, 2015

BY THE COMMISSION

Statement

The Commission opened this proceeding on March 18, 2014, finding that a

Commission-directed inquiry into net metering and potential impacts of the expansion of retail

renewable distributed generation in Colorado was timely and in the public interest

Discussion

On April 9, 2014, we convened a Commissioners' Information Meeting (CIM) to

hear participants' views on the specific net metering issues the Commission should address. We

also encouraged participants to file comments

On June 9, 2014, we determined that it was necessary, based on the presentations

at the CIM and responsive filings, to gather additional information through a series of panel

discussions? We also invited the submission of legal briefs on certain questions suggested in the

participants' comments following the CIM

Decision No. C14-0294

Decision No. C14-0615-I

Id



Decision No. C15-0990

Before the Public Utilities Commission of the State of Colorado
PROCEEDING no. l4M-0235E

4 On July 24, 2014, we convened the first panel session. Public Service Company

of Colorado (Public Service) and representatives of Colorado's on-site solar industry made

presentations on the projected growth of on-site solar in Colorado, the cost of on-site solar for

non-solar customers and customers with solar, and, the financial impacts of net metering on

Colorado's regulated electric utilities

The Commission held its second panel session on October 1, 2014. We invited

Bryan Hannegan, Associate Director of the National Renewable Energy Laboratory (NREL) to

discuss a report on alternative approaches to quantifying the benefits (and costs) of on-site solar

Representatives of electric utilities and the on-site solar industry presented information on

customer benefits from on-site solar, systems benefits of on-site solar, and the quantification of

those benefits. The Interstate Renewable Energy Council (IREC) also shared findings from a

report on the costs and benefits of on-site solar

For the third panel discussion on December 1, 2014, we were joined by

Commissioner Beverly Jones Heydinger from the Minnesota Public Utilities Commission

Commissioner Susan Bitter Smith from the Arizona Corporation Commission, Commissioner

David Noble from the Nevada Public Utilities Commission and. Dr. Dan Arvizu, Director of

NREL. We hosted a round-table discussion about how other states are assessing the costs and

benefits of net metering and their approaches to resolving the issues surrounding net metering

Attachment A to Decision No. C14-0776-I provided a list of questions for participants to respond
Methods for Analyzing the Benefits and Costs of Distributed Photovoltaic Generation to the U.S. Electric

Utility System, Technical Report NREL/TP-6A20-62447 September 2014

A Regulator's Guidebook: Calculating The Benefits And Costs Of Distributed Solar Generation

2



Decision No. C15-0990
Before the Public Utilities Commission of the State of Colorado

PROCEEDING no. 14M-0235E

On April 23, 20]5, we held a fourth panel session to hear from the Electric Power

Research Institute (EPRI), SolarCity, IREC, Western Resource Advocates (WRA), and

Public Service about on-site storage, distribution system design and ancillary benefits, and

photovoltaic (PV) system size and orientation. The Regulatory Assistance Project (RAP)

provided background on the design and use of a minimum customer bill as a potential approach

for utilities to address any under-recovery of fixed costs. Representatives of Public Service and

the on-site solar industry shared their respective views on how a minimum bill should be

structured. We then solicited comments addressing topics discussed during the fourth panel

session and summaries of participants' positions on the primary issues raised in this proceeding

The following persons participated in this proceeding through presentations at the

panel sessions or filings: The Alliance for Solar Choice, Black Hills/Colorado Electric Utility

L.P., the City and County of Denver, Climax Molybdenum Company, Colorado Energy

Consumer Group; Colorado Rural Electric Association, the Colorado Energy Office, Colorado

Forest Energy LLC, Colorado Office of Consumer Counsel, Staff of the Colorado Public

Utilities Commission, Colorado Solar Energy Industries Association, EPRI, Leslie Glustrom

Intermountain Rural Electric Association, IREC, lnterwest Energy Alliance, Korey Christ-Janer

La Plata Electric Association; NREL, Public Service, Lee Rayburn, Redlands Water and Power

Company, RAP, Renewable Energy Systems America, Sierra Club Environmental Law Program

SolarCity; Solar Energy Industries Association; Southeast Colorado Solar Coalition, the Vote

Solar Initiative, Wal-Mart Stores, Inc. and Sam's West Inc.; and WRA

Decision No. C15-0158-I issued February 17, 2015



Decision No. C15-0990

Before the Public Utilities Commission of the State of Colorado
PROCEEDING NO. 14M-0235E

Findings and Conclusions

This proceeding provided the Commission with extensive information regarding

the possible costs and benefits of net metering and potential solutions to the issues raised by

various participants. The scope of this proceeding was informational, therefore, we defer

consideration of specific claims and requests for relief to future adjudicated proceedings, as

proposed by many of the participants

10. We have reviewed all of the information provided by the participants and have

considered their legal arguments, comments, and recommendations. Based upon this review, we

conclude that we will not change our rules governing net metering or retail renewable distributed

generation in 4 Code of Colorado Regulations (CCR) 723-3 of the Commission's Rules

Regulating Electric Utilities, any program for the acquisition or development of on-site solar

systems offered by qualifying retail utilities under § 40-2-l24(l)(e), C.R.S., or any rate or tariff

for retail electric service provided by the investor-owned electric utilities

II

The Commission Orders That

This Proceeding is closed

The 20-day time period provided by § 40-6-114, C.R.S., to file an application for

rehearing, reargument, or reconsideration shall begin on the first day after the effective date of

this Decision

3 This Decision is effective upon its Mailed Date
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Decision No. C15-0990

Before the Public Utilities Commission of the State of Colorado

PROCEEDING no. 14M-0235E

B. ADOPTED IN COMMISSIONERS' WEEKLY MEETING
August 26, 2015.

(SEAL) THE PUBLIC UTILITIES COMMISSION
OF THE STATE OF COLORADO
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Mail Station 9712
PO Box 53999
Phoenix, Arizona 85072-3999
Tel 602-250-3341
Kerrl.Cames@aps.comORIGINAL ~A2 CURPiColik'll;sSI0l4

U¥?CKET{20NTROL

March 1

Arizona Corporation Commissirw

Q T
J 4 Mimi ..

MAR 0 l 2(]18Docket Control
Arizona Corporation Commission
1200 w. Washington Street
Phoenix, AZ 85007

DOCKETED i

RE Arizona public Service Company's Preliminary 2017 Integrated Resource plan
Docket no. E-00000V-15-0094

Attached, please find Arizona Public Service's Preliminary 2017 Integrated Resource Plan
(IP), as required by the IP Timeline approved in Decision No. 75269 (September 16
2015)

If you have any questions regarding this information, please contact Kerri A. Carnes at
(602) 250-3341

Sincerely,

AQ Q CS
Kerri A. Carnes

KC/kr
Parties of Record

II l



Copies of the foregoing delivered/mailed this 1st
day of March, 2016, to

Janice Alward
Legal Division
Arizona Corporation Commission
1200 w. Washington
Phoenix, AZ 85007

David Berry
Western Resource Advocates
P.O. Box 1064
Scottsdale. Az 85252-1064

Thomas Broderick
Utilities Division
Arizona Corporation Commission
1200 w. Washington
Phoenix, AZ 85007

Bradley Carroll
Tucson Electric Power Company
88 East Broadway Blvd
Mail Stop HQE910
P.O. Box 711
Tucson. Az 85702

Jennifer Cranston
Gallagher & Kennedy, P.A
2575 East Camelback Road
Phoenix. AZ 85016-9225

Kristin Mayes
The Kris Mayes Law Firm
3030 n. 3rd Street. Suite 200
Phoenix. AZ 85012

Dwight Nodes
Administrative Law Judge
Arizona Corporation Commission
1200 w. Washington
Phoenix. AZ 85007

Michael Patten
Attorney
SNELL & WILMER L.L.P
One Arizona Center
400 E. Van Buren Street. Suite 1900
Phoenix. AZ 85004-2202

Daniel pozefsky
Chief Counsel

Jeff Schlegel
SWEEP
1167 w. Samalayuca Dr
Tucson. AZ 857041110 w. Washington, Suite 220

Phoenix. AZ 85007

Michael Sheehan
Senior Director. Fuel and Resource
Planning
Tucson Electric Power & UNS Electric
88 E. Broadway Blvd. MS HQW803
Tucson, Arizona 85701
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As part of the preparation for the

Freilmznary 2017 Integrated Resource an,PG

APS held a public IP Stakeholder Workshop

on 02/09/16 that covered topics rang rig

from changing load shapes to resource

procurement for its upcoming Request for

Proposal. The full agenda included :

IP Process
Energy Demand Forecast and Economic Conditions

Evolving Load Shape, Markets and Resource Implications
Clean Power Plan Overview

Resource Needs
Action Plan Update

ElM Overview
Energy Efficiency

Renewable Energy Program
Technology

Assumptions. Portfolios 8: Sensitivities
2016 Ali Source Request for Proposal (RFP) Solicitation Overview

Presentations from the IP Stakeholder

Workshop can be found at

www.aps.com/resources

APS - Preliminary 2017 IP Page I
March 1, 2016
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Preliminary Pian Highlights

Strategic Focus
Introduction

Evolving Load Patterns

Changing Resource Needs

Increasing Market Participation

Expanding Customer Engagement

Clean Power Plan

Preliminary 2017 Integrated Resource Plan (IP)
Load Forecast

Resource Planning - Sensitivities & Uncertainties

Portfolios / Scenarios

Loads & Resources

Technologies Evaluated

Action Plan

All Source RFP

Sources of Assumptions

Model,

APS - Prelimlnary 2017 IP
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PRELIMINARY PLAN HIGHLIGHTS

Load Forecast
Page 9

+2.70/0

APS forecasts that over the course of the 2017-2032 Planning Period
annual load will increase by 2.7% and annual retail sales by 2.60/0, prior
to the effects of energy efficiency (EE) and rooftop solar generation. The
forecast is based on expectations for population growth, increased
saturation of personal electronics, the trends toward larger homes
greater economic activity and greater metropolitan infill

Portfolios / Scenarios
Page 11

Strategy
Carbon

Reduction
Portfolio

Battery
Ellergy
Storage
Systems

Small
Modular
Reactors
(SMR)

Expanded
Renewables

Expanded
Demand Side
Management

Resource Technologies Sensitivities
Pages 10,14,15

Natural gas
Renewable generation
Energy storage
Energy efficiency (EE)
Demand response (DR)
Microgrids
Nuclear (large-scale and small modular)

Page 10
Natural gas prices
Carbon dioxide (CON) prices
Load forecast
Technology pricing

Action Plan
Page16

Conduct All Source Request for Proposal (RFP) and plan for future needs
Conduct RFP in March 2016 for 2020 delivery
Begin initial site planning for post-2020 resource needs

Complete Solar Innovation Study
75-home study on advanced technologies
125-home study based on third-party custom-designed technology packages

Complete Solar Partners Program and related pilots
ApS-owned rooftop solar research and development program

Complete customer solar project
Construct 40 MW SAT solar project

Complete initial microgrid projects
Partner with customers to develop on-site backup generation

Participate in CAISO-Energy Imbalance Market
Go~live date: October 2016

Complete Ocotillo Modernization Project
Replace 1960s steam generators with quick-start natural gas CT units

Further develop and implement coal strategy
Continue to implement Cholla Power Plant strategy and evaluate continuing role of Navajo
Generating Station

APS - Preliminary 2017 IP
page 1 of 18
March 1
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STRATEGIC FOCUS

Introduction

Flexible Generation Needed to Manage
Variable Solar Output

Maximum
Solar

Ouput
s .

A Natural gas
flexlble generation

In

Hig hes t  c us t om er
d e m a n d /  l o w  s o la r

o u t p u t
Natural gas

flexible generation

High customer
d em and  /  low  s o r e r

o u t p u t
M o r n i n g
D e m a n d

peak

Noon Evening
D e m a n d

Peak

The energy paradox that has been building momentum in Arizona and other solar-rich
regions is no longer a theoretical possibility; it is an operational reality. On one hand, as the
state's economy recovers from the recession, the forecast for peak energy demand is on the
rise. On the other hand, in a state
that boasts the #2 national ranking
n total solar Installations, the net
demand for non-summer mid-day
energy is on a decline. The
divergent nature of these two trends
requires utilities to not only re-
examine how to balance supply with
demand, but also how to plan for the
future. Having sufficient resources
to meet peak load is no longer the
only objective; having the right type
of resources and a wide spectrum of
customer options are also necessary
and will become more so as solar - --
energy continues to grow not only in
APS's service territory, but regionally
as well.

Low  c us t om er
d e m a n d  /  lo w
e n e r g y  va lu e

Figure 1

To meet thesechallenges, APS is focused on :

• Evolving Load Patterns - As more variable generation enters the resource mix, the
more loads decline during midday hours then rapidly ramp up towards the evening
hours. This trend is redefining what resources are needed to respond to the increasing
peaks and troughs of today's demand profile.

1I

• Changing Resource Needs - Flexible generation is particularly suited to manage
increasingly dynamic operating conditions. The Ocotillo Modernization Project is one
example of how APS is responding to this need, while other examples include battery
storage and other advanced technologies.

• Increasing Market Participation - Market solutions can provide another layer of
flexibility by offering platforms such as the California Independent System Operator
(CAISO) Energy Imbalance Market (ElM) which not only pools resources from
participating utilities but also adds five- and fifteen-minute transaction capabilities.

• Enhancing Customer Engagement - Advanced grid technologies are transforming
energy systems to fit a 21$' century model. Two-way communications between APS
and its customers and other technologies such as Advanced Distribution Management
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Systems (ADMS), Communicating Fault Indicators and Integrated VoltNAR Control are
expected to be deployed to improve reliability, elevate customer satisfaction and provide
the foundation for further innovations to come.

• Clean Power Plan - The Clean Power Plan (CPP) s a comprehensive regulation aimed
at reducing nationwide carbon emissions from existing electric generating units by 32%.
To achieve that goal, the Environmental Protection Agency (EPA) assigned each state a
reduction target, with Arlzona'sbeing 33.6%. On February 09, 2016, the Supreme
Court Issued a stay on the enforcement of the CPP. APS continues to monitor the legal
challenges to this regulation and to plan for potential compliance in the event the CPP Is
ultimately upheld.

Providing a Platform for the Future
APS's 2014 Integrated Resource Plan (IP) focused on the need for flexible generation to
manage these challenges - a theme that is expected to remain dominant in the 2017 IP.
Critical in helping achieve a dynamic equilibrium, rapidly responding units can be ramped
down or turned off when solar energy production is at its highest, then ramped up to meet
customer needs as the sun starts to set. This ability to meet both minimum and maximum
load requirements within hours increases system costs, yet accommodates the impact that
variable generation has on the electric system and helps integrate the increasing levels of
solar generation that are forecast to grow well beyond the requirements of Arizona
Corporation Commission's (Acc) Renewable Energy Standard (RES).

Providing customers a seamless and reliable ' - - ' -  _ -
energy platform under these evolving T h e  c h a l l e n g e  t o  i n t e g r a t e
operating conditions will require more than increas ing  var iab le  f€SOUfC€S
just new generation types. It will require a lg  sh a p in g  3  f u t u re  Q f
diversified array of solutions. In April 2015, e xp a n d e d  s o l u t i o n s
APS announced Its decision to participate in _ . . . _ _
the ElM which is not only expected to provide cost savings to customers, but also to allow
access to a large and diverse pool of resources that can quickly respond to the variability of
renewable energy resources and their effects on net customer demand profiles. Other
solutions include advanced grid technology investments to Improve reliability and provide
for data analytics of real-time system needs and performance.

I

Finally, as new solutions become part of the operating system, the evaluation of traditional
resources will also come into play. While APS continues to execute its plans for the Four
Corners Generating Station, its focus turns to its remaining coal facilities. The Cholla Power
Plant and the Navajo Generating Station have key decisions ahead and will be evaluated
relative to how APS can reliably and affordable continue serving customers' energy needs.
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i Evolving Load Patterns

The new norm in solar abundant regions with slow population growth and high levels of
rooftop solar generation like Arizona is declining minimum loads and sharply changing
patterns of maximum loads. To examine these new demand shapes, the focus has shifted
from traditional load curves (total demand before the effects of customer and other variable
resources) to net load curves (total demand after accounting for customer and other
variable energy resources). Figures 2 and 3 illustrate the difference in net load curves
during summer and non-summer months. The difference is particularly evident in the non
summer months when overall demand is low and renewable energy resources have the
effect of producing a dual peak - one in the morning and a larger one in the evening. The
effect is less in the summer months as variable energy resource impacts are diluted across
higher overall demand

Summer
Net Load

2017 and 2025

Non- S ummer
Net Load

2017 and 2025

Figure 2

1 3 5 7 g 1 1 1 3 1 5 1 7 1 9 2 1 2 3

2017 net Load

Hgure 3

1 3 5 7 9 1 1 1 3 1 5 1 7 1 9 2 1 2 3

2025 Net Load

As solar energy expands its contribution to the portfolio mix, the difference between load
and net load curves will become more significant, especially in non-summer months. With
that difference, two factors emerge: solar generation in the midday hours causing the need
to ramp generating units down or turn them off to make room, and the need to quickly
respond to increasing demand in the early evening hours as the sun sets

Non-summer Months
May 2015 (nvefage)

;  t o , o o o

15

Figure 4
* | l . 1 1 * ' l¢

In terms of wholesale market pricing, solar generation is impactful. In regions with high
penetration of variable energy resources, such as the West, short-term market prices of
electricity have fallen to zero and then gone negative at times - meaning the buyer gets
paid ro take electricity because there is too much energy on the system. This phenomenon
is a price signal from the wholesale power
markets that there is more generation than
demand. Because utilities continue to have
less flexible generation resources in their
portfolios, making room for low or negatively
priced wholesale power can be difficult
Although forecast increases in load from
population growth and advances in energy
storage technologies can act as a slight offset
they will not approach the growth rate of
variable energy resources and their impacts on
wholesale pricing and resource poMolios

-  CAIS O L o a d
cAnso Solar shape

CAISO net Load
_:Palo Verse Hub Price
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Changing Resource Needs

z o Solar .pp Production Intermittency

2

n

Higher penetration levels of variable
la energy resources, related changes in
us net demand patterns and continued
14 low natural gas pricing have

3 11 challenged the traditional diverse
z 10 resource mix model. What has not

Z changed is the need to continuously
4 balance supply and demand.

Figure 5 Providing a platform to integrate
these increasingly dynamic operating
conditions requires a transformation

in the traditional utility resource portfolio towards more flexibly dispatched peaking
resources. Figure 5 illustrates the variability of solar generation for which fast-starting,
fast-ramping resources are ideally suited. Incorporating flexible resources into the portfolio
will not only help counter-balance the variability and unique needs of a more renewable-
drlven mix, it will allow customers to benefit from the changing wholesale market prices
produced in midday hours when solar production is at its highest.
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The Ocotillo Modernization Project
(OMP) currently underway is an sao
example of how APS is responding to
the flexible resource needs on its
system. The project, scheduled to be
completed in 2019, consists of
replacing two 1960s-era steam
generators with five fast-starting,
fast-ramping natural gas combustion
turbine (CT) units with capacities of Ocotillo
102 MW each. Figure 6 uses the net Output
load graph for a non-summer month 3 5 7 9 11 13 15 17 19 21 23
and illustrates how OMP's operational Hour
characteristics may respond to the dual peaks created by solar penetration. To manage the
challenges of meeting peak summer demand, APS plans to also add market combined cycle
(CC) natural gas units to its system during the 2017-2032 Planning Period. In Arizona,
having both types of natural gas-fired resources is important for a balanced natural gas
fleet.

Figure 6

0
1

0

As technologies advance, so do flexible options. Battery storage, small reciprocating
engines and updated customer price signals are some of the solutions also being proposed.
Similar to CTs, small reciprocating engines are fast-starting and fast-ramping, making them
well-suited for managing the variability of renewable resources. While still not economically
viable or sufficiently mature for wide-scale deployment, battery storage may offer similar
flexibility by capturing solar energy produced during daylight hours, then sending that
energy to the grid in the evening when it is most needed by customers. With its ability to
both consume energy and supply it, battery storage may become an important part of APS's
future resource picture.
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Increasing Market Participation

APS's 2014 Integrated Resource plan's focus on flexibility was based on three defining
energy market trends' (1) increased penetration of renewable energy, which requires a
transformation of the fleet toward higher levels of flexible generation to integrate it; (2) the
favorable price outlook for natural gas, which makes the development of natural gas based
flexible assets economically viable; and (3) the technological advancements that provide for
enhanced real-time management of the electric system and related energy dispatch, a
critical component to accommodate the variability that comes with increasing penetration of
renewable energy.

As these trends are as prevalent across the Western region as they are in APS's service
territory, the flexibility concept can be applied on an even broader scale. Every hour of
every day, APS transacts with regional wholesale market participants to bring affordable,
reliable electric service to our customers. Those interactions have long been a part of
meeting load, managing APS's system and contributing to the overall reliability of the
regional electric system. It is a natural evolution then to extend that ability to access
markets from a bilateral transaction model to a more structured inter-system pool to
provide APS with an added layer of real-time flexibility and economic opportunity. Within
the Wester Interconnection, the most comprehensive approach to respond to these
changes and still maintain the participating utility's autonomy is the CAISO's ElM.

Gaps
nmmcow noEnergy

& Ccllifomio ISO
Energy Imbalance Market

Last April APS announced its decision to Figure 7
participate in the ElM. The annual cost savings
to APS customers from these benefits are
expected to be approximately $7 million.
Although significant, the economic benefits were
not the sole determinant in the decision.
Optimizing generation dispatch across multiple
participants gives ElM participating utilities
more tools to provide a platform to integrate
growing renewable energy supplies.
Traditionally, utilities have had to dispatch their own generation to handle demand/supply
imbalances, supplementing any remaining needs by transacting bilaterally in the day-ahead
and hourly wholesale markets. The ElM not only pools resources from participating utilities,
it also adds five- and fifteen~minute capabilities to further optimize resource decisions.

> PUGET 5OUND ENERGY

ElM participation is voluntary and does not require APS to join the CAISO. Utilities that
participate in the ElM do not relinquish control of their generating or transmission assets,
and they maintain all of their respective system reliability and compliance responsibilities.
The ElM is designed to complement each utility's existing energy trading practices and does
not alter an individual utility's resource planning and procurement responsibilities. Each ElM
participant is required to procure or develop sufficient resources to meet its own unique
customer demand needs and to satisfy its own operational requirements such as having
sufficient flexible ramping capabilities to meet non-summer net load curve challenges.
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Enhancing Customer Engagement

With new technologies, changing customer preferences and an evolving resource mix,
energy systems across the country are being transformed to .fit a 21Stcentury model. This
new model is expected to not only pave the way for a more interactive relationship between
APS and its customers but also between customers and the energy they use.

One example of how these technologies will benefit customers is the strategic deployment
of advanced two-way communicating devices that allow the utility to monitor the electric
system in real time, while provlding timely information to customers, enabling them to
manage their individual energy needs. In July 2014, APS reached full deployment of
advanced meters (AMI) with 1.25 million meters Installed, including 30,000 solar production
meters, which on an average day provide40million data points.

Other technologies include (1) Advanced Distribution
Management System which provides the Lu! Figure 8
distribution system the enhanced operational platform 4
similar to what is used for the transmission system, (2)
Communicating Fault Indicators that can detect and
locate problems on the system in real time to enable
faster power restoration and (3) Integrated volt / VAR
Control, a software application that provides round-the
clock voltage management, including self-adjustments
to ensure voltage levels stay within a pre-determined
range. During the 2017-2021 Action Plan Period, APS
expects to increase the deployment of these
technologies and others to improve reliability, elevate
customer satisfaction and provide the foundation for further innovations to come.

(ADMS), U

Energy efficiency (EE) opportunities are also providing customers a greater role in managing
how they use energy. New and emerging technologies such as home energy management
systems and smart thermostats offer customers new opportunities for managing their
energy use and, importantly, peak demand. As these devices become more economic and
integrated with each other, customer systems will offer automatic responses to changing
utility price signals in real time, optimizing the operation of key appliances and energy
systems to manage peak demand and reduce costs. APS is currently conducting the Solar
Innovation Study to further explore these integrated distributed energy resource solutions
and the benefits they can provide. Future APS planning efforts will Increasingly Incorporate
this integrated distributed energy resource perspective in developing resource plans.

As advancements continue to permeate the industry, adjustments to current programs and
technologies will also be needed. Avoided costs have decreased due to low natural gas and
wholesale power prices, challenging the cost-effectiveness of some Demand Side
Management (DSM) programs, particularly those that incant savings during midday hours
when solar generation is at its highest and wholesale power prices are among their lowest.
Consistent with system resource needs, DSM programs will need to focus on energy savings
during late afternoon and early-evening high-demand periods, and provide less focus on
midday savings. This can be done by carefully targeting savings to the load profiles that
best fit resource needs and integrating energy efficiency with load shifting and demand
response opportunities such as Behavioral Demand Response and Smart Thermostat
Demand Response Programs.
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Clean Power Plan

Supreme Court Stay of Clean power Plan
On February 9, 2016, the Supreme Court issued a stay on the enforcement of the EPA's
Clean Power Plan (CPP). The stay will remain in effect while legal challenges to the CPP are
resolved in the U.S. Court of Appeals - D.C. Circuit and during any further appeal to the
Supreme Court. APS continues to monitor the legal challenges to the CPP and continues to
plan for potential compliance in the event the CPP is ultimately upheld

Clean Po_wer Plan - Overview
On August 3, 2015, the Environmental Protection Agency (EPA), under Section 111(d) of
the Clean Air Act. finalized the Clean Power Plan (CPP) One of the most comprehensive
regulations in the agency's history, the CPP is aimed at reducing overall carbon dioxide
(coz) emissions f rom exist ing electrici ty generat ing uni ts (EGUs) by 32% by 2030
Although the overall goal is national, compliance is at the state level, with EPA assigning
each state interim and f inal  reduction targets and giv ing them the option to comply
individually or as part of a multi-state effort." The three building blocks determined by the
EPA to comply with the CPP include: Buildinq Block 1 - reducing the carbon intensity of
electricity generation by improving the heat rate of existing coal-fired power plants; Building
Block 2 - increasing generation from natural gas plants in exchange for reducing generation
from coal-f ired power plants; and Building _Block 3 increasing generation from zero
emitting renewable energy sources in exchange for reducing generation from existing coal
ired power plants .

Arizona's state emission reduction target is 33.6%, slightly above the national target of
32%. In terms of  emissions rate reduction, the state's goals f rom a 2012 basel ine
emissions rate of 1,552 lbs. of CO2/MWh include the interim 2022-2029 goal of 1,173 lbs
of CO2/MWh and the final 2030 goal of 1,031 lbs. of CO2/MWh

Clean Power Plan
Emissions Rate Reduction Targets % - Wester States

washington

14°/o - 21°/o

21°/o - 27°/o

Colorado 27% -  34%

34°/o - 41%

While APS's Coal Strategy as outlined in the September 2014 IP Supplement was not
designed with compliance to the
CPP in mind, APS anticipates that it
wi l l  be in a posi t ion to meet  i ts
compliance requirements should
the CPP be upheld. This projection
is based on the assumption that
ADEQ will select a rate-based
compliance plan. Should the ADEQ
select a mass-based compliance
plan, additional compliance costs
beyond what are contemplated in
the Coal  St rategy wi l l  l i kely be
required In addition, further
compliance costs may arise as EPA
determines whether, or how. the
CPP wi l l  be implemented on the
Navajo Nation as currently
proposed by the EPA

Figure 9 41% - 47%
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Load Forecast
Evaluation of Load Forecasting Techniques
As required in Decision No. 75068, APS submitted on October 30, 2015 a re-examination of
its load forecasting techniques. The re-examination focused on the components which have
the largest impact on overall load growth: population growth forecast (and by extension
the residential customer growth forecast), the residential use per customer forecast, and
the commercial & industrial (C&I) customer electricity demand forecast. To determine the
validity of its current techniques, APS tested six different models for its residential use per
customer forecast and five different models for its C&I demand forecast. Although the
conclusion of these assessments was that the current models remain the preferred method
for developing projections, APS will continue to periodically re-examine methodologies as
part of good business practice

Load Forecast Highlights
APS currently forecasts that annual peak demand will increase by 2.7% and annual retail
sales by 2.6%, prior to the effects of energy efficiency (EE) and rooftop solar generation
during the 2017-2032 Planning Period. For residential customers, the forecast increase is
based on the expectation for larger homes, increased saturation of electronics and higher
proportion of APS customers liv ing in the lower desert areas, where temperatures are
generally higher than in other parts of our service territory. For C&I customers, the forecast
is based on greater economic activ ity and the increase in related occupied commercial
building floor space

Economic Qondjgons Highlights
Population growth is the most influential variable in developing a load forecast, providing
the basis for several  other forecast components such as growth in households and
residential customers. The most variable element of population growth is net migration
because it is the most sensitive to near-term business cycle effects. In an effort to enhance
the modeling and development of the net migration forecast, APS contracted with the
Economic and Business Research Center at the University of Arizona to develop a modeling
framework which will help ensure that fundamental shifts in migration patterns and behavior
are made more transparent in future projections

APS - Preliminary 2017 IP page 9 of 18
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Resource Planning - Model, Sensitivities & Uncertainties

Model

PORTFOLIO
VARIABLES

INPUT
VARIABLES

Natural Gas
Prices

Natural CO2 Prices

The 2017 IP will document
a comprehensive analytical
process aimed at meeting
future customer needs
achieving regulatory goals
and managing environmental
impacts during the 2017
2032 planning Period

Renewable
Energy

Energy
Storage

Load Forecast

Technology Capital
Costs

EE/DR
Other

Nuclear

Resources expected to be
included in the 2017 IP are
natural gas, nuclear (both
large-scale and small
modular), renewable energy lofpenetra
(on both sides of the meter)
coal, energy efficiency, demand response and new technologies such as energy storage.
To analyze these resources, APS uses the Ventyx suite of products, including PROMOD and
Strategist

Figure 1 O

Sensitivities
To create the final portfolios, resources considered for testing in the 2017 IP will be
evaluated in various combinations under parameters specific to each portfolio. These
portfolios will then be analyzed by stressing key input variables such as natural gas prices,
CO2 prices, technology capital costs and load forecast sensitivities to determine the
resiliency of each combination of resources under a variety of conditions

Uncertainties
Notwithstanding that much of the planning process is quantitative in nature, there is also a
significant qualitative assessment that includes considerations such as environmental
regulation risks, natural gas pipeline availability risks, market capacity contracting risks, and
the risks of the technological maturity and energy production capability of new technologies.
Although more intangible than the quantitative risks, uncertainties in these areas can be
highly impactful and require ongoing monitoring and evaluation of their potential effect on
the portfolios
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Portfolios / Scenarios

Portfolios are distinct sets of resources designed to meet customer power needs over the
Planning Period. Although all the portfolios incorporate much of the existing fleet, each
portfolio focuses on different technology combinations that could become part of APS's
energy mix in various proportions. In the 2017 IP, portfolios other than those listed below
may be considered as APS evaluates different combinations of key technologies

As APS and other parts of the West provide a platform to integrate a higher penetration of
variable resources in the energy mix, as well as advanced technologies and distributed
energy resources, the need for conventional caseload resources will decline over time

Coal
Strategy

Reduces future upgrades

Manages aging fleet concerns

Expands opportunities for other
technologies

Evaluates early retirement of
Cholla Units 1 and 3 and NGS
executes Four Corners
strategy Reduces environmental impacts

Carbon
Reducion

Provides for new technologies
including SMRs and energy storage

Evaluates carbon reduction
beyond potential CPP
requirements

Expands use of renewable energy

Reduces environmental impacts

Captures energy for later useBattery Energy
Storage
Systems

Mitigates variability of renewable
energy resources

Incorporates greater
penetration of BESS to further
integrate renewables and help
manage peak demand

Provides local voltage
management

Provides ancillary services (non
energy components required for
system operation)
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Small Modular
Reactors

Offers modular and scalable
architecture

Factory-fabricated units mitigate
risks of schedule overrunsIncorporates new nuclear

technology of small modular
reactors to reduce carbon
footprint and provide
caseload power

Reduces environmental impacts

Expanded
Renewables

Positions the portfolio in the event
of further environmental regulation

Optimizes use of Arizona's natural
resource: the sunIncreases renewable energy

portfolio contribution beyond
requirements of the RES (to
include both distributed and
grid-scale renewable energy
resources)

Reduces environmental impacts

Enhances customer engagementExpanded
Demand Side
Management Increases penetration of

advanced system technologies

Improves tools for customer
energy management

Increases contribution of
distributed energy resource
solutions such as energy
efficiency, demand response
battery storage and smart
inverters

Reduces environmental impacts
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8,210 9,748 i 11,252

APS-Owned Generation 6,045 5,864 5,475 5,474
Long-Term Contracts 1,489 412 355 342

Total Existing Resources as of January 2016

RE PROJECTED DISTRI

Energy Efficiency (1), (2)

7,534
... ow;

225

6,277

629

5,8 0 5,816

857
Distributed Energy (1), (2) 30 98 175 250
Demand Response (3) & Microgrid (4) 32 107 232 357

287 835 1,156 1,464

363 2,611 4,084 5,229
Renewable Energy & Energy Storage 25 62 182

388 2,672 4,266 5,517

18
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,s07 ,42 I
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Loads & Resources

14,000
2017-2032 Supply / Demand Gap

Total Load Requirements

The supply-demand gap, depicted in the
b l u e  a n d  g r een  a r ea s  i n F igure 11 ,
r e f er s  t o  t h e d i f f e r en c e b et ween  t h e
resources APS has and the resources i t
needs to meet expected load growth.
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Existing Owned Resources

F o r  t h e 2017-2032 Planning Period,
increases in cus tom er  l oad a n d  t h e
exp i r a t i on  o f  sever a l  con t r ac t s  b r i ng
about  an immediate need for  resources
-  p r o j ec t ed  a t  675 MW f or  2017. By
2 0 2 2 ,  t h e  n eed  i s  f o r ec a s t  t o  b e  i n

excess of 3,500 MW and f ive years after
t h a t  o v e r  5 , 4 0 0  M w . APS p l ans  t o Hgurell
uti l ize short - term markets to fi l l 2017 2020 2023 2026 2029 2032
remaining near- term  needs. For  longer - term  needs (2020 and beyond) ,  APS wi l l  begin
procuring resources through the March 2016 Al l  Source RFP and cont inue i ts evaluat ion of
resource needs throughout the Planning Period.

2,ooo

2 I 202
12,797PROJECTED LOAD REQUIREMENTS (NEEDS)

EXISTING RESOURCES AS OF JANUARY 2016 5'

Total Future Projected Distributed Resources

FUTURE PROJECTED UTILlllY RESOURCES

Natural Gas

288

I i ' I ' 'iv Il
11,252 I 12,797

r

Total Future Projected Utility Resources

OTAL FUTURE

TOTAL RESOURCES
(1) Incremental to current levels.

(2) Projections based on technologies expected to be available to customers during the Planning Period and the
effect of those technologies on peak load. Energy Efficiency - Post-2020 levels assume EE continues at 22%
of retail sales. DistributedEnergy - forecast is at time of peak.

(3) Projections based on factors such as comfort impact,usability of technology, load reduction (kW) per household
and levels of customer participation during the PlanningPeriod.

(4) Projections based on available technology and customer participation during the Planning Period.
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Technologies Evaluated

Due to contract expirations and unit retirements, existing resources and projected customer
resources will Meet only a portion of future resource needs. The remainder will need to be
met with additional resources. These added resources are expected to come from a
combination of (a) technologies currently deployed in APS's portfolio, such as natural gas-.
fired generation, renewable energy resources and demand side management resources, and
(b) newer technologies that can play a significant role In meeting customer demand,
reducing APS's carbon footprint, further facilitating operational flexibility and addressing
aging fleet issues.

Microgrids comprise one area under which many new technologies are emerging as
frontrunner. Mlcrogrlds are loads that can served by on-site generation and be operated in
parallel with (supporting) the electric system or in island mode (stand-alone).

Microgrid Benefits

•

Meets customer need for backup
power supply

Highly flexible resource shared
with host utility that can respond
rapidly to system needs

Solar PV
• Provides peak management,

planning reserves and frequency
response

\ Storage

l ' customers

Facilitates future capabilities
_ Renewable energy
_ Smart inverter technology
_ Battery storage APS Grid Generator

Figure 12

Another new technology APS will incorporate Into the 2017 IP will be battery energy
storage systems (BESS) which have modular and scalable architectures.

Solar PV

-APS Grid Customers

B E S S  B e n e f i t s
» Stores energy at midday and

provides power at peak

» Local voltage management
• Distribution upgrade deferment
• Frequency response and other

ancillary services

May reduce environmental
impacts

Figure 13
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Other Technologies Evaluated
In preparing the 2017 IP, APS technology evaluations may also include but will not be
limited to the following

DISTRIBUTED ENERGY RESOURCES (DERS)
As energy planners and operators Increasingly focus on decentralized resource solutions
greater customer engagement is being achieved through the use of rooftop solar, smart
inverters, DSM, battery storage, home energy management systems and smart appliances

COMBINED CYCLE
Combined cycle natural gas-fired power plants deliver higher fuel eMciency by using
residual heat in the gas turbine's exhaust stream. While less flexible than other resources
this technology is suitable for managing summertime peak demand and overall energy
needs

COMBUSTION TURBINE
Combustion turbine natural gas-fired power plants are comprised of a compressor
combustion system (fuel injectors) and turbine. This flexible technology is well-suited for
managing peak demand and fast-ramping requirements

ENERGY STORAGE
In addition to BESS configurations, APS may evaluate the following energy storage
technologies

Flywheel technologies - used primarily for dynamic system support

Above- and below-ground compressed air energy storage (CAES)
store air when energy is available

these technologies

SMALL MODULAR REACTORS (SMR)
SMRs are smaller In size than traditional nuclear units and can be built In modular
arrangements in a manufacturing plant, then shipped to the plant site. Besldes providing
carbon free electricity, this technology is scalable and standardized, thereby reducing
manufacturing and other risks

Solar configurations will be evaluated for the 2017 IP based on economics and regulatory
requirements. These may include solar PV fixed and single axis tracking and solar thermal
trough technologies

Wind systems convert the wind's energy into electricity by using rotating blades to collect
the wind's kinetic energy. Whlle wind generation in Arizona is challenging, Improvements in
technology have increased the viability of this resource within the wE cc region

APS - preliminary 2017 IP Page IS of 18
March 1. 2016
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Action Plan: 2017-2021

The 2017-2021 Action Plan provides specific events anticipated to occur in the near-term
that support APS's goal for greater operational flexibility, increased market participation and
enhanced customer engagement. Actual events during the 2017-2021 Action Plan Period
will be based on conditions prevalent at the time of their undertaking and may differ from
what is delineated below. APS will file updates to its Action Plan whenever substantive
changes occur, in compliance with Commission Decision No. 75068.

1

i

APS plans to
APS plans to conduct

• Conduct an all-source RFP in March
2016for 400-600 MW of capacity
resources for delivery beginning 2020.

Begin initial site planning for resource
needs beyond 2020.

A 75-home research and development
study on advanced technologies and
innovative rate designs.

» A 125-home study that assists third-
party solar PV and DER market to
design customer-owned technology
packages around existing APS demand
rates.

ApS-owned rooftop solar research and
development program aimed at learning
how to efficiently enable the integration of
rooftop solar and battery storage with our
grid.

APS plans to construct a 40 MW SAT solar
PVproject at the SaguaroPower plant in
response to customers who want a reduced
environmental Impact to help meettheir
long-termenergy goals.

I APS expects to begin participation In the
CAISO ElM In October 2016. Durlng the
Action Plan Period, APS will further enhance
Internal processes related to ElM
participation.

APS has partnered with customers to
develop backup generation resources on
their business sites. These resources
benefit all APS customers, providing flexible
resources to help meet peak demand.

Aging Fleet Strategy

3
z

I

The project, consisting of replacing 1960s~
era steam generators with modern quick-
startnatural gas CT units withcapacities of
102 MW each, is planned to be in service by
summer 2019.

Cholera Unit 2 was retired on October 1,
2015, and APS plans to no longer bum coal
in units 1&3 beyond 2025. APS will
continue to evaluate the economics of
operating Cholla units 1&3, as well as its
participation in the Navajo Generating
Station.

APS - Preliminary 20 1 7  I P
Page 16 of 18
March 1, 2016
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All-Source RFP
i
1

To help meet load requirements for the 2017 IP Planning Period, APS plans to issue an All
Source RFP in March 2016. The RFP will seek competitive proposals for capacity resources
totaling approximately 400-600 MW.

Key parameters for the RFP include:

Technologies Considered
- Thermal Generation
- Energy Storage
- Renewable Energy
_ Non-Supply Side Technologies (EE and DR)
- Other

» Contract Structures
- Tolling Power purchase Agreements for Thermal Technologies
- Asset Purchase Agreements forexisting Thermal Technologies
... Energy Storage Tolling Agreements
- Renewable Energy Power Purchase Agreements
- Load Management Agreements

• Size
- For supply-side technologies, each proposed facility must be a minimum of 25 MW

in size, located on a single site.
For non-supply-side technologies, the minimum requirement Is 25 MW In size for
the aggregated program.

• Deiivery
- No earlier than January 1, 2020, and no later than June 1, 2020.
- In the case of a proposed asset sale for an existing facility, APS recognizes that

pre-sale activities may need to occur prior to June 1, 2020 .

• Review
-The entire RFP process will be monitored and reviewed by a third-party, Acc-

approved Independent monitor.

Interconnection
-Any proposed facility must interconnect directly to the APS system, or in the

alternative, the bidder must demonstrate that it has secured firm transmission for
delivery from the facility to the APS system.

... Each proposed facility must be constructed and interconnected to meet the June 1,
2020 deadline.

» Selection Criteria
- Selection criteria will emphasize meeting peak resource needs and will be

discussed in more detail at upcoming Bidder's Webinar.

APS - Preliminary 2017 IP Page 17 of 18
March 1, 2016
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Sources of Assumptions

Inputs Sources of Assumptions

Load Forecast: Bureau of Labor Statistics; u.s. Census Bureau;
Bureau of Economic Analysis; National weather
Service

Environmental
Regulations:

Environmental Protection Agency;
Department of Environmental Quality

Arizona

Energy Efficiency
Programs :

Energy Efficiency Standard; Navigant Consulting
(program evaluation contractor)

Renewable
Energy 1

Renewable Energy Standard; market data

Resource Costs: Major equipment vendors; market data acquired
through RFP and/or RFI sol ici tat ions; industry
organizations; customer data from field
implementations

Integration Costs : Solar Photovoltaic Integration Cost Study

Fuel Forecast: Market, fuel contracts

CON : Market

1GTM us Solar MarketInsight QS 2015 Full Report (page38)
z http://www.eenews.nel;/interactive/dean_power_plan#updated_total_reduction_percentaue
3Clean Power Plan Implementation - what States Need to Know, National Conference of State Legislatures, January 12, 2016
4 http://www.epa.gov/cleanpowerplan/fact-sheet-overview-clean-power-plan
5 http://www.eenews.net/Interactive/clean_power_plan/states/arizona
Icons: Sourced from Presentatlonload

.Aps--pveaiminary 20'f i  IRS page 18 of 18
March 1, 2016
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ARIZONA CORPORATION COMMISSION
VOTE SOLAR'S THIRD SET OF DATA REOUESTS TO

ARIZONA PUBLIC SERVICE COMPANY IN THE MATTER
REGARDING THE COMMISSION'S INVESTIGATION OF

VALUE AND COST OF DISTRIBUTED GENERATION
DOCKET no. E-00000J-14-0023

MARCH 10, 2016

EXHIBIT

VS 3.24: Reqardinq Attachment ACB
testimony

CDR of Mr. Brown's direct

Please provide the information requested below regarding the
following statement on page 5 of Attachment ACB - CDR: "The
capital costs and financing implications of each distributed solar
deployment scenario are first estimated by Aps, validated by
Seidman, and allocated by economic sector using NREL's JEDI
model for distributed solar installations throughout the supply chain
in the State of Arizona."

a) Please provide the full set of assumptions used to inform the
capital costs and financing implications of each distributed
solar deployment scenario that were developed by APS and
provided to Seidman. Please provide any associated
documents, analyses, spreadsheets, etc. in their native
format with formulas and links intact.

b) Please describe what is meant by "validated by Seidman" in
the above quoted statement. Please describe the process
undertake by Seidman insupport of this validation.

c) Please indicate whether Seidman modified any of the
assumptions originally provided by Aps. If so, please
indicate which assumptions were modified and provide an
explanation for each modification.

Response : a) APS15877 provides the assumptions used to develop each
distributed energy scenario in tab "DE Capacity & Energy ".
The "Expansion__pIan_Summary" tab provides the
conventional resources required to serve load under each
distributed energy scenario. Changes (increases) in
Distributed Energy Net Dependable Capacity in each scenario
(rows 104-106) are offset by corresponding reductions in
conventional resources in each scenario. Because changes
to conventional resources are managed by adjusting the
number of UFA combustion turbines installed in any given
year, and the capacity of UFA combustion turbines is not
divisible, mismatches between distributed energy capacity
additions and reductions in conventional resources are met
with changes in short-term capacity purchases, which are
not displayed in these tables.

b) APS provided Seidman with a spreadsheet detailing, for
various scenarios, the forecast level of distributed solar

Il l \ in



ARIZONA CORPORATION COMMISSION
VOTE SOLAR'S THIRD SET OF DATA REQUESTS TO

ARIZONA PUBLIC SERVICE COMPANY IN THE MA1'rER
REGARDING THE COMMISSION'S INVESTIGATION OF

VALUE AND COST OF DISTRIBUTED GENERATION
DOCKET no. E-000001-14-0023

MARCH 10, 2016

Response to
Vote Solar
3 I 24
continued :

installations, an estimate of their mean costs, and forms of
financing/leasing payment over an anticipated economic life
of 30 years. This generated annual payment cohorts for
installations over a 50-year period (2016-2065). Seidman
validated the internal consistency of the framework used to
estimate spending patterns for the 2016-2065 time horizon,
and checked the base solar installation parameters (costs,
discount/interest rates, and payback totals, etc.) against
publicly available data.

c) No.

ulla
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1 BEFORE THE ARIZONA CORPORATION COMMISSION

2

3

4

Anz0na Corporation Commission

DOCKETED
AUG 28 2007

5

6

MIKEGLEASON
Chairman

WILLIAM A. MUNDELL
Commissioner

JEFF HATCH-MILLER
Commissioner

KRISTIN K.MAYES
Commissioner

GARY PIERCE
Commissioner

8

9

IN THE MATTER OF NET METERING IN
THE GENERIC IIWESTIGATION OF
DISTRIBUTED GENERATION

DOCKET N0.E-00000A-99-0431

DECISION no.

ORDER

69877

10

11

12

13

Open Meeting
August 21 and 22, 2007
Phoenix, Arizona

14 BY THE COMMISSION:

15 1=n~IDn~1Gs oF £491

16 Introduction

17

18

19

CommissioN Decision No. 67744 directed Staff to schedule workshops to consider

outstanding issues concerning distributed generation ("DG"). The second issue to be addressed by

the workshops, after DG interconnection was net metering. A workshop on net metering was held

20 on September 7, 2006. Participants in the workshop included representatives firm utilities,

21

22

23

24 metering.

government  agencies,  envi ronmental  advocacy groups,  consumers,  advOcates for  renewable

resources, advocates for distributed generation, renewable resource providers, and others.

2 . Staff  requested wri t ten comments from interested part ies on issues related to net

Com m en t s  wer e r ec ei v ed  Nom  ak a .  G r een ,  Am er i c an  So l a r  E l ec t r i c ,  A r i zona

25 \  • 4

26

27

28

I

7
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Page 2 Docket No. E-00000A-99-0431
1

1 Coopératives,1 Arizona Public- Sewice .CoMpany ("A1=s"), Arizona Solar Energy Association,

Sadly R. Day,. Distributed Energy AssociatioN of 14rizon8§ Solar. Advocates,2 Jim Stack, and

3 Un1ISource Energy

4 3; In addition, the Energy Policy Act of 2005 requires each state regulatory authority

5 to consider certain PURPA' standards, 'including one on net Metering. The Commission may

6 decline to implement the standard or adopt a modified standard. The CoMMission was required to

7 begin its consideration by August 8, 2007, and Must complete its considera'ti0n by August 8, 2008.

8 On January 23, 2006, Staff Bled a memo in Docket Control that Net Metering was being addressed

9 in Docket No. E-00000A-99-0431.

10 Consideration of the PURPA Standard on Net Metering.

11 4. The Energy Policy Act of 2005 requires each state regulatory authority to consider

12 a PURPA standard on net metering. The standard would apply to utilities with greater than I

13

14
r

15

16

17

18

500,000 MWh in annual retail sales. The Commission may decline to implement the standard or

adopt a modified standard. The standard is as follows:

Each electric utility shall make available upon request net metering service to any
electric consumer that the electric utility serves. For purposes of th paragaph,
the term 'net metering service' means service to an electric consumer under which
electric energy generated by that electric consumer from an eligible on-site
generating facility and delivered to the local distribution facilities may be used to
offset electric energy provided by the electric utility to the electric comumerduring
the applicable billing period.

19

20 5. The Commission is required to consider. the.; three .proposes 'of PURPA in its

21 determination of whether to adopt the net Metering Sta.ndard. The three purposes of PURPA are as

22 follows:

23

24

25

26

27

28

1 The Grand Canyon State Electric Cooperative Association filed comments on behalf of its Arizona cooperative
members ("Arizona Cooperatives") which are: Duncan Valley Electric Cooperative, Inc.; Graham County Electric
Cooperative, Inc.; Mohave Electric Cooperative, Inc., NavopacheElmMc Cooperative, Inc., Sulfur SpringsValley
Electric Cooperative, Inc.; and Trico Electric Cooperative, Inc.

2 SolarAdvocatesinclude American Solar Electric Inc., the Greater Tucson Coalition for So1ar Energy, the Amman
Group, Code Electric, SunEdison, and the Vote Solar Initiative. .

3 UniSource Energy includes Tucson Electric Power Company and UNS EleCtric, Inc.
4 Public Utility Regulatory Policies Act of 1978.

Decision No. 69877
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Page 3 Docket No. E-00000A-99-0431

1

2

3

4 6. Having net metering may facilitate the installation of DG and thus reduce the

5 amount of energy to be supplied by electric utilities. The presence of DG may improve the

6 efficiency of electric utility facilities and thus reduce costs for electric consumers.

conservation of energy supplied by electric utilities,
optimal efficiency of electric utility facilities and resources, and
equitable rates for electric consumers.

Benefits and Costs of Net Metering

reduced peak loads,
provision of ancillary services such as reactive power and voltage support,
improved power quality,
decreased vulnerability of the electrical system,
increased resiliency of other critical infrastructure sectors, and
reduced land use effects.

7

8 7. The U. S. Department of Energy ("DOE")5 has identified the following potential

9 benefits of DG:

10

l l

12

13

14 8. DG might also provide reduced transmission and distribution losses, avoided

15 generation fuel cost, fuel diversification, avoided water use, reduced environmental impacts, and

16 potential deferral or reduction in distribution investment.

17 9. Net metering provides a financial incentive to encourage the installation of DG,

18 especially renewable resources. DOE describes net metering as a policy option available to states

19 to promote environmentally preferred customer-located DG, and its absence can be viewed as a

20 barrier to deployment. The Regulator's Handbook on Renewable Energy Programs & Tani? lists

21 the following purposes of net metering:

22

23

24

25

26

27

28

promoting small-scale renewables;
enhancing the market for renewables,
facilitating installation and interconnection of on-site generation;
reducing customers' electricity bills;
empowering customers to manage their electricity usage, essentially storing excess
power on the grid for use at a later time; and
lowering the utility system peak demand.

s U.S. Department of Energy, The Potential Benet?ts of Dz1stributed Generation and Rate-Related Issues That May
Impede Their Expansion: A Study Pursuant to Section 18]7 of the Energy Policy Act of2005, February 2007.

6 Jan I-Iamrin, Ph.D; DanLieberman, and MeredithWingate,RegulatorS Handbook on Renewable Energy Programs
& Tart/]Iv,March 2006.

Decision No. 69877



Page 4 Docket No. E-00000A-99-0431

10.

2

3

5

7

11.

9

10

11

12

13

14

15

16

17

18

According to AmericaN Solar Electric,photovo1taic systems are ofren larger 'm

service territories that offer net metering because it reduces the systems' payback times. Net

metering also makes savings predictable. In their written comments, the Solar Advocates point out

4 that net metering Indies solar systems effectively cheaper for system owners, and it helps increase

sOlar's peak shaving impact and transmission and distribution effects to benefit all ratepayers

They state that net metering is a critical enabling policy for renewable. resources that are

intermittent and non-dispatchable

APS and the AriZona Cooperatives, in their written comments, state that customers

taking service under net metering Yates do not pay the full cost Of the transmission and distribution

system. Net metering rates do not yield sufficient revenue to cover cost. Therefore, those net

metering customers are subsidized by other customers. The Solar Advocates respond that the

impact of net metering is equivalent to the impact of a customer who reduces load through

conservation. UniSource Energy states that the utility's cost of implementing net metering is all

fixed investment and operating expenses incurred above the incremental cost of avoided energy

purchased or generated. In the view of UniSource Energy, net metering is a super-subsidy for a

class of generation that needs an extra incentive to move renewable technologies to market

transformation. A different view is that the subsidy, if there is one at all, is exceeded by the

overall benefits provided to the system bathe on-site generation

19 Staff Analvsis

20 12.

21

22

23

24

25

Staff believes that net metering should be available in all utility areas because DG

can provide benefits, and net metering may facilitate the installation of DG. Several other states

have considered and rejected the PURPA standard on net metering, not because of the merits of

the standard, but because they already have net metering rules in place. States that have rejected

the standard and already have net metering rules in place include Cal i fornia, ColoradO

Connecticut, Idaho, Indiana, Iowa, Louisiana, Minnesota, Nevada, Utah, Vermont, Virginia

26

27

6

Decision No. 69877



Arizona Public Service Company
Mohave Electric Cooperative
Morenci Water and Electric Company
Sulphur Springs Valley Electric Cooperative
Trico Electric Cooperative
Tucson Electric Power Company
UNS Electric
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Ajo Improvement Company
Columbus Electric Cooperative
Dixie-Escalante Rural Electric Cooperative
Duncan Valley Electric Cooperative
Garkane Energy Cooperative

Graham County Electric Cooperative
Navopache Electric Cooperative

Page 5 Docket No. E-00000A-99-0431
J

1

2

3 13.

4

5

6

7

8

9 14.

10

11

12

Wisconsin, and Wyoming. Ohio adopted the standard and has mies in place. According to the

Database of State Incentives for Renewable Energy ("DSIRE"), 36 states have net metering rules.7

Some concerns have been raised that net metering would result in revenue losses

for utilities, although there is some disagreement on the issue. The Arizona Cooperatives, in their

written comments, recommend that only utilities with greater than 500,000 MWh in retail sales

should be subject to the net metering standard adopted by the Commission because small

cooperatives will be impacted to the greatest degree by the loss of revenue and margins associated

with net metering.

Staff believes that, if revenue losses occur as a result of net metering, the losses

would impact utilities of all sizes. The impact of revenue loss on all utilities could be controlled

through provisions in rules, such as by a limit on total participation.

15. The electric distribution companies that are regulated by the Commission are listed

13 in the following table.

14 Electric Distribution Companies in Arizona
(Under Commission Jurisdiction)

15

16

17

18

19

20

21

22

23

24

25

26

27

28 7 www.dsireusa.org

Decision No. 69877
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Page 6 Docket No. E-00000A-99=0431

1 Staff Recommendations

16.

17.

Staff recommends that the Commission adopt the PURPA standard on net metering

Staff also recommends drat die standard be applied to all electric distribution

4 companies in Arizona that are regulated by the Commission

18. 5 Staff further recommends that the Commission direct Staff to begin .a ruletnaking

process to draiiirules on net metering. The draft rules should address, at a minimum, the following

issues

6

7

8

9

10

customer sector participation
types of generation resources
project size
total participation
metering
treatment of net excess generation, and
responsibility for costs

12

14

CONCLUSIONS OF LAW

The Commission has jurisdiction the subj act matter of the application

The Commission, having reviewed the application and Staffs Memorandum dated

16 August 7, 2007, concludes that it is in the public interest to direct Staff to begin a Rulemaking

17 process on net metering

18

19 IT IS THEREFORE ORDERED that the PURPA standard on net metering, as included in

20 Finding of Fact No. 4, that would apply to all electric distribution companies in Arizona that are

regulated by the Commission is adopted21

22

24

Decision No. 6 9 8 7 7
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Page 7 Docket No. E-00000A-99-0431

1 IT IS FURTHER ORDERED that Staff is to begin a rulemaldng process to dra.tt rules on

2 net metering. The deaR rules should address, at a minimum, the issues listed in Finding of Fact

3 No. 18.

4 IT IS FURTHER ORDERED that this Decision shall become effective immediately.

5

6

7

8

9

BY THE ORDER OF THE ARIZONA CORPOR.ATION COMMISSION

12

13

14

15

16

17

18

19

20

21

22

23

24

25

26

27

28
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1 SERVICE LIST FOR: GENERIC INVESTIGATION OF DISTRIBUTED GENERATION
DOCKET no. E-00000A-99-0431

2

3

4

5

Mr. Jeff Schiegel
SWEEP
1167 West Samalayuca Drive
Tucson, ArizoNa 84704

6

7

Mr. Robert Amman
Amman Group
6605 East Evening Glow
Scottsdale, Arizona 852628

9

10

11

Ms. Deborah R. Scott
Ms. Kimberly A. Grouse
Snell & Wilmer .
One Arizona Center
400 East Van Buren
Phoenix, Arizona 8500412

13

14

Mr. David Berry .
Western Resource Advocates
Post Office Box 1064
Scottsdale, Arizona 85252.15

16

17

Mr. Eric C. Guidry
Western Resource Advocates
2260 Baseline, Suite 200
Boulder, Colorado 80302

18

19

20

21

Mr. C. Webb Crockett
Mr. Patrick 1. Black
Fermemore Craig
3003 North Central Avenue, Suite 2600
Phoenix, Arizona 85012

22

23

24

Mr. Andrew Bettwy
Southwest Gas Corporation
5421 Spring Mountain Road
Las Vega, Nevada 89102

25

26

27 »

28

Mr. Michael Patten
Ms. Laura Sixldller
Roshka Dewulf & Patten
One Arizona Center
400 East Van Buren Street, Ste. 800
Phoenix, Arizona 85004

Decision No. 69877
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Page 9 Docket No; E-00000A-99-0431

1

2

Mr. Dave Couture
Tucson Electric Power Company
Post OfficeBox 711
Tucson. Arizona 85702

3

4

5

6

Mr. Jerry Payne
Cooperative International Forestry
333 Broadway S.E
Albuquerque, New Mexico 87102

7

8

9

Mr. Brian Hageman
Ms..Caren Peckerman
Mr. Richard Briul
Deluge, Inc
4116 East Superior Avenue, Suite D3
Phoenix, Arizona 85040

10

12

13

Mr. SCott s. Wakefield
Mr. Stephen Aheam
RUCO
1110 West Washington Street, Suite 220
Phoenix. Arizona 85007

14 Mr. John Wallace
Grand Canyon State Electric Cooperative Association, Inc
120 North 44th Street, Suite 100
Phoenix, Arizona 8503416

17

18

19

Ms. Jana Brandt
Ms. Kelly Barr
Salt River Project
Post Office Box 52025. MS PAB221
Phoenix. Arizona 85072

20
Mr. Gary Mirach
Energy Strategies
One North Central Avenue, Suite 1120
Phoenix. Arizona 85004

24
Ms. Amy LeGe1'e
4850 Reata Road
Flagstaff; Arizona 86004

25

26

28

Mr. Cohn Murchie
Solar Energy Industries
ASSOCIATION
805 15th N.W.. #510
Washington, DC 20005

DecisioN No 69877
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1

2

Mr. Adam Browning
The Vote Solar Initiative
182-2 Street, Suite 400
San Francisco, California 94105

3

4

5

6

1\/k. Aaron Stallings
Mohave Electric Cooperative
Post Office Box 1045
Bullhead City, Arizona 86430

7

8

Ms. Valerie Rauluk
Greater Tucson Coalition For Solar Energy
Post Office Box 42708
Tucson, Arizona 85733

9

10

11

Mr. Ernest G. Johnson
Director, Utilities Division
Arizona Corporation Commission
1200 West Washington
Phoenix, Arizona 8500712

13

14

15

Mr. Christopher C. Keeley
Chief Counsel
Arizona Corporation Commission
1200 West Washington
Phoenix, Arizona 85007

16

17

18

19

20

21

22

23

24

25

26

27

28
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EXHIBIT

Tucson Electric Power
88East Broadway Blvd., Post Office Box 'll I

Tucson, Arizona 85702

May 1,2015
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Docket Control
Arizona Corporation Commission
1200 West Washington Street
Phoenix, AZ 85007

Re: Tucson Electric Power Company's Request for Approval of Rider R-8 Lost Fixed Cost
Recovery Tariff Docket No. E-01933A~l2~029l, Decision No. 73912

Pursuant to Arizona Corporation Commission ("Commission") Decision No. 73912 (June 27,
2013) ("Decision") and Section 5 of the approved Plan of Administration for Lost Fixed Cost
Recovery ("LFCR") Mechanism, Tucson Electric Power Company ("TEP") hereby files the calculated
annual LFCR adjustment. Attachment A shows the LFCR rate and supporting Schedules, which
consist of the following: 1) LFCR Annual Percentage Adjustment Rates; 2) LFCR Annual Incremental
Cap Calculation; 3) LFCR Calculation; 4) LFCR Test Year Rate Calculation; and 5) Distribution and
Transmission Revenu Calculation, See Attachment B for the clean and redlined copy of the TEP Rider
R-8 Tariff

TEP is proposing an LFCR rate of 0.8565% for energy efficiency and 0.2'770% for distributed
generation. Based on an average monthly usage of 762 kph, TEP estimates that this will result in an
increase of approximately $0.35 on a residential bill. An analysis of the residential customer bill
impact is shown in Attachment C.

In accordance with the Decision, included in this filing is the Full Revenue Decoupling Report
("Report"), which reflects what rates would have been for residential, small commercial and large
industrial customers, if full revenue decoupling had been approved in this Decision. The Report
contains confidential information and is being provided directly to Commission Staff pursuant to the
terms of the Protective Agreement executed in this docket.

TEP respectfully requests that the Commission approve the LFCR rate, as shown in Attachment
A, for implementation of the rate by July 1, 2015.

If you have any questions, please contact me at (520)884-3680.

Sincerely

Melissa Morales
Regulatory Services

GC : Barbara Keene, ACC (Schedules and CD)
Compliance Section, ACC

An'20na C0f9Gra\i<an Commission
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Tucson Electric Power
Lost Fixed Cost Recovery Mechanism

Schedule 1: LFCR Annual percentage Adjustment Rates

Line NO Annual Percentage Ad jus tment Reference Totals

1
2

Energy Ef f iciency Related  Ad iustment

Total Lost Fixed Cost Revenue for Current Period
2014 Applicable Company Revenues
Percentage Ad justment Applied  to Customer's Bills for EE

(Sch 2, Line is, col C * Sch 3, Line as, Col E)
Schedule 2. Line 1. Column C

(Line 1 / Line 2)

s 6.548.760
764,562,435

0.8565%

Dist r ibuted  Generat ion Related  Ad lustment
Total Lost Fixed Cost Revenue for Current Period
2014 Applicable Company Revenues
Percentage Ad justment Applied  to Customer's Bills for DG

(Sch 2, Line 15, Col c * Sch 3, Llne 56, Col E)
Schedule 2. Line 1. Column c

(Line 4/  Line 5)

s 2.118.143

764,562,435
0.z770%



Tucson Electric Power

Lost Fixed Cost Recovery Mechanism

Schedule 2: LFCR Annual Incremental Cap calculation

Line No

1

Reference Totals

764,562,435

3

LFCR Annual Incremental Cap Calculation

2014 Applicable Company Revenues
Allowed Cap %

Maximum Allowed Incremental Recovery (Line 1 ' Line 2) 7.645.624

Total Lost Fixed Cost Revenue Schedule3. Line 57.Column c 8.985.229

Previous Filing, Schedule 2, Line 13

Column c

6

8

Total Deferred Balance from Previous Period
Annual Interest Rate
Interest Accrued on Deferred Balance

Total Lost Fixed Cost Revenue CurrentPeriod

(Line 5 * Line 6)

(Line 4 + Line 5 + Line 7) 8.985.229

Lost Fixed Cost Revenue from Prior Period

Previous Filing, Schedule 2, Line 15

Column C

10 Lost Fixed Cost Revenue - Billed

11 LFCR Balancing Account

Prior Period Correction

(Line 9 - Line 10) 538,567

(856,893)

12 Total Incremental Lost Fixed Cost Revenue for Current Year (Llne 8 - Line 9 + Line 11 + Line Na)

13 Amount In Excess of Cap to Defer (Una 12 - Una 3)

14 Incremental Period Adjustment as % ((Line 12 - Line 13) / Line 1] 0.4229%

15 Total Lost Fixed Cost Revenue for Current Period (Line 8 + Line 11 + Line Na - Line 13) s 8.655.902

Amount billed to customers for the collection period of August 2014 through June 2015. Coliedions for March 2015 through June 2015 are
estimated based on 2014 revenues during those same months

This year's filing includes an adjustment to correct for an issue discovered In the 2014 LFCR filing. The 2014 LFCR filing did not remove test
year produnlon when calculating the Lost Fixed Cost Revenue for DG, and we have calculated the impact of this to be $(856,893)



Tutlon Electric Power

Lost Fixed Cost Recovery Medianism

Schedule 3: LFCR Cukzuhtion

Line No LFCR rum Cost Revenue Caknlation W¢*hlil \§
Rasidentlll

Eaefzv £f&ci¢ncv Sivills
9 7 . 6 4 4 4 5 9  k p hCurrent Period

98 al Rzsdential Customers chanting fared-option

Excluded kph raduttiun

Het Current Petiole

{L§1e 1 " Line 2}
{Line 1- Una 31 9 7 . 6 0 . 4 5 9  k p h

Friar Period kph Et kraus Fvevbus Fling, scheduler, line 6, Column c
(Pwhous FIinl, Scheduler, Ume 6, tohamn 8

Cumuht lvc  Mnoverab ls  kph  We

Tolll Rcwvovublc El savings
auiuenuul- um Fluted C1151 Ike Sdndule4. Lino a. Column c

(Lille 7 * Ume I)

a6,45a,o'14 own

114,10Z ,551  kph

1 1 l , 1 D1 , 5 S1  n t h
o .o ao l  S/kwn

s,s1u,3sLe2Rnlhntlal - Lon Fixed Cost Runnno Relating to EE

Distributed Gvmrafien
Cllrwnl Period

'K of Residential Customers choosing fhnedmptbn

uauuea kph reduct ion

uh: - Current Pefild

41,325,794 kph

(Ula 10 • line 11)
(Ume 10 . Ume 12) 41 ,318 ,194  kph

prof perked kph DO bates
Previous Fiilng, Sdmiule3, Line 15, Column

c
Wrzviaus Fiiini. Sdledule a, Line 15, Column

co Lhe 13)Cumulnbvn Racowrabh kph uw-p

Tool lecovenble DG Saving
l i i ld in t l l l -  um runuicaux nm

luldentlal - Los! Mai Cost Revenue Relating to UG

Schndsde4. Lhle3, Column C

(Ume 16 l Me 17)

41,328,794 k p h

41,321,794 kph
a n n o : S/ xw h

1.171.91515

Sl l l l l  So n c n l  s a r a
Mn Fllklrnnv WnvWs

Current Period 1 9 , 4 s s 1 9 2  k p h

Prior Period kph EI losses

Previous Filing, Schedule 3. Line 21 Column

c

[Previous Filing, Schedule 3. Line 21 Column

c + U98 191

1 1 6 5 2 ,2 5 8  k p h

Cumulitlve Recoverable kph savings 3 l . 13B I5U  o w n

TOIill Recoverable El slings

Small General Service . Lost Fixed Cost Rate

Small General Service Last Fixed Cost Revenue Relating to EE

Line 2:
Schedule 4, Line 6. Column C

(ume 22 ' lim: pa)

31,x8s,760 k p h
0 0 3 1 4  S/ k wh
757.05

f>i~l*ril1-meri G4»n¢-raiinn

Current Period 21 .606331  kp h

Cumuhtlve lnovenble kph slvil\ls

Previous rnlq, sa\nuu a, Una 11, Column
Moy Paviod kph DG bins c

(Pnvkms wig, Sdmiuie3, Ume 27, Column
C 4 Une15) 17 ,606 ,951  kph

Total llcownbll DG Saving
Small Genenls¢~r\ia- Lost Find Cos! RUe

Small Generalkwhx . Lon Fixed Cos! Revenue ReiNing to DG

Scluduh 4, Line s. Column c

[line 28 " Line 29}

z7 .sas .s l1  kp h
o . o a x 4  S W "

s m a r m

Urn6¢nlnI Sacco . Dolwery Revenue . Dumlnd
Energy E l j g g n q s r w m

Current Fefiud s . e 7 s  W

Cumukdve lecavenbb kW nvlnp

Previous Filing, Sdledulc 3. Line 33, Cdunln

Prior Period kW EE tosses c

[Previous Filing, Schaduk 3, Line 33, Column

c + U m al;» s.9:r1 kW

Total nemlefable EE51vrgs
llrle G¢|\ef||Seniae- um Fianna Cost late

Lure General Service . Loss Fixed Cost Revenue Marin; to EE

sdlalule 4.  Urea.  column c

(Line34 ' t ime35)

6 .9 7 0  k W
2 3 9 0 1  s / r w

16,617.67

0-.1r*, ft 41 Fu v .w.t...

Current Pnrlud 5 , 8 3 5  k W

Prior pubs aW DG losses
Previous Filing, Schedule 3, Line 39, Column

c

[Previous Fling. Schedule 3, Line 39, Column

C + Line 37]

kW

Cumulative Recoverable kW savings s,aas RW

Total Recoverablve DG Saurirags

Large General Service lost Fixed Cost Rite

Large General Service - lost fixed Cost Revenue Relating to DG

Lnne 39
Schedule 4. Uncle. Column c

[Una W * line 41)

6,835 KW

2. 3901 5/ kW

16335.95

\1111 Geaenl Souk! . Ddhuy Revenue
energy Efliaierxv Savings



Tucson Eleclrk Fewer

Las! Fixed Cost Reeovefy Mechanism

Schedule 3: LfCR Calculation

LFCR Fixed Cos! Revenue Culcuhdan Wlihtim

Current Period 13,089,143 kph

Pllof Period kph EE bans 1s.s3z.sz3 kph

Cumuhdve lecavenble Kph ;;vl¢l;;

Previous Film. Schedule a, Una ms, Column

c

(Previous Fling Scheduler, Um45, Column

c » Up ea) 29641756 kW\\

Total Rlcoverahlo EE Savings

Large General Service - lost Find Cost Rate

large General Service - Lon Filed Cost Revenue Relating to EE

Sdltdule 4, Um 12. Column C

(Line45 ' Line47)

zs.641.76s kph
0.004z slkwh

124,495.41

uistfibmed generation

Current Perle 9.410.418 kph

Prior Period l:Wh DG losses

Cum ulztive Recoverable kph scvlngs

Previous Filing Schedule 3, Ume 51. Column

c

(Previous Fling, 5d1edule 3 Line 51, Column

C + ume 49] 9. 4a0. 418 kph

Total Recoverable DG Savings

ro Gancral Survicc Last Find Cost Rate

Lain Gener||Service- Last Fiamd Cost Revenue letting to DG

Sduedule 4. Una 12, Column c

(Ume SZ I line53)

s , 4a0 . 41a  kph

0 . 0 0 4 2  $ / lw h

39,817.75

Tool Lat #bud Cost Revenue Belate U Energy Effkknq

percent of Ina!

75.564 (Line55 /  une57)

244494 (Una as / umeFmTotal lust Feud Cos! Revenue MUM M Distributed Genunlion

6,7ss,2as.76

2 1 9 5 9 3 9 7 6

a.sas.z2a.s2Total Les: Fired Coll Revenue

$umLi\e9~24~3644B

$umLil\e1l430+l2+§4

(lJne55¢Llne56)
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Tucson Electric Power

Lost Fixed CostRecovery Mechanism

Schedule4: LFCR TestYear Rate Calculation

(A)
Line No. LFCR Fixed Cost Calculatlon

Residential Customers

(B)
Reference

(C )
Totals

s1

2

3

Delivery Revenue

kph Billed

Lost Fixed CostRate

111,739,643

3,627,093,708

0.0308

Schedule 5, Line 5, Column F
Schedule s, Line 5, Column 8

(Line 1 / Line 2) s

Small General Service

s4

5

6

Delivery Revenue

kph Bllled

Lost Fixed Cost Rate

Schedule 5, Llne 8, Column F
Schedule 5, Llne 8, Column B

(Lines/ Line 5) s

63,186,286

2,012,114,954

0.0314

Large General Service

I
t
|

7

8

9

Delivery Revenue Demand

kW Billed

Lost Fixed Cost Rate

Schedule 5, Una 11, Column F

Schedule5, Llne 11, Column B

(Line 7 / Line 8)

s 8,172,790

3,419,489

2.3901s

La age Gene rel Service

1 0

1 1

1 2

Delivery Revenue

kph Billed

Lost Fixed Cost Rate

s 5,319,772

1,261,678,481

0.0042

Schedule 5, Line 14, Column F

Schedule 5, Line 14, Column B

(Line 10/ Line 11) $

I

fun min
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Tucson Electric power
Lost Fixed Cost Recovery Medranism

Schedule 5: Delivery Revenue Cakulatlon

(A ) (B) (C) (D) (E) Mn
B x D x E

Rate Schedule

Residential Service (R-01)
Residential Service (R»80)
Residential Service (R-201AN)
Residential Service (R~201BN)

Adjusted Test  year Billing
Determinants

3,368,532,306
116,359,255
131,427,481

10,774,668

3,621,093,708

Units

k p h
k p h
k p h
k p h

k p h

s
s
s
s

Delivery
Charge

0. 0314
0.0229

0. 0230
0.0229

Demand
stabaliry

Factor

1 0 0 %  s
1 0 0 %  s
1 0 0 %  $
1 0 0 %  s

s

1ozal oeiivery
R evenue

105,811,858
2,664,627
3,016,454

246, 705

111,739,643

Line no.

1
2
3
4

5 Subt o t a l  -  kph I3
1

Small Genera! Service (GS-10)
Small General Service (SGS-76)

1,888,524,435
123,590,518

2,012,114,954

k p h
k p h

k p h

s
$

0.0314
0.0312

1 0 0 %  s
1 0 0 %  $

s

59,326,481
3,859,905

63,186,286

s
7

8 Subtota l  -  kph

9
1 0

1 1

Large General Service (LGS-13) - kW
Large General Service (LGS-85) - kW

Subtotal .  kW . Demand

2, 719, 841
699, 648

3,419,489

k W
k W

k W

s
s

s ,1300
3.4200

5 0 %  s
5 0 %  s

s

6,976,392
1,196,398

8,172,790

1 2
1 3

14

Large General Service (LGS-13)
Large General Service (LGS-85)

Subtotal - kph - Delivery

1,045,063,814
216,814,657

1,261,678,481

k p h
k p h

k p h

s
s

0. 0049
0 . 0011

1 0 0 %  s
1 0 0 %  s

s

5,071,019
248, 753

55319,772

I
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1

E



CLEAN

Statement of

Charges



Description Rate Effective Date Decision No.

Rider R-6 - Renewable Energy Standard and Tariff Surcharge

REST-TS1 Renewable Energy Program Expense Recovery

Average price by class:

Monthly Cap

For Residential Customers:

For Small General Service Customers:

For Large General Service Customers:

For Large Light & Power Customers:

For Lighting Customers:

Monthly Cap

$ 3.19 per month

$ 20.77 per month

$ 779.66 per month

$8,000.00 per month

$ 11.71 per month

January 1, 2015 74884

Rider R-8

Lost Fixed Cost Recovery (LFCR) Mechanism - Energy Efficiency

Lost Fixed Cost Recovery (LFCR) Mechanism - Distributed Generation

0.8565%

0.2770%

Pending Pending

Rider R-9 - Environmental Compliance Adjustor (ECA) $0.000191 per kph May 1,2015 73912

Tucson Electric Power Company

Tucson Electric Power
Sixth Revised Sheet No

Superseding Fifth Revised Sheet No

TEP STATEMENT OF CHARGES

Filed By:

District

Kenton C. Grant

Vice President of Finance and Rates
Entire Electric Service Area

Effective

Decision No

Statement of Charges

July 1, 2013

73912
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Statement of

Charges
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Description Rate Effective Date Decision No.

Rider R-6 - Renewable Energy Standard and Tariff Surcharge

REST~TS1 Renewable Energy Program Expense Recovery

Average price by class:

Monthlv Cao

For Residential Customers:

For Small General Service Customers:

For Large General Service Customers:

For Large Light & Power Customers :

For Lighting Customers:

Monthlv Cap

$ 3.19 per month

$ 20.71 per month

$ 779.66 per month

$8,000,00 per month

S 11.71 per month

January 1, 2015 74884

Rider R-8

Lost F ed Cost Recovery (LFCR) Mechanism - Energy Efficiency

Lost F ed Cost Recovery (LFCR) Mechanism - Distributed Generation

0.44498565°/0

0.842i52'770%

August..

Ql844pendin
¥4598?*end&n

Rider R-9 - Environmental Com pliance Adjustor (ECA) $0.000191 per kph MaY1,2015 73912

Tucson Electric Power Company

Sixth»9§f4l4 Revised Sheet No.: 81-2

TL'cson Electric Power Superseding fzhl2@¢w» Revised sheet No. 801-2

TEP STATEMENT OF CHARGES

Filed By:

Title:

District:

Kenton C. Grant

Vkze President of Finance and Rates

Entire Electric Service Area

Rate:

Effective:

Decision No.:

Statement of Charges

July 1, 2013

73912

f
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TUCSON ELECTRIC POWER COMPANY

LOST FIXED COST RECOVERY - LFCR EFFECTIVE 1uLy2015

RESIDENTIAL BILL IMPACT

proposed Rates

$10.00

current Rates

$10.00
Summer

Customer Charge (Side Phase)

50.056200

$0.067200

50.079900

s0.0e8200

so 056200

$0.067200

so.o1ss0o

$0-085200

Energv Changes

Firs t 500 kph

501-1,000 kph

1,001-3,500 kph

>3,500

$0.035111

$0.006820

$0.035111

so.oosszo

Power Supplv Charges

Base Power

PPFAC

0.856596

0  znc os

0.4149%

0312696

LFCR Charges

LFCR EE

LFCR DG

Proposed Rates

$10.00

Current Rates

$1o.oo
W inter

Customer Charge (Single Phaser

$0.0562D0

$0.oss2oo

$0.07a100

$0087100

$0.05S200

s o ns s zo o

$0.078100

s0.087/00

Energv Charges

Firs t  sao kph

501-1,000 kph

1.001-3,500 kph

>3,500

$0.031532

50.006820
50.031532

$0.006820

E.4§Lchi£ i ! i
Base Power

PPFAC

0.856S%

0.2770%

0.414996

0.s126%

L_rcn Charges

LFCR EE

LFCR DG

k p h Billing Months

Summer kph 933 5

Winter kph 640 7

Monthly Weighted Average 762

Current proposedru 5 Difference % Difference

0.00%$10.00s1o.oo

0.00%

o.coec

0.90%

0.00%

Blocks

500

433

0

0

$28.10

$29.10

$9.00

so.oo

$28.10

$29.10

$0.00

$4J.00

s o

$o.oo

so.o0

s o o o

$a2.'/s

Se a s

$106.32Subtotal

0 .cons

0.00%

0.80%

$32.76

$6.56

$106.32

106.82%

-12.12%

s0.oo

$0.91

$0.19

Total Summer Bi!!

$0.47
. $ 0 9 4

$107.52 0.40%$107.09

$0.44

$0.33

$0.43

s0.oo

$0.00

so.oo

Currentinter S Difference $6 DlfferenceProposed
0.0096$10.00$10.00 $0.00

0.80%

0.00%

0.00%

0.00%

Bio¢ks
500

140

0

0

$28.10

$9.13

$0.00

$0.00

$28.10

$9.13

$0.00

$0.00

$0.00

so.oo

$0.00

$0.00

$0.00

$0.00

$0.00

0.00%

0.00%

0.00%

$20.18

$4.36

$71.77Subtotal

$20.18

$4.36

$71.77

103.33%

-9.09%

0.40%

$0.30

so.zz

$72.58$72.29

$0.61

$0.20

Total Winter BllI

0.40%$4.18$1,045.65$1,041.48Total Annual

$0.31

-so.o2

$0.29

ss6,79ve me mhlv Bill 0.40%$0.35$87.14

I
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FGRTIS
Quick Facts

BASED IN

sT. JOHN'S. NL FORTISBC

A

WANETA
EXPANSION FORTISALBERTA

uTluTy
OPERATIONS

aRms co uMBIAl (ALB RTA;

IN CANADA, u.s.
AND CARIBBEAN

7,700
EMPLOYEES STRONG

$29B
TOTAL ASSETS

ans ENERGY
(ARIZONA)

I

C

A

Regulated Gas

Regulated Elecltric

Long-Term Co tracked Generation

IIIII
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MANMME ELEC1'llC
(PRINCE EIMNARD 1sunno)

MILLIDN
GAS

FURTISONTARIO
UTIUTY CUSTOMERS

(ONTARIO) I

C E N T R A L  H U D S O N
(NEW YORK STATE) $10.5B

i
I
i

(asufDenanber31,2015)

5

1
3
I
I

i

1 (TURKS Anno CAICOS Amos)
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A
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Regulated, Low Risk and Diversified
No jurisdiction accounts for more than one-third of total assets or operating earnings

Business Segments

UNS Energy 511.000 152,000

Central Hudson 300.000 79.000

FortisBC iv 168.000 982.000

FortisAIber1a 539.000

Eastern Canadian (2) 405,000

Caribbean Electric G)

1.sss.wo 1.213.990 7.659 49,951

in includes Fortis8C Energy and Fortis8C Eiecrric

421 includes Newfoundland Power Maritime Electric and FortisOn t r i o

of includes Caribbean Uriiiries and Fortis Turks and Calicos Data includes 100% of Caribbean Utilities operations except for earnings, which represent Caribbean Uriiiries' contribution ro consolidated
earnings of Fortis based on the Corporation's approximate 60% ownership interest Also ineiudes the CorporationS 33% eqfuiry investment in 8eiize Eiectriciry

Fortis  Generation iv

Comprised of tn vestments in British Coiumibra, Belize and Ontario

Earnings from non-uri.-'ify o,oeratton5 were $114 rnfifion

Eu inofudes forecast caprrai expenditures of approximately $15 miiiion Ar Fortis Generation and $3 miiiion at Forris8C Aiternarive En orgy Services inc, which is reported in the Corporate and Other segment

All financial information is presented /n Canadian dollars
information /S for the fiscal year ended Deeember 31, 2015 unless otherwise indicated

FORTIS INC. 2015 ANNUAL REPORT
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Strong Track Record cf Total Shareholder Returns
2015 was the 42"" consecutive year of annual dividend increases and marked the introduction of dividend guidance tor
the first time, with an annual average dividend growth target of 6% through 2020

Dividends Paid Per Common Share

I I I T'  I I I II I I I I T T I I '1'l I-l"T T T l' T T I I I l l' f l' l l l l' l l' l"l' I T

76 80 88 92 96 00 04 08 12

Total Assets Increased 9.9°/Achieved Average Annualized
Total Shareholder Return of
8.2% Over the Last 10 Years

$29 Billion (as at December 31, 2015

The 10-year cumulative total return of 116% for the
period ended December 31, 2015 is approximately
60% higher than the performance of the S8¢P/TSX
Capped Utilities and Composite indices

Total Assets

96% Regulated Assets

70°
Electric

/ 26%
10-Year Cumulative Total Return

Fort is
S8IP/TSX Capped  Ut i li t ies Index
S&P/TSX Composite Index

G en era t i o n

Year I 8 ' T
05 06 07 08 09

FORTIS INC. 2015 ANNUAL REPORT



Financial Highlights

Fortis achieved record earnings in 2015, driven by ilis U.S. utility acquisitions, gains on non-core asset dispositions

completion of the Waneta hydroelectric generating facility (Waneta Expansion) and strong results from its Canadian utilities

Earnings Attributable to Common
Equity Shaleholders (SM)

Basic Earnings per Common Shale (S)

728(2)
2_61w

1_41(1)

311 315 353 3170)l

2011 zolz 2013 2014 z01s 2011 1012 2013 2014 zols

Capital Expenditures (SB) Revenue ($B)
6.7

2.2 s.4
1.7

1.2 1.2
4.0

1.1

I

zo11 2012 2013 z014 2015 2011 2012 2013 zo14 2015

Assets (SB) Midyear Ra&eBase (SB)

26.2

17.9

14.2 15.0
8.78.1

2011 2012 2013 2014 z01s 2012 2013 2014 zols

to Results were impacted bynon-recurring [1404 Iawyelyassodated with the aayuasition of M Energyin2074

w Results were impacted bye full year's cavvuibution fawn us Fara compledaw of the Wan a Brpansion and non-recurring item; largely associated with gaffs on the sale of non-core asses

Al/ financial information B praented in Canarxian dollars
information /3 for the hkcalyeafs ended Decemberil.

6 FORTIS mc. 2015 ANNUAL REPORT
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Fortis invested a record
$2.2B in 2015 in capital

expenditures as part of its
five-year $93 capital plan

Energy infrastructure
investment will increase

Fortis' 2020 rate base
to almost $2lB



Report to Shareholders

2015 was a remarkable year for Fortis

We advanced our business operationally and strategically, delivered record

earnings, raised our dividend for the 42nd consecutive year and introduced

dividend growth guidance of 6%, on average, annually through 2020

We successfully executed our annual capital expenditure plan, investing a record

$2.2 billion in energy infrastructure. Our 2015 results illustrate the underlying

strength of our business model, the breadth and depth of the management

team, and our ability to drive performance across the organization

Dngoing focus - strength & growth in our core business

Our priority continues to be the provision of safe, reliable, cost-effective energy

service to our customers and the profitable expansion of our existing operations

We remain focused on executing our capital program and pursuing additional

investment opportunities within existing service territories. Our stand-alone

operating model and financial strength, driven by a strong balance sheet

and investment-grade credit ratings, positions us well for future expansion

and leadership in the North American utility sector

Rate base is expected to be almost $21 billion in 2020

Over the five-year period through 2020, excluding the acquisition of

ITC Holdings Corp., our capital program related to our existing

operations is expected to be approximately $9 billion. This investment in

energy infrastructure is expected to increase rate base to almost $21 billion

in 2020, exclusive of new acquisitions, and produce a five-year

compound annual growth rate of approximately 59

FORTIS INC. 2015 ANNUAL REPORT



Fortis remains focused on being a leader
in the NortN American us tty industry and its strategic

vision is guided by the goals of delivering long-term

profitable grovvtb and building shareholder value
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Report to Shareholders

Strong financial performance UNS Energy- Residential Solar Program and

Pima/ Transmission Project

UNS Energy, which ranks among the top 10 utilities in the

United States for installing new solar capacity and per-capita

additions to its solar energy portfolio, advanced its Residential

Solar Program in partnership with local solar companies. This

partnership allows ans Energy to own and install rooftop

solar systems for residential customers. The total capital cost

of the program through 2020 is expected to be approximately

US$82 million, with USS16 million to be invested in 2016.

ans Energy also completed the Penal Transmission Project in

2015 at a total project cost of US$79 million. The project consisted

of the construction of a 500-kiiovolt (kV) transmission line

in Pinal County that will increase UNS Energy's import capacity

from Gila River Unit 3 and the Palo Verde trading hub.

We achieved record net earnings of $728 million, or $2.61 per

common share. A number of factors drove our strong financial

results in 2015. We were successful in selling non-core assets

and achieved significant gains on these sales. The acquisition of

UNS Energy, which we completed in August 2014, clearly had

an important impact on our results, contributing $195 million in

earnings. We also benefitted from the completion of the

Waneta hydroelectric generating facility (Waneta Expansion),

the strength of the US dollar relative to the Canadian dollar,

strong results from our Canadian utilities, and the resetting

of customer rates at Central Hudson. Adjusted net earnings

attributable to common equity shareholders for 2015 were

$589 million, or $2.11 per common share, an increase of

$195 million, or $0.36 per common share, over 2014. Cash

flow from operations totaled $1.7 billion, 70% higher than

last year, largely driven by higher cash earnings. Significant progress in renewable energy

Record capital investment
Consolidated capital expenditures totaled $2.2 billion in 2015,

representing the largest capital program in the history of Fortis.

These investments fuel growth in our rate base, which midyear

was $16.4 billion. The majority of our capital projects are small

and highly executable, but in 2015 we did successfully complete

our largest project to date: the $900 million, 335-megawatt (MW)

Waneta Expansion. We also continued to advance other projects

across our businesses, including the following key projects:

In partnership with Columbia Power Corporation and Columbia

Basin Trust, Fortis completed the 335-MW Waneta Expansion

near Trail, British Columbia. The output of the Waneta Expansion

is being sold to BC Hydro and FortisBC under 40-year contracts.

The Waneta Expansion has added a second powerhouse that

shares the existing hydraulic head and generates clean,

renewable, cost-efficient power from water that would otherwise

be spilled. The project included construction of a 10-kilometre,

230-kV transmission line and provides enough energy to power

approximately 60,000 homes per year. It was completed

six weeks ahead of schedule and on budget while maintaining

an excellent safety and environmental protection record.FortisBC Energy - Tilburg LNG Facility Expansion

Construction efforts in 2015 focused on building the storage

tank and liquefaction process areas. We expect the project,

which includes a second liquefied natural gas (LNG) tank and

a new liquefier, to be in service around the end of 2016.

Total project costs to the end of 2015 were approximately

$326 million, with $181 million invested in 2015.

Solid credit metrics
Maintaining solid investment-grade credit ratings through

a strong balance sheet and ample liquidity is a priority for us.

As of year-end, we had unused consolidated credit facilities that

totaled approximately $2.4 billion.

FortisAlberta - Pole-Management Program

During 2015 FortisAIberta continued with the replacement of

vintage poles under its Pole-Management Program. The total

capital cost of the program through 2020 is expected to be

approximately $336 million, with $41 million invested in 2015,

for a total of $200 million to date.
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Underlying confidence in our business allows
us to initiate dividend guidance

We expect 2016 to also be an active year, with the advancement

of the general rate applications at Tucson Electric Power for new

retail rates effective January 1, 2017 and at Newfoundland Power

for new rates effective July 1, 2016, Reforming the Energy Vision

proceeding progressing in New York State, Generic Cost of Capital

Proceedings in British Columbia and Alberta, and a Capital Tracker

application at FortisAlberta

The strength of our business and the confidence in our future

allowed us in 2015 to raise our dividend twice as well as initiate

dividend guidance. We ended the year with a quarterly dividend that

translates into an annualized dividend of $1.50 per share, and we

are targeting average annualized dividend growth of 6% through

2020. We are proud of our 42-year track record of annual dividend

increases, and believe that our low-risk, predictable and diversified

business will allow us to meet our dividend growth targets

Empowering leaders to grow the business

Sharpening our focus on our core regulated
utility businesses

We continue to empower the leaders of our utilities to drive

performance, discover new investment opportunities and foster

talent. Enterprise-wide talent management and development

has been elevated to a strategic priority as we prepare for the

next stage of growth at Fortis. As part of this initiative we have

appointed Nora Duke, Executive Vice President, Corporate Services

and Chief Human Resource Officer. Nora is a veteran of Fortis

having spent almost 30 years with the organization, most recently

as President and Chief Executive Officer of Fortis Properties

After two major acquisitions in the previous two years, we spent

2015 focusing on our base business and integrating our Arizona

utility, UNS Energy. As part of sharpening our focus on our core

utility business in 2015, we divested our commercial real estate and

hotel business, as well as some small non-regulated generation

assets. We realized proceeds of almost $900 million from these

sales, which were used primarily to repay credit facility borrowings

.- largely associated with the acquisition of UNS Energy

Environmental sustainability
Fortis at the forefront of industry change

We continue to look for investment opportunities
in energy-related infrastructure
While Fortis expects long-term sustainable growth in rate

base, earnings, and shareholder returns from investment in

its existing utility operations, it is also committed to identifying

and executing on opportunities for additional growth through

investments in existing service territories.

The North American electric utility industry continues to evolve

and change. The most notable changes include a continued focus

on clean energy and energy conservation initiatives, while

balancing technology advancements and changes in customer

needs. With increasing levels of solar usage and plans for a

significant shift away from coal generation in Arizona, as well as

major regulatory reform ongoing in New York, Fortis subsidiaries

in the United States are at the centre of many of the key trends

within the industry

We delivered on this commitment with the announcement in

December of the acquisition of the Aitken Creek Gas Storage

Facility (Aitken Creek) for approximately US$266 million

Aitken Creek is the largest gas storage facility in British Columbia

with a total working gas capacity of 77 billion cubic feet and

is an integral part of Western Canada's natural gas transmission

network, We anticipate that this transaction will close in the

first half of 2016.

Our strategy is to ensure that we are well positioned to

embrace these opportunities, facilitate public policy objectives

and collaborate with customers and regulators on outcomes

that preserve the strength of the grid and role of the

incumbent utilities. This, in turn, will allow us to deliver

on our growth objectives

Active regulatory calendar
Fortis focuses on maintaining constructive regulatory relationships

and outcomes across its utilities. Our regulatory calendar remains

active. There were some important decisions and advancements

in 2015, including a three-year rate settlement that saw a

resetting of customer rates effective July i at Central Hudson

as well as decisions on Capital Tracker Applications and a Generic

Cost of Capital Proceeding at FortisAlberta.
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Report to Shareholders

Acquisition of ITC Holdings Corp Fortis remains focused on being a leader in the North American

utility industry and its strategic vision is guided by the goals at

delivering long-term profitable growth and building shareholder

value. We measure our financial and operational performance

primarily through growth in earnings per common share and

total shareholder return

Fortis has grown its business through strategic acquisitions

that have contributed to the strong organic growth of the

Corporation over the past decade. On February 9, 2016, Fortis

announced it would be acquiring ITC Holdings Corp. (it) in a

transaction valued at approximately US$11.3 billion. We expect

this accretive acquisition will support our growth strategy

as well as further strengthen and diversify our business Over the 10-year period ended December 31, 2015, earnings

per common share of Fortis grew at a compound annual growth

rate of 4.6%, on an adjusted basis. Over the same period,

Fortis delivered an average annualized total return to shareholders

of 8.2%, exceeding the S8<P/TSX Capped Utilities and S8<P/TSX

Composite indices, which delivered average annualized

performance of 4.6% and 4.2%, respectively, over the

same period

ITC is the largest independent pure-play electric transmission

company in the United States. The Michigan-based company

owns and operates high-voltage transmission facilities

serving a combined peak load exceeding 26,000 MW along

approximately 15,600 circuit miles of transmission line

ITC's rate base is expected to grow at a compound annual

rate of approximately 7.5% through 2018, and its rates are

regulated by the Federal Energy Regulatory Commission (FERC),

which has been one of the most consistently supportive

regulators in North America, providing reasonable returns

and equity ratios

Clearly, we are confident about the future of Fortis. Our

success to date and our future prospects have, and will

always be, the result of the hard work of our talented and

dedicated people, and to the strong corporate culture of Fortis.

To each and every one of our employees, your hard work

and commitment to customers underpins the success of Fortis.

Thank you for your ongoing contribution.

The combined company will be one of the largest investor-owned

North American utilities, with an expected consolidated 2016

midyear rate base of $26 billion. Following the completion of

the acquisition, our utilities in the United States will represent

approximately 60% of our regulated earnings and assets. As part

of the ITC transaction, Fortis expects to list its common shares on

the New York Stock Exchange (NYSE) under the ticker symbol

FTS. Listing on the NYSE will provide access to larger pools of

capital and likely increase trading of our shares

It is with regret that we acknowledge the resignation of

Paul Bonavia from our Board in February 2016. Paul withdrew

from the Fortis Board in order to remain in compliance with

the rules of another entity of which he is a director. We wish

to express our genuine gratitude to Paul for his insight and

valuable contribution to the Board and extend our best wishes

to him for the future. Finally, we also extend our sincerest

appreciation to all of our colleagues on the Board of Directors

for your continuing dedication, insight and support.

Shareholders can expect to hear more from us in 2016 as we

move through key milestones leading up to closing, including

shareholder approval for both companies and various regulatory

approvals. Closing is expected to occur in late 2016 On behalf of the Board of Directors,

Looking forward
Fortis is continuing on its sound and successful, time-tested

strategy: a well-managed, low-risk, highly diversified utility

that has a measured and disciplined approach to growth
75-*~, I

David G. Norris
Chair of the Board

Fortis Inc

Barry v. Perry

President and Chief Executive Officer,

Fortis Inc
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Fortis Inc. - H. Stanley Marshall
Memorial Scholarship

H. Stanley Marshall retired as President and CEO from Fortis in 2014, after building a

formidable legacy at Fortis. He has left an indelible imprint on our culture, vision and values

During 2015 Fortis established an endowed scholarship in recognition of his contribution

to the Corporation's success.The Fortis Inc. - H. Stanley Marshall Memorial Scholarship

will support undergraduate students from a Caribbean country entering a professional

school or faculty at Memorial University of Newfoundland. Fortis has a strong link to

the Caribbean through its operations there, beginning in 1999 with the acquisition

of an electric utility in Belize

Honcvuring Our Past

In keeping with Fortis' proud Newfoundland

history and roots, and honoring its provincial

heritage, Fortis became a Centennial Leader

with a $3.25 million donation to the Where

Once They Stood We Stand capital campaign

We encourage those of you living here in

Newfoundland or visiting to join us and other

supporters to open this important monument

and honor those who served Newfoundland

and the British Empire

With this donation. Fortis became the lead

corporate supporter to commemorate

Newfoundland's contribution to the First

World War and the Battle of Beaumont-Hamel

Both the First World War Exhibition and

The Rooms Site Courtyard area will serve as

a perpetual monument to Newfoundland's

contribution to the First World War. and will

be dedicated by the Centennial Lead Donors

on July 1, 2016 to all those who served

overseas and on the home front

)
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Management Discussion and Analysis

Dated February 17, 2016

FORWARD-LOOKING INFORMATION
The following Fortis Inc. ("Fortis" or the "Corporation")
Management Discussion and Analysis ("MD&A") has been
prepared in accordance with National Instrument 51-102
Continuous Disclosure Obligations. The MD&A should be read in
conjunction with the Audited Consolidated Financial Statements
and notes thereto for the year ended December 31, 2015
Financial information for 2015 and comparative periods contained
in the MD&A has been prepared in accordance with accounting
principles generally accepted in the United States ("US GAAP")
and is presented in Canadian dollars unless otherwise specified

Forward-Looking information

Corporate Overview

Corporate Strategy

Key Trends, Risks and Opportunities

Significant Items in 2015

Summary Financial Highlights

Consolidated Results of Operations

Segmented Results of Operations

Regulated Utilities

Regulated Electric 81 Gas Utilities - United States

UNS Energy

Central Hudson

Regulated Gas Utility- Canadian

FortisBC Energy

Regulated Electric Utilities - Canadian

FortisAlberta

FortisBC Electric

Eastern Canadian Electric Utilities

Regulated Electric Utilities - Caribbean

Non-Regulated

Non-Regulated - Fortis Generation

Non-Regulated -- Non-Utility

Corporate and Other

Regulatory Highlights

Nature of Regulation

Material Regulatory Decisions and Applications

Consolidated Financial Position

Liquidity and Capital Resources

Summary of Consolidated Cash Flows

Contractual Obligations

Capital Structure

Credit Ratings

Capital Expenditure Program

Additional Investment Opportunities

Cash Flow Requirements

Credit Facilities

Off-Balance Sheet Arrangements

Business Risk Management

Changes in Accounting Policies

Future Accounting Pronouncements

Financial Instruments

Critical Accounting Estimates

Related-Party Transactions

Selected Annual Financial information

Fourth Quarter Results

Summary of Quarterly Results

Management's Evaluation of Disclosure Controls
and Procedures and Internal Controls over
Financial Reporting

Subsequent Event

Outlook

Outstanding Share Data

Fortis  inc ludes forward- looking information in the MD&A w i thin the
meaning of appl icable secur i t ies laws in Canada ("forward- looking
information'9. The purpose of the forward- looking information is  to
provide management's expectations regarding the Corporation's future
growth, results of operations, performance, business prospects and
oppor tun i t i es ,  and i t  may  not  be appropr i a te  for  o ther  purposes
All  forward-looking information is given pursuant to the safe Barbour
provisions of appl icable Canadian securi ties legislation. The words
anticipates", "bel ieves", "budgets", "could", "estimates", "expects
forecasts", "intends", "may", "might", "plans", "projects", "schedule
Should", "target", "w i l l ",  "would" and s imi lar expressions are often

intended to ident i fy  forw ard- look ing informat ion,  a l though not  a l l
forward- looking information contains these identi fy ing words. The
forward-looking information reflects management's current beliefs based
on information currently available. The forward-looking information
in the A/lD&A includes. but is not l imited to. statements related to the
acquis i t ion of ITC Holdings Corp. ( "/TC") , the expected t iming and
conditions precedent to the closing of the acquisition of ITC including
shareholder approvals of both ITC and Fortis, regulatory approvals
governmental approvals and other customary closing conditions; the
expectation that Fortis wil l borrow funds to satisfy its obligation to pay
the cash portion of the purchase price and will issue securities to pay the
balance of the purchase price; the assumption of ITC debt and expected
maintenance of inves tment-grade c redi t  rat ings ;  the impact of  the
acquisition on the Corporation's earnings, midyear rate base, credit rating
estimated enterpr ise value and compound annual growth rate; the
expectation that the acquisition of ITC will be accretive in the first full year
following closing and that the acquisition will support the average annual
dividend growth target of Fortis; the expectation that the Corporation
will become a U.$. Securities and Exchange Commission registrant and
have i ts  common shares l is ted on the New York Stock Exchange in
connection with the acquisition; the expectation that Fortis will identify
one or more minori ty investors to invest in ITC the annual ized 2016
common share div idend targeted annual  div idend grow th through
2020; the expectation that there will be a significant reduction in the use
of coal  in certain of UN5 Energy's generating faci l i t ies by 2022; the
acquisition of a share of Aitken Creek Gas Storage facility, the expected
timing, total  expected consideration and conditions precedent ro the
closing of such acquisition, including regulatory approval' the expected
timing of ti l ing of regulatory appl ications and receipt and outcome of
regulatory decisions; the expectation that midyear rate base will increase
from 2076 to 2020, the Corporation's forecast gross consolidated capital
expenditures for 2016 and total capital spending over the Have-year period
from 2016 through 2020; the nature, timing and expected costs of certain
capital projects including, without limitation, the Tilbury liquefied natural
gas ("LNG") facility expansion, the pipeline expansion to the Woodfibre
LNG site, the development of a diesel power plant in Grand Cayman
the Residential Solar Program, the Gas Main Replacement Program, the
Lower Mainland System Upgrade, the Pole Management Program, and
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W
additional opportunities including electric transmission, LNG and renewable related infrastructure and generation; the expectation that the
Corporation's significant capital expenditure program will support continuing growth in earnings and dividends; the expectation that cash required
to complete subsidiary capital expenditure programs will be sourced from a combination of cash from operations, borrowings under credit
facilities, equity injections from Fortis and long-term debt offerings; the expectation that the Corporation's subsidiaries will be able to source the
cash required to fund their 2016 capital expenditure programs, operating and interest costs, and dividend payments; the expected consolidated
hied-term debt maturities and repayments in 2016 and on average annually over the next five years; the expectation that long-term debt will
not be settled prior to maturity; the expectation that the Corporation and its subsidiaries will continue to have reasonable access to capital in
the near to long terms; the expectation that the combination of available credit facilities and relatively low annual debt maturities and repayments
will provide the Corporation and its subsidiaries with flexibility in the timing of access to capital markets; the expectation that the Corporation
and its subsidiaries will remain compliant with debt covenants during 2016; the intent of management to hedge future exchange rate fluctuations
and monitor its foreign currency exposure; the expectation that economic conditions in Arizona will improve; the expectation that any liability
from current legal proceedings will not have a material adverse effect on the Corporation's consolidated financial position and results of
operations; and the expectation that the adoption of future accounting pronouncements will not have a material impact on the Corporation's
consolidated Financial statements.

The forecasts and projections that make up the forward-looking information are based on assumptions which include, but are not limited to: the
receipt of applicable regulatory approvals and requested rate orders, no material adverse regulatory decisions being received and the expectation
of regulatory stability; no material capital project and financing cost overrun related to any of the Corporation's capital projects; the realization
of additional opportunities including natural gas related infrastructure and generation; the Board of Directors exercising its discretion to declare
dividends, taking into account the business performance and #uncial conditions of the Corporation; no significant variability in interest rates;
no significant operational disruptions or environmental liability due to a catastrophic event or environmental upset caused by severe weather,
other acts of nature or other major events; the continued ability to maintain the electricity and gas systems to ensure their continued performance;
no severe and prolonged downturn in economic conditions; no significant decline in capital spending; sufficient liquidity and capital resources;
the continuation of regulator-approved mechanisms to flow through the cost of natural gas and energy supply costs in customer rates; the ability
to hedge exposures to fluctuations in foreign exchange rates, natural gas prices and electricity prices; no significant counterparty defaults; the
continued competitiveness of natural gas pricing when compared with electricity and other alternative sources of energy; the continued availability
of natural gas, fuel, coal and electricity supply; continuation and regulatory approval of power supply and capacity purchase contracts; the ability
to fund defined benefit pension plans, earn the assumed long-term rates of return on the related assets and recover net pension costs in customer
rates; no significant changes in government energy plans and environmental laws that may materially negatively affect the operations and cash
flows of the Corporation and its subsidiaries; no material change in public policies and directions by governments that could materially negatively
affect the Corporation and its subsidiaries; new or revised environmental laws and regulations will not severely affect the results of operations;
maintenance of adequate insurance coverage; the ability ro obtain and maintain licences and permits; retention of existing service areas; the ability
to report under US GAAP beyond 2078 or the adoption of international Financial Reporting Standards after 2078 that allows for the recognition
of regulatory assets and liabilities; the continued tax-deferred treatment of earnings from the Corporation's Caribbean operations; continued
maintenance of information technology infrastructure; continued favorable relations with First Nations; favorable labor relations; that the
Corporation can reasonably assess the merit of and potential liability attributable to ongoing legal proceedings; and sufficient human resources
to deliver service and execute the capital program.

The forward-looking information is subject to risks, uncertainties and other factors that could cause actual results to differ materially from
historical results or results anticipated by the forward-looking information. Risk factors which could cause results or events to differ from current
expectations are detailed under the heading "Business Risk Management" in this MD&A and in continuous disclosure materials Hled from time to
time with Canadian securities regulatory authorities. Key risk factors for 2076 include, but are not limited to: uncertainty regarding the completion
of the acquisition of ITC including but not limited to the receipt of shareholder approvals of ITC and Fortis, the receipt of regulatory and other
governmental approvals, the availability of financing sources at the desired time or at all on cost-efficient or commercially reasonable terms
and the satisfaction or waiver of certain other conditions to closing; uncertainty related to the realization of some or all of the expected benefits
of the acquisition of ITC uncertainty regarding the outcome of regulatory proceedings of the Corporation's utilities, uncertainty of the impact
a continuation of a low interest rate environment may have on the allowed rate of return on common shareholders' equity at the Corporation's
regulated utilities; the impact of fluctuations in foreign exchange rates; and risk associated with the impact of less favorable economic conditions
on the Corporation's results of operations.

All forward-looking information in the MD8¢A is qualified in its entirety by the above cautionary statements and, except as required by law,
the Corporation undertakes no obligation ro revise or update any forward-/ooking information as a result of new information, future events or
otherwise after the date hereof.
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CORPORATE OVERVIEW
Fortis is a leader in the North American electric and gas utility business, with total assets of
approximately $29 billion and fiscal 2015 revenue of $6.7 billion. The Corporation's asset mix
is approximately 96% regulated (70% electric. 26% gas), with the remaining 4% comprised
of long-term contracted hydroelectric operations. The C:orporation's regulated utilities serve
more than 3 million customers across Canada and in the United States and the Caribbean
In 2015 the Corporation's electricity distribution systems met a combined peak demand
of 9,705 megawatts ("MW") and its gas distribution systems met a peak day demand of
1,323 terajoules

The Corporation's main business, utility operations, is highly regulated and the earnings of
the Corporation's regulated utilities are primarily determined under cost of service ("COS")
regulation and, in certain jurisdictions, performance-based rate-setting ("PBR") mechanisms
Generally, under COS regulation the respective regulatory authority sets customer electricity
and/or gas rates to permit a reasonable opportunity for the utility to recover, on a timely
basis, estimated costs of providing service to customers, including a fair rate of return on a
regulatory deemed or targeted capital structure applied to an approved regulatory asset value
("rate base"). The ability of a regulated utility to recover prudently incurred costs of providing
service and earn the regulator-approved rate of return on common shareholders' equity

("ROE") and/or rate of return on rate base assets ("ROA") depends on the utility achieving the forecasts established in the
rate-setting processes. If a historical test year is used to set customer rates, there may be regulatory lag between when costs
are incurred and when they are reflected in customer rates. When PBR mechanisms are utilized in determining annual revenue
requirements and resulting customer rates, a formula is generally applied that incorporates inflation and assumed productivity
improvements. The use of PBR mechanisms should allow a utility a reasonable opportunity to recover prudently incurred costs
and earn its allowed ROE or ROA

Karl Smith, EVP, CFO, Fort/5 Inc

Earnings of regulated utilities may be impacted by: (i) changes in the regulator-approved allowed ROE and/or ROA and common
equity component of capital structure, (ii) changes in rate base, (iii) changes in energy sales or gas delivery volumes, (iv) changes
in the number and composition of customers, (v) variances between actual expenses incurred and forecast expenses used to
determine revenue requirements and set customer rates, and (vi) regulatory lag in the case of a historical test year. When future
test years are used to establish revenue requirements and set base customer rates, these rates are not adjusted as a result of the
actual cos being different from that which is estimated, other than for certain prescribed costs that are eligible to be deferred on
the balance sheet. In addition, the Corporation's regulated utilities, where applicable, are permitted by their respective regulatory
authority to flow through to customers, without markup, the cost of natural gas, fuel and/or purchased power through base
customer rates and/or the use of rate stabilization and other mechanisms

Fortis segments its utility operations by franchise area and, depending on regulatory requirements, by the nature of the assets
Fortis also holds investments in non-regulated generation assets, which are treated as a separate segment. The Corporation's
reporting segments allow senior management to evaluate the operational performance and assess the overall contribution of each
segment to the long-term objectives of Fortis. Each entity within the reporting segments operates with substantial autonomy
assumes profit and loss responsibility and is accountable for its own resource allocation

The following summary describes the operations included in each of the Corporation's reportable segments

Regulated Utilities
The Corporation's interests in regulated electric and gas utilities are as follows

Regulated Electric & Gas Utilities - United States

UNA Energy: Primarily comprised of Tucson Electric Power Company ("TEP"), UNS Electric, Inc. ("UNS Electric") and
UNS Gas, Inc. ("UNS Gas"), (collectively, the "UNS Utilities"), acquired by Fortis in August 2014

TEP, UNS Energy's largest operating subsidiary, is a vertically integrated regulated electric utility. TEP generates, transmits and
distributes electricity to approximately 417,000 retail customers in southeastern Arizona, including the greater Tucson
metropolitan area in Pima County, as well as parts of Cochise County. TEP also sells wholesale electricity to other entities in the
western United States

UNS Electric is a vertically integrated regulated electric utility, which generates, transmits and distributes electricity to
approximately 94,000 retail customers in Arizona's Mohave and Santa Cruz counties

a.
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TEP and UNS Electric currently own generation resources with an aggregate capacity of 2,799 MW, including 54 MW of solar
capacity. Several of the generating assets in which TEP and UNS Electric have an interest are jointly owned. As at
December 31, 2015, approximately 43% of the generating capacity was fuelled by coal

UNS Gas is a regulated gas distribution utility, serving approximately 152,000 retail customers in Arizona's Mohave, Yavapai
Coconino, Navajo and Santa Cruz counties

Central Hudson: Central Hudson Gas & Electric Corporation ("Central Hudson") is a regulated transmission and distribution
("T&D") utility, serving approximately 300,000 electricity customers and 79,000 natural gas customers in eight counties of
New York State's Mid-Hudson River Valley. The Company owns gas-fired and hydroelectric generating capacity totaling

Regulated Gas Utility - Canadian

FortisBC Energy: Primarily includes FortisBC Energy Inc. ("FortisBC Energy" or "FEI") and, prior to December 31, 2014
FortisBC Energy (Vancouver Island) Inc. ("FFVl") and FortisBC Energy (Whistler) Inc. ("FEWI"). On December 31, 2014, FEI, FEVl
and FEWI were amalgamated and FEI is the resulting Company. FEI is the largest distributor of natural gas in British Columbia
serving approximately 982,000 customers in more than 135 communities. Major areas served by the Company are the
Lower Mainland, Vancouver Island and Whistler regions of British Columbia. FEI provides T&D services to customers, and obtains
natural gas supplies on behalf of most residential, commercial and industrial customers. Gas supplies are sourced primarily from
northeastern British Columbia and, through FEI's Southern Crossing pipeline, from Alberta

Regulated Electric Utilities - Canadian

Forty$Alberta.' FortisAlberta Inc. ("FortisAlberta") owns and operates the electricity distribution system in a substantial portion
of southern and central Alberta, serving approximately 539,000 customers. The Company does not own or operate generation
or transmission assets and is not involved in the direct sale of electricity

FortisBC Electric: Includes FortisBC Inc., an integrated electric utility operating in the southern interior of British Columbia
serving approximately 168,000 customers directly and indirectly. FortisBC Inc. owns four hydroelectric generating facilities
with a combined capacity of 225 MW. Also included in the Fortis BC Electric segment are the operating, maintenance
and management services relating to the 493-MW Waneta hydroelectric generating facility owned by Teck Metals Ltd. and
BC Hydro, the 335-MW Waneta Expansion hydroelectric generating facility ("Waneta Expansion"), owned by Fortis and
Columbia Power Corporation and Columbia Basin Trust ("CPC/CBT"), the 149-MW Brilliant hydroelectric plant and the
'l20-MW Brilliant hydroelectric expansion plant, both owned by CPC/CBT, and the 185-MW Arrow Lakes hydroelectric plant
owned by CPC/CBT

Eastern Canadian: Comprised of Newfoundland Power Inc. ("Newfoundland Power"), Maritime Electric Company, Limited
("Maritime Electric") and FortisOntario Inc. ("FortisOntario"). Newfoundland Power is an integrated electric utility and the
principal distributor of electricity on the island portion of Newfoundland and Labrador, serving approximately
262,000 customers. Newfoundland Power has an installed generating capacity of 139 MW, of which 97 MW is hydroelectric
generation. Maritime Electric is an integrated electric utility and the principal distributor of electricity on Prince Edward Island
("PEI"), serving approximately 78,000 customers. Maritime Electric also maintains on-Island generating facilities with a combined
capacity of 150 MW. FortisOntario provides integrated electric utility service to approximately 65,000 customers in Fort Erie
Cornwall, Gananoque, Port Colborne and the District of Algoma in Ontario. FortisOntario's operations are primarily comprised
of Canadian Niagara Power Inc. ("Canadian Niagara Power"), Cornwall Street Railway, Light and Power Company, Limited
("Cornwall Electric") and Algoma Power Inc. ("Algoma Power")

Regulated Electric Utilities - Caribbean

The Regulated Electric Utilities - Caribbean segment includes the Corporation's approximate 60% controlling ownership interest
in Caribbean Utilities Company, Ltd. ("Caribbean Utilities") (December 31, 2014 - 60%), Fortis Turks and Caicos, and the
Corporation's 33% equity investment in Belize Electricity Limited ("Belize Electricity"). Caribbean Utilities is an integrated electric
utility and the sole provider of electricity on Grand Cayman, Cayman Islands, serving approximately 28,000 customers. The
Company has an installed diesel-powered generating capacity of 132 MW. Caribbean Utilities is a public company traded on the
Toronto Stock Exchange ("TSX") (TSX:CUP.U). Fortis Turks and Caicos is comprised of two integrated electric utilities serving
approximately 14,000 customers on certain islands in Turks and Caicos. The utilities have a combined diesel-powered generating
capacity of 82 MW. Belize Electricity is an integrated electric utility and the principal distributor of electricity in Belize

C.

a.

b.

b.
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Non-Regulated - Fortis Generation
Fortis Generation is primarily comprised of long-term contracted generation assets in British Columbia and Belize. Generating
assets in British Columbia include the Corporation's 51% controlling ownership interest in the 335-MW Waneta Expansion
Construction of the Waneta Expansion was completed in April 2015 and the output is sold to BC Hydro and FortisBC Electric
under 40-year contracts. The Corporation's 51% controlling ownership interest in the Waneta Expansion is conducted through
the Waneta Expansion Limited Partnership ("Waneta Partnership"), with CPC/CBT holding the remaining 49% interest

Generating assets in Belize are comprised of three hydroelectric generating facilities with a combined capacity of 51 MW. All of
the output of these facilities is sold to Belize Electricity under 50-year power purchase agreements ("PPAs") expiring in 2055 and
2060. The hydroelectric generation operations in Belize are conducted through the Corporation's indirectly wholly owned subsidiary
Belize Electric Company Limited ("BECOL") under a franchise agreement with the Government of Belize ("GOB")

As at December 31, 2015, the 16-MW run-of-river Walden hydroelectric generating facility has been classified as held for sale

In June 2015 and July 2015 the Corporation sold its non-regulated generation assets in Upstate New York and Ontario, respectively

Non-Regulated - Non-Utility
The Non-Utility segment previously included Fortis Properties Corporation ("Fortis Properties") and Griffith Energy Services, Inc
("Griffith"). Fortis Properties completed the sale of its commercial real estate assets in June 2015 and its hotel assets in
October 2015. For further information, refer to the "Significant Items" section of this MD&A. Griffith was sold in March 2014

Corporate and Other
The Corporate and Other segment captures expense and revenue items not specifically related to any reportable segment and
those business operations that are below the required threshold for reporting as separate segments. The Corporate and Other
segment includes net corporate expenses of Fortis and non-regulated holding company expenses of FortisBC Holdings Inc. ("FHI")
CH Energy Group, Inc. and UNS Energy Corporation. Also included in the Corporate and Other segment are the financial results of
FortisBC Alternative Energy Services Inc. ("FAES"). FAES is a wholly owned subsidiary of FHI that provides alternative energy
solutions, including thermal-energy and geo-exchange systems

CORPORATE STRATEGY
The principal business of Fortis is the ownership and operation of regulated electric and gas utilities. The Corporation remains
focused on being a leader in the North American utility industry and its strategic vision is guided by the goals of delivering
long-term profitable growth and building shareholder value. Earnings per common share and total shareholder return are the
primary measures of financial performance

Over the 10-year period ended December 31, 2015, earnings per common share of Fortis grew at a compound annual growth rate
of 4.6% on an adjusted basis. Over the same period, Fortis delivered an average annualized total return to shareholders of 8.2%
exceeding the S&P/TSX Capped Utilities and S&P/TSX Composite Indices, which delivered average annualized performance of 4.6%
and 4.2%, respectively, over the same period

The Corporation's first priority remains the continued profitable expansion of existing operations. Management remains focused on
executing the consolidated capital program and pursuing additional investment opportunities within existing service territories
Fortis has also demonstrated its ability to acquire additional regulated utilities in Canada and the United States. The Corporation's
standalone operating model and financial strength, driven by a strong balance sheet and investment-grade credit ratings, positions
it well for future investment opportunities in existing and new franchise areas
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KEY TRENDS. RISKS AND OPPORTUNITIES
Pending Acquisition of ITC Holdings Corp.: On February 9, 2016, Fortis and ITC Holdings Corp. ("ITC") (nosE;ITc) entered
into an agreement and plan of merger pursuant to which Fortis wilt acquire ITC in a transaction (the "Acquisition") valued
at approximately US$11.3 billion, based on the closing price for Fortis common shares and the foreign exchange rate on
February 8, 2016. For details on the Acquisition, including transaction details, strategic rationale and acquisition financing, refer
to the "Subsequent Event" section of this MD&A, and for a discussion of risks associated with the Acquisition, refer to the
Business Risk Management - Risks Associated with the Acquisition of ITo" section of this MD&A

Electric Utility Industry Developments:The North American electric utility industry has changed significantly over the past several
years. The most notable changes include a continued focus on clean energy and energy conservation initiatives, while balancing
technology advancements and changes in customer needs. At the same time, the continued low interest rate environment and
decrease in world oil and gas prices are having significant impacts on the North American economy. Notwithstanding the changes
occurring in the utility industry, safety, reliability and serving customers at the lowest reasonable cost remain at the forefront of the
utility industry's focus

Government and regulatory policy in Canada and the United States is being directed at environmental protection and energy
efficiency. The increasing availability of cleaner sources of power generation are driving new environmental regulation designed
to eliminate or reduce dependence on traditional sources of electricity power generation, such as coal. The availability of cheaper
cleaner burning natural gas, as well as growing accessibility of renewable or alternative energy sources like solar are encouraging
governments to deploy aggressive targets for the removal of high carbon emission sources of energy. Reaching these targets
will require the shutdown of certain high carbon emission generating plants earlier than planned, which is an issue that utilities
and regulators need to address. These environmental regulations are, however, expected to create additional investment
opportunities in renewable power generation and related energy infrastructure. Fortis' regulated utilities are actively involved
in pursuing these opportunities

Technological development, particularly in the area of distributed generation, is playing a significant role in the transformation
of the utility industry. Although distributed generation customers remain connected to the electrical system and benefit from
that connection, they avoid paying much of the fixed operating and maintenance costs because they can offset a portion of their
volumetric energy usage with their own systems. This results in an increasing amount of utility costs that are ultimately shifted
to other customers. The declining cost of certain types of distributed generation technologies, together with government
subsidization, is encouraging increased adoption by customers. Not only does this expose the utility to declining revenue because
of a decrease in energy sales, the rate structure serves to shift an increasing burden for these costs on those customers that do
not have distributed generation, such as rooftop solar. Traditional rate designs have not been structured to ensure fairness among
all customers, which is a focus for utilities and regulators. Fortis, through its subsidiaries, is working with its regulators to address
these rate design issues for its customers

Despite the challenges facing the utility industry, Fortis is well positioned to meet these headwinds and capitalize on any resulting
opportunities. Its decentralized structure and customer focused business culture will support the efforts required to both meet
evolving customer expectations and to work with policy makers and regulators on solutions that are financially sustainable
for the utilities. Leveraging those relationships to get out in front of these evolving challenges will be essential to meeting the
industry challenges

Natural Gas Opportunities: FortisBC Energy continues to pursue opportunities in British Columbia related to gas infrastructure
The combination of an abundant supply of natural gas, low costs for natural gas and supportive government policy are generating
new interest for large industrial customers and niche liquefied natural gas ("LNG") producers to utilize FortisBC Energy's gas system

In 2013 the Government of British Columbia issued an Order in Council announcing the exemption of FEI's Tilbury LNG
facility expansion ("Tilbury Expansion") from regulatory review. The Tilbury Expansion is well underway and will increase LNG
production and storage capabilities, and is expected to be in service around the end of 2016. Since this announcement, there
has been considerable interest for LNG supply from the Pacific Northwest, Hawaii, Alaska and international markets. In 2014
the Government of British Columbia issued a second Order in Council amending directions to the regulator regarding the
Tilbury Expansion. The revisions set out a number of requirements for the regulator, including the consideration of a further
expansion of the Tilbury site that would include additional liquefaction
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Traditionally, the majority of natural gas production in northern British Columbia has served the provincial and Pacific Northwest
markets via the Westcoast (Spectra) system. However, to realize the full potential of British Columbia shale gas opportunities
additional capacity to connect to markets will have to be developed. Fortis BC Energy continues to explore pipeline investment
opportunities that include expansion of their existing distribution system to supply natural gas to a prospective LNG export facility
as well as to expand capacity on their Southern Crossing transmission pipeline. Specifically, FortisBC Energy is pursuing a potential
pipeline expansion to the proposed Woodfibre LNG site in British Columbia. The Woodfibre LNG site is a former paper mill site
located near Squamish, British Columbia. The Company has an opportunity to expand its gas pipeline and increase compression
to deliver natural gas to this site

For further information on the C:orporation's natural gas investment opportunities, refer to the "Liquidity and Capital Resources
Additional Investment Opportunities" section of this MD&A

Regulation: The Corporation's key business risk is regulation. Each of the Corporation's nine utilities is subject to regulation by
the regulatory body in its respective operating jurisdiction. Relationships with the regulatory authorities are managed at the local
utility level

Commitment by the Corporation's utilities to provide safe and reliable service, operational excellence and promote positive customer
and regulatory relations is important to ensure supportive regulatory relationships and obtain full cost recovery and competitive
returns for the Corporation's shareholders

Central Hudson began operating under a new three-year rate order in mid-2015. In November 2015 TEP filed a general rate
application ("GRA") with the Arizona Corporation Commission ("ACC") requesting new retail rates to be effective January 1, 2017
using the year ended June 30, 2015 as a historical test year. Since its last approved rate order in 2013, which used a 2011 historical
test year, TEP's total rate base has increased by approximately US$0.6 billion and the common equity component of capital
structure increased from 43.5% to approximately 50%. The application also addresses rate design changes that would reduce
the reliance on volumetric sales to recover fixed costs, and a new net metering tariff that would ensure that customers who install
distributed generation pay an equitable price for their electric service. In May 2015 UNS Electric filed a similar GRA requesting
new retail rates effective May 1, 2016, using 2014 as a historical test year. The nature of UNS Electric's application was similar
to that of TEP

The Corporation's regulatory calendar for its utilities in Canada continues to be extensive. Newfoundland Power recently filed a
GRA for 2016 and FortisBC Energy, the benchmark utility in British Columbia, filed its application to review cost of capital for 2016
In Alberta, while the regulator issued decisions on outstanding generic cost of capital proceedings and capital tracker applications
early in 2015, it has initiated a generic cost of capital proceeding for 2016 and 2017, which includes FortisAlberta

For a further discussion of the nature of regulation and material regulatory decisions and applications and regulatory risk, refer to
the "Regulatory Highlights" and "Business Risk Management" sections of this MD&A

Capital Expenditure Program and Rate Base Growth: The Corporation's regulated midyear rate base for 2015 was $16.4 billion
Over the five-year period through 2020, excluding the pending acquisition of ITC, the Corporation's capital program is expected to
be approximately $9 billion. This investment in energy infrastructure is expected to increase rate base to almost $21 billion in 2020
and produce a five-year compound annual growth rate in rate base of approximately 5%. Fortis expects this capital investment to
support growth in earnings and dividends

For further information on the Corporation's consolidated capital expenditure program and rate base of its regulated utilities, refer
to the "Liquidity and Capital Resources - Capital Expenditure Program" section of this MD&A

Access to Capital and Liquidity: The Corporation's regulated utilities require ongoing access to long-term capital to fund
investments in infrastructure necessary to provide service to customers. Long-term capital required to carry out the utility capital
expenditure programs is mostly obtained at the regulated utility level. The regulated utilities usually issue debt at terms ranging
between 5 and 40 years. As at December 31, 2015, almost 90% of the Corporation's consolidated long-term debt, excluding
borrowings under long-term committed credit facilities, had maturities beyond five years. Management expects consolidated
fixed-term debt maturities and repayments to average approximately $260 million annually over the next five years
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To help ensure uninterrupted access to capital and sufficient liquidity to fund capital programs and working capital requirements,

the Corporation and its subsidiaries have approximately $3.6 billion in credit facilities, of which approximately $2.4 billion was
unused as at December 31, 2015. Based on current resit ratings and conservative capital structures, the Corporation and its
regulated utilities expect to continue to have reasonable access to long-term capital in 2016.

i

The Corporation has significant financing requirements associated with the pending acquisition of ITC. Refer to the "Business Risk
Management - Risks Associated with the Acquisition of ITC" and "Subsequent Event" sections of this MD&A.

Dividend Increases: Dividends paid per common sHare increased to $1.40 in 2015. During 2015 Fortis increased its quarterly
dividend per common share over 17% to $0.375 perquarter, or $1.50 on an annualized basis. This continues the Corporation's
record of raising its annualized dividend to common shareholders for 42 consecutive years, the record for a public corporation
in Canada.

Fortis also announced dividend guidance, targeting annual dividend per common share growth through 2020 of 6% based on a
2016 dividend of $1.50. This guidance takes into account many factors, including the expectation of reasonable outcomes for
regulatory proceedings at its Lnilities, the successful execution of its $9 billion five-year capital expenditure plan, and management's
continued confidence in the strength of the Corporation's diversified portfolio of assets and record of operational excellence. The
pending acquisition of ITC further supports this dividend guidance.

SIGNIFICANT ITEMS IN 2015
Pending Acquisition of Aitken Creek Gas Storage Facility: In December 2015 Forts, through an indirect wholly owned
subsidiary, entered into a definitive share purchase Andi sale agreement with Chevron Canada Properties Ltd. to acquire its share of
the Aitken Creek Gas Storage Facility ("Aitken creek") for approximately US$266 million, subject to customary closing conditions
and adjustments. Aitken Creek is the largest gas storage facility in British Columbia with a total working gas capacity of 77 billion
cubic feet and is an integral part of Western Canada'$ natural gas transmission network. The acquisition is subject to regulatory
approval and is expected to close in the first half of 2016. The net cash purchase price is expected to be initially financed with
borrowings under the Corporation's credit facility. In December 2015 the Corporation paid a deposit of US$29 million related
to the transaction.

Sale of Commercial Real Estate and Hotel Assets: In June 2015 the Corporation completed the sale of the commercial real
estate assets of Fortis Properties for gross proceeds of $430 million. As a result of the sale, the Corporation recognized an after-tax
gain of approximately $109 million, net of expenses. As part of the transaction, Fortis subscribed to $35 million in trust units of
Slate Office REIT in conjunction with the REIT's public offering.

In October 2015 the Corporation completed the sale bf the hotel assets of Fortis Properties for gross proceeds of $365 million.
As a result of the sale, the Corporation recognized an 8fter-tax loss of approximately $8 million, which reflects an impairment loss
and expenses associated with the sale transaction.

Net proceeds from the sales were used by the Corporation to repay credit facility borrowings, the majority of which were used to
finance a portion of the acquisition of UNS Energy.

Sale of Non-Regulated Generation Assets in New York and Ontario: In June 2015 the Corporation sold its non-regulated
generation assets in Upstate New York for gross proceeds of approximately $77 million (USS63 million). As a result of the sale,
the Corporation recognized an after-tax gain of approximately $27 million (US$22 million), net of expenses and foreign exchange
impacts.

In July 2015 the Corporation sold its non-regulated generation assets in Ontario for gross proceeds of approximately $16 million. As
a result of the sale, the Corporation recognized an after-tax gain of approximately $5 million.

Settlement of Belize Electricity Expropriation Minsters: In August 2015 the Corporation agreed to terms of a settlement
with the GOB regarding the expropriation of the Ci>rporation's approximate 70% interest in Belize Electricity in June 2011.
The terms of the settlement included a one-time U'5$35 million cash payment to Fortis from the GOB and an approximate
33% equity investment in Belize Electricity. As a result of the settlement, the Corporation recognized an approximate $9 million loss.

s
Ii
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Cash Flow from Operating
Activities ($millions)

z,ooo -

1,000- 915 899 982

1,500 -

For the Years Ended December 31

Net Earnings Attributable to Common Equity Shareholders (5 millions)
Basic Earnings per Common Share (3)
Diluted Earnings per Common Share ($)
Weighted Average Number of Common Shares Outstanding (millions)
Cash Flow from Operating Activities 6 millions)
Dividends Paid per Common Share 6)
Dividend Payout Ratio (%)
Return on Average Book Common Shareholders' Equity (%) "'
Total Assets (8 billions)
Gross Capital Expenditures (5 billions)
Public Preference Share Offering (bil l ions)
Convertible Debenture Offering 6 billiOns)
Long-Term Debt Offerings (I billions)

m Return on average book common shareholders' equity is a non-US GAAP measure and is defined as net earnings attributable to common equity shareholders

divided by the average of opening and closing consolidated shareholders' equity. excluding preference shares and non-contrdling interests. Return on average book

common shareholders' equity is referred to by users of the Corporation's consolidated financial statements in evaluating the results of operations.

Msic Earnings per
Common Share ($)
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1.71 474
150. 1.41

saoI

'11 '12 '13 '15 I
I I U •

992

'14

2.61

1,673

Bask Earnings per Common Share: Basic earnings per commoifi share were $2.61 in 2015
compared to $1.41 in2014. On an adjusted basis, as notedabove, basicearnings per common
share were$2.11 for 2015, an increase of $0.36 over2014. The increase was driven by higher
adjusted earnings per common share, as discussed above, partially offset by an increase in the
weighted average numberof common shares outstanding. `

Cash Flow from Operating Activities:Cash flow from operating activities was $1,673 million
for z01s, an increase of $691 million, or 70%, over 2014. The in¢rease was driven by higher
cash earnings, mainly due to the factors noted above, and favorable changes in working capital.

Not Earnings Attributable to Common Equity Shareholders: orris achieved net earnings
attributable to common equity shareholders of $728 million in 201.5 compared to $317 million
in 2014. On an adjusted basis, net earnings attributable to com >n equity shareholders for
2015 were $589 million, an increase of $195 million, or almost %, over 2014. Results for
both years were impacted by non-recurring or adjusting items,i which are detailed in the
"Consolidated Results of Operations" section of this MD&A. The increase in adjusted net
earnings attributable to common equity shareholders was driven in a full year's contribution
from UNS Energy, which was acquired in mid-August 2014, earnings contribution from
the Waneta Expansion, which came online in early April 2015, rate base growth associated
with capital expenditures and growth in the number of customer s at FortisAIberta, a higher
allowance for funds used during construction ("AFUDC") at Fo .is BC Energy, the resetting
of customer rates at Central Hudson, effective July 1, 2015, and the continued strength of
the us dollar relative to the Canadian dollar. Earnings growth was tempered by an increase
in Corporate expenses and lower earnings contribution due to the sale of the commercial
real estate and hotel assets.
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1 Dividends Paid per
Common Share ($)

Dividends:Dividends paid per common share increased to $1.40 in 2015, 9.0% higher than
$1.28 in 2014. During 2015 Fortis increased its quarterly dividend per common share over
17% to $0.375 per quarter. The Corporation's drvi nd payout ratio was 53.6% in 2015
compared to 90.8% in 2014. On an adjusted basis, he dividend payout ratio was 66.4%
in 2015 compared to 73.1% in 2014.

of
1.so- 1.40

1.28
us- 1.16 110 124

1.00-Return on Average Book Common Shanholdersl Equity: The return on average book
common shareholders' equity for 2015 was 9.8% Compared to 5.4% for 2014. On an
adjusted basis, the return on average book common shareholders' equity for 2015was 7.9%,
compared to 6.8% for 2014.

0.750

0.50l

0.25 I
Total Assets: Total assets increased 9.9% to approximately $28.8 billion at the end of 2015
compared to approximately 526.2 billion at the end of 2014. The increase reflects favorable
foreign exchange on the translation of US dollar-denoninated assets and continued investment
in energy infrastructure, driven by capital spending at the regulated utilities, partially offset
by the sale of commercial real estate and hotel assets in 2015.

'11 ' '12 ' '13 ' '14 ' 'is '

Total Assets ($ billions)
(as at December31)

30- 28.8
26.2

Gross Capital Expenditures:Consolidated capital expenditures, before customer contributions,
were $2.2 billion in 2015 compared to $1.7 billion in 2014. The increase was driven by a full
year contribution from UNS Energy and higher capital ;spending at most of the Corporation's
regulated utilities, partially offset by lower non-regdated capital expenditures due to the
completion of the Waneta Expansion and the sale of commercial real estate and hold assets.
For a detailed discussion of the Corporation's consolidated capital expenditure program, refer
to the "Liquidity and Capital Resources - Capital Expenditure Program" section of this MD&A.

25-

20~ 17.9
15- 141 15.0

Long-Term Capital: The Corporation's regulated utlties raised approximately $1 billion in
long-term debt in 2015, largely in support of energy infrastructure investment and regularly
scheduled debt repayments.

10-

s-

Fortis completed the sale of $1.8 billion convertible debentures in 2014 to finance a portion
of the acquisition of UNS Energy. In October 2014 approximately 58.2 million common shares
of Fortis were issued on conversion of the debentures. in September 2014 Fortis issued
24 million First Preference Shares, Series M for gross proceeds of $600 million. The net proceeds were also used to finance a
portion of the acquisition of UNS Energy. The Corporation and its regulated utilities raised approximately $1.2 billion in long-term
debt in 2014.

_ r r
'11 '12 '13 I '14 r '15 I

For further information, refer to the "Liquidity and Capital Resources - Summary of Consolidated Cash Flows" section of this MD&A.
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CONSOLIDATED RESULTS OF OPERATIONS

ms..
m m
z.ss1
1.164

173

1:7
sea

Nb i

an

I 2014

'i=.4(>1
82,197
i1,493

. 688

(25)
547
66

385
5

390

Variance

1 ,326
364
371
185
212

6
157

455

(5)

450
» -

i

as
7?

ms

Years Ended December 31

6 million$)

Revenue
Energy Supply Costs
Operating Expenses
Depredation and Amortization
Other Income (Expenses), Net
Finance Charges
IncOme Tax Expense

Earnings From Continuing OperationS
Earnings From Discontinued Operations, Net of Tax

Net Earnings

Net Earnings Attributable to:
Non-Controlling Interests
Preference Equity Shareholders
Common Equity Shareholders

Net Earnings
Q ga- . 0

24
15

411__ .
450an

11
62

:  317
r
i  390

R e v e n u e

The increase in revenue was driven by the acquisition of UNS Energy in August 2014. Favourable foreign exchange associated with
the translation of US dollar-denominated revenue, contribution from the Waneta Expansion and higher base electricity rates at the
Canadian Regulated Electric Utilities also contributed to the increase. The increase was partially offset by the flow through in customer
rates of lower energy supply costs at FortisBC Energy, Central Hudson and the Caribbean Regulated Electric Utilities, and a decrease
in non-utility revenue due to the sale of commercial real estate and hotel assets in June 2015 and Octobler 2015, respectively.

Energy Supply Costs

The increase in energy supply costs was primarily due to the acquisition of  UNS Energy and inf  durable foreign exchange
associated with the translation of us dollar-denominated energy supply costs. The increase was partial offset by lower commodity
costs at FortisBC Energy, Central Hudson and the Caribbean Regulated Electric Utilities.

O p e r a t i n g senses .

T he increase in operat ing expenses  was pr imar i l y due to the acquis i t ion of  UNS Energy,  unfavorable foreign exchange associated

wi th  the t rans l a t i on of US dollar-denominated operat i ng expenses and general  inf lat ionary and emdbyee-related cost increases.

The increase was partially offset by a decrease in non-ut i l i ty operat i ng expenses due to the sale of comrherdal real  estate and hotel

assets, and lower Corporate retirement expenses.

Depreciation and Amortization .

The increase in depreciation and amortization was primarily due to the acquisition of UNS Energy and continued investment in
energy infrastructure at the Corporation's regulated utilities.

Other Income (Expenses), Net

The increase in other income, net of expenses, was driven by gains on the sale of commercial real estate and non-regulated
generation assets in 2015, compared to acquisition-related expenses associated with UNS Energy in 2014. The increase was
partially offset bya loss associated with the sale of hotel assets in 2015.

Finance Charges

The increase in f inance charges was primarily due to the acquis it ion of  UNS Energy, inc luding interest expense on debt
issued to complete the f inanc ing of  the acquis it ion, and unfavorable foreign exchange assoc ate with the trans lat ion
of  us dollar-denominated interest expense. The increase was partially of fset by lower interest n convertible debentures.
Approximately $72 million ($51 million after tax) in interest expense was recognized in 2014 associated it convertible debentures
issued to f inance a portion of the acquisition of UNS Energy. In October 2014 the convertible deberltures were substantially all
converted into common shares of the Corporation.

I
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Years Ended December 31

(5 millions except for common share dam)

Net Earnings Attributable to Common Equity Shareholders

Adjusting Items:
FortisAIberta _

Capital tracker revenue adjustment for 2013 and 2014
Non-Regulated - Fortis Generation -

Gain on sale of generation assets
Non-Utility _

Gain on sale of commercial real estate assets
Loss on sale of hotel assets
Earnings from discontinued operations

Corporate and Other -
Foreign exchange gain
Loss on settlement of expropriation matters
Interest expense on convertible debentures
Acquisition-related expenses .

Adjusted Net Earnings Attributable to Common Equity Shareholders

Adjusted Basic Earnings Per Common Share 6)

Net Earnings Attributable to Common Equity Shareholders and Basic Earnings Per Common Share

Net earnings attributable to common equity shareholders were impacted by a number of non-recurring or non-operating items.
These items, referred to as adjusting items, are reconciled below and discussed in the segmented results of operations for the
respective reporting segments. Management believes that adjusted net earnings attributable to common equity shareholders and
adjusted basic earnings per common share provide useful information to investors and shareholders as they provide increased
transparency and predictive value. The adjusting items do not have a standardized meaning as prescribed under US GAAP and are
not considered us GAAP measures. Therefore, these adjusting items may not be comparable with similar measures presented by
other companies.

Non-US GAAP Reconciliation

Income Tax Expense

The increase in income tax expense was primarily
UNS Energy and gains on the sale of commercial real
income tax rate, mainly due to the combined federal a I state income tax rate at UNS Energy.

Management Discussion and AnaI'ysas
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e to higher earnings before income taxes, driven by the acquisition of
state and non-regulated generation assets in 2015, and a higher effective
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Variance
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0.36
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(32)
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Adjusted Net Earnings Attributable to Common Equity Shareholders

The increase in adjusted net earnings attributable to common equity shareholders was driven by earnings contribution of $195 million
at UNS Energy compared to $60million for 2014. Earnings contribution of $22 million from the Waneta Expansion, which
represents the Corporation's 51% controlling ownership interest, also contributed to the increase. Performance was driven by all
of the Corporation's other regulated utilities, indudingl rate base growth associated with capital expenditures and growth in the
number of customers at FortisAlberta; a higher AFUDG at FortisBC Energy; and improved performance at Central Hudson under
a new three-year rate order. Favourable foreign exchange impacts associated with us dollar-denominated earnings also increased
earnings year over year. The increase in adjusted earnings was partially offset by higher preference share dividends and finance
charges in the Corporate and Other segment, largely associated with the acquisition of UNS Energy, and lower earnings
contribution from non-utility assets due to the sale of commercial real estate and hotel assets.

Adjusted Basic Earnings Per CommonShare

The increase in adjusted earnings per common share vJfas driven by accretion associated Wh the acquisition of ans Energy, after
considering the finance charges associated with the quisition and the increase in the weighted average number of common
shares outstanding, and contribution from the Waneta expansion. Performance at all of the Corporation's other regulated utilities,
as discussed above, and the impact of favorable for 'gn exchange also contributed to the increase. The increase was partially
offset by an increase in Corporate expenses and lower earnings contribution from non-utility assets due to the sale of commercial
real estate and hotel assets.

,

I

Roms INC. 2015 ANNUAL REPORT
I
I

25

l I

an



Years Ended December 31

SEGMENTED RESULTS OF OPERATIONS
Segmented Net Earnings Attributable to Common Equity Shareholders

Regulated Gas Utility - Canadian
FortisBC Energy

Regulated Elactuic Utilities - Canadian
FortisAlberta
FortisBc Electric
Eastern Canadian

Regulamsd Elettrlc & Gas Udlltlcs - United States
UNS Energy
Central Hudson

The following is a discussion of the financial results of the Corporation's reporting segments. A discussion of the nature of
regulation and material regulatory decisions and abdications pertaining to the Corporation's regulated utilities is provided in the
Regulatory Highlights" section of this MD&A.

Regulated Electric Utilities - Caribbean
Non-Regulated - Fortis Generation
Non-Regulated - Non-Utility
Corporate and Other

Net Eamlngs Attributlhk to Common Equity Shareholders

Management Discussion and Analysis

Regulated Electric 8¢ Gas
Utilities - United States
Earnings (S millions)

97

253

The Corporation's primary business is the ownership and operation of regulated utilities.
In 2015 earnings from regulated assets represented approximately 92% (2014 - 91%) of the
Corporation's earnings from its operating segments (excluding C pirate and Other segment
expenses), excluding the gains on sale of non-core assets. Total r gulated assets represented
96% of the Corporation's total assets as at December 31, 2015 (December 31, 2014 - 93%).

Regulated Electric & Gas Utilities - United States earnings f¢r 2015 were $253 million
(2014 - $97 million), which represented approximately 37% (20141- 21%) of the Corporation's
total regulated earnings. Total segment assets were approximately $12.1 billion as at
December 31, 2015 (December 31, 2014 - $9.9 billion), chichi represented approximately
44% of the Corporation's total regulated assets as 1 at December 31, 2015
(December 31, 2014 - 40%).

Regulated Electric & Gas Utilities - United States

REGULATED UTILITIES

Q

. . .

Q ir..`

:Ms

13;
so

1_to_

145

£ 2r

I

I
I

I

i 2014

I

r

l
I

I

I

103
46
60

209

27
20
28

(191)

317

1z7

60
37

97

Variance

35
4
z

41
7

57
86
51

411

135
21

156

13

s

'14
•

'15
I

ans Energy

Financial Highlights m
Aus

.Eu
Years Ended December 31

Average US:CAD Exchange Rate at

Electricity Sales (gigawatt hours ("GWh"))
Gas Volumes (perajoules ('p/'))
Revenue 6 millions)
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ro Financial results of UNS Energy are from August is, 2014, the date of acquisition.
(2) The reporting currency of UNS Energy is the us dollar. The average US:CAD exchange rate for 2014 is from the date of acquisition.
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Management Discussion and Analysis

Electricity Sales & Gas Volumes

Electricity sales were 15,366 gigawatt hours ("GWh") for 2015 compared to 14,560 GWh for the full year in 2014. The increase was
primarily due to higher short-term wholesale electricity sales. The majority of short-term wholesale electricity sales is flowed through
to customers and has no impact on earnings. Retail sales were comparable year over year

Gas volumes of 13 petajoules ("PJ") for 2015 were comparable with the full year in 2014

Revenue

Revenue was US$1,588 million for 2015 compared to lJS$1,560 million for the full year in 2014. The increase was primarily due to
the flow through to customers of higher purchased power and fuel supply costs, higher transmission revenue, and higher
wholesale electricity sales. On a Canadian dollar basis, revenue was also impacted by favorable foreign exchange

Earnings

Earnings were US$152 million for 2015 compared to USS144 million for the full year in 2014, excluding the impact of acquisition-related
expenses. The increase was primarily due to higher transmission revenue and a decrease in interest expense due to the expiry of
leasing arrangements. The increase was partially offset by higher operating expenses. On a Canadian dollar basis, earnings were
also impacted by favorable foreign exchange

Central Hudson

Financial Highlights

Years Ended December 31

Average US:CAD Exchange Rate m

Electricity Sales (Gwn)
Gas Volumes (Pl)
Revenue (5 millions)
Earnings (X millions)

Variance

m The reporting currency of Central Hudson is the us dollar

Electricity Sales & Gas Volumes

The increase in electricity sales was mainly due to higher average consumption as a result of warmer temperatures in the summer
which increased the use of air conditioning and other cooling equipment. Gas volumes for 2015 were comparable with last year

Changes in electricity sales and gas volumes at Central Hudson are subject to regulatory revenue decoupling mechanisms and, as
a result, do not have a material impact on revenue and earnings

Revenue

The increase in revenue was driven by approximately $111 million of favorable foreign exchange associated with the translation
of US dollar-denominated revenue. An increase in base electricity rates effective July 1, 2015 and the recovery from customers of
previously deferred electricity costs also contributed to the increase in revenue. Additionally, revenue for the first half of 2015 was
favorably impacted by energy efficiency incentives ad higher gas revenue associated with a new gas delivery contract in late
2014. The increase was partially offset by the recovery from customers of lower commodity costs, which were mainly due to lower
wholesale prices

Earnings

The increase in earnings was primarily due to approximately $9 million of favorable foreign exchange associated with the
translation of us dollar-denominated earnings, an in tease in base electricity rates effective July 1, 2015, a new gas delivery
contract implemented in late 2014, and energy efficiency incentives earned during the first half of 2015. The increase was partially
offset by the impact of higher expenses during the two year rate freeze period post acquisition, which ended on June 30, 2015
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Management Discussion and Analysis

Regulated Gas Utility
Canadian Earnings ($ millions)

Regulated Gas Utility - Canadian
Regulated Gas Utility - Canadian earnings for 2015 were $140 rrlillion (2014 - $127 million)
which represented approximately 21% of the Corporation's total regulated earnings
(2014 - 28%). Total segment assets were approximately $6.0 Billi as at December 31. 2015
(December 31, 2014 _ $5.8 billion), which represented approximately 22% of the
Corporation's total regulated assets as at December 31, 2015 (December 31, 2014 - 24%)

FortisBC Energy

Financial Highlights

Years Ended December 31

Gas Volumes (PJ)
Revenue ($ millions)
Earnings ($ millions)

Variance

Gas Volumes

The decrease in gas volumes was primarily due to lower average consumption in the first quarter as a result cf warmer temperatures

FortisBC Energy earns approximately the same margin regardless of whether a customer contracts for the purchase and delivery
of natural gas or only for the delivery of natural gas. As a result of the operation of regulatory defer al mechanisms, changes in
consumption levels and the cost of natural gas from those forecast to set customer gas rates do not materially offed earnings

R e v e n u e

T he decrease in revenue was pr imar i ly due to a lower commodi ty cost of natural  gas charged to customers and lower gas volumes

T he decrease was par t ial l y offset by higher  regulatory f low-through deferral  amounts

Earnings

The increase in earnings was mainly due to higher AFUDC, regulatory flow-through deferral amounts and operating cost savings
net of the earnings sharing mechanism. The increase was partially offset by a decrease in the allowed ROE and equity
component of capital structure as a result of the amalgamation of FEVI and FEWl with FEI, effects December 31. 2014. For
further details on the amalgamation, refer to the "Material Regulatory Decisions and Applications" section of this MD&A

Regulated Electric Utilities
Canadian Earnings (S millions)

Regulated Electric Utilities - Canadian
Regulated Electric Utilities - Canadian earnings for 2015 were $250 iinillion (2014 - $209 million)
which represented approximately 37% of the Corporation's total regulated earnings
(2014 - 45%). Total segment assets were approximately $8.2 billion as at December 31, 2015
(December 31, 2014 - $7.7 billion), which represented approximately 30% of the Corporation's
total regulated assets as at December 31, 2015 (December 31, 201 32%)

FortisAlberta

Financial Highlights

Years Ended December 31

Energy Deliveries (Gwh)
Revenue ($ millions)
Earnings (5 millions)

Q 2014 Variance

(z40)

Energy Deliveries

The decrease in energy deliveries was primarily due to lower average consumption by oil and gas customers as a result of low
commodity prices for oil and gas, partially offset by higher average consumption by farm and irrigation residential and commercial
customers. Lower levels of precipitation, particularly in the third quarter, and warmer temperatures had a favorable impact on
energy deliveries to farm and irrigation customers. Higher energy deliveries to residential and commercial customers due to
customer growth were partially offset by lower average consumption due to warmer temperatures

R e v e n u e

As a s igni f icant port ion of Fort isAlberta's  dis tr ibution revenue is  der ived from fixed or largely f ixed banar ig determinants, changes in

quant i t i es  of  energy del i vered are not  ent i re l y cor re lated wi th changes  in revenue.  Revenue i s  a func t ion of  numerous  var iables

many of which are independent of  ac tual  energy del iver ies
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The increase in revenue was primarily due to the operation of the PBR formula, including an increase in customer rates based on a
combined inflation and productivity factor of 1.49%/higher capital tracker revenue, growth in the number of customers, and
higher revenue related to flow-through costs to custom ere. Revenue was also favorably impacted by a $9 million capital tracker
revenue adjustment recognized in 2015 associated wit 2013 and 2014, as a result of regulatory decisions. For further details on
regulatory decisions, refer to the "Material Regulatory Elecisions and Applications" section of this MD&A

Earnings

The increase in earnings was primarily due to rate base growth associated with capital expenditures, growth in the number of
customers, and the impact of a technical update on depreciation and amortization. Also contributing to the increase in earnings
was capital tracker revenue of approximately $9 million recognized in 2015 associated with 2013 and zo14, as discussed above

FortisBC Electric

Financial Highlights

Years Ended December 31

Electricity Sales (Gwh)
Revenue (S millions)
Earnings (I millions)

Variance

Electricity Sales

The decrease in electricity sales was primarily due to lower average consumption in the first and fourth quarters as a result of
warmer temperatures

Revenue

The increase in revenue was driven by increases in base=electricity rates, mainly established to recover higher power purchase costs
and surplus capacity sales. Revenue was also favorably impacted by higher contribution from non-regulated operating, maintenance
and management services associated with the Waneta Expansion. The increase was partially offset by lower electricity sales

Earnings

The increase in earnings was primarily due to higher earnings from non-regulated operating, maintenance and management
services, and rate base growth

Eastern Canadian Electric Utilities

Financial Highlights

Years Ended December 31

Electricity Sales (Gwen)
Revenue ($ millions)
Earnings (5 millions)

Variance

27
25

Electricity Sales

The increase in electricity sales was primarily due to customer growth in Newfoundland, as well as higher average consumption in
PEI, mainly due to an increase in the number of customers using electricity for home heating. The increase was partially offset by
lower electricity sales in Ontario, largely due to the loss of a commercial customer and lower average consumption by residential
customers due to changes in temperatures

Revenue

The increase in revenue was mainly due to the flow through in customer electricity rates of overall higher energy supply costs
and electricity sales growth

Earnings

The increase in earnings was primarily due to electricity sales growth and lower operating costs, mainly due to restoration efforts at
Newfoundland Power following the loss of energy $vdplv from Newfoundland and Labrador Hydro ("Newfoundland Hydro") and
related power interruptions in January 2014, partially off t by higher depreciation expense
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Regulated Electric Utilities
Caribbean Earnings ($ millions)

Regulated Electric Utilities - Caribbean
Regulated Electric Utilities - Caribbean earnings for 2015 were $34 million (2014 - $27 million)
which represented approximately 5% of the Corporation'sl total regulated earnings
(2014 - 6%). Total segment assets were approximately $1.3 billion as at December 31, 2015
(December 31, 2014 - $1.1 billion), which represented approxima ly 4% of the Corporation's
total regulated assets as at December 31, 2015 (December 31, 20114- 4%)

Financial Highlights

Years Ended December 31
Average US:CAD Exchange Rate

Electricity Sales(Gwh)
Revenue ($ millions)
Earnings(S millions)

Variance

m The reporting currency of Caribbean Utilities and Fortis Turks and Caicos is the us dollar. The reporting currency
of Belize Electricity is the Belizean dollar, which is pegged to the us dollar at BZS 00=US$1.00

Electricity Sales

The increase in electricity sales was primarily due to growth in the number of customers as a result ofmncreased economic activity
and overall warmer temperatures, which increased air conditioning load

Revenue

Revenue was impacted by approximately $39 million of favorable foreign exchange associated with the translation of
US dollar-denominated revenue, and electricity sales growth. The increase was largely offset by the flow through in customer
electricity rates of lower fuel costs at Caribbean Utilities

Earnings

The increase in earnings was due to approximately $5 million of favorable foreign exchange associated with the translation of
US dollar-denominated earnings, electricity sales growth and higher capitalized interest at Caribbean Utilities. The increase was

partially offset by higher depreciation. Equity income from Belize Electricity from the date of settlement in August 2015 was less
than $1 million

NON-REGULATEDNon-Regulated
Fortis Generation Earnings
($ millions)

100

Non-Regulated - Fortis Generation

Financial Highlights

VarianceYears Ended December 31
Energy Sales(Gwh)
Revenue (S millions)
Earnings(5 millions)

69

20

Energy Sales

The increase in energy sales was driven by the Waneta Expansion. which commenced
producion in early April 2015 and reported energy sales of 517 GWh in 2015. The increase
was partially offset by decreased production in Belize due to lower rainfall and in Upstate
New York and Ontario due to the sale of generation assets in m d 2015. lower rainfall. and
generating units taken out of service for repairs

Revenue

The increase in revenue was driven by the Waneta Expansion, which recognized revenue of $70 millionlin 2015, and approximately
$4 million of favorable foreign exchange associated with the translation of us dollar-denominated revenue. The increase was
partially offset by decreased producion in Belize, Upstate New York and Ontario

Earnings

The increase in earnings was driven by the recognition of after-tax gains totaling approximately $32 million on the sale of generation
assets in Upstate New York and Ontario in mid 2015, and earnings contribution of $22 million from the Waneta Expansion
Approximately $3 million of favorable foreign exchange associated with the translation of us dollar denominated earnings and
lower business development costs were partially offset by decreased production in Belize, Upstate New York and Ontario
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0 Non-Regulated - Non-Utility

Financial Highlights

Non-Regulated
Non-Utility Earnings
($ millions)

Years Ended December 31

(5 millions)

Revenue
Earnings

Variance

R e v e n u e

The decrease in revenue was primarily due to the sale of commercial real estate and hotel
assets in June 2015 and October 2015, respectively

Earn ings

l

The increase in earnings was driven by a net after-tax gain of approximately $101 million on the
sale of commercial real estate and hotel assets. The increase was partially offset by lower earnings
contribution from the commercial real estate and hotel assets as a result of the sale and
$5 million in earnings in 2014 associated with Griffith from normal operations to the date of
sale in March 2014.

Corporate and Other

Financial Highlights

Years Ended December 31

(5 millions)

Revenue
Operating Expenses
Depreciation and Amortization
Other Income (Expenses), Net
Finance Charges
Income Tax Recovery

Variance

(129)
Preference Share Dividends

Net Corporate and Other Expenses (191)

Net Corporate and Other expenses were impacted by the following items

(i)

(ii)

A foreign exchange gain of $13 million in 2015 compared to $8 million in 2014, associated with the Corporation's
previous US-dollar denominated long-term other asset that represented the book value of its expropriated investment in
Belize Electricity, which was included in other income
A loss of approximately $9 million in 2015 on settlement of expropriation matters related to the Corporation's investment in
Belize Electricity, which was included in other income, net of expenses

(iii) Acquisition-related expenses of $10 million (S7 million after tax) in 2015 associated with the pending acquisition of ITC, which
were included in other income

(iv) Finance charges of $72 million ($51 million after tax) in 2014 associated with the convertible debentures issued to finance a
portion of the acquisition of UNS Energy, and
Other expenses of approximately $58 million ($39 Million after tax) in 2014 related to the acquisition of UNS Energy(v)

Excluding the above-noted items, net Corporate and; Other expenses were $137 million for 2015 compared to approximately
$109 million for 2014. The increase in net Corporate and Other expenses was primarily due to higher preference share dividends
and finance charges, and a decrease in revenue. The increase was partially offset by lower operating expenses

The increase in preference share dividends and finance charges was primarily due to the acquisition of UNS Energy. Finance charges
were also impacted by no longer capitalizing interest upon completion of the Waneta Expansion and unfavorable foreign
exchange associated with the translation of us dollar-denominated interest expense

The decrease in revenue was primarily due to a decrease in related-party interest income, mainly due to the sale of commercial real
estate and hotel assets in June 2015 and October 2015, respectively

The decrease in operating expenses was primarily d to lower retirement expenses. Retirement expenses of approximately
$13 million ($i1 million after tax) were recognized in 2014 compared to approximately $2 million (51 million after tax) in2015_ The
decrease in operating expenses was partially offset by 3 $3 million (52 million after tax) corporate donation recognized in 2015
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Management Discussion and Analysis

REGULATORY HIGHLIGHTS
The nature of regulation and material regulatory decisions and applications associated with each oflthe Corporation's regulated
electric and gas utilities are summarized as follows

Nature of Regulation

Regulated Allowed Returns (%)

2014
Regulatory

Authority Equity (%)

Significant Features

Future or Historical Test veal Used to Set Customer Rates

UNS Electric

UNS Gas

Central
Hudson

ACC

COS/ROE

ROEs established by the ACC

Historical Test Year

New York State Public
Service Commission

British Columbia Utilities
Commission ("BCUC")

38.5

FortisAlberta Alberta Utilities
Commission ("AUC ")

Newfoundland

Earnings sharing mechanism

ROE established by the PSC

Future Test Year

COS/ROE

PBR mechanism for 2014 through 2019

ROES established by the BCUC

2013 test year with2014 thioughl2019 rates set using PBR mechanism

COS/ROE

PBR mechanism for 2014 through 2019

ROE established by the BC UC

2013 test year with2014 through[2019 rates set using PBR mechanism

COS/ROE

PBR mechanism for 2013 through 2017 with capital tracker
account and other supportive i

ROE established by the AUC

2012 testyearwith 2013 through[20I7 rates set using PBR mechanism

COS/ROE

ROE established by the PUB

Newfoundland and
Labrador Board of
Commissioners of
Public Utilities ("PUB")

50 bps 50 bps 50 bps

Maritime Island Regulatory and
Appeals Commission
("IRAq")

FortisOntalio Ontario Energy Board

Future Test Year

COS/ROE

ROE established by the PEI E orgy Accord in 2014 and 2015
ROE in 2016 to be established by IRAC

Future Test Year

COS/ROE (5)

Future test year and incentive elation ratesetting mechanism

Utilities
Electricity Regulatory

Authority

Fortis Ttlrks
and Calicos

Government of the
Turks and Caicos Islands

15.00- 15.00
(5)

COS/ROA

Rate-cap adjustment mechanism based on published consumer
price indices

Historical Test Year

COS/ROA

Historical Test Year

f" Additionally, allowed ROEs are adjusted for the fair value of rate base as required under the laws of the State of Arizona
(2) Interim and subject to change pending the outcome of regulatory proceedings effective January 1, 2016 for FortisAlberta, FEI a FortisBC Electric; May 1, 2016 for

ans Electric, July 1, 2016 for Newfoundland Power, and March 1, 2016 for Maritime Electric
is) Allowed ROE of 10.0% with a 48% common equity component of capital structure to June 30, 2015. Allowed ROE of 9.00% with a 48% common equity component

of capital structure effective July 1, 2015 through June 30, 2018
(4) As approved by the BCUC, effective December 31, 2o14, FEVI and FEWI were amalgamated with FEI and, as a result, the iallowed ROE and common equity

component of capital structure for 2015 reverted to those of FEI
in Cornwall Electric is subject to a rate-setting mechanism under a Franchise Agreement with the City of Cornwall, based onl a price cap with commodity cost

flow through
if) Achieved ROAs at the utilities are significantly lower than those allowed under licences as a result of the inability, due to econorhic and political factors, to increase

base customer electricity rates
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Material Regulatory Decisions and Applications
The following summarizes the significant regulatory decisions and applications for the Corporation's regulated utilities for 2015

ans Energy

In November 2015 TEP, UNS Energy's largest utility, filed a GRA with the ACC requesting new retail rates to be effective
January 1, 2017, using the year ended June 30, 2015 as a historical test year. The key provisions of the rate request include
(i) a base retail rate increase of US$110 million, or 12.0%, compared with adjusted rest year revenue, (ii) a 7.34% return on original
cost rate base of US$2.1 billion; (iii) a common equity component of capital structure of approximately 50%; (iv) a cost of equity of
10.35% and an average cost of debt of 4.32%, and (v) rate design changes that would reduce the reliance on volumetric safes to
recover fixed costs, and a new net metering tariff that would ensure that customers who install distributed generation pay an
equitable price for their electric service. Since its last approved rate order in 2013, which used a 2011 historical test year, TEP's total
rate base has increased by approximately US$0.6 billion and the common equity component of capital structure increased from

%> to approximately 50%. In May 2015 UNS Electric filed a GRA requesting new retail rates to be effective May 1, 2016, using
2014 as a historical test year. The nature of UNS Electric's GRA was similar to that of TEP. A decision on UNS Electric's application is
expected in the third quarter of 2016 and TEP's application is expected in the fourth quarter of 2016

Central Hudson

Three-Year Rate Order

In June 2015 the PSC issued a Rate Order for Central Hudson covering a three-year period, with new electricity and natural
gas delivery rates effective July 1, 2015. A delivery rate freeze was implemented for electricity and natural gas delivery rates
through June 30, 2015 as part of the regulatory approval of the acquisition of Central Hudson by Fortis. Central Hudson invested
approximately US$225 million in energy infrastructure during the two-year delivery rate freeze period ended June 30, 2015. The
approved Rate Order reflects an allowed ROE of 9.0% and a 48% common equity component of capital structure. The Rate Order
includes capital investments of approximately US$490 million during the three-year period targeted at making the electric and gas
systems stronger

The approved Rate Order includes full cost recovery of electric and natural gas commodity costs and continuation of certain
mechanisms, including revenue decoupling and earnings sharing mechanisms. In the approved earnings sharing mechanism
the Company and customers share equally earnings in excess of 50 basis points above the allowed ROE up to an achieved ROE
that is 100 basis points above the allowed ROE. Earnings in excess of 100 basis points above the allowed ROE are shared primarily
with the customer. In addition, the Rate Order includes a major storm reserve for electric operations and provides for continuation
of recovery of various operating expenses, including environmental site investigation and remediation costs. To the extent that
Central Hudson receives gas delivery revenue associated with a new contract implemented in late 2014, associated revenue is
being used to mitigate future gas customer rate increases, effective .lily 1, 2015

Reforming the Energy Vision

In 2014 the PSC issued an order instituting a proceeding to reform New York State's electricity industry and regulatory practices
("Reforming the Energy Vision"). The initiative seeks to further a number of policy objectives and seeks to determine the
appropriate role of electric distribution utilities in furthering these objectives, as well as considering regulatory changes to better
align utility interest with energy policy objectives. In 2015 Central Hudson continued to fully participate in this proceeding. The
outcome of Reforming the Energy Vision cannot be determined at this time and it could impact the scope of regulated utilities in
New York State

FortisBC Energy and FortisBC Electric

Mu/ti-Year PBR Plans

In September 2014 the BCUC issued its decisions on FEI and FortisBC Electric's Multi-Year PBR Plans for 2014 through 2019
The approved PBR Plans incorporate incentive mechanisms for improving operating and capital expenditure efficiencies. Operation
and maintenance expenses and base capital expenditures during the PBR period are subject to an incentive formula reflecting
incremental costs for inflation and half of customer growth, less a fixed productivity adjustment factor of 1.1% for FEI and 1.03% for
Fortis BC Electric each year. The approved PBR Plans also include a 50%/50% sharing of variances from the formula-driven operation
and maintenance expenses and capital expenditures over the PBR period, and a number of service quality measures designed to
ensure FEI and FortisBC Electric maintain service levels. It also sets out the requirements for an annual review process which will
provide a forum for discussion between the utilities and interested parties regarding current performance and future activities

In May 2015 and June 2015, the BCUC issued its decisions on FEI and FortisBC Electric's 2015 rates in compliance with the PBR
decisions issued in September 2014. The decisions approved 2015 midyear rate base of approximately $3,661 million and
$1,249 million for FEl and FortisBC Electric, respectively, and approved customer rate increases for 2015 of 0.7% and 4.2% over
2014 rates, respectively
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In December 2015 the BCUC issued its decisions on FEI and FortisBC Electric's 2016 rates. The decisions approved 2016 midyear
rate base of approximately $3,693 million and $1,286 million for FEI and FortisBC Electric, respectively, and approved customer rate
increases for 2016 of 1.79% and 2.96% over 2015 rates, respectively

Generic Cost of Capita/ Proceedings

A Generic Cost of Capital ("GCOC") Proceeding to establish the allowed ROE and capital structures for regulated utilities in
British Columbia occurred from 2012 through 2014. FEI was designated as the benchmark utility and a BCUC decision established
that the ROE for the benchmark utility would be set at 8.75% with a 38.5% common equity component of capital structure, both
effective January 1, 2013 through December 31, 2015. The GCOC Proceeding reaffirmed for FortisBC Electric a risk premium over
the benchmark utility of 40 basis points, resulting in an allowed ROE of 9.15% effective January 1, 2013 through December 31, 2015
and a common equity component of capital structure at 40%

The BCUC decision directed FEI to file an application to review the 2016 benchmark utility ROE and common equity component of
capital structure. In October 2015, as required by the regulator, FEI filed its application to review the 2016 benchmark allowed ROE
and common equity component of capital structure. As FEI is the benchmark utility, the review of the application could also have
an impact on FortisBc Electric. A decision on the application is expected in the second quarter of 2016

FortisAIberta

Generic Cost of Capital Proceedings

in March 2015 the AUC issued its decision on the GCOC Proceeding in Alberta. The GCOC Proceeding set FortisAlberta's allowed
ROE for 2013 through 2015 at 8.30°/>. down from the interim allowed ROE of 8.75%, and set the common equity component
of capital structure at 40%, down from 41%. The AUC also determined that it would not re-establish a formula-based approach
to setting the allowed ROE at this time. Instead, the allowed ROE of 8.30% and common equity component of capital structure
of 40% will remain in effect on an interim basis for 2016 and beyond. For regulated utilities in Alberta under PBR mechanisms
including FortisAlberta, the impact of the changes to the allowed ROE and common equity component of capital structure resulting
from the GCOC Proceeding applies to the portion of rate base that is funded by capital tracker revenue only. For assets not being
funded by capital tracker revenue, no revenue adjustment is required for the change in the allowed ROE and common equity
component of capital structure, from that set in an earlier GCOC decision

In April 2015 the AUC initiated a GCOC Proceeding to set the allowed ROE and capital structure for 2016 and 2017, While the AUC
approved a request by utilities in Alberta to negotiate matters at issue in the GCOC Proceeding for 2016, a negotiated settlement
was not reached and a 2016 and 2017 GCOC Proceeding commenced. A hearing is scheduled for June 2016 and a decision is
expected before the end of 2016

Capital Tracker Applications

The funding of capital expenditures during the PBR term is a material aspect of the PBR plan for FortisAlberta. The PBR plan provides
a capital tracker mechanism to fund the recovery of costs associated with certain qualifying capital expenditures

In March 2015 the AUC issued its decision related to FortisAlberta's 2013, 2014 and 2015 Capital Tracker Applications. The decision
(i) indicated that the majority of the Company's applied for capital trackers met the established criteria and were, therefore
approved for collection from customers, (ii) approved FortisAlberta's accounting test to determine qualifying K factor amounts
and (iii) confirmed certain inputs to be used in the accounting test, including the conclusion that the weighted average cost of
capital be based on actual debt rates and the allowed ROE and capital structure approved in the GCOC Proceeding

In September 2015 the AUC approved FortisAlberta's compliance filing related to the 2015 Capital Tracker Decision, substantially
as filed. Capital tracker revenue of $17 million was approved for 2013 on an actual basis and capital tracker revenue of $42 million
and $62 million was approved on a forecast basis for 2014 and 2015, respectively. FortisAlberta collected $15 million, $29 million
and $62 million in 2013, 2014 and 2015, respectively, related to capital tracker expenditures

In May 2015 FortisAlberta filed an application with the AUC seeking: (i) capital tracker revenue of $72 million for 2016 and
$90 million for 2017, (ii) a reduction of $5 million to the 2014 capital tracker revenue to reflect actual capital expenditures
and (iii) approval of additional revenue related to capital tracker amounts that had not been fully approved in the
2015 Capital Tracker Decision. A hearing related to this proceeding concluded in October 2015, with a decision from the regulator
expected in the first quarter of 2016

FortisAlberta recognized capital tracker revenue of approximately $59 million in 2015, of which $9 million was related to updates to
the 2013 and 2014 capital tracker approved amounts. The capital tracker revenue for 2015 of approximately $50 million incorporates
an update for related 2015 capital expenditures as compared to the approved forecast reflected in current rates. This resulted in
a deferral of $12 million of 2015 capital tracker revenue as a regulatory liability
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2016 Annual Rates Application

In December 2015 the regulator approved FortisAlberta's 2016 Annual Rates Application substantially as filed. The rates and riders,
effective January 1, 2016, include an increase of approximately 4.6% to the distribution component of customer rates. This increase
reflects: (i) a combined inflation and productivity factor of 0.9%; (ii) a K factor placeholder of $64 million, which is 90% of the
depreciation and return associated with the 2016 forecast capital tracker expenditures as filed in the capital tracker applications,
as discussed previously, and (iii) $17 million for adjustments to 2013, 2014 and 2015 capital tracker revenue as filed in the capital
tracker compliance filing related to the 2015 capital tracker decision.

Utility Asset Disposition Matters

In previous decisions, the AUC made statements regarding cost responsibility for stranded assets and gains or losses related to
extraordinary retirement of utility assets, which FortisAlberta and other Alberta utilities challenged as being incorrectly made.
Stranded assets are generally understood to be utility assets no longer used to provide utility service as a result of extraordinary
circumstances. The AUC's statements implied that the shareholder is responsible for the cost of stranded assets in a broader sense
than that generally understood by regulated utilities and also conflicted with the Electric Utilities Act (Alberta). As a result, the
utilities in Alberta had filed leave to appeal motions with the Court of Appeal of Alberta.

In September 2015 the Court of Appeal of Alberta issued a decision that dismissed the appeals of the utilities. The basis for the
decision was that the AUC should be accorded deference for its conclusions in utility asset disposition matters. The decision by the
Court of Appeal of Alberta has no immediate impact on FortisAlberta's financial position. However, the Company is exposed to the
risk that unrecovered costs associated with utility assets subsequently deemed by the AUC to have been subject to an extraordinary
retirement will not be recoverable from customers. In November 2015 the utilities in Alberta filed a leave to appeal motion with the
Supreme Court of Canada, the outcome and timing of which is unknown,

Eastern Canadian Electric Utilities

In October 2015 Newfoundland Power filed a 2016/2017 GRA with the PUB to set customer rates effective July 1, 2016. The Company
is proposing an overall average increase in electricity rates of 3.1%. The GRA will include a full review of Newfoundland Power's
costs, including cost of capital. The application is currently under review by the PUB. A public hearing is scheduled to begin at the
end of the first quarter of 2016 and a decision on the application is expected by the end of the second quarter of 2016.

In October 2015 Maritime Electric filed a GRA with the IRAC to set customer rates effective March 1, 2016, on expiry of the
Prince Edward ls/and Energy Accord. In January 2016 Maritime Electric and the Government of PEI entered into a
2016 General Rate Agreement covering the three-year period from March 1, 2016 through February 28, 2019. The agreement,
which is subject to regulatory approval, is generally consistent with the GRA filed in October 2015, however, reflects an allowed
ROE capped at 9.35% on a maximum average common equity component of capital structure of 40%. Under the agreement,
the typical customer electricity cost increase will be limited to a maximum of 2.3% annually.

Significant Regulatory Proceedings

The following table summarizes significant ongoing regulatory proceedings, including filing dates and expected timing of decisions
for the Corporation's regulated utilities.

Regulated Utility Application/proceeding Filing Date Expected Decision
TEP
UNS Electric

Central Hudson

FEI

FortisAlberta

Newfoundland Power

GRA for 2017
GRA for 2016

Reforming the Energy Vision

2016 Cost of Capital Application

2016/2017 Capital Tracker Application
2016/2017 GCOC Proceeding

GRA for 2016/2017

November 2015
May 2015

Not applicable

October 2015

May 2015
Not applicable

October 2015

Fourth quarter of 2016
Third quarter of 2016

To be determined

Second quarter of 2016
First quarter of 2016
Second half of 2015

Second quarter of 2016
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Management Discussion and Analysis an

CONSOLIDATED FINANCIAL POSITION
The following table outlines the significant changes in the consolidated balance sheets between December 31, 2015 and
December 31, 2014.

Significant Changes in the Consolidated Balance Sheets between December 31, 2015 and December 31, 2014

Increase/
(Decrease)

Balance Sheet Account (5 millions)

117

Explanation

Regulatory assets -
current and long-term

Utility capital assets 2,416

Non-utility capital assets 4664>

Goodwill 441

Short-term borrowings 181

Regulatory liabilities -
current and long-term

193

Long-term debt
(including current portion)

732

Capital lease and finance obligations
(including current portion)

(190)

Deferred income tax liabilities 424

Shareholders' equity
(before non-controlling interests)

1,189

The increase was mainly due to: (i) an increase in regulatory deferred income taxes, mainly at
FortisAlberta, (ii) the impact of foreign exchange on the translation of US dollar-denominated
regulatory assets, and (iii) the deferral of various other costs as permitted by the regulators.
The above-noted increases were partially offset by a reduction in regulatory assets at
Central Hudson due to the offsetting of certain regulatory account balances, as approved
by the regulator, and a decrease in the deferral for employee future benefits.

The increase primarily related to utility capital expenditures and the impact of foreign
exchange on the translation of US dollar-denominated utility capital assets, partially offset
by depreciation and customer contributions,

The decrease was due to the sale of commercial real estate and hotel assets in June 2015
and October 2015, respectively.

The increase was due to the impact of foreign exchange on the translation of
US dollar-denominated goodwill.

The increase was mainly due to higher short-term borrowings at FortisBC Energy and
FortisBC Electric, largely to finance utility capital expenditures.

The increase was mainly due to the impact of foreign exchange on the translation of
US dollar-denominated regulatory liabilities and higher rate stabilization accounts at
FortisBC Energy, partially offset by a reduction in regulatory liabilities at Central Hudson
due to the offsetting of certain regulatory account balances, as approved by the regulator.

The increase was primarily due to the issuance of long-term debt at the Corporation's
regulated utilities, largely in support of energy infrastructure investment, and the impact
of foreign exchange on the translation of US dollar-denominated debt. The increase was
partially offset by regularly scheduled debt repayments and net repayments under committed
credit facilities, mainly at the Corporation, using net proceeds from the sale of commercial
real estate and hotel assets.

The decrease was mainly due to the purchase of an additional ownership interest in the
Springerville Unit 1 generating facility and the Springerville coal handling facilities at
UNS Energy following the expiry of lease arrangements.

The increase was primarily due to tax timing differences mainly related to capital expenditures
at the regulated utilities and the impact of foreign exchange on the translation of
US dollar-denominated deferred income tax liabilities.

The increase primarily related to; (i) an increase in accumulated other comprehensive income
associated with the translation of the Corporation's US dollar-denominated investments
in subsidiaries, net of hedging activities and tax; (ii) net earnings attributable to common
equity shareholders for 2015, less dividends declared on common shares; and (iii) the issuance
of common shares under the Corporation's dividend reinvestment, employee share purchase
and stock option plans.
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LIQUIDITY AND CAPITAL RESOURCES

Summary of Consolidated Cash Flows
The table below outlines the Corporation's sources any! uses of cash in 2015 compared to 2014, followed by a discussion of the
nature of the variances in cash flows

Summary of Consolidated Cash Flaws Cash Flow from Operating
Activities ($ millions)

Variance

(4,199)

Years Ended December 31
($ millions)
Cash, Beginning of Year
Cash Provided by (Used in)

Operating Activities
Investing Activities
Financing Activities
Effect of Exchange Rate Changes

on Cash and Cash Equivalents 14

(3,707)

39

Cash. End of Year

Operating Activities: Cash flow from operating activities in 2015 was $691 million higher
than in 2014. The increase was driven by higher cash earnings and favorable changes in
working capital. The increase in cash earnings was driven by the acquisition of UNS Energy
in August 2014. Earnings contribution from the Waneta Expansion and higher cash earnings
at FortisAIberta also contributed to the increase. Favourable changes in working capital at
FortisBC Energy and UNS Energy were partially offset by= unfavorable changes at FortisAlberta

Investing Activities: Cash used in investing activities in 2015 was $2,831 million lower than in 2014. The decrease was due to
the acquisition of UNS Energy in August 2014 for a net cash purchase price of $2,745 million. Also contributing to the decrease
were proceeds received from the sale of commercial real estate assets in June 2015 for $430 million, hotel assets in October 2015
for $365 million, and generation assets in Upstate New York in June 2015 for $77 million (US$63 million), compared to proceeds
of $105 million (US$95 million) on the sale of Griffith ,in March 2014. The decrease was partially offset by an increase in capital
expenditures of $518 million, driven by a full year contribution from UNS Energy and higher capital spending at most of the
Corporation's regulated utilities, partially offset by lower non-regulated capital expenditures due to the completion of the
Waneta Expansion and the sale of commercial real estate and hotel assets

Financing Activities: Cash provided by financing activities in 2015 was $3,707 million lower than in 2014. The decrease was
primarily due to financing associated with the acquisition of UNS Energy in August 2014 and the repayment of credit facility
borrowings in 2015 using proceeds from the sale of' commercial real estate and hold assets. The acquisition of UNS Energy
was financed from proceeds of $1,800 million, or $11725 million net of issue costs, from the issue of convertible debentures
proceeds from the issuance of preference shares and credit facility borrowings. in October 2014 substantially all'of the convertible
debentures were converted into 58.2 million common shares of Fortis
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Proceeds from long-term debt, net of issue costs, repayments of long-term debt and capital lease and finance obligations, and
net (repayments) borrowings under committed credit facilities for 2015 and 2014 are summarized in the following tables

Proceeds from Long-Term Debt, Net of Issue Costs

Years Ended December 31

(5 millions) Variance

UNS Energy
Central Hudson
FortisBC Energy
FortisAIberta
FortisBC Eiedric
Newfoundland Power
Caribbean Utilities
Fortis Turks and Caicos
Corporate ")

Total

(125)
(198)

(539)

(191)

m In February 2015 TEP issued 10-year uss300 million 3.05% senior unsecured notes. Netproceedswere used to repay long-terrrl debt and credit facility borrowings
and to finance capital expenditures. In April 2015 UNS Electric issued 30-year US$50 million 3.95% unsecured notes. Then proceeds were primarily used for
general corporate purposes. In August 2015 UNS Electric issued 12-year US$80 million 3.22% unsecured noteSand UNS Gas issued 30-year us$45 million 4.00%
unsecured notes. The net proceeds were used to repay maturing long-term debt

(1) in March 2015 Central Hudson issued 10-year US$20 million 2.98% unsecured notes. The net proceeds were used to finance c vital expenditures and for general
corporate purposes.InMarch 2014 Central Hudson issued 10-year US$30 million unsecured notes with a floating interest rate Of 3-month LIBOR plus 1%. The net
proceeds were usedtorepay maturing long-term debt and for other general corporate purposes

is) In April 2015 FortisBC Energy issued 30-year $150 miNion 3.38% unsecured debentures. Thenet proceeds were used to repay short-term borrowings and for
general corporate purposes

<4) in September 2015 FortisAlberta issued 30-year $150 million 4.27% senior unsecured debentures. The net proceeds were used tolrepay credit facility borrowings and
for general corporate purposes. in September 2014 FortisAlberta issued $275 million senior unsecured debentures in a dual tranche of 10-year s150 million at 3.30%
and 30-year $125 million at 4.11%. The net proceeds were used to repay maturing long-term debt, finance capital expenditures and for general corporate purposes

Win October 2014 FortisBc Electric issued 30-year $200 million 4.00% senior unsecured debentures. The net proceeds were usedlto repay long-term debt and credit
facility borrowings

Win September 2015 Newfoundland Power issued 30-year $75 million 4.446% secured first mortgage sinking fund bonds. The net proceeds were used to repay
credit facility borrowings and for general corporate purposes

mInNovember 2014 Caribbean Utilities issued a total of US$50 million unsecured notes with terms to maturity ranging tram 15 toi32 years and coupon rates ranging
from 3.65% to 4.53%. The net proceeds were used to finance capital expenditures

Win January 2015 Fortis Turks and Caicos issued 15-year US$10 million 4.75% unsecured notes. The net proceeds were used to finance capital expenditures and for
general corporate purposes. In December 2014 Fortis Turks and Caicos issued 15-year US$80 million 4.75% unsecured notes. The net proceeds were used to repay
inter-company loans with a direct subsidiary of Fortis

(Ann June 2014 the CorporationissuedUS$213 million unsecured notes with terms to maturity ranging from 5 to 30 years and coupon rates ranging from2.92% to
4.88%. The weighted average term to maturity was approximately 9 years and the weighted average coupon rate was 3.51% Net proceeds were used to repay
us dollar-denominated borrowings on the Corporation's committed credit facility and for general corporate purposes. In September 2014 the Corporation issued
US$287 million unsecured notes with terms to maturity ranging from 7 to 30 years and coupon rates ranging from 3.64% to 5l.03%. The weighted average term
to maturity was approximately 12 years and the weighted average coupon rate was 4.11%. net proceeds were used to repay long-term debt and for general
corporate purposes
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Repayments of Long-Term Debt and Capital Least and Finance Obligations

Variance

Years Ended December 31

(5 millions)

UNS Energy
Central Hudson
FortisBC Energy
FortisAlberta
FortisBC Electric
Newfoundland Power
Caribbean Utilities
Fortis Turks and Caicos
Fortis Properties
Corporate

(200)
(140)

(293)
(743)

Net (Repayments) Borrowings Under Committed Credit Facilities

Variance

(260)

Years Ended December 31

(I millions)

UNS Energy
FortisAlberta
FortisBC Electric
Newfoundland Power
Corporate

(112)

(1

Borrowings under credit facilities by the utilities are primarily in support of their respective capital expenditure programs and/or for
working capital requirements. Repayments are primarily financed through the issuance of long-term debt, cash from operations
and/or equity injections from Fortis. From time to time, proceeds from preference share, common share and long-term debt
offerings are used to repay borrowings under the CorpOration's committed credit facility

In September 2014 Fortis issued 24 million First Preference Shares, Series M for gross proceeds of $600 million. The net proceeds
were used to repay a portion of credit facility borrowings used to initially finance a portion of the acquisition of UNS Energy

Common share dividends paid in 2015 totaled $232 million, net of $156 million of dividends reinvested, compared to $194 million
net of $81 million of dividends reinvested, paid in 2014. The increase in dividends paid was due to a higher annual dividend paid
per common share and an increase in the number of common shares outstanding. The dividend paid per common share was $1.40
in 2015 compared to $1.28 in 2014. The weighted average number of common shares outstanding was 278.6 million for 2015
compared to 225.6 million for 2014
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Contractual Cbligations
The Corporation's consolidated contractual obligations with external third parties in each of the next five years and for periods
thereafter, as at December 31, 2015, are outlined in the following table

Contractual Obligations

within
1 year

Due in
year 2

Due in Doe in Due in
year 5

after
5 years

As at December 31. 2015
($ millions)
Long-term debt
Interest obligations on long-term debt
Capital lease and finance obligations
Renewable power purchase obligations
Gas purchase obligations
Power purchase obligations
Long-term contracts .- UNS Energy
Capital cost
Operating lease obligations
Renewable energy credit purchase agreements
Purchase of Springerville Common Facilities
Employee future benefits funding contributions
Waneta Partnership promissory note
Joint-use asset and shared service agreements
Other

75

Total M218 1.885 21.781

Includes principal payments, imputed interest and executors costs, mainly related to FortisBC Electric"5 capital lease obligations

TEP and UNS Electric are party to 20-year long-term renewable PPAs totaling approximately US$1,l48 million as at
December 31, 2015, which require TEP and UNS Electric to purchase 100% of the output oflcertain renewable energy
generating facilities that have achieved commercial operation. While TEP and UNS Electric are not required to make payments
under these contracts if power is not delivered, the table above induces estimated future payment based on expected power
deliveries. These agreements have various expiry dates through 2035. TEP has entered into Addi tonal long-term renewable
PPAs to comply with renewable energy standards of the State of Arizona, however, the Compa y's obligation to purchase
power under these agreements does not begin until the facilities are operational. In February 2 16 one of the generating
facilities achieved commercial operation, increasing estimated future payments of renewable PR s by US$58 million, which
is not included in the table above

Certain of the Corporation's subsidiaries, mainly FortisBC Energy and Central Hudson, enter into c tracts for the purchase of
gas, gas transportation and storage services. FortisBC Energy's gas purchase obligations are based on gas commodity indices
that vary with market prices and the obligations are based on index prices as at December 31, zdi5. At Central Hudson, the
obligations are based on tariff rates, negotiated rates and market prices as at December 31, 2015

Power purchase obligations include various power purchase contracts held by certain of the Corporation's subsidiaries, as
described below

FortisBc Energy

In March 2015 FortisBC Energy entered into an Electricity Supply Agreement with BC Hydro for the purchase of electricity supply
to the Tilbury Expansion Project, with purchase obligations totaling $513 million as at December 31, 2015

FortisBC Electric

Power purchase obligations for FortisBC Electric, totaling $292 million as at December 31, 2015,1 mainly include a PPA with
BC Hydro to purchase up to 200 MW of capacity and 1,752 GWh of associated energy annually for a 20-year term, as approved
by the BCUC. The capacity and energy to be purchased under this agreement do not relate to a specific plant

In addition, in November 2011 FortisBC Electric executed the Waneta Expansion Capacity Agreement ("WECA"), allowing
FortisBc Electric to purchase 234 MW of capacity for 40 years, effective April 2015, as approved by the BCUC. Amounts
associated with the WECA have not been included in the Contractual Obligations table as they are folbe paid by FortisBC Electric
to a related party and such a related-party transaction would be eliminated upon consolidation with l=ortis

FORTIS INC. 2015 ANNUAL REPORT



I

E

r
l
E

1
Management Discussion and Anal/sis

t

FortisOntario

Power purchase obligations for FortisOntario, totaling $208 million as at December 31, 2015, primarily include two long-term
take-or-pay contracts between Cornwall Electric and Hydro-Quebec Energy Marketing for the supply of electricity and capacity
both expiring in December 2019. The first contract provides approximately 237 GWh of energy per year and up to 45 MW of
capacity at any one time. The second contract provilles 100 MW of capacity and provides a minimum of 300 GWh of electricity
per contract year.

Maritime Electric

Power purchase obligations for Maritime Electric, totaling $194 million as at December 31, 2015, primarily include two
take-or-pay contracts for the purchase of either capacity or energy, expiring in February 2019 and November 2032, as well as
an Energy Purchase Agreement with New Brunswick Power ("NB Power") expiring in February 2019

Central Hudson

Central Hudson's power purchase obligations totaled US$124 million as at December 31, 2015. In June 2014 Central Hudson
entered into a contract to purchase available installed capacity from the Danskammer Generating Facility from October 2014
through August 2018 with approximately US$76 million in purchase commitments remaining as at December 31, 2015. During
2015, Central Hudson entered into agreements to purchase electricity on a unit-contingent basis at defined prices during peak
load periods from June 2015 through August 2016, replacing existing contracts which expired in March 2015

(5) UNS Energy has entered into various long-term contracts for the purchase and delivery of coal to fuel its generating facilities, the
purchase of gas transportation services to meet its load requirements, and the purchase of transmission services for purchased
power, with obligations totaling US$440 million, US$26l million and US$63 million, respectively, as at December 31, 2015
Amounts paid under contracts for the purchase and delivery of coal depend on actual quantities purchased and delivered
Certain of these contracts also have price adjustment clauses that will affect future costs under the contracts. As a result of
the restructuring of the ownership of the San Juan generating station in January 2016, a new coal supply agreement came
into effect under which TEP's minimum purchase obligations are US$137 million, which is not included in the previous table

(5) Maritime Electric has entitlement to approximately 4.55% of the output from NB Power's Point Lepreau nuclear generating station
for the life of the unit. As part of its entitlement, Maritime Electric is required to pay its share of the capital and operating costs
of the unit.

(7) Operating lease obligations include certain office, Warehouse, natural gas T&D asset, rail car, land easement and rights-of~way
and vehicle and equipment leases.

(8) ans Energy is party to renewable energy credit purchase agreements, totaling approximately USS117 million as at
December 31, 2015, to purchase the environmental attributions from retail customers with solar installations. Payments for the
renewable energy credit purchase agreements are paid in contractually agreed-upon intervals based on metered renewable
energy production.

(F) UNS Energy has entered into a commitment to exercise its fixed-price purchase provision to purchase an undivided 50% leased
interest in the Springerville Common Facilities if the lease is not renewed, for a purchase price of US$106 million, with one
facility to be acquired in 2017 and the remaining two facilities to be acquired in 2021

""' Other contractual obligations include various other commitments entered into by the Corporation and its subsidiaries, including
Performance Share Unit, Restricted Share Unit and Directors' Deferred Share Unit Plan obligations and asset retirement obligations

:
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As at December 31

Total debt and capital lease and finance
obligations (net of cash)

Preference shares
Common shareholders' equity

The consolidated capital structure of Fortis is presented in the following table

Capital Structure
The Corporation's principal businesses of regulated electric and gas utilities require ongoing access to ¢apital to enable the utilities
to fund maintenance and expansion of infrastructure. Fortis raises debt at the subsidiary level to ensure regulatory transparency, tax
efficiency and financing flexibility. Fortis generally finances a significant portion of acquisitions at the corporate level with proceeds

from common share, preference share and long-term debt offerings. To help ensure access to capital, the Corporation targets a
consolidated long-term capital structure containing approximately 35% common equity, 65% debt and preferred equity, as well
as investment-grade credit ratings. Each of the Corporation's regulated utilities maintains its own capital structure in line with the
deemed capital structure reflected in each of the utility's customer rates

Capital Structure

The Corporation's long-term regulatory liabilities of $1,340 million as at December 31, 2015 have been excluded from the
Contractual Obligations table, as the final timing of settlement of many of the liabilities is su sect to further regulatory
determination or the settlement periods are not currently known. The nature and amount of the orig-term regulatory liabilities
are detailed in Note 8 to the Corporation's 2015 Audited Consolidated Financial Statements

Caribbean Utilities is party to primary and secondary fuel supply contracts and is committed to purchasing approximately 60% and

40%, respectively, of the Company's diesel fuel requirements under the contracts for the operation of it diesel-powered generating

plant. The approximate combined quantity under the contracts for 2016 is 20 million imperial gallons.lFortis Turks and Caicos has

a renewable contract with a major supplier for all of its diesel fuel requirements associated with the generation of electricity

The approximate fuel requirements under this contract are 12 million imperial gallons per annum

Other: CH Energy Group is party to an investment to develop, own and operate electric transmission projects in New York State

In December 2014 an application was fi led with the u.s. Federal Energy Regulatory Commission ('lFERc") for the recovery of

the cost of and return on five high-voltage transmission projects totaling US$1.7 billion, of which cl-li Energy Group's maximum

commitment is US$182 million. CH Energy Group issued a parental guarantee to assure the payment Of a maximum commitment

of US$182 million. As at December 31, 2015, no payment obligation is expected under this guaranteer

Other Contractual Obligations

Capital Expenditures: The Corporation's regulated utilities are obligated to provide service to customers within their respective
service territories. The regulated utilities' capital expenditures are largely driven by the need to ensure continued and enhanced
performance, reliability and safety of the electricity and gas systems and to meet customer growth. The Corporation's consolidated
capital expenditure program, including capital spending at its non-regulated operations, is forecast to be approximately $1.9 billion
for 2016. Over the five years 2016 through 2020, the Corporation's consolidated capital expenditure! program is expected to be
approximately $9 billion, which has not been included in the Contractual Obligations table

FortisBC Energy issued commitment letters to customers, totaling $33 million as at December 31, 2015, [to provide Energy Efficiency
and Conservation ("EEC") funding under the EEC program approved by the BCUC

Management Discussion and Analysis

(5 Wllims)

1 n

m Includes long-term debt and capital lease and finance obligations, including current portions, and short-term borrowings, net oflcash
w Excludes amounts related to non-controlling interests

Excluding capital lease and finance obligations, the Corporation's capital structure as at December B1, 2015 was 53.7% debt

8.5% preference shares and 37.8% common shareholders' equity (December 31, 2014 - 54.8% debt, 9.5% preference shares

and 35.7% common shareholders' equity)
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(i millkms)
Generation
Transmission
Distribution
Facilities, equipment

vehicles and other ")
information technology

Year Ended December 31. 2015

G r o s s  C o n s o l l d n e d  C a p i t a l  E x p e n d i t u r e s

G r o s s  c o n s o l i d a t e d  c a p i t a l  e x p e n d i t u r e s  f o r  2 0 1 5  w e r e  a p p r o x i m a t e l y  $ 2 . 2  b i l l i o n .  A  b r e a k d o w n  o f  t h e s e  c a p i t a l  e x p e n d i t u r e s  b y
s egm ent  and  as s e t  c a t egory  f o r  2015  i s  p rov ided  in  t he  f o l l ow ing  t ab le

Capital Expenditure Program
C a p i t a l  i n v e s t m e n t  i n  e n e r g y  i n f r a s t r u c t u r e  i s  r e q u i r e d  t o  e n s u r e  c o n t i n u e d  a n d  e n h a n c e d  p e r f o r m a n c e ,  r e l i a b i l i t y  a n d  s a f e t y  o f
t h e  e l e c t r i c i t y  a n d  g a s  s y s t e m s ,  a n d  t o  m e e t  c u s t o m e r  g r o w t h .  A l l  c o s t s  c o n s i d e r e d  t o  b e  m a i n t e n a n c e  a n d  r e p a i r s  a r e  e x p e n s e d
as  i nc u r red .  C os t s  re la t ed  t o  rep lac em en t s ,  upg rades  and  be t t e rm en t s  o f  c ap i t a l  as s e t s  a re  c ap i t a l i z ed  as  i nc u r red .  Approx im a t e l y
$276  m i l l i on  i n  m a in t enanc e  and  repa i r s  w as  ex pens ed ;  i n  201s  c om pared  t o  approx im a t e l y  $203  m i l l i on  i n  2014 .  T he  i nc reas e  w as
large ly  due t o  a  f u l l  year  o f  expense f or  UNS Energy  in  201s

T h e  a b o v e - n o t e d  c r e d i t  r a t i n g s  r e f l e c t  t h e  C o r p o r a t i o n ' s  l o w  b u s i n e s s - r i s k  p r o f i l e  a n d  d i v e r s i t y  o f  i t s  o p e r a t i o n s ,  t h e  s t a n d - a l o n e
n a t u r e  a n d  f i n a n c i a l  s e p a r a t i o n  o f  e a c h  o f  t h e  r e g u l a t e d  s u b s i d i a r i e s  o f  F o r t i s ,  a n d  m a n a g e m e n t ' s  c o m m i t m e n t  t o  m a i n t a i n i n g
reas onab le  lev e ls  o f  deb t  a t  t he  ho ld ing  c om pany  lev e l . :  I n  F ebruary  2016,  a f t e r  t he  announc em ent  by  F or t i s  t ha t  i t  had  en t e red  in t o
a n  a g r e e m e n t  t o  a c q u i r e  I T C ,  S & P  a f f i r m e d  t h e  C o r p o r a t i o n ' s  l o n g - t e r m  c o r p o r a t e  c r e d i t  r a t i n g  a t  A -  r e v i s e d  i t s  u n s e c u r e d  d e b t

p lac ed  t he  C orpo ra t i on 's  c red i t  r a t i ng  under  rev iew  w i t h  nega t i v e  im p l i c a t i ons

Credit Ratings
As  a t  D ec em ber  31 ,  2015 ,  t he  C orpora t ion 's  c red i t  ra t ings  w ere  as  f o l l ow s

c r e d i t rat ing t o  B B B +  f r o m  A -  a n d  r e v i s e d  i t s  o u t l o o k  o n  t h e  C o r p o r a t i o n to negative from stable.  Similarly,  in February 2016 DBRS

T h e  i m p r o v e m e n t  i n  t h e  C o r p o r a t i o n ' s  c a p i t a l  s t r u c t u r e  w a s  d u e  t o  a n  i n c r e a s e  i n  c o m m o n  s h a r e h o l d e r s '  e q u i t y  a s  a  r e s u l t
o f :  ( i )  a n  i n c r e a s e  i n  a c c u m u l a t e d  o t h e r  c o m p r d w e n s i v e  i n c o m e  a s s o c i a t e d  w i t h  t h e  t r a n s l a t i o n  o f  t h e  C o r p o r a t i o n ' s
u s  d o l l a r - d e n o m i n a t e d  i n v e s t m e n t s  i n  s u b s i d i a r i e s ,  n e t  o f  h e d g i n g  a c t i v i t i e s  a n d  t a x ;  ( i i )  n e t  e a r n i n g s  a t t r i b u t a b l e  t o  c o m m o n
e q u i t y  s h a r e h o l d e r s  f o r  t h e  y e a r  e n d e d  D e c e m b e r  a t ,  2 0 1 5 ,  l e s s  d i v i d e n d s  d e c l a r e d  o n  c o m m o n  s h a r e s ;  a n d  G i i )  t h e  i s s u a n c e
o f  c o m m o n  s h a r e s  u n d e r  t h e  C o r p o r a t i o n ' s  d i v i d e n d  r e i n v e s t m e n t ,  e m p l o y e e  s h a r e  p u r c h a s e  a n d  s t o c k  o p t i o n  p l a n s .  T h e
c a p i t a l  s t r u c t u r e  w a s  a l s o  i m p a c t e d  b y  a n  i n c r e a s e  h a r l i  t o t a l  d e b t  d u e  t o  t h e  i m p a c t  o f  f o r e i g n  e x c h a n g e  o n  t h e  t r a n s l a t i o n  o f
u s  d o l l a r - d e n o m i n a t e d  d e b t  a n d  n e w  d e b t  i n  s u p p o r t  o f  e n e r g y  i n f r a s t r u c t u r e  i n v e s t m e n t ,  p a r t i a l l y  o f f s e t  b y  r e g u l a r  s d w e d u l e d
deb t  repay m en t s  and  ne t  repay m en t s  under  c om m i t t ed  c red i t  f ac i l i t i es

Management Discussion and Anal
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Energy

Central
Hudson

FortisBC
Energy

Rogulatqml Utilities

Fortis
Alberta

FortisBC

Electric

Eastern Caribbean
Canadian Electric pp

vauguunN

'we
w .

Represents cash payments to construct utility capital assets, non-utility capital assets and intangible assets. as reflected on the consolidated statement of cash
flows. Exdudes the non-cash equity component of AFUDC
Includes capital expenditures of approximately $14 million at FAES, Mhich is reported in the Corporate and Other segment
Includes capital expenditures associated with the Tilbury Expansiorl at FortisBC Energy and Alberta Electric System Operator ("AESO") transmission-related capital
expenditures at FortisAlberta

P l a n n e d  c a p i t a l  e x p e n d i t u r e s ar e b a s e d  o n  d e t a i l e d  f o r e c a s t s  o f  e n e r g y  d e m a n d ,  c o s t  o f  l a b o r  a n d  m a t e r i a l s ,  a s  w e l l  a s  o t h e r
f a c t o r s ,  i n d u c i n g  e c o n o m i c  c o n d i t i o n s a n d f o r e i g n  e x c h a n g e  r a t e s ,  w h i c h  c o u l d  c h a n g e  a n d  c a u s e  a c t u a l  e x p e n d i t u r e s  t o  d i f f e r
f rom  t hos e  f o rec as t .  Gros s  c ons o l i da t ed  c ap i t a l  ex pend i t u res  o f  $2 , 243  m i l l i on  f o r  2015  w ere  $91  m i l l i on  h igher  t han  $2 , 152  m i l l i on
f o r e c a s t  f o r  2 0 1 5 ,  a s  d i s c l o s e d  i n  t h e  M D & A  f o r  t h e  y e a r  e n d e d  D e c e m b e r  3 1 ,  2 0 1 4 .  T h e  i n c r e a s e  w a s  d r i v e n  b y  h i g h e r  c a p i t a l
s p e n d i n g  a t  F o r t i s B C  E n e r g y  p r i m a r i l y  d u e  t o  t h e  t i m i n g  o f  p a y m e n t s  a s s o c i a t e d  w i t h  t h e  T i l b u r y  E x p a n s i o n  a n d  a t  F o r t i s A I b e r t a
p r im a r i l y  due  t o  t he  pu rc has e  o f  t w o  R u ra l  E lec t r i f i c a t i on  As s oc ia t i ons  ( " R EAs " )  f o r  app rox im a t e l y  $21  m i l l i on  i n  201s ,  and  due  t o
t h e  i m p a c t  o f  f o r e i g n  e x c h a n g e  a s s o c i a t e d  w i t h  t h e  t r a n s l a t i o n  o f  u s  d o l l a r - d e n o m i n a t e d  c a p i t a l  e x p e n d i t u r e s .  T h e  i n c r e a s e  w a s
par t ia l l y  o f f s e t  by  low er - t han- f o rec as t  c ap i t a l  s pend ing  -a t  t he  W anet a  Ex pans ion ,  due t o  t he  t im ing  o f  pay m ent s ,  and a t  F AES
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Management Discussion and Analysis

Gross consolidated capital expenditures for 2016 are expected to be approximately $1.9 billion. A breakdown of forecast gross

consolidated capital expenditures by segment and asset category for 2016 is provided in the following table

Forecast Gross Consolidated Capital Expenditures

Year Ending December 31, 2016
Regulated Utilities

UNS
Energy

FortisBc
Energy

Fortis
Alberta

Eastern Caribbean
Canadian Electric

24 73
6

w-»~1ml~~~4

66

Central
Hudson

2
30 84

FortisBC
Electric

2
21
29

($ millions)

Generation
Transmission
Distribution
Facilities, equipment

vehicles and other
information technology 49

441

Represents forecast cash payments to construct utility capital assets and intangible assets, as would be reflected on the con-zolidated statement of cash flows
Excludes the non-cash equity component of AFUDC. Forecast capital expenditures for 2016 are based on a forecast exchange rate of uss1.00=cADs1 .38
Includes forecast capital expenditures of approximately $3 million at FAES, which is reported in the Corporate and Other segment

Includes forecast capital expenditures associated with the Tilbury Expansion at FortisBc Energy and AESO transmission-related capital expenditures at FortisAlberta

The percentage breakdown of 2015 actual and 2016 forecast gross consolidated capital expendituresl among growth, sustaining
and other is as follows

Gross Consolidated Capital Expenditures

Year Ending December it Forecast

15

Growth
Sustaining
Other

Includes capital expenditures associated with the Tilbury Expansion at FortisBc Energy and AESO transmission-related capital expenditures at FortisAlberta
Capital expenditures required to ensure continued and enhanced performance, reliability and safety of generation and T&D assets
Relates to facilities, equipment, vehicles, information technology systems and other assets

Over the five-year period 2016 through 2020, excluding the pending acquisition of ITC, gross consolidated capital expenditures are
expected to be approximately $9 billion. The approximate breakdown of the capital spending expected Ito be incurred is as follows
40% at Regulated Electric & Gas Utilities in the United States; 37% at Canadian Regulated Electric Utilities, driven by FortisAlberta
17% at Canadian Regulated Gas Utility, 5% at Caribbean Regulated Electric Utilities, and the remaining 1% at non-regulated
operations. Capital expenditures at the regulated utilities are subject to regulatory approval. Over the fee-year period, on average
annually, the approximate breakdown of the total capital spending to be incurred is as follows: 35% to meet customer growth
50% to ensure continued and enhanced performance, reliability and safety of generation and T&D assets, i.e., sustaining capital
expenditures, and 15% for facilities, equipment, vehicles, information technology and other assets

Actual 2015 and forecast 2016 midyear rate base for the Corporation's regulated utilities and the Waneta Expansion is provided in
the following table

Midyear Rate Base

Forecast

(5 billions)

UNS Energy
Central Hudson
FortisBC Energy
FortisAlberta
FortisBC Electric
Eastern Canadian Electric Utilities
Regulated Electric Utilities - Caribbean
Waneta Expansion

1.6

Actual midyear rate base for 2015 is based on the actual average exchange rate of US$1.00=CAD$1.28 and forecast midyear rate base for 2016 is based on a
forecast exchange rate of USS1 .00=CAD$1.38
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Central Hudson w

FortisBC Energy

6 millions)

Company

UNS Energy w

The most significant capital projects that are induced in the Corporation's base consolidated capital expenditures for 2015 and
2016 are summarized in the table below.

Significant Capital Projects "'

Management Discussion and Analysis

I
!

l

Pre-

2015

23

'M

a~;

'?9.§='Q~

MMIII
8945

gr , »

91
u

Forecast

2016

Forecast

2017-020

Expected

Year of

Completion

2015

| nllhlll

-

FortisAlberta

Caribbean Utilitiesw

Waneta Partnership

Nature of Project
Interest in Springerville Unit 1
Springerville Coal Handling

Facilities Lease Buyout
Pinal Transmission Project
Residential Solar Program .

Gas Main Replacement PrograM
Tilbury LNG Facility Expansion ff:
Lower Mainland System Upgrade

Pole-Management Program .
Generation Expansion

Waneta Expansion"'

7

145
4

159

12

679
,1 ~¢;. -"

22

29

10s
50

42

35

13

9

~°i¥1~ . 9 0

135

15
362

94

an Represents utility capital asset and intangible asset expenditures, inducing both the capitalized interest and equity components of AFUDC, where applicable
w Forecast capital expenditures are based on a forecast exchange rate of lJS$1.00=CAD$1.38 for 2016 through 2020
iv Total project investment as at December 31, 2014 and 2015 includes approximately $43 million and $11 million, respectively, in non-cash capital accruals
ro Includes the $72 million payment expected to be made in 2020 and excludes forecast capitalized interest of the minority partners, CPC/CBT, in the Waneta Partnership

97

2015
z015

Ongoing

POst-2020

2016
2018

Post-2020

2016

2015

UNS Energy completed three significant capital investments in 2015. In January 2015, upon expiration of the Springerville Unit 1
lease, UNS Energy purchased an additional ownership interest in Springerville Unit 1 for US$46 million. This purchase increased the
ownership interest to 49.5%. Additionally, upon expiration of the Springerville Coal Handling Facilities lease in April z01s, UNS Energy
purchased an ownership interest in the coal-handling assets for US$72 million. The Pinal Transmission Project at UNS Energy was also
completed in 2015 at a total project cost of US$79 million. The project consisted of the construction of a 500-kilovolt transmission
line in Pinal County that will increase the Company's import capacity from Gila River Unit 3 and the Pro Verde trading hub.

The ResidentialSolarprogram atUNS Energy is a partnership with local adar companies for UNS Energy to own and installrooftop
solar systems for residential customers. The total capital cost of the program through 2020 is expected to be approximately
ussaz million, with approximately US$16 million expected to be spent in 2016.

The Gas Main Replacement Program at Central Hudson is a 15-year replacement program to eliminate and replace leakage-prone
pipes throughout the gas distribution system. The proposed replacement program increases the rate of annual expenditures on pipe
replacements to approximately US$20 million to expedite the replacement plan. Approximately ussis million was spent on this
program in 2015 and an additional US$21 million is expected to be spent in 2016. The majority of spending is expected post 2020.

FortisBC Energy's ongoing Tilbury LNG Facility Expansion, at an estimated total project cost of $440 million, will induce a second
LNG tank and a new liquefier, both to be in service around the end of 2016. FortisBC Energy received an Order in Council from
the Government of British Columbia exempting the Tibury LNG Facility project from further regulatory review. Key construction
activities in 2015 were focused on construction of the storage tank and liquefaction process areas. Total project costs to the end
of 2015 were approximately $326 million.

The Lower Mainland System Upgrade project at FortisBC Energy is in place to address system capacity and pipeline condition
issues for the gas supply system in the Lower Mainland area of British Columbia. The project will be completed in two phases:
(i) the Lower Mainland Intermediate Pressure System lilpgrade project phase, which is focused on addressing pipeline condition
issues, and (ii) the Coastal Transmission System phase, which is intended to increase security of supply by reducing the number of single
points of failure. The project has an estimated capital cost of $427 million, with approximately $50million forecast to be spent in
2016, and is expected to be completed in 2018. The rcuc approved the application to replace certain sections of intermediate
pressure pipeline segments within the Greater Vancouver area in October 2015. The Coastal Transmission System phase was
approved by aSpecial Direction by the Government of Eritish Columbia in 2014 and will not be subject to further regulatory review.

During 2015 FortisAlberta continued with the replacement of vintage poles under its Pole-Management Program to extend the
service life of existing poles and to replace poles when deterioration is beyond repair. The total capital cost of the program through
2020 isexpected to be approximately $336 million. Ar proximately $41 million was spent on this program in 2015, for a total of
$200 million spent to date.
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Management Discussion and Analysis

I

Caribbean Utilities was the successful bidder for new generation capacity and entered into a desigrl-build contract agreement
to cover the purchase and turnkey installation of two 18.5 MW diesel-generating units, one 2.7 MW lvvaste heat recovery steam
turbine and associated auxiliary equipment. Approximately US$48 million was spent on the project l 2015, with approximately
US$25 million forecast to be spent in 2015. The project cost is estimated to be uss8s million and t~ e plant is expected to be
commissioned in mid-2016.

Construction of the $900 million, 335-MW Waneta Expansion was completed on April 1, 2015, ahead tit schedule and on budget.
Constructionof the Waneta Expansion, which is adjacent to the Waneta Dam and powerhouse facilities on the Pend d'Oreille River,
south of Trail, British Columbia, commenced late in 2010. The expansion added a second powerhouse, ihlmediately downstream of
the Waneta Dam on the Pend d'Qreille River, that shares the existing hydraulic head and generates death, renewable, cost-effective
power from water that would otherwise be spilled. The project also included construction of a 10-kilomet e, 230-kilovolt transmission
line. On April 2, 2015, the Waneta Expansion began generating power, all of which is being sold to BC Hydro and FortisBC Electric
under 40-year contracts. Fortis owns a 51% interest in the Waneta Partnership and operates and maintains the non-regulated
investment. The capital cost of the Waneta Expansion, as reported in the Significant Capital Projedsi table, includes capitalized
interest by Fortis during construction, as well as other eligible capitalized expenses, and a $72 million payment expected to be
made in 2020 related to accrued development costs previously incurred by CPC/CBT. The table excludes approximately $50 million
of forecast capitalized interest of the minority partners in the Waneta Partnership.

Additional Investment Opportunities
In addition to the Corporation's base consolidated capital expenditure forecast, management is put mg additional investment
opportunities within existing service territories. These additional investment opportunities, as discussed below, are not included in
the Corporation's base capital expenditure forecast and also exclude the acquisition of ITC .

FortisBC Energy is pursuing additional LNG infrastructure investment opportunities, including a pipeline expansion to the proposed
Woodfibre LNG site in Squamish, British Columbia and a further expansion of Tilbury. In December 20 4 FortisBc Energy received
an Order in Council from the Government of British Columbia effectively exempting these projects fromlfurther regulatory approval
by the BCUC.

The pipeline expansion is conditional on Woodfibre LNG proceeding with its LNG export facility. Th Woodfibre LNG plant has
passed the British Columbia Environmental Assessment Office review and the Squamish First Nationimproved an environmental
certificate for the project in October 2015. These approvals are significant milestones, however the project is pending a
Federal Environmental Assessment. in addition, FortisBC: Energy's pipeline expansion, at an estimated total project cost of up to
$600 million, is also subject to various environmental approvals. A final investment decision by Woodfi e LNG is expected in 2016.

A further expansion of Tilbury is conditional upon having long-term contracts in place for th off take of 70% of the
additional liquefaction capacity, on average, for the first 15 years of operation. FortisBC Energy h s a conditional agreement
with Hawaiian Electric Company that would meet this requirement, subject to the regulatory a proval process in Hawaii.
The Corporation continues to have discussions with Hawaiian Electric Company, which is ex ected to be the primary
offtaker, regarding the viability and scope of the project. Any resulting agreement would be subject to the approval of
the Hawaii Public Utilities Commission.

t
3"

The Corporation also has other significant opportunities that have not yet been included in the Corp ration's capital expenditure
forecast inducing, but not limited to, the New York Transco, LLC at Central Hudson to address transmits on constraints in New York,
renewable energy alternatives at UNS Energy, Wataynikaneyap transmission line to connect remote F est Nations communities at
FortisOntario, further gas infrastructure opportunities at FortisBC Energy, and consolidation of Rural Electrification Associations
at FortisAlberta.

i

Cash Flow Requirements

4At the subsidiary level, it is expected that operating expenses and interest costs will generally be paid out of subsidiary operating
cash flows, with varying levels of residual cash flows available for subsidiary capital expenditures a d/or dividend payments to
Fortis. Borrowings under credit facilities may be required from time to time to support seasonal working capital requirements. Cash
required to complete subsidiary capital expenditure programs is also expected to be financed from a combination of borrowings
under credit facilities, equity injections from Fortis and long-term debt offerings.

The Corporation's ability to service its debt obligations and pay dividends on its common shares and preference shares is dependent
on the financial results of the operating subsidiaries and the related cash payments from these subsidiaries. Certain regulated
subsidiaries may be subject to restrictions that may limit their ability to distribute cash to Fortis.
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6 millions)

Total credit facilities "'

Credit facilities utilized:

Short-term borrowings

Long-term debt (inducing current portion)'*'

Letters of credit outstanding

Credi t  fncl l l t los unused

As at December 31 2015, the Corporation and its subsidiaries had consolidated credit facilities of approximately $3.6 billion,

corporate credit facility. The credit facilities are syndicated mostly with the seven largest Canadian banks, as well as large banks
in the United States, with no one bank holding more Ethan 20% of these facilities. Approximately $3.3 billion of the total credit
facilities are committed facilities with maturities ranging from 2016 through 2020.

The following summary outlines the credit facilities of the Corporation and its subsidiaries.

Credit Facilities

of which approximately $2.4 billion was unused indUcing $570 million unused under the Corporation's committed revolving

Fortis and its subsidiaries were in compliance with debt covenants as at December 31, 2015 and are expected to remain compliant
in 2016.

Credit Facilities

As at December 31, z01s, management expects consolidated fixed-term debt maturities and repayments to be $313 million in
2016 and to average approximately $260 million annually over the next five years. The combination of available credit facilities and
relatively low annual debt maturities and repayments Provides the Corporation and its subsidiaries with flexibility in the timing of
access to capital markets. For a discussion of capital resources and liquidity risk, refer to the "Business Risk Management - Capital
Resources and Liquidity Risk" section of this MD&A.

In October 2015 FortisAlbertafileda short-form baseshelf prospectus to establisha Medium-TermNote Debenture Program,under
which the Company may issue debentures in an aggregate principal amount ofup to $500 million during the 25-month life of the
shelf prospectus.

In May z01s Caribbean Utilities completed a rights offering in which it raised gross proceeds of US$32 million through the issue
of 2.9 million common shares. Fortis invested us$23 million in approximately 2.2 million common shares of Caribbean Utilities.
The net proceeds from the rights offering were used by Caribbean Utilities to finance capital expenditures.

In June 2015 Fortis injected US$180 million of equity into TEP. Proceeds were used to repay credit facility borrowings in June 2015
and the balance was used to redeem bonds in August 2015 and provide additional liquidity to TEP. This equity injection fulfilled one
of the commitments made by Fortis in order to receive regulatory approval for the acquisition of UNS Energy, and increased TEP's
common equity component of capital structure to almost 50%, which is comparable with other regulated utilities in Arizona.

In April 2015 FortisBC Energy filed a short-form base shelf prospectus to establish a Medium-Term Note Debenture Program,
under which the Company may issue debentures in an aggregate principal amount of up to $1 billion during the 25~month life
of the shelf prospectus. In April 2015 FortisBc Energy issued 30-year S1s0 million 3.38% unsecured debentures under the base
shelf prospectus.

Cash required of Fortis to support subsidiary capitall expenditure programs and finance acquisitions is expected to be derived
from a combination of borrowings under the Corpolhtion's committed corporate credit facility and proceeds from the issuance
of common shares, preference shares and long-ter ' debt. Depending on the timing of cash payments from the subsidiaries,
borrowings under the Corporation's committed corporate credit facility may be required from time to time to support the servicing
of debt and payment of dividends. For a discussion if the Corporation's cash flow requirements associated with the pending
acquisition of ITC, refer to the "Business Risk ManageMent - Risks Associated with the Acquisition of ITC" and "Subsequent Event"
sections of this MD&A.

Management Discussion and Anallysis
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up

fans

a m

cm:
weM

Total as at
December 31,

2014

3,854

(330)
(1,096)

(192)

2,236
iv Total credit facilities exclude a $300 mililon option to increase the G>rpo1ation's committed corporate audit facility, as discussed below.

12) As at December 31, 2015, credit facility borrowings classified as Ions;-term debt induced $71 million in current installments of long-term debt on the consolidated

balance sheet (December 31, 2014 - $257 million).

i
i

roans no. 2015 ANNUAL REPORT 47

II



Management Discussion and Analysis

As at December 31, 2015 and 2014, certain borrowings under the Corporation's and subsidiaries' Ibng-term committed credit
facilities were classified as long-term debt. It is management's intention to refinance these borrowings with long-term permanent
financing during future periods

Regulated Utilities

The UNS Utilities have a total of us$350 million (5484 million) in unsecured committed revolving credit facilities maturing in
October 2020, with the option of two one-year extensions

Central Hudson has a US$200 million ($277 million) unsecured committed revolving credit facility, maturing in October 2020, that is
utilized to finance capital expenditures and for general corporate purposes. Central Hudson also has any uncommitted credit facility
totaling US$25 million ($34 million)

FEI has a $700 million unsecured committed revolving credit facility, maturing in August 2018, that islutilized to finance working
capital requirements, capital expenditures and for general corporate purposes

FortisAlberta has a $250 million unsecured committed revolving credit facility, maturing in August 2ozp, that is utilized to finance
capital expenditures and for general corporate purposes

FortisBC Electric has a $150 million unsecured committed revolving credit facility, maturing in May 2018. This facility is utilized
to finance capital expenditures and for general corporate purposes. FortisBC Electric also has a $10imillion unsecured demand
overdraft facility

Newfoundland Power has a $100 million unsecured committed revolving credit facility, maturing in August 2019, and a $20 million
demand credit facility. Maritime Electric has a $50 million unsecured committed revolving credit facility maturing in February 2019
and a $5 million unsecured demand credit facility. Fortisontario has a $30 million unsecured commit ed revolving credit facility
maturing in June 2016

Caribbean Utilities has unsecured credit facilities totaling approximately USS47 million (565 million). fortis Turks and Caicos has
short-term unsecured demand credit facilities of US$26 million (536 million), maturing in September 2p16

Corporate and Other

Fortis has a $1 billion unsecured committed revolving credit facility, maturing in July 2020, that is available for general corporate
purposes. The Corporation has the ability to increase this facility to $1.3 billion. As at December 31,1 2015, the Corporation has
not yet exercised its option for the additional $300 million. maturing
in January 2017

The Corporation also has a $35 million Iettr of credit facility,

UNS Energy Corporation has a US$150 million ($208 million) unsecured committed revolving credit facility, maturing in October 2020
with the option of two one-year extensions

CH Energy Group has a US$50 million ($69 million) unsecured committed revolving credit facility, maturing in July 2020, that can be
utilized for general corporate purposes

FHI has a $30 million unsecured committed revolving credit facility, maturing in April 2018,that is available fo* general corporate purposes

OFF-BALANCE SHEET ARRANGEMENTS
With the exception of letters of credit outstanding of $104 million as at December 31, 2015 (December 31, 2014 $192 million)
the COrporation had no off-balance sheet arrangements that are reasonably likely to materially offed liquidity or the availability at
or requirements for, capital resources
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Management Discussion and Anal'sis

4 BUSINESS RISK MANAGEMENT
The following is a summary of the Corporation's significant business risks.

Regulatory Risk: The Corporation's key business risk is regulation. Regulated utility assets comprised approximately 96% of total
assets of Fortis as at December it, 2015 (December 31 2014 - 93%). Approximately 96% of the Corporation's operating revenues"
was derived f rom regulated utility operations in 201 (2014 - 95%), and approximately 92% of  the Corporation's operating
earnings"l, excluding the gains on sale of non-core assets, were derived from regulated utility operations in 2015 (2014 - 91%).
The Corporation operates nine utilities in dif ferent jullisdictions in Canada, the United States and the Caribbean, with no more
than one-third of total assets located in any one regulatory jurisdiction.

Each of the Corporation's regulated utilities is subject to normal regulation that can affect future revenue and earnings. As a result,
the utilities are subject to uncertainties faced by regulated entities, inducing approval by the respective regulatory authorities of
electricity and gas rates that permit a reasonable opportunity to recover, on a timely basis, the estimated COS, inducing a fair rate
of return on rate base and, in the case of utilities in the Caribbean, the continuation of licences. Generally, the ability of a utility to
recover the actual COS and earn the approved ROE and/or ROA depends on achieving the forecasts established in the rate-setting
processes. When PBR mechanisms are utilized in determining annual revenue requirements and resulting customer rates, a formula
is generally applied that incorporates inflation and assumed productivity improvements. The use of PBR mechanisms should allow
a utility a reasonable opportunity to recover prudent cost of service and earn its allowed Roe, however, a utility is exposed to risks
that inflationary increases may exceed the inflationary: factor set by the regulator and that the utility may be unable to achieve
productivity improvements. In the case of FortisAlberta's current PBR mechanism, there is a risk that capital expenditures may not
qualify, or be approved, as a capital tracker where necessary.

Regulators approve the allowed ROEs and deemed capital structures of the utilities. Fair regulatory treatment that allows a utility
to earn a fair risk-adjusted rate of return, comparable to that available on alternative investments of similar risk, is essential for
maintaining service quality, as well as ongoing capital attraction and growth. Rate applications establishing revenue requirements
may be subject to negotiated settlement procedures. Failing a negotiated settlement, rate applications may be pursued through
a litigated public hearing process. There can be no assurance that resulting rate orders issued by the regulators will permit the
regulated utilities to recover all costs actually incurred and to earn the expected or fair rates of return on an appropriate capitalization.

Electricity and gas infrastructure investments require the approval of the regulatory authorities, either through the approval of
capital expenditure plans or revenue requirements for the purpose of setting electricity and gas rates, which induce the impact
of capital expenditures on rate base and/or cos. There is no assurance that capital projects perceived as required or completed
by the Corporation's regulated utilities will be approved Capital cost overruns may not be recoverable in customer rates.

A failure to obtain acceptable rate orders, appropriate ROES or capital structures as applied for may adversely affect the business
carried on by the regulated utilities, the undertaking or timing of capital expenditures, ratings assigned by credit rating agencies,
the issuance of long-term debt and other matters, which may, in turn, have a material adverse effect on the results of operations
and financial position of the Corporation's regulated utilities. In addition, there is no assurance that the regulated utilities will receive
regulatory decisions in a timely manner and, therefore, ¢osts may be incurred prior to having an approved revenue requirement.

As an owner of an electricity distribution network under the Electric Utilities Act (Alberta), FortisAlberta is required to act, or to
authorize a substitute party to act, as a provider of electricity services, including the sale of electricity, to eligible customers under a
regulated rate and to appoint a retailer as a default supplier to provide electricity services to customers otherwise unable to obtain
electricity services. In order to remain solely a distribution utility, FortisAlberta appointed EPCOR Energy Services (Alberta) inc.
("EPCOR") as its regulated-rate provider. As a result of this appointment, EPCOR assumed all of FortisAlberta's rights and obligations
in respect of these services. In the unlikely event that EPCOR is unable or unwilling to act as a regulated-rate provider or default
supplier, and no other party is willing to act in this c pacify, FortisAlberta would be required to act as a provider of electricity
services to eligible customers under a regulated rate r to provide electricity services to customers otherwise unable to obtain
electricity services. If FortisAlberta could not secure dutsourcing for these functions, it would need to administer these retail
responsibilities by adding necessary staff, facilities and/ol' equipment.

For additional information on the nature of regulation #id various regulatory matters pertaining to the Corporation's utilities, refer
to the "Regulatory Highlights" section of this MD&A.

I

I
r

I
m Operating revenue and operating earnings are non-US GAAP measure s and refer to total revenue, excluding Corporate and Other segment revenue and inter-segment

eliminations, and net earnings attributable to common equity she holders, excluding Corporate and Other segment expenses, respectively. Operating revenue
and operating earnings are referred to by users of the consolidated financial statements in evaluating the performance of the Corporation's operating subsidiaries.
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Management Discussion and Analysis

Risks Associated with the Pending Acquisition of ITC: ITC s a public company and its directors have fducary duties which
may require them to consider competing offers to purchase the common stock of ITC as an alter fa to the Acquisition. The
agreement and plan of merger preserves the ability of the directors of ITC to accept a competing offer, in certain circumstances
Fortis may exercise its right to match such offer and, as a result, the purchase price could increase and mother key transaction terms
could change

The dosing of the acquisition of ITC, which is expected to occur in late 2016, is subject to normal commercial risks that the
Acquisition will not close on the terms negotiated, or at all. Completion of the Acquisition remains subject to receipt of ITC and
Fortis shareholder approvals, certain regulatory, state and federal approvals, and the satisfaction or lwaiver of other customary
closing conditions contained in the agreement and plan of merger. The failure to obtain the required approvals or to satisfy or
waive the conditions to closing may result in the termination of the agreement and plan of merger. Fortis intends to complete the
Acquisition as soon as practicable after obtaining the required shareholder, regulatory and government al approvals, and satisfying
the other required closing conditions. A substantial delay in obtaining regulatory approvals or the imps inion of unfavorable terms
and/or conditions in such approvals could have a material adverse effect on the Corporation's ability o complete the Acquisition
and on the Corporation's business, financial condition or results of operations. If the closing of the Pcquisition of ITC does not
take place as contemplated, the Corporation could suffer material adverse consequences. Failure t complete the Acquisition
would, in certain circumstances, result in the Corporation being required to pay a termination fee of up to US$280 million and
other potential costs

Fortis expects that the Acquisition will provide benefits to the Corporation, including approximately 5% accretion to earnings
per common share in the first full year following closing, excluding one-time acquisition-related exp see and assuming a stable
currency exchange environment. There is a risk that some or all of the expected benefits of the Acquisition may fail to materialize
or may not occur within the time periods anticipated by the Corporation. The realization of such benefits may be affected by a
number of factors, many of which are beyond the control of the Corporation. Failure to realize the anticipated benefits of the
acquisition of ITC may impact the financial performance of the Corporation, the price of its common shares and the ability of
Fortis to continue to pay dividends on its common shares at rates consistent with the Corporation's d idend guidance, at current
rates or at all

i

Financing of the cash portion of the Acquisition is expected to be achieved primarily through the issuance of approximately
US$2 billion of Fortis debt and the sale of up to 19.9% of ITC to one or more infrastructure-focused minority investors. There
can be no assurance that such financing sources will be available to Fortis at the desired time or at all, or on cost-efficient or
commercially acceptable terms. As a result, there is no certainty that Fortis will reach a binding agreement with minority investors

to complete the minority investment prior to closing of the Acquisition or at all. The Acquisition is hot conditional upon Fortis
securing one or more minority investors. Consummation of the Acquisition without completion of the contemplated minority
investment could increase the consolidated indebtedness of the Corporation or result in the requirement for additional common
equity and may have a negative impact on the Corporation's credit ratings and outlook and could result in additional financing
costs and the failure to realize some, or all, of the expected benefits of the acquisition, including the ext rt to which the Acquisition
is accretive. The Corporation obtained commitments for an aggregate of US$3.7 billion non-revolvirig term credit facilities. The
commitments of the lenders to enter into these credit facilities is subject to certain customary con motions, which may result in
such facilities becoming unavailable to Fortis in certain circumstances. If these credit facilities becomes unavailable, Fortis may not
be able to complete the Acquisition

I
i

While Fortis intends to become a U.S. Securities and Exchange Commission ("SEC") registrant and list its common shares on the
New York Stock Exchange, there is no guarantee that it will be successful in this regard. If the Corporation is successful in this
regard, it will be subject to increased regulatory compliance and may be subject to a greater risk of litigation

The operations of ITC are conducted in US dollars and, following the Acquisition, the consolidated earnings and cash flows of
Fortis will be impacted to a greater extent by fluctuations in the us dollar-to-Canadian dollar each age rate. In particular, any
decrease in the value of the US dollar relative to the Canadian dollar following the Acquisition would negatively impact the
Corporation's net income as reported in Canadian dollars. Fortis may enter into forward foreign exchange contracts and utilize
certain other derivatives as cash flow hedges of its exposure to foreign currency risk to a greater ex end than in the past. There
is no guarantee that such hedging strategies, if adopted, will be effective

Fortis expects to incur a variety of costs in 2016 associated with completing the Acquisition. The majority of these costs will
be non-recurring expenses related to financing and obtaining shareholder and regulatory approvals. Certain of these costs
have already been iNcurred and other such costs will be incurred even if the Acquisition is ultimates not completed. Additional
unanticipated acquisition-related costs may also be incurred in 2016
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Total Debt

As at December 31, 2015
Short-term borrowings
Utilized variable-rate credit facilities classified as long term
Variable-rate long-term debt (including current portion)
Fixed-rate long-term debt (inducing current portion)
Total

The following table outlines the nature of the Corporatlon's consolidated debt as at December 31, 2015.

The Corporation and its subsidiaries may also be exposed to interest rate risk associated with borrowings under variable-rate credit
facilities, variable-rate long-term debt and refinancing; of long-term debt. Central Hudson, FortisBC Energy and FortisBC Electric,
however, have regulatory approval to defer any increase or decrease in interest expense resulting from fluctuations in interest rates
associated with variable-rate credit facilities for recovery from, or refund to, customers in future rates. There can be no assurance
that such deferral mechanisms will exist in the future, as they are dependent on future regulatory decisions. UNS Energy and
Central Hudson use interest rate swaps and interest rate caps on variable-rate long~term debt to reduce risk associated with interest
rates, as permitted by the regulators. At the Corporation's other regulated utilities, if  the timing of issuance of, and the interest
rates on, long-term debt are different from those forecast and approved in customer rates, the additional or lower interest costs
incurred on the new long~term debt are not recovered from, or refunded to, customers in rates during the period that was covered
by the approved customer rates. An inability to f low through interest costs to customers could have a material adverse effect on
the results of operations and financial position of the utilities.

Excluding borrowings under long-term committed crept facilities, almost 90% of the Corporation's consolidated long-term debt as
at December 31, 2015 had maturit ies beyond five yeans. With a significant port ion of the Corporation's consolidated debt having
long-term maturities, interest rate risk on debt refinancing has been reduced for the near and medium terms.

Interest Rate Risk: Generally, allowed ROEs for regulated utilities in North America are exposed to changes in long-term interest
rates. Such rates offed allowed ROEs directly when they are applied in formulaic ROE automatic adjustment mechanisms or
indirectly through a regulatory process of  what constitutes an appropriate rate of  return on investment, which may consider
the general level of interest rates as a factor for setting allowed ROEs. Uncertainty exists regarding the duration of the current
environment of low interest rates and the effect it may have on allowed ROEs of the Corporation's regulated utilities. If  interest
rates continue to remain at historically low levels, allowed ROEs could decrease. The continuation of a low interest rate environment
could adversely offed the Corporation's ability to earn a reasonable ROE, which could have a negative effect on the f inancial
condition and results of operations of the Corporation's regulated utilities. Also, if  interest rates begin to climb, regulatory lag
may cause a delay in any resulting increase in cost of capital and the regulatory allowed ROEs.
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In 2015 the Corporation's regulated subsidiaries issued approximately $1 billion in long-term debt, all of which was at fixed interest
rates  ranging f rom 2.98%  to 4.75% , wi th terms ranging f rom 10 to 30 years .  The terms negot iated on new long-term debt
demonstrate the ability of the Corporation and its utilit ies to raise long-term capital at attractive rates. Further information on the
Corporation's consolidated long~term debt issuances is provided in the "Liquidity and Capital Resources" section of this MD&A.

A change in the level of interest rates could materially affect the measurement and disclosure of the fair value of long-term debt.
The fair value of the Corporation's consolidated long-terM debt, as at December 31, 2015, is provided in the "Financial Instruments"
section of this Mo&A.

Operating and Maintenance Risks: Storms and severe weather conditions, natural disasters, wars, terrorist acts, failure of
critical equipment and other catastrophic events occurring both within and outside the service territories of the Corporation's
utilities could result in service disruptions, leading to kivver earnings and/or cash flows if the situation is not resolved in a timely
manner or the financial impacts of restoration are not alleviated through insurance policies or regulated rate recovery. UNS Energy,
Central Hudson and FortisBC Energy are exposed to various operational risks, associated with natural gas, such as: pipeline leaks,
accidental damage ro mains and service lines, corrosion in pipes, pipeline or equipment failure, other issues that can lead to
outages and/or leaks, and any other accidents involving natural gas that cold result in signif icant operational disruptions and/or
environmental liability.

The operation of UNS Energy's electric generating stations involves certain risks, including equipment breakdown or failure,
interruption of fuel supply and lower-than-expected levels of efficiency or operational performance. Unplanned outages, inducing
extensions of planned outages due to equipment failure or other comdications, occur from time to time and are an inherent risk
of the generation business. There can be no assurance that the generation facilities of UNS Energy will continue to operate in
accordance with expectations.
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The operation of electricity T8¢D assets is also subject to risks, including the potential to cause fires, Mai Ly as a result of equipment
failure, falling trees and lightning strikes to lines or equipment. In addition, a signif icant portion of t e utilities' infrastructure is
located in remote areas, which may make access to perform maintenance and repairs diff icult if  such assets become damaged
The FortisBC utilities operate in remote and mountainous terrain with a risk of loss or damage from forest fires, floods, washouts
landslides. avalanches and other acts of nature. UNS Energy, FortisBc Energy, FortisBC Electric and the Corporation's operations
in the Caribbean region are subject to risk of loss from earthquakes

The Corporation and its subsidiaries have limited insurance that provides coverage for business intern son, liability and property
damage. In the event of a large uninsured loss caused by severe weather conditions, natural disasteiis and certain other events
beyond the control of the utility, an application would be made to the respective regulatory authority for the recovery of these
costs through customer rates to offset any loss. However, there can be no assurance that the regulatory authorities would approve
any such application in whole or in part. Refer to the "Business Risk Management - Insurance Coverage Risk" section of this
MD&A for a further discussion on insurance

The Corporation's electricity and gas systems require ongoing maintenance, improvement and replacement. The utilities could
experience service disruptions and increased costs if they are unable to maintain their asset base. The inability to recover, through
approved customer rates, the expenditures the utilities believe are necessary to maintain, improve, real Ce and remove assets, the
failure by the utilities to properly implement or complete approved capital expenditure programs, or t e occurrence of signif icant
unforeseen equipment failures, despite maintenance programs, could have a material adverse effect oh the financial position and
results of operations of the Corporation's utilities

Generally, the Corporation's utilities have designed their electricity and natural gas systems to service customers under various
contingencies in accordance with good utility practice. The utilities are responsible for operating and maintaining their assets in
a safe manner, inducing the development and application of appropriate standards, processes and/olr procedures to ensure the
safety of employees and contractors, as well as the general public. Failure to do so may disrupt the ability of the utilities to safely
distribute electricity and gas, which could have a material adverse effect on the operations of the utilities

Economic Conditions: Typical of utilities, economic conditions, such as changes in employment levels, Personal disposable income
energy prices and housing starts, in the Corporation's service territories influence energy sales. Declines in energy sales could
adversely impact the respective utilities' results of operations, net earnings and cash flows

The business of UNS Energy is concentrated in the State of Arizona. In recent years economic conditions in Arizona have contributed
signif icantly to a reduction in retail. customer growth and lower energy usage by the Company's residential, commercial and
industrial customers. W hile it is expected that economic conditions in Arizona will improve in the future, if  they do not or if  they
should worsen, retail customer growth rates may stagnate or decline and customers' energy usage may further decline

FortisBC Energy is affected by the trend in housing starts from single family dwellings to multi-family dwellings, for which natural
gas has a lower penetration rate. The growth in new multi-family housing starts continues to signif icantly outpace that of new
single-family homes, which may temper growth in gas distribution volumes

Alberta's economy is impacted by a number of factors, including the level of oil and gas activity in the Province. which is influenced
by the market prices of oil and gas. A general and extended decline in economic conditions in Alberta or in other jurisdictions
W ere the Corporation's utilit ies operate would be expected to have the ef fect of  reducing demand for electric ity over time
The regulated nature of utility operations, including various mitigating measures approved by cert in regulators, helps reduce
the impact that lower energy demand associated with poor economic conditions may have on the utilities' earnings. Signif icantly
reduced electricity demand in the Corporation's service areas could materially reduce capital spending forecasts, and specifically
capital spending related to new customer growth. A reduction in capital spending would, in turn, a feet the Corporation's rate
base and earnings growth. A severe and prolonged downturn in economic conditions could have a material adverse effect on
the Corporation's results of operations, net earnings and cash f lows despite regulatory measures, where applicable, available
to compensate for reduced demand. In addition to the impact of  reduced energy demand, an extended decline in economic
conditions could also impair the ability of customers to pay for the electricity and gas they consume, thereby affecting the aging
and collection of the utilities' trade receivables ,

The Corporation's service territory in the Caribbean region has been impacted by challenging ec comic conditions over the
past number of years. Activity in the tourism, real estate and construction sectors is closely tied to economic conditions in the
region and changes in such activity affect customer electricity demand. Assets of Caribbean Regulated Electric Utilities comprise
approximately 4% of the Corporation's total assets as at December 31, 2015

FORTIS mc. 2015 ANNUAL REPORT



4
Management Discussion and Analysis

ii Capital Resources and Liquidity Risk: The Corporation's financial position could be adversely affected if it and/or one of
its larger subsidiaries fail to arrange sufficient and cost-effective financing to fund, among other things, capital expenditures,
acquisitions and the repayment of maturing debt. The ability to arrange sufficient and cost-effective financing is subject to
numerous factors, including the results of operations and financial position of the Corporation and its subsidiaries, the regulatory
environment in which the utilities operate and the nature and outcome of regulatory decisions regarding capital structure and
allowed ROEs, conditions in the capital and bank credit markets, ratings assigned by credit rating agencies, and general economic
conditions. Funds generated from operations after payment of expected expenses, including interest payments on any outstanding
debt, may not be sufficient to fund the repayment of all outstanding liabilities when due and anticipated capital expenditures.
There can be no assurance that sufficient capital will continue to be available on acceptable terms to fund capital expenditures
and repay existing debt.

Consolidated fixed-term debt maturities in 2016 are expected to total $313 million. The ability to meet long-term debt repayments
when due will be dependent on the Corporation and its subsidiaries obtaining sufficient and cost-effective financing. The
Corporation and its utilities have been successful at raising long-term capital at reasonable rates. Activity in the global capital
markets may impact the cost and timing of issuance of long-term capital by the Corporation and its subsidiaries. While the future
cost of raising capital could increase, the Corporation and its subsidiaries expect to continue to have reasonable access to capital
in the near to medium terms.

The cost of renewed and extended credit facilities could increase going forward. Due to their regulated nature, any forecast changes
in the cost of borrowing at the utilities are eligible to be reflected in customer rates.

Generally, the Corporation and its currently rated regulated utilities are subject to financial risk associated with changes in the
credit ratings assigned to them by credit rating agencies. Credit ratings affect the level of credit risk spreads on new long-term
debt and credit facilities. A change in the credit ratings could potentially affect access to various sources of capital and increase
or decrease finance charges of the Corporation and its utilities.

In 2015 the following changes were made to debt credit ratings of the Corporation's utilities: (it in February 2015 Moody's Investor
Service ("Moody's") upgraded the debt credit ratings of UNS Energy to 'Baal' from 'Baa2' and TEP, UNS Electric and UNS Gas to
'AS' from 'Baal', and (ii) in July 2015 Fitch Ratings ("Fitch") downgraded Central Hudson's debt credit rating to 'A-' from 'A' and
changed the rating outlook to stable from negative. Central Hudson's debt continues to be rated 'A' by S8<P and 'A2' by Moody's,
both with stable outlooks. In December 2015 DBRS confirmed FortisAlberta's debt credit rating of A(low) but revised its outlook
to stable from positive. Also, in August 2015 Fitch confirmed TEP's credit rating of BBB+ but revised its outlook to positive from
stable and in February 2016 Fitch withdrew its rating on TEP for commercial reasons at TEP's request. In February 2016, after the
announcement by Fortis that it had entered into an agreement to acquire ITC, S&P revised its outlook on TEP, Central Hudson,
FortisAlberta, Maritime Electric and Caribbean Utilities to negative from stable. For details on the Corporation's credit ratings, see
the "Credit Ratings" section of this MD&A.

Additional information on the Corporation's consolidated credit facilities, contractual obligations, including long-term debt maturities
and repayments, and consolidated cash flow requirements is provided in the "Liquidity and Capital Resources" section of this MD&A.

Political Risk: The regulatory framework under which utilities operate is impacted by significant shifts in government policy and/or
changes in governments, which create uncertainty about public policy priorities and directions, particularly around energy and
environmental issues. For details related to environmental issues, refer to the "Business Risk Management - Environmental Risks"
section of this MD&A.

Information Technology and Cyber-Security Risks: As operators of critical energy infrastructure, the Corporation's utilities
may face a heightened risk of Cyber attacks. Information technology systems may be vulnerable to unauthorized access due to
hacking, viruses, acts of war or terrorism, and other causes that can result in service disruptions, system failures, and the disclosure,
deliberate or inadvertent, of confidential business and customer information. The ability of the Corporation's utilities to operate
effectively is dependent upon developing and maintaining complex information systems and infrastructure that support the
operation of generation and T&D facilities, provide customers with billing, consumption and load settlement information, where
applicable, and support the financial and general operating aspects of the business.
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The Corporation's subsidiaries have security measures, policies and controls designed to protect and secure the integrity of its
information technology systems, and safeguard the confidentiality of corporate and customer information, however, Cyber-security
threats frequently change and require ongoing monitoring and detection capabilities. In the event the Corporation's utilities'
information technology systems are breached, it could experience service disruptions, property damage, corruption or unavailability
of critical data or confidential employee or customer information. If the breach is material in nature, it could adversely affect
the financial performance of the Corporation, its reputation and standing with customers and regulators and expose it to claims
of third-party damage. All of these factors could adversely affect the Corporation if not resolved in a timely manner, or if the
financial impact of such adverse effects is not alleviated through insurance policies or, in the case of regulated utilities, through
regulatory recovery.

Weather and Seasonality Risk: Fluctuations in the amount of electricity used by customers can vary significantly in response to
seasonal changes in weather and could materially impact the operations, financial condition and results of operations of the electric
utilities. In Canada, Arizona and New York State, cool summers may reduce air conditioning demand, while less severe winters may
reduce electric heating load.

At FortisBC Energy and the gas operations of UNS Energy and Central Hudson, weather has a significant impact on gas distribution
volumes as a major portion of the gas distributed is ultimately used for space heating for residential customers. Because of gas
consumption patterns, the gas utilities normally generate quarterly earnings that vary by season and may not be an indicator of
annual earnings. The earnings associated with regulated gas utilities are highest in the first and fourth quarters.

Regulatory deferral mechanisms are in place at certain of the Corporation's regulated utilities, including Central Hudson,
FortisBC Energy, FortisBC Electric and Newfoundland Power, to minimize the volatility in earnings that would otherwise be caused
by variations in weather conditions. The absence of the above-noted regulatory deferral mechanisms could have a material adverse
effect on the resifts of operations and financial position of the utilities.

Natural gas and coal-fired generating plants require continuous water flow for their operation. Shifts in weather or climate
patterns, seasonal precipitation, the timing and rate of melting, run off, and other factors beyond the control of the Corporation,
may reduce the water flow to UNS Energy's generation facilities. Any material reduction in the water flow to ans Energy's
generation facilities would limit the ability of the Company to produce and market electricity from those respective facilities
and could have a material adverse effect on the results of operations and financial position of the Corporation. Any change in
regulations or the level of regulation respecting the use, treatment and discharge of water, or respecting the licensing of water
rights in the jurisdictions where UNS Energy operates could result in a material adverse effect on the results of operations and
financial position of the Company.

Extreme climatic factors could potentially cause government authorities to adjust water flows on the Kootenay River, where
FortisBC Electric's dams and related facilities are located, in order to protect the environment. This adjustment could affect the
amount of water available for generation at FortisBC Electric's plants or at plants operated by parties contracted to supply energy
to FortisBC Electric. Prolonged adverse weather conditions could lead to a significant and sustained loss of precipitation over
the headwaters of the Kootenay River system, which could reduce the Company's entitlement to capacity and energy under the
Canal Plant Agreement.

Despite preparations for severe weather, hurricanes and other natural disasters will always remain a risk to the physical assets of
utilities. Climate change, however, may have the effect of increasing the severity and frequency of weather-related natural disasters
that could affect the Corporation's service territories. Although physical utility assets have been constructed and are operated and
maintained to withstand severe weather, there is no assurance that they will successfully do so in all circumstances.

The assets and earnings of Caribbean Utilities, Fortis Turks and Caicos and, to a lesser extent, Central Hudson, Newfoundland Power
and Maritime Electric, are subject to hurricane risk. Certain of the Corporation's utilities may also be subject to severe weather events,
including ice, wind and snow storms. Weather risks are managed through insurance on generation assets, business-interruption
insurance and self-insurance on T&D assets. Under its T&D license, Caribbean Utilities may apply for a special additional customer
rate in the event of a disaster such as a hurricane. Fortis Turks and Caicos does not have a specific hurricane cost-recovery
mechanism, however, the Company may apply for an increase in customer rates in the following year if the actual ROA is lower
than the allowed ROA due to additional costs resulting from a hurricane or other significant weather event. Central Hudson is
authorized to request, and the PSC has typically approved, deferral account treatment for incremental storm restoration costs.
To qualify for deferral, storm costs must meet certain criteria as stipulated by the PSC. In most cases, the Corporation's other
regulated utilities can apply to their respective regulators for relief from major uncontrollable expenses, including those related
to significant weather-related events.
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Earnings from non-regulated generation assets in Belize are sensitive to rainfall levels. The Waneta Expansion is included in the
Canal Plant Agreement and will receive fixed energy and capacity entitlement based upon long-term average water flows, thereby
significantly reducing the hydrologic risk associated with hydroelectric generation. Prolonged adverse weather conditions, however,
could lead to a significant and sustained loss of precipitation over the headwaters of the Kootenay River system, which could
reduce the Waneta Expansion's entitlement to capacity and energy under the Canal Plant Agreement.

Commodity Price Risk: UNS Energy is exposed to commodity price risk associated with changes in the market price of gas,
purchased power and coal. Central Hudson is exposed to commodity price risk associated with changes in the market prices of
electricity and natural gas. FortisBC Energy is exposed to commodity price risk associated with changes in the market price of
natural gas. The operation of regulator-approved deferral mechanisms to flow through in customer rates the cost of natural gas,
purchased power and coal serves to mitigate the impact on earnings of commodity price volatility. The risks have also been reduced
by entering into various price-risk management strategies to reduce exposure to commodity rates, including the use of derivative
contracts that effectively fix the price of natural gas, power and electricity purchases. The absence of such hedging mechanism in
the future could result in increased exposure to market price volatility.

Certain of the Corporation's regulated electric utilities are exposed to commodity price risk associated with changes in world oil
prices, which affect the cost of fuel and purchased power. The risk is substantially mitigated by the utilities' ability to flow through
to customers the cost of fuel and purchased power through base rates and/or the use of rate-stabilization and other mechanisms,
as approved by the various regulatory authorities. The ability to flow through to customers the cost of fuel and purchased power
alleviates the effect on earnings of the variability in the cost of fuel and purchased power.

There can be no assurance that the current regulator-approved mechanisms allowing for the flow through of the cost of natural
gas, fuel, coal and purchased power will continue to exist in the future. Also, a severe and prolonged increase in such costs could
materially affect Fortis BC Energy, ans Energy and Central Hudson, despite regulatory measures available to compensate for
changes in these costs. The inability of the regulated utilities to flow through the full cost of natural gas, fuel and/or purchased
power could have a material adverse effect on the utilities' results of operations and financial position.

Foreign Exchange Risk: The Corporation's earnings from, and net investments in, foreign subsidiaries are exposed to fluctuations
in the us dollar-to-Canadian dollar exchange rate. The Corporation has decreased the above-noted exposure through the
use of US dollar-denominated borrowings at the corporate level. The foreign exchange gain or loss on the translation of
US dollar-denominated interest expense partially offsets the foreign exchange gain or loss on the translation of the Corporation's
foreign subsidiaries' earnings, which are denominated in US dollars. The reporting currency of UNS Energy, Central Hudson,
Caribbean Utilities, Fortis Turks and Caicos and BECOL is the US dollar.

As at December 31, 2015, the Corporation's corporately issued US$1,535 million (December 31, 2014 - US$1,496 million) long-term
debt had been designated as an effective hedge of a portion of the Corporation's foreign net investments. As at December 31, 2015,
the Corporation had approximately US$3,137 million (December 31, 2014 - US$2,762 million) in foreign net investments remaining
to be hedged. Foreign currency exchange rate fluctuations associated with the translation of the Corporation's corporately issued
US dollar-denominated borrowings designated as effective hedges are recorded on the balance sheet in accumulated other
comprehensive income and serve to help offset unrealized foreign currency exchange gains and losses on the net investments in
foreign subsidiaries, which gains and losses are also recorded on the balance sheet in accumulated other comprehensive income.

On an annual basis, it is estimated that a 5 cent, or 5%, increase or decrease in the US dollar relative to the Canadian dollar
exchange rate of US$l.00=CAD$1.38 as at December 31, 2015 would increase or decrease earnings per common share of Fortis
by approximately 4 cents, before considering the impact of the pending acquisition of ITC. Management will continue to hedge
future exchange rate fluctuations related to the Corporation's foreign net investments and us dollar-denominated earnings
streams, where possible, through future us dollar-denominated borrowings, and will continue to monitor the Corporation's
exposure to foreign currency fluctuations on a regular basis.

Counterparty Risk:UNS Energy, Central Hudson and FortisBC Energy may be exposed to credit risk in the event of non-performance
by counterparties to derivative instruments. The above-noted utilities deal with credit quality institutions in accordance with
established credit approval practices. These utilities did not experience any counterparty defaults in 2015 and do not expect any
counterparties to fail to meet their obligations.

FortisAlberta has a concentration of credit risk as a result of its distribution service billings being to a relatively small group of retailers.
As required under regulation, FortisAlberta minimizes its gross exposure associated with retailer billings by obtaining from the
retailer either a cash deposit, bond, letter of credit or an investment-grade credit rating from a major rating agency, or a financial
guarantee from an entity with an investment-grade credit rating.
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Competitiveness of Natural Gas in British Columbia: In FortisBC Energy's service territory, natural gas primarily competes with
electricity for space and hot water heating load. Recently, there has been upward pressure on electricity rates in British Columbia,
largely due to new investment required in the electricity generation and transmission sectors. In addition, the growth in
North American natural gas supply, primarily from shale gas production, has resulted in a lower natural gas price environment.
These factors have helped to improve natural gas competitiveness on an operating basis. Nevertheless, differences in upfront
capital costs between electric and natural gas equipment for hot water and space heating applications continue to present
challenges for the competitiveness of natural gas on a full-cost basis.

l l

Government policy has also impacted the competitiveness of natural gas in British Columbia. The Government of British Columbia
has introduced changes to energy policy, including greenhouse gas emission reduction targets and a consumption tax on
carbon-based fuels. The Government of British Columbia has yet to introduce a carbon tax on imported electricity generated
through the combustion of carbon-based fuels. The impact of these changes in energy policy may have a material impact on the
competitiveness of natural gas relative to non-carbon-based energy sources or other energy sources.

There are other competitive challenges impacting the penetration of natural gas in new housing supply, such as the green attributes
of the energy source and the type of housing being built. In recent years, FortisBC Energy has experienced a decline in the percentage
of new homes installing natural gas compared with the total number of dwellings being built throughout British Columbia.

In the future, if natural gas becomes less competitive due to pricing or other factors, the ability of FortisBC Energy to add new
customers could be impaired, and existing customers could reduce their consumption of natural gas or eliminate its usage
altogether as furnaces, water heaters and other appliances are replaced. The above conditions may result in higher customer rates
and, in an extreme case, could ultimately lead to an inability of FortisBC Energy to fully recover COS in rates charged to customers.

Natural Gas, Fuel and Electricity Supply: FortisBC Energy is dependent on a limited selection of pipeline and storage providers,
particularly in the Lower Mainland, Interior and Vancouver island service areas. Regional market prices, particularly at the Sumas
market hub, have been higher than prices elsewhere in North America during peak winter periods, when regional pipeline and
storage resources become constrained in serving the demand for natural gas in British Columbia and the U.S. Pacific Northwest.
In addition, FortisBC Energy is highly dependent on a single-source transmission pipeline. In the event of a prolonged service
disruption of the Spectra Pipeline System, residential customers of FortisBC Energy could experience outages, thereby affecting
revenue and also resulting in costs to safely relight customers. The LNG storage facility on Vancouver Island helps to reduce this
risk by providing short-term on-system supply during cold weather conditions or emergency situations.

Developments are occurring in the region that may increase the demand for gas supply from British Columbia. These include
an increase in pipeline capacity to deliver gas from British Columbia to markets outside of British Columbia and the potential
development of large-scale LNG facilities to export gas. British Columbia has significant natural gas resources that are expected
to be sufficient to meet incremental demand requirements and to continue to supply existing markets. It is uncertain at this time,
however, how the pace and location of infrastructure development to connect production to new and existing markets could
impact the Corporation's access to supply at fair market prices.

The UNS Utilities are dependent on third parties to supply fuel, including natural gas and coal. Disruption of fuel supply could
impair the ability of the Companies to deliver electricity or gas or generate electricity and could adversely affect operations. In
addition, a loss of coal suppliers or the inability to renew existing coal or natural gas contracts at favorable terms could significantly
affect the ability to serve customers and adversely affect the financial condition and the results of operations of the UNS Utilities.

Newfoundland Power is dependent on Newfoundland Hydro for approximately 93% of its customers' energy requirements and
Maritime Electric is dependent on NB Power for approximately 75% of its customers' energy requirements. The Corporation's
utilities in the Caribbean are dependent on third parties for the supply of all of their fuel requirements in the operation of their
diesel-powered generating facilities. A shortage or interruption of the supply of electricity or fuel for the above utilities could have
a material impact on their operations.

Newfoundland Power experienced losses of electricity supply from Newfoundland Hydro in January 2013 and January 2014, which
disabled it from meeting all of its customers' requirements. The PUB is conducting an inquiry and hearing into these system supply
issues and related power interruptions. To the extent it is able, Newfoundland Power intends to participate in these reviews in
2016. As well, the Government of Newfoundland and Labrador engaged consultants to complete an independent review of the
current electricity system in the province.

Future changes in energy supply costs at Newfoundland Power, including costs associated with Nalcor Energy's Muskrat Falls
hydroelectric generation development and associated transmission assets, may affect electricity prices in a manner that affects
Newfoundland Power's sales. The recovery of Muskrat Falls development costs are expected to materially increase customer
electricity rates.
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Power Purchase and Capacity Sale Contracts: FortisBC Electric's indirect customers are served by the Company's wholesale
customers, who themselves are municipal utilities. The municipal utilities may be able to obtain alternate sources of energy supply
which would result in decreased demand, higher customer rates and, in extreme cases, could ultimately lead to an inability by
FortisBC Electric to fully recover its COS in customer rates

Additionally, the Corporation's regulated electric utilities periodically enter into various power purchase contracts and resale
contracts for excess capacity with third parties. Upon expiry of the contracts, there is a risk that the utilities may not be able to
secure extensions of such contracts. If the contracts are not extended, there is a risk of the utilities not being able to obtain
alternate supplies of similarly priced electricity or not being able to secure additional capacity resale contracts. The utilities are
also exposed to risk in the event of non-performance by counterparties to the various power purchase and resale contracts

Employee Future Benefit Plan Performance and Funding Requirements: Forts and the major Ty of ts subs dares manta a
combination of defined benefit pension and/or OPEB plans for certain of their employees. Approximately 63% of the Corporation's
total employees are members of defined benefit pension plans and approximately 72% of employees are members of OPEB plans

The employee future benefit plans are subject to judgments utilized in the actuarial determination of the projected benefit
obligation and related net benefit cost. The primary assumptions utilized by management are the expected long-term rate of return
on assets, the discount rate and the health care trend rate used to value the projected benefit obligation. For a discussion of the
critical accounting estimates associated with employee future benefit plans, refer to the "Critical Accounting Estimates - Employee
Future Benefits" section of this MD&A

The projected benefit obligation and related net benefit cost can be affected by changes in the global financial and capital markets
There is no assurance that the employee future benefit plan assets will earn the assumed long-term rates of return. Market-driven
changes impacting the performance of the employee future benefit plan assets may result in material variations from the assumed
long-term rates of return on the assets, which may cause material changes in future plan funding requirements from current
estimates and future net benefit cost. Market-driven changes impacting the discount rates or the health care trend rate may also
result in material changes in future plan funding requirements from current estimates and future net benefit cost

There is also risk associated with measurement uncertainty inherent in the actuarial valuation process, as it affects the measurement
of net benefit cost, future funding requirements and the projected benefit obligation

Jointly Owned and Operated Generating Units: Certain of the generating stations from which TEP receives power are jointly
owned with, or are operated by, third parties. TEP may not have the sole discretion or any ability to affect the management or
operations at such facilities and, therefore, may not be able to ensure the proper management of the operations and maintenance
of the plants. Further, TEP may have limited or no discretion in managing the changing regulations which may affect such facilities
in addition, TEP will not have sole discretion as to how to proceed with environmental compliance requirements which could
require significant capital expenditures or the closure of such generating stations. A divergence in the interests of TEP and the
co-owners or operators, as applicable, of such generating facilities could negatively impact the business and operations of TEP
in particular, TEP is subject to disagreement and litigation by third-party owners with respect to the existing agreements for
Springerville Unit 1. As a result of these disagreements and pending litigation, the third-party owners have and may continue
to refuse to pay some or all of their pro rata share of Springerville Unit 1 costs and expenses. For further details, refer to the
Critical Accounting Estimates - Contingencies" section of this MD&A

Technology Developments and Energy Efficiency: New technology developments in distributed generation, particularly solar
and energy efficiency products and services, as well as the implementation of renewable energy and energy efficiency standards
will continue to have a significant impact on retail sales, which could negatively impact various utilities' results of operations, net
earnings and cash flows. Heightened awareness of energy costs and environmental concerns have increased demand for products
intended to reduce consumers' use of electricity. Utilities are promoting demand-side management programs designed to help
customers reduce their energy usage

Research and development activities are ongoing for new technologies that produce power, enable more efficient storage of
energy, or reduce power consumption. These technologies include renewable energy, customer-owned generation, appliances
battery storage, equipment and control systems. Advances in these, or other technologies, could have a significant impact on retail
sales which could negatively impact the results of operations, net earnings and cash flows of utilities
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Risks: The Corporation's electric and gas utilities are subject to inherent environmental risks, as well as
environmental laws and regulations, as discussed below
Environmental

Inherent Environmental Risks

The Corporation's electric and gas utilities are subject to inherent risks, including fires, contamination of air, soil or water from
hazardous substances, natural gas emissions and emissions from the combustion of fuel required in the generation of electricity
Risks associated with fire damage are related to weather, the extent of forestation, habitation and third-party facilities located on
or near the land on which the utilities' facilities are situated. The utilities may become liable for fire-suppression costs, regeneration
and timber value costs, and third-party claims in connection with fires on land on which its facilities are located if it is found that
such facilities were the cause of a fire, and such claims, if successful, could be material. Inherent risks also include the responsibility
for remediation of contaminated properties, whether or not such contamination was actually caused by the property owner
The risk of contamination of air, soil and water at the electric utilities primarily relates to the transportation, handling and storage
of large volumes of fuel, the use and/or disposal of petroleum-based products, mainly transformer and lubricating oil, in the
utilities' day-to-day operating and maintenance activities, and emissions from the combustion of fuel required in the generation of
electricity. The risk of contamination of air, soil or water at the natural gas utilities primarily relates to natural gas and propane leaks
and other accidents involving these substances. Additional risks include environmental reclamation associated with coal mines that
supply generating stations in which the Corporation has an ownership interest

The key environmental hazards related to hydroelectric generation operations include the creation of artificial water flows that may
disrupt natural habitats and the storage of large volumes of water for the purpose of electricity generation

While the Corporation and its subsidiaries maintain insurance, there can be no assurance that all possible types of liabilities that
may arise related to environmental matters will be covered by insurance. For further information, refer to the "Business Risk
Management - Insurance Coverage Risk" section of this MD&A

Environmental Laws and Regulations

The Corporation's electric and gas utilities are subject to numerous federal, state and provincial environmental laws and regulations
that may increase its cost of operations or expose it to environmental litigation and liabilities. Existing environmental laws and
regulations may be revised or new environmental laws and regulations may be adopted or become applicable to the Corporation's
operations. Increased compliance costs or additional operating restrictions from revised or additional regulation could have an
adverse effect on the results of operations of the Corporation. The utilities would request that additional costs resulting from
environmental laws and regulations be recovered from customers in future rates. In addition, the process of obtaining environmental
permits and approvals, including any necessary environmental assessments, can be lengthy, contentious and expensive

The trend in environmental regulation has been to impose more restrictions and limitations on activities that may impact the
environment, including the generation and disposal of wastes, the use and handling of chemical substances, and the requirement
for environmental impact assessments and remediation work. It is possible that other developments may lead to increasingly strict
environmental laws and enforcement policies, and claims for damages to property or persons resulting from the operations of the
Corporation's subsidiaries, any one of which could result in substantial costs or liabilities to the subsidiaries

The management of greenhouse gas emissions is a specific environmental concern of the Corporation's regulated utilities in
Canada and the United States, primarily due to new and emerging federal, provincial and state greenhouse gas laws, regulations
and guidelines. In British Columbia, the Government of British Columbia's Energy Plan, Carbon Tax Act, Clean Energy Act
Greenhouse Gas Reduction (Cap and Trade) Act and Greenhouse Gas Reduction Targets Act affect, or may potentially affect
the operations of FortisBC Energy and FortisBC Electric. The utilities continue to assess and monitor the impact that the
Government's Energy Plan and the Clean Energy Act may have on future operations

In August 2015 the United States Environmental Protection Agency ("EPA") issued the Clean Power Plan ("CPP") limiting carbon
emissions from existing and new fossil fuelled power plants. The CPP establishes state-level carbon emission rates and mass-based
goals that apply to fossil fuel-fired generation. The plan targets carbon emissions reductions for existing facilities by 2030 and
establishes interim goals that begin in 2022. The CPP will require a shift in generation from coal to natural gas and renewables
and could lead to the early retirement of coal generation in Arizona within the 2022 to 2030 compliance time-frame. UNS Energy
is currently in the process of transitioning its generation resource mix, as appropriate, in order to reduce carbon emissions. The
Company will continue to work with the other Arizona and New Mexico utilities, as well as the appropriate regulatory agencies
to develop compliance strategies. ans Energy is unable to determine how the final CPP rule will impact its facilities until state
plans are developed and approved by the EPA. The Company cannot predict the ultimate outcome of these matters
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The EPA incorporated the compliance obligations for existing power plants located on Indian nations, including the Navajo Nation,
in the existing sources rule and a newly proposed Federal Plan using a compliance method similar to that of the states. The
proposed Federal Plan would be implemented for any Indian nation and/or state that does not submit a plan or that does not
have an EPA or approved state plan. UNS Energy will work with the participants at Four Corners and Navajo to determine how
this revision may impact compliance and operations at the facilities. The Company has submitted comments on the proposed
Federal Plan impacting its facilities, including Four Corners and Navajo stating, among other things, that the EPA should not
regulate the greenhouse gases on the Navajo Nation because it is not appropriate or necessary. The reduction of greenhouse gases
achieved due to the shutdowns resulting from Regional Haze compliance will be equivalent to those required under the CPP rule.
UNS Energy cannot predict the ultimate outcome of these matters.

The Company's compliance requirements under the CPP are subject to the outcomes of potential proceedings and litigation
challenging the rule. In February 2016 the United States Supreme Court granted a stay effectively ordering the EPA to stop CPP
implementation efforts until legal challenges to the regulation have been resolved. The ruling introduces uncertainty as to whether
and when the states and utilities will have to comply with the CPP. UNS Energy will continue to work with the Arizona Department
of Environmental Quality to determine what, if any, actions need to be taken in light of the ruling. UNS Energy anticipates that the
ruling will likely delay the requirement to submit a plan or request an extension under the CPP by September 2016.

If any of the coal-fired generation plants, or coal-handling facilities, from which UNS Energy obtains power are closed prior to the
end of their useful life in response to recent or future changes in environmental regulation, the Company could be required to
recognize a material impairment of its assets and incur added expenses relating to accelerated depreciation and amortization,
decommissioning and cancellation of long-term coal contracts of such generating plants and facilities. Closure of any such
generating stations may force UNS Energy to incur higher costs for replacement capacity and energy. The Company may not be
permitted recovery of these costs in customer rates.

In addition, early closures of certain generating units could require UNS Energy to redeem some or all tax-exempt bonds associated
with the respective generating units. As at December 31, 2015, approximately 43% of UNS Energy's generating capacity was
fuelled by coal.

Environmental laws and regulations have given rise to environmental liabilities at certain of the Corporation's utilities. TEP is
contractually obligated to pay a portion of the environmental reclamation costs incurred at generating stations in which it
has an ownership interest and is obligated to pay similar costs at the coal mines that supply these generating stations. As at
December 31, 2015, TEP has recognized approximately US$25 million in mine reclamation obligations, representing the present
value of the estimated future liability. While TEP has recorded the portion of its obligations for such reclamation costs that can be
determined at this time, the total costs and timing of final reclamation at these sites are unknown and could be substantial. TEP
currently recovers final mine reclamation costs through regulator-approved mechanisms as costs are paid to the coal suppliers.

Central Hudson is exposed to environmental contingencies associated with manufactured gas plants ("MGPs") that it and its
predecessors owned and operated to serve their customers' heating and lighting needs from the mid to late 1800s to the 1950s.
The New York State Department of Environmental Conservation ("DEC") regulates the timing and extent of remediation of MGP
sites in New York State. As at December 31, 2015, Central Hudson has recognized approximately US$9Z million in associated MGP
environmental remediation liabilities. As approved by the PSC, the Company is currently permitted to recover MGP site investigation
and remediation costs in customer rates.

The Corporation believes that it and its subsidiaries are materially compliant with the environmental laws, regulations and
guidelines applicable to them in the various jurisdictions in which they operate. With the exception of the mine reclamation costs
at TEP and the MGP remediation liabilities at Central Hudson, as noted above, as at December 31, 2015, there were no material
environmental liabilities recognized in the Corporation's 2015 Audited Consolidated Financial Statements. The regulated utilities
would seek to recover in customer rates the costs associated with environmental protection, compliance or damages, however,
there is no assurance that the regulators would agree with the utilities' requests and, therefore, unrecovered costs, if substantial,
could have a material adverse effect on the results of operations and financial position of the utilities.
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Insurance Coverage Risk: The Corporation and its subsidiaries maintain insurance with respect to potential liabilities and the
accidental loss of value of certain of their assets, for amounts and with such insurers as is considered appropriate, taking into
account all relevant factors, including practices of owners of similar assets and operations. However, a significant portion of the
Corporation's regulated electric utilities' T&D assets is not covered under insurance, as is customary in North America, as the cost
of coverage is not considered economically viable. insurance is subject to coverage limits as well as time-sensitive claims discovery
and reporting provisions and there can be no assurance that the types of liabilities that may be incurred by the Corporation and
its subsidiaries will be covered by insurance. The Corporation's regulated utilities would likely apply to their respective regulatory
authority to recover any loss or liability through increased customer rates. However, there can be no assurance that a regulatory
authority would approve any such application in whole, or in part. Any major damage to the physical assets of the Corporation and
its subsidiaries could result in repair costs, lost revenue and customer claims that are substantial in amount and which could have
a material adverse effect on the Corporation's results of operations, cash flows and financial position. In addition, the occurrence
of significant uninsured claims, claims in excess of the insurance coverage limits maintained by the Corporation and its subsidiaries,
or claims that fall within a signif icant self-insured retention could have a material adverse effect on the Corporation's results of
operations, cash flows and financial position.

It is anticipated that insurance coverage will be maintained. However, there can be no assurance that the Corporation and its
subsidiaries will be able to obtain or maintain adequate insurance in the future at rates considered reasonable, or that insurance
will continue to be available on terms as favorable as the existing arrangements, or that the insurance companies will meet their
obligations to pay claims.

Loss of Licenses and Permits: The acquisition, ownership and operation of electric and gas utilities and assets require numerous
licenses, permits, agreements, orders, approvals and certif icates ("Approvals") from various levels of government, government
agencies and third parties. For various reasons, including increased stakeholder participation, the Corporation's regulated utilities
and non-regulated generation operations may not be able to obtain or maintain all required Approvals. If  there is a delay in
obtaining any required Approvals, or if  there is a failure to obtain or maintain any required Approvals or to comply with any
applicable law, regulation or condition of an approval, or there is a material change to any required Approval, the operation of
the assets and the sale of electricity and gas could be prevented or become subject to additional costs, any of which could have
a material adverse effect on the Corporation's subsidiaries.

Loss of Service Area: FortisAlberta serves customers residing within various municipalities throughout its service areas. From time
to time, municipal governments in Alberta give consideration to creating their own electric distribution utilities by purchasing the
assets of FortisAlberta located within their municipal boundaries. Upon the termination, or in the absence, of a franchise agreement,
a municipality has the right, subject to AUC approval, to purchase FortisAlberta's assets within its municipal boundaries pursuant to
the Municipal Government Act (Alberta), with the price to be as agreed by the Company and the municipality, failing which it is to
be determined by the AUC. Additionally, under the Hydro and Electric Energy Act (Alberta), if a municipality that owns an electric
distribution system expands its boundaries, it can acquire FortisAlberta's assets in the annexed area. In such circumstances, the
Hydro and Electric Energy Act (Alberta) provides that the AUC may determine that the municipality should pay compensation to
the Company for any facilities transferred on the basis of replacement cost less depreciation. Given the historical population and
economic growth of Alberta and its municipalities, FortisAlberta is affected by transactions of this type from time to time.

W ithin certain portions of  FortisAlberta's service territory, REAs have been granted by the AUC the right to provide electric
distribution service to their eligible members. Members eligible to receive electric distribution service from an REA are those who
meet the specif ic eligibility criteria defined in the integrated operating agreements between the Company and REA. in general,
this eligibility criteria has limited the provision of service to customers whose land is used for agricultural activity or as a rural estate
property. This historical arrangement has been challenged by some self-operating REAs that are seeking to expand their services
to a broader range of customers within the service area that overlaps that of the Company. FortisAlberta is actively resisting these
efforts on the part of these self-operated REAs, as it believes the legislative scheme in Alberta does not support this type of
competition between the regulated utility and these small rural electricity cooperatives. There is a risk that the efforts of these
self-operating REAs to expand their services to a broader range of customers could increase their ability to serve customers in
competition with the Company.

The consequence to FortisAlberta of a municipality purchasing its distribution assets or an REA serving more customers in its
service territory would be an erosion of the Company's rate base, which would reduce the capital upon which FortisAlberta could
earn a regulated return. A significant reduction of rate base could have a material adverse effect on the results of operations and
financial position of FortisAlberta.
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Continued Reporting in Accordance with US GAAP: In January 2014 the Ontario Securities Commission ("OSC") issued
a relief order which permits the Corporation and its reporting issuer subsidiaries in Canada to continue to prepare their financial
statements in accordance with US GAAP until the earliest of: (i) January 1, 2019, (ii) the first day of the financial year that
commences after the Corporation or its reporting issuer subsidiaries ceases to have activities subject to rate regulation, or
(iii) the effective date prescribed by the International Accounting Standards Board ("lASt") for the mandatory application of a
standard within International Financial Reporting Standards ("FRS") specific to entities with activities subject to rate regulation.

If the OSC relief does not continue as detailed above, the Corporation and its reporting issuer subsidiaries would then be required
to become SEC registrants in order to continue reporting under US GAAP, or adopt IFRS. The IASB has released an interim, optional
standard on Regulatory Deferral Accounts and continues to work on a project focusing on accounting specific to rate-regulated
activities. It is not yet known when this project will be completed or whether IFRS will, as a result, include a permanent, mandatory
standard to be applied by entities with activities subject to rate regulation. in the absence of a permanent standard for
rate-regulated activities, the application of IFRS could result in volatility in the Corporation's earnings and earnings per common
share as compared to those which would otherwise be recognized under US GAAP. In connection with the pending acquisition of
ITC, Fortis expects to become a registrant with the SEC. As an SEC registrant, Fortis would be entitled under applicable Canadian
laws to continue to prepare its consolidated financial statements in accordance with US GAAP,

Changes in Tax Legislation: The Corporation and its subsidiaries are subject to changes in tax legislation in Canada, the United States
and other international jurisdictions.

Canadian Tax Legislation

During 2015 there were elections at the federal level and several provincial jurisdictions in Canada. A change in government can
result in the passing of new tax legislation, including a change in rates of taxation. The new federal and provincial budgets are
expected to be delivered in early 2016 and any resulting changes could have an impact on the Corporation and its Canadian
subsidiaries. Any changes in tax legislation could affect the Corporation's results of operations, cash flows and financial position.

U.S. Tax Legislation

In 2015 the U.S. Congress enacted legislation approving the use of bonus depreciation through to 2019, subject to a phase out
schedule reducing allowable rates to 50% in 2015 through 2017, 40% in 2018 and 30% in 2019. While this legislation provides
greater certainty for planning purposes and reduces the cash tax burden of the Corporation's subsidiaries in the United States,
any changes in this or other tax legislation in the United States could affect the Corporation's results of operations, cash flows and
financial position.

International Tax Legislation

Fortis conducts business in certain tax-free jurisdictions, including certain countries in the Caribbean and Belize. Canada requires
the governments of certain tax-free jurisdictions to enter a Tax Information Exchange Agreement ("TIEA"), which permits dividends
paid from those jurisdictions to be exempt from tax when received in Canada. This legislation allows Fortis to receive a tax-free
return of capital from the Caribbean. Certain legislation also provides a mechanism for the repayment of upstream loans that were
previously used as a tax-deferred repatriation of earnings. The Corporation has approximately $79 million of upstream loans from
its Caribbean subsidiaries, which are required to be repaid by August 2016. The Corporation expects to repay these loans, as required.

A TIEA has not yet been negotiated between Canada and Belize and there are no indications that Canada will conclude negotiations
with the GOB in the near future. Until a TIEA is in place, active business earnings in Belize cannot be repatriated to Canada on
a tax-free basis, however, the GOB has signed on to the Convention on Mutual Administrative Assistance in Tax Matter, which
excludes Belize as a "non-qualifying country". As a result, the Corporation is not required to accrue tax on its active business
income from Belize, whether or not repatriated to Canada.

In October 2015 the Organization for Economic Co-operation and Development ("OECD") released its final reports in connection
with its action plan to address Base Erosion and Profit Sharing ("BEPS Action Plan"). The basis of the BEPS Action Plan is to identify
and curb aggressive tax planning and practices, as well as monitor the international tax systems. Canada has not yet implemented
the recommendations of the OECD report into tax treaties and domestic law, however, if it were to be enacted under Canadian
tax legislation the Corporation would be required to assess the impacts and determine whether any changes to existing tax
practices are required.
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Access to First Nations' Lands: FortisBC Energy and FortisBC Electric provide service to customers on First Nations' lands and
maintain gas facilities and electric generation and T&D facilities on lands that are subject to land claims by various First Nations.
A treaty negotiation process involving various First Nations and the governments of British Columbia and Canada is underway,
but the basis upon which settlements might be reached in the service areas of FortisBC Energy and FortisBC Electric is not clear.
Furthermore, not all First Nations are participating in the process. To date, the policy of the Government of British Columbia
has been to endeavor to structure settlements without prejudicing existing rights held by third parties, such as FortisBC Energy
and FortisBc Electric. However, there can be no certainty that the settlement process will not have a material adverse effect on
FortisBC Energy and FortisBC Electric's results of operations and financial position.

0

The Supreme Court of Canada decided in 2010 that, before issuing regulatory approvals for the addition of new facilities, the
BCUC must consider whether the Crown has a duty to consult and accommodate First Nations, if necessary, and if so, whether the
consultation and accommodation by the Crown have been adequate. This may affect the timing, cost and likelihood of the BCUC's
approval of certain capital projects of FortisBC Energy and FortisBC Electric.

FortisAlberta has distribution assets on First Nations' lands with access permits to these lands held by TransAlta Utilities
Corporation ("TransAlta"). In order for FortisAlberta to acquire these access permits, both the Department of Aboriginal Affairs and
Northern Development Canada and the individual First Nations band councils must grant approval. FortisAlberta may not be able
to acquire the access permits from TransAlta and may be unable to negotiate land-use agreements with property owners or, if
negotiated, such agreements may be on terms that are less than favorable to the Company and, therefore, may have a material
adverse effect on FortisAlberta.

Labour Relations Risk: The Corporation's subsidiaries employ members of labor unions or associations that have entered into
collective bargaining agreements with the subsidiaries. The Corporation considers the relationships of its subsidiaries with their
labor unions and associations to be satisfactory but there can be no assurance that current relations will continue in the future or
that the terms under the present collective bargaining agreements will be renewed. The inability to maintain or renew the
collective bargaining agreements on acceptable terms could result in increased labor costs or service interruptions arising from
labor disputes that are not provided for in approved rate orders at the regulated utilities and which could have a material adverse
effect on the results of operations, cash flows and financial position of the utilities.

Human Resources Risk: The ability of Fortis to deliver service in a cost-effective manner is dependent on the ability of the
Corporation's subsidiaries to attract, develop and retain skilled workforces. Like other utilities across Canada and in the United States
and the Caribbean, the Corporation's utilities are faced with demographic challenges relating to trades, technical staff and
engineers. The growing size of the Corporation and a competitive job market present ongoing recruitment challenges. The
Corporation's significant consolidated capital expenditure program will present challenges to ensure the Corporation's utilities
have the qualified workforce necessary to complete the capital work initiatives.

CHANGES IN ACCOUNTING POLICIES
The new US GAAP accounting policies that are applicable to, and were adopted by, Fortis, effective during 2015, are described

Reporting Discontinued Operations and Disclosures of Disposals of Components of an Entity:The Corporation prospectively
adopted Accounting Standards Update ("ASU") No. 2014-08 that changes the criteria and disclosures for reporting discontinued
operations. As a result, the sale of commercial real estate and hotel assets and the sale of non-regulated generation assets in
2015 did not meet the criteria for discontinued operations. The sales are consistent with the Corporation's focus on its core utility
business and, therefore, do not represent a strategic shift in operations.

Accounting for Share-Based Payments When the Terms of an Award Provide That a Performance Target Could Be
Achieved After the Requisite Service Period: The Corporation early adopted ASU No. 2014-12 that resolves diversity in practice
for employee share-based payments with performance targets that can entitle an employee to benefit from an award regardless of
if they are rendering services at the date the performance target is achieved. The adoption of this update was applied prospectively
and did not have a material impact on the Corporation's 2015 Audited Consolidated Financial Statements.
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Simplifying the Presentation of Debt Issuance Costs: The Corporation early adopted ASU No. 2015-03 that requires
debt issuance costs to be presented on the consolidated balance sheet as a direct deduction from the carrying amount of debt
liability, consistent with debt discounts or premiums.iThe adoption of this update was applied retrospectively and resulted in
the reclassification of debt issuance costs of approxirhately $65 million from long-term other assets to long-term debt on the
Corporation's consolidated balance sheet as at December 31, 2014. Additionally, the Corporation early adopted ASU No. 2015-15
that clarifies the presentation and subsequent measurement of debt issuance costs associated with line-of-credit arrangements
The update permits an entity to defer and present debt issuance costs as an asset and subsequently amortize the deferred debt
issuance costs ratably over the term of the line-of-credit arrangement, regardless of whether there are any outstanding borrowings
on the line-of-credit arrangement. The adoption of this update was applied retrospectively and did not have a material impact on
the Corporation's consolidated financial statements

Balance Sheet Classification of Deferred Taxes: The Corporation early adopted ASU No. 2015-17 that requires deferred tax
assets and liabilities to be classified and presented as long term on the consolidated balance sheet. The adoption of this update
was applied retrospectively and resulted in the reclassification of current deferred income taxes assets of $158 million, long-term
deferred income tax assets of $62 million, and current deferred income tax liabilities of $9 million to long-term deferred income tax
liabilities on the consolidated balance sheet as at DeceMber 31, 2014- As a result, the Corporation also reclassified current regulatory
assets of $18 million, current regulatory liabilities of $19 million, and long-term regulatory liabilities of $91 million, to long-term
regulatory assets on the consolidated balance sheet as at December 31, 2014, all associated with regulatory deferred income taxes

FUTURE ACCOUNTING PRONOUNCEMENTS
The Corporation considers the applicability and impact of all ASUs issued by the Financial Accounting Standards Board ("FASB")
The following updates have been issued by FASB, but=have not yet been adopted by Fortis. Any ASUs not included below were
assessed and determined to be either not applicable to the Corporation or are not expected to have a material impact on the
consolidated financial statements

Revenue from Contracts with Customers: ASU No. 2014-09 was issued in May 2014 and the amendments in this update create
ASC Topic 606, Revenue from Contracts with Customers, and supersede the revenue recognition requirements in ASC TopiC 605
Revenue Recognition, inducing most industry-specificrevenue recognition guidance throughout the codification. This standard
completes a joint effort by FASB and the IASB to improve financial reporting by creating common revenue recognition guidance
for US GAAP and IFRS that clarifies the principles for recognizing revenue and that can be applied consistently across various
transactions, industries and capital markets. This standard was originally effective for annual and interim periods beginning after
December 15, 2016 and is to be applied on a full retrospective or modified retrospective basis. ASU No. 2015-14 was issued in
August 2015 and the amendments in this update defers the effective date of ASU No. 2014-09 by one year to annual and interim
periods beginning after December 15, 2017. Early adoption is permitted as of the original effective date. The majority of the
Corporation's revenue is generated from energy sales tb customers based on published tariff rates, as approved by the respective
regulators, and is expected to be in the scope of ASU No. 2014-09. Fortis has not yet selected a transition method and is assessing
the impact that the adoption of this standard will have on its consolidated financial statements and related disclosures. The
Corporation plans to have this assessment substantially Complete by the end of 2016

Amendments to the Consolidation Analysis: ASU No. 2015-02 was issued in February 2015 and the amendments in this
update change the analysis that a reporting entity must perform to determine whether it should consolidate certain types of
legal entities. Specifically, the amendments note the following with regard to limited partnerships: (i) modify the evaluation of
whether limited partnerships and similar legal entities are variable interest entities or voting interest entities, and (ii) eliminate the
presumption that a general partner should consolidate a limited partnership. This update is effective for annual and interim periods
beginning after December 15, 2015 and may be applied using a modified retrospective approach or retrospectively. The adoption
of this update is not expected to materially impact the Corporation's consolidated financial statements, however, it is expected to
change the Corporation's 51% controlling ownership interest in Waneta Partnership from a voting interest entity to a variable
interest entity, resulting in additional note disclosure
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FINANCIAL INSTRUMENTS
The carrying values of the Corporation's consolidated financial instruments approximate their fair values, reflecting the short-term
maturity, normal trade credit terms and/or nature of these instruments, except as follows

Financial Instruments

Liability as at December 31

(S millions)

Waneta Partnership promissory note
Long-term debt, including current portion

Carrying
Value

Estimated

Fair Value

56
12.237

The fair value of long-term debt is calculated using quoted market prices when available. When quoted market prices are not
available, as is the case with the Waneta Partnership promissory note and certain long-term debt, the fair value is determined
by either: (i) discounting the future cash flows of the specific debt instrument at an estimated Kiel maturity equivalent to
benchmark government bonds or treasury bills with similar terms to maturity, plus a credit risk premiurin equal to that of issuers of
similar credit quality, or (ii) obtaining from third parties indicative prices for the same or similarly rated issues of debt of the same
remaining maturities. Since the Corporation does not intend to settle the long-term debt or promissory note prior to maturity
the excess of the estimated fair value above the carrying value does not represent an actual liability

The following table presents, by level within the fair value hierarchy, the Corporation's assets and liabilities accounted for at fair
value on a recurring basis. These assets and liabilities are classified based on the lowest level of input that is significant to the fair
value measurement and there were no transfers between the levels in the periods presented. For derivative instruments. the
Corporation has elected gross presentation for its derivative contracts under master netting agreements and collateral positions

Financial Instruments Carried at Fair Value

As at December 31

6 millions)

Fair value

hierarchy

Energy contracts subject to regulatory deferral iv iv fs)
Energy contracts not subject to regWatory deferral
Available-for-sale investment
Assets held for sale
Other investments

Total gross assets
Less: Counterparty netting not offset on the balance sheet

Levels 2/3
Level 3
Level 1
Level 2
Level 1

Total net assets

Levels 1/2/3
Level 3
Level 3
Level z

Liabilities
Energy contracts subject to regulatory deferral ") ") m
Energy contracts not subject to regulatory deferral m ")
Energy contracts - cash flow hedges
Interest rate swaps - cash flow hedges

Total gross liabilities
Less: Counterparty netting not offset on the balance sheet

uqinaln-nulna-gllf !l»g4i "!Ql

Total net liabilities

The fair value of the Corporation's energy contracts is recorded in accounts receivable and other current assets, long-term other assets. accounts payable and
other current liabilities and long-terrn other liabilities. Unrealized gains and losses arising from changes in fair value of these contracts are defen'ed as a regulatory
asset or liability for recovery from, or refund to, customers in rates as permitted by the regulators, with the exception of long-term wholesale trading contracts
Changes in one or more of the unobservable inputs could have a significant impact on the fair value measurement depending on the magnitude and direction of
the change for each input. The impacts of changes in fair value are subject to regulatory recovery, with the exception of long-telm wholesale trading contracts and
those that qualify as cash flow hedges
Includes $2 million - level 2 and $5 million .- level 3 (2014 - $3 million - level 3)
Included in long-term other assets on the consolidated balance sheet
The cost of the available-for-sale investment was $35 million and unrealized gains and losses arising from changes in fair value are recorded in other comprehensive
income until they become realized and are reclassified to earnings
Certain energy contracts are subject to legally enforceable master netting arrangements to mitigate credit risk and netted by counterparty where the intent and
legal right to offset exists
Includes $1 million - level i , $52 million - level 2 and $25 million - level 3 (2014 - $2 million - level 1, $35 million - level 2 and1535 million - level 3)
The fair value of certain of the Corporation's energy contracts are recorded in accounts payable and other current liabilities and the fair value of the Corporation's
interest rate swaps are recorded in accounts payable and other current liabilities and long-term other liabilities. Unrealized gains and losses arising from changes in
fair value are recorded in other comprehensive income until they become realized and are reclassified to earnings
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1 Derivative Instruments

The Corporation generally limits the use of derivative instruments to those that qualify as accounting, economic or cash flow
hedges, or those that are approved for regulatory recovery. The Corporation records all derivative instruments at fair value, with
certain exceptions including those derivatives that qualify for the normal purchase and normal sale exception. The fair value of
derivative instruments are estimates of the amounts that the utilities would receive or have to pay to terminate the outstanding
contracts as at the balance sheet dates. T

EnergyContractsSubject to Regulatory Deferral

UNS Energy holds electricity power purchase contracts and gas swap and option contracts to reduce its exposure to energy price
risk associated with purchased power and gas requitemehts. UNS Energy primarily applies the market approach for fair value
measurements using independent third-party information, Where possible. When published prices are not available, adjustments
are applied based on historical price curve relationships an transmission and line losses. The fair value of gas option contracts is
estimated using a Black-Scholes option-pricing model, why h includes inputs such as implied volatility, interest rates, and forward
price curves. UNS Energy also considers the impact al counterparty credit risk using current and historical default and recovery
rates, as well as its own credit risk using credit default swap Pata.

Central Hudson holds electricity swap contracts and gas wop and option contracts to minimize commodity price volatility for
electricity and natural gas purchases by fixing the effective ptlrchase price for the defined commodities. The fair value of the electricity
swap contracts and gas swap and option contracts was calculated using forward pricing provided by independent third parties.

FortisBc Energy holds gas purchase contract premiums to fix the effective purchase price of natural gas, as the majority of the
natural gas supply contracts have floating, rather than fixed, prices. The fair value of the natural gas derivatives was calculated
using the present value of cash flows based on markel prices and forward curves for the cost of natural gas.

As at December 31, 2015, these energy contract derivatives were not designated as hedges, however, any unrealized gains or
losses associated with changes in the fair value of the;derivatives are deferred as a regulatory asset or liability for recovery from,
or refund to, customers in future rates, as permitted by the regulators. These unrealized losses and gains would otherwise be
recorded in earnings. As at December 31, 2015, unrealized l sees of $74 million (December 31, 2014 - $69 million) were recognized
in regulatory assets and unrealized gains of $3 million were cognized in regulatory liabilities.

Energy Contracts Not Subject to Regulatory Deferrral l

In June 2015 UNS Energy entered into long-term wholesale trading contracts that qualify as derivative instruments. The unrealized
gains and losses on these derivative instruments are recorded in earnings, as they do not qualify for regulatory deferral. Ten percent
of any realized gains on these contracts are shared with the ratepayer through UNS Energy's rate stabilization accounts.

Cash Flow Hedges

mitigate its exposure to volatility in variable interest rates on lease debt,
and held a power purchase swap, that expired in Septernbe 2015, to hedge the cash flow risk associated with a long-term power
supply agreement. The after~tax unrealized gains and I on cash flow hedges are recorded in other comprehensive income
and reclassified to earnings as they become realized.
estimated to be approximately $1 million.

UNS Energy holds an interest rate swap, expiring in 2024), to

fosse
The loss expected to be reclassified to earnings within the next 12 months is

Central Hudson holds interest rate cap contracts expiring in 2P16 and 2017 on bonds with a total principal amount of US$64 million.
Variations in the interest costs of the bonds, including any gains or losses associated with the interest rate cap contracts, are
deferred as a regulatory asset or liability for recovery from, Br refund to, customers in future rates, as permitted by the regulator
and do not impact earnings.

Cash flows associated with the settlement of all derivative instruments are induced in operating activities on the Corporation's
consolidated statement of cash flows.
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Management Discussion and Analysis

Volume of Derivative Activity

As at December 31, 2015, the following notional volumes related to electricity and natural gas derivatives that are expected to be
settled are outlined below

Maturity Contracts
Volume (#) m s 2017 2018 2019 2020 after

28
10

Energy contracts subject to regulatory deferral
Electricity swap contracts(Gwh)
Electricity power purchase contracts(Gwh)
Gas swapand option contracts (PJ)
Gas purchase contract premiums (pp)

Energy contracts not subject to regulatory deferral
Long-term wholesale tradingcontracts (Gwh)

1 .027
40

91 22

CRITICAL ACCOUNTING ESTIMATES
The preparation of the Corporation's consolidated financial statements in accordance with us GAP requires management to
make estimates and judgments that affect the reported amounts of assets and liabilities and the dis closure of contingent assets
and liabilities at the date of the consolidated financial statements, and the reported amounts of reven e and expenses during the
reporting periods. Estimates and judgments are based on historical experience, current conditions an various other assumptions
believed to be reasonable under the circumstances. Due to changes in facts and circumstances, arid the inherent uncertainty
involved in making estimates, actual results may differ significantly from current estimates. Estimates aha judgments are reviewed
periodically and, as adjustments become necessary, are recognized in earnings in the period in whicljn they become known. The
Corporation's critical accounting estimates are discussed as follows

Regulation: Generally, the accounting policies of the Corporation's regulated utilities are subject td examination and approval
by the respective regulatory authority. Regulatory assets and regulatory liabilities arise as a result oflthe rate-setting process at
the regulated utilities and have been recognized based on previous, existing or expected regulatory Orders or decisions. Certain
estimates are necessary since the regulatory environments in which the Corporation's regulated us cities operate often require
amounts to be recognized at estimated values until these amounts are finalized pursuant to regulatory decisions or other regulatory
proceedings. The final amounts approved by the regulatory authorities for deferral as regulatory ass ts and regulatory liabilities
and the approved recovery or settlement periods may differ from those originally expected. Any result in adjustments to original
estimates are recognized in earnings in the period in which they become known. In the event that a re ulatory decision is received
after the balance sheet date but before the consolidated financial statements are issued, the fads and circumstances are reviewed
to determine whether or not it is a recognized subsequent event

As at December 31, 2015, Fortis recognized a total of $2,532 million in regulatory assets (December 3112014 - $2,415 million) and
$1,638 million in regulatory liabilities (December 31, 2014 - $1,445 million)

For a further discussion of the nature of regulatory decisions, refer to the "Material Regulatory Decisions and Applications" section
of this MD&A

Depreciation and Amortization: Depreciation and amortization are estimates based primarily own the useful life of assets
Estimated useful lives are based on current fads and historical information and take into considerations the anticipated physical life
of the assets. As at December 31, 2015, the Corporation's consolidated capital assets and intangible assets were approximately
$20.1 billion, or approximately 70%, of total consolidated assets compared to approximately $18.3 Bil ion, or approximately 70%
of total consolidated assets as at December 31, 2014. Depreciation and amortization was $873 mi lion for 2015 compared to
$688 million for 2014

As required by their respective regulator, UNS Energy, Central Hudson, FortisBc Energy, FortisAlbertal Newfoundland Power and
Maritime Electric accrue estimated non-asset retirement obligation ("ARO") removal costs in depreciatiorii, with the amount provided
for in depreciation recorded as a long-term regulatory liability. Actual non-ARO removal costs are recorded against the regulatory
liability when incurred. The estimate of non-ARO removal costs is based on historical experience an expected cost trends. The
balance of this regulatory liability as at December 31, 2015 was $1,060 million, an increase of $109 million from $951 million as
at December 31, 2014, mainly due to the impact of foreign exchange associated with the translation of US dollar-denominated
non-ARO removal cost liabilities

Changes in depreciation rates, resulting from a change in the estimated service life or removal costs, could have a significant impact
on the Corporation's consolidated depreciation and amortization expense
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As part of the customer rate-setting process at the Corporation's regulated utilities, appropriate depreciation, amortization
and removal cost rates, as applicable, are approved by the respective regulatory authority. The depreciation periods used and
the associated rates are reviewed on an ongoing basis to ensure they continue to be appropriate. From time to time, third-party
depreciation studies are performed at the regulated utilities. Based on the results of these depreciation studies, the impact of any
over- or under-depreciation, as a result of actual experience differing from that expected and provided for in previous depreciation
rates, is generally reflected in future depreciation rates and depreciation expense, when the differences are refunded or collected
in customer rates, as approved by the regulator

Effective January 1, 2015, FortisAlberta's depreciation and amortization rates were changed as a result of a technical update to its last
depreciation study, which was completed as of December 31, 2010. A technical update adjusts depreciation and amortization rates
based on current capital asset balances, while retaining the depreciation parameters established in the last approved depreciation
study. As a result, FortisAlberta's depreciation and amortization expense were reduced by approximately $7 million in 2015

Income Taxes: Income taxes are determined based on estimates of the Corporation's current income taxes and estimates of
deferred income taxes resulting from temporary differences between the carrying values of assets and liabilities in the consolidated
financial statements and their tax values. A deferred income tax asset or liability is determined for each temporary difference based
on enacted income tax rates and laws in effect when the temporary differences are expected to be recovered or settled. Deferred
income tax assets are assessed for the likelihood that they will be recovered from future taxable income. To the extent recovery
is not considered more likely than not, a valuation allowance is recognized against earnings in the period when the allowance is
created or revised. Estimates of the provision for current income taxes, deferred income tax assets and liabilities, and any related
valuation allowance, might vary from actual amounts incurred

Assessment for Impairment of Goodwill and Indefinite-Lived Intangible Assets: The Corporation s required to perform
at least on an annual basis, an impairment test for goodwill and indefinite-lived intangible assets, and any impairment provision
is charged to earnings. The annual impairment test is performed as at October 1. In addition, the Corporation also performs
an impairment test if any event occurs or if circumstances change that would indicate that the fair value of a reporting unit was
below its carrying value. No such event or change in circumstances occurred during 2015 or 2014

As at December 31, 2015, consolidated goodwill totaled approximately $4.2 billion (December 31, 2014 - $3.7 billion)
indefinite-lived intangible assets, not subject to amortization, consist of certain land, transmission and water rights and totaled
approximately $106 million as at December 31, 2015 (December 31, 2014 - $77 million)

Fortis performs an annual internal quantitative assessment for each reporting unit. For those reporting units where: (i) management's
assessment of quantitative and qualitative factors indicates that fair value is not 50% or more likely to be greater than carrying
value, or (ii) the excess of estimated fair value over carrying value, as determined by an external consultant as of the date of the
immediately preceding impairment test, was not significant, then fair value of the reporting unit will be estimated by an external
consultant in the current year. Irrespective of the above-noted approach, a reporting unit to which goodwill has been allocated
may have its fair value estimated by an external consultant as at the annual impairment date, as Fortis will, at a minimum, have fair
value for each material reporting unit estimated by an external consultant once every five years

In calculating goodwill impairment, Fortis determines those reporting units that will have fair value estimated by an external
consultant, as described above, and such estimated fair value is then compared to the book value of the applicable reporting units
If the fair value of the reporting unit is less than the book value, then a second measurement step is performed to determine the
amount of the impairment. The amount of the impairment is determined by deducting the fair value of the reporting unit's assets
and liabilities from the fair value of the reporting unit to determine the implied fair value of goodwill, and then comparing that
amount to the book value of the reporting unit's goodwill. Any excess of the book value of the goodwill over the implied fair value
is the impairment amount recognized

The primary method for estimating fair value of the reporting units is the income approach, whereby net cash flow projections for
the reporting units are discounted using an enterprise value approach. Under the enterprise value approach, sustainable cash flow
is determined on an after-tax basis,prior to the deduction of interest expense, and is then discounted at the weighted average cost
of capital to yield the value of the enterprise. An enterprise value approach does not assess the appropriateness of the reporting
unit's existing debt level. The estimated fair value of the reporting unit is then determined by subtracting the fair value of the
reporting unit's interest-bearing debt from the enterprise value of the reporting unit. A secondary valuation method, the market
approach, is also performed by an external consultant as a check on the conclusions reached under the income approach. The
market approach includes comparing various valuation multiples underlying the discounted cash flow analysis of the applicable
reporting units to trading multiples of guideline entities and recent transactions involving guideline entities, recognizing differences
in growth expectations, product mix and risks of those guideline entities with the applicable reporting units

No impairment provisions were required in either 2015 or 2014 with respect to goodwill or indefinite-lived intangible assets
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Employee Future Benefits

Defined Benefit Pension Plans

The Corporation's and subsidiaries' defined benefit pension plans are subject to judgments utilized in the actuarial determination
of the net benefit cost and related obligation. The main assumptions utilized by management in determining the net benefit cost
and obligation are the discount rate for the benefit obligation and the expected long-term rate of return on plan assets

The expected weighted average long-term rate of return on the defined benefit pension plan assets, for the purpose of estimating
net pension cost for 2016, is 6.17%. which is down from 6.25% used for 2015. The decrease in the average long-term rate of
return reflects shifting of plan assets from equities to fixed income assets. The defined benefit pension plan assets experienced
total positive returns of approximately $30 million in 2015 compared to expected positive returns of $140 million. The expected
Fong-term rates of return on pension plan assets are developed by management with assistance from independent actuaries using
best estimates of expected returns, volatilities and correlations for each class of asset. The best estimates are based on historical
performance, future expectations and periodic portfolio rebalancing among the diversified asset classes

The assumed weighted average discount rate used to measure the projected benefit obligations as at December 31, 2015, and
to determine net pension cost for 2016, is 4.21%, compared to the assumed weighted average discount rate used to measure
the projected benefit obligations as at December 31, 2014, and to determine net pension cost for 2015, of 4.00%. Discount rates
reflect market interest rates on high-quality bonds with cash flows that match the timing and amount of expected pension payments
The methodology in determining the discount rates was consistent with that used to determine the discount rates in the previous
year, except as follows for UNS Energy. UNS Energy adopted the spot rate methodology for determining net pension cost for 2016

There was a $26 million increase in consolidated defined benefit net pension cost for 2015 compared to 2014, mainly due to the
acquisition of UNS Energy in August 2014, and foreign currency translation impacts. Any increases in defined benefit net pension
cost at the regulated utilities for 2016 are expected to be recovered from customers in rates, subject to regulatory lag and forecast
risk at certain of the utilities

The following table provides the sensitivities associated with a 100 basis point change in the expected long-term rate of return on
pension plan assets and the discount rate on 2015 net benefit pension cost, and the related projected benefit obligation
recognized in the Corporation's 2015 Audited Consolidated Financial Statements

Sensitivity Analysis of Changes in Rate of Return on Plan Assets and Discount Rate

Year Ended December 31. 2015
(Decrease) increase Net pension

benefit cost
Projected benefit

obligation($ millions)
Impact of increasing the rate of return assumption by 100 basis points

Impact of decreasing the rate of return assumption by 100 basis points
Impact of increasing the discount rate assumption by 100 basis points

Impact of decreasing the discount rate assumption by 100 basis points

(370)

At FortisBC Energy and FortisBC Electric, certain defined benefit pension plans have pension indexing provisions which provide for a portion of investment returns to
be allocated in order to provide for indexing of pension benefits. Therefore, a change in the expected long-term rate of return on pension plan assets has an impact on
the projected benefit obligation. The direction of the impact of a change in the rate of return assumption at FortisBC Energy and FortisBC Electric is also the result of the
methodology for determining the pension indexing assumption

Other assumptions applied in measuring net benefit pension cost and/or the projected benefit obligation include the average rate
of compensation increase, average remaining service life of the active employee group, and employee and retiree mortality rates

As approved by the regulator, the cost of defined benefit pension plans at FortisAlberta is recovered in customer rates based on
the cash payments made. Any difference between the cash payments made during the year and the cost incurred during the year is
deferred as a regulatory asset or regulatory liability. Therefore, changes in assumptions result in changes in regulatory assets
and regulatory liabilities for FortisAlberta. Central Hudson, FortisBC Energy, FortisBC Electric and Newfoundland Power have
regulator-approved mechanisms to defer variations in net pension cost from forecast net pension cost, used to set customer rates
as a regulatory asset or regulatory liability. There can be no assurance, however, that the above-noted deferral mechanisms will
continue in the future as they are dependent on future regulatory decisions and orders

As at December 31, 2015, for all defined benefit pension plans, the Corporation had consolidated projected benefit obligations
of $2,828 million (December 31, 2014 - $2,604 million) and consolidated plan assets of $2,466 million (December 31, 2014
$2,216 million), for a consolidated funded status in a liability position of $362 million (December 31, 2014 - $388 million)
During 2015, the Corporation recognized consolidated net pension benefit cost of $97 million (2014 - $71 million)
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OPEB Plans

The OPEB plans of the Corporation and its subsidiaries are also subject to judgments utilized in the actuarial determination of the
cost and the accumulated benefit obligation. Similar assumptions as described above, except for the assumption of the expected
long-term rate of return on pension plan assets, which is applicable only to the OPEB plans at UNS Energy and Central Hudson
along with the health care cost trend rate, were also utilized by management in determining net OPEB cost and accumulated
benefit obligation

The OPEB plan assets at UNS Energy and Central Hudson experienced no returns in 2015 compared to expected positive returns of
approximately $12 million

The following table provides the sensitivities associated with a 100 basis point change in the health care cost trend rate and the
discount rate on 2015 net OPEB cost, and the related consolidated accumulated benefit obligation recognized in the Corporation's
2o15 Audited Consolidated Financial Statements

Sensitivity Analysis of Changes in Health Care Cost Trend Rate and Discount Rate

Year Ended December 31. 2015
Increase (decrease) Net OPEB

cost
Accumulated

benefit obligation($ millions)
Impact of increasing the health care cost trend rate assumption by 100 basis points

Impact of decreasing the health care cost trend rate assumption by 100 basis points

Impact of increasing the discount rate assumption by 100 basis points

Impact of decreasing the discount rate assumption by 100 basis points

7 51

Central Hudson, FortisBC Energy, FortisBC Electric and Newfoundland Power have regulator-approved mechanisms to defer
variations in net OPEB cost from forecast net OPEB cost, used to set customer rates, as a regulatory asset or regulatory liability
There can be no assurance, however, that the above-noted deferral mechanisms will continue in the future as they are dependent
on future regulatory decisions and orders

As at December 31, 2015, for all OPEB plans, the Corporation had consolidated accumulated benefit obligations of $574 million
(December 31, 2014 - $564 million) and consolidated plan assets of $181 million (December 31, 2014 - $154 million), for a
consolidated funded status in a liability position of $393 million (December 31, 2014 - $410 million). During 2015, the Corporation
recognized consolidated net OPEB benefit cost of $27 million (2014 - $21 million)

AROs: The measurement of the fair value of AROs requires making reasonable estimates concerning the method of settlement
and settlement dates associated with the legally obligated asset retirement costs. There are also uncertainties in estimating future
asset retirement costs due to potential external events, such as changing legislation or regulations and advances in remediation
technologies. While the Corporation has AROs associated with hydroelectric generating facilities, interconnection facilities
removal of certain distribution system assets from rights-of-way at the end of the life of the systems and the remediation of certain
land, no amounts were recognized as at December 31, 2015 and 2014, with the exception of AROs recognized by UNS Energy
Central Hudson and FortisBC Electric

The nature, amount and timing of costs associated with land and environmental remediation and/or removal of assets cannot be
reasonably estimated at this time as the hydroelectric generation and T&D assets are reasonably expected to operate in perpetuity
due to the nature of their operation; applicable licences, permits and interconnection facilities agreements are reasonably expected
to be renewed or extended indefinitely to maintain the integrity of the related assets and ensure the continued provision of service
to customers, a land-lease agreement is expected to be renewed indefinitely, and the exact nature and amount of land remediation
is indeterminable. In the event that environmental issues are known and identified, assets are decommissioned or the applicable
licences, permits, agreements or leases are terminated, AROs will be recognized at that time provided the costs can be reasonably
estimated and are material

FORTIS INC. 2015 ANNUAL REPORT



Management Discussion and Analysis

As at December 31, 2015, the Corporation's total AROs were $49 million (December 31, 2014 - $37 million). UNS Energy's
AROs were primarily associated with TEP's generation and photovoltaic assets, Central Hudson's AROs were primarily associated
with asbestos remediation, and FortisBC Electric's AROs were associated with the removal of polychlorinated biphenyl
("PCB")-contaminated oil from electrical equipment. The total ARO liability as at December 31, 2015 has been classified on the
consolidated balance sheet as a long-term other liability with the offset to utility capital assets. All factors used in estimating the
companies' AROs represent management's best estimate of the fair value of the costs required to meet existing legislation or
regulations. It is reasonably possible that volumes of contaminated assets, inflation assumptions, cost estimates to perform the
work and the assumed pattern of annual cash flows may differ significantly from the companies' current assumptions. The AROs
may change from period to period because of changes in the estimation of these uncertainties. Other subsidiaries also affected
by AROs associated with the removal of PCB-contaminated oil from electrical equipment include Central Hudson, FortisAlberta
Newfoundland Power, FortisOntario and Maritime Electric. As at December 31, 2015, the AROs related to PCBs for the above-noted
utilities were not material and, therefore, were not recognized

Revenue Recognition: Revenue at the Corporation's regulated utilities is generally recognized on an accrual basis. Electricity and
gas consumption is metered upon delivery to customers and is recognized as revenue using approved rates when consumed. Meters
are read periodically and bills are issued to customers based on these readings. At the end of each reporting period, a certain
amount of consumed electricity and gas will not have been billed. Electricity and gas that is consumed but not yet billed to customers
is estimated and accrued as revenue at each period end, as approved by the regulator. Effective July 1, 2015, Central Hudson is
permitted by the regulator to accrue unbilled revenue for electricity consumed at each period end for all of its electricity customers
As at December 31, 2014, approximately $15 million (US$13 million) in unbilled revenue at Central Hudson, associated with certain
electricity customers, was not accrued, as permitted by the regulator

The unbilled revenue accrual for the period is based on estimated electricity and gas sales to customers for the period since
the last meter reading at the rates approved by the respective regulatory authority. The development of the electricity and gas
sales estimates generally requires analysis of consumption on a historical basis in relation to key inputs, such as the current price
of electricity and gas, population growth, economic activity, weather conditions and system losses. The estimation process for
accrued unbilled electricity and gas consumption will result in adjustments of electricity and gas revenue in the periods they
become known. when actual results differ from the estimates. As at December 31, 2015, the amount of accrued unbilled revenue
recognized in accounts receivable was approximately $404 million (December 31, 2014 - $365 million) on consolidated revenue of
$6,727 million for 2015 (2014 - $5,401 million). The increase in accrued unbilled revenue from December 31, 2014 was primarily
due to the impact of foreign exchange on the translation of us dollar-denominated unbilled revenue accruals

Capitalized Overhead: As required by their respective regulator, UNS Energy, Central Hudson, FortisBC Energy, FortisAlberta
FortisBC Electric, Newfoundland Power, Maritime Electric, Caribbean Utilities and Fortis Turks and Caicos capitalize overhead
costs that are not directly attributable to specific utility capital assets but relate to the overall capital expenditure program
The methodology for calculating and allocating capitalized general overhead costs to utility capital assets is established by the
respective regulator. Any change in the methodology of calculating and allocating general overhead costs to utility capital assets
could have a material impact on the amount recognized as operating expenses versus utility capital assets

Contingencies: The Corporation and its subsidiaries are subject to various legal proceedings and claims associated with the
ordinary course of business operations. Management believes that the amount of liability, if any, from these actions would not
have a material adverse effect on the Corporation's consolidated financial position or results of operations

The following describes the nature of the Corporation's contingencies

ans Energy

Springerville Unit 1

In November 2014 the Springerville Unit 1 third-party owners filed a complaint ("FERC Action") against TEP with FERC
alleging that TEP had not agreed to wheel power and energy for the third-party owners in the manner specified in the existing
Springerville Unit 1 facility support agreement between TEP and the third-party owners and for the cost specified by the third-party
owners. The third-party owners requested an order from FERC requiring such wheeling of the third-party owners' energy from
their Springerville Unit 1 interests beginning in January 2015 for the price specified by the third-party owners. In February 2015
FERC issued an order denying the third-party owners' complaint. In March 2015 the third-party owners filed a request for rehearing
in the FERC Action, which FERC denied in October 2015. In December 2015 the third-party owners appealed FERC's order denying
the third-party owners' complaint to the U.S. Court of Appeals for the Ninth Circuit. In December 2015 TEP filed an unopposed
motion to intervene in the Ninth Circuit appeal
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In December 2014 the third-party owners filed a complaint ("New York Action") against TEP in the Supreme Court of the State of
New York, New York County. In response to motions filed by TEP to dismiss various counts and compel arbitration of certain of
the matters alleged and the court's subsequent ruling on the motions, the third-party owners have amended the complaint three
times, dropping certain of the allegations and raising others in the New York Action and in the arbitration proceeding described
below. As amended, the New York Action alleges, among other things, that TEP failed to properly operate, maintain and make
capital investments in Springerville Unit 1 during the term of the leases, and that TEP breached the lease transaction documents by
refusing to pay certain of the third party owners' claimed expenses. The third amended complaint seeks us$71 million in liquidated
damages and direct and consequential damages in an amount to be determined at trial. The third-party owners have also agreed
to stay their claim that TEP has not agreed to wheel power and energy as required pending the outcome of the FERC Action. In
November 201s the third-party owners filed a motion for summary judgment on their claim that TEP failed to pay certain of the
third-party owners' claimed expenses

In December 2014 and January 2015, Wilmington Trust Company, as owner trustees and lessons under the leases of the third-party
owners, sent notices to TEP that alleged that TEP had defaulted under the third-party owners' leases. The notices demanded that
TEP pay liquidated damages totaling approximately US$71 million. In letters to the owner trustees, TEP denied the allegations in
the notices

In April 2015 TEP filed a demand for arbitration with the American Arbitration Association ("AAA") seeking an award of the
owner trustees and co-trustees' share of unreimbursed expenses and capital expenditures for Springerville Unit 1. In June 2015
the third-party owners filed a separate demand for arbitration with the AAA alleging, among other things, that TEP has failed
to properly operate, maintain and make capital investments in Spring erville Unit 1 since the leases have expired. The third-party
owners' arbitration demand seeks declaratory judgments, damages in an amount to be determined by the arbitration panel and
the third-party owners' fees and expenses. TEP and the third-party owners have since agreed to consolidate their arbitration
demands into one proceeding. In August 2015 the third-party owners filed an amended arbitration demand adding claims that TEP
has converted the third-party owners' water rights and certain emission reduction payments and that TEP is improperly dispatching
the third-party owners' unscheduled Springerville Unit 1 power and capacity

In October 2015 the arbitration panel granted TEP's motion for interim relief, ordering the owner trustees and co-trustees to pay
TEP their pro-rata share of unreimbursed expenses and capital expenditures for Springerville Unit 1 during the pendency of the
arbitration. The arbitration panel also denied the third-party owners' motion for interim relief, which had requested that TEP be
enjoined from dispatching the third-party owners' unscheduled Springerville Unit 1 power and capacity. TEP has been scheduling
the third-party owners' entitlement share of power from Springerville Unit 1, as permitted under the Springerville Unit 1 facility
support agreement, since June 2015. The arbitration hearing is scheduled for July 2016

In November 2015 TEP filed a petition to confirm the interim arbitration order in the Supreme Court of the State of New York
naming owner trustee and co-trustee as respondents. The petition seeks an order from the court confirming the interim arbitration
order under the Federal Arbitration Act. In December 2015 the owner trustees filed an answer to the petition and a cross-motion
to vacate the interim arbitration order

As at December 31, 2015, TEP billed the third-party owners approximately US$23 million for their pro-rata share of Springerville Unit 1
expenses and us$4 million for their pro-rata share of capital expenditures, none of which had been paid as of February 17, 2016

TEP cannot predict the outcome of the claims relating to Springerville Unit 1 and, due to the general and non-specific scope and
nature of the claims, the Company cannot determine estimates of the range of loss, if any, at this time and, accordingly, no amount
has been accrued in the consolidated financial statements. TEP intends to vigorously defend itself against the claims asserted by the
third-party owners and to vigorously pursue the claims it has asserted against the third-party owners

TEP and the third-party owners have agreed to stay these litigation matters relating to Springerville Unit 1 in furtherance of
settlement negotiations. However, there is no assurance that a settlement will be reached or that the litigation will not continue

Mine Reclamation Costs

TEP pays ongoing reclamation costs related to coal mines that supply generating stations in which the Company has an ownership
interest but does not operate. TEP is liable for a portion of final reclamation costs upon closure of the mines servicing the San Juan
Four Corners and Navajo generating stations. TEP's share of reclamation costs at all three mines is expected to be US$43 million
upon expiration of the coal supply agreements, which expire between 2019 and 2031. The mine reclamation liability recorded as
at December 31, 2015 was US$25 million (December 31, 2014 - US$22 million), and represents the present value of the estimated
future liability
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Amounts recorded for final reclamation are subject to various assumptions, such as estimations of reclamation costs, the dates
when final reclamation will occur, and the expected inflation rate. As these assumptions change, TEP will prospectively adjust the
expense amounts for final reclamation over the remaining coal supply agreements' terms

TEP is permitted to fully recover these costs from retail customers and, accordingly, these costs are deferred as a regulatory asset

Central Hudson

Site Investigation and Remediation Program

Central Hudson and its predecessors owned and operated MGPS to serve their customers' heating and lighting needs. These plants
manufactured gas from coal and oil beginning in the mid to late 1800s, with all sites ceasing operations by the 19505. This process
produced certain by-products that may pose risks to human health and the environment

The New York State DEC, which regulates the timing and extent of remediation of MGP sites in New York State, has notified
Central Hudson that it believes the Company or its predecessors at one time owned and/or operated MGPs at seven sites in
Central Hudson's franchise territory. The DEC has further requested that the Company investigate and, if necessary, remediate
these sites under a Consent Order, Voluntary Clean-up Agreement or Brownfield Clean-up Agreement. Central Hudson accrues
for remediation costs based on the amounts that can be reasonably estimated. As at December 31, 2015, an obligation of
US$92 million (December 31, 2014 - US$105 million) was recognized in respect of site investigation and remediation and, based
upon cost model analysis completed in 2014, it is estimated, with a 90% confidence level, that total costs to remediate these sites
over the next 30 years will not exceed US$169 million

Central Hudson has notified its insurers and intends to seek reimbursement from insurers for remediation, where coverage exists
Further, as authorized by the PSC, Central Hudson is currently permitted to defer, for future recovery from customers, differences
between actual costs for MGP site investigation and remediation and the associated rate allowances, with carrying charges to be
accrued on the deferred balances at the authorized pre-tax rate of return. In the three-year rate order issued by the PSC in June 2015
Central Hudson's authorization to defer all site investigation and remediation costs was reaffirmed and extended through June 2018

Asbestos Litigation

Prior to and after its acquisition by Fortis, various asbestos lawsuits have been brought against Central Hudson. While a total of
3,350 asbestos cases have been raised, 1,167 remained pending as at December 31, 2015. Of the cases no longer pending against
Central Hudson, 2,027 have been dismissed or discontinued without payment by the Company, and Central Hudson has settled the
remaining 156 cases. The Company is presently unable to assess the validity of the outstanding asbestos lawsuits, however, based
on information known to Central Hudson at this time, including the Company's experience in the settlement and/or dismissal of
asbestos cases, Central Hudson believes that the costs which may be incurred in connection with the remaining lawsuits will not
have a material effect on its financial position, results of operations or cash flows and, accordingly, no amount has been accrued
in the consolidated financial statements

FortisBC Electric

The Government of British Columbia filed a claim in the British Columbia Supreme Court in June 2012 claiming on its behalf
and on behalf of approximately 17 homeowners, damages suffered as a result of a landslide caused by a dam failure in
Oliver, British Columbia in 2010. The Government of British Columbia alleges in its claim that the dam failure was caused by the
defendants', which include FortisBC Electric, use of a road on top of the dam. The Government of British Columbia estimates
its damages and the damages of the homeowners, on whose behalf it is claiming, to be approximately $15 million. While
FortisBC Electric has notified its insurers, it has been advised by the Government of British Columbia that a response to the claim is
not required at this time. The outcome cannot be reasonably determined and estimated at this time and, accordingly, no amount
has been accrued in the consolidated financial statements

In April 2013 FHI and Fortis were named as defendants in an action in the B.C. Supreme Court by the Coldwater Indian Band
("Band"). The claim is in regard to interests in a pipeline right of way on reserve lands. The pipeline on the right of way was
transferred by FHl (then Terasen Inc.) to Kinder Morgan Inc. in April 2007. The Band seeks orders cancelling the right of way and
claims damages for wrongful interference with the Band's use and enjoyment of reserve lands. The outcome cannot be reasonably
determined and estimated at this time and, accordingly, no amount has been accrued in the consolidated financial statements

FORTIS INC. 201 5 ANNUAL REPORT



Management Discussion and Analysis

RELATED-PARTY TRANSACTIONS
Related-party transactions are in the normal course of operations and are measured at the exchange amount, which is the amount
of consideration established and agreed to by the related parties. The significant related-party transactions for the years ended
December 31, 2015 and 2014 are discussed below

Upon completion of the Waneta Expansion in early April 2015, FortisBC Electric commenced purchasing capacity from the
Waneta Expansion under terms of the 40-year WECA, as approved by the BCUC. Power purchased by FortisBC Electric from
the Waneta Expansion in 2015 totaled approximately $30 million. In addition, the Waneta Expansion pays FortisBc Electric for
management services associated with the generating station, which totaled approximately $7 million in 2015

From time to time, the Corporation provides short-term financing to certain of its subsidiaries to support capital expenditure
programs, acquisitions and seasonal working capital requirements, bearing interest at rates that approximate the Corporation's cost
of short-term borrowing. In addition, the Corporation provided long-term financing to certain of its subsidiaries, bearing interest
at rates that approximate the Corporation's cost of long-term debt. The majority of this long-term financing was repaid in 2015 as
a result of the sale of commercial real estate and hotel assets. As at December 31, 20th, inter-segment loans outstanding totaled
$48 million (December 31, 2014 - $402 million) and total interest charged in 2015 was $17 million (2014 - $27 million)

SELECTED ANNUAL FINANCIAL INFORMATION
The following table sets forth the annual financial information for the years ended December 31, 2015, 2014 and 2013

Selected Annual Financial Information

Years Ended December 31
(S millions, except per shareamounts)
Revenue
Net earnings
Net earnings attributable to common equity shareholders
Basic earnings per common share
Diluted earnings per common share

Total assets
Long-term debt (excluding current portion)
Preference shares
Common shareholders' equity

26,233 17.908

1.2250
1.2250
0.9708
1.0625

1.2250
1.2250
1.1416
1.0625

Dividends declared per common share
Dividends declared per First Preference Share, Series C
Dividends declared per First Preference Share, Series E
Dividends declared per First Preference Share, Series F
Dividends declared per First Preference Share, Series G
Dividends declared per First Preference Share, Series H
Dividends declared per First Preference Share, Series I
Dividends declared per First Preference Share, Series J
Dividends declared per First Preference Share, Series K
Dividends declared per First Preference Share, Series M

1.1875
1.0000
0,4613

1.1875
0.6233

m In July2013 the corporation redeemed all of the issued and outstaNding First preference Shares, Series C
(JJ The annual fixed dividend per share for the First Preference Shares, Series G was reset from s1.3125 to 50.9708 for the five-year period from and including

September 1, 2013 to but excluding September 1, 2018
Series H were converted on a one-for-one basis into First Preference Shares. Series 1. The

annual fixed dividend per share for the First Preference Shares. Series H was reset from 51.0625 to 50.6250 for the five-year period from and including June 1, 2015
to but excluding June 1, 2020. The First Preference Shares, Series I re entitled to receive floating rate cumulative dividends, which rate will be reset every quarter
based on the then current three-month Government of Canada Tre sure Bill rate plus 1.45%

(4) The Fixed Rate Reset First Preference Shares, Series K were issued i'1 July 2013 and are entitled to receive cumulative dividends in the amount of 51.0000 per share
per annum for the first six years

is) The Fixed Rate Reset First Preference Shares, Series M were issued n September 2014 and are entitled to receive cumulative dividends in the amount of 51.0250
per share per annum for the first five years

cy On June 1, 2015, 2,975,154 of the 10,000,000 First Preference Shres,
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2015/2014: Revenue increased $1,326 million, or 24.6%, from 2014 and net earnings attributable to common equity shareholders
were $728million, or $2.61 per common share, compared to $317 million, or $1.41 per common share, lin 2014. For a discussion of
the reasons for the changes in revenue, net earnings attributable to common equity shareholders, and earnings per common share
refer to the "Consolidated Results of Operations" and "Summary Financial Highlights" sections of this MD&A

The growth in total assets reflects favorable foreign exchange on the translation of US dollar-denomihated assets and continued
investment in energy infrastructure, driven by capital spending at the regulated utilities, partially offset by the sale of commercial
real estate and hotel assets in 2015. The increase in long-term debt was primarily due to the issuance of long-term debt at the
Corporation's regulated utilities, largely to finance energy infrastructure investment, and the impact f foreign exchange on the
translation of US dollar-denominated long-term debt. The increase was partially offset by regularly scheduled debt repayments
and net repayments under committed credit facilities, mainly at the Corporation, using net proceeds f the sale of commercial
real estate and hotel assets

201412013: Revenue increased $1,354 million, or 33.5%, from 2013. The increase in revenue was driven by the acquisition of
UNS Energy in August 2014 and Central Hudson in June 2013. A higher commodity cost of natural g s charged to customers at
FortisBC Energy, an increase in the base component of rates at most of the regulated utilities and higher electricity sales also
contributed to the increase in revenue

Net earnings attributable to common equity shareholders were $317 million in 2014 compared to $353 million in 2013. Results for
both years were impacted by non-recurring items, largely associated with the acquisition of UNS Energy In 2014 and Central Hudson
in 2013. Earnings for 2014 were reduced by $39 million due to acquisition-related expenses and customer benefits offered to obtain
regulatory approval of the acquisition of UNS Energy, compared to $34 million associated with the act position of Central Hudson in
2013. Interest expense of $51 million after tax, inducing the make-whole payment, associated with convertible debentures issued
to finance a portion of the acquisition of UNS Energy was recognized in 2014. In addition, earnings for 2013 were favorably
impacted by an income tax recovery of $23 million due to the enactment of higher deductions associate with Part Vl.1 tax on the
Corporation's preference share dividends, an extraordinary gain of $20 million related to the settlement of expropriation matters
associated with the Exploits River Hydro Partnership, and the release of income tax provisions of approximately $7 million. An
$8 million foreign exchange gain was recognized in 2014 compared to $6 million in 2013. Earnings for 2014 included $5 million
associated with Griffith to the date of sale, and earnings for 2013 were reduced by $5 million associated with Griffith

Excluding the above-noted impacts, net earnings attributable to common equity shareholders fat 2014 were $394 million
an increase of $58 million from $336 million for 2013. The increase was driven by $60 million Of earnings contribution at
UNS Energy from the date of acquisition and the first full year of earnings contribution from Central Hudson, which was acquired
in June 2013. Rate base growth and an increase in the number of customers at FortisAlberta and! electricity sales growth at
Caribbean Regulated Electric Utilities also contributed to the increase. The increase was partially offset by lower earnings
at FortisBc Electric, primarily due to the impact of lower-than-expected finance charges in 2013 nd higher Corporate and
Other expenses. The increase in Corporate and Other expenses was primarily due to higher finance barges, largely due to the
acquisitions of UNS Energy and Central Hudson, and higher operating expenses, partially offset by a higher income tax recovery
and interest income

The growth in total assets reflects the Corporation's acquisition of UNS Energy in August 2014 and continued investment in
energy infrastructure, driven by capital spending at the regulated utilities in western Canada and the cdrrtinued construction of the
Waneta Expansion. The increase in long-term debt was primarily due to the financing of the acquisition of UNS Energy, including
debt assumed on acquisition, and the financing of energy infrastructure investments

Basic earnings per common share were $1.41 in 2014 compared to $1.74 in 2013. Excluding the above-noted non-recurring items in
2014 and 2013, basic earnings per common share were $1.75 for 2014, an increase of $0.09 from $1 .66 for 2013. The increase was
driven by accretion associated with the acquisition of UNS Energy

FORTIS INC. 2015 ANNUAL REPORT



The following tables set forth unaudited financial information for the fourth quarters ended December 31, 2015 and 2014

Summary of Gas Volumes and Electricity and Energy Sales

FOURTH QUARTER RESULTS

Management Discussion and Analysis

VarianceFourth Quarters Ended December 31(Unaudited)
Regulated Electric & Gas Utilities - UnitedStates

UNS Energy - Electricity Sales (Gwen)
UNS Energy ._ Gas Volumes(Pl)
CentralHudson- Electricity Sales (Gwh)
Central Hudson- Gas Volumes (PJ)

Regulated Gas Utlllty - Canadian
FortisBC Energy(PJ)

Regulated Electric Utilities - Canadian
FortisAlberta(Gwh)
FortisBC Electric(Gwh)
Eastern Canadian(GWn))

(258)

Regulated Electric Utilities - Caribbean (Gwh)
Non-Regulated - Fortis Generation (Gwn)

Gas Volumes

The increase in gas volumes at FortisBC Energy was mainly due to higher gas volumes for transportation customers due to certain
customers switching to natural gas compared to alternative fuel sources

Electricity and Energy Sales

The decrease in energy deliveries at FortisAlberta was primarily due to lower average consumption by oil and gas customers as a result
of low commodity prices for oil and gas. At most of the other regulated electric utilities, the decrease was mainly due to lower average
consumption due to warmer temperatures, which reduced heating requirements. At the Regulated Electric Utilities - Caribbean
the impact of warmer temperatures increased electricity sales, due to higher air conditioning load. The overall decrease was
partially offset by higher non-regulated energy sales, driven by the Waneta Expansion

Net Earnings

Segmented Revenue and Net Earnings Attributable to Common Equity Shareholders

Fourth Quarters Ended December 31 (Unaudited) Revenue

(5 millions, except per share amounts)
Regulated Electro & Gas Utilities - UnitedStates

UNS Energy
Central Hudson

Variance Variance

47
16

3
11

14
Regulated Gas Utility - Canadian

FortisBC Energy

Regulated Electric Utllltles - Canadian
FortisAlberta
FortisBC Electric
Eastern Canadian Electric Utilities

Regulated Electric Utilities - Caribbean
Non-Regulated - Fortis Generation
Non-Regulated - Non-Utility
Corporate and Other
Inter-Segment Eliminations

Total

Basic Earnings per common Share (S)
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Revenue

The increase in revenue was mainly due to favorable foreign exchange associated with the translation of us dollar-denominated

revenue, contribution from the Waneta Expansion, and an increase in base electricity rates at the Canadian Regulated Electric Utilities

The increase was partial ly offset by the flow through in customer rates of lower energy supply costs at FortisBC Energy

Central Hudson and Caribbean Regulated Electric Utilities, and a decrease in non-utility revenue due td the sale of commercial real

estate and hotel assets

Earnings

The increase in earnings was primarily due to: (i) favorable foreign exchange impacts, (ii) an increase in base electricity rates at
Centra! Hudson effective July 1, 2015, combined with the impact of storm restoration and other non-re urging expenses recognized
in the fourth quarter of 2014, (iii) earnings contribution of approximately $6 million from the Waneta Expansion, (iv) rate base
growth associated with capital expenditures and growth in the number of customers at FortisAlberta, and (v) a higher AFUDC
at FortisBc Energy, partiaHy offset by higher operating expenses. The timing of regulatory deferral mechanisms had a favorable
impact on FortisBc Energy's earnings for the quarter and an unfavorable impact on FortisBC Electric. The increase in earnings
was partially offset by lower earnings contribution due to the sale of commercial real estate and hotel bassets and higher Corporate
and Other expenses. Corporate and Other expenses included $7 million in acquisition-related expenses in the fourth quarter of
2015 and in the fourth quarter of 2014 included $4 million in interest expense associated with the convertible debentures and
a $3 million foreign exchange gain. Excluding these items, the increase in Corporate and Other expenses was mainly due to a lower
income tax recovery and lower related-party interest income

Summary of Consolidated Cash Flows

Variance
(111)

(829)

Fourth Quarters EndedDecember 31 (Unaudited)

($ millions)

Cash. Beginning of Period
Cash Provided by (Used in)

Operating Activities
Investing Activities
Financing Activities
Effect of Exchange Rate Changes on Cash and Cash Equivalents

(537)

C8$h.EndotfPeriod
+

Cash flow from operating activities was $63 million higher quarter over quarter. The increase was primarily due to higher cash
earnings at the Corporation's regulated utilities

Cash used in investing activities was $595 million lower quarter over quarter. The decrease was mainly due to lower capital
expenditures at the regulated utilities, largely due to UNS Energy's purchase of Gila River Unit 3 generation station in
December 2014 for approximately $252 million (US$219 million), and proceeds received from qlwe sale of hotel assets in
October 2015 for $365 million

Cash provided by financing activities was $537 million lower quarter over quarter. The decrease was primarily due to the repayment
of credit facility borrowings in the fourth quarter of 2015 using proceeds from the sale of hotel assets. In addition, lower proceeds
from long-term debt and lower credit facility borrowings were partially offset by lower repayments of long-term debt. In the fourth
quarter of 2014, proceeds from the second installment of the convertible debentures were received which were used to repay
acquisition credit facilities used initially to finance a portion of the acquisition of UNS Energy
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SUMMARY OF QUARTERLY RESULTS
The following table sets forth unaudited quarterly information for each of the eight quarters ended March 31, 2014 through
December 31, 2015. The quarterly information has been obtained from the Corporation's interim unaudited consolidated financial
statements. These financial results are not necessarily indicative of results for any future period and should not be relied upon to
predict future performance

Summary of Quarterly Results
(Unaudited)

Revenue

Net Earnings
Attributable to

Common Equity
Shareholders

Earnings per Common Share
Basic Diluted

Quarter Ended ($ millions) (5 millions)

December 31. 2015
September 30, 2015
June 30. 2015
March 31. 2015
December 31. 2014
September 30, 2014
June 30. 2014
March 31. 2014

The summary of the past eight quarters reflects the Corporation's continued organic growth, growth from acquisitions and
associated acquisition-related expenses, and the impact of sale transactions, as well as the seasonality associated with its businesses
Interim results will fluctuate due to the seasonal nature of electricity and gas demand in different regions, as well as the timing and
recognition of regulatory decisions. Revenue is also affected by the cost of fuel and purchased power and the cost of natural gas
which are flowed through to customers without markup. Given the diversified nature of the Corporation's subsidiaries, seasonality
may vary. Most of the annual earnings of FortisBC Energy are realized in the first and fourth quarters. Earnings for UNS Energy's
electric utilities are generally highest in the second and third quarters due to the use of air conditioning and other cooling equipment

December 2015/December 2014: Net earnings attributable to common equity shareholders were $135 million, or $0.48 per
common share, for the fourth quarter of 2015 compared to earnings of $113 million, or $0.44 per common share, for the fourth
quarter of 2014. A discussion of the variances in financial results for the fourth quarter of 2015 and the fourth quarter of 2014 is
provided in the "Fourth Quarter Results" section of this MD&A

September 2015/September 2014: Net earnings attributable to common equity shareholders were $151 million, or $0.54 per
common share, for the third quarter of 2015 compared to earnings of $14 million, or $0.06 per common share, for the third
quarter of 2014. Earnings for the third quarter of 2015 were favorably impacted by a $5 million gain on the sale of non-regulated
generation assets in Ontario and a $5 million positive adjustment associated with the sale of hotel assets, and were reduced by a
$9 million loss on the settlement of expropriation matters related to the Corporation's investment in Belize Electricity. Earnings for
the third quarter of 2014 were reduced by a total of $58 million due to acquisition-related expenses associated with UNS Energy
Excluding these items, the increase in earnings was driven by contribution of $97 million at UNS Energy compared to $37 million
for the third quarter of 2014. Earnings contribution of $5 million from the Waneta Expansion also contributed to the increase
Performance was also driven by the Corporation's other regulated utilities, including rate base growth associated with capital
expenditures and customer growth at FortisAlberta, improved performance at Central Hudson, and favorable foreign exchange
associated with US dollar-denominated earnings. Earnings at FortisBC Energy and FortisBC Electric were impacted by the timing
of regulatory deferral mechanisms, however, FortisBC Energy's earnings were favorably impacted by lower operating expenses
and higher AFuDc. The increase was partially offset by higher preference share dividends and finance charges in the Corporate and
Other segment, largely associated with the acquisition of UNS Energy

June 2015/June 2014: Net earnings attributable to common equity shareholders were $244 million, or $0.88 per common share
for the second quarter of 2015 compared to earnings of $47 million, or $0.22 per common share, for the second quarter of 2014
The increase was driven by a net gain of $123 million on the sale of commercial real estate, hotel and non-regulated generation
assets. The increase was also due to earnings contribution of $52 million at UNS Energy and $12 million from the Waneta Expansion
representing the Corporation's 51% controlling ownership. Performance was also driven by the Corporation's regulated utilities
including rate base growth associated with capital expenditures, customer growth and a decrease in depreciation and amortization
at FortisAlberta, increases at FortisBC Electric, largely due to timing of quarterly earnings compared to the same period last year
resulting from the impact of regulatory deferral mechanisms, and improved performance at Central Hudson. The increase was
partially offset by a $5 million decrease in earnings at FortisBC Energy due to the timing of regulatory flow-through deferral
amounts, and higher preference share dividends and finance charges in the Corporate and Other segment associated with the
acquisition of UNS Energy
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March 2015/March 2014: Net earnings attributable to common equity shareholders were $198 million, or $0.72 per common
share, for the first quarter of 2015 compared to earnings of $143 million, or $0.67 per common share, for the first quarter of 2014
The increase in earnings was driven by the Corporation's regulated utilities. UNS Energy contributed earnings of $20 million in the
first quarter of 2015. FortisAlberta's earnings were favorably impacted by higher capital tracker revenue, including approximately
$10 million associated with 2013 and 2014, and customer growth. Earnings at FortisBC Energy and FortisBC Electric were $9 million
and $5 million, respectively, higher quarter over quarter, largely due to timing of quarterly earnings compared to the same period last
year resulting from the impact of regulatory deferral mechanisms. Central Hudson and Eastern Canadian Regulated Electric Utilities
also reported improved performance. The increase in earnings at the regulated utilities was partially offset by lower earnings at
the Corporation's non-regulated subsidiaries, largely due to decreased production in Belize as a result of lower rainfall, costs at
Fortis Properties associated with the strategic review, and approximately $5 million earnings contribution in the first quarter of
2014 from Griffith to the date of sale. Corporate and Other expenses were lower quarter over quarter, due to approximately
$11 million in after-tax interest expense associated with the convertible debentures in the first quarter of 2014 and a higher
foreign exchange gain, partially offset by higher preference share dividends and finance charges associated with the acquisition
of UNS Energy

MANAGEMENT'S EVALUATION OF DISCLOSURE CONTROLS AND PROCEDURES
AND INTERNAL CONTROLS OVER FINANCIAL REPORTING
Disclosure Controls and Procedures: The President and Chief Executive Officer ("CEO") and the Executive Vice President
Chief Financial Officer ("CFO") of Fortis, together with management, have established and maintain disclosure controls and
procedures for the Corporation in order to provide reasonable assurance that material information relating to the Corporation is
made known to them in a timely manner, particularly during the period in which the annual filings are being prepared. The CEO
and CFO of Fortis, together with management, have evaluated the design and operating effectiveness of the Corporation's
disclosure controls and procedures as of December 31, 2015 and, based on that evaluation, have concluded that these controls
and procedures are effective in providing such reasonable assurance

Internal Controls over Financial Reporting: The CEO and CFO of Fortis, together with management, are also responsible
for establishing and maintaining internal controls over financial reporting ("ICFR") within the Corporation in order to provide
reasonable assurance regarding the reliability of financial reporting and the preparation of the consolidated financial statements
for external purposes in accordance with US GAAP. The CEO and CFO of Fortis, together with management, have evaluated
the design and operating effectiveness of the Corporation's ICFR as of December 31, 2015 and, based on that evaluation, have
concluded that the controls are effective in providing such reasonable assurance. During the fourth quarter of 2015, there was
no change in the Corporation's ICFR that has materially affected, or is reasonably likely to materially affect, the Corporation's ICFR

SUBSEQUENT EVENT
On February 9, 2016, Fortis and ITC entered into an agreement and plan of merger pursuant to which Fortis will acquire ITC in a
transaction valued at approximately US$11.3 billion, based on the closing price for Fortis common shares and the foreign exchange
rate on February 8, 2016. Under the terms of the transaction, ITC shareholders will receive US$22.57 in cash and 0.7520 Fortis
common shares per ITC common share, representing total consideration of approximately US$6.9 billion, and Fortis will assume
approximately US$4.4 billion of ITC consolidated indebtedness

ITC is the largest independent pure-play electric transmission company in the United States. ITC owns and operates high-voltage
transmission facilities in Michigan, lowa, Minnesota, Illinois, Missouri, Kansas and Oklahoma, serving a combined peak load
exceeding 26,000 MW along approximately 15,600 miles of transmission line. In addition, ITC is a public utility and independent
transmission owner in Wisconsin. ITC's tariff rates are regulated by FERC, which has been one of the most consistently supportive
utility regulators in North America providing reasonable returns and equity ratios. Rates are set using a forward-looking rate-setting
mechanism with an annual true-up, which provides timely cost recovery and reduces regulatory lag

The closing of the Acquisition is subject to ITC and Fortis shareholder approvals, the satisfaction of other customary closing
conditions, and certain regulatory, state and federal approvals including, among others, those of FERC, the Committee on
Foreign Investment in the United States, and the United States Federal Trade Commission/Department of Justice under the
Hart-Scott-Rodino Antitrust ImprovementsAct. The closing of the Acquisition is expected to occur in late 2016
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The pending Acquisition is in alignment with the Corporation's business model and acquisition strategy, and is expected to
provide approximately 5% accretion to earnings per common share in the first full year following closing, excluding one-time
acquisition-related expenses and assuming a stable currency exchange environment. The Acquisition represents a singular
opportunity for Fortis to significantly diversify its business in terms of regulatory jurisdictions, business risk profile and regional
economic mix. On a pro forma basis, 2016 forecast midyear rate base of Fortis is expected to increase by approximately $8 billion
to approximately $26 billion, as a result of the Acquisition

The financing of the Acquisition has been structured to allow Fortis to maintain investment-grade credit ratings and is consistent
with the Corporation's existing capital structure. Financing of the cash portion of the Acquisition will be achieved primarily through
the issuance of approximately US$2 billion of Fortis debt and the sale of up to 19.9% of ITC to one or more infrastructure-focused
minority investors. In addition, Fortis has obtained commitments of US$2.0 billion from Goldman Sachs Bank USA to bridge the
long-term debt financing and US$1.7 billion from The Bank of Nova Scotia to primarily bridge the sale of the minority investment
in ITC. These non-revolving term credit facilities are repayable in full on the first anniversary of their advance, and although
syndication is not required, Fortis expects that these bridge facilities will be syndicated

Upon completion of the Acquisition, ITC will become a subsidiary of Fortis and approximately 27% of the common shares of Fortis
will be held by ITC shareholders, In connection with the Acquisition, Fortis will become a registrant with the SEC and will apply to
list its common shares on the New York Stock Exchange and will continue to have its shares listed on the TSX

OUTLOOK
Fortis is focused on closing the acquisition of ITC by the end of 2016. The Acquisition is in alignment with the Corporation's
business model and acquisition strategy, and is expected to provide approximately 5% accretion to earnings per common share
in the first full year following closing, excluding one-time acquisition-related expenses and assuming a stable currency exchange
environment. The Acquisition represents a singular opportunity for Fortis to significantly diversify its business in terms of regulatory
jurisdictions, business risk profile and regional economic mix

Substantially all of Fortis' assets are low-risk, regulated utilities and long-term contracted energy infrastructure. No single regulatory
jurisdiction comprises more than one-third of total assets. Over the five-year period through 2020, excluding the acquisition of
ITC, the Corporation's highly executable capital program is expected to be approximately $9 billion. This investment in energy
infrastructure is expected to increase rate base to almost $21 billion in 2020 and produce a five-year compound annual growth rate
in rate base of approximately 5%

On a pro forma basis, 2016 forecast midyear rate base of Fortis is expected to increase by approximately $8 billion to approximately
$26 billion, as a result of the acquisition of ITC. Following the Acquisition, Fortis will be one of the top 15 North American public
utilities ranked by enterprise value, with an estimated enterprise value of $42 billion. Additionally, ITC's midyear rate base, including
construction work in progress, is expected to increase at a compound annual growth rate of approximately 7.5% through 2018
based on ITC's planned capital expenditure program

Fortis continues to target 6% average annual dividend growth through 2020. This dividend guidance takes into account many factors.
including the expectation of reasonable outcomes for regulatory proceedings at the Corporation's utilities, the successful execution
of the five-year capital expenditure plan, and management's continued confidence in the strength of the Corporation's diversified
portfolio of assets and record of operational excellence. The pending acquisition of ITC further supports this dividend guidance

Fortis expects long-term sustainable growth in rate base, assets and earnings resulting from strategic acquisitions and investment
in its existing utility operations. The Corporation is also committed to identifying and executing on opportunities for incremental
rate base and earnings growth through additional investments in existing service territories, and in new franchise areas

FORTIS INC. 2015 ANNUAL REPORT



Management Discussion and Analysis

OUTSTANDING SHARE DATA
As at February 16, 2016, the Corporation had issued and outstanding 281.9 million common shares, 8.0 million First Preference Shares
Series E; 5.0 million First Preference Shares, Series F, 9.2 million First Preference Shares, Series G, 7.0 million First Preference Shares
Series H; 3.0 million First Preference Shares, Series l, 8.0 million First Preference Shares, Series J, 10.0 million First Preference Shares
Series K; and 24.0 million First Preference Shares, Series M. Only the common shares of the Corporation have voting rights. The
Corporation's First Preference Shares do not have voting rights unless and until Fortis fails to pay eight quarterly dividends, whether
or not consecutive and whether such dividends have been declared

The number of common shares of Fortis that would be issued if all outstanding stock options and First Preference Shares, Series E
were converted as at February 16, 2016 is as follows

Conversion of Securities into Common Shares

As at February 16, 2016 (Unaudited) Number of
Common Shares

Security (millions)

Stock Options
First Preference Shares, Series E

Total

Additional information, including the Fortis 2015 Annual Information Form, Management Information Circular and Audited
Consolidated Financial Statements, is available on SEDAR at www.sedar.com and on the Corporation's website at www.fortisinc.com
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MANAGEMENT'S REPORT Ur

The accompanying Annual Consolidated Financial Statements of Fortis inc. have been prepared by management, who is responsible for the
integrity of the information presented including the amounts that must, of necessity, be based on estimates and informed judgments. These
Annual Consolidated Financial Statements were prepared in accordance with accounting principles generally accepted in the United States.

In meeting its responsibility for the reliability and integrity of the Annual Consolidated Financial Statements, management has developed and
maintains a system of accounting and reporting which provides for the necessary internal controls to ensure transactions are properly authorized
and recorded, assets are safeguarded and liabilities are recognized. The systems of the Corporation and its subsidiaries focus on the need for
training at qualified and professional staff and the effective communication of management guidelines and policies. The effectiveness of the
internal controls of Fortis Inc. is evaluated on an ongoing basis.

The Board of Directors oversees management's responsibilities for financial reporting through an Audit Committee which is composed entirely of
outside independent directors. The Audit Committee oversees the external audit of the Corporation's Annual Consolidated Financial Statements
and the accounting and financial reporting and disclosure processes and policies of the Corporation. The Audit Committee meets with
management, the shareholders' auditors and the internal auditor to discuss the results of the external audit, the adequacy of the internal
accounting controls and the quality and integrity of financial reporting. The Corporation's Annual Consolidated Financial Statements are
reviewed by the Audit Committee with each of management and the shareholders' auditors before the statements are recommended to the
Board of Directors for approval. The shareholders' auditors have full and free access to the Audit Committee. The Audit Committee has the
duty to review the adoption of, and changes in, accounting principles and practices which have a material effect on the Corporation's
Annual Consolidated Financial Statements and to review and report to the Board of Directors on policies relating to the accounting and financial
reporting and disclosure processes.

The Audit Committee has the duty to review financial reports requiring Board of Directors' approval prior to the submission to securities
commissions or other regulatory authorities, to assess and review management judgments material to reported financial information and to
review shareholders' auditors' independence and auditors' fees. The 2015 Annual Consolidated Financial Statements were reviewed by the
Audit Committee and, on their recommendation, were approved by the Board of Directors of Fortis Inc. Ernst & Young LLP, independent
auditors appointed by the shareholders of Fortis Inc. upon recommendation of the Audit Committee, have performed an audit of the 2015
Annual Consolidated Financial Statements and their report follows.

3--, l<A*L 3~fw==4
Barry V. Perry
President and Chief Executive Officer, Fortis Inc.

Karl W. Smith
Executive Vice President, Chief Financial Officer, Fortis Inc.

St. John's, Canada

INDEPENDENT AUDITORS' REPORT

To the Shareholders of Fortis Inc.

We have audited the accompanying consolidated financial statements of Fortis Inc., which comprise the consolidated balance sheets as at
December 31, 2015 and 2014, and the consolidated statements of earnings, comprehensive income, cash flows and changes in equity for the years
then ended, and a summary of significant accounting policies and other explanatory information.

Management's responsibility for the consolidated financial statements
Management is responsible for the preparation and fair presentation of these consolidated financial statements in accordance with accounting
principles generally accepted in the United States, and for such internal control as management determines is necessary to enable the preparation
of consolidated financial statements that are free from material misstatement, whether due to fraud or error.

Auditors' responsibility
Our responsibility is to express an opinion on these consolidated financial statements based on our audits. We conducted our audits in accordance
with Canadian generally accepted auditing standards. Those standards require that we comply with ethical requirements and plan and perform the
audit to obtain reasonable assurance about whether the consolidated financial statements are free from material misstatement.

An audit involves performing procedures to obtain audit evidence about the amounts and disclosures in the consolidated financial statements. The
procedures selected depend on the auditors' judgment, including the assessment of the risks of material misstatement of the consolidated
financial statements, whether due to fraud or error. In making those risk assessments, the auditors consider internal control relevant to the entity's
preparation and fair presentation of the consolidated financial statements in order to design audit procedures that are appropriate in the
circumstances, but not for the purpose of expressing an opinion on the effectiveness of the entity's internal control. An audit also includes
evaluating the appropriateness of accounting policies used and the reasonableness of accounting estimates made by management, as well as
evaluating the overall presentation of the consolidated financial statements.

We believe that the audit evidence we have obtained in our audits is sufficient and appropriate to provide a basis for our audit opinion.

Opinion
In our opinion, these consolidated financial statements present fairly, in all material respects, the financial position of Fortis Inc. as at
December 31, 2015 and 2014, and its financial performance and its cash flows for the years then ended in accordance with accounting principles
generally accepted in the United States.

Jm * pa LL/
St. John's, Canada
February 17, 2016 Chartered Professional Accountants
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0

Shareholders' equity
Common shares m (Note 18)
Preference shares (Note20)
Additional paid-in capital
Accumulated other comprehensive income (note21)
Retained earnings

Non-controlling interests (Note22)

OMer liabilities (more 17)
Regulatory liabilities (Note8)
Defarnd Income taxes (Note 26)
Long-mm debt (fore 15)
Capital Paso and flnanaze obligadcns (Note 16)

Cum rt liabilities
Short-term borrowings (note32)
Accounts payable and other current liabilities (Note 14)
Regulatory liabilities Wore8)
Current installments of long-term debt (Note is)
Current installments of capital lease and finance obligations frvgre 16)

uAslunss AND SHAREHOLDERS' EQUITY

Other assets (Note 9)
Regulartory asses (Note8)
Utility capital assets (Note 10)
Non-utility capital assets Wore 11)
Intangible asses (Note 12)
Goodwill (Note 13)

Cash and cash equivalents
Accounts receivable and other current assets (Note 6)
Prepaid expenses
Inventories (Note 7)
Regulatory assets (Noter)

Asat December31an mil/rbns of Canadlian ddlaw
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Current assets

FORTIS mc.
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See accompanying Notes to Consolidated Financial Statements
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Financials

CONSOLIDATED STATEMENTS OF EARNINGS

FORTIS INC.

For the years ended December 31 Hn millions of Canadian dollars, except per share amounts)

Revenue

Expenses

$ 5,401

Energy supply costs
Operating
Depreciation and amortization

Operating income
Other income (expenses), net (Note 24)
Finance charges (note 25)

Earnings before income taxes and discontinued operations
Income tax expense (Note26)

Earnings from cominulng operations
Earnings from discontinued operations, net of tax (Note28)

Net earnings

Net earnings arltrlbutable to
Non-controlling interests
Preference equity shareholders
Common equity shareholders

Earnings per common share from continuing operations (Note 19)
Basic
Diluted

Earnings per common share (Note 19)
Basic
Diluted

See accompanying notes to Consolidated Financial Statements

CONSOLIDATED STATEMENTS OF COMPREHENSIVE INCOME

FORTIS INC.

For the years ended December 31 in millions of Canadian dollars)

Net earnings

Other comprehensive income (loss)
Unrealized foreign currency translation gains, net of hedging

activities and tax (note21)
Reclassification to earnings of foreign currency translation loss

on disposal of investment in foreign operations, net of tax (Note 21)
Net change in fair value of cash flow hedges, net of tax (Notes21 and31)
Reclassification to earnings of net losses on derivative instruments

discontinued as cash flow hedges, net of tax (Note 21)
Unrealized loss on available-for-sale investment, net of tax (Notes 9, 21 and31)
Unrealized employee future benefits gains (losses), net of tax (Notes21 and27)

Comprehensive income

Comprehensive income attributable to
Non-controlling interests
Preference equity shareholders
Common equity shareholders

See accompanying Notes to Consolidated Financial Statements
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'1

Effect of exchange rate changes on cash and cash equivalents

Change In cash and cash equivalents
Cash and cash equivalents, beginning M year

Cash and cash equivalents, end of year

FinaWng activities
Change in short-tem borrowings
Proceeds from convertible debentures, net of issue costs (Note 18)
Proceeds from long-term debt, net of issue costs (note 15)
Repayments of long-term debt and capital lease and finance obligations
Net (repayments) borrowings under committed credit facilities
Advances from non-contrdling interests
Issue of common shares, net of costs and dividends reinvested (Note 18)
Issue of preference shares, net of costs (Note20)
Dividends

Common shares, net of dividends reinvested
Preference shares
Subsidiary dividends paid to non-contrdling interests

Investing lttivltles
Change in other assets and other liabilities
Capital expenditures - Utility capital assets
Capital expenditures - non-utility capital assets
Capital expenditures - intangible assets
Contributions in aid of construction
Purchase of assets held for sale (Notes 6 and is)
Proceeds on sale of assets (Notes 16 and28)
Business acquisitions, net of cash acquired (Notes9 and29)

Forthe years ended December 31 in mi/ions of Canadian ad/aw 1

Operating activities '
Net earnings '
Adjustments to reconcile net earnings to net cash provided by

operating activities:
Depreciation - capital assets
Amortization - intangible assets
Amortization - other
Deferred income tax expense (Note26)
Accrued employee future benefits
Equity component of allowance for funds used during catstruction (note24)
Gain on sale of non-utility capital assets (note24)
Gain on sale of non-regulated generation assets (note24)
Other

Change in long-term regulatory assets and liabilities
Change in non-cash operating working capital (Note to)

CONSOLIDATED STATEMENTS OF cAsH FLOWS

FORTIS INC.
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FORTIS INC.

For the years ended December 31, 2015 and2014
(fl millions of Canadian dollars)

CONSOLIDATED STATEMENTS OF CHANGES IN EQUITY

Financials

$|il l l l l sIn|l|s

lwgiaezw
s 1839

gpqqg
rue-am

is

nnunnnl

iv

|
|

|I

Num

H-aww

nm

*

.`o

9

s Mn
a s

avmzz:
s 4:1

as

Zen

an

-

-

A g

-

(4)
3

an

nm

-

-

-

-

- pa

s 9.112
n o
552
1 9 :

3
. to
t o

4- - e n an (13)

n o -

-

As at January 1, 201 s
Net earnings
Other comprehensive income
Common share issues
Stock-based compensation
Advances from non-controlling interests
Foreign currency translation impacts
Subsidiary dividends paid to

non-controlling interests
Dividends declared on common shares

(51.43 per share)
Dividends declared on preference shares 4-»

1:

In
. » .

AS at Dccsmbor 31, 2015 s 791
s

473 sw.==»
s 3,783 s 1,229 s 17 s (72)

a*al! l
s 1,og4

ave
375
11

201
s91

1,884 (5)
3

38
7

s 6,376
390
z01
591

1,879
3

38
7

(10) (10)

AS n January 1, 2014
Net earnings
Other comprehensive income
Preference share issue
Common share issues
Stock-based compensation
Advances from non-controlling interests
Foreign currency translation impacts
Subsidiary dividends paid to

non-contrdling interests
Dividends declared on common shares

(51 .30 per share)
Dividends declared on preference shares

(301)
(sz)

As at Duernbor 31, zo14 s

See aaompanying Notes to Consolidated financial Statements

s,es7 s 1,820 s 15 s 129 s

(3p1)
(sz)

»°>»<>
s 4z1 s 9,112

4

86 Roms NC. 2015 ANNUAL REPORT

I lllll

Odilia

avaanzV
s 129

see



Notes to Consolidated Financial Statements

1 For the years ended December 31, 2015 and 2014

1. DESCRIPTION OF THE BUSINESS

Nature of Operations

Fortis Inc. ("Fortis" or the "Corporation") is principally an international electric and gas utility holding company. Fortis segments its utility
operations by franchise area and, depending on regulatory requirements, by the nature of the assets. Fortis also holds investments in
non-regulated generation assets, which are treated as a separate segment. The Corporation's reporting segments allow senior management
to evaluate the operational performance and assess the overall contribution of each segment to the long-term objectives of Fortis. Each
entity within the reporting segments operates with substantial autonomy, assumes profit and loss responsibility and is accountable for its
own resource allocation.

The following summary describes the operations included in each of the CorporatiorVs reportable segments.

Regulated Utilities
The Corporation's interests in regulated electric and gas utilities are as follows.

Regulated Electric & Gas Utilities - United States

a. UNS Energy: Primarily comprised of Tucson Electric Power Company ("TEP"), UNS Electric, Inc. ("UNS Electric") and UNS Gas, Inc.
("UNS Gas"), (collectively, the "UNS Utilities"), acquired by Fortis in August 2014 (Note 29).

TEP, UNS Energy's largest operating subsidiary, is a vertically integrated regulated electric utility. TEP generates, transmits and
distributes electricity to retail customers in southeastern Arizona, including the greater Tucson metropolitan area in Pima County, as
well as parts of Cochise County. TEP also sells wholesale electricity to other entities in the western United States.

UNS Electric is a vertically integrated regulated electric utility, which generates, transmits and distributes electricity to retail customers
in Arizona's Mohave and Santa Cruz counties.

TEP and UNS Electric currently own generation resources with an aggregate capacity of 2,799 megawatts ("MW"), including
SO MW of solar capacity. Several of the generating assets in which TEP and UNS Electric have an interest are jointly owned. As at
December 31, 2015, approximately 43% of the generating capacity was fuelled by coal.

UNS Gas is a regulated gas distribution utility, serving retail customers in Arizona's Mohave, Yavapai, Coconino, Navajo and
Santa Cruz counties.

Central Hudson: Central Hudson Gas & Electric Corporation ("Central Hudson") is a regulated transmission and distribution ("T&D")
utility, serving eight counties of New York State's Mid~Hudson River Valley. The Company owns gas-fired and hydroelectric
generating capacity totaling 64 MW.

Regulated Gas Utility - Canadian

FortiS8C Energy: Primarily includes FortisBC Energy inc. ("FortisBC Energy"  or  "FEI" )  and,  pr ior  to December  31,  2014,
FortisBC Energy (Vancouver Island) Inc. ("FEVI") and FortisBC Energy (Whistler) Inc. ("FEWI"). On December 31, 2o14, FE!, FEV! and FEW!
were amalgamated and FEI is the resulting Company (Note 2). FEI is the largest distributor of natural gas in British Columbia, serving
more than 135 communities. Major areas served by the Company are the Lower Mainland, Vancouver Island and Whistler regions of
British Columbia. FEI provides T8¢D services to customers, and obtains natural gas supplies on behalf of most residential, commercial
and industrial customers. Gas supplies are sourced primarily from northeastern British Columbia and, through FEI's Southern Crossing
pipeline, from Alberta.

Regulated Electric Utilities - Canadian

Fort/SAlberta: FortisAlberta Inc. ("FortisAlberta") owns and operates the electricity distribution system in a substantial portion of
southern and central Alberta. The Company does not own or operate generation or transmission assets and is not involved in the
direct sale of electricity.

Fortis8C Electric: Includes FortisBC Inc., an integrated electric utility operating in the southern interior of British Columbia. Fortis BC Inc.
owns four hydroelectric generating facilities with a combined capacity of 225 MW. Also included in the FortisBC Electric segment
are the operating, maintenance and management services relating to the 493-MW Waneta hydroelectric generating facility owned
by Teck Metals Ltd. and Be Hydro, the 335-MW Waneta Expansion hydroelectric generating facility ("Waneta Expansion"), owned
by Fortis and Columbia Power Corporation and Columbia Basin Trust ("CPC/CBT"), the 149-MW Brilliant hydroelectric plant and the
120-mw Brilliant hydroelectric expansion plant, both owned by CPC/CBT, and the 185-MW Arrow Lakes hydroelectric plant owned
by CPC/CBT.
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Notes to Consolidated Financial Statements

For the years ended December 31, 2015 and 2014

1. DESCRIPTION OF THE BUSINESS (cont'd)

Regulated Electric Utilities - Canadian (cont'd)

Eastern Canadian: Comprised of Newfoundland Power Inc. ("Newfoundland Power"), Maritime Electric Company, Limited
("Maritime Electric") and FortisOntario Inc. ("Fortis Ontario"). Newfoundland Power is an integrated electric utility and the principal
distributor of electricity on the island portion of Newfoundland and Labrador. Newfoundland Power has an installed generating
capacity of 139 MW, of which 97 MW is hydroelectric generation. Maritime Electric is an integrated electric utility and the principal
distributor of electricity on Prince Edward Island ("PEl"). Maritime Electric also maintains on-Island generating facilities with a
combined capacity of 150 MW. FortisOntario provides integrated electric utility service to customers in Fort Erie, Cornwall,
Gananoque, Port Colborne and the District of  Algoma in Ontario. FortisOntario's operations are primarily comprised of
Canadian Niagara Power Inc. ("Canadian Niagara Power"), Cornwall Street Railway, Light and Power Company, Limited
("Cornwall Electric") and Algoma Power Inc. ("Algoma Power").

Regulated Electric Utilities - Caribbean

The Regulated Electric Utilities -- Caribbean segment includes the Corporation's approximate 60% controlling ownership interest in
Caribbean Utilities Company, Ltd. ("Caribbean Utilities") (December 31, 2014 - 60°/>), Fortis Turks and Caicos, and the Corporation's 33%
equity investment in Belize Electricity Limited ("Belize Electricity") (Note 9). Caribbean Utilities is an integrated electric utility and the sole
provider of electricity on Grand Cayman, Cayman Islands. The Company has an installed diesel-powered generating capacity of 132 MW.
Caribbean Utilities is a public company traded on the Toronto Stock Exchange ("TSX") (TSX:CUP.U). Fortis Turks and Caicos is comprised of
two integrated electric utilities that provide electricity to certain islands in Turks and Caicos. The utilities have a combined diesel-powered
generating capacity of 82 MW. Belize Electricity is an integrated electric utility and the principal distributor of electricity in Belize.

Non-Regulated - Fortis Generation
Fortis Generation is primarily comprised of long-term contracted generation assets in British Columbia and Belize. Generating assets in
British Columbia include the Corporation's 51% controlling ownership interest in the 335-MW Waneta Expansion. Construction of the
Waneta Expansion was completed in April 2015 and the output is sold to BC Hydro and FortisBC Electric under 40-year contracts. The
Corporation's 51% controlling ownership interest in the W aneta Expansion is conducted through the W aneta Expansion Limited
Partnership ("Waneta Partnership"), with CPC/CBT holding the remaining 49% interest.

Generating assets in Belize are comprised of three hydroelectric generating facilities with a combined capacity of 51 MW. All of the output
of these facilities is sold to Belize Electricity under 50-year power purchase agreements ("PPAs") expiring in 2055 and 2060. The hydroelectric
generation operations in Belize are conducted through the Corporation's indirectly wholly owned subsidiary Belize Electric Company Limited
("BECOL") under a franchise agreement with the Government of Belize ("GOB").

As at December 31, 2015, the 16-MW run-of-river Walden hydroelectric generating facility ("Walden") has been classified as held for sale
(Note 6).

In June 2015 and July 2015 the Corporation sold its non-regulated generation assets in Upstate New York and Ontario, respectively
(Notes 24 and 28).

Non-Regulated - Non-Utility
The Non-Utility segment previously included Fortis Properties Corporation ("Fortis Properties") and Griffith Energy Services, Inc.
("Griffith"). Fortis Properties completed the sale of its commercial real estate assets in June 2015 and its hotel assets in October 2015, and
Griffith was sold in March 2014 (Note 28).

Corporate and Other
The Corporate and Other segment captures expense and revenue items not specifically related to any reportable segment and those
business operations that are below the required threshold for reporting as separate segments.

The Corporate and Other segment includes net corporate expenses of Fortis and non-regulated holding company expenses of
FortisBC Holdings Inc. ("FHI"), CH Energy Group, Inc. ("CH Energy Group") and UNS Energy Corporation. Also included in the Corporate
and Other segment are the financial results of FortisBC Alternative Energy Services inc. ("FAES"). FAES is a wholly owned subsidiary
of FHI that provides alternative energy solutions, including thermal-energy and geo-exchange systems.
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Notes to Consolidated Financial Statements

2. NATURE OF REGULATION

The Corporation's regulated utilities are primarily determined under cost of service ("COS") regulation and, in certain jurisdictions
performance-based rate-setting ("PBR") mechanisms. Generally, under COS regulation the respective regulatory authority sets customer
electricity and/or gas rates to permit a reasonable opportunity for the utility ro recover, on a timely basis, estimated costs of providing
service to customers, including a fair rate of return on a regulatory deemed or targeted capital structure applied to an approved regulatory
asset value ("rate base"). The ability of a regulated utility to recover prudently incurred costs of providing service and earn the
regulator-approved rate of return on common shareholders' equity ("ROE") and/or rate of return on rate base assets ("ROA") depends on
the utility achieving the forecasts established in the rate-setting processes. If a historical test year is used to set customer rates, there may
be regulatory lag between when costs are incurred and when they are reflected in customer rates. When PBR mechanisms are utilized in
determining annual revenue requirements and resulting customer rates, a formula is generally applied that incorporates inflation and
assumed productivity improvements. The use of PBR mechanisms should allow a utility a reasonable opportunity to recover prudently
incurred costs and earn its allowed ROE or ROA

When future test years are used to establish revenue requirements and set base customer rates, these rates are not adjusted as a result of
the actual COS being different from that which is estimated, other than for certain prescribed costs that are eligible to be deferred on the
balance sheet. In addition, the Corporation's regulated utilities, where applicable, are permitted by their respective regulatory authority to
flow through to customers, without markup, the cost of natural gas, fuel and/or purchased power through base customer rates and/or the
use of rate stabilization and other mechanisms (Note 8)

The nature of regulation at the Corporation's utilities is as follows

UNS Fnergy
The UNS Utilities are regulated by the Arizona Corporation Commission ("ACC") and certain activities are subject to regulation by the
U.S. Federal Energy Regulatory Commission ("FERC") under the Federal Power Act (United States). The UNS Utilities operate under
COS regulation as administered by the Acc, which provides for the use of a historical test year in the establishment of retail electric and
gas rates. Retail electric and gas rates are set to provide the utilities with an opportunity to recover their COS and earn a reasonable rate of
return on rate base, including an adjustment for the fair value of rate base as required under the laws of the State of Arizona

TEP's allowed ROE is set at 10.0% on a capital structure of 43.5% common equity, effective from July 1, 2013. UNS Electric's allowed ROE
is set at 9.50% on a capital structure of 52.6% common equity, effective from January 1, 2014. ans Gas' allowed ROE is set at 9.75% on
a capital structure of 50.8% common equity, effective from May 1, 2012

Central Hudson
Central Hudson is regulated by the New York State Public Service Commission ("PSC") and certain activities are subject to regulation by
FERC under the Federal Power Act (United States). The Company is also subject to regulation by the North American Electric Reliability
Corporation. Central Hudson operates under cos regulation as administered by the PSC with the use of a future test year in the
establishment of rates

Central Hudson began operating under a three-year rate order issued by the PSC effective July 1, 2010 with an allowed ROE set at 10.0%
on a deemed capital structure of 48% common equity. As approved by the PSC in June 2013, the original three-year rate order was
extended for two years, through June 30, 2015, as part of the regulatory approval of the acquisition of Central Hudson by Fortis. In
June 2015 the PSC issued a rate order for the Company covering a three-year period, with new electricity and natural gas delivery rates
effective July 1, 2015. The new rate order reflects an allowed ROE of 9.0% and a 48% common equity component of capital structure

Effective July 1, 2013, Central Hudson was also subject to an earnings sharing mechanism, whereby the Company and customers share
equally earnings in excess of the allowed ROE up to an achieved ROE that is 50 basis points above the allowed ROE, and share 10%/909
(Company/customers) earnings in excess of 50 basis points above the allowed ROE. In the new rate order effective July i, 2015, the
earnings sharing mechanism was continued, whereby the Company and customers share equally earnings in excess of 50 basis points
above the allowed ROE up to an achieved ROE that is 100 basis points above the allowed ROE. Earnings in excess of 100 basis points
above the allowed ROE are shared primarily with the customer

FortisBC Energy and FortisBC Electric
FortisBC Energy and FortisBC Electric are regulated by the British Columbia Utilities Commission ("BCUC") pursuant to the
Utilities Commission Act (British Columbia). The Companies primarily operate under COS regulation and, from time to time, PBR
mechanisms for establishing customer rates
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NATURE OF REGULATION (cont'd)

Fortis8C Energy and Fortis8C Electric (cont'd)
In the first stage of the Generic Cost of Capital ("GCOC") Proceeding in British Columbia, FEI was designated as the benchmark utility and
a BCUC decision established that the allowed ROE for the benchmark utility would be set at 8.75% on a 38.5% common equity
component of capital structure, both effective January 1, 2013 through December 31, 2015. In March 2014 the BCUC issued its decision
on the second stage of the GCOC Proceeding, setting the common equity component of capital structure for FEVl and FEWI at 41.5%
and reaffirming the common equity component of capital structure for FortisBC Electric at 40%, all effective January 1, 2013. The
resulting allowed ROEs for FEVl, FEWl and FortisBC Electric were 9.25%, 9.50% and 9.15%, respectively, also effective January 1, 2013
Effective January 1, 2015, following the amalgamation of FEl, FEVl and FEWl, the ROE and common equity component of capital structure
for the amalgamated FEI, was set to equal the benchmark utility, at 8.75% and 38.5%, respectively

FEI and FortisBC Electric are subject to Multi-year PBR Plans for 2014 through 2019. The PBR Plans, as approved by the BCUC, incorporate
incentive mechanisms for improving operating and capital expenditure efficiencies. Operation and maintenance expenses and base capital
expenditures during the PBR period are subject to an incentive formula reflecting incremental costs for inflation and half of customer
growth, less a fixed productivity adjustment factor of 1.1% for FEI and 1.03% for FortisBC Electric each year. The approved PBR Plans also
include a 50%/50% sharing of variances from the formula-driven operation and maintenance expenses and capital expenditures over the
PBR period, and a number of service quality measures designed to ensure FEI and FortisBc Electric maintain service levels. It also sets out
the requirements for an annual review process which will provide a forum for discussion between the utilities and interested parties
regarding current performance and future activities

FortisAlberta
FortisAlberta is regulated by the Alberta Utilities Commission ("AUC") pursuant to the Electric Utilities Act (Alberta), the Public Utilities Act
(Alberta), the Hydro and Electric Energy Act (Alberta) and the Alberta Utilities Commission Act (Alberta). Effective January 1, 2013, the
AUC prescribed that distribution utilities in Alberta, including FortisAlberta, move to PBR for a five-year term. Under PBR, each year the
prescribed formula is applied to the preceding year's distribution rates, with 2012 used as the going-in distribution rates

The PBR plan includes mechanisms for the recovery or settlement of items determined to flow through directly to customers ("Y factor")
and the recovery of costs related to capital expenditures that are not being recovered through the formula ("K factor" or "capital tracker")
The AUC also approved a Z factor, a PBR re-opener and an ROE efficiency carry-over mechanism. The Z factor permits an application for
recovery of costs related to significant unforeseen events. The PBR re-opener permits an application to re-open and review the PBR plan
to address specific problems with the design or operation of the PBR plan. The use of the Z factor and PBR re-opener mechanisms is
associated with certain thresholds. The ROE efficiency carry-over mechanism provides an efficiency incentive by permitting a utility to
continue to benefit from any efficiency gains achieved during the PBR term for two years following the end of that term

The funding of capital expenditures during the PBR term is a material aspect of the PBR plan for FortisAlberta. The PBR plan provides a
capital tracker mechanism to fund the recovery of costs associated with certain qualifying capital expenditures. In March 2015 the AUC
issued its decision related to FortisAlberta's 2013, 2014 and 2015 Capital Tracker Applications. The decision: (i) indicated that the majority
of the Company's applied for capital trackers met the established criteria and were, therefore, approved for collection from customers
(ii) approved FortisAlberta's accounting test to determine qualifying K factor amounts, and (iii) confirmed certain inputs to be used in the
accounting test, including the conclusion that the weighted average cost of capital be based on actual debt rates and the allowed ROE
and capital structure approved in the GCOC Proceeding

In September 2015 the AUC approved FortisAlberta's compliance filing related to the 2015 Capital Tracker Decision, substantially as filed
Capital tracker revenue of $17 million was approved for 2013 on an actual basis and capital tracker revenue of $42 million and $62 million
was approved on a forecast basis for 2014 and 2015, respectively. FortisAlberta collected $15 million, $29 million and $62 million in 2013
2014 and 2015, respectively, related to capital tracker expenditures

FortisAlberta recognized capital tracker revenue of approximately $59 million in 2015, of which $9 million was related to updates to the
2013 and 2014 capital tracker approved amounts. The capital tracker revenue for 2015 of approximately $50 million incorporates an
update for related 2015 capital tracker expenditures as compared to the approved forecast reflected in current rates. This resulted in a
deferral of $12 million of 2015 capital tracker revenue as a regulatory liability

In March 2015 the AUC issued its decision on the GCOC Proceeding in Alberta. The GCOC Proceeding set FortisAlberta's allowed ROE for
2013 through 2015 at 8.30%, down from the interim allowed ROE of 8.75%, and set the common equity component of capital structure
at 40%, down from 41%. The AUC also determined that it would not re-establish a formula-based approach to setting the allowed ROE
at this time. Instead. the allowed ROE of 8.30% and common equity component of capital structure of 40% will remain in effect on an
interim basis for 2016 and beyond. For regulated utilities in Alberta under PBR mechanisms, including FortisAlberta, the impact of the
changes to the allowed ROE and common equity component of capital structure resulting from the GCOC Proceeding applies to the
portion of rate base that is funded by capital tracker revenue only. For assets not being funded by capital tracker revenue, no revenue
adjustment is required for the change in the allowed ROE and common equity component of capital structure, from that set in an earlier
GCOC decision
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Eastern Canadian Electric Utilities
Newfoundland Power is regulated by the Newfoundland and Labrador Board of Commissioners of Public Utilities ("PUB") under the
Public Utilities Act (Newfoundland and Labrador). Newfoundland Power operates under cos regulation with the use of a future test year
in the establishment of rates. The PUB has set the allowed ROE at 8.80% and the common equity component of capital structure at 45%
for 2013 through 2015.

Maritime Electric is regulated by the Island Regulatory and Appeals Commission ("IRAC") under the provisions of the Electric Power Act
(PEI), the Renewable Energy Act (PEI), the Electric Power (Electricity Rate-Reduction) Amendment Act (PEI), and the Electric Power
(Energy Accord Continuation) Amendment Act (PEI) ("Accord Continuation Act"), which covers the period March 1, 2013 to February 29, 2016.
Maritime Electric operates under COS regulation with the use of a future test year for the establishment of rates. IRAC set the allowed
ROE at 9.75% on a targeted minimum capital structure of 40% common equity for 2014 and 2015.

In Ontario, Canadian Niagara Power, Algoma Power and Cornwall Electric operate under the Electricity Act (Ontario) and the
Ontario Energy Board Act (Ontario), as administered by the Ontario Energy Board ("OEB"). Canadian Niagara Power and Algoma Power
operate under COS regulation and earnings are regulated on the basis of rate of return on rate base, plus a recovery of allowable
distribution costs. In non-rebasing years, customer electricity distribution rates are set using inflationary factors less an efficiency target
under the Fourth-Generation Incentive Regulation Mechanism as prescribed by the OEB. Algoma Power is also subject to the use and
implementation of the Rural and Remote Rate protection ("RRRP") Program. The RRRP Program is calculated as the deficiency between
the approved revenue requirement from the OEB and current customer electricity distribution rates, adjusted for the average rate
increase across the province of Ontario. Canadian Niagara Power and Algoma Power use a future test year in the establishment of rates.
Canadian Niagara Power's allowed ROE for distribution assets was set at 8.93% for 2014 and 2015 and the allowed ROE for transmission
assets was set at 8.93% for 2014 and 9.30% for 2015, both on a deemed capital structure of 40% common equity. Algoma Power's
allowed ROE was set at 9.85% for 2014 and 9.30% for 2015 on a deemed capital structure of 40% common equity. Cornwall Electric is
subject to a rate-setting mechanism under a 35-year Franchise Agreement with the City of Cornwall expiring in 2033 and, therefore, is
exempt from many aspects of the above Acts. The rate-setting mechanism is based on a price cap with commodity cost flow through. The
base revenue requirement is adjusted annually for inflation, load growth and customer growth.

Regulated Electric Utilities - Caribbean
Caribbean Utilities operates under T&D and generation licenses from the Government of the Cayman Islands, The exclusive T&D licence
is for an init ial period of  20 years, expir ing April 2028, with a provis ion for automatic  renewal. In November 2014 a new
non-exclusive generation license was issued for a term of 25 years, expiring in November 2039. The licences detail the role of the
Electricity Regulatory Authority, which oversees all licences, establishes and enforces licence standards, reviews the rate-cap adjustment
mechanism ("RCAM"), and annually approves capital expenditures. The licences contain the provision for an RCAM based on published
consumer price indices. Caribbean Utilities' targeted allowed ROA for 2015 was in the range of 7.25% to 9.25%, compared to a range
of 7.00% to 9.00% for 2014.

Fortis Turks and Caicos operates under two 50-year licenses expiring in 2036 and 2037. Among other matters, the licences describe how
electricity rates are set by the Government of the Turks and Caicos Islands, using a historical test year, in order to provide the utilities with
an allowed ROA of between 15.0% and 17.5% (the "Aflowable Operating Profit"). The Allowable Operating Profit is based on a calculated
rate base including interest on the amounts by which actual operating profits fall short of the Allowable Operating Profits on a cumulative
basis (the "Cumulative Shortfall"). Annual submissions are made to the Government of the Turks and Caicos Islands calculating the
amount of the Allowable Operating Profit and the Cumulative Shortfall. The submissions for 2015 calculated the Allowable Operating Profit
to be $51 million (US$40 million) and the Cumulative Shortfall as at December 31, 2015 to be $274 million (US$198 million). The recovery
of the Cumulative Shortfall is, however, dependent on future sales volumes and expenses. The achieved ROAs at the utilities have been
significantly lower than those allowed under the licences as a result of the inability, due to economic and political factors, to increase base
electricity rates associated with significant capital investment in recent years.
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3. SUMMARY OF SIGNIFICANT ACCOUNTING POLICIES

The consolidated financial statements have been prepared in accordance with accounting principles generally accepted in the
United States ("US GAAP"), which for regulated utilities include specific accounting guidance for regulated operations, as outlined in
Note 2, and the following summary of significant accounting policies.

All amounts presented are in Canadian dollars unless otherwise stated.

Basis of Presentation

The consolidated financial statements reflect the Corporation's investments in its subsidiaries on a consolidated basis, with the equity
method used for entities in which Fortis has significant influence, but not control, and proportionate consolidation for generation and
transmission assets that are jointly owned with non-affiliated entities. All material intercompany transactions have been eliminated in the
consolidated financial statements.

An evaluation of subsequent events through to February 17, 2016, the date these consolidated financial statements were approved by the
Board of Directors of Fortis ("Board of Directors"), was completed to determine whether the circumstances warranted recognition and
disclosure of events or transactions in the consolidated financial statements as at December 31, 2015 (Note 35).

Cash and Cash Equivalents

Cash and cash equivalents include cash and short-term deposits with initial maturities of three months or less from the date of deposit.

Allowance for Doubtful Accounts

The allowance for doubtful accounts reflects management's best estimate of uncollectible accounts receivable balances. Fortis and each of
its subsidiaries maintain an allowance for doubtful accounts that is estimated based on a variety of factors including accounts receivable
aging, historical experience and other currently available information, including events such as customer bankruptcy and economic
conditions. Interest is charged on accounts receivable balances that have been outstanding for more than 21 to 30 days. Accounts
receivable are written-off in the period in which the receivable is deemed uncollectible.

Inventories

Inventories, consisting of materials and supplies, gas, fuel and coal in storage, are measured at the lower of weighted average cost
and market value, unless evidence indicates that the weighted average cost, even in excess of market, will be recovered in future
customer rates.

Regulatory Assets and Liabilities

Regulatory assets and liabilities arise as a result of the rate-setting process at the Corporation's regulated utilities. Regulatory assets
represent future revenues arid/or receivables associated with certain costs incurred that will be, or are expected to be, recovered from
customers in future periods through the rate-setting process. Regulatory liabilities represent future reductions or limitations of increases in
revenue associated with amounts that will be, or are expected to be, refunded to customers through the rate-setting process.

All amounts deferred as regulatory assets and liabilities are subject to regulatory approval. As such, the regulatory authorities could alter
the amounts subject to deferral, at which time the change would be reflected in the consolidated financial statements. Certain remaining
recovery and settlement periods are those expected by management and the actual recovery or settlement periods could differ based on
regulatory approval.

Investments

Portfolio investments are accounted for on the cost basis. Declines in value considered to be other than temporary are recorded in the
period in which such determinations are made. Investments in which the Corporation exercises significant influence are accounted for on
the equity basis. The Corporation reviews its investments on an annual basis for potential impairment in investment value. Should an
impairment be identified, it will be recognized in the period in which such impairment is identified.

Available-for-Sale Assets

The Corporation's assets designated as available-for-sale are measured at fair value based on quoted market prices. Unrealized gains or
losses resulting from changes in fair value are recognized in accumulated other comprehensive income and are reclassified to earnings
when the assets are sold.
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Utility Capital Assets

Utility capital assets are recorded at cost less accumulated depreciation. Contributions in aid of construction represent amounts
contributed by customers and governments for the cost of utility capital assets. These contributions are recorded as a reduction in the east
of utility capital assets and are being amortized annually be' an amount equal to the charge for depreciation provided on the related assets.

Each of UNS Energy, Central Hudson, FortisBC Energy,i FortisAlberta, Newfoundland Power and Maritime Electric accrue estimated
non-asset retirement obligations ("AROs") removal costs in depreciation, as required by their respective regulator, with the amount
provided for in depreciation recorded as a long-term regulatory liability (Note 8 (xiv)). Actual non-ARO removal costs are recorded against
the regulatory liability when incurred. As permitted by the regulator, FortisBC Electric records actual non-ARO removal costs, net of
salvage proceeds, against accumulated depreciation as incurred. FortisOntario, Fortis Turks and Caicos and Waneta Expansion recognize
non~ARO removal costs, net of salvage proceeds, in earnings in the period incurred. Caribbean Utilities recognizes non-ARO removal costs
in utility capital assets.

Utility capital assets are derecognize on disposal or when no future economic benefits are expected from their use. Upon retirement or
disposal of utility capital assets, any difference between the cost and accumulated depreciation of the asset, net of salvage proceeds, is
charged to accumulated depreciation by UNS Energy, Central Hudson, FortisBC Energy, FortisAlberta, FortisBC Electric, Newfoundland Power,
Maritime Electric, Caribbean Utilities and Fortis Turks and Caicos, as required by their respective regulator, with no gain or loss, if any,
recognized in earnings. it is expected that any gains or losses charged to accumulated depreciation will be reflected in future depreciation
expense when they are refunded or collected in customer electricity and gas rates. At FortisOntario, as required by its regulator, and the
Waneta Partnership, any remaining net book value, net of salvage proceeds, upon retirement or disposal of utility capital assets is
recognized immediately in earnings.

As required by their respective regulator, UNS Energy, Central Hudson, FortisBc Energy, FortisAlberta, FortisBC Electric, Newfoundland Power,
Maritime Electric, Caribbean Utilities and Fortis Turks and Caicos, capitalize overhead costs that are not directly attributable to specific
utility capital assets but relate to the overall capital expenditure program. The methodology for calculating and allocating capitalized
general overhead costs to utility capital assets is established by the respective regulator.

As required by their respective regulator, UNS Energy, Central Hudson, FortisBC Energy, FortisAlberta, FortisBC Electric, Newfoundland Power,
Maritime Electric and Caribbean Utilities include in the cost of utility capital assets both a debt and an equity component of the allowance
for funds used during construction ("AFUDC"). The debt component of AFUDC is reported as a reduction of finance charges (Note 25) and
the equity component of AFUDC is reported as other income (Note 24). Both components of AFUDC are charged to earnings through
depreciation expense over the estimated service lives of the applicable utility capital assets. AFUDC is calculated in a manner as prescribed
by the respective regulator.

Ar FortisAlberta, the cost of utility capital assets also includes Alberta Electric System Operator ("AESO") contributions, which are
investments required by FortisAlberta to partially fund the construction of transmission facilities.

As approved by the regulator, FortisBC Energy has reduced the amounts reported for utility capital assets by the amount of government
loans received in connection with the construction and operation of the Vancouver Island natural gas pipeline. As the loans are repaid and
replaced with non-government loans, FortisBC Energy increases both utility capital assets and long-term debt (Note 15).

Utility capital assets include inventories held for the development, construction and betterment of other utility capital assets, with the
exception of UNS Energy. As required by its regulator, UNS Energy recognizes inventories held for the development and construction of
other utility capital assets in inventories until consumed. When put into service, the inventories are reclassified to utility capital assets (Note 7)-

Maintenance and repairs of utility capital assets are charged to earnings in the period incurred, while replacements and betterments which
extend the useful lives are capitalized. ;

Utility capital assets are depredated using the straight-li e method based on the estimated service lives of the utility capital assets.
Depreciation rates for regulated utility capital assets are proved by the respective regulator. Depreciation rates for 2015 ranged from
1.3% to 43.2% (2014 - 1.3% to 43.2%). The weighted verge composite rate of depreciation, before reduction for amortization of
contributions in aid of construction, for 2015 was 3.1% (20114 - 3.2%).
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3 . S U M M A R Y  O F  S I G N I F I C A N T A C C U U N T I N G  P O L I C I E S  ( c o n t ' d )

U t i l i t y  C a p i t a l  A s s e t s  ( c o n t ' d )

T h e  s e r v i c e  l i f e  r a n g e s  a n d  w e i g h t e d  a v e r a g e  r e m a i n i n g  s e r v i c e  l i f e  o f  t h e  C o r p o r a t i o n ' s  d i s t r i b u t i o n ,  t r a n s m i s s i o n ,  g e n e r a t i o n  a n d  o t h e r

a s s e t s  a s  a t  D e c e m b e r  3 1  w e r e  a s  f o l lo w s :

Notes to Consolidated Financial Statements
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Non-Uti l i ty  Capi tal  Assets

i n  2 0 1 5  t h e  C o r p o r a t i o n  s o l d  i t s  c o m m e r c i a l  r e a l  e s t a t e  a n d  h o t e l  a s s e t s ,  w h i c h  i n c l u d e d  o f f i c e  b u i l d i n g s ,  s h o p p i n g  m a l l s ,  h o t e l s ,  l a n d ,

c o n s t r u c t i o n  i n  p r o g r e s s ,  a n d r e l a t e d e q u i p m e n t  a n d t e n a n t i n d u c e m e n t s  ( N o t e  2 8 ) .  N o n - u t i l i t y c a p i t a l a s s e t s  w e r e  r e c o r d e d  a t cost  less

a c c u m u la t e d  d e p r e c i a t i o n ,  w h e r e  a p p l i c a b le ,  u s i n g  t h e  s t r a i g h t - l i n e  m e t h o d  o f  d e p r e c i a t i o n .

Maintenance and repai rs were charged to earnings in the period incurred, while replacements  and bet terments which extended the useful
lives were capi ta l ized.

l e a s e s

Leases that transfer to the Corporation substantially all of the risks and benefits incidental to ownership of the leased item are capitalized
at the present value of the minimum lease payments. Included as capital leases are any arrangements that qualify as leases by conveying
the right to use a specific asset.

Capi ta l  leases  are deprec ia ted over  t he lease tem,  except  where ownersh ip  o f  t he asset  is  t rans fer red a t  t he end of  t he lease term,  in
which case capi ta l leases are depreciated over  t he es t imated serv ice l i fe of the underlying asset .  Where; the regulator has approved
recovery  o f  t he  ar rangements  as operating leases for rate-setting purposes t ha t  w ou ld  o t he rw is e  qua l i f y as capital leases f o r  f inanc ia l
repor t ing purposes ,  the timing of the expense recognition related to the lease i s  modi f ied to  conform w i th the rate-setting process.

Operat ing lease payments  are recognized as an expense in earnings  on a straight-line basis over the lease term.

I n t a n g i b l e  A s s e s

intangible assets  are recorded at  cos t  less  accumulated amort izat ion.  Intangib le assets  are compr ised of  computer  sof tware cos ts ,  land,
t rans m is s ion  and w at er  r igh t s .  and  f ranc h is e  f ees .  T he c os t  o f  in t ang ib le  as s e t s  a t  t he  C orpora t ion 's  regu la t ed  s ubs id ia r ies  inc ludes
amounts  for  AFUDC and al located overhead,  where permit ted by  the respect ive regulators .  Costs  incurred rd renew or ex tend the term of
an intangible asset  are capital ized and amort ized over the new term of  the intangible asset .

The useful  l ives  of  intangible assets  are assessed to be ei ther indef in i te or  f in i te.  Intangible assets  w i th indef in i te useful  l ives  are tes ted
for  impa i rment  annua l ly ,  e i t her  ind iv idua l ly  o r  a t  t he  repor t ing  un i t  leve l ,  i f  t hey  are  he ld  in  a  regu la ted U t i l i t y .  Such in tang ib le  asset s
are not  amort ized.  Indef in i te- l ived intangible assets ,  not  subjec t  to amort izat ion,  cons is t  of  cer ta in land,  t ransmiss ion and water  r ights  at
UNS Energy,  Fort isBC Energy,  Fort isBC Elec t r ic  and the Waneta Partnership.  An intangible asset  w i th an indef ini te useful  l i fe is  rev iewed
annual ly  to determine whether the indef in i te l i fe assessment  cont inues  to be supportable.  I f  not ,  the change in the useful  l i fe assessment
f rom indef in i t e  to  f in i t e is made on a prospect ive basis .

In tes t ing indef in i te- l ived intangible assets  for  impairment ,  the Corporat ion has  the opt ion,  on an annual  bas is ,  of  performing a qual i tat ive
assessment  be fore  ca lcu la t ing  f a i r  va lue .  I f  t he  qua l i t a t i ve  f ac tors  ind ica te  t ha t  f a i r  va lue  is  50% or  more I ike ly  t o  be  greater  t han t he
carry ing value,  calculat ion of  fair  value would not  be required.
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Fortis performs the annual impairment test as at October= 1. In addition, the Corporation also performs an impairment test if any event
occurs or if circumstances change that would indicate that the fair value of the indefinite-lived intangible assets is below its carrying value
No such event or change in circumstances occurred during=2015 or 2014 and there were no impairment provisions required in either year
For its annual testing of impairment for indefinite-lived intangible assets, Fortis uses the approach for the annual testing for goodwill
impairment as disclosed in this Note under "Goodwill

Notes to Consolidated Financial Statements

Intangible assets with finite lives are amortized using the straight-line method based on the estimated service lives of the assets and are
assessed for impairment whenever there is an indication that the intangible asset may be impaired. Amortization rates for regulated
intangible assets are approved by the respective regulator

Impairment testing for indefinite-lived intangible assets isicarried out at the reporting unit level at the regulated utilities. A fair rate of
return on the indefinite-lived intangible assets is provided through customer electricity and gas rates, as approved by the respective
regulatory authority. The net cash flows for regulated enterprises are not asset-specific but are pooled for the entire regulated utility

Amortization rates for 2015 ranged from 1.0% to 50.0% (2014 - 1.0% to 50.0%). The service life ranges and weighted average remaining
service life of finite-life intangible assets as at December av were as follows

Service Life
Ranges

Weighted Average
Remaining
Service Life

4
32

(YeaW

Computer software
Land, transmission and water rights
Franchise fees and other 10-100

Intangible assets are derecognize on disposal or when no future economic benefits are expected from their use. Upon retirement or disposal
of intangible assets, any difference between the cost andaccumulated amortization of the asset, net of salvage proceeds, is charged to
accumulated amortization by ans Energy, Central Hudson, FortisBC Energy, FortisAlberta, FortisBC Electric, Newfoundland Power
Maritime Electric, Caribbean Utilities and Fortis Turks Andi Caicos, as required by their respective regulator, with no gain or loss, if any
recognized in earnings. It is expected that any gains or losses charged to accumulated amortization will be reflected in future amortization
costs when they are refunded or collected in customer electricity and gas rates. At FortisOntario, as required by its regulator, and the
Waneta Partnership, any remaining net book value, net of salvage proceeds, upon retirement or disposal of intangible assets is recognized
immediately in earnings

Impairment of Long-Lived Assets

The Corporation reviews the valuation of utility capital assets, intangible assets with finite lives and other long-term assets when events or
changes in circumstances indicate that the assets' carrying value exceeds the total undiscounted cash flows expected from their use and
eventual disposition. An impairment loss, calculated as the difference between the assets' carrying value and their fair value, which is
determined using present value techniques, is recognized in earnings in the period in which it is identified. There was no material impact
on the consolidated financial statements as a result of regulated long-lived asset or non-regulated generation asset impairments for the
years ended December 31, 2015 and 2014. Certain of the Corporation's non-utility hotel assets, all of which were sold in 2015, were
subject to an impairment charge as a result of the carrying amount of the assets exceeding their fair value (Note 28)

Asset-impairment testing at the regulated utilities is carried out at the enterprise level to determine if assets are impaired. The recovery
of regulated assets' carrying value, including a fair rate Of return, is provided through customer electricity and gas rates approved by
the respective regulatory authority. The net cash flows for regulated enterprises are not asset-specific but are pooled for the entire
regulated utility.

The process for asset-impairment testing differs for non regulated generation assets compared to regulated utility assets. Since each
non-regulated generating facility provides an individual co t flow stream, such an asset is tested individually and impairment is recorded if
the future net cash flows are no longer sufficient to recon the carrying value of the generating facility
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For the years ended December 31, 2015 and 2014

3 . S U M M A R Y  OF  S I GN I F I C A N T  A C C OU N T I N G POLI C I ES ( c on t 'd )

Goodwi l l  represents  the excess ,  at  the dates  of  acquis i t ion,  of  the purchase pr ice over the fa i r  value of  they  net  tangible and ident i f iable
intangible assets  acquired and l iabi l i t ies  assumed relat ing to bus iness  acquis i t ions .  Goodwi l l  is  carr ied at  in i t ia l  cos t  less  any  wr i te-down
f o r  im pa i rm ent

For t is  per f orms  an annua l  in t erna l  quant i t a t ive  assessment  f o r  each repor t ing  un i t .  For  t hose repor t ing  un i t s  where:  ( i )  management 's
assessment  of  quant i tat ive and qual i tat ive fac tors  indicates  that  fa i r  value is  not  50% or more l ikely  to be greater  than carry ing value,  or
( i i )  where the excess of  est imated fair  value over carry ing value,  as determined by an external consultant  as Of  the date of  the immediately
preced ing impai rment  t es t ,  was  not  s ign i f i cant ,  t hen f a i r  va lue o f  t he  repor t ing  un i t  w i l l  be  es t imated by  ion  ex terna l  consu l t ant  in  t he
c ur ren t  y ear .  I r res pec t i v e  o f  t he  abov e-not ed  approac h,  a  repor t ing  un i t  t o  w h ic h  goodw i l l  has  been a l loc a t ed  may  hav e i t s  f a i r  v a lue
es t imat ed by  an  ex t erna l  consu l t an t  as  a t  t he  annua l  impa i rment  da t e ,  as  F or t i s  w i l l ,  a t  a  m in imum,  have f a i r  va lue  f o r  each mat er ia l
report ing unit  est imated by an external consultant  once every f ive years

For t is  per forms  the annual  impai rment  tes t  as  at  Oc tober  1.  In  addi t ion,  the Corporat ion a lso per forms  any  impai rment  tes t  i f  any  event
occurs  or  i f  c i rcumstances  change that  would indicate that  the fa i r  value of  a repor t ing uni t  is  below i t s  cadging value.  No such event  or
change in c ircumstances occurred during 2015 or 2014 and no impairment  prov is ions were required in ei ther 5/ear

In calculat ing goodwil l  impairment ,  Fort is  determines those report ing units  that  w i l l  have fair  value est imated by an external consultant ,  as
described above,  and such est imated fair  value is  then compared to the book value of  the appl icable report ing units .  I f  the fair  value of  the
repor t ing  un i t  i s  les s  t han  t he  book  v a lue ,  a  s ec ond m eas urem ent  s t ep  i s  per f o rm ed t o  de t e rm ine  t he  am ount  o f  t he  im pa i rm ent .  T he
amount  of  the impairment  is  determined by  deduc t ing the fa i r  value of  the repor t ing uni t 's  assets  and l iabi l i t ies  f rom the fa i r  value of  the
repor t ing un i t  t o  determ ine the impl ied f a i r  va lue o f  goodw i l l ,  and then compar ing t hat  amount  t o  t he book  va lue o f  t he repor t ing un i t 's
goodwi l l .  Any excess of  the book value of  the goodwi l l  over the impl ied fair  value is  the impairment  amount  recognized

Go o d wi l l

The pr imary  method f or  es t imat ing  f a i r  va lue o f  t he  repor t ing  un i t s  i s  t he  income approach,  whereby  net  Cash f low  pro jec t ions  f o r  t he
repo r t i ng  un i t s  a re  d i s c oun t ed  us ing  an  en t e rp r i s e  v a lue  app roac h .  U nde r  t he  en t e rp r i s e  v a lue  app roac h ,  s us t a i nab le  c as h  f l ow  i s
de t e rm ined on  an  a f t e r - t ax  bas is ,  p r io r  t o  t he  deduc t ion  o f  in t e res t  ex pens e,  and  i s  t hen  d is c ount ed  a t  t he  w e igh t ed  av erage c os t  o f
c ap i t a l  t o  y ie ld  t he  v a lue  o f  t he  en t erpr i s e .  An  en t erpr i s e  v a lue  approac h does  no t  as s es s  t he  appropr ia t enes s  o f  t he  repor t ing  un i t ' s
ex is t ing debt  level .  The es t imated fa i r  va lue of  the repor t ing uni t  is  then determ ined by  subt rac t ing the fa in va lue of  the repor t ing uni t 's
in teres t -bear ing debt  f rom the enterpr ise va lue of  t he repor t ing un i t .  A secondary  va luat ion method,  t he r r larket  approach,  may  a lso be
per formed by  an ex ternal  consul tant  as  a check  on the conc lus ions  reached under  the income approach.  The market  approach inc ludes
comparing var ious valuat ion mult iples  underly ing the discounted cash f low analys is  of  the appl icable report ing uni ts  to t rading mult iples  of
gu ide l ine ent i t ies  and recent  t ransac t ions  invo lv ing gu ide l ine ent i t ies ,  recogniz ing d i f f erences  in  grow th eXpec tat ions ,  produc t  m ix  and
r isks  of  those guidel ine ent i t ies  w ith the appl icable report ing uni ts

Employee Future Benef i ts

i red Benef i t  and DeNned Cont r ibut ion Pens ion Plans
T h e  C o r p o r a t i o n  a n d  i t s  s u b s i d i a r i e s  e a c h  m a i n t a i n  o n e  o r  a  c o m b i n a t i o n  o f  d e f i n e d  b e n e f i t  p e n s i o n .  p l a n s ,  i n c l u d i n g  r e t i r e m e n t
a l lowances  and supplementa l  ret i rement  p lans  for  cer ta in execut ive employees ,  and def ined cont r ibut ion pens ion plans, i nc lud ing  group
Regis tered Ret i rement  Sav ings  P lans  and group 401(k )  p lans  for  employees .  The pro jec ted benef i t  ob l igat ion and the va lue of  pens ion
cost  assoc iated w ith the def ined benef i t  pens ion plans are ac tuar ial ly  determined us ing the projec ted benef i ts  method prorated on serv ice
and management 's  best  es t imate of  expected plan investment  performance,  salary  escalat ion and expected ret i rement  ages of  employees.
D i s c o u n t  r a t e s  r e f l e c t  m a r k e t  i n t e r e s t  r a t e s  o n  h i g h - q u a l i t y  b o n d s  w i t h  c a s h  f l o w s  t h a t  m a t c h  t h e  t i m i n g  a n d  a m o u n t  o f  e x p e c t e d
pens ion payments

W i t h  t h e  e x c e p t i o n  o f  F o r t i s B C  E n e r g y  a n d  N e w f o u n d l a n d  P o w e r ,  p e n s i o n  p l a n  a s s e t s  a r e  v a l u e d  a t  f a i r  v a l u e  f o r  t h e  p u r p o s e  o f
determining pens ion cost .  At  Fort isBC Energy and Newfoundland Power,  pens ion plan assets  are valued us ing the market -related value for
the purpose of  determining pens ion cos t ,  where inves tment  returns  in excess  of ,  or  below,  expec ted return 's  are recognized in the asset
value over a period of  three years

The excess  of  any  cumulat ive net  ac tuar ia l  ga in or  loss  over  10% of  the greater  of  the pro jec ted benef i t  ob l igat ion and the fa i r  va lue of
plan assets (the market-related value of  plan assets at  Fort isBC Energy and Newfoundland Power) at  the beginning of  the f iscal year,  along

with unamort ized past  serv ice costs,  are deferred and amort ized over the average remaining serv ice period of  iact ive employees

The net  funded or unfunded s tatus  of  def ined benef i t  pens ion plans ,  measured as  the di f ference between the fai r  value of  the plan assets
and the projec ted benef i t  obl igat ion,  is  recognized on the Corporat ion's  consol idated balance sheet
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With the exception of UNS Energy, FortisAlberta and Maritime Electric, any difference between pension cost recognized under US GAAP
and that recovered from customers in current rates for defined benefit pension plans, which is expected to be recovered from, or refunded
to, customers in future rates, is subject to deferral account treatment (Note 8 00). As approved by the regulator, the cost of defined benefit
pension plans at FortisAlberta is recovered in customer rates based on the cash payments made.

At UNS Energy, Central Hudson, FortisBC Energy, FortisAlberta, FortisBC Electric, Newfoundland Power, Maritime Electric and
FortisOntario, any unamortized balances related to net actuarial gains and losses, past service costs and transitional obligations associated
with defined benefit pension plans, which would otherwise be recognized in accumulated other comprehensive income, are subject to
deferral account treatment (Note 8 017). At Fortis, FHl and Caribbean Utilities, any unamortized balances related to net actuarial gains and
losses, past service costs and transitional obligations associated with defined benefit pension plans are recognized in accumulated other
comprehensive income.

The costs of the defined contribution pension plans are expensed as incurred.

Other Post-Employment Benefits Plans
UNS Energy, Central Hudson, FortisBC Energy, FortisAlberta, FortisBC Electric, Newfoundland Power, Maritime Electric, FortisOntario and
the Corporation also offer other post-employment benefits ("OPEB") plans, including certain health and dental coverage and life insurance
benefits, for qualifying members. The accumulated benefit obligation and the cost associated with OPEB plans are actuarially determined
using the projected benefits method prorated on service and management's best estimate of expected plan performance, salary
escalation, expected retirement ages of employees and health care costs. Discount rates reflect market interest rates on high-quality bonds
with cash flows that match the timing and amount of expected OPEB payments.

The excess of any cumulative net actuarial gain or loss over 10% of the accumulated benefit obligation and the fair value of plan assets at
the beginning of the fiscal year, along with unamortized past service costs, are deferred and amortized over the average remaining service
period of active employees.

The met funded or unfunded status of OPEB plans, measured as the difference between the fair value of the plan assets and the
accumulated benefit obligation, is recognized on the Corporation's consolidated balance sheet.

As approved by the regulator, the cost of OPEB plans at FortisAlberta is recovered in customer rates based on the cash payments made.

With the exception of UNS Energy and FortisAlberta, any difference between the cost of OPEB plans recognized under US GAAP and that
recovered from customers in current rates, which is expected to be recovered from, or refunded to, customers in future rates, is subject to
deferral account treatment (Note 8 (ii)).

At FortisAlberta, the difference between the cost of OPEB plans recognized under US GAAP and that recovered from customers in current
rates does not meet the criteria for deferral account treatment and, therefore, FortisAlberta recognizes in earnings the cost associated with
its OPEB plan as actuarially determined, rather than as approved by the regulator. Unamortized OPEB plan balances at FortisAlberta related
to net actuarial gains and losses and past service costs are recognized as a component of other comprehensive income.

Stock-Based Compensation

The Corporation records compensation expense related to stock options granted under its 2002 Stock Option Plan ("2002 Plan"),
2006 Stock Option Plan ("2006 Plan") and 2012 Stock Option Plan ("2012 Plan") (Note 23). Compensation expense is measured at the date
of grant using the Black-Scholes fair value option-pricing model and each grant is amortized as a single award evenly over the four-year
vesting period of the options granted. The offsetting entry is an increase to additional paid-in capital for an amount equal to the annual
compensation expense related to the issuance of stock options. The stock options become exercisable once time vesting requirements
have been met. Upon exercise, the proceeds of the options are credited to capital stock at the option prices and the fair value of the
options, as previously recognized, is reclassified from additional paid-in capital to capital stock. An exercise of options below the current
market price of the Corporation's common shares has a dilutive effect on the Corporation's consolidated capital stock and shareholders'
equity. Fortis satisfies stock option exercises by issuing common shares from treasury.

The Corporation also records liabilities associated with its Directors' Deferred Share Unit ("DSU"), Performance Share Unit ("PSU") and
Restricted Share Unit ("RSU") Plans, all representing cash settled awards, at fair value at each reporting date until settlement.
Compensation expense is recognized on a straight-line basis over the vesting period, which, for the PSU and RSU Plans, is over the shorter
of three years or the period to retirement eligibility. The fair value of the DSU, PSU and RSU liabilities is based on the five-day volume
weighted average price ("VW AP") of the Corporation's common shares at the end of each reporting period. The VW AP of the
Corporation's common shares as at December 31, 2015 was $37.72 (December 31, 2014 - $38.96) The fair value of the PSU liability is also
based on the expected payout probability, based on historical performance in accordance with the defined metrics of each grant and
management's best estimate.
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SUMMARY OF SIGNIFICANT ACCOUNTING POLICIES (cont'd)

Foreign Currency Translation

The assets and liabilities of the Corporation's foreign operations, UNS Energy, Central Hudson, Caribbean Utilities, Fortis Turks and Caicos
and BECOL, all of which have a US dollar functional currency, are translated at the exchange rate in effect as at the balance sheet date.
The exchange rate in effect as at December 31, 2015 was US$1.00=CAD$1.38 (December 31, 2014 - US$1.00=CAD$1.16). The resulting
unrealized translation gains and losses are excluded from the determination of earnings and are recognized in accumulated other
comprehensive income until the foreign subsidiary is sold, substantially liquidated or evaluated for impairment in anticipation of disposal.
Revenue and expenses of the Corporation's foreign operations are translated at the average exchange rate in effect during the reporting
period, which was US$1.00=CAD$1.28 for 2015 (2014 - US$1.00=CAD$1.10).

The Corporation's approximate 33% equity investment in Belize Electricity is translated at the exchange rate in effect as at the balance sheet
date. The resulting unrealized translation gains and losses are excluded from the determination of earnings and are recognized in
accumulated other comprehensive income until the investment is sold, substantially liquidated or evaluated for impairment in anticipation
of disposal (Notes 9 and 24).

Foreign exchange translation gains and losses on foreign currency-denominated long-term debt that is designated as an effective hedge
of foreign net investments are accumulated as a separate component of shareholders' equity within accumulated other comprehensive
income and the current period change is recorded in other comprehensive income.

Monetary assets and liabilities denominated in foreign currencies are translated at the exchange rate prevailing at the balance sheet date.
Revenue and expenses denominated in foreign currencies are translated at the exchange rate prevailing at the transaction date. Gains and
losses on translation are recognized in earnings.

Derivative Instruments and Hedging Activities

The Corporation and its subsidiaries use various physical and financial derivative instruments to meet forecast load and reserve
requirements, to reduce exposure to fluctuations in commodity prices and foreign exchange rates, and to hedge interest rate risk
exposure. The Corporation does not hold or issue derivative instruments for trading purposes and generally limits the use of derivative
instruments to those that qualify as accounting, economic or cash flow hedges. As at December 31, 2015, the Corporation's derivative
instruments primarily consisted of electricity swap contracts, gas swap and option contracts, electricity power purchase contracts, gas
purchase contract premiums, long-term wholesale trading contracts, and interest rate swaps (Note 31).

All derivative instruments that do not meet the normal purchase or normal sale scope exception are recognized as assets or liabilities on
the consolidated balance sheet and are measured at fair value. Changes in fair value are recognized in earnings unless the instruments
qualify, and are designated, as an accounting or economic hedge.

Derivative instruments that meet the normal purchase or normal sale scope exception are not measured at fair value and settled amounts
are recognized as energy supply costs on the consolidated statements of earnings. Derivative contracts under master netting agreements
and collateral positions are presented on a gross basis. The Corporation is required to bifurcate embedded derivatives from their host
instruments and account for them as free-standing derivative instruments if they meet specified criteria.

For derivatives designated as hedging contracts, the Corporation's utilities formally assess, at inception and thereafter, whether the
hedging contract is highly effective in offsetting changes in the hedged item. The hedging strategy by transaction type and risk
management strategy is formally documented. As at December 31, 2015, the Corporation's hedging relationships primarily consisted of
interest rate swaps and Us dollar-denominated borrowings.

The Corporation's earnings from, and net investments in, foreign subsidiaries and significant influence investments are exposed to
fluctuations in the US dollar-to-Canadian dollar exchange rate. The Corporation has decreased a portion of the above-noted exposure
through the use of us dollar-denominated borrowings at the corporate level. The Corporation has designated its corporately issued
us dollar long-term debt as a hedge of a portion of the foreign exchange risk related to its foreign net investments. Foreign currency
exchange rate fluctuations associated with the translation of the Corporation's corporately issued us dollar-denominated borrowings
designated as hedges are recognized in other comprehensive income and help offset unrealized foreign currency exchange gains and
losses on the foreign net investments, which gains and losses are also recognized in other comprehensive income.

For derivatives not designated as hedging contracts, the settled amount is generally included in regulated rates, as permitted by the
respective regulators. Accordingly, the net unrealized gains and losses associated with changes in fair value of the derivative contracts are
recorded as regulatory assets or liabilities for recovery from, or refund to, customers in future rates (Note 8 (yiD).
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Income Taxes

The Corporation and its subsidiaries follow the asset and liability method of accounting for income taxes. Under this method, deferred
income tax assets and liabilities are recognized for temporary differences between the tax and accounting basis of assets and liabilities, as
well as for the benefit of losses available to be carried forward to future years for tax purposes that are more likely than not to be realized.
Valuation allowances are recognized against deferred tax assets when it is more likely than not that a portion of, or the entire amount of,
the deferred income tax asset will not be realized. Deferred income tax assets and liabilities are measured using enacted income tax rates
and laws in effect when the temporary differences are expected to be recovered or settled. The effect of a change in income tax rates on
deferred income tax assets and liabilities is recognized in earnings in the period that the change occurs. Current income tax expense or
recovery is recognized for the estimated income taxes payable or receivable in the current year.

As approved by the respective regulator, UNS Energy, Central Hudson and Maritime Electric recover current and deferred income tax
expense in customer rates. As approved by the regulator, FortisAlberta recovers income tax expense in customer rates based only on
income taxes that are currently payable. FortisBC Energy, FortisBC Electric, Newfoundland Power and FortisOntario recover income tax
expense in customer rates based only on income taxes that are currently payable, except for certain regulatory balances for which deferred
income tax expense is recovered from, or refunded to, customers in current rates, as prescribed by the respective regulator. Therefore,
with the exception of certain deferred tax balances of FortisBC Energy, Fortis BC Electric, Newfoundland Power and FortisOntario, current
customer rates do not include the recovery of deferred income taxes related to temporary differences between the tax basis of assets and
liabilities and their carrying amounts for regulatory purposes, as these taxes are expected to be collected in customer rates when they
become payable. These utilities recognize an offsetting regulatory asset or liability for the amount of deferred income taxes that are
expected to be collected from or refunded to customers in rates once income taxes become payable or receivable (Note 8 0)).

For regulatory reporting purposes, the capital cost allowance pool for certain utility capital assets at FortisAlberta is different from that for
legal entity corporate income tax filing purposes. In a future reporting period, yet to be determined, the difference may result in higher
income tax expense than that recognized for regulatory rate-setting purposes and collected in customer rates.

Caribbean Utilities and Fortis Turks and Caicos are not subject to income tax as they operate in tax-free jurisdictions. BECOL is not subject
to income tax as it was granted tax-exempt status by the GOB for the terms of its 50-year PPAs.

Any difference between the income tax expense recognized under US GAAP and that recovered from customers in current rates that is
expected to be recovered from customers in future rates, is subject to deferral account treatment (Note 8 (i)).

The Corporation intends to indefinitely reinvest earnings from certain foreign operations. Accordingly, the Corporation does not provide
for deferred income taxes on temporary differences related to investments in foreign subsidiaries. The difference between the carrying
values of these foreign investments and their tax bases, resulting from u repatriated earnings and currency translation adjustments, is
approximately $565 million as at December 31, 2015 (December 31, 2014 _ $384 million). If such earnings are repatriated, in the form of
dividends or otherwise, the Corporation may be subject to income taxes and foreign withholding taxes. The determination of the amount
of unrecognized deferred income tax liabilities on such amounts is impractical. Canada has entered into Tax information Exchange
Agreements ("TIEAs") with Bermuda, the Cayman Islands and the Turks and Caicos Islands. Consequently, earnings from the Corporation's
foreign subsidiaries operating in these regions, subsequent to 2010, can be repatriated to Canada on a tax-free basis and, therefore, are
not included in the amount of temporary differences noted above, as no taxes are payable on these earnings. If a TIEA is entered into with
Belize, earnings from the Corporation's operations in Belize would also be able to be repatriated to Canada on a tax-free basis.
Negotiations between the Government of Canada and the GOB commenced in June 2010.

Tax benefits associated with income tax positions taken, or expected to be taken, in an income tax return are recognized only when the
more likely than not recognition threshold is met. The tax benefits are measured at the largest amount of benefit that is greater than 50%
likely to be realized upon settlement. The difference between a tax position taken, or expected to be taken, and the benefit recognized
and measured pursuant to this guidance represents an unrecognized tax benefit.

Income tax interest and penalties are expensed as incurred and included in income tax expense. At FortisAlberta, investment tax
credits are deducted from the related assets and are recognized as a reduction of income tax expense as the Company becomes taxable
for rate-setting purposes.
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3. SUMMARY OF SIGNIFICANTACCOUNTING POLICIES (cont'd)

Sales Taxes

In the course of its operations, the Corporation's subsidiaries collect sales taxes from their customers. When customers are billed, a current
liability is recognized for the sales taxes included on customers' bills. The liability is settled when the taxes are remitted to the appropriate
government authority. The Corporation's revenue excludes sales taxes.

For regulatory reporting purposes, Central Hudson recognizes tax revenue collected on behalf of applicable government authorities on a
gross basis. In 2015 approximately $19 million was included in both revenue and expenses (2014 - $22 million).

Revenue Recognition

Revenue from the sale of electricity and gas by the Corporation's regulated utilities is generally recognized on an accrual basis. Electricity
and gas consumption is metered upon delivery to customers and is recognized as revenue using approved rates when consumed. Revenue
at the regulated utilities is billed at rates approved by the applicable regulatory authority, and is generally bundled to include service
associated with generation and T&D, except at FortisAlberta and FortisOntario. Meters are read periodically and bills are issued to
customers based on these readings. At the end of each reporting period, a certain amount of consumed electricity and gas will not have
been billed. Electricity and gas that is consumed but not yet billed to customers is estimated and accrued as revenue at each period end, as
approved by the regulator. Effective lily 1, 2015, Central Hudson is permitted by the regulator to accrue unbilled revenue for electricity
consumed at each period end for all its electricity customers. As at December 31, 2014, approximately $15 million (US$13 million) in
unbilled revenue at Central Hudson, associated with certain electricity customers, was not accrued, as permitted by the regulator.

In certain circumstances, UNS Energy enters into purchased power and wholesale sales contracts that are not settled with energy. The net
sales contracts and power purchase contracts are reflected at the net amount in revenue.

As stipulated by the regulator, FortisAlberta is required to arrange and pay for transmission services with AESO and collect transmission
revenue from its customers, which is achieved through invoicing the customers' retailers through FortisAlberta's transmission component
of its regulator-approved rates. FortisAlberta is solely a distribution company and, as such, does not operate or provide any transmission or
generation services. The Company is a conduit for the flow through of transmission costs to end-use customers, as the transmission
provider does not have a direct relationship with these customers. As a result, FortisAlberta reports revenue and expenses related to
transmission services on a net basis. The rates collected are based on forecast transmission expenses. FortisAlberta is not subject to any
forecast risk with respect to transmission costs, as all differences between actual expenses related to transmission services and actual
revenue collected from customers are deferred to be recovered from, or refunded to, customers in future rates (Note 8 (xviii)).

FortisBC Electric has entered into contracts to sell surplus capacity that may be available after it meets its load requirements. This revenue
is recognized on an accrual basis at rates established in the sales contract.

All of the Corporation's non-regulated generation operations record revenue on an accrual basis and revenue is recognized on delivery
of output at rates fixed under contract or based on observed market prices as stipulated in contractual arrangements.

Non-utility revenue, associated with commercial real estate and hotel assets that were sold in 2015, was recognized when services were
provided or products were delivered to customers. Specifically, real estate revenue, derived from leasing retail and office space, was
recognized in the month earned at rates in accordance with lease agreements. The leases were primarily of a net nature, with tenants
paying basic rent plus a pro rata share of certain defined overhead expenses. Certain retail tenants paid additional rent based on a
percentage of the tenants' sales. Expenses recovered from tenants were recorded as revenue on an accrual basis. Base rent and the
escalation of lease rates included in long-term leases were recognized in earnings using the straight-line method over the term of the lease.

Asset Retirement Obligations

AROs, including conditional AROs, are recorded as a liability at fair value and are classified as long-term other liabilities, with a
corresponding increase to utility capital assets (Note 17). The Corporation recognizes AROs in the periods in which they are incurred if a
reasonable estimate of fair value can be determined. The fair value of AROs is based on an estimate of the present value of expected
future cash outlays reflecting a range of possible outcomes, discounted at a credit-adjusted risk-free interest rate. AROs are adjusted at the
end of each reporting period to reflect the passage of time and any changes in the estimated future cash flows underlying the obligation.
Actual costs incurred upon the settlement of AROs are recorded as a reduction in the liabilities. As permitted by the respective regulator,
at UNS Energy, Central Hudson and FortisBC Electric, changes in the obligations due to the passage of time are recognized as a regulatory
asset using the effective interest method.
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The Corporation has AROs associated with hydroelectric generation facilities, interconnection facilities and wholesale energy supply
agreements. While each of the foregoing will have legal AROs, including land and environmental remediation and/or removal of assets,
the final date and cost of remediation and/or removal of the related assets cannot be reasonably determined at this time. These assets
are reasonably expected to operate in perpetuity due to the nature of their operation. The licenses, permits, interconnection facilities
agreements and wholesale energy supply agreements are reasonably expected to be renewed or extended indefinitely to maintain the
integrity of the assets and ensure the continued provision of service to customers. in the event that environmental issues are identified,
assets are decommissioned or the applicable licences, permits or agreements are terminated, AROs will be recorded at that time provided
the costs can be reasonably estimated.

The Corporation also has AROs associated with the removal of certain electricity distribution system assets from rights-of-way at the end
of the life of the system. As it is expected that the system will be in service indefinitely, an estimate of the fair value of asset removal costs
cannot be reasonably determined at this time.

The Corporation has determined that AROs may exist regarding the remediation of certain land. Certain leased land contains assets
integral to operations and it is reasonably expected that the land-lease agreement will be renewed indefinitely, therefore, an estimate of
the fair value of remediation costs cannot be reasonably determined at this time. Certain other land may require environmental
remediation but the amount and nature of the remediation is indeterminable at this time. AROs associated with land remediation will be
recorded when the timing, nature and amount of costs can be reasonably estimated.

New Accounting Policies

Reporting Discontinued Operations and Disclosures of Disposals of Components of an Entity
Effective January 1, 2015, the Corporation prospectively adopted Accounting Standards Update ("ASU") no. 2014-08 that changes the
criteria and disclosures for reporting discontinued operations. As a result, the sale of commercial real estate and hotel assets and the sale
of non-regulated generation assets in 2015 did not meet the criteria for discontinued operations (Note 28). The sales are consistent with
the Corporation's focus on its core utility business and, therefore, do not represent a strategic shift in operations.

Accounting for Share-Based Payments When the Terms of an Award Provide That a Performance Target Could Ea Achieved After the
Requisite Service Period
Effective January 1, 2015, the Corporation early adopted ASU No. 2014-12 that resolves diversity in practice for employee share-based
payments with performance targets that can entitle an employee to benefit from an award regardless of if they are rendering services at
the date the performance target is achieved. The adoption of this update was applied prospectively and did not have a material impact on
the Corporation's consolidated financial statements.

SimplifyIng the Presentation of Debt Issuance Costs
Effective October 1, 2015, the Corporation early adopted ASU No. 2015-03 that requires debt issuance costs to be presented on the
consolidated balance sheet as a direct deduction from the carrying amount of debt liability, consistent with debt discounts or premiums.
The adoption of this update was applied retrospectively and resulted in the reclassification of debt issuance costs of approximately
$65 million from long-term other assets to long-term debt on the Corporation's consolidated balance sheet as at December 31, 2014
(Note 36). Additionally, the Corporation early adopted ASU No. 2015-15 that clarifies the presentation and subsequent measurement of
debt issuance costs associated with line-of-credit arrangements. The update permits an entity to defer and present debt issuance costs as
an asset and subsequently amortize the deferred debt issuance costs ratably over the term of the line-of-credit arrangement, regardless of
whether there are any outstanding borrowings on the line-of-credit arrangement. The adoption of this update was applied retrospectively
and did not have a material impact on the Corporation's consolidated financial statements.

8a/ance Sheet Classification of Deferred Taxes
Effective October 1, 2015, the Corporation early adopted ASU No. 2015-17 that requires deferred tax assets and liabilities to be classified
and presented as long term on the consolidated balance sheet. The adoption of this update was applied retrospectively and resulted in the
reclassification of current deferred income taxes assets of $158 million, long-term deferred income tax assets of $62 million, and current
deferred income tax liabilities of $9 million to long-term deferred income tax liabilities on the consolidated balance sheet as at
December 31, 2014. As a result, the Corporation also reclassified current regulatory assets of $18 million, current regulatory liabilities of
$19 million, and long-term regulatory liabilities of $91 million to long-term regulatory assets on the consolidated balance sheet as at
December 31, 2014, all associated with regulatory deferred income taxes (Note 36).
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Notes to Consolidated Financial Statements

For the years ended December 31, 2015 and 2014

SUMMARY OF SIGNIFICANT ACCOUNTING POLICIES (cont'd)

Use of Accounting Estimates

The preparation of the consolidated financial statements in accordance with US GAAP requires management to make estimates and
judgments that affect the reported amounts of assets and liabilities and the disclosure of contingent assets and liabilities at the date of the
consolidated financial statements, and the reported amounts of revenue and expenses during the reporting periods. Estimates and judgments
are based on historical experience, current conditions and various other assumptions believed to be reasonable under the circumstances

Additionally, certain estimates and judgments are necessary since the regulatory environments in which the Corporation's utilities operate
often require amounts to be recorded at estimated values until these amounts are finalized pursuant to regulatory decisions or other
regulatory proceedings. Due to changes in facts and circumstances, and the inherent uncertainty involved in making estimates, actual
results may differ significantly from current estimates. Estimates and judgments are reviewed periodically and, as adjustments become
necessary, are recognized in earnings in the period in which they become known. In the event that a regulatory decision is received after
the balance sheet date but before the consolidated financial statements are issued, the facts and circumstances are reviewed to determine
whether or not it is a recognized subsequent event

The Corporation's critical accounting estimates are described above in Note 3 under the headings Regulatory Assets and Liabilities
Utility Capital Assets, Intangible Assets, Goodwill, Employee Future Benefits, Stock-Based Compensation, Income Taxes, Revenue Recognition
and Asset Retirement Obligations, and in Notes 8, 23 and 34

4. FUTURE ACCOUNTING PRONOUNCEMENTS

The Corporation considers the applicability and impact of all ASUs issued by the Financial Accounting Standards Board ("FASB"). The following
updates have been issued by FASB, but have not yet been adopted by Fortis. Any ASUs not included below were assessed and determined
to be either not applicable to the Corporation or are not expected to have a material impact on the consolidated financial statements

Revenue from Contracts with Customers

ASU No. 2014-09 was issued in May 2014 and the amendments in this update create ASC Topic 606, Revenue from Contracts with Customers
and supersede the revenue recognition requirements in ASC Topic eos, Revenue Recognition, including most industry-specific revenue
recognition guidance throughout the codification. This standard completes a joint effort by FASB and the International Accounting
Standards Board to improve financial reporting by creating common revenue recognition guidance for US GAAP and International Financial
Reporting Standards that clarifies the principles for recognizing revenue and that can be applied consistently across various transactions
industries and capital markets. This standard was originally effective for annual and interim periods beginning after December 15, 2016
and is to be applied on a full retrospective or modified retrospective basis. ASU No. 2015-14 was issued in August 2015 and the
amendments in this update defer the effective date of ASU No. 2014-09 by one year to annual and interim periods beginning after
December 15, 2017. Early adoption is permitted as of the original effective date. The majority of the Corporation's revenue is generated
from energy sales to customers based on published tariff rates, as approved by the respective regulators, and is expected to be in the
scope of ASU No. 2014-09. Fortis has not yet selected a transition method and is assessing the impact that the adoption of this standard
will have on its consolidated financial statements and related disclosures. The Corporation plans to have this assessment substantially
complete by the end of 2016

Amendments to the Consolidation Analysis

ASU No. 2015-02 was issued in February 2015 and the amendments in this update change the analysis that a reporting entity must
perform to determine whether it should consolidate certain types of legal entities. Specifically, the amendments note the following with
regard to limited partnerships: (i) modify the evaluation of whether limited partnerships and similar legal entities are variable interest
entities or voting interest entities, and (ii) eliminate the presumption that a general partner should consolidate a limited partnership. This
update is effective for annual and interim periods beginning after December 15, 2015 and may be applied using a modified retrospective
approach or retrospectively. The adoption of this update is not expected to materially impact the Corporation's consolidated financial
statements, however, it is expected to change the Corporation's 51% controlling ownership interest in Waneta Partnership from a voting
interest entity to a variable interest entity, resulting in additional note disclosure
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Information by reportable segment is as follows

Notes to Consolidated Financial Sllatements

SEGMENTED INFORMATION
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Notes to Consolidated Financial Statements

For the years ended December 31, 201 s and 2014

5 . SEGMENTED INFORMATION (cont ' d)

Related-party transactions are in the normal course of operations and are measured at the exchange amount, which is the amount of
consideration established and agreed to by the related parties. The significant related party inter-segment transactions during the years
ended December 31 were as follows

Significant Related party Inter~Segment Transactions
in millions)

Sales from Fortis Generation to
Regulated Electric Utilities - Canadian

Revenue from Regulated Electric Utilities - Canadian
to Fortis Generation

Sales from Regulated Electric utilities - Canadian to Non-Utility
Inter-segment finance charges on lending from

Fortis Generation to Eastern Canadian Electric Utilities
Corporate to Regulated Electric Utilities - Caribbean
Corporate to Non-Utility

The significant related party inter-segment asset balances as at December 31 were as follows

Significant Related Party Inter-Segment Assets
Hn millions)

Inter-segment borrowings from
Fortis Generation to Eastern Canadian Electric Utilities
Corporate to Regulated Electric Utilities .- Canadian
Corporate to Non-Utility

Other inter-segment assets ._ Corporate to Regulated
Electric & Gas Utilities - United States

Our inter-segment assets
Total inter-segment eliminations

6. ACCOUNTS RECEIVABLE AND OTHER CURRENT ASSETS

on mi//lbns)

Trade accounts receivable
Unbilled accounts receivable
Allowance for doubtful accounts
Income tax receivable
Assets held for sale
Other

The increase in the allowance for doubtful accounts was primarily due to an increase in the reserve for uncollectible accounts at
UNS Energy in relation to billings to third-party owners of Springerville Unit 1 for their pro-rata share of Costs to operate the facility
Due to ongoing litigation and uncertainty with Springerville Unit 1 third-party owners, the accounts receivable balance of $32 million
(US$23 million) as at December 31, 2015 associated with operating expenses has been fully reserved (Note 34)

Assets held for sale include utility capital assets of approximately $29 million (US$21 million) purchased by UNS Energy upon expiration of
the Springerville Coal Handling Facilities lease in April 2015 (Note 16). UNS Energy has an agreement with a third party whereby they can
purchase a 17.05% interest or continue to make payments to UNS Energy for the use of the facility. The thirdlparty has until April 2016 to
exercise its purchase option and, as a result, the assets have been classified as held for sale on the consolidated balance sheet as at
December 31. 2015
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an millions)

Regulatory assets

Deferred income taxes 0)

Employee future benefits Hi

Deferred energy management costs 6i0

Manufactured gas plant ("MGP") site

remediation deferral GW

Rate stabilization accounts M

Deferred lease costs (VD

Derivative instruments (vii)

Deferred operating overhead costs (viii

Final mine reclamation and retiree health care costs HX)

Deferred net losses on disposal of utility capital assets

and intangible assets 60

Springerville Unit 1 unamortized leasehold improvements (aD

Property tax deferrals (XIO

Other regulatory assets (Xiii

Based on previous, existing or expected regulatory orders or decisions, the Corporation's regulated uti l i t ies have recorded the fol lowing

amounts that are expected to be recovered from, or refunded to, customers in future periods

Additionally, in December 2015 FortisBC Electric entered into an agreement to sell the non-regulated Walden hydroelectric power plant
assets for a sale price of approximately $9 million (Note 31). The sale is expected to dose in the first quarter of 2016. For the year ended
December 31, 2015, earnings before taxes of less than S million were recognized (December 31, 2014 - less than $1 million) associated
with Walden

8.

Materials and supplies included approximately $152 million (December 31, 2014 - $118 million) at UNS Energy, and consisted of
construction and repair materials for distribution, transmit$ion and generation assets, as required by the regulator (Note 3)

Other accounts receivable consisted of customer billings f¢r non-core services, collateral deposits for gas purchases at FortisBC Energy and
advances on coal purchases at UNS Energy. Other accounts receivable also included the fair value of derivative instruments (Note 31)

Hn millions)

Materials and supplies

Gas and fuel in storage

Coal inventory

7.

Notes to Consolidated Financial Statements

REGULATORY ASSETS AND LIABll.1ITIEs

INVENTORIES

i»iui.nn-

To be determined

Various

Various

Various

Various

To be determined

Various

recovery period

Various

Total regulatory assets

Less: current portion

Long-term regulatory assets

(277)
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Notes to Consolidated Financial Statements

For the years ended December 31, 2015 and 2014

s. REGULATORY ASSETS AND LIABILITIES (cont'd)

Remaining
recovery period

(Years)HnmilliOns)

Regulatory liabilities
Non-ARO removal cost provision MW
Rate stabilization accounts M
Electric and gas moderator account (X\0
Renewable energy surcharge M
Employee future benefits 60
Customer and community benefits obligation (xvii)
AESO charges deferral ocviii)
Other regulatory liabilities (Xix)

To be determined
Various

To be determined
To be determined

Various
To be determined

1_4
Various

Total regulatory liabilities
Less: current ponicn

Long-term regulatory liabilities s

(1973)

1 ,472

Description art the Nature of Regulatory Assets and Liabilities

Deferred Income Taxes
The Corporation's regulated utilities recognize deferred income tax assets and liabilities and related regulatory liabilities and assets
for the amount of deferred income taxes expected to be refunded to, or recovered from, customers! in future electricity and gas
rates. Included in deferred income tax assets and liabilities are the future income tax effects of the subsequent settlement of
the related regulatory liabilities and assets through customer rates. The deferred income taxes on regulatory assets and liabilities are
the result of the application of ASC Topic 740, Income Taxes. The regulatory asset balances are expected to be recovered
from customers in future rates when the income taxes become payable or receivable. As at December 31, 2015, $351 million
(December 31, 2014 - $265 million) in regulatory assets for deferred income taxes was not subject to a regulatory return

Employee Future Benefits
The regulatory asset and liability associated with employee future benefits includes the actuarially determined unamortized net
actuarial losses, past service costs and credits, and transitional obligations associated with defined benefit pension and OPEB plans

maintained by the Corporation's regulated utilities, which are expected to be recovered from, or refunded to, customers in future
rates (Note 27). At the Corporation's regulated utilities, as approved by the respective regulators, differences between defined
benefit pension and OPEB plan costs recognized under US GAAP and those which are expected to be recovered from, or refunded
to, customers in future rates are subject to deferral account treatment and have been recognized as a regulatory asset or liability
These amounts would otherwise be recognized in accumulated other comprehensive income on the consolidated balance sheet

As at December 31, 2015, regulatory assets of approximately $367 million associated with employee future benefits were not
subject to a regulatory return (December 31, 2014 - $339 million). As at December 31, 2015, regulatory liabilities of approximately
$36 million associated with employee future benefits were not subject to a regulatory return (Decembel 31, 2014 - $55 million)

air Deferred EnergyManagement Costs

FortisBC Energy, FortisBC Electric, Central Hudson and Newfoundland Power provide energy management services to promote

energy efficiency programs to their customers. As required by their respective regulator, these regulated utilities have capitalized

related expenditures and are amortizing these expenditures on a straight-line basis over periods ranging from 1 to 10 years. This

regulatory asset represents the unamortized balance of the energy management costs

UNS Energy is required to implement cost-effective Demand-Side Management ("DSM") programs to comply with the ACC's
energy efficiency standards. The energy efficiency standards provide for a DSM surcharge to recover the costs of implementing
DSM programs, as well as an annual performance incentive. The existing rate orders provide for a lost f ixed cost recovery
mechanism to recover certain non-fuel costs that were previously unrecoverable, due to reduced electricity sales as a result of
energy efficiency programs and distributed generation. As at December 31, 2015, $25 million of UINS Energy's regulatory asset
balance was not subject to a regulatory return (December 31, 2014 - $16 million)

9
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Notes to Consolidated Financial Statements

W MGP Site Remediation Deferral
As approved by the regulator, Central Hudson is permitted to defer for future recovery from its customers the difference between
actual costs for MGP site investigation and remediation and the associated rate allowances (Notes 14, 17 and 34). Central Hudson's
MGP site remediation costs are not subject to a regulatory return

(V) Rate Stabilization Accounts
Rate stabilization accounts associated with the Corporation's regulated electric and gas utilities are recovered from, or refunded to
customers in future rates, as approved by the respective regulatory authority. Electric rate stabilization accounts primarily mitigate the
effect on earnings of variability in the cost of fuel and/or purchased power above or below a forecast or predetermined level and
at certain utilities, revenue decoupling mechanisms that minimize the earnings impact resulting from reduced energy consumption
as energy efficiency programs are implemented. Gas rate stabilization accounts primarily mitigate the effect on earnings of
unpredictable and uncontrollable factors, namely volume volatility caused principally by weather, and natural gas cost volatility

As at December 31, 2015, approximately $49 million and $142 million of the rate stabilization accounts are expected to be
recovered from, or refunded to, customers within one year and, as a result, are classified as current regulatory assets and liabilities
respectively (December 31, 2014 - approximately $1105 million and $43 million, respectively)

As at December 31, 2015, regulatory assets of approximately $44 million associated with rate stabilization accounts were not
subject to a regulatory return (December 31, 2014 1- $104 million). As at December 31, 2015, regulatory liabilities of approximately
$76 million associated with rate stabilization accourtts were not subject to a regulatory return (December 31, 2014 - $42 million)

Deferred Lease Costs
Deferred lease costs at FortisBC Electric primarily relate to the Brilliant Power Purchase Agreement ("BPPA"), which ends in 2056
The depreciation of the asset under capital lease and interest expense associated with the capital lease obligation are not being fully
recovered by FortisBC Electric in current customer elates, since those rates include only the cash payments set out under the BPPA
The regulatory asset balance as at December 31, 2015 included $90 million (December 31, 2014 - $83 million) of deferred
lease costs that are expected to be recovered from Customers in future rates over the term of the lease. In 201s, of the $30 million
(2014 - $30 million) of interest expense related to the capital lease obligations and the $6 million (2014 - $6 million) of depreciation
expense related to the assets under capital lease, a=total of $26 million (2014 - $26 million) was recognized in energy supply costs
and $3 million (2014 ._ $3 million) was recognized in operating expenses, respectively, as approved by the regulator, with the
balance of $7 million (2014 - $7 million) deferred Asia regulatory asset (Note 16)

The regulatory asset balance as at December 31, 2014 included $18 million of deferred lease costs at UNS Energy related to the
remaining purchase commitments of Springerville Unit 1 and the Springerville Coal Handling Facility, of which both purchases
occurred in 2015 (Note 16)

Deferred lease costs are not subject to a regulatory net um

(WD Derivative Instruments
As approved by the respective regulatory authority,l unrealized gains or losses associated with changes in the fair value of certain
derivative instruments at UNS Energy, Central Hudson and FortisBC Energy are deferred as a regulatory asset or liability for recovery
from, or refund to, customers in future rates. These unrealized losses and gains would otherwise be recognized in earnings
(Note 31). UNS Energy and Central Hudson's deferred regulatory asset balance totaling $57 million as at December 31, 2015 was
not subject to a regulatory return (December 31, 2014 - $57 million)

(voiD Deferred Operating Overhead Costs
As approved by the regulator, FortisAlberta has deferred certain operating overhead costs. The deferred costs are expected to be
collected in future customer rates over the lives of five related utility capital assets and intangible assets

UX) Final Mine Reclamation and Retiree Health Care Cost's
Final mine reclamation and retiree health care costs ilf€ associated with TEP'sjointly owned coal generating facilities at the San Juan
Four Corners and Navajo generating stations. TEP has the option to recognize its liability associated with final mine reclamation and
retiree health care obligations at present or future value (Notes 17 and 34). TEP has elected to recognize these costs at future value
and is permitted to fully recover these costs from customers through its rate stabilization accounts when the costs are paid. TEP
expects to make continuous payments through 2037. These deferred costs are not subject to a regulatory return
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Notes to Consolidated Financial Statements

For the years ended December 31, 2015 and 2014

8. REGULATORY ASSETS AND LIABILITIES (cont'd)

Description of the Nature of Regulatory Assets and Liabilities (cont'd)

(x) Deferred Net Losses on Disposal of Utility Capital Assets and Intangible Assets
As approved by the regulator, from 2010 through 2013 net losses on the retirement or disposal of utility capital assets and
intangible assets at FortisBC Energy were recorded in a regulatory deferral account to be recovered from customers in future rates
The regulator approved the recovery in customer rates of the resulting regulatory asset over a period off 10 years

1

I
I

(XD Springerville Unit 1 Unamortized Leasehold Improvements
Upon expiration of TEP's Springerville Unit 1 capital lease in January 2015, unamortized leasehold improvements were reclassified
from utility capital assets to regulatory assets. The leasehold improvements represent investments made by TEP through the end of
the lease term to ensure Springerville facilities continued providing safe, reliable service to TEP's customers. In its 2013 rate order
TEP received regulatory approval to amortize the leasehold improvements over a 10-year period. TEP continues to own an undivided
49.5% joint interest in Springerville Unit 1

(XIO Property Tax Deferrals
Property taxes at UNS Energy and Central Hudson are deferred and are primarily collected from customers over a six-month to
one-year period, as approved by the respective regulator. Property tax deferrals are not subject to a regulatory return

(xiii Other Regulatory Assets
Other regulatory assets relate to all of the Corporation's regulated utilities and are comprised of various items, each individually less
than $30 million. As at December 31, 2015, $189 million (December 31, 2014 - $177 million) of theibalance was approved to be
recovered from customers in future rates, with the remaining balance expected to be approved.i As at December 31, 2015
$69 million (December 31, 2014 - $74 million) of the balance was not subject to a regulatory return

(xiv) Non-ARO Removal CostProvision
As required by the respective regulator, depreciation rates at UNS Energy, Central Hudson, Fol'tisBC Energy, FortisAlberta
Newfoundland Power and Maritime Electric include an amount allowed for regulatory purposes to accrue for non-ARO removal
costs. Actual non-ARO removal costs are recorded against the regulatory liability when incurred. This regulatory liability represents
amounts collected in customer electricity rates at the respective utilities in excess of incurred non-ARO removal costs

(xv) Electric and Gas Moderator Account
Under the terms of Central Hudson's three-year Rate Order issued in June 2015, certain of the Con'lpany's regulatory assets and
liabilities were identified and approved by the PSC for offset and a net regulatory liability electricéand gas moderator account
was established. which will be used for future customer rate moderation. These electric and gas moderator accounts are not subject
to a regulatory return

Renewable Energy Surcharge
As ordered by the regulator under its Renewable Energy Standard ("RES"), UNS Energy is required to iincrease its use of renewable
energy each year until it represents at least 15% of its total annual retail energy requirements in 202$, with distributed generation
accounting for 30% of the annual renewable energy requirement. The Company must file an annualiRES implementation plan for
review and approval by the ACC. The approved cost of carrying out the plan is recovered from retail customers through the RES
surcharge. The ACC has also approved recovery of operating costs, depreciation, property taxes and retlJm on investments on certain
company-owned solar projects through the RES tariff until such costs are reflected in retail customer rates. Any RES surdwarge
collections above or below the costs incurred to implement the plans are deferred as a regulatory asset or liability

The ACC measures compliance with its RES requirements through Renewable Energy Credits ("REC"), which represent one kilowatt
hour generated from renewable resources. When UNS Energy purchases renewable energy, the premium paid above the market
cost of conventional power equals the REC recoverable through the RES surcharge. When RECs are purchased, UNS Energy records
the cost of the RECs as long-term other assets and a corresponding regulatory liability, to reflect tHe obligation to use the RECs
for future RES compliance. When RECs are reported to the Acc for compliance with RES requirements, energy supply costs and
revenue are recognized in an equal amount (Note 9)

(xvii Customer and Community Benefits Obligation
As approved by the respective regulator for UNS Energy and Central Hudson, Fortis committed toy provide their customers and
community with financial benefits that would have not been realized in the absence of the acqiliisitions. These commitments
resulted in the recognition of regulatory liabilities to be used to mitigate future customer rate increase at the utilities. In 2014 these
commitments for UNS Energy's customers included US$10 million in year one and US$5 million in years two through five to cover
credits in retail customer rates. As a result, expenses of approximately $33 million (US$30 million) wore recognized in 2014 related
to the acquisition of UNS Energy for customer benefit obligations (Notes 24 and 29)
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(xviii AESO Mama Deferral
FortisAlberta maintains an AESO charges deferralg account that represents expenses incurred in excess of revenue collected for
various items, such as transmission costs incurred and flowed through to customers, that are subject to deferral to be collected in
future customer rates. To the extent that.the amount of revenue collected in rates for these items exceeds actual costs incurred, the
excess is deferred as a regulatory liability to be refunded in future customer rates. As at December 31, 2015, the regulatory liability
primarily represented the over collection of the AESD charges deferral accounts for 2014 and 2015.

Dther Regulatory Liabilities
Other regulatory liabilities relate to all of the Corporation's regulated utilities and are comprised of various items, each individually
less than $30 million. As at December 31, 2015, $1120 million (December 31, 2014 - $140 million) of the balance was approved for
refund to customers or reduction in future rates, withthe remaining balance expected to be approved. As at December 31, 2015,
$68 million (December 31, 2014- $76 million) of thebalancewas not subject to a regulatory return.

9. OTHER ASSETS
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Equity investment - Belize Electricity

Supplemental  Executive Retirement Plan assets
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Avai lablefor-sale investment (Notes28 and31)

Deferred compensation plan assets (Note 17)
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Long-term income tax receivable
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Other asset - Belize Electricity
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In August 2015 the Corporation agreed to terms of a settlement with the GOB regarding the GOB's expropriation of the Corporation's
approximate 70% interest in Belize Electricity in June 2011L The terms of the settlement included a one-time US$35 million cash payment
to Fortis from the GOB and an approximate 33% equity investment in Belize Electricity. As a result of the settlement, the Corporation
recognized an approximate $9 million loss in 2015 (Note 24).

UNS Energy and Central Hudson provide additional post-employment benefits through both a deferred compensation plan for
Directors and Officers of the Companies, as well as Supplemental Executive Retirement Plans ("SERP"). Since both plans are considered
non-qualified plans under the Employee Retirement Income Security Act of 1974, the assets are reported separately from the related
liabilities (Note 17). The assets of the plans are held in trust and funded mostly through the use of trust-owned life insurance policies and
mutual funds. A portion of the SERP assets is invested irn corporate-owned life insurance policies. Amounts held in mutual and money
market funds are recorded at fair value (Note 31).

In June 2015 the Corporation completed the sale of commercial real estate assets for gross proceeds 0 $430 million (Note 28). As part of
the transaction, Fortis subscribed to $35 million in trust units of Slate Office REIT in conjunction with the RElT's public offering. The
investment in trust units is recorded as an available-for-saleiasset. The assets are measured at fair value based on quoted market prices and
unrealized gains or losses resulting from changes in fair value are recognized in accumulated other comprehensive income and are
reclassified to earnings when the assets are sold (Notes 21 and 31).

Other assets are recorded at cost and are recovered or amortized over the estimated period of future benefit, where applicable. Other
assets include the fair value of derivative instruments at UNA Energy and Central Hudson (Note 31).
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Notes to Consolidated Financial Statements

For the years ended December 31, 2015 and 2014

10. UTILITY CAPITAL ASSETS

in milllbns)

Distribution

Electric s 5511
(Ll521)

Transmission

Electric

Generation

Other

Assets under construction

Accumulafted
Depredai

Net Book
Value(0 millions)

Distribution

Electric s (2,317)

(920)

Transmission

Electric

Generation

(859)

(491)

(z, t89)

(731)

Assets under construction

$  24 , 686 s (7507>

Electric distribution assets are those used to distribute electricity at lower voltages (generally below 69 kV). These assets include poles
towers and fixtures, low-voltage wires, transformers, overhead and underground conductors, street lighting) meters, metering equipment
and other related equipment. Gas distribution assets are those used to transport natural gas at low pressures (generally below 2,070 pa)
or a hoop stress of less than 20% of standard minimum yield strength. These assets include distribution stations, telemetry, distribution
pipe for mains and services, meter sets and other related equipment

Electric transmission assets are those used to transmit electricity at higher voltages (generally at 69 kV anal higher). These assets include
poles, wires, switching equipment, transformers, support structures and other related equipment. Gas transmission assets are those used
to transport natural gas at higher pressures (generally at 2,070 Pa and higher) or a hoop stress of 20% ole more of standard minimum
yield strength. These assets include transmission stations, telemetry, transmission pipe and other related equipment

Generation assets are those used to generate electr ic i ty. These assets include hydroelectr ic and thermal generation stations, gas and

combustion turbines, coal-fired generating stations, dams, reservoirs, photovoltaic systems and other related equipment

Other assets include buildings, equipment, vehicles, inventory and information technology assets

Construction of the W aneta Expansion was completed in Apri l  2015. As at December 31, 2015, assets under construction are primari ly

assoc iated wi th For t i sBC Energy's  T i lbury l i quef ied natural  gas  fac i l i ty expans ion and other  capi ta l  projec ts  at  the Corporat ion 's

regulated uti l i ties

The cost of uti l i ty capital assets under capital lease as at December 31, 2015 was $496 mil l ion (December 81, 2014 - $1,088 mil l ion) and

related accumulated depreciation was $221 mill ion (December 31, 2014 - $627 mill ion). The decrease was primarily due to the purchase of

certain uti l i ty capital assets at TEP in 2015 following the expiry of lease arrangements (Note 16)
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Jointly Owned Facilities

As at December 31, 2015, UNS Energy's interests in jointly owned generating stations and transmission systems primarily consisted of
the following

Ownership

i n n-urn UIQ In In lilhullllllll
on millIons)

San Juan Units 1 and 2

Navajo Units 1, z and 3

Four Corners Units 4 and 5

Luna Energy Facility

Gila River Common Facilities

Springerville Unit 1

Springerville Coal Handling Facilities

Transmission Facilities

94

Various

m TEP is obligated to operate the unit for third-party owners under existing agreements. The third-party owners are obligated to compensate TEP for their pro rata share
of expenses (Notes 16 and 34)

w TEP owns an additional 17.05% undivided interest in the Spfingewille Coal Handling Facilities, whid'l is classified as assets held for sale(Notes 6 and16)

UNS Energy holds an undivided interest in the above facilities and is entitled to its pro rata share of the utility capital assets. UNS Energy is
proportionately liable for its share of operating costs and liabilities in respect of the jointly owned facilities

11. NON-UTILITY CAPITAL ASSETS

In 2015 the Corporation sold its commercial real estate and hotel assets (Note 28). As a result, the Corporation did not hold any non-uti l i ty

capital assets as at December 31, 2015

in millions)

Buildings

Equipment

Tenant inducements

Accumulated
Depreciation

$ (105)

Net Book
Value

Assets under construction

s (205)

12. INTANGIBLE ASSETS

Hn millions)

Computer software

Land, transmission and water rights

Franchise fees and other

Assets under construction

M an iv 1-1 p in »- nm nnnhnianliswnn

v nuinunnhulhnnnnu - l
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Notes to Consolidated Financial Statements

For the years ended December 31, 2015 and 2014

12. INTANGIBLEASSETS (cont'd)

Hn millions)

Computer software

Land, transmission and water rights

Franchise fees and other

Assets under construction

Accumulated
Amortization

Net Book
Value

s (446)

Included in the cost of land, transmission and water rights as at December 31, 2015 was $106 million (December 31, 2014 .- $77 million)
not subject to amortization

Amortization expense related to intangible assets was $64 million for 2015 (2014 - $60 million). Amortization is estimated to average
approximately $78 million annually for each of the next five years

13. GOCDWILL

$ 2,075

on millions)

Balance. beginning of year

Acquisition of UNS Energy (Note29)

Sale of Griffith (Note28)

Foreign currency translation impacts

Balance, end of year s 3,732

Goodwill associated with the acquisitions of UNS Energy, Central Hudson, Caribbean Utilities and Fortis Turks and Caicos is denominated
in us dollars, as the functional currency of these companies is the us dollar. Foreign currency translation impacts are the result of the
translation of us dollar-denominated goodwill and the impact of the movement of the Canadian dollar relathle to the us dollar.

14. ACCOUNTS PAYABLE AND OTHER CURRENT LIABILITIES

in millabns)

Trade accounts payable

Gas and fuel cost payable

Employee compensation and benefits payable

Interest payable

Dividends payable

Accrued taxes other than income taxes

Fair value of derivative instruments (Note31)

MGP site remediation (Notes 8 (M, 17 and34)

Defined benefit pension and OPEB plan liabilities (Note 27)

Other

Accrued taxes other than income taxes primarily consisted of property taxes at UNS Energy and carbon tax at8 FortisBC Energy

an . JSQ9
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Forti$Bc  ̀Energy
Secured Purchase Money Mortgages
10.30% weighted average fixed rate (2014 - 10.71 %)

Unsecured Debentures
5.73% weighted average fixed rate (2014 - 5.95%)

Government loan

UNS Energy

Unsecured US Tax-Exempt Bonds

3.83% weighted average fixed and variable rate (2014 - 3.92 %)

Unsecured US Fixed Rate Notes
4.26% weighted average fixed rate (2014 ._ 4.98%)

Secured us Fixed Rate Notes

5.38% weighted average fixed and variable rate (2014 - 5.8%)

Cen tea/ Hudson

Unsecured us Promissory notes

4.30% weighted average fixed and variable rate (2014 - 4.31 %)

in millions)

Regulated Utilities

15. LONG-TERM DEBT

Notes to Consolidated Financial Siiatements

Maturity Date

2018-2041

2016-2045

2016-2061

2016-2050

2024-2052

2029 - 2045

2016-2042

2023 -2026

2020-2040

2021 - 2045

nnnnngunh mini

2016-2046

n/a

FortisAlberta

Unsecured Debentures

4.95% weighted average fixed rate (2014 - 5.01 %)

FortisBC Electric

Secured Debentures

8.80% weighted average fixed rate (2014 ._ 8.80%)

Unsecured Debentures
5.36% weighted average fixed rate (z014 - S.36%)

Easter Canadian

Secured First Mortgage Sinking Fund Bonds

6.72% weighted average fixed rate (2014 - 7.08%)

Secured First Mortgage Bonds

7.18% weighted average fixed rate (2014 - 7.18%)

Unsecured Senior Notes

6.11 % weighted average fixed rate (2014 - 6.11 %)

Caribbean Electric

Unsecured us Senior Loan Notes

4.89% weighted average fixed rate (2014 - 4.91 %)

Non-Regulated - Non-Utility

Secured First Mortgages and Senior Notes
7.46% weighted average fixed rate (2014 - 7.46%)

Corporate

Unsecured us Senior Notes and Promissory Notes
4.43% weighted average fixed rate (2014 - 4.43%)

Unsecured Debentures

6.49% weighted average fixed rate (2014 - 6.49%)

Long-term classification of credit fadiity borrowings (Note31)

Total long-term debt vote 31)

Less: Deferred financing costs (Notes 3 and36)

Less: Current installments of long-term debt

2019-2044

(525)

$ 9,911
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Notes to Consolidated Financial Statements

For the years ended December 31, 201 s and 2014

15. LONG-TERM DEBT (cont'd)

As noted in the previous table, certain long-term debt instruments issued by UNS Energy, FortisBc Energy, FortisBC Electric
Newfoundland Power, and Maritime Electric are secured. When security is provided, it is typically a fixed Dr floating first charge on the
specific assets of the Company to which the long-term debt is associated. The purchase money mortgages o FortisBC Energy are secured
equally and ratably by a first fixed and specific mortgage and charge on the Company's coastal division assets. The aggregate principal
amount of the purchase money mortgages that may be issued is limited to $350 million

UNS Energy entered into a four-year US$30 million variable rate term loan credit agreement and, at the same time. entered into a
fixed-for-floating interest rate swap. Both the term loan and interest rate swap expired in 2015. The interest rate swap was designated as
a cash flow hedge (Note 31)

Covenants

Certain of the Corporation's long-term debt obligations have covenants restricting the issuance of additional debt such that consolidated
debt cannot exceed 70% of the Corporation's consolidated capital structure, as defined by the long-term debt agreements. In addition
one of the Corporation's long-term debt obligations contains a covenant which provides that Fortis shall notidedare or pay any dividends.
other than stock dividends or cumulative preferred dividends on preference shares not issued as stock dividends, or make any other
distribution on its shares or redeem any of its shares or prepay subordinated debt if, immediately thereafter, its consolidated funded
obligations would be in excess of 75% of its total consolidated capitalization

As at December 31, 2015, the Corporation and its subsidiaries were in compliance with their debt covenants

Regulated Utilities

The majority of the long-term debt instruments at the Corporation's regulated utilities are redeemable atlthe option of the respective
utilities, at any time, at the greater of par or a specified price as defined in the respective long-term debt agreements, together with
accrued and unpaid interest

In January 2015 TEP redeemed at par US$130 million of fixed rate tax-exempt bonds that had an original maturity date of 2029. As at
December 31, 2015, TEP had not remarkeded the repurchase bonds

In January 2015 Fortis Turks and Caicos issued 15-year US$10 million 4.75% unsecured notes. The net proceeds were used to finance
capital expenditures and for general corporate purposes

In February 2015 TEP issued 10-year US$300 million 3.05% senior unsecured notes. Net proceeds were used to repay long-term debt and
credit facility borrowings and to finance capital expenditures

In March 2015 Central Hudson issued 10-year US$20 million 2.98% unsecured notes. The net proceeds Mere used to finance capital
expenditures and for general corporate purposes

In April 2015 UNS Electric issued 30-year us$50 million 3.95% unsecured notes. The net proceeds were primarily used for general
corporate purposes

In April 2015 FortisBc Energy issued 30-year $150 million 3.38% unsecured debentures. The net proceeds Were used to repay short-term
borrowings and for general corporate purposes

In August 2015 UNS Electric issued 12-year US$80 million 3.22% unsecured debentures and UNS Gas issued 30-year US$45 million
4.00% unsecured notes. The net proceeds were used to repay maturing long-term debt. Additionally, in Alugust 2015 TEP redeemed at
par US$79 million of variable rate tax-exempt bonds that had an original maturity date of 2022

In September 2015 FortisAlberta issued 30-year $150 million 4.27% unsecured debentures. The net proceeds were used to repay credit
facility borrowings and for general corporate purposes

In September 2015 Newfoundland Power issued 30-year $75 million 4.446% secured first mortgage sinking fund bonds. The net proceeds
were used to repay credit facility borrowings and for general corporate purposes

Corporate

The unsecured debentures and us senior notes are redeemable at the option of Fortis at a price calculated as the greater of par or a
specified price as defined in the respective long-term debt agreements, together with accrued and unpaid inlierest
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Notes to Consolidated Financial Statements

Repayment off Long-Term Debt

The consolidated annual requirements to meet principal repayments and maturities in each of the next five years and thereafter are
as follows

Subsidiaries
(in millions) in millions)

s 2

Hn millions)

69

Thereafter

s 8,839

16. CAPITAL LEASE AND FINANCE OBLIGATIONS

Capital Lease Obligations

UNS Energy

In 2014 and 2015, TEP purchased certain Springerville assets upon expiry of the tease arrangements, as detailed below. As at
December 31, 2015, capital lease obligations at TEP consist of an undivided one-half interest in certain Springervilie Common Facilities

Springerville Unit 1 Capital Lease Purchases
In December 2014 and January 2015, upon expiration al the Springerville Unit 1 lease, TEP purchased an additional 35.4% ownership
interest in the previously leased assets for US$20 million and US$46 million, respectively. As a result of the purchases, TEP owns 49.5% of
Springerville Unit 1, or 192 MW of capacity. Furthermore, *rEp is obligated to operate the unit for the third-party owners under an existing
agreement. The third-party owners are obligated to compensate TEP for their pro rata share of expenditures (Note 34)

Springerville Coal Handling Facilities Lease Purchase
In April 2015, upon expiration of the Springerville Coal; Handling Facilities lease, TEP purchased an 86.7% ownership interest in the
previously leased coal handling assets for a total of US$120 million. In May 201s TEP sold a 17.05% interest in the facilities to a third party
for US$24 million and has an agreement with another third party to either purchase a 17.05% interest for US$24 million or to continue to
make payments to TEP for the use of the facility. The thirll party has until April 2016 to exercise its purchase option and, as a result, the
associated assets have been classified as held for sale on the consolidated balance sheet as at December 31, 2015 (Note 6)

Springerville Common Facilities Leases
TEP is party to three Springerville Common Facilities leases, which have an initial term to December 2017 for one lease and January 2021
for the other two leases, subject to optional renewal periods of two or more years through 2025 (Note 33). Instead of extending the
leases, TEP may exercise a fixed-price purchase provision bf lJS$38 million in 2017 and US$68 million in 2021. TEP has agreements with
third parties that if the Springerville Common Facilities pleases are not renewed, TEP will exercise the purchase options under these
contracts. The third parties would be obligated to buy a portion of these facilities or continue to make payments to TEP for the use of
these facilities

UNS Energy entered into an interest rate swap that hedges a portion of  the f loating interest rate r isk associated with the
Springerville Common Facilities lease debt. As at December 31, 2015, interest on the lease debt is payable at a six-month LIBOR plus a
spread of 1.88% (December 31, 2014 - 1.75%). The swap has the effect of fixing the interest rates on a portion of the amortizing
principal balances of US$29 million (December 31, 2014 -;US$33 million). The interest rate swap expires in 2020 and is recorded as a cash
flow hedge (Note 31)

The Springerville Common Facilities capital lease obligation bears interest at a rate of 5.08%. For the year ended December 31, 2015, in
total $5 million (December 31, 2014 - $2 million) of interest expense on the Springerville capital lease obligations was recognized in
finance charges and $3 million (DeceMber Si, 2014 - $3 million) and $8 million (December 31, 2014 - $7 million) of depreciation expense
on the Springerville leased assets was recognized in energy supply costs and depreciation, respectively
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Notes to Consolidated Financial Statements

For the years ended December 31, 2015 and 2014

16. CAPITAL LEASEAND FINANCE OBLIGATIONS (cont'd)

FortisBC Electric

FortisBC Electric has a capital lease obligation with respect to the operation of the Brilliant Plant located neat Castlegar, British Columbia
FortisBC Electric operates and maintains the Brilliant Plant, under the BPPA which expires in 2056, in return for a management fee. in
exchange for the specified take-or-pay amounts of power, the BPPA requires semi-annual payments based on a return on capital
comprised of the original plant capital charge and periodic upgrade capital charges, which are both subject to fixed annual escalators, as
well as sustaining capital charges and operating expenses. The BPPA includes a market-related price adjustment in 2026. Due to the fixed
annual escalators, the interest expense on the capital lease obligation presently exceeds the required payments. The capital lease
obligation will continue to increase through to 2024, and subsequently decrease for the remainder of the term when the required
payments exceed the interest expense on the capital lease obligation. Approximately 94% of the output from the Brilliant Plant is being
purchased by FortisBC Electric through the BPPA

The BPPA capital lease obligation bears interest at a composite rate of 5.00%. included in energy supply casts for 2015 was $26 million
(2014 - $26 million) recognized in accordance with the BPPA, as approved by the BCUC (Note8 (yD)

FortisBC Electric also has a capital lease obligation with respect to the operation of the Brilliant Terminal Station ("BTS"), under an
agreement which expires in 2056. The agreement provides that FortisBC Electric will pay a charge related to the recovery of the capital
cost of the BTS and related operating costs. The obligation bears interest at a composite rate of 9.00%. Induclled in operating expenses for
2015 was $3 million (2014 - $3 million) recognized in accordance with the BTS agreement, as approved by the BCUC (Note 8 (yD)

Finance Obligations

Between 2000 and 2005 FEI entered into arrangements whereby certain natural gas distribution assets were leased to certain
municipalities and then leased back by FEI from the municipalities. The natural gas distribution assets ale considered to be integral
equipment to real estate assets and, as such, the transactions have been accounted for as finance transactions. The proceeds from these
transactions have been recognized as finance obligations on the consolidated balance sheet. Lease pal/ments, net of the portion
considered to be interest expense, reduce the finance obligations

Obligations under the above-noted lease-in lease-out transactions at FEI have implicit interest at rates ranging from 6.82% to 8.66% and
are being repaid over a 35-year period. Each of the lease-in lease-out arrangements allows FEI, at its option, to terminate the lease
arrangements early, after 17 years. if the Company exercises this option, FEI would pay the municipality ah early termination payment
which is equal to the carrying value of the obligation at that point in time

Repayment of Capital Lease aM Financer Obligations

The present value of the minimum lease payments required for the capital lease and finance obligations over the next five years and
thereafter are as follows

Capital Finance
Ohligaticlns

an millions) Hn millions)

72
7470

(D mi//iéns)
4
4

32

Thereafter

s 2,383 s 2,478

Less: Amounts representing imputed interest and

executors costs on capital lease and finance obligations

Total capital lease and finance obligations

Less: Current portion

(1,965)
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17. OTHER LIABILITIES

Hn millions)

OPEB plan liabilities (Note 27)

Defined benefit pension plan liabilities (Note 27)

MGP site remediation (Notes 8 mo, 14 and34)

Waneta Partnership promissory note (Notes31 and33)

Asset retirement obligations

Final mine reclamation and retiree

health care liabilities (Notes 8 ox) and34)

Customer security deposits

Deferred compensation plan liabilities (Note 9)

DSU, PSU and RSU liabilities (Note23)

Fair value of derivative instruments (Note 31)

Other

The Waneta Partnership promissory note is non-interest bearing with a face value of $72 million. As at December 31, 2015, its discounted
net present value was $56 million (December 31, 2014 - $53 million). The promissory note was incurred by the Waneta Partnership on the
acquisition of certain intangible assets and project design costs, from a company affiliated with CPC/CBT, associated with the construction
of the Waneta Expansion. The promissory note is payable on April 1, 2020, the fifth anniversary of the commercial operation date of the
Waneta Expansion

As at December 31, 2015, UNS Energy, Central Hudson and FortisBC Electric recognized asset retirement obligations

Other liabilities primarily include long-term accrued liabilities, deferred lease revenue, funds received in advance of expenditures and
unrecognized tax benefits

18. COMMON SHARES

Common shares issued during the year were as follows

Number
of Shares

i n thousands)
Amount

(n millions)

s 3,783

| nw- »~|n,(»-|1 *mu u n w n n m n m  a m

Balance, beginning of year

Conversion of Convertible Debentures

Dividend Reinvestment Plan

Consumer Share Purchase Plan

Employee Share Purchase Plan

Stock Option Plans

Balance, end of year 275.997 s 5.667

Convertible Debentuues

To finance a portion of the acquisition of UNS Energy, n January 2014, Fortis completed the sale of $1.8 billion aggregate principal
amount of 4% convertible unsecured subordinated debentures, represented by Installment Receipts ("Convertible Debentures"). The
Convertible Debentures were sold on an installment basis at a price of $1,000 per Convertible Debenture, of which $333 was paid on
closing in January 2014 and the remaining $667 was paid on October 27, 2014 (the "Final installment Date"). Prior to the Final Installment
Date, the Convertible Debentures were represented by installment Receipts, which were traded on the TSX under the symbol "FTS.IR
Since the Final Installment Date occurred prior to the first anniversary of the closing of the offering, holders of Convertible Debentures
received, in addition to the payment of accrued and unpaid interest, a make-whole payment, representing interest that would have
accrued from the day following the Final Installment Date to and including January 9, 2015. Approximately $72 million ($51 million after
tax) in interest expense associated with the Convertible Debentures, including the make-whole payment, was recognized in 2014 (Note 25)
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For the years ended December 31, 2015 and 2014

18. CDMMON SHARES (ccnt'd)

Convertible Debentures (cont'd)

At the option of the holders, each Convertible Debenture was convertible into common shares of Fortis at any time after the

Final Installment Date but prior to maturity or redemption by the Corporation at a conversion price of $3022 per common share, being

a conversion rate of 32.5521 common shares per $1,000 principal amount of Convertible Debenturies. On October 28, 2014

approximately 58.2 million common shares of Fortis were issued, representing conversion into common shares of more than 99% of

the Convertible Debentures. As at December 31, 2015, a total of approximately 58.6 million common shares of Fortis were issued on the

conversion of Convertible Debentures, for proceeds of $1.748 billion, net of after-tax expenses. The net proceeds were used to finance a

portion of the acquisition of UNS Energy (Note 29)

19. EARNINGS PER COMMON SHARE

The Corporation calculates earnings per common share ("EPS") on the weighted average number of common shares outstanding. The
weighted average number of common shares outstanding was 278.6 million for 2015 and 225.6 million for 2014

Diluted EPS was calculated using the treasury stock method for options and the "if-converted" method for convertible securities

EPS were as follows

Basic EPS s 181°
Effect of potential

dilutive securities
Stock Options
Preference Shares

Net Earnings to Common shareholders
(fn mullions)

Weighted
Average
Number

of Shares
(Millions)

Continuing
Operations

Discontinued

Operations

Continuing '
Operations 1

Discontinued

Operations

Basic EPS

Effect of potential

dilutive securities

Stock Options

Preference Shares 6.9

Deduct anti-dilutive impacts

Preference Shares

Diluted EPS
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(a)'
(b)

Authorized

Issued and Outstanding

20. PREFERENCE SHARES

First Preference Shares

Notes to Consolidated Financial Stiatements

an unlimited number of First Preference Shares, witlllout nominal or par value
an unlimited number of Second Preference Shares, Without nominal or par value

Number
of Shares

Amount
in millions)

Series E m

Series F fv

Series G w

Series H we;

Series I 14)

SeriesJ iv

Series K (2)

Series M (2)

Annual Dividend
Per Share

s 1.2250
s 1.2250
s 0.9708
s 0.6250

7.993.500
5.000.000
9.200.000

10.000000

s
s
s

1.'l875

1.0000

1.0250

8,000,000
10,000,000
24,000,000

74,193,500

iv Cumulative Redeemable FirstPreference Shares
an Cumulative Redeemable Faye-YearFixed Rate Reset First PreferenceShares
is) The annualfixeddividend per share for the FirstPreferenceShares, Series H was reset from $1 .0625 to $0,6250 for the five-year period from andincludingJune 1, 2015

to but excluding June 1, zoz0
w Cumulative Redeemable Five-year FloatingRate preference Shares. The floating quarterlydividendrate will be resetevery quarter based on the then currentthree-month

Government of CanadaTreasuryBill rate plus 1.45%

In September 2014 the Corporation issued 24 million Cumulative Redeemable Fixed Rate Reset First Preference Shares, Series M
("First Preference Shares, Series M") at a price of $25.00 per share for net after-tax proceeds of $591,miliion

Holders of the First Preference Shares, Series E, Series F and Series J are each entitled to receive a fixed cumulative quarterly cash dividend as
and when declared by the Board of Directors of the Corporation, payable in equal quarterly installments on the first day of each quarter

On or after September 1, 2016, each First Preference Share, Series E will be convertible at the option of the holder on the first day of
September, December, March and June of each year into fully paid and freely traceable common shares of the Corporation, determined by
dividing $25.00, together with all accrued and unpaid dividends, by the greater of $1.00 of 95% of the then-current market price of the
common shares at such time. If a holder of First Preference Shares, Series E elects to convert any such shares into common shares, the
Corporation can redeem such First Preference Shares, Series E for cash or arrange for the sale of those shares to other purchasers

The Corporation has the option to convert all, or from time to time any part, of the outstanding First Preference Shares, Series E into fully
paid and freely traceable common shares of the Corporation. The number of common shares into which each First Preference Share
Series E may be converted will be determined by dividing the then-applicable redemption price per First Preference Share, Series E
together with all accrued and unpaid dividends, by the greater of $1.00 or 95% of the then-current market price of the common shares at
such time

The First Preference Shares. Series G. Series H. Series K; and Series M are entitled to receive fixed cumulative cash dividends as and
when declared by the Board of Directors of the Corporation in the amounts of $0.9708, $0.6250, 51.0000 and 51.0250 per share per
annum, respectively, for each year up to but excluding September 1, 2018, June 1, 2020, March 1, 2019, and December 1, 2019, respectively
The dividends are payable in equal quarterly installments on the first day of each quarter. As at September 1, 2018, June 1, 2020
March 1, 2019, and December 1, 2019, and each five-year period thereafter, the holders of First Preference Shares, Series G, Series H
Series K and Series M, respectively, are entitled to receive reset fixed cumulative cash dividends. The reset annual dividends per share
will be determined by multiplying 525.00 per share by the annual fixed dividend rate of the First Preference Shares, Series G, Series H
Series K and Series M, which is the sum of the five-year Government of Canada Bond Yield on the applicable reset date plus 2.13%
1.45%, 2.05% and 2.48%, respectively
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For the years ended December 31, 2015 and 2014

20. PREFERENCE SHARES (cont'd)

On each First Preference Shares, Series H, Series K and Series M Conversion Date, the holders of First Preference Shares, Series H, Series K
and Series M have the option to convert any or all of their First Preference Shares, Series H, Series K and Series M into an equal number of
cumulative redeemable floating rate First Preference Shares, Series I, Series L and Series n, respectively. On June 1, 2015, 2,975,154 of the
10,000,000 First Preference Shares, Series H were converted on a one-for-one basis into First Preference Sharias, Series 1. As a result of the
conversion, Fortis has issued and outstanding 7,024,846 First Preference Shares, Series H and 2,975,154 First Preference Shares, Series I

The holders of First Preference Shares, Series I are entitled to receive floating rate cumulative cash dividends, as and when declared by
the Board of Directors of the Corporation, for the five-year period beginning after June 1, 2015. The floating quarterly dividend rate
will be reset every quarter based on the then current three-month Government of Canada Treasury Bill rate plus 1.45%. The holders of
First Preference Shares, Series L and Series N will be entitled to receive floating rate cumulative cash dividends in the amount per share
determined by multiplying the applicable f loating quarterly dividend rate by $25.00. The f loating quarterly dividend rate of the
First Preference Shares, Series L and Series N will be equal to the sum of the average yield expressed as a percentage per annum on
three-month Government of Canada Treasury Bills plus 2.05% and 2.48%, respectively

On or after specified dates, the Corporation has the option to redeem for cash the outstanding First Preference Shares, in whole at any
time or in part from time to time, at specified fixed prices per share plus all accrued and unpaid dividends up to but excluding the dates
fixed for redemption

21. ACCUMULATED OTHER COMPREHENSIVE INCOME

Other comprehensive income or loss results from items deferred from recognition in the consolidated statement of earnings. The change
in accumulated other comprehensive income by category is provided as follows

in millions)

Net unredlzed foreign currency translation gains (losses)
Unrealized foreign currency translation gains

on net investments in foreign operations
Losses on hedges of net investments in foreign operations
Income tax recovery

i nf  i l l  .1. i :  i

Available-fol\-sale investment: wares, 28 and31)
Unrealized losses on available-for-sale investment

Cash flow hedges: (Note 31)
Net change in fair value of cash flow hedges
Income tax expense

Unrealized employee future benefits (losses) gains: (Note 27)
Unamortized past service costs
Unamortized net actuarial losses
Income tax recovery

Accumulated other comprehensive income
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Opening
balance

January 1 change

Ending
balance

December 31

$ (60)

in millions)

net unrealized foreign currency translation (losses)9e1n$l

Unrealized foreign currency translation (losses) gains

on net investments in foreign operations

Losses on hedges of net investments in foreign operations

Income tax recovery

(131) (131)

Cash flowhedges: (Note 31)

Net change in fair value of cash flow hedges

Discontinued cash flow hedges

Net losses on derivative instruments

discontinued as cash flow hedges

Unrealized employee future benefits (losses) gains: (Note 27)

Unamortized past service costs

Unamortized net actuarial losses

Income tax recovery

Accumulated other comprehensive (loss) income s (72)

22. NON-CONTROLLING INTERESTS

in millions)

Waneta Partnership

Caribbean Utilities

Mount Hayes Limited Partnership

Preference shares of Newfoundland Power

23. STOCK-BASED COMPENSATION PUANS

Stock Options

The Corporation is authorized to grant officers and certainikey employees of Fortis and its subsidiaries options to purchase common shares

of the Corporation. As at December 31, 2015, the Corporaltion had the following stock option plans: the 2012 Plan, the 2006 Plan and the

2002 Plan. The 2012 Plan was approved at the May 4, 2012 Annual General Meeting and will ultimately replace the 2002 and 2006 plans

The 2002 and 2006 Plans will cease to exist when all outstanding options are exercised or expire in or before 2016 and 2018, respectively

The Corporation has ceased the granting of options under the 2002 and 2006 Plans and all new options granted after 2011 are being

made under the 2012 Plan. Directors are not eligible to receive grants of options under the 2012 Plan

Options granted under the 2006 Plan are exercisable for a period not to exceed seven years from the date of grant, expire no later than
three years after the termination, death or retirement of the optionee and vest evenly over a four-year period on each anniversary of the
date of grant

Options granted under the 2012 Plan are exercisable for a period not to exceed ten years from the date of grant, expire no later than

three years after the termination, death or retirement of the optionee and vest evenly over a four-year period on each anniversary of the

date of grant
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Notes to Consolidated Financial Statements

For the years ended Decmember 31, 201 s ahd 2014

2 3 . S T OC K - B A S E D  C OM P E N S A T I ON  P L A N S  ( c o n t ' d )

S t odc  Opt ions  ( c ont 'd )

T h e  f o l l o w i n g  o p t i o n s  w e r e  g r a n t e d  i n  2 0 1 5  a n d  2 0 1 4 .  T h e  f a i r  v a l u e s  o f  t h e  o p t i o n s  w e r e  e s t i m a t e d  a t  t h e  d a t e  o f  g r a n t  u s i n g  t h e
B lack-Scho les fa i r  va lue  op t ion -p r ic ing  mode l  and  the  fo l lowing  assumpt ions

August

12

February

31 .23
Options granted (#)
Exercise price (3) m
Grant date fair value 6)
Assumptions

Dividend yield (%) w
Expected volatility (%) an
Risk-flee interest rate (%
Weighted average expected life (years) is

3 .8

1=iv€.¢;W VWAP immediately preceding the date of grant
iv Based on average annual dividend yield up to the date of grant and M weighted average eirpected life of the options
fa: Based on historkai experience over a period equal to the weighted average expected life of the options
14) Government of Canada benchmark bond yield in effect at the date of gram that covers the weighted average expected life of the ¢ptions
an Based on historical experience

The Corporation records compensation e xp e n se  u p o n the issuance of stock o p t i o n s  g r a n te d under its  2002 i 2 0 0 6  a n d 2 0 1 2 Plans. Using
th e  fa i r  va l u e  m e th o d , each g ran t  i s treated as a single award, the fair va lu e  o f  wh i ch  i s  a mo r t i ze d  to  co mp e n sa t i o n  e xp e n se  e ve n l y over
the  fou r -yea r  vest ing  pe r iod  o f  the  op t ions

The  fo l l ow ing  tab le  summar izes in fo rma t ion  re la ted  to  s tock op t ions fo r  2015

Eiwliil 4llm\mnru¢ Emma

s 278

Options outstanding,  January 1,  2015

G ran t ed

Exercised

Vested

Cancel led/Forfei ted

Opt ions ou tstand ing ,  December 31,  zo15

Options vested ,  December 31,  201 s

(11.4149 S  3 3 . 1 6

iv As at December 31, 2015, 01e1*e was $6 million of unrecognized compensation ewnetwe related to stock options not yet vested, which is expected to be recognized over
a weighted average period of appmurimately three years

As at December 31 , 201 s, the wighted average remaining term of vested options was four years with an aggregate intrinsic valued $18 million

The  fo l l ow ing  tab le  summar izes  add i t i ona l  2015  and  2014  s tock  op t ion  in fo rma t ion

on million$)

Stock option expense recognized

Stock options exercised

Cash received for exercise price

Intrinsic value realized by employees

Fair value of options that vested

Dire c t ors '  DS U P la n

Under  the  Corpo ra t ion 's  D i recto rs '  DSU P lan ,  d i recto rs  who  a re  no t  o f f i ce rs  o f  the  Corpo ra t ion  a re  e l ig ib le  fo r  g ran ts  o f  DSUs rep resen t ing
th e  e q u i t y  p o r t i o n  o f  d i r e c to r s '  a n n u a l  co m p e n sa t i o n .  In  a d d i t i o n ,  d i r e c to r s  ca n  e l e c t  to  r e ce i ve  c r e d i t  fo r i th e i r  q u a r te r l y  ca sh  r e ta i n e r
i n  a  n o t i o n a l  a cco u n t  o f  D S U s  i n  l i e u  o f  ca sh .  T h e  C o r p o r a t i o n  m a y  a l so  d e te r m i n e  f r o m  t i m e  to  t i m e  th a t  sp e c i a l  c i r cu m s ta n ce s  e x i s t
t h a t  w o u l d  r e a s o n a b l y  j u s t i f y  t h e  g r a n t  o f  D S U s  to  a  d i r e c to r  a s  c o m p e n s a t i o n  i n  a d d i t i o n  t o  a n y  r e g u l a r  r e ta i n e r  o r  f e e  t o  w h i c h  t h e
d i recto r  is  en t i t led
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The following table summarizes information related to the PSUs for 2015 and 2014

The payout percentage for the PSU Plans is based on the Corporation's performance over the three-year period, mainly determined by
(i) the Corporation's total shareholder return as compared to a pre-defined peer group of companies, and (ii) the Corporation's cumulative
compound annual growth rate in earnings per common share or, for certain subsidiaries, the Company's cumulative net income, as
compared to the target established at the time of the grant. As at December 31, 2015, the estimated payout percentages for the grants
under the 2013 and 2015 PSU Plans range from 96% to 118%

Number of PSUs

The PSUs are subject to a three-year vesting and performance period, at which time a cash payment may be made, as determined by the
Human Resources Committee of the Board of Directors. AWards are calculated by multiplying the number of units outstanding at the end
of the performance period by the VWAP of the Corporate¢n's common shares for five trading days prior to the maturity of the grant and
by a payout percentage that may range from 0% to 150%

The Corporation's PSU Plans represent a component of loNg-term compensation awarded to senior management of the Corporation and
its subsidiaries. As at December 31, z01s, the Corporation had the following PSU plans: the 2013 PSU Plan, the 2015 PSU Plan, and certain
subsidiaries of the Corporation have also adopted similar share unit plans that are modeled after the Corporation's plans. Each PSU
represents a unit with an underlying value equivalent to Ethe value of one common share of the Corporation and is entitled to accrue
notional common share dividends equivalent to those declared by the Corporation's Board of Directors

PSU Plans

As at December 31, 2015, the liability related to outstanding DSUS has been recorded at the VWAP of the Corporation's common shares
for the last five trading days of 2015 of $37.72, for a total of $6 million (December 31, 2014 - $7 million), and is included in long-term
other liabilities (Note 17)

In 2015, 44,136 DSUs were paid out to retired and Dec¢ased directors at a weighted average price of $37.58 per DSU for a total of
approximately $2 million

For the year ended December 31, 2015, expense of $1 million (2014 - $3 million) was recognized in earnings with respect to the DSU Plan

DSUs outstanding, beginning of year
Granted
Granted - notional dividends reinvested
DSUs paid out

DSUs outstanding, end of year

Each DSU represents a unit with an underlying value emu alert to the value of one common share of the Corporation and is entitled to
accrue notional common share dividends equivalent to those declared by the Corporation's Board of Directors

Number of DSUs

Notes to Consolidated Financial Siiatements

(64,853)

29,279

257.419PSUs outstanding, beginning of year
Granted
Granted - notional dividends reinvested
PSUs paid out
PSUs cancelled/forfeited

PSUs outstanding, end of year

17.591
(33,559)
(21,588)

In January 2015, 68,759 PSUs were paid out to the former Chief Executive Officer ("CEO") of the Corporation at $38.90 per PSU, for a
total of approximately $3 million. The payout was made in respect of the PSU grant made in March 2o12 and the former CEO satisfying
the payment requirements, as determined by the Human Resources Committee of the Board of Directors. As a result of the sale of
commercial real estate and hotel assets, in October 2015, 14,878 PSUs were paid out to certain employees at a 100% payout percentage
under the 2013 PSU Plan and the 2015 PSU Plan at 538.48 per psi, for a total of approximately $1 million
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Notes to Consolidated Financial Statements

For the years ended December 31, 2015 and 2014

23. STOCK-BASED COMPENSATION PLANS (cont'd)

PSU Plans (¢ont'd)

For the year ended December 31, 2015, expense of approximately $12 million (2014 - $7 million) was recogrllized in earnings with respect
to the PSU Plans and there was $9 million of unrecognized compensation expense related to PSUs not yet vested, which is expected to be
recognized over a weighted average period of approximately two years

As at December 31, 2015, the aggregate intrinsic value of the outstanding PSUs was $28 million, with a weighted average contractual life
of approximately one year. The liability related to outstanding PSUs has been recorded at the VWAP of the ¢orporation's common shares
for the last five trading days of 2015 of $37.72, for a total of $19 million (December 31, 2014 .- $10 millions, and is included in accounts
payable and other current liabilities and long-term other liabilities (Notes 14 and 17)

RSU Plans

In February 2015 the Corporation's Board of Directors approved the 2015 RSU Plan, effective January 1, 015. The Corporation's 2015
RSU Plan represents a component of long-term compensation awarded to senior management of the Corlporation and its subsidiaries
Each RSU represents a unit with an underlying value equivalent to the value of one common share of the Corporation and is subject to a
three-year vesting period, at which time a cash payment may be made. Each RSU is entitled to accrue note¢nal common share dividends
equivalent to those declared by the Corporation's Board of Directors

Number of RSUs

Granted
Granted - notional dividends reinvested
RSUs cancelled/forfeited

RSUs outstanding, end of year

For the year ended December 31, 2015, expense of approximately $1 million was recognized in earnings willi respect to the RSU Plan and
there was approximately $1 million of unrecognized compensation expense related to RSUs not yet vested, which is expected to be
recognized over a weighted average period of approximately two years

As at December 31, 2015, the liability related to outstanding RSUs was recorded at the VWAP of the Corporation's common shares for the
last five trading days of 2015 of $37.72, for a total of $1 million, and is included in long-term other liabilities (

24. OTHER INCOME (EXPENSES), NET

in millions)

Net gain on sale of commercial real estate and hotel assets (Note 28)
Gain on sale of non-regulated generation assets (Note 28)
Equity component of AFUDC
Net foreign exchange gain
Interest income
Loss on settlement of expropriation matters (Note 9)
Acquisition-related expenses (Notes29 and35)
Acquisition-related customer and

community benefits (Notes8 WT and29)

s (25)

m Net of $23 million of expenses associated with the sale
w Net of $6 million of expenses and foreign exchange impacts associated with the sale

The net foreign exchange gain relates to the translation into Canadian dollars of the Corporation's preVious US dollar-denominated
long-term other asset, representing the book value of the Corporation's expropriated investment in Belize! Electricity, up to the date of
settlement of expropriation matters in August 2015 (Note 9). As a result of the settlement, the Corporation recognized an approximate
$9 million loss in 2015. Unrealized foreign exchange gains and losses associated with the Corporationis 33% equity investment in
Belize Electricity are recognized on the balance sheet in accumulated other comprehensive income

The acquisition-related expenses and customer and community benefits in 2014 were associated with the acquisition of UNS Energy (Note 29)

FORTIS INC. 2015 ANNUAL REPORT



iv

Net defend income tax liability

Gloss ddannd Income tax liahllltlls
Utility capital assets
Regulatory assets
Non-utility capital assets
Intangible assets

Netdefemudlncometaxassets

Defined income tax assets valuation allowance

(in mf/Iigns)

Gross defined Income tax assets

Tax loss and credit carryforwards

Regulatory liabilities

Employee future benefits

Share issue and debt financing costs

Unrealized foreign exchange losses on long-term debt

Other

Deferred income taxes are provided for temporary differences. The significant components of deferred income tax assets and liabilities
consist of the following.

Defcmnd Income Taxes

26. INCOME TAXES

in mill/bns) a

Interest - Long-term debt and capital lease and finance obligations
- Short-term borrowings
- Convertible Debentures (Note 18)

Debt component of AFUDC

25. FINANCE CHARGES

Notes to Consolidated Financial Statements
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(2,096)
(204)
(40)
(39)

(2,379)
(1,626)

2014

2014

482
20
72

(27)

547

376

186

108

20

17

70

777

(24)

753

The deferred income tax asset associated with unrealized foreign exchange losses on long-term debt reflects $65 million of capital losses
as at December 31, 2015 (December 31, 2014 - $17 million). The deferred income tax asset can only be used if the Corporation has capital
gains to offset the losses. Management believes that it is mare likely than not that Fortis will not be able to generate future capital gains and,
as a result, the Corporation recorded a $65 million valuation allowance against the deferred income tax asset as at December 31, 2015
(December 31, 2014 - $17 million). Management believes that based on its historical pattern of taxable income, Fortis will produce
sufficient income in the future to realize all other deferred income tax assets.

I

4

I
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26. INCOME TAXES (cont'd)

Unrecognized Tax BeneMts

The following table summarizes the change in unrecognized tax benefits during 2015 and 2014.

For the yearsended December31,2015and2014

(in millions)

Total unrecognized tax benefits. beginning of year
Additions related to the current year
Adjustments related to prior years

Total umecognlzed tax benefits, and of year

Notes to Consolidated Financial Statements

The components of the income tax expense were as follows.

on mllIlbns)

Unrecognized tax benefits, if recognized, would reduce income tax expense by $1 million in 2015. Fortis{ has not recognized interest
expense in 2015 and 2014 related to unrecognized tax benefits.

Total Canadian

Canadian

Deferred income taxes

Total Foreign

Foreign

Income my e x w v e

Current income taxes

Deferred income taxes
Less:regulatory adjustments

s

s

151

s 191

zols

11
1
t

13

z019

113

ugvn
13

72

s •

I

1

I

I

I

I
I

I
I

I

I
\

I
E
I
I

i
l

I

I

i
1

I

I

s

s

s

s

s

s

2014

3

7

1

11

2014

43

64

(67)

(3)

40

26

26

66

Income taxes differ from the amount that would be expected to be generated by applying the enacted combined Canadian federal and
provincial statutory income tax rate to earnings before income taxes. The following is a reconciliation of consolidated statutory taxes to
consolidated effective taxes.

45%
I

!

2014

29.0%

s 131

m (23)

(4) (10)

(39) (26)

.~

(it)
13

.(141 |
I

in millions, except as noted)

Combined Canadian federal and provincial statutory income tax rate

Statutory income tax rate applied to earnings before income taxes
Difference between Canadian statutory income tax rate and rates

applicable to foreign subsidiaries
Difference in Canadian provincial statutory income tax rates

applicable to subsidiaries in different Canadian jurisdictions
Items capitalized for accounting purposes but expensed for

income tax purposes
Difference between gain on sale of assets for accounting and

amounts calculated for tax purposes
Change in tax rates and legislation
Other

Income tax expense s

(6)

66

14.6%Effectlvetlx IMG 21,095

1
I
I
I
i

I

126 1
\
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Foreign
Capital loss
Federal and state net operating loss
Other tax credits
Alternative minimum tax credits

Canadian

Unrecognized in the consolidated financial statements

In 2015 the Corporation's combined Canadian federal add provincial statutory income tax rate decreased from 29.0% to 27.5%. This
change resulted from the inclusion of the Waneta Partnerlship's taxable income, which is taxable in the province of British Columbia at a
lower provincial income tax rate, and increased income ta expense by approximately $3 million in 2015, through the re-measurement of
deferred income tax assets. In addition, a change in New York State tax legislation in 2015 resulted in the need to include UNS Energy as
part of the combined New York State tax return. As a result, existing deferred income tax balances were adjusted to reflect the effect of
the change in the tax law, resulting in an increase in income tax expense of approximately $10 million in 2015

Capital loss

Non-capital loss

Other tax credits

in millions)

As at December 31, 2015, the Corporation had the following tax carryforward amounts

Notes to Consolidated Financial St cements

2031 - 2034

2016 - 2035

n/a

n/a
2025 - 2035
2026 .. 2035

Expiring Year

4-15-9 w e

Unrecognized in the consolidated financial statements

Total tax carryfonuards

As at December 31, 2015, the Corporation had approximately $912 million in tax carryforward amounts recognized in the consolidated

financial statements (December 31, 2014 - $1,093 million)

The Corporation and one or more of its subsidiaries are siiibject to taxation in Canada, the United States and other foreign jurisdictions
The material jurisdictions in which the Corporation is subject to potential examinations include the United States (Federal, Arizona and
New York) and Canada (Federal and British Columbia). Tlhe Corporation's 2010 to 2015 taxation years are still open for audit in the
Canadian jurisdictions and 2011 to 2015 taxation years are still open for audit in the United States jurisdictions. The Corporation is not
currently under examination for income tax matters in any Of these jurisdictions

27. EMPLOYEE FUTURE BENEFITS

The Corporation and its subsidiaries each maintain one aria combination of defined benefit pension plans, defined contribution pension

plans, and OPEB plans. For the defined benefit pension and OPEB plan arrangements, the benefit obligation and the fair value of plan

assets are measured for accounting purposes as at December 31 of each year

Actuarial valuations are required to determine funding contributions for pension plans, at least, every three years for Fortis' Canadian and

Caribbean subsidiaries. The most recent valuations were as of December 31, 2012 for FortisBC Energy (plan covering non-unionized

employees), Fortis Alberta and Caribbean Utilities, December 31, 2013 for FortisBC Electric and FortisBC Energy (plans covering unionized

employees), as of December 31, 2014 for Newfoundland Power, Fortisontario, and the Corporation

UNS Energy and Central Hudson perform annual actuarial valuations, as their funding contribution requirements are based on maintaining

annual target fund percentages. Both UNS Energy and Central Hudson have met the minimum funding requirements
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Notes to Consolidated Financial Statements

For the years ended December it, 2015 and 2014

z z E MP LOY E E  FUTURE  BE NE FITS  ( c ont 'd )

T h e  C o r p o r a t i o n ' s  i n v e s t m e n t  p o l i c y  i s  t o  e n s u r e  t h a t  t h e  d e f i n e d  b e n e f i t  p e n s i o n  a n d  O P E B  p l a n  a s s e t s ,  t o g e t h e r  w i t h  e x p e c t e d
c o n t r i b u t i o n s ,  a r e  i n v e s te d  i n  a  p r u d e n t  a n d  c o s t - e f f e c t i v e  m a n n e r  t o  o p t i m a l l y  m e e t  t h e  l i a b i l i t i e s  o f  t h e  p l a n s  f o r  i t s  m e m b e r s .  T h e
in ve s tme n t  o b je c t i ve  o f  th e  d e f i n e d  b e n e f i t  p e n s io n  a n d  OP E B  p la n s  i s  to  ma x im ize  r e tu r n  i n  o r d e r  to  ma r r i a g e  th e  fu n d e d  s ta tu s  o f  th e
p la n s  a n d  m in im ize  th e  Co r p o r a t i o n ' s  co s t  o ve r  th e  l o n g  te r m ,  a s  me a su r e d  b y  b o th  ca sh  co n t r i b u t i o n s  a n d  d e f i n e d  b e n e f i t  p e n s io n  a n d
OPEB expense fo r  conso l ida ted  f inancia l  sta tement purposes

The  Corpora t ion 's  conso l ida ted  de f ined  bene f i t  pension  and  OPEB p lan  we igh ted  average  asse t a l loca t ions were  as fo l lows

Plan assets as at December 31

Equities
Fixed income
Real estate
Cash and other

The fa i r  va lue measurements o f defined benefi t  pension and OPEB p lan assets by fa i r  va lue h ierarchy, as defined in  Note  31, were as fo l lows

Fair value of plan assets as at December 31, z01s

6nmi/lions)

Equities

Fixed income

Real estate

Private equities

Cash and other

Fair value of plan assets as at December 31, 2014

Gn milllbns)

Equities

Fixed income

Real estate

Private equities

Cash and other

Level 1 Level 2 Level 3 Total

s 2,370

The following table is a reconcil iation of changes in the fair value of pension plan assets that have been measured using Level 3 inputs for

the years ended December 31, 2015 and 2014

in millions)

Balance, beginning of year

Assets assumed on acquisition

Actual return on plan assets held at end of year

Foreign currency translation impacts

purchases. sales and settlements

Balance, end of year
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Notes to Consolidated Financial Statements

The following is a breakdown of the Corporation's any! subsidiaries' defined benefit pension and OPEB plans and their respective
funded status

Defined Benefit
Pension Plans OPEB Plans

Gn millions)

Change in benefit obligation

(101)

Balance, beginning of year

Liabilities assumed on acquisition

Service costs

Employee contributions

Interest costs

Benefits paid

Actuarial (gains) losses

Past service credits/plan amendments

Foreign currency translation impacts

Balance, end of year

Change in value of planassets

Balance, beginning of year

Assets assumed on acquisition

Actual return on plan assets

Benefits paid

Employee contributions

Employer contributions

Foreign currency translation impacts

Balance, end of year

(101)

Funded status

s 2,216

$ (388) $ (410)

m Amounts reflect projected benefit obligation for defined benefit Pa"si°f\ plans and accumulated benefit obligation for OPEB plans
(2) The accumulated benefit obligation for defined benefit pension paris. excluding assumptions about future salary levels, was $2,595 million as at December 31, 2015

(December 31, 2014 - $2,378 million)

The following table summarizes the employee future benefit assets and liabilities and their classifications on the consolidated balance sheet

Defined Benefit
pension Plans OPEN Plans

in millions)

Defined benefit pension assets

Long-term other assets

Liabilities

Defined benefit pension liabilities

Current (Note 14)

Long-term other liabilities (Note 17)

OPEB plan liabilities

Current (Note 14)

Long-term other liabilities (note 17)

Net liabilities
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Notes to Consolidated Financial Statements

For the years ended December 31, 2015 and 2014

H z

The net  benef i t  cost  for the Corporat ion's  def ined benef i t  pens ion plans and OPEB plans were as fol lows

EMPLOYEE FUTURE BENEFITS (cont 'd )

Defined Benefit
Pension Plans OPEB Plans

Hn millions)

Components of not benefit cost

Sewke costs

Interest costs

Expected return on plan assets

Amortization of actuarial losses

Amortization of past service credits/plan amendments

Amortization of transitional obligation (asset)

Regulatory adjustments

(106)

Net benefit cost

The fol low ing tables  prov ide the components  of  accumulated other comprehens ive loss  and regulatory  asset 's  and l iabi l i t ies ,  which would
otherw ise have been recognized as  accumulated other  comprehens ive loss ,  for  the years  ended December 81,  2015 and 2014 that  have
not  been recognized as  components  of  net  benef i t  cos t

Defined Benefit
Pension Plans OPEB Plans

s 16

in millions)

Unamortized net actuarial losses

Unamortized past service costs

Income tax recovery fs; ( 1 )

Accumulated other comprehensive lass (Note 21) s

Net actuarial losses

Past service credits

Amount deferred due to actions of regulators

Regulatory assets (note869

Regulatory liabilities (Note 800)

Net regulatory assets

The fo l low ing tab les  prov ide the components  recognized in  comprehens ive income or  as  regulatory  assets ,  which would otherw ise have
been recognized in comprehens ive income

Defined Benefit
Pension Plans OPEB Plans

in millions)

Current year net actuarial losses (gains)

Past sen/ice credits/planamendments

Amortization of actuarial gains (losses)

Income tax recovery

Total recognized In comprehensive income

Assets assumed on acquisition

Current year net actuarial losses (gains)

Past service credits/plan amendments

Amortization of actuarial losses

Amortization of past service costs

Foreign currency translation impacts

Regulatory adjustments

Total recognized in regulatory assets
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Notes to Consolidated Financial Statements

Net actuarial losses of $1 million are expected to be amortized from accumulated other comprehensive income into net benefit cost in 2016
related to defined benefit pension plans

Net actuarial losses of $47 million, past service credits of $11 million and regulatory adjustments of $2 million are expected to be amortized
from regulatory assets into net benefit cost in 2016 related to defined benefit pension plans. Net actuarial losses of $3 million, past service
credits of $1 million and regulatory adjustments of $5 million are expected to be amortized from regulatory assets into net benefit cost in
2016 related to OPEB plans

Significant weighted average assumptions Defined Benefit
Pension Plans

iv The projected 2016 weighted average heath care cost trend rate is 688% for OPEB plansand is assumed to decrease over thenext 13 years by 2028 to the weighted

Discount rate during the year
Discount rate as at December 31
Expected long-term rate of return on plan assets
Rate of compensation increase
Health care cost trend increase as at December 31

Developed by management with assistance from independent actuaries using best estimates of expected returns. volatilities and correlations for each class of asset
The best estimates are based on historical performance, fmure expectations and periodic portfolio rebalancing among the diversified asset classes

average ultimate health care cost trend rate of 4.67% and remain at that level thereafter

For 2015 the effects of changing the health care cost trend! rate by 1% were as follows

Gn millions)

Increase (decrease) in accumulated benefit obligation
Increase (decrease) in service and interest costs

The following table provides the amount of benefit payments expected to be made over the next 10 years

Defined Benefit
Pension Payments OPEB Payments

(fn mil/lbns) h millions)

24

2021 .. 2025

Refer to Note 33 for expected defined benefit pension and lOPEs plan funding contributions

During 2015 the Corporation expensed $28 million (2014 -'$21 million) related to defined contribution pension plans

28. DISPOSITIONS AND DISCONTINUED OPERATIONS

Sale of Commercial Real Estate and Hold Assets

In June 2015 the Corporation completed the sale of Ollie commercial real estate assets of Fortis Properties for gross proceeds of
$430 million. As a result of the sale. the Corporation recognized a gain on sale of $129 million ($109 million after tax), net of expenses
(Note 24). As part of the transaction, Fortis subscribed to $85 million in trust units of Slate Office REIT in conjunction with the RElT's public
offering (Notes 9 and 31)

In October 2015 the Corporation completed the sale of the hotel assets of Fortis Properties for gross proceeds of $365 million. As a result
of the sale, the Corporation recognized a loss of approximately $20 million (as million after tax), which reflects an impairment loss and

expenses associated with the sale transaction (Note 24)
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Notes to Consolidated Financial Statements

For the years ended December 31, 2015 and 2014

pa. DISPOSITIONS AND DISCONTINUED OPERATIONS (cont'd)

Sale of Commendal Real Estate and Hotel Assets (cont'd)

Net proceeds from the sales were used by the Corporation to repay credit facility borrowings, the majority of which were used to finance
a portion of the acquisition of UNS Energy (Note 29), and for other general corporate purposes

Earnings before taxes related to Fortis Properties of approximately $18 million were recognized in 2015, excluding the net gain on sale
compared to $31 million in 2014

Sale of Non-Regulated Generation Assets in New York and Ontario

In June 2015 the Corporation sold its non-regulated generation assets in Upstate New York for gross proceeds of approximately
$77 million (US$63 million). As a result of the sale, the Corporation recognized a gain on sale of 1551 million (USS41 million)
(527 million (LlS$22 million) after tax), net of expenses and foreign exchange impacts (Note 24)

In July 2015 the Corporation sold its non-regulated generation assets in Ontario for gross proceeds of approximately s16 million. As a
result of the sale, the Corporation recognized a gain on sale of $5 million ($5 million after tax) (Note 24)

Earnings before taxes of less than $1 million were recognized in 2015, excluding the gain on sale, compared 110 $3 million in 2014

Sale of Griffith

In March 2014 Griffith was sold for proceeds of approximately $105 million (US$95 million). The results of operations to the date of sale are
presented as discontinued operations on the consolidated statements of earnings. As a result of the disposal, earnings from discontinued
operations of $8 million (55 million after tax) were recognized in the first quarter of 2014

29. BUSINESS ACQUISITIONS

Pending Acquisition of Aitken Creek Gas Storage Facility

In December 2015 Fortis, through an indirect wholly owned subsidiary, entered into a definitive share purchase and sale agreement with
Chevron
US$266 million, subject to customary closing conditions and adjustments. Aitken Creek is the largest gas storage facility in British Columbia
with a total working gas capacity of 77 billion cubic feet and is an integral part of Western Canada's natural gas transmission network
The acquisition is subject to regulatory approval and is expected to close in the first half of 2016. The net cash purchase price is expected
to be initially financed with borrowings under the Corporation's credit facility. In December 2015 the Cjorporation paid a deposit of
US$29 million related to the transaction, which is included in long-term other assets on the consolidated balance sheet (Note 9)

Canada Properties Ltd. to acquire its shares of the Aitken Creek Gas Storage Facility ("Aitkein Creek") for approximately

UNS Energy

On August 15, 2014, Fortis acquired all of the outstanding common shares of UNS Energy for US$60.25 per Common share in cash, for an
aggregate purchase price of approximately US$4.5 billion, including the assumption of US$2.0 billion of debtor closing

Financing of the net cash purchase price of approximately $2.7 billion (US$2.5 billion) is complete. Fortis corrlipleted the sale of $1.8 billion
4% Convertible Debentures. Proceeds from the first installment of approximately $599 million were receivedlin January 2014. A significant
portion of these cash proceeds were used to finance a portion of the UNS Energy acquisition. Proceeds from the final installment of
approximately $1.2 billion were received on October 28, 2014 and were used to repay borrowings under acquisition credit facilities initially
used to finance a portion of the UNS Energy acquisition. Substantially all of the Convertible Debentur s have been converted into
approximately 58.6 million common shares of Fortis (Note 18). In September 2014 Fortis issued 24 million 4.1% Cumulative Redeemable
Fixed Rate Reset First Preference Shares, Series M for gross proceeds of $600 million (Note 20). The net proceeds were also used to repay a
portion of borrowings under the acquisition credit facilities. The remainder of the purchase price was ft arced through credit facility
borrowings under a medium-term bridge facility and the Corporation's revolving credit facility (Note 32), which were subsequently repaid
using net proceeds from the sale of commercial real estate and hotel assets (Note 28)

UNS Energy's operations are regulated by the ACC and FERC (Note 2). The determination of revenue and earnings is based on a regulated
rate of return that is applied to historic values, which do not change with a change of ownership. no fair 'value adjustments, other than
goodwill, were recorded for the net assets acquired because all of the economic benefits and obligations (associated with them beyond
regulated rates of return accrue to the customers
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Fair value assigned to net assets

Current assets

Long-term regulatory assets

Utility capital assets

Intangible assets

Other long-term assets

Current liabilities

Assumed long-term debt and capital lease and finance obligations (including current portion)

Long-term regulatory liabilities

Other long-term liabilities

Cash and cash equivalents

Fair value d net assets acquired

The following table summarizes the f inal allocation lot the purchase consideration to the assets and liabilities acquired as at
August 15, 2014, based on their fair values, using an exchlange rate of US$1.00=CAD$1.0925

Purchase consideration

Hn millions)

Notes to Consolidated Financial Statements

n:mn.ui..

Goodwill (Note 13)

The acquisition has been accounted for using the acquisition method, whereby financial results of the business acquired have been

consolidated in the financial statements of Fortis commencing on August 15, 2014

In 2014 acquisition-related expenses of approximately $25 million (519 million after tax) were recognized in other income (expenses), net
on the consolidated statement of earnings (Note 24). in addition, approximately $33 million (US$30 million), or $20 million (USS18 million)
after tax, in customer benefits offered to obtain regulatory approval of the acquisition were expensed in 2014 and were also recognized in
other income (expenses), net on the consolidated states of earnings (Notes 8 (xvii) and 24)

30. SUPPLEMENTARY INFORMATION TO CONSOLIDATED STATEMENTS 0F CASH FLOWS

an millions)

Cash paid for

Interest

Income taxes

Change in non-cash operating working capital

Accounts receivable and other current assets

Prepaid expenses

Inventories

Regulatory assets - current portion

Accounts payable and other current liabilities

Regulatory liabilities - current portion

(123)

s (124)
Non-cash Investing and financing activities

Common share dividends reinvested

Conversion of Convertible Debentures into common shares (note 18)

Additions to utility capital assets, non-utility capital assets

and intangible assets included in current and long-term liabilities

Contributions in aid of construction induced in current assets

Exercise of stock options into common shares

81
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Notes to Consolidated Financial Statements

For the years ended December 31, 2015 and 2014

31. FAIR VALUE MEASUREMENTS AND FINANCIAL INSTRUMENTS

Fair value is the price at which a market participant could sell an asset or transfer a liability to an unrelated pay. A fair value measurement

is required to reflect the assumptions that market participants would use in pricing an asset or liability based on the best available

information. These assumptions include the risks inherent in a particular valuation technique, such as a pricing model, and the risks inherent

in the inputs to the model. A fair value hierarchy exists that prioritizes the inputs used to measure fair value

The three levels of the fair value hierarchy are defined as follows

Level 1: Fair value determined using unadjusted quoted prices in active markets

Level 2: Fair value determined using pricing inputs that are observable, and

Level 3: Fair value determined using unobservable inputs only when relevant observable inputs are not available

The fair values of the Corporation's financial instruments, including derivatives, reflect point-in-time estimates based on current and
relevant market information about the instruments as at the balance sheet dates. The estimates cannot be determined with precision as
they involve uncertainties and matters of judgment and, therefore, may not be relevant in predicting the Corploration's future consolidated
earnings or cash flows

The following table presents, by level within the fair value hierarchy, the Corporation's assets and liabilities ac¢ounted for at fair value on a
recurring basis. These assets and liabilities are classified based on the lowest level of input that is significant t¢ the fair value measurement
and there were no transfers between the levels in the periods presented. For derivative instruments, the Corporation has elected gross

presentation for its derivative contracts under master netting agreements and collateral positions

As at December 31

Hnmillions)
Fair value
hierarchy

Energy contracts subject to regulatory deferral iv w ")

Energy contracts not subject to regulatory deferral

Availablefor-sale investment (Note 9)

Assets held for sale (Note 6)

Other investments

Totalgross assets

Less: Counterparty netting not offset on the balance sheet

Levels 2/3

Level 3

Level 1

Level 2

Level 1

Total net assets

Liabilities

Energy contracts subject to regulatory deferral iv (2) m

Energy contracts not subject to regulatory deferral

Energy contracts - cash flow hedges

Interest rate swaps - cash flow hedges

Total gross liabilities

Less: Counterparty netting not offset on the balance sheet

Levels 1/2/3

Level 3

Level 3

Level z

Total net liabilities

m The fair value of the Corporation's energy contracts is recorded in accounts receivable and other current assets, long-term other assets, accounts payable and other
current liabilities and long-term other liabilities. Unrealized gains and losses arising from changes in fair value of these contracts Arie deferred as a regulatory asset of
liability for recovery from, or refund to, customers in rates as permitted by the regulators, with the exception of long-term wholesale trading contracts

m Changes in one or more of the unobsen/able inputs could have a significant impact on the fair value measurement depending on the magnitude and direction of the
change for each input. The impacts of changes in fair value are subject to regulatory recovery with the exception of long-term wholes Le trading contracts and those that
qualify as cash flow hedges

at Induces$2million - level z and $5 million - level 3 (2014 -$3million - level 3)
14) Induced in long-term other assets on the consolidated balance sheet
is; The cost of the availablefor-sale investment was $35 million and unrealized gains and losses arising from changes in fair value are recorded in other comprehensive

income until they become realized and are reclassified to earnings (Notes 9 and 28)
is) Certain energy contracts are subject to legally enforceable master netting arrangements to mitigate credit risk and netted by counterparty where the intent and legal right

to offset exists
or Includes $1 million - level 1, $52 million - level 2 and $25 million - level 3 (2014- $2 million - level 1, $35 million - level 2 and $358million - level 3)
re The fair value of certain of the CorporationS energy contracts are recorded in accounts payable and other current liabilities and the fair value of the Corporation's interest

rate maps are recorded in accounts payable and other current liabilities and long-term other liabilities. Unrealized gains and losses ailising from changes in fair value are
recorded in other comprehensive income until they become realized and are reclassified to earnings

FORTIS INC. 2015 ANNUAL REPORT



1
Notes to Consolidated Financial s atements

I

;
f

i

Derivative Instruments I
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The Corporation generally limits the use of derivative in truments to those that qualify as accounting, economic or cash flow hedges,
or those that are approved for regulatory recovery. The c rporation records all derivative instruments at fair value, with certain exceptions
including those derivatives that qualify for the normal purchase and normal sale exception. The fair value of derivative instruments are
estimates of the amounts that the utilities would receive ort have to pay to terminate the outstanding contracts as at the balance sheet dates.

Energy Contracts Subject to Regulatory Deferral
UNS Energy holds electricity power purchase contracts and gas swap and option contracts to reduce its exposure to energy price risk
associated with purchased power and gas requirements. RUNS Energy primarily applies the market approach for fair value measurements
using independent third-party information. where possible. When published prices are not available, adjustments are applied based on
historical price curve relationships and transmission and line losses. The fair value of gas option contracts is estimated using a Black-scholes
option-pricing model, which includes inputs such as implied volatility, interest rates, and forward price curves. UNS Energy also considers
the impact of counterparty credit risk using current and =historical default and recovery rates, as well as its own credit risk using credit
default swap data.

Central Hudson holds electricity swap contracts and gas swap and option contracts to minimize commodity price volatility for electricity
and natural gas purchases by fixing the effective purchase price for the defined commodities. The fair value of the electricity swap
contracts and gas swap and option contracts was calculated using forward pricing provided by independent third parties.

FortisBC Energy holds gas purchase contract premiums toifix the effective purchase price of natural gas, as the majority of the natural gas
supply contracts have floating, rather than fixed. prices. The fair value of the natural gas derivatives was calculated using the present value
of cash flows based on market prices and forward curves for the cost of natural gas.

As at December 31, 2015, these energy contract derivatives were not designated as hedges, however, any unrealized gains or losses
associated with changes in the fair value of the derivatives are deferred as a regulatory asset or liability for recovery from, or refund to,
customers in future rates, as permitted by the regulators. fihese unrealized losses and gains would otherwise be recorded in earnings. As
at December 31, 2015, unrealized losses of $74 million (December 31, 2014 - $69 million) were recognized in regulatory assets and
unrealized gains of $3 million were recognized in regulatolly liabilities (Note 8 (WD).

Energy Contracts Not Subject to Regulatory Deferral
In June 2015 UNS Energy entered into long-term wholesale trading contracts that qualify as derivative instruments. The unrealized gains
and losses on these derivative instruments are recorded in earnings, as they do not qualify for regulatory deferral. Ten percent of any
realized gains on these contracts are shared with the ratepayer through UNS Energy's rate stabilization accounts.

Cash Flow Hedges
UNS Energy holds an interest rate swap, expiring in 2020, Ito mitigate its exposure to volatility in variable interest rates on lease debt, and
held a power purchase swap, that expired in September'2015, to hedge the cash flow risk associated with a long-term power supply
agreement. The after-tax unrealized gains and losses on dash flow hedges are recorded in other comprehensive income and redassffied
to earnings as they become realized. The loss expected ito be reclassified to earnings within the next 12 months is estimated to be
approximately $1 million.

Central Hudson holds interest rate cap contracts expiring in 2016 and 2017 on bonds with a total principal amount of US$64 million.
Variations in the interest costs of the bonds, including any gains or losses associated with the interest rate cap contracts, are deferred
as a regulatory asset or liability for recovery from, or retlund to, customers in future rates, as permitted by the regulator and do not
impact earnings.

Cash f lows associated with the settlement of all derivative
consolidated statement of cash flows.

instruments are included in operating activities on the Corporation's
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Notes to Consolidated Financial Statements

For the years ended December 31, 2015 and 2014

31. FAIR VALUE MEASUREMENTS AND FINANCIAL INSTRUMENTS (cont'd)

Volume of Derivative Activity

As at December 31, 2015, the following notional volumes related to electricity and natural gas derivatives that are expected to be settled
are outlined below

Maturity Contracts
(#) :nis 2017 z01s 2019 zoz0 after

28 LG2?

22 64

Energy contracts subject to regulatory deferral
Electricity swap contracts (gigawatt hours ("GWh"))
Electricity power purchase contracts (Gwh)
Gas swap andoption contracts (petajoules ('PJ"))
Gas purchase contract premiums (PJ)

Energy contracts not suhliect to regulatory deferral
Long-term wholesale trading contracts (Gwh) 6

Financial Instruments Not Carried At Fair Value

The following table discloses the estimated fair value measurements of the Corporation's financial instruments not carried at fair value
The fair values were measured using Level 2 pricing inputs, except as noted. The carrying values of the Corportation's consolidated financial
instruments approximate their fair values, reflecting the short-term maturity, normal trade credit terms and/on nature of these instruments
except as follows

Asset (I.iihi1ily)

Value

December 31, 2014
Estimated
Fair Value

n/a
(12,237)

in millions)

Long-term other asset - Belize Electricity
Long-term debt, including current portion (Note 15)
Waneta Partnership promissory note(Note 17)

m in August 201 s the Corporation settled expropriation matters with the GOB regarding the GOB's expropriation of Belize Eledridty (lllcrte 9)
YZIThe Corporation's $200 million unsecured debentures due 2039 and consolidated borrowings under credit facilities classified Las long-term debt of $551 million

(December 31, 2014 - $1 ,096 million) are valued using Level 1 inputs. All other long-term debt is valued using Level 2 inputs

(10,901)

The fair value of long-term debt is calculated using quoted market prices when available. When quoted marltet prices are not available, as
is the case with the Waneta Partnership promissory note and certain long-term debt, the fair value is deter red by either: (i) discounting
the future cash flows of the specific debt instrument at an estimated yield to maturity equivalent to banc* mark government bonds or
treasury bills with similar terms to maturity, plus a credit risk premium equal to that of issuers of similar credit quality; or (ii) obtaining from
third parties indicative prices for the same or similarly rated issues of debt of the same remaining maturities. Since the Corporation does
not intend to settle the long-term debt or promissory note prior to maturity, the excess of the estimated fair value above the carrying value
does not represent an actual liability

32. FINANCIAL RISK MANAGEMENT

The Corporation is primarily exposed to credit risk, liquidity risk and market risk as a result of holding financial instruments in the normal
course of business

Credit risk

Liquidity risk

Market risk

Risk that a counterparty to a financial instrument might fail to meet its obligations under the terms of the financial instrument

Risk that an entity will encounter difficulty in raising funds to meet commitments associated with financial instruments

Risk that the fair value or future cash flows of a financial instrument will fluctuate due to changes in market prices. The
Corporation is exposed to foreign exchange risk, interest rate risk and commodity price risk
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For cash equivalents, trade and other accounts receivable, nd long-term other receivables, the Corporation's credit risk is generally limited
to the carrying value on the consolidated balance sheet. The Corporation generally has a large and diversified customer base, which
minimizes the concentration of credit risk. The Corporation and its subsidiaries have various policies to minimize credit risk, which include
requiring customer deposits, prepayments and/or credit!  checks for certain customers and performing disconnections and/or using
third-party collection agencies for overdue accounts.

Credlt Rlsk

FortisAlberta has a concentration of credit risk as a result of its distribution service billings being to a relatively small group of retailers. As
at December 31, 2015, FortisAlberta's gross credit risk exposure was approximately $116 million, representing the projected value of
retailer billings over a 37-day period. The Company has reduced its exposure to $3 million by obtaining from the retailers either a cash
deposit, bond, letter of credit, an investment-grade credit rating from a major rating agency, or a financial guarantee from an entity with
an investment-grade credit rating.

The Corporation's consolidated financial position could beéadversely affected if it, or one of its subsidiaries, fails to arrange sufficient and
cost-effective financing to fund, among other things, capital expenditures, acquisitions and the repayment of maturing debt. The ability to
arrange sufficient and cost-effective financing is subject to=numerous factors, including the consolidated results of operations and financial
position of the Corporation and its subsidiaries, conditions in capital and bank credit markets, ratings assigned by rating agencies and
general economic conditions.

The Corporation's committed corporate credit facility is used for interim financing of acquisitions and for general corporate purposes
Depending on the timing of cash payments from subsidiaries, borrowings under the Corporation's committed corporate credit facility may
be required from time to time to support the servicing of debt and payment of dividends. As at December 31, 2015, over the next five
years, average annual consolidated fixed-term debt maturities and repayments are expected to be approximately $260 million. The
combination of available credit facilities and relatively Ids annual debt maturities and repayments provides the Corporation and its
subsidiaries with flexibility in the timing of access to capital markets

The following summary outlines the credit facilities of the ¢orporation and its subsidiaries

Notes to Consolidated Financial Statements

UNS Energy, Central Hudson and FortisBC Energy may be exposed to credit risk in the event of non-performance by counterparties to
derivative instruments. The Companies use netting arrangements to reduce credit risk and net settle payments with counterparties where
net settlement provisions exist. They also limit credit risk by only dealing with counterparties that have investment-grade credit ratings. At
UNS Energy, contractual arrangements also contain certain provisions requiring counterparties to derivative instruments to post collateral
under certain circumstances.

To help mitigate liquidity risk, the Corporation and its regulated utilities have secured committed credit facilities to support short-term
financing of capital expenditures and seasonal working capital requirements

As at December 31, 2015, the Corporation and its subsidiaries had consolidated credit facilities of approximately $3.6 billion, of which
approximately $2.4 billion was unused, including $570 Million unused under the Corporation's committed revoMng corporate credit
facility. The credit facilities are syndicated mostly with the seven largest Canadian banks, as well as large banks in the United States, with
no one bank holding more than 20% of these facilities. Approximately $3.3 billion of the total credit facilities are committed facilities with
maturities ranging from 2016 through 2020.

Liquidity Risk

Un milllbns)

Total  credi t faci l i t ies m

Cred i t facilities utilized:

S h o r t - t e m  b o r ro w i n g s  m

Long-term debt (Note 15) ")

Let ters  o f credit outstanding

Credit facilities unused

. in .,

In

iv Total credit facilities exclude a $300 million option to Increase the Coipofatiorvs committed corporate credit facility, as discussed below
w The weighted average interest rate on short-term bonuwings was op

° ~g-term debt included $71 milieu in current installments of long-tem debt on the consolidated
balance sheet (December 31, 2014 - $257 million). The wighted average interest rate on credit facility bonvawings dassifled as long-tem debt was appmoiimately 1.5%
as at December 31, 2015 (December31, 2014- 1.8%).

'proximately 1.0% as at December 31, 2015 (December31, 2014 - 13%)
"P As at December 31. 2015, credit facility borrowings dalssilied as too
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For the years ended December 31, 2015 and 2014

32 . FINANCIAL Rl5K MANAGEMENT (cont"d)

Liquidity Risk (cont'd)

As at December 31, 2015 and 2014, certain borrowings under the Corporation's and subsidiaries' long-term committed credit facilities
were classified as long-term debt. It is management's intention to refinance these borrowings with long-term permanent financing during
future periods

Regulated Utilities
The UNS Utilities have a total of US$350 million ($484 million) in unsecured committed revolving credit facilities maturing in October 2020,
with the option of two one-year extensions

Central Hudson has a US$200 million (5277 million) unsecured committed revolving credit facility, maturing in October 2020, that is
utilized to finance capital expenditures and for general corporate purposes. Central Hudson also has an uncommitted credit facility totaling
US$25 million (534 million) 1

FEl has a $700 million unsecured committed revolving credit facility, maturing in August 2018, that is utilized to finance working capital
requirements, capital expenditures and for general corporate purposes

FortisAlberta has a $250 million unsecured committed revolving credit facility, maturing in August 2020, that is utilized to finance capital
expenditures and for general corporate purposes

FortisBC Electric has a $150 million unsecured committed revolving credit facility, maturing in May 2018. Thlis facility is utilized to finance
capital expenditures and for general corporate purposes. FortisBC Electric also has a $10 million unsecured demand overdraft facility.

Newfoundland Power has a $100 million unsecured committed revolving credit facility, maturing in August 20h9, and a $20 million demand
credit facility. Maritime Electric has a $50 million unsecured committed revolving credit facility, maturing in February 2019, and a $5 million
unsecured demand credit facility. Fortis Ontario has a $30 million unsecured committed revolving credit facility,j maturing in June 2016.

Caribbean Utilities has unsecured credit facilities totaling approximately US$47 million (565 million). Fortis Tusks and Caicos has short-term
unsecured demand credit facilities of US$26 million ($36 million), maturing in September 2016.

Corporate and Other .
Fortis has a $1 billion unsecured committed revolving credit facility, maturing in July 2020, that is available fol general corporate purposes.
The Corporation has the ability to increase this facility to $1.3 billion. As at December 31, 2015, the Corporation has not yet exercised its
option for the additional $300 million. The Corporation also has a $35 million letter of credit facility, maturing in January 2017.

UNS Energy Corporation has a US$150 million ($208 million) unsecured committed revolving credit facility, m$turing in October 20z0, with
the option of two one-year extensions

CH Energy Group has a US$50 million (569 million) unsecured committed revolving credit facility, maturilpg in July 2020, that can be
utilized for general corporate purposes

FHl has a $30 million unsecured committed revolving credit facility, maturing in April 2018, that is available for general corporate purposes.

The Corporation and its currently rated utilities target investment-grade credit ratings to maintain capital market access at reasonable
interest rates. As at December 31, 2015, the Corporation's credit ratings were as follows:

Standard 8¢ Poor's ("S&P") A-/ Stable (long-term corporate and unsecured debt credit rating)
A (low) / Stable (unsecured debt credit rating)

Market Risk

The above-noted credit ratings reflect the Corporation's low business-risk profile and diversity of its operations, the stand-alone nature
and financial separation of each of the regulated subsidiaries of Fortis, and management's commitment to maintaining reasonable levels of
debt at the holding company level. In February 2016, after the announcement by Fortis that it had entered into an agreement to acquire
ITC Holdings Corp. ("ITC") (Note 35), S&P affirmed the Corporation's long~term corporate credit rating at Al-, revised its unsecured debt
rating to BBB+ from A-, and revised its outlook on the Corporation to negative from stable. Similarly, in February 2016 DBRS placed the
Corporation's credit rating under review with negative implications .

Foreign Exchange Risk
The Corporation's earnings from, and net investments in, foreign subsidiaries are exposed to fluctuations in they US dollar-to-Canadian dollar
exchange rate. The Corporation has decreased the above-noted exposure through the use of US dollar-derlominated borrowings at the
corporate level. The foreign exchange gain or loss on the translation of US dollar-denominated interest expense partially offsets the
foreign exchange gain or loss on the translation of the Corporation's foreign subsidiaries' earnings, which are denominated in us dollars.
The reporting currency of UNS Energy, Central Hudson, Caribbean Utilities, Fortis Turks and Caicos and BECOl.l is the US dollar.
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Notes to Consolidated Financial Stiatements

As at December 31, 2015, the Corporation's corporately issued US$1,535 million (December 31, 2014 - US$1,496 million) long-term debt
had been designated as an effective hedge of a portion of the Corporation's foreign net investments. As at December 31, 2015
the Corporation had approximately US$3,137 million (December 31, 2014 - US$2,762 million) in foreign net investments remaining
to be hedged. Foreign currency exchange rate fluctuations associated with the translation of the Corporation's corporately issued
US dollar-denominated borrowings designated as effective hedges are recorded on the consolidated balance sheet in accumulated
other comprehensive income and serve to help offset unrealized foreign currency exchange gains and losses on the net investments in
foreign subsidiaries, which gains and losses are also recorded on the consolidated balance sheet in accumulated other comprehensive income

On an annual basis, it is estimated that a 5 cent, or 5%, increase or decrease in the us dollar relative to the Canadian dollar exchange rate
of US$1.00=CAD$1.38 as at December 31, 2015 would increase or decrease earnings per common share of Fortis by approximately
4 cents. Management will continue to hedge future exchange rate fluctuations related to the Corporation's foreign net investments and
us dollar-denominated earnings streams, where possible, through future us dollar-denominated borrowings, and will continue to monitor
the Corporation's exposure to foreign currency fluctuations on a regular basis

Interest Rate Risk
The Corporation and most of its subsidiaries are exposed to interest rate risk associated with borrowings under variable-rate credit
facilities, variable-rate long-term debt and the refinancing of long-term debt. The Corporation and its subsidiaries may enter into interest
rate swap agreements to help reduce this risk (Notes 15, 15 and 31)

Commodity Price Risk

UNS Energy is exposed to commodity price risk associated with changes in the market price of gas, purchased power and coal. Central Hudson

is exposed to commodity price risk associated with changer in the market price of electricity and natural gas. FortisBC Energy is exposed to

commodity price risk associated with changes in the market price of natural gas. The risks have been reduced by entering into derivative

contracts that effectively fix the price of natural gas, power and electricity purchases. These derivative instruments are recorded on the

consolidated balance sheet at fair value and any change<in the fair value is deferred as a regulatory asset or liability, as permitted by

the regulators, for recovery from, or refund to, customers in future rates (Note 31)

33. COMMITMENTS

As at December 31, 2015, the Corporation's consolidated commitments in each of the next five years and for periods thereafter, excluding

repayments of long-term debt and capital lease and finance obligations separately disclosed in Notes 15 and 16, respectively, are as follows

($inmillions)

Interest obligations on

long-term debt

Renewable power purchase obligations

Gas purchase obligations

Power purchase obligations

Long-term contracts - UNS Energy

Capital cost

Operating lease obligations

Renewable energy credit

purchase agreements

Purchase of Springewille

Common Facilities

Defined benefit pension and OPEB

funding contributions (Note 27)

Waneta Partnership

promissory note (Note 17)

Joint-use asset and shared

service agreements

within
1 year

Due in
year 2

Due in
year 3 year 4

Due in
year 5

after
5 years

Other

10,288
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Notes to Consolidated Financial Statements

For the years ended December 31, 2015 and 2014

33 . COMMITMENTS (cont 'd )

TEP and UNS Electric are party to 20-year long-term renewable PPAs totaling approximately US$1,148 million as at December 31, 2015
which require TEP and UNS Electric to purchase 100% of the output of certain renewable energy generating facilities that have
achieved commercial operation. while TEP and UNS Electric are not required to make payments under these contracts if power is not
delivered, the table above includes estimated future payments based on expected power deliveries. Tllese agreements have various
expiry dates through 2035. TEP has entered into additional long-term renewable PPAs to comply with renewable energy standards of
the State of Arizona, however, the Company's obligation to purchase power under these agreements does not begin until the facilities
are operational. In February 2016 one of the generating facilities achieved commercial operation, increasing estimated future payments
of renewable PPAs by US$58 million, which is not included in the table above

(2) Certain of the Corporation's subsidiaries, mainly FortisBC Energy and Central Hudson, enter into contracts for the purchase of gas, gas
transportation and storage services. FortisBC Energy's gas purchase obligations are based on gas commodity indices that vary with
market prices and the obligations are based on index prices as at December 31, 2015. At Central Hudson the obligations are based on

tariff rates, negotiated rates and market prices as at December 31, 2015

is) Power purchase obligations include various power purchase contracts held by certain of the Corporation's subsidiaries, as described below

Fortis8CEnergy
In March 2015 FortisBc Energy entered into an Electricity Supply Agreement with BC Hydro for the purchase of electricity supply to the
Tilbury Expansion Project, with purchase obligations totaling $513 million as at December 31, 2015

Forti$Bc Electric
Power purchase obligations for FortisBC Electric, totaling $292 million as at December 31, 2015,1 mainly include a PPA with
BC Hydro to purchase up to 200 MW of capacity and 1,752 GWh of associated energy annually for a 20-year term, as approved by the
BCUC. The capacity and energy to be purchased under this agreement do not relate to a specific plant

In addition, in November 2011 FortisBC Electric executed the Waneta Expansion Capacity Agreement ("WEQA"), allowing FortisBC Electric
to purchase 234 MW of capacity for 40 years, effective April 2015, as approved by the Bcuc. Amounts associated with the WECA
have not been included in the Commitments table as they are to be paid by FortisBC Electric to a related Party and such a related-party
transaction would be eliminated upon consolidation with Fortis

FortisOntario
Power purchase obligations for FortisOntario, totaling $208 million as at December 31, 2015, primarily include two long-term take-or-pay

contracts between Cornwall Electric and Hydro-Quebec Energy Marketing for the supply of electricity and capacity, both expiring in
December 2019. The first contract provides approximately 237 GWh of energy per year and up to 45 MW of capacity at any one time
The second contract provides 100 MW of capacity and provides a minimum of 300 GWh of electricity per contract year

Maritime Electric
Power purchase obligations for Maritime Electric, totaling $194 million as at December 31, 2015, primarily include two take-or-pay
contracts for the purchase of either capacity or energy, expiring in February 2019 and November 2032, ale well as an Energy Purchase
Agreement with New Brunswick Power ("NB Power") expiring in February 2019

(4)

Central Hudson
Central Hudson's power purchase obligations totaled US$124 million as at December 31, 2015. in June 11014 Central Hudson entered
into a contract to purchase available installed capacity from the Danskammer Generating Facility loom October 2014 through
August 2018 with approximately US$76 million in purchase commitments remaining as at December 31, 2015. During 2015

Central Hudson entered into agreements to purchase electricity on a unit-contingent basis at defined prices during peak load periods
from June 2015 through August 2016, replacing existing contracts which expired in March 2015

UNS Energy has entered into various long-term contracts for the purchase and delivery of coal to fuel its generating facilities, the
purchase of gas transportation services to meet its load requirements, and the purchase of transmission Services for purchased power
with obligations totaling US$440 million, US$261 million and US$63 million, respectively, as at Decerriber 31, 2015. Amounts paid
under contracts for the purchase and delivery of coal depend on actual quantities purchased and delivered. Certain of these contracts
also have price adjustment clauses that will affect future costs under the contracts. As a result of the restrluduring of the ownership of
the San Juan generating station in January 2016, a new coal supply agreement came into effect under which TEP's minimum purchase
obligations are US$137 million, which is not included in the previous table
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(5) Maritime Electric has entitlement to approximately 4.59% of the output from NB Power's Point Lepreau nuclear generating station for
the life of the unit. As part of its entitlement, Maritime Electric is required to pay its share of the capital and operating costs of the unit

Operating lease obligations include certain office, warehouse, natural gas T&D asset, rail car, land easement and rights-of-way, and
vehicle and equipment leases

UNS Energy is party to renewable energy credit purchase agreements, totaling approximately uss117 million as at December 31, 2015
to purchase the environmental attributions from retails customers with solar installations. Payments for the renewable energy credit
purchase agreements are paid in contractually agreed-upon intervals based on metered renewable energy production

UNS Energy has entered into a commitment to exerciseiits fixed-price purchase provision to purchase an undivided 50% leased interest
in the Springerville Common Facilities if the lease is not renewed, for a purchase price of US$106 million, with one facility to be
acquired in 2017 and the remaining two facilities to be acquired in 2021 (Note 16)

Other contractual obligations include various other commitments entered into by the Corporation and its subsidiaries, including PSU
RSU and DSU Plan obligations and asset retirement obligations

Other Commitments

Capital Expenditures: The Corporation's regulated utilities are obligated to provide service to customers within their respective service
territories. The regulated utilities' capital expenditures are largely driven by the need to ensure continued and enhanced performance
reliability and safety of the electricity and gas systems and to meet customer growth. The Corporation's consolidated capital expenditure
program, including capital spending at its non-regulated Pperations, is forecast to be approximately $1.9 billion for 2016. Over the five
years 2016 through 2020, the Corporation's consolidated capital expenditure program is expected to be approximately $9 billion, which
has not been included in the Commitments table

Other CH Energy Group is party to an investment to develop, own and operate electric transmission projects in New York State. In
December 2014 an application was filed with FERC for the recovery of the cost of and return on five high-voltage transmission projects
totaling US$1.7 billion, of which CH Energy Group's maximum commitment is US$182 million. CH Energy Group issued a parental
guarantee to assure the payment at a maximum commitment of US$182 million. As at December 31, 2015, no payment obligation is
expected under this guarantee

FortisBC Energy issued commitment letters to customers, totaling $33 million as at December 31, 2015, to provide Energy Efficiency and
Conservation ("EEC") funding under the EEC program approved by the BCUC

Caribbean Utilities is party to primary and secondary fuel Supply contracts and is committed to purchasing approximately 60% and 40%
respectively, of the Company's diesel fuel requirements urlder the contracts for the operation of its diesel-powered generating plant. The
approximate combined quantity under the contracts fori2016 is 20 million imperial gallons. Fortis Turks and Caicos has a renewable
contract with a major supplier for all of its diesel fuel requirements associated with the generation of electricity. The approximate fuel
requirements under this contract are 12 million imperial gallons per annum

The Corporation's long-term regulatory liabilities of 51,3 minion as at December 31, 2015 have been excluded from the Commitments
table, as the final timing of settlement of many of the lIatities is subject to further regulatory determination or the settlement periods are
not currently known. The nature and amount of the long-term regulatory liabilities are detailed in note 8
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For the years ended December 31, 2015 and 2014

34. CONTINGENCIES

The Corporation and its subsidiaries are subject to various legal proceedings and claims associated with the ordinary course of business
operations. Management believes that the amount of liability, if any, from these actions would not have a Material adverse effect on the
Corporation's consolidated financial position or results of operations

The following describes the nature of the Corporation's contingencies

UNS Energy

Springerville Unit 1
In November 2014 the Springerville Unit 1 third-party owners filed a complaint ("FERC Action") against TEri with FERC, alleging that TEP
had not agreed to wheel power and energy for the third-party owners in the manner specified in the existing Springerville Unit 1 facility
support agreement between TEP and the third-party owners and for the cost specified by the third-party ovlmers. The third-party owners
requested an order from FERC requiring such wheeling of the third-party owners' energy from their Springeryille Unit 1 interests beginning
in January 2015 for the price specified by the third-party owners. In February 2015 FERC issued an order denying the third-party owners
complaint. in March 2015 the third-party owners filed a request for rehearing in the FERC Action, which FERC denied in October 2015
In December 2015 the third-party owners appealed FERC's order denying the third-party owners' complaints to the U.S. Court of Appeals
for the Ninth Circuit. In December 2015 TEP filed an unopposed motion to intervene in the Ninth Circuit appeal

In December 2014 the third-party owners filed a complaint ("New York Action") against TEP in the Supreme Court of the State of
New York, New York County. In response to motions filed by TEP to dismiss various counts and compels arbitration of certain of the
matters alleged and the court's subsequent ruling on the motions, the third-party owners have amended the complaint three times.
dropping certain of the allegations and raising others in the New York Action and in the arbitration proceeding described below. As
amended, the New York Action alleges, among other things, that TEP failed to properly operate, maintain and make capital investments
in Springerville Unit 1 during the term of the leases; and that TEP breached the lease transaction documents by refusing to pay certain of
the third-party owners' claimed expenses. The third amended complaint seeks us$71 million in liquidated damages and direct and
consequential damages in an amount to be determined at trial. The third-party owners have also agreed toy stay their claim that TEP has
not agreed to wheel power and energy as required pending the outcome of the FERC Action. In Novembers 2015 the third-party owners
filed a motion for summary judgment on their claim that TEP failed to pay certain of the third-party owners' claimed expenses

In December 2014 and January 2015, Wilmington Trust Company, as owner trustees and lessons under he leases of the third-party
owners, sent notices to TEP that alleged that TEP had defaulted under the third-party owners' leases. The notices demanded that TEP pay
liquidated damages totaling approximately us$71 million. In letters to the owner trustees, TEP denied the allegations in the notices

In April 2015 TEP filed a demand for arbitration with the American Arbitration Association ("AAA") seedling an award of the owner
trustees and co-trustees' share of unreimbursed expenses and capital expenditures for Springerville Unit 1. in June 2015 the third-party
owners filed a separate demand for arbitration with the AAA alleging, among other things, that TEP hals failed to properly operate.
maintain and make capital investments in Springerville Unit 1 since the leases have expired. The third-partylowners' arbitration demand
seeks declaratory judgments, damages in an amount to be determined by the arbitration panel and the third-party owners' fees and
expenses. TEP and the third-party owners have since agreed to consolidate their arbitration demands into one proceeding. In August 2015
the third-party owners filed an amended arbitration demand adding claims that TEP has converted the this* party owners' water rights
and certain emission reduction payments and that TEP is improperly dispatching the third~party owners' unscheduled Springerville Unit 1
power and capacity

In October 2015 the arbitration panel granted TEP's motion for interim relief, ordering the owner trustees anal co-trustees to pay TEP their
pro-rata share of unreimbursed expenses and capital expenditures for Springerville Unit 1 during the pendency of the arbitration. The
arbitration panel also denied the third-party owners' motion for interim relief, which had requested that TEP be enjoined from dispatching
the third-party owners' unscheduled Springerville Unit 1 power and capacity. TEP has been scheduling the thii'd-party owners' entitlement
share of power from Springerville Unit 1, as permitted under the Springerville Unit 1 facility support agreement, since June 2015. The
arbitration hearing is scheduled for July2016
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In November 2015 TEP filed a petition to confirm the inf arbitration order in the Supreme Court of the State of New York naming
owner trustee and co-trustee as respondents. The petitioiii seeks an order from the court confirming the interim arbitration order under
the Federal Arbitration Act. In December 2015 the owner trustees filed an answer to the petition and a cross-motion to vacate the interim
arbitration order

As at December 31, 2015, TEP billed the third-party owners approximately US$23 million for their pro-rata share of Springerville Unit 1
expenses and US$4 million for their pro-rata share of capital expenditures, none of which had been paid as of February 17, 2016

TEP cannot predict the outcome of the claims relating to Springerville Unit 1 and, due to the general and non-specific scope and nature of
the claims, the Company cannot determine estimates off the range of loss, if any, at this time and, accordingly, no amount has been
accrued in the consolidated financial statements. TEP intends to vigorously defend itself against the claims asserted by the third-party
owners and to vigorously pursue the claims it has asserted against the third-party owners

TEP and the third-party owners have agreed to stay these litigation matters relating to Springerville Unit 1 in furtherance of settlement
negotiations. However, there is no assurance that a settlerrlent will be reached or that the litigation will not continue

Mine Reclamation Costs
TEP pays ongoing reclamation costs related to coal mines that supply generating stations in which the Company has an ownership interest
but does not operate. TEP is liable for a portion of final reclamation costs upon closure of the mines servicing the San Juan, Four Corners
and Navajo generating stations. TEP's share of reclamations costs at all three mines is expected to be US$43 million upon expiration of the
coal supply agreements, which expire between 2019 and 2031. The mine reclamation liability recorded as at December 31, 2015 was
US$25 million (December 31, 2014 - US$22 million), and represents the present value of the estimated future liability (Note 17)

Amounts recorded for final reclamation are subject to various assumptions, such as estimations of reclamation costs, the dates when final
reclamation will occur, and the expected inflation rate. Ask these assumptions change, TEP will prospectively adjust the expense amounts
for final reclamation over the remaining coal supply agreements' terms

TEP is permitted to fully recover these costs from retail customers and, accordingly, these costs are deferred as a regulatory asset (Note 8 (iX))

Central Hudson

Site Investigation and Remediation Program
Central Hudson and its predecessors owned and operated MGPs to serve their customers' heating and lighting needs. These plants
manufactured gas from coal and oil beginning in the Miki to late 18005, with all sites ceasing operations by the 19505. This process
produced certain by-products that may pose risks to human health and the environment

The New York State Department of Environmental Conservation ("DEC"), which regulates the timing and extent of remediation of MGP
sites in New York State, has notified Central Hudson that it believes the Company or its predecessors at one time owned and/or operated
MGPs at seven sites in Central Hudson's franchise territory. The DEC has further requested that the Company investigate and, if necessary
remediate these sites under a Consent Order, Voluntary Clean-up Agreement or Brownfield Clean-up Agreement. Central Hudson accrues
for remediation costs based on the amounts that can be reasonably estimated. As at December 31, 2015, an obligation of US$92 million
(December 31, 2014 - US$105 million) was recognized in respect of site investigation and remediation and, based upon cost model
analysis completed in 2014, it is estimated, with a 90% confidence level, that total costs to remediate these sites over the next 30 years
will not exceed US$169 million

Central Hudson has notified its insurers and intends to seek reimbursement from insurers for remediation, where coverage exists. Further
as authorized by the PSC, Central Hudson is currently permitted to defer, for future recovery from customers, differences between actual
costs for MGP site investigation and remediation and the associated rate allowances, with carrying charges to be accrued on the deferred
balances at the authorized pre-tax rate of return. In the three-year rate order issued by the PSC in June 2015, Central Hudson's
authorization to defer all site investigation and remediation costs was reaffirmed and extended through June 2018 (Note 8 iv))
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For the years ended December 31, 2015 and 2014

34. CONTINGENCIES (eont'd)

Central Hudson (cont'd)

Asbestos Litigation
Prior to and after its acquisition by Fortis, various asbestos lawsuits have been brought against Central Hudson. While a total of 3,350 asbestos
cases have been raised, 1,167 remained pending as at December 31, 2015. Of the cases no longer pending against Central Hudson
2,027 have been dismissed or discontinued without payment by the Company, and Central Hudson has settled the remaining 156 cases
The Company is presently unable to assess the validity of the outstanding asbestos lawsuits, however, based on information known to
Central Hudson at this time, including the Company's experience in the settlement and/or dismissal of asbestos cases, Central Hudson
believes that the costs which may be incurred in connection with the remaining lawsuits will not have a Material effect on its financial
position, results of operations or cash flows and, accordingly, no amount has been accrued in the consolidated financial statements

FortI$Bc Electric

The Government of British Columbia filed a claim in the British Columbia Supreme Court in June 2012 claimirig on its behalf, and on behalf
of approximately 17 homeowners, damages suffered as a result of a landslide caused by a dam failure in Oliver, British Columbia in 2010
The Government of British Columbia alleges in its claim that the dam failure was caused by the defendants', Which include FortisBC Electric
use of a road on top of the dam. The Government of British Columbia estimates its damages and the da of the homeowners, on
whose behalf it is claiming, to be approximately $15 million. While FortisBC Electric has notified its insureiis, it has been advised by the
Government of British Columbia that a response to the claim is not required at this time. The outcome caniiiot be reasonably determined
and estimated at this time and, accordingly, no amount has been accrued in the consolidated financial staterrlents

In April 2013 FHI and Fortis were named as defendants in an action in the B.C. Supreme Court by the Coldwater Indian Band ("Band")
The claim is in regard to interests in a pipeline right of way on reserve lands. The pipeline on the right off way was transferred by FHI
(then Terasen Inc.) to Kinder Morgan Inc. in April 2007. The Band seeks orders cancelling the right of Way and claims damages for
wrongful interference with the Band's use and enjoyment of reserve lands. The outcome cannot be reasonably determined and estimated
at this time and, accordingly, no amount has been accrued in the consolidated financial statements

35. SUBSEQUENT EVENT

On February 9, 2016, Fortis and ITC (NYSE:ITC) entered into an agreement and plan of merger pursuant td which Fortis will acquire ITC
in a transaction (the "Acquisition") valued at approximately US$11.3 billion, based on the closing price fr Fortis common shares and
the foreign exchange rate on February 8, 2016. Under the terms of the transaction, ITC shareholders will receive US$22.57 in cash and
0.7520 Fortis common shares per ITC common share, representing total consideration of approximately ips$6.9 billion, and Fortis will
assume approximately US$4.4 billion of ITC consolidated indebtedness

ITC is the largest independent pure-play electric transmission company in the United States. ITC owns and operates high-voltage
transmission facilities in Michigan, lowa, Minnesota, Illinois, Missouri, Kansas and Oklahoma, serving a combined peak load exceeding
26,000 MW along approximately 15,600 miles of transmission line. In addition, ITC is a public utility aha independent transmission
owner in Wisconsin. ITC's tariff rates are regulated by FERC, which has been one of the most consistently Supportive utility regulators in
North America providing reasonable returns and equity ratios. Rates are set using a forward-looking rate-setting mechanism with an
annual true-up, whkh provides timely cost recovery and reduces regulatory lag

The closing of the Acquisition is subject to ITC and Fortis shareholder approvals, the satisfaction of other customary closing conditions
and certain regulatory, state and federal approvals including, among others, those of FERC, the Committeeqon Foreign investment in the
United States, and the United States Federal Trade Commission/Department of Justice under the Hart-Scott-Rodirlo Antitrust Improvements Act
The closing of the Acquisition is expected to occur in late 2016
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The pending Acquisition is in alignment with the Corp¢ration's business model and acquisition strategy, and is expected to provide
approximately 5% accretion to earnings per common share in the first full year following closing, excluding one-time acquisition-related
expenses and assuming a stable currency exchange environment. The Acquisition represents a singular opportunity for Fortis to significantly

diversify its business in terms of regulatory jurisdictions, business risk profile and regional economic mix. On a pro forma basis, 2016 forecast
midyear rate base of Fortis is expected to increase by approximately $8 billion to approximately $26 billion, as a result of the Acquisition

The financing of the Acquisition has been structured to allow Fortis to maintain investment-grade credit ratings and is consistent with the
Corporation's existing capital structure. Financing of the clash portion of the Acquisition will be achieved primarily through the issuance of
approximately US$2 billion of Fortis debt and the sale of up to 19.9% of ITC to one or more infrastructure-focused minority investors. in
addition, Fortis has obtained commitments of US$2.0 billion from Goldman Sachs Bank USA to bridge the long-term debt financing and
US$1.7 billion from The Bank of Nova Scotia to primarily bridge the sale of the minority investment in ITC.These non-revolving term credit
facilities are repayable in full on the first anniversary of their advance and although syndication is not required, Fortis expects that these
bridge facilities will be syndicated

Upon completion of the Acquisition, ITC will become a subsidiary of Fortis and approximately 27% of the common shares of Fortis will
be held by ITC shareholders. In connection with the Acquisition, Fortis will become a registrant with the u.s. Securities and Exchange
Commission and will apply to list its common shares on the New York Stock Exchange and will continue to have its shares listed on the TSX

36. COMPARATIVE FIGURES

Certain comparative figures have been reclassified to comply with current period presentation. As a result of the adoption of new
accounting policies in 2015 (Note 3), the following changers to the Corporation's comparative financial statements were made

(i) the reclassification of deferred financing costs of approximately $65 million from long-term other assets to kg-term debt on the
Corporation's consolidated balance sheet as at December 31, 2014 (Note 15), and

(ii) the presentation of all deferred income tax assets and liabilities as long term. This change in presentation resulted in the following
reclassifications: (i) a decrease in current deferred income taxes assets of $158 million, (ii) a decrease in long-term deferred income tax
assets of $62 million; (iii) a decrease in current deferred income tax liabilities of $9 million, and (iv) a decrease in long-term deferred
income tax liabilities of $211 million on the consolidated balance sheet as at December 31, 2014 (Note 26). In addition, the Corporation
also reclassified the associated regulatory deferred income taxes as long-term, resulting in the following reclassifications: (i) a decrease
in current regulatory assets of $18 million, (ii) a decrease in long-term regulatory assets of $92 million; (all) a decrease in current
regulatory liabilities of $19 minion, and (iv) a decrease in long-term regulatory liabilities of $91 million on the consolidated balance sheet
as at December 31, 2014 (Note 8)
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Total liabilities

Cash Flaws (in I millions)

Investing activities

Dividends, excluding dividends on preference shares classified as debt

Current liabilities

Long-term debt (excluding current portion)

Utility capital assets, non-utility capital assets and intangible assets

Goodwill

Net earnings

hw: ssanninigs axnaaiiiiaIsiie w iierwuwiiiialiiiig uiaewis

Net earnings attributable to preference equity shareholders

s a w wiaaminiialmlswevsiwmwidefs
Bilanne Sheet in $ millions)

Income tax expense

Earnings from discontinued operations, net of tax

Other income (expenses), net

Energy supply costs and operating expenses

Statements of Earnings in $ millions)

Historical Financial Summary

18.451

(1,368)

I s,4n1

z,41a

126,233

(4,199)
f 3,91

(266)

89,112

r
I

547

317

11

(l)(2)(3)

12.612

(2,164)

(1)(3)

Return on average book common shareholders' equity (%)

Total debt and capital lease and finance obligations (net of cash)

9.1
Common shareholders' equity

1 .5

Total gross capital expenditures HnI millions)

Book value per share (year end) (S)

1 z2s.s
Basic earnings per common share ($)

Dividends paid per common share (5)

90.8
Price earnings ratio 0()

High price 6)

Closing price 6)

m Financial information for the years 2010 through 2015 prepared under us generally accepted accounting principles ("GAAP"), prior to 2010 prepared under
Canadian GAAR

m Certain 2014 comparative figures have been reclassified to comply with current period classifications
is: Results were impacted by non-recurring items, largely associated with the acquisition of UNS Energy in 2014 and Central HudsoN in 2013

I
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Investor Information

Expected Dividend* and Earnings Release Dates Annual Meeting

Dividend Record Dates
May 18, 2016
November 18, 2016

August 19, 2016
February 16, 2017

Thursday, May 5, 2016
10:30 a.m.
Holiday Inn St. John's
180 Portugal Cove Road
St. John's, NL CanadaDividend Payment Dates

June 1, 2016
December 1, 2016

September 1, 2016
March 1, 2017

Dividend Reinvestment Play
and Consumer Share Purclipse PlanEarnings Release Dates

May 3, 2016
November 4, 2016

July 29, 2016
February 16, 2017

* The setting of dividend record dates and the declaration and
payment of dividends are subject to the Board of Directors'approval.

Transfer Agent and Registrar

Fortis offers a Dividend Reinvestment Plan ("DRIP")"' and
a Consumer Share Purchase Plan ("ClSPP")(2' as a convenient
method for Common Shareholders o increase their
investments in Fortis. Participants h ve dividends plus any
optional contributions (DRIP: minimiirm of $100, maximum
of $30,000 annually, CSPP: minimum of $25, maximum of
$20,000 annually) automatically deposited in the Plans to
purchase additional Common Sharers. Shares can be purchased
quarterly on March 1, June 1, September 1 and December 1
at the average market price then prevailing on the Toronto
Stock Exchange. The DRIP currently Puffers a 2% discount on
the purchase of Common Shares, issued from treasury, with
the reinvested dividends. Inquiries should be directed to the
Transfer Agent.

Computershare Trust Company of Canada ("Computershare"
or "Transfer Agent") is responsible for the maintenance of
shareholder records and the issuance, transfer and cancellation
of stock certificates. Transfers can be effected at its Halifax,
Montreal and Toronto offices. Computershare also distributes
dividends and shareholder communications. inquiries with
respect to these matters and corrections to shareholder
information should be addressed to the Transfer Agent.

I

re; AH registered holders of Common Shares who are resldenn of Canada are eligible to participate
in the DRlR Shareholders residing outside Canada mg, also participate unless participation is not
allowed in thatjurisdidion. Residents of the United Sites, its territories or possessions are not
eligible ro participate.

12) The CSPP is offered to residents of the provinces of Newfoundland and Labrador and
Prince Edward Island =

Computershare Trust Company of Canada

8th Floor, 100 University Avenue
Toronto, ON MSJ 2Y1
T: 514.982.7555 or 1.866.586.7638
F: 416.253.9394 or 1.888.453.0330
W: www.investorcentre.com/fortisinc

1

1

Share Listings

Direct Deposit of Dividends
Shareholders may arrange for automatic electronic deposit
of dividends to their designated Canadian financial institutions
by contacting the Transfer Agent.

I

1Duplicate Annual Reports

The Common Shares, First Preference Shares, Series E,
First Preference Shares, Series F, First Preference Shares, Series G,
First Preference Shares, Series H, First;Preference Shares, Series I,
First Preference Shares, Series J, First Preference Shares, Series K,
and First Preference Shares, Series M'of Fortis Inc. are listed on
the Toronto Stock Exchange and tea e under the ticker symbols
FTS, FTS.PR.E, FTS.PR.F, FTS.PR.G, F S.PR.H, FTS.PR.l, FTS.PR.J,
FTS.PR.K and FTS.PR.M, respedively.g

While every effort is made to avoid duplications, some
shareholders may receive extra reports as a result of multiple
share registrations. Shareholders wishing to consolidate
these accounts should contact the Transfer Agent.

Valuation Day
For capital gains purposes, the valuation day prices are as follows:
December 22, 1971 $1.531 4
February 22, 1994 $7.156

Eligible Dividend Designation 1

Analyst and Investor InquiriesFor purposes of the enhanced dividend tax credit rules
contained in the Income Tax Act (Canada)and any
corresponding provincial and territorial tax legislation,
all dividends paid on common and preferred shares after
DeCember 31, 2005 by Fortis to Canadian residents are
designated as "eligible dividends". Unless stated otherwise,
all dividends paid by Fortis hereafter are designated as
"eligible dividends" for the purposes of such rules.

T: 709.737.2800
F: 709.737.5307
E: investorrelations@fortisinc.com
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Utility Dive

How Tpcso.n Electric Power's CEO wants to grow
DERs in Arlzona
As solar deployment spreads, TEP seeks rate design reforms and
aims for a full suite of utility-owned DERs

By Gavin Bade | February 9, 2016

In the summer of 2014, Arizona's two largest utilities raised eyebrows throughout
the power sector when they asked regulators for approval to begin installing
rooftop solar.

Arizona Public Service (Aps), the state's largest power provider with 1.2 million
electricity customers, proposed to install 20 MW of solar
(http://www.utilitydive.com/news/has-aps-invented-a-rooftop-solar-business-
model-for-utilities/296019/) across rooftops of its service territory, crediting
building owners for their roof space and building the arrays on the utility side of
the meter. In December of that year, regulators approved a scaled-back 10 MW
version of the proposal.

Tucson Electric Power (TEP), a smaller utility with just over 400,000 customers,
proposed a more modest 3.5 MW program
(http://www.utilitydive.com/news/tucson~electric-power-proposes-new-utility-.
owned-rooftop-solar-program/299840/) . After paying a $250 application fee, solar
customers under TEP's program would be locked into a new, lower rate for 25
years. Regulators approved the program, authorizing TEP to install systems on
about 600 rooftops, but only if it did so at cost parity with third party providers.

While the APS offering is akin to a "roof rental payment" for installing solar arrays
on customers' buildings, the TEP solar option is closer to the offerings available
from third party providers, which commonly include contracts that lock consumers
into lower electricity rates based on the output of their systems.

At the outset, the TEP offering earned encouraging reviews from stakeholders
(http://www.utilitydive_com/news/arizonas-utility-owned-solar-programs-the-new-
business-models-utilities-a/348331/) in Arizona for its innovative approach to a
utility-owned solar program. More than a year later, TEP CEO David Hutchens
told Utility Dive that the program is so popular the utility is looking to expand it.

"It's already super-subscribed," Hutchens said. "[l]n 2015, we updated it, asked to
do more, basically doubling the size of the program."
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Utility Dive caught up with Hutchens after the Electric Light 8¢ Power conference in
Orlando, Florida, the executives-only event that precedes DistribuTEd, the
nation's largest power delivery conference. Hutchens discussed TEP's utility-
owned rooftop solar offering, rate design changes in response to DER growth, and
how his utility could offer a full suite of DERs in the future

Rate design changes

Located in the solar hotspot of Arizona, TEP is keen to increase the amount of
renewable and distributed energy on its system, Hutchens told Utility Dive, but it
also needs to "have the correct economic signals" so that it values each type of
resource properly.

Part of identifying the correct economic signals will be lowering the remuneration
rate for rooftop solar in the state, he said. Currently, customers with rooftop
systems in Arizona are compensated for power they send back to the grid at the
retail electricity rate, a common net metering rate in many states.

TEP would like to lower that rate. Last fall, the utility petitioned regulators to adjust
the net metering credit (http://www.utilitydive.com/news/arizona-utility-tep-wants-
to-add-solar-fee-reduce-net-metering-crediU408791/) down to the avoided cost for
other solar generation - in other words, what it would pay for solar from a central
station array. It also asked to raise fixed monthly charges from $10 to $20 and
institute a residential demand charge for rooftop solar customers.

That request is pending, and a similar one
(https://www.uesaz.com/news/updates/e-rates/) from TEP's sister company
UniSource Energy Services is slated to have its first hearing on March 1,
Hutchens said. The UES rate design case, despite the utility's size, attracted a lot
of attention in the state.

"The biggest thing about that hearing is rate design and we've obviously attracted
a lot of attention because it's the first rate design hearing in Arizona, even though
it's this small little company that has 100,000 customers, we have 18 different
interveners in there," Hutchens said. "So everyone is coming in to talk about the
rate design issue."

Solar installers sharply critiqued the TEP proposal
(http://www.utilitydive.com/news/arizona-utility-tep-wants-to-add-solar-fee-reduce-
net-metering-crediU40879t/) .when it was released in the fall. "These are
discriminatory charges and discriminatory rates that make it uneconomical to go
solar," a lawyer from The Alliance for Solar Choice, a solar lobbying group, said at
the time.
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But for Hutchens, the current rate structure is the one that's unfair. While solar
customers are able to significantly reduce their utility bills with net metering
credits, they also pay less back into the system for grid upkeep. Those costs, the
utility argues, end up being shifted to non-solar customers, many of whom can ill
afford increases in their electricity rates

"We want to make sure that all of our customers get a fair shake," Hutchens said
"and that is against some people's business models, which makes it a little bit of a
tough conversation, but I think it's the right thing to do

"It's against the solar companies' business model, and from our perspective we
want to make sure that the cost of service. the real cost of service. is reflected in
our rates," he added.

Which rates are 'fair' rates?

To better account for what it believes to be the value of distributed solar, TEP
requested to lower the solar remuneration rate from the retail rate to its avoided
cost for other solar generation.

While the utility could have asked to adjust the solar rate down to its avoided cost
for all of its generation - not just solar - it decided that the solar avoided cost
rate would be a more accurate valuation

"We're not saying give us the three cents [per kph] that the avoided cost would be
for fossil fuels or gas, but we think it's right to say, 'This is a like product, so
we'll be willing to pay you that same wholesale rate' because that's basically what
it offsets from our perspective," Hutchens said

For TEP, there's little difference between the solar it gets from the community
solar arrays deployed on its distribution system and the power it receives from net
metered rooftop solar systems, he continued. But the latter costs the utility almost
twice as much as the former.

"If you give us extra solar, we could have just bought that for 6 cents or 5.8 cents
is what we filed. Why would we give you ten or twelve cents for it'?" Hutchens said

Solar installers commonly argue that rooftop arrays offer special benefits to the
utility through enhanced reliability and reduced fossil fuel usage. Hutchens
disagreed, arguing that on that count there's little difference between the two
products as well.

"We're comparing it with the larger, community-scale stuff, which is half the
cost, sitting right in our community. The only difference is it's not on a roof," he
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said. "It's on our distribution system, we can plan where to put it, we can control
the output, so there's a lot of benefits there

The similarity between the community solar projects on its distribution system and
rooftop arrays in its service area is a central reason why TEP did not try to
reduce net metering rates further, Hutchens said

This is the same exact energy product," he said. "The only difference is it's not on
a roof. It's over here and costs half as much. That's our argument

If TEP wins its rate case and remuneration rates are lowered. it could affect future
utility-owned solar offerings from the company. When regulators approved the
TEP rooftop solar pilot, they inserted a provision pushed by consumer advocates
in the state that stipulated the utility must offer solar at price parity with third party
providers. If the net metering rate is cut, TEP would also have to make its solar
product less lucrative to customers

We would have to increase the amount that we charge those customers
Hutchens said. "Now what we do is we fix their bill. Well. we would have to fix it at
a higher level

Basic cable vs. premium service

The motivation behind both moves - offering rooftop solar and reducing net
metering rates - is to provide customers options, "but options that reflect the true
economic realities of their decisions." Hutchens said

Hutchens drew an analogy to the cable industry. The utility provides its basic
cable - the cheapest electricity available - and then customers can add on
different "premium" options onto their package, such as solar, storage or an EV
charger. Just as the costs for premium cable options like HBO or Cinemax aren't
shared across all cable customers, the premium power options would be paid for
by the individual customers as well

We provide basic cable, and that's the cost of service, but things that cost
more -- we don't want other people paying for them," Hutchens said. "We want
you to pay for them because you find value in those products

You don't get to watch HBO if your neighbors paid for it, unless of course you
splice into their line, but that's the kind of model we want to see going forward," he
added. "Basic cable for everybody, keep that as low as we can, because we got a
lot people who can't afford extras and that's really bothersome if we can't control
the rates to those who are most at-risk in our community

1-.+-.. H /I /q 1 I'vn1 L
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While part of the push for lower remuneration rates and utility-owned solar is to
address the cost shift, Hutchens said, TEP is also seeking to bring the cost of
distributed generation to the utility more in line with renewables from community
and central-station arrays.

"The other part is [rooftop solar] is twice as expensive," he said. "So you peel the
onion away and say, 'What is the cost to society of these different options'?' Let's
pick the one that reduces the most carbon, reduces the most water usage,
reduces the most environmental impact per dollar because that's what we should
be doing as a society."

Under that paradigm, Hutchens said the utility could be getting more
renewables for its dollar than it currently receives under the net metering rates in
Arizona.

"Wouldn't you love to have twice the renewable for the same costs? That's the
story," he said, expressing some frustration with the conversation over rooftop
solar in his state. "It drives me crazy. It's like, how do you guys not get that?"

"It's like, 'Oh well my business model doesn't work,"' Hutchens said. "I know it
doesn't work! But there are still people who would pay extra to have it on their roof
because they're the same people who want the cool stuff. They want solar on
their roof, they want storage in their garage, and they want to say, 'Hey look man,
l'm powered by the sun.' But that isn't free."

Helping DERs spread as a utility

The request to expand TEP's utility-owned solar offering has been pushed off to a
larger renewable energy standard docket that should go to hearings in the next
few months, Hutchens said. "After that, it will be resolved and we hope to have a
whole bunch more signed up."

Beyond the rooftop solar program, Hutchens sees a role for TEP in owning and
operating a whole suite of distributed resources, from solar to home storage and
electric vehicle chargers - with the help of third party partners.

"That's the premium service model that I hope to get to, where we have that basic
cable cost of service and then we work with partners to provide those other
services." he said, pointing to the ease of offering such products through the
utility.

"Put it on your bill, we'll finance it. That's what we do. That's our function in life
is financing energy infrastructure," he said. "So why not put it all on our bill we'll
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work with Tesla and their battery, we'II work with any company that wants to put
solar on the roof, we'll put all that stuff together [and] package it."

In just a few years, Hutchens envisions customers using his utility's website to
choose from a variety of different DER service offerings.

"The dream, five years from now, is that you just go on our site and say, which of
these services we got'?" he said. "As long as that basic cable is still getting paid, to
me, that is a great spot for a customer to be in."

Solar companies and other DER providers are wary of heavy utility involvement in
the distributed energy space, since the utility's existing customer relationship and
brand recognition could give them an advantage in offering such products. But
Hutchens said he sees room for more collaboration in the industry.

"We can help them market it," he said. "Our customers don't want to get all
confused trying to figure out whose product works with what. Let us do that.

ll

By leveraging that established customer relationship, Hutchens expects that his
utility can help DERs grow even faster in his service area than they are today.

"We've found that in the rooftop program. All these people wanted to sign up
because they're like, 'Okay, we've got the big utility behind it we don't have to
worry about signing this crazy complicated contract, we don't have to worry about
whether they're going to be in business in five years, don't have to worry about
maintenance, etc.," he said. "This is all taken care of by a name we know and we
know we can call if we have a problem."

More renewables coming

Some of the early results of TEP's push to deploy more renewables will be on
display in the utility's coming 2016 Integrated Resource Plan (IP), set to be
released in March.

The 2014 IP envisioned a less carbon-intensive generation fleet than in the past,
but still one that relied predominantly on fossil fuels. In 2028, it predicted TEP's
fuel mix would be 43% coal and 36% gas, followed by 12% energy efficiency
savings, 7% utility-scale renewables, and 3% DERs.

While Hutchens did not divulge many details about the coming IP, he said it will
be markedly different than the 2014 version.

"There's a lot of difference," he said. "There's a lot more renewable, a lot less
coal and that's how we see our portfolio evolving."
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Whatever the predictions are for the fuel mix in the coming IP, it's likely that
renewable will grow at an even faster rate, Hutchens added.

"We basically send out this straw man on March 1 and then we get into
stakeholder groups, so you can bet the renewables that we come out with in that
March 1 report will be the minimum that we'll see over time," he said. "Then we
get into conversations, because new technology will only make that go up, It's not
going to make it go down."

Correction: An earlier version of this post indicated that TEP'S rate design case
will go to hearings on March 1. That was incorrect. The rate design case for UES,
its sister company, is scheduled to begin hearings on that day.

Top Image Credit: Depositphotos (http://depositphotos.com)

Filed Under:

Solar 8< Renewables Distributed Energy
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UNITED STATES
SECURITIES AND EXCHANGE CGMMISSION

Washington, D.C. 20549

FORM 10-K
(Mark One)

X ANNUAL REPORT PURSUANT TO SECTION 13 OR 15(d) OF THE SECURITIES
EXCHANGE ACT OF 1934

For the fiscal year ended December 31, 2015

D TRANSITION REPORT PURSUANT TO SECTIGN 13 OR 15(d) OF THE
SECURITIES EXCHANGE ACT OF 1934

For the transition period from

Commission File Number 1-5924

TUCSON ELECTRIC POWER COMPANY
(Exact name of registrant as specified in its charter)

86-0062700Arizona
(State or other jurisdiction of
incorporation or organization)

(I.R.S. Employer Identification No.)

88 East Broadway Boulevard, Tucson, AZ 85701
(Address of principal executive offices)(Zip Code)

Registrant's telephone number, including area code: (520) 571-4000

Securities registered pursuant to Section 12(b) of the Exchange Act:None

Securities registered pursuant to Section 12(g) of the Exchange Act

Common Stock, without par value

(Title of Class)

Indicate by check mark if the registrant is a well-known seasoned issuer, as defined in Rule 405 of the Securities Act of 1933

Yes EI No x

Indicate by check mark if the registrant is not required to file reports pursuant to Section 13 or Section 15(d) of the Securities
Exchange Act of 1934 (Exchange Act)

Yes I] N o  x

Indicate by check mark whether the registrant (1) has tiled all reports required to be filed by Section 13 or 15(d) of the
Securities Exchange Act of 1934 during the preceding 12 months (or for such shorter period that the registrant was required to
file such reports), and (2) has been subject to such filing requirements for the past 90 days
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Interactive Data File required to be submitted and posted pursuant to Rule 405 of Regulation S-T during the preceding 12
months (or for such shorter period that the registrant was required to submit and post such tiles)
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Indicate by check mark if disclosure of delinquent filers pursuant to Item 405 of Regulation S-K is not contained herein, and
will not be contained, to the best of each registrant's knowledge, in definitive proxy or information statements incorporated by
reference in Part III of this Form 10-K or any amendment to this Form l0-K, x

Indicate by check mark whether the registrant is a large accelerated filer, an accelerated filer, a non-accelerated filer or a
smaller reporting company. See the definitions of "large accelerated filer," "accelerated filer," and "smaller reporting
company" in Rule 12b-2 of the Exchange Act. (Check one)

Large Accelerated Filer I] Accelerated Filer El Non-accelerated Filer X Smaller Reporting Company EI

Indicate by check mark whether the registrant is a shell company (as defined in Rule 12b-2 of the Exchange Act)

State the aggregate market value of the voting and non-voting common equity held by non-affiliates:None

As of February 17, 2016, Tucson Electric Power Company had 32,139,434 shares of common stock, no par value, outstanding
all of which were held by UNS Energy Corporation, an indirect wholly owned subsidiary of Fortis Inc

Documents incorporated by referencel None
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DEFINITIONS

The abbreviations and acronyms used in the 2015 Form 10-K are defined below:

2010 Credit Agreement The 2010 Credit Agreement consisted of a $200 million revolving credit and letter of credit
facility together with an $82 million LOC facility to support tax-exempt bonds; terminated in
October 20 l5 when replaced by the 2015 Credit Agreement

Reimbursement Agreement, dated December 14, 2010, between TEP, as borrower, and a
financial institution

2010 Reimbursement
Agreement

2013 Covenants
Agreement

2013 TEP Rate Order

2014 Credit Agreement

2015 Credit Agreement

2015 TEP Rate Case

ACC

APS

BART

Base Rates

Cooling Degree Days

DSM

EE Standards

FERC

Fortis

A Lender Rate Mode Covenants Agreement between TEP and the purchaser of $100 million of
unsecured tax-exempt bonds that were issued on behalf of TEP in November 2013 and sold in a
private placement

A rate order issued by the ACC resulting in a new rate structure for TEP, effective July l, 2013

The 2014 Credit Agreement consisted of a $130 million tern loan commitment and a $70
million revolving credit commitment, terminated in June 2015

The 2015 Credit Agreement provides for a $250 million revolving credit and letter of credit
facility with a sublimity of $50 million, the credit agreement matures in 2020 and replaced the
2010 Credit Agreement

A pending general rate case filed with the ACC by TEP in November 2015 requesting new rates
effective January 1, 2017

Arizona Corporation Commission

Arizona Public Service Company

Best Available Retrofit Technology

The portion of TEP's Retail Rates attributed to generation, transmission, distribution, and
customer costs. Base Rates exclude authorized charges designed to recover specific costs that
are passed through to customers including fuel and purchased power costs, energy efficiency
program costs, certain environmental compliance costs, and a portion of renewable energy costs

An index used to measure the impact of weather on energy usage calculated by subtracting 75
from the average of the high and low daily temperatures

Demand Side Management

Energy Efficiency Standards

Federal Energy Regulatory Commission

Fortis Inc., a corporation incorporated under the Corporations Act of Newfoundland and
Labrador, Canada, whose principal executive offices are located at Fortis Place, Suite 1100, 5
Springdale Street, St. John's, NL A1E 0E4

Four Corners Generating Station

Generally Accepted Accounting Principles in the United States

Billion British thermal units

Four Corners
GAAP
GBtu
GWh
Gila River Unit 3
Heating Degree Days

Gigawatt-hour(s)

Unit 3 of the Gila River Generating Station

An index used to measure the impact of weather on energy usage calculated by subtracting the
average of the high and low daily temperatures from 65

kV
kph
LFCR
LOC
MW
MWh

Kilo-volt(s)

Kilowatt-hour(s)

Lost Fixed Cost Recovery

Letter of Credit

Megawatt(s)

Megawatt-hour(s)

https://wvmu.sec.gov/Archives/edgar/data/100122/000010012216000034/tep10k12312015.htm 7/230
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Navajo

PNM

PPA

PPFAC

ppb

Navajo Generating Station

Public Service Company of New Mexico

Power Purchase Agreement

Purchased Power and Fuel Adjustment Clause

Parts per billion

4

V
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REC

RES

Retail Rates

San Juan

SCR

SJCC

SNCR

Springerville

Renewable Energy Credit

Renewable Energy Standard

Rates designed to allow a regulated utility an opportunity to recover its reasonable operating and
capital costs and earn a return on its utility plant in service

San Juan Generating Station

Selective Catalytic Reduction

San Juan Coal Company

Selective Non-Catalytic Reduction

Springerville Generating Station

Coal handling facilities at Springerville used by all four Springerville unitsSpringerville Coal
Handling Facilities

Springerville Coal
Handling Facilities Leases

Leases for coal
units

handling facilities at Springerville used in common by all four Springerville

Springewille Common
Facilities

Facilities at Springerville used in common by Springerville Units 1 and 2

Springerville Common
Facilities Leases

Leveraged lease arrangements relating to an undivided one-half interest in Springerville
Common Facilities

Springerville Unit 1

Springerville Unit 1
Leases

Unit l of the Springerville Generating Station

Leveraged lease arrangement relating to Springerville Unit 1 and an

undivided one-half interest in certain Springerville Common Facilities

Springerville Unit 2

Springerville Unit 3

Springewille Unit 4

SRP

Sundt

Sundt Unit 4

TEP

Third-Party Owners

Unit 2 of the Springerville Generating Station

Unit 3 of the Springerville Generating Station

Unit 4 of the Springerville Generating Station

Salt River Project Agricultural Improvement and Power District

H. Wilson Sundt Generating Station

Unit 4 of the H. Wilson Sundt Generating Station

Tucson Electric Power Company, the principal subsidiary of UNS Energy Corporation

Wilmington Trust Company and William J. Wade, as Owner Trustee and Co-trustee under a
separate host agreement with each of the remaining two owner participants, Alter fa
Springerville LLC (Alter fa) and LDVFl TEP LLC (LDVFI) (Alter fa and LDVF1, together
with the Owner Trustees and Co-trustees, the Third-Party Owners)

Tri-State

UNS Electric

UNS Energy

UNS Gas

Tri-State Generation and Transmission Association, Inc.

UNS Electric, Inc., an indirect wholly-owned subsidiary of UNS Energy

UNS Energy Corporation, the parent company of TEP, whose principal executive offices are
located at 88 East Broadway Boulevard, Tucson, Arizona 8570 l

UNS Gas, Inc., an indirect wholly-owned subsidiary of UNS Energy

vi
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FORWARD-LOOKING INFORMATION

This Annual Report on Form 10-K contains forward-looking statements as defined by the Private Securities Litigation Reform
Act of 1995. Tucson Electric Power Company (TEP) is including the following cautionary statements to make applicable and
take advantage of the safe harbor provisions of the Private Securities Litigation Reform Act of 1995 for any forward-looking
statements made by or for TEP in this Annual Report on Form 10-K. Forward-looking statements include statements
concerning plans, objectives, goals, strategies, future events or performance and underlying assumptions, and other statements
that are not statements of historical facts. Forward-looking statements may be identified by the use of words such as
anticipates, believes, estimates, expects, intends, may, plans, predicts, projects, would, and similar expressions. From time to
time, we may publish or otherwise make available forward-looking statements of this nature. All such forward-looking
statements, whether written or oral, and whether made by or on behalf of TEP, are expressly qualified by these cautionary
statements and any other cautionary statements which may accompany the f̀ orward-looking statements. In addition, TEP
disclaims any obligation to update any forward-looking statements to reflect events or circumstances after the date of this
report, except as may otherwise be required by the federal securities laws

Forward-looking statements involve risks and uncertainties, which could cause actual results or outcomes to differ materially
from those expressed therein. We express our expectations, beliefs, and projections in good faith and believe them to have a
reasonable basis. However, we make no assurances that management's expectations, beliefs or projections will be achieved or
accomplished. We have identified the following important factors that could cause actual results to differ materially from those
discussed in our forward-looking statements. These may be in addition to other factors and matters discussed in:Part L Item
IA. Risk Factors; Part IL Item 7. Management is Discussion and Analysis of Financial Condition and Results of Opemtions
and other parts of this report. These factors include: state and federal regulatory and legislative decisions and actions, changes
in, and compliance with, environmental laws, regulations, decisions and policies that could increase operating and capital
costs, reduce generating facility output or accelerate generating facility retirements, regional economic and market conditions
which could affect customer growth and energy usage, changes in energy consumption by retail customers, weather variations
affecting energy usage, the cost of debt and equity capital and access to capital markets, the performance of the stock market
and changing interest rate environment, which affect the value of our pension and other retiree benefit plan assets and the
related contribution requirements and expense, the inability to make additions to our existing high voltage transmission
system, unexpected increases in O&M expense, resolution of pending litigation matters, changes in accounting standards
changes in critical accounting estimates, the ongoing impact of mandated energy efficiency and distributed generation
initiatives, changes to long-term contracts, the cost of fuel and power supplies, the ability to obtain coal from our suppliers
cyder attacks or challenges to our information security, and the performance of TEP's generating plants

https://www.sec.gov/Archives/edgar/data/100122/000010012216000034/tep10k12312015.htm 10/230
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PART I

ITEM 1. BUSINESS

GENERAL

Tucson Electric Power Company (TEP) and its predecessor companies have served the greater Tucson metropolitan area for
over 100 years. TEP was incorporated in the State of Arizona in 1963. TEP is a regulated electric utility company sewing
approximately 417,000 retail customers. TEP's service territory covers 1,155 square miles and includes a population of
approximately one million people in Pima County, as well as parts of Cochise County. TEP's principal business operations
include generating, transmitting, and distributing electricity to its retail customers. In addition to retail sales, TEP sells
electricity, transmission, and ancillary services to other utilities, municipalities, and energy marketing companies on a
wholesale basis. TEP is subject to comprehensive state and federal regulation. The regulated electric utility operation is TEP's
only segment.

TEP is a wholly owned subsidiary of UNS Energy Corporation (UNS Energy), a utility services holding company. In August
2014, UNS Energy was acquired by Fortis Inc. (Fortis) and became an indirect wholly owned subsidiary of Fortis, which is a
leader in the North American electric and gas utility business.

REGULATED UTILITY OPERATIONS

TEP delivers electricity to retail customers in southern Arizona. TEP owns or has contracts for coal, natural gas, wind, solar,
and landfill gas generation resources to provide electricity. This electricity, together with electricity purchased on the
wholesale market, is delivered over transmission lines which are part of the Western Interconnection, a regional grid in the
United States. The electricity is then transformed to lower voltages and delivered to customers through TEP's distribution
system.

TEP operates under a certificate of public convenience and necessity as regulated by the Arizona Corporation Commission
(ACC), under which TEP is obligated to provide electricity service to customers within its service territory. The ACC
establishes retail rates on a cost-of-service basis, which are designed to allow TEP to recover its costs of providing services
and an opportunity to earn a reasonable return on its investment.

1
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CUSTOMERS

Electricity sold to retail and wholesale customers by class of customer and the average number of retail customers over the last
three years were as follows

3

2

28% 3

2

3

2

215%

Electric Sales - GWh

Residential

Commercial

Industrial (Non-mining)

Mining

Other

Total Electric Retail Sales

Electn'c Wholesale Sales -

Electn'c Wholesale Sales -

Total Electric Sales

Long-Tenn

Short-Term 2

12.743

22%

100%13

29%

100% 12.865 100%

Average Number of Retail Customers

Residential

Commercial

Industrial (Non-mining)

Mining

Other

Total Retail Customers

376.439

38.253

90% 374.204

38.079

370.925

37.783

100% 414.749 100% 100%

Retail Customers

TEP provides electric utility service to a diverse group of residential, commercial, industrial, and public sector customers
Major industries served include copper mining, cement manufacturing, defense, health care, education, military bases, and
other governmental entities. TEP's retail sales are influenced by several factors, including economic conditions, seasonal
weather patterns, Demand Side Management (DSM) initiatives and the increasing use of energy efficient products, and
customer owned distributed generation

Local, regional, and national economic factors impact the growth in the number of customers in TEP's service territory. In
each of the past five years, TEP's average number of retail customers increased by less than 1%. TEP expects the number of
retail customers to increase at a rate of approximately 1% in 2016 based on estimated population growth in its service territory

TEP's retail sales volume in 2015 was approximately 9,053 gigawatt-hours (GWh), which is a decrease of 3% from 201 l
levels. During the past five years, local economic conditions combined with state requirements to reduce retail sales through
energy efficiency and distributed generation have resulted in lower sales volumes and lower use per customer

Two of TEP's largest retail customers are in the copper mining industry. TEP's GWh sales to mining customers depend on a
variety of factors including commodity prices, the electricity rate paid by mining customers, and the mines' development of
their own electric generation resources. TEP's GWh sales to mining customers decreased by 2% in 2015 as a result of mining
curtailments due to declining commodity prices. In 2016, TEP expects additional curtailments to certain mining customers
based on announced plans and current commodity prices. TEP cannot predict how long the commodity prices will remain low
or the impact prices will have on mining production

See Part IL Item 7. Management's Discussion and Analysis of Financial Condition and Results of Operations, Factors
At/Qcting Results of Operations for additional information regarding mining customers

https://www.sec.gov/Archives/edgar/data/100122/000010012216000034/tep10k12312015.htm 12/230
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Wholesale Sales

TEP's electric utility operations include the wholesale marketing of electricity to other utilities and power marketers.

Wholesale sales transactions are made on both a firm and interruptible basis. A firm contract requires TEP to supply power on

demand (except under limited emergency circumstances), while an interruptible contract allows TEP to stop supplying power

under defined conditions.

Generally, TEP commits to future sales based on expected generating capability, forward prices, and generation costs, using a

diversified portfolio approach to provide a balance between long-tenn, mid-term, and spot energy sales. TEP's wholesale sales

consist primarily of two types:

Long-Term Wholesale Sales

Long-term wholesale contracts cover periods of one year or greater. TEP typically uses its own generation to serve the

requirements of its long-term wholesale customers. In 2015, TEP's primary long-term contracts were with Salt River Project

Agriculture Improvement and Power District (SRP), Shell Energy North America (Shell), the Navajo Tribal Utility Authority

(NTUA), and TRICO Electric Cooperative (TRICO). The SRP contract expires in May2016, the Shell contract expires in

December 2017, the NTUA contract expires in December 2022, and the TRICO contract expires in December 2024.

In November 2015, TEP entered into a long-term wholesale sales contract with Navopache Electric Cooperative (Navopache).
Delivery of power begins January 1, 2017 and expires in December 2041 .

Short-Term Wholesale Sales

Forward contracts commit TEP to sell a specified amount of capacity or energy at a specified price over a given period of

time, typically for one-rnonth or three-month periods. TEP also engages in short-term sales by selling energy in the daily or

hourly markets at fluctuating spot market prices and making other non-firm energy sales. The majority of our revenues from

short-term wholesale sales offset fuel and purchased power costs and are passed through to TEP's retail customers. TEP uses

short-term wholesale sales as part of its hedging strategy to reduce customer exposure to flucmating power prices.

Competition

Retail Customers

TEP is the primary electric service provider to retail customers within its service tem'tory and operates under a certificate of
public convenience and necessity as regulated by the ACC. TEP is subject to competition from customer-sited distributed
generation, energy efficiency, and other emerging technologies. TEP is experiencing increases in the levels of customer-sited
solar arrays and the use of net energy metering, which allows self-generating retail customers to use their excess generation to
offset a portion of their future electricity consumption at the full retail rate.

Wholesale Sales

The Federal Energy Regulatory Commission (FERC) regulates rates for wholesale power sales and transmission
services. TEP's wholesale activity primarily consists of Short-Term Wholesale Sales to manage fuel and purchased power
supplies to serve retail customer energy requirements and Long-Term Wholesale Sales to optimize generation capacity. As a
result of its wholesale activity, TEP competes with other utilities, power marketers and independent power producers in the
wholesale markets.

3
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GENERATING FACILITIES

As of December 31 , 2015 TEP owned 2,501 megawatts (MW) of nominal generating capacity, as set forth in the following
table. Nominal capacity is based on unit design net output.

Generating Source

Spr ingerv i l l e  S t a t i on

Spr ingerv i l l e  S t a t i on

San Juan Stat ion

San Juan Stat ion

Nav a jo  S t a t i on

Nav a jo  S t a t i on

Nav a j o  S t a t i on

Four  Corners  S ta t ion

Four  Corners  S tat ion

U n i t

No.

1

2

1

2

1

2

3

4

5

Location

Springerville, AZ

Springerville, AZ

Farmington, NM

Farmington, NM

Page, AZ

Page, AZ

Page, AZ

Farmington, NM

Farmington, NM

Date

InService

1985

1990

1976

1973

1974

1975

1976

1969

1970

Resource

Type
Coal

Coal

Coal

Coal

Coal

Coal

Coal

Coal

Coal

Capacity

MW

387

406

340

340

750

750

750

785

785

TEP's Share

% M W (1)

49.5 192

1 0 0 4 0 6

50 . 0 1 7 0

50.0 1 7 0

7.5 5 6

7.5 56

7.5 56

7. 0 55

7. 0 55

3

1

1

2

3

4

Gila Bend, AZ

Deming, NM

Tucson, AZ

Tucson, AZ

Tucson, AZ

Tucson, AZ

2003

2006

1958

1960

1962

1967

Gas

Gas

Gas / O i l

Gas / O i l

Gas / O i l

Gas

550

555

81

81

104

156

Operating

Agent

TEP

TEP

PNM

PNM

SRP

SRP

SRP

APS

APS

Ethos
Energy

PNM

TEP

TEP

TEP

TEP

75.0

33.3

100

100

100

100

413

185

81

81

104

156

Gila River Power Station

Luna Generating Station

Sundt Station

Sundt Station

Sundt Station

Sundt Station <2)

Sundt Internal Combustion
Turbines

DeMoss Petrie

North Loop

Springerville Solar Station

Tucson Solar Projects

Ft. Huachuca Project

Total TEP Capacity cs)

Tucson, AZ

Tucson, AZ

Tucson, AZ

Springerville, AZ

Tucson, AZ

Ft. Huachuca, AZ

1972-1973

2 0 0 1

2 0 0 1

2002-2014

2 0 1 0 -2 0 1 4

2 0 1 4

Gas/Oil

Gas

Gas

Solar

Solar

Solar

50

75

94

16

13

17

TEP

TEP

TEP

TEP

TEP

TEP

100

100

100

100

100

100

50

75

94

16

13

17

2,501

(1) Capacity measured in direct current (DC).

(2) Sundt Station Unit 4 is a multi-fuel generating facility that can be operated on either coal or natural gas as a primary fuel source. In
August 2015, TEP exhausted its existing coal supply at Sundt Station Unit 4 and plans to continue operating Sundt Station Unit 4
with natural gas as a primary fuel source. The table above reflects the nominal generating capacity assuming the unit is fueled by
natural gas. Refer to Part IL I tem 7. ManagementS Discussion and Analysis of Financial Condition and Results of Operations,
Environmental Matters of dies Form 10-K for additional information related to environmental matters impacting Unit 4 of the H.
Wilson Sundt Generating Station (Sundt).

(3) Excludes 913 MW of additional resources, which consist of certain capacity purchases and interruptible retail load.

Spr inger vi l l e  Gener at ing S tat ion

TEP has a 49.5% ownership interest in Unit 1 of the Springerville Generating Station (Springerville Unit 1) and operates the
remaining interests in Springerville Unit 1 on behalf of third parties, Wilmington Trust Company and William J. Wade, as
Owner Trustee and Co-tnustee under a separate trust agreement with each of the remaining two owner participants, Alter fa
Springerville LLC (Altema) and LDVF1 TEP LLC (LDVFI) (Altema and LDVFI, together with the Owner Trustees and Co-
trustees, the Third-Party Owners). The Owner Trustees and Co-Trustees are responsible for their share of operating and capital
costs for the facility. See Note 7 of Notes to Consolidated Financial Statements in Item 8 of this Form 10-K for additional

hHps:// .sec.gov/Archives/edgar/data/100122/000010012216000034/tep10k12312015.htm 15/230
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information regarding the Third-Party Owners .

10-K

Unit 2 of the Springerville Generating Station (Springerville Unit 2) is owned by San Carlos Resources, Inc., a wholly-owned
subsidiary of TEP.

4
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*

TEP's other interests in the Springerville Generating Station (Springerville) include: (i)49.5% undivided interest in certain
common facilities used by Springerville Unit 1; and (ii) an 83% ownership interest in the Springerville Coal Handling
Facilities.

Springerville Common Facilities Leases

The leveraged lease arrangements relating to a 50% undivided interest in certain Springerville Common Facilities
(Springerville Cointon Facilities Leases) used by Springerville Unit 2, which expire in 2017 and 2021, have fair market value
renewal options as well as fixed-price purchase options. The fixed prices to acquire the leased interests in the Springerville
Common Facilities are $38 million in 2017 and $68 million in 2021.

See Note 6 of Notes to Consolidated Financial Statements in Item 8 of this Font 10-K and Part IL Item 7. Management is
Discussion and Analysis ofFinaneial Condition and Results of Operations, Liquidity and Capital Resources for additional
information regarding the capital leases.

Springerville Units 3 and 4

Springerville Units 3 and 4 are each approximately 400 MW coal-fired generating facilities that are operated, but not owned
by TEP. These facilities are located at the same site as Springerville Units 1 and 2. The lessee of Springerville Unit 3 and the
owner of Springerville Unit 4 compensate TEP for operating the facilities and pay an allocated portion of the fixed costs
related to the Springerville common facilities and Coal Handling Facilities.

Sundt Generating Station

Sundt and the internal combustion turbines located in Tucson are designated as must-run generation facilities. Must-run
generation units are required to run in certain circumstances to maintain distribution system reliability and to meet local load
requirements.

Renewable Energy Resources

The ACC's Renewable Energy Standard (RES) requires TEP, and other affected utilities, to increase their use of renewable
energy each year until it represents at least 15% of their total annual retail energy requirements by 2025, with distributed
generation accounting for 30% of the annual renewable energy requirement. Affected utilities must file an annual RES
implementation plan for review and approval by the ACC. TEP plans to meet this requirement through a combination of
owned resources and Power Purchase Agreements (PPAs). See Note 2 of Notes to Consolidated Financial Statements in Item 8
of this Form 10-K andRates andRegulations below for additional information regarding RES.

Owned Renewable Resources

As of December 31, 2015, TEP owned 46 MW of photovoltaic (PV) solar generating capacity. In 2016, TEP plans to complete
an additional solar project adding 5 MW of PV solar generating capacity. The solar generating facilities are located on
properties held under easements and leases. In December 2015, TEP also acquired a 5 MW concentrated solar project which
does not increase capacity but displaces the equivalent amount of steam produced by burning fossil fuel.

Renewable Power Purchase Agreements

As of December 31, 2015, TEP has renewable PPAs for 175 MW of capacity measured in direct current (DC) from solar
resources, 80 MW of capacity measured in alternating current (AC) from wind resources and 4 MW of capacity measured in
AC from a landfill gas generation plant. The solar PPAs contain options that allow TEP to purchase all or part of the related
project at a future period.

Power Purchases

TEP purchases power from other utilities and power marketers. TEP may enter into contracts to purchase: (i) energy under
long-tenn contracts to serve retail load and long-tenn wholesale contracts, (ii) capacity or energy during periods of planned
outages or for peak summer load conditions, and (iii) energy for resale to certain wholesale customers under load and resource
management agreements.

TEP typically uses generation from its gas-tired units, supplemented by power purchases, to meet the summer peak demands

hHps:// .sec.gov/Archives/edgar/data/100122/000010012216000034/tep10k12312015.htm 17/230
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of its retail customers. Some of these power purchases are price-indexed to natural gas. Due to its increasing seasonal gas and
purchased power usage, TEP hedges a portion of its total natural gas exposure with fixed price contracts for a maximum of
three years. TEP also purchases energy in the daily and hourly markets to meet higher than anticipated demands, to cover
unplanned generation outages, or when doing so is more economical than generating its own energy.

1

5
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TEP is a member of a regional reserve-sharing organization and has reliability and power sharing relationships with other
utilities. These relationships allow TEP to call upon other utilities during emergencies, such as plant outages and system
disturbances, and reduce the amount of reserves TEP is required to carry

PEAK DEMAND AND FUTURE RESOURCES

Peak Demand

(in MW)

Retail Customers

Firm Sales to Other Utilities

Coincident Peak Demand (A)

Total Generating Resources

Other Resources <1>

Total TEP Resources (B)

Total Margin (B) - (A)

Reserve Margin (% of Coincident Peak
Demand) m, m, m,

(U Other Resources include firm power purchases and intemlptible retail and wholesale loads

The chart above shows the relationship over a five-year period between peak demand and energy resources. Total margin is
the difference between total energy resources and coincident peak demand, and the reserve margin is the ratio of margin to
coincident peak demand. The reserve margin in 2015 was in compliance with reliability criteria set forth by the Western
Electricity Coordinating Council, a regional council of North American Reliability Corporation (NERC)

Peak demand occurs during the summer months due to the cooling requirements of retail customers. Retail peak demand
varies from year-to-year due to weather, economic conditions, and other factors. Retail peak demand has primarily declined
over the five-year period due to weak economic conditions and the implementation of energy efficiency programs and
distributed generation

Forecasted retail peak demand for 2016 is 2, 109 MW compared with actual peak demand of 2,222 MW in 2015. TEP's 2016
estimated retail peak demand is based on weather patterns observed over a 10-year period and other factors, including
estimates of customer usage and planned curtailment of mining customers. TEP believes existing generation capacity and
PPAs are sufficient to meet expected demand in 2016 and established reserve margin criteria

Future Resources

At December 31, 2015, approximately 49% of TEP's generating capacity was fueled by coal. Existing and proposed federal
environmental regulations, as well as potential changes in state regulation, may increase the cost of operating coal-fired
generating facilities. TEP is executing strategies and evaluating additional steps to reduce its dependency on coal generation
while still meeting its peak load requirements. In August 2015, TEP exhausted its existing coal supply at Unit 4 of the H
Wilson Sundt Generating Station (Sundt Unit 4). TEP expects to continue operating Sundt Unit 4 on natural gas as a primary
fuel source

See Part IL Item 7. Management's Discussion and Analysis of Financial Condition and Results of Operations, Factors
acting Results of Operations for additional infonnation regarding TEP's generating facilities
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FUEL SUPPLY

Fuel and Purchased Power Summary

Resource information is provided below

Average Cost per kph (cents per kph) Percentage of Total kph Resources

m, 75%

Purchased Power

Au Sources

17%

100%

The coal used for electric generation is low-sulfUr, bituminous or sub-bituminous coal from mines in Arizona and New
Mexico. The table below provides information on the existing coal contracts that supply our generating stations. The average
cost of coal per million metric British thermal unit (MMBtu), including transportation, was $2.34 in 2015, $2.43 in 2014, and
$2.57 in 2013

Station

Springerville

Coal Supplier

2015 Coal
Consumption
(tons in 000s)

Contract
Expiration

Sulfur
Content Coal Obtained From

Lee Ranch Mine/El Segundo

0.7%Four Corners (2)

San Juan (3)

Navajo

Peabody CoalSa1es

BHP Billiton

San Juan Coal Co

Peabody CoalSa1es 0.6%

Navajo Mine

San Juan Mine

Kayenta Mine

Peabody has a pending sale of the Lee Ranch Mine/El Segundo Mine to Bowie Resources Partners

Beginning in July2016 through June 2031, the coal for Four Corners will be purchased from the Navajo Transitional Energy
Company (NTEC). NTEC purchased the mine located near Four Corners from BHP Billiton and will begin overseeing the mine
operation in 20]6

(3) BHP Billiton sold San Juan Coal Co. to Westmoreland Coal Company, effective January 31, 2016

TEP Operated Generating Facilities

The coal supplies for Springerville Units 1 and 2 are transported approximately 200 miles by railroad from northwestern New
Mexico. TEP expects coal reserves to be sufficient to supply the estimated requirements for Springerville Units 1 and 2 for
their estimated remaining lives

TEP no longer uses coal as a primary fuel source for Sundt Unit 4

Coal Generating Facilities Operated by Others

TEP also participates in jointly-owned coal-fired generating facilities at the Four Corners Generating Station (Four Corners)
the Navajo Generating Station (Navajo), and the San Juan Generating Station (San Juan). Four Corners, which is operated by
Arizona Public Service Company (APS), and San Juan, which is operated by Public Service Company of New Mexico
(PNM), are mine-mouth generating stations located adjacent to the coal reserves. Navajo, which is operated by SRP, obtains
its coal supply from the nearby Kayenta coal mine and receives deliveries on a dedicated electric rail delivery system
Effective January31, 2016, Westmoreland Coal Company purchased San Juan Coal Company (SJCC) from BHP Billiton and
has also agreed to a new coal supply agreement extending through June 30, 2022. TEP expects coal reserves available to these
three jointly-owned generating facilities to be sufficient for the remaining lives of the stations

Natural Gas Supply

https://www.sec.gov/Archives/edgar/data/100122/000010012216000034/tep10k12312015.htm 20/230
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TEP uses generation from its facilities fueled by natural gas, in addition to energy from its coal-fired facilities and purchased
power, to meet the summer peak demands of its retail customers and local reliability needs. The average cost of natural gas per
MMBtu, including transportation, was $3.49 in 2015, $5. 17 in 2014, and $4.55 in 2013
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TEP purchases capacity from El Paso Natural Gas (EPNG) for transportation from the San Juan and Permian Basins to its
Sundt plant under firm transportation agreements. TEP also purchases firm gas transportation for Gila River Unit 3 from
EPNG and Transwestern Pipeline Co., and for Luna Generating Station (Luna) from EPNG. TEP purchases gas from
Southwest Gas Corporation under a retail tariff for North Loop's 94 MW of internal combustion turbines and receives
distribution service under a transportation agreement for DeMoss Petrie, a 75 MW internal combustion turbine

TRANSMISSION AND DISTRIBUTION

TEP's transmission system is part of the Western Interconnection, which includes the interconnected transmission systems of
14 western states, two Canadian provinces and parts of Mexico. TEP's transmission system, together with contractual rights on
other transmission systems, enables TEP to integrate and access generation resources to meet its customer load requirements
TEP's transmission and distribution systems included approximately 2,170 miles of transmission lines, and 7,557 miles of
distribution lines as of December 31. 2015

In 2015, TEP completed construction and placed into service a 500-Kilo-volt (kV) transmission line extending from the Pinal
Central substation to TEP's Tortolita substation northwest of Tucson. The transmission line was built to provide additional
transmission capacity from the Palo Verde area into TEP's northern service territory

RATES AND REGULATION

The ACC and the FERC each regulate portions of the utility accounting practices and rates of TEP. The ACC regulates rates
charged to retail customers, the siring of generation and transmission facilities, the issuance of debt, transactions with affiliated
parties, and other utility matters. The ACC also enacts other regulations and policies that can affect business decisions and
accounting practices. The FERC regulates terms and prices of transmission services and wholesale electricity sales

2015 Rate Case

In November 2015, TEP filed a general rate case with the ACC requesting a Base Rate increase of $110 million and various
rate design changes. See Note 2 of Notes to Consolidated Financial Statements in Item 8 of this From 10-K andPart IL
Item 7. ManagementS Discussion and Analysis of Financial Condition and Results of Operations, Factors Af'ecting Results of
Operations for key provisions regarding the 2015 Rate Case

Purchased Power and Fuel Adjustment Clause

The Purchased Power and Fuel Adjustment Clause (PPFAC) allows TEP to recover its fuel, transmission, and purchased
power costs, including demand charges, and the costs of contracts for hedging fuel and purchased power costs for its retail
customers. The PPFAC consists of a forward component and a tnxe-up component

The true-up component reconciles any over/under collected amounts from the preceding 12-month period and is credited to or
recovered from customers in the subsequent year

TEP's PPFAC also includes the recovery of the following costs and/or credits: lime costs used to control sulfur dioxide (SON)
emissions at Springerville, sulfur credits received from TEP's coal suppliers, broker fees, revenues from short-term wholesale
sales, and all of the proceeds from the sale of S02 allowances

At December 31 , 2015, TEP had over-collected fuel and purchased power costs by $18 million

Renewable Energy Standards and Tariff

The ACC's RES requires TEP and other affected utilities to increase their use of renewable energy each year until it represents
at least 15% of their total annual retail energy requirements in 2025, with distributed generation accounting for 30% of the
annual renewable energy requirement. Affected utilities must file an annual RES implementation plan for review and approval
by the ACC. The approved cost of carrying out those plans is recovered from retail customers through the RES surcharge until
such costs are reflected in TEP's Base Rates. The associated lost revenues attributable to meeting distributed generation
targets will be partially recovered through the Lost Fixed Cost Recovery Mechanism (LFCR). See Note 2 of Notes to
Consolidated Financial Statements in Item 8 of this Form 10-K for additional information

In July 2015, TEP submitted its application for the 2016 RES implementation plan that includes a budget of $57 million
which will be partially offset by applying approximately $9 million of previously recovered carryover iiunds. TEP proposed to
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recover $48 million through the RES surcharge. The budget will fund the following: the above market cost of renewable
energy purchases, previously awarded performance-based incentives for customer installed distributed generation,
depreciation and a return on TEP's investments in company-owned solar projects, and various other program costs. TEP
expects to receive a
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decision on the application in the first half 2016. TEP expects to recognize approximately $9 million of revenue in 2016 as a
return on company-owned solar projects.

The percentage of retail kilowatt-hour (kph) sales attributable to the 2015 RES renewable energy requirement was 8.6%,
exceeding the overall 2015 requirement of 5.0%. TEP expects to meet the 2016 RES renewable energy requirement of 6.0% of
retail kph sales. Compliance is determined through the ACC's review of TEP's annual RES implementation plan. As TEP no
longer pays incentives to obtain distributed generation Renewable Energy Credits (REC), which are used to demonstrate
compliance with the distributed generation requirement, TEP has requested a waiver of the RES distributed generation
requirements in its 2016 RES implementation plan.

Energy Efficiency Standards

In 2010, the ACC approved new Energy Efficiency Standards (EE Standards) designed to require electric utilities to
implement cost-effective programs to reduce customers' energy consumption. The EE Standards require increasing cumulative
annual targeted retail kph savings equal to 22% by 2020. Since the implementation of the EE Standards, TEP's cumulative
annual energy savings are approximately 9.3% of retail kph sales in 2015. Compliance with the EE Standards is determined
through the ACC's review of the company's annual energy eiliciency implementation plan.

In February 2016, the ACC approved TEP's 2016 energy efficiency implementation plan. Under the 2016 plan, TEP has been
approved to recover approximately $14 million from retail customers and will offer customers new and existing DSM
programs. Energy savings realized through the programs will count toward Arizona's EE Standards and the associated lost
revenue will be partially recovered through the LFCR. See Note 2 of Notes to Consolidated Financial Statements in Item 8 of
this Form 10-K for additional information.

ENVIRONMENTAL MATTERS

The EPA regulates the amount of SON, nitrogen oxide (NOX), carbon dioxide (CON), particulate matter, mercury and other by-
products produced by power plants. TEP may incur added costs to comply with future changes in federal and state
environmental laws, regulations, and permit requirements at its power plants. Environmental laws and regulations are subject
to a range of interpretations, which may ultimately be resolved by the courts. Because these laws and regulations continue to
evolve, TEP is unable to predict the impact of the changing laws and regulations on its operations and consolidated financial
results. TEP expects to recover the cost of environmental compliance from its ratepayers.

National Ambient Air Quality Standards

In October 2015, the EPA released the final rule for the 8-hour Ozone NAAQS orOzone Standard. The EPA lowered the
standard from 75 parts per billion (ppb) to 70ppb. If Pima County does not meet the standard, the county will be designated as
a "non-attainment" area and will need to develop a plan to bring the air-shed into compliance. A "non-attainment" designation
may slow economic growth in the region and impact our ability to site new local generation.

Implementation of the rule is scheduled as follows:

States' recommendation of area designations (attainment, non-attainment, or unclassified) by October 2016.

EPA's response to states' designation recommendation by June 2017.

EPA's finalization of area designations by October 2017, based on 2014-2016 air quality data.

Effluent Limitation Guidelines

In September 2015, as part of the Clean Water Act the EPA published the final Effluent Limitation Guidelines setting
technology standards and limitations for steam electric power plant discharges. The rule sets the first federal limits on the
levels of toxic metals in wastewater that can be discharged from power plants, based on technology improvements in the
steam electric power industry over the last three decades. TEP is evaluating the effects of this rule on its facilities including
Navajo, San Juan, and Four Corners. Since the majority of TEP's facilities are zero discharge, TEP does not anticipate a
significant financial impact.
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TEP believes it is in material compliance with applicable laws and regulations. Refer to Part IL Item 7. Management S
Discussion and Analysis of Financial Condition and Results of Operations, Environmental Laws and Regulations of this Form
10-K for additional information related to environmental laws and regulations impacting TEP's liquidity and capital resources
and Liquidity and Capital Resources for TEP's forecasted environmental-related capital expenditures
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EMPLOYEES

At December 31, 2015, TEP had 1,478 employees, of which approximately 688 were represented by the International
Brotherhood of Electrical Workers (IBEW) Local No. 1116. A new collective bargaining agreement between the IBEW and
TEP was entered into in January 2016 and expires in January 2019

SEC REPORTS AVAILABLE ON TEP'S WEBSITE

TEP makes available its annual reports on Form 10-K, quarterly reports on Font 10-Q, current reports on Form 8-K, and all
amendments to those reports as soon as reasonably practical after we electronically file or furnish them to the Securities and
Exchange Commission (SEC). These reports are available free of charge through TEP's website address at
www.tep.com/about/investors/

UNS Energy's code of ethics, which applies to the Board of Directors and all officers and employees of UNS Energy and its
subsidiaries, including TEP, and any amendments or any waivers made to the code of ethics, is also available on TEP's
website at www.tep.com/about/investors/

TEP is providing the address of TEP's website solely for the infonnation of investors and does not intend the address to be an
active link. Information contained at TEP's website is not part 012 or incorporated by reference into, any report or other filing
filed with the SEC by TER

ITEM lA. RISK FACTORS

The business and financial results of TEP are subject to a number of risks and uncertainties, including those set forth below
These risks and uncertainties fall primarily into five major categories: revenues, regulatory, environmental, financial, and
operational

REVENUES

National and local economic conditions can negatively affect the results of operations, net income, and cash flows at

Economic conditions have contributed significantly to a reduction in TEP's retail customer growth and lower energy usage by
the company's residential, commercial, and industrial customers. As a result of weak economic conditions, TEP's average
retail customer base grew by less than 1% in each year from 2011 through 2015 compared with average increases of
approximately 1% in each year from 2005 to 2009. TEP estimates that a 1% change in annual retail sales could impact pre-tax
net income and pre-tax cash flows by approximately $6 million

New technological developments and compliance with the ACC's EE Standards and RES will continue to have a
significant impact on retail sales, which could negatively impact TEP's results of operations, net income, and cash

Research and development activities are ongoing for new technologies that produce power or reduce power constunption
These technologies include renewable energy, customer-owned generation, and appliances, equipment, and control systems
Continued development and use of these technologies and compliance with the ACC's EE Standards could further impact the
results of operations, net income, and cash flows of TEP

The revenues, results of operations, and cash flows of TEP are seasonal, and are subject to weather conditions and
customer usage patterns, which are beyond the company's control

TEP typically ears the majority of its operating revenue and net income in the third quarter because retail customers increase
their air conditioning usage during the summer. Conversely, TEP's first quarter net income is typically limited by relatively
mild winter weather in its retail service territory. Cool summers or warm winters may reduce customer usage, adversely
affecting operating revenues, cash flows, and net income by reducing sales

https://www.sec.gov/Archives/edgar/data/100122/000010012216000034/tep10k12312015.htm 26/230



*

4/21/2016 10-K

Ur

TEP is dependent on a small segment of large customers for future revenues. A reduction in the electricity sales to
these customers would negatively affect our results of operations, net income, and cash flows.

TEP sells electricity to mines, military installations, and other large industrial customers. In 2015, 35% of TEP's retail kph
sales were to 592 industrial and mining customers. Retail sales volumes and revenues from these customer classes could
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decline as a result of, among other things: global, national, and local economic conditions, curtailments of customer operations
due to declines in commodity prices, decisions by the federal government to close military bases, the effects of energy
efficiency and distributed generation, or the decision by customers to self-generate all or a portion of their energy needs. A
reduction in retail kph sales to TEP's large customers would negatively affect our results of operations, net income, and cash
flows.

REGULATORY

TEP is subject to regulation by the ACC, which sets the company's Retail Rates and oversees many aspects of its
business in ways that could negatively affect the company's results of operations, net income, and cash flows.

The ACC is a constitutionally created body composed of five elected commissioners. Commissioners are elected state-wide
for staggered four-year terns and are limited to serving a total of two terms. As a result, the composition of the commission,
and therefore its policies, are subject to change every two years.

TEP's Retail Rates consist of Base Rates and various rate adjustors that allow for timely recovery of certain costs between rate
cases. The ACC is charged with setting Retail Rates that allow TEP to recover its costs of service and an opportunity to earn a
reasonable rate of return. In setting TEP's Retail Rates, the ACC could disallow the recovery of costs or not provide for the
timely recovery of costs. The decisions made by the ACC on such matters impact the net income and cash flows of TEP.

Changes in federal energy regulation may negatively affect the results of operations, net income, and cash flows of
TEP.

TEP is subject to the impact of comprehensive and changing governmental regulation at the federal level that continues to
change the structure of the electric and gas utility industnles and the ways in which these industries are regulated. TEP is
subject to regulation by the FERC. The FERC has jurisdiction over rates for electric transmission in interstate commerce and
rates for wholesale sales of electric power, including terms and prices of transmission services and sales of electricity at
wholesale.

As a result of the Energy Policy Act of 2005, owners and operators of bulk power systems, including TEP, are subject to
mandatory transmission standards developed and enforced by NERC and subject to the oversight of the FERC. Compliance
with modified or new transmission standards may subject TEP to higher operating costs and increased capital costs. Failure to
comply with the mandatory transmission standards could subject TEP to sanctions, including substantial monetary penalties.

ENVIRONMENTAL

TEP is subject to numerous environmental laws and regulations that may increase its cost of operations or expose it to
environmentally-related litigation and liabilities. Many of these regulations could have a significant impact on TEP due
to its reliance on coal as its primary fuel for electric generation.

Numerous federal, state, and local environmental laws and regulations affect present and future operations. Those laws and
regulations include rules regarding air emissions, water use, wastewater discharges, solid waste, hazardous waste, and
management of coal combustion residuals.

These laws and regulations can contribute to higher capital, operating, and other costs, particularly with regard to enforcement
efforts focused on existing power plants and new compliance standards related to new and existing power plants. These laws
and regulations generally require us to obtain and comply with a wide variety of environmental licenses, permits,
authorizations, and other approvals. Both public officials and private individuals may seek to enforce applicable
environmental laws and regulations. Failure to comply with applicable laws and regulations may result in litigation, and the
imposition of fines, penalties, and a requirement by regulatory authorities for costly equipment upgrades.

Existing environmental laws and regulations may be revised and new environmental laws and regulations may be adopted or
become applicable to our facilities. Increased compliance costs or additional operating restrictions from revised or additional
regulation could have an adverse effect on our results of operations, particularly if those costs are not fully recoverable from
our customers. TEP's obligation to comply with the EPA's Best Available Retrofit Technology (BART) determinations as a
participant in the San Juan, Four Corners, and Navajo plants, coupled with the financial impact of future climate change
legislation, other environmental regulations and other business considerations, could jeopardize the economic viability of
these plants or the ability of individual participants to meet their obligations and willingness to continue their participation in
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these plants. TEP cannot predict the ultimate outcome of these matters

TEP also is contractually obligated to pay a portion of the environmental reclamation costs incurred at generating stations in
which it has a minority interest and is obligated to pay similar costs at the mines that supply these generating stations. While
TEP has recorded the portion of its costs that can be determined at this time, the total costs for final reclamation at these sites
are unknown and could be substantial
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Federal regulations limiting greenhouse gas emissions require a shift in generation from coal to natural gas and
renewable generation and could increase TEP's cost of operations

In August 2015, the EPA issued the Clean Power Plan (CPP) limiting CON emissions from existing and new fossil fueled
power plants. The CPP establishes state-level CON emission rates and mass-based goals that apply to fossil fuel-fired
generation. The plan requires CO2 emission reductions for existing facilities by 2030 and establishes interim goals that begin
in 2022. The CPP will require a shift in generation from coal to natural gas and renewables and could lead to the early
retirement of coal generation in Arizona within the 2022 to 2030 compliance time-frame. TEP will continue to work with the
other Arizona and New Mexico utilities, as well as the appropriate regulatory agencies, to develop compliance strategies. TEP
is unable to determine how the final CPP rule will impact its facilities until the plans are developed and approved by the EPA

Early closure of TEP's coal-fired generation plants resulting from environmental regulations could result in TEP
recognizing impairments in respect of such plants and increased cost of operations if recovery of our remaining
investments in such plants and the costs associated with such early closures were not permitted through rates charged
to customers

TEP's coal-fired generating stations may be required to be closed before the end of their useful lives in response to recent or
future changes in environmental regulation, including potential regulation relating to greenhouse gas emissions. If any of the
coal-fired generation plants, or coal handling facilities, from which TEP obtains power are closed prior to the end of their
useful life, TEP could be required to recognize an impairment of its assets and incur added expenses relating to accelerated
depreciation and amortization, decommissioning, reclamation and cancellation of long-term coal contracts of such generating
plants and facilities. Closure of any of such generating stations may force TEP to incur higher costs for replacement capacity
and energy. TEP may not be permitted full recovery of these costs in the rates it charges its customers. As of December 3 l
2015, approximately 49% of TEP's generating capacity is fueled by coal

FINANCIAL

The Third-Party Owners of Springerville Unit 1 have and may continue to refuse to pay some, or all, of their pro-rata
share of the costs and expenses associated with Springewille Unit 1

TEP owns 49.5% of Springerville Unit 1 and two separate third-parties own the remaining 50.5%. Starting in January 2015
TEP is obligated to operate Springerville Unit 1 for these Third-Party Owners under existing agreements. TEP and the Third
Party Owners disagree on several key aspects of these agreements, including the allocation of Springerville Unit l operating
and maintenance expenses, capital improvement costs, and transmission rights. In addition, since late 2014 the Third-Party
Owners have filed separate complaints at the FERC, in New York State court, and with the American Arbitration Association
that include allegations that TEP violated certain provisions of the governing agreements in relation to TEP's operation of
Springerville Unit l. Because of these disagreements and the pending litigation, the Third-Party Owners have and may
continue to refuse to pay some or all of their pro-rata share of such Springerville Unit l costs and expenses. As of
December 3 l, 2015, TEP has billed the Third-Party Owners approximately $23 million for their pro-rata share of Springerville
Unit l expenses and $4 million for their pro-rata share of capital expenditures, none of which had been paid as of February 17
2016. The Third-Party Owners' share of estimated 2016 operations and maintenance costs for Springerville Unit l is
approximately $27 million and their share of estimated 2016 capital expenditures is approximately $9 million

Volatility or disruptions in the financial markets, or unanticipated financing needs, could: increase our financing costs
limit our access to the credit markets; affect our ability to comply with financial covenants in our debt agreements; and
increase our pension funding obligations. Such outcomes may adversely affect our liquidity and our ability to carry out
our financial strategy

We rely on access to the bank markets and capital markets as a significant source of liquidity and for capital requirements not
satisfied by the cash flow from our operations. Market disruptions such as those experienced in 2008 and 2009 in the United
States and abroad may increase our cost of borrowing or adversely affect our ability to access sources of liquidity needed to
finance our operations and satisfy our obligations as they become due. These disruptions may include turmoil in the financial
services industry, including substantial uncertainty surrounding particular lending institutions and counterparties we do
business with, unprecedented volatility in the markets where our outstanding securities trade, and general economic downturns
in our utility service territories. If we are unable to access credit at competitive rates, or if our borrowing costs dramatically
increase, our ability to finance our operations, meet our short-term obligations, and execute our financial strategy could be
adversely affected
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Changing market conditions could negatively affect the market value of assets held in our pension and other retiree plans and
may increase the amount and accelerate the timing of required future funding contributions.
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Plant closings or changes in power flows into our service territory could require us to redeem or defense some or all of
the tax-exempt bonds issued for our benefit. This could result in increased financing costs.

TEP has financed a substantial portion of utility plant assets with the proceeds of pollution control revenue bonds and
industrial development revenue bonds issued by governmental authorities. Interest on these bonds is, subj et to certain
exceptions, excluded from gross income for federal tax purposes. This tax-exempt status is based, in part, on continued use of
the assets for pollution control purposes or the local furnishing of energy within TEP's two-county retail service area.

As of December 31, 2015, there were outstanding approximately $309 million aggregate principal amount of tax-exempt
bonds that financed pollution control facilities at TEP's generating units. Should certain of TEP's generating units be retired
and dismantled prior to the stated maturity dates of the related tax-exempt bonds, it is possible that some or all of the bonds
financing such facilities would be subject to mandatory early redemption by TEP. Of the total amount outstanding, $37 million
of the principal amount of the bonds can currently be redeemed at par upon notice to holders, and $272 million principal
amount of the bonds have early redemption dates or final maturities ranging from 2019 to 2022.

In addition, as of December 31, 2015, there were outstanding approximately $307 million aggregate principal amount of tax-
exempt bonds that financed local furnishing facilities. Depending on changes that may occur to the regional generation mix in
the desert southwest, to the regional bulk transmission network, or to the demand for retail energy in TEP's local service area,
it is possible that TEP would no longer qualify as a local furnisher of energy within the meaning of the Internal Revenue Code.
In recent years, reductions in retail demand in the winter months have made it increasingly difficult for TEP to continue to
qualify as a local furnisher of electricity. If TEP could no longer qualify as a local furnisher of energy, all of TEP's tax-exempt
local furnishing bonds would be subject to mandatory early redemption by TEP or defeasance to the earliest possible
redemption date. Of the total tax-exempt local furnishing bonds outstanding, $100 million of the principal amount of the
bonds can currently be redeemed at par upon notice to holders, and $207 million principal amount of the bonds have early
redemption dates ranging from 2020 to 2023 .

TEP's net income and cash flows can be adversely affected by rising interest rates.

At December 31, 2015, TEP had $137 million of tax-exempt variable rate debt obligations. The interest rates are set weekly or
monthly. The average weekly interest rates (including Letters of Credit (LOCs) and remarkeding fees) ranged from 0.93% -
1.42% in 2015. The average monthly interest rates ranged from 0.79% - 0.87%. A 100 basis point increase in the average
interest rates on this debt over a twelve-month period would increase TEP's interest expense by approximately $1 million.

TEP is also subject to risk resulting from changes in the interest rate on its borrowings under the 2015 Credit Agreement. Such
borrowings may be made on a spread over London Interbank Offer Rate (LIBOR) or an Alternate Base Rate.

If short-term interest rates rise, the resulting increase in the cost of variable rate borrowings would negatively impact our
results of operations, net income, and cash flows. Likewise, if capital market conditions result in higher long-term interest
rates, TEP's borrowing costs would increase on any new long-term debt needed to finance capital expenditures or to refinance
existing long-term debt.

OPERATIONAL

The operation of electric generating stations, and transmission and distribution systems, involves risks that could
result in reduced generating capability or unplanned outages that could adversely affect TEP's results of operations,
net income, and cash flows.

The operation of electric generating stations, and transmission and distribution systems, involves certain risks, including
equipment breakdown or failure, fires, weather, and other hazards, interruption of fuel supply, and lower than expected levels
of efficiency or operational performance. Unplanned outages, including extensions of planned outages due to equipment
failure or other complications, occur from time to time and are an inherent risk of our business. If TEP's generating stations
and transmission and distribution systems operate below expectations, TEP's operating results could be adversely affected
and/or TEP's capital spending could be increased.

TEP receives power from certain generating facilities that are jointly owned and operated by third parties. Therefore,
TEP may not have the ability to affect the management or operations at such facilities which could adversely affect
TEP's results of operations, net income, and cash flows.
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Certain of the generating stations from which TEP receives power are jointly owned with, or are operated by, third parties
TEP may not have the sole discretion or any ability to affect the management or operations at such facilities. As a result of this
reliance on other operators, TEP may not be able to ensure the proper management of the operations and maintenance of the
plants. Further, TEP may have no ability or a limited ability to make determinations on how best to manage the changing
regulations which may
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affect such facilities. In addition, TEP will not have sole discretion as to how to proceed in the face of requirements relating to
environmental compliance which could require significant capital expenditures or the closure of such generating stations. A
divergence in the interests of TEP and the co-owners or operators, as applicable, of such generating facilities could negatively
impact the business and operations of TEP

We may be subject to physical attacks

As operators of critical energy infrastructure, we may face a heightened risk of physical attacks on our electric systems. Our
electric generation, transmission, and distribution assets and systems are geographically dispersed and are often in rural or
unpopulated areas which make them especially difficult to adequately detect, defend from, and respond to such attacks

l£ despite our security measures, a significant physical attack occurred, we could have our operations disrupted, property
damaged, experience loss of revenues, response costs, and other financial loss, and be subject to increased regulation
litigation, and damage to our reputation, any of which could have a negative impact on our business and results of operations

We may be subject to cyder attacks

We may face a heightened risk of cyder attacks. Our information and operations technology systems may be vulnerable to
unauthorized access due to hacking, viruses, acts of war or terrorism, and other causes. Our operations technology systems
have direct control over certain aspects of the electric system and, in addition, our utility business requires access to sensitive
customer data, including personal and credit information, in the ordinary course of business

If, despite our security measures, a significant cyder breach occurred, we could have our operations disrupted, property
damaged, and customer information stolen, experience loss of revenues, response costs, and other financial loss, and be
subject to increased regulation, litigation, and damage to our reputation, any of which could have a negative impact on our
business and results of operations

ITEM LB. UNRESOLVED STAFF COMMENTS

ITEM z. PROPERTIES

Transmission facilities owned by TEP and by third parties are located in Arizona and New Mexico and transmit the output
from TEP's electric generating stations at Four Corners, Navajo, San Juan, Springerville, Gila River, and Luna to the Tucson
area for use by TEP's retail customers. The transmission system is interconnected at various points in Arizona and New
Mexico with other regional utilities. SeePart L Item I. Business, General for additional information regarding the
transmission facilities

TEP's electric generating stations (except as noted below), administrative headquarters, warehouses and service centers are
located on land owned by TEP. The electric distribution and transmission facilities owned by TEP are located

on property owned by TEP

under or over streets, alleys, highways, and other places in the public domain, as well as in national forests and state
lands, under franchises, easements, or other rights which are generally subject to termination

under or over private property as a result of easements obtained primarily from the record holder of title, or

over American Indian reservations under grant of easement by the Secretary of the Interior or lease by American
Indian tribes

It is possible that some of the easements, and the property over which the easements were granted, may have title defects or
liens existing at the time the easements were acquired

Springerville is located on property held by TEP under a term patent with the State of Arizona. TEP, under separate sale and
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leaseback arrangements, leases a 50% undivided interest in the Springerville Common Facilities (which do not include land)

Four Corners and Navajo are located on properties held under easements from the United States and under leases from the
Navajo Nation. TEP, individually and in conjunction with PNM in connection with San Juan, has acquired land rights
easements and leases for the plant, transmission lines and a water diversion facility located on land owned by the Navajo
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Nation. TEP also has acquired easements for transmission facilities related to San Juan, Four Corners, and Navajo located on
reservation lands of the Zuni, Navajo, and Toho ro O'odham Nations. TEP, in conjunction with PNM and Samchully Power &
Utilities l LLC, holds an undivided ownership interest in the property on which Luna is located

TEP's rights under these various easements and leases may be subject to defects such as

possible conflicting grants or encumbrances due to the absence of, or inadequacies in, the recording laws or record
systems of the Bureau of Indian Affairs (BIA) and the American Indian tribes

possible inability of TEP to legally enforce its rights against adverse claimants and the American Indian tribes without
Congressional consent, or

failure or inability of the American Indian tribes to protect TEP's interests in the easements and leases from disruption
by the U.S. Congress, Secretary of the Interior, or other adverse claimants

These possible defects have not interfered, and are not expected to materially interfere, with TEP's interest in and operation of
its facilities

Under separate ground lease agreements, TEP leased parcels cf land for the following photovoltaic facilities

The Solar Zone of the University of Arizona Tech Park in Pima County, Arizona, and

Bright Tucson Community Solar Blocks in Pima County, Arizona

In December 2014, TEP placed in service an additional photovoltaic facility in Cochise County, Arizona, for which TEP
entered into a 30-year easement agreement. The easement is to facilitate the operations of a solar photovoltaic renewable
energy generation system on behalf of the Department of the Army, located at Fort Huachuca in Cochise County

See Item I. Business, General for additional information regarding generating facilities

ITEM 3. LEGAL PROCEEDINGS

Springerville Unit 1 Proceedings

Upon the termination of the Springerville Unit 1 Leases on January 1, 2015, 50.5% of Springerville Unit 1, or 195 MW of
capacity, continued to be owned by third parties, Wilmington Trust Company and William J. Wade, as Owner Trustee and Co
trustee under a separate trust agreement with each of the remaining two owner participants, Alter fa Springeryille LLC
(Alter fa) and LDVF l TEP LLC (LDVF1) (Alter fa and LDVF1, together with the Owner Trustees and Co-trustees, the Third
Party Owners). TEP is not obligated to purchase any of the Third-Party Owners' Springerville Unit 1 power

Commencing on January 1, 2015, with the termination of the leases, TEP is obligated to operate the unit for the Third-Party
Owners under existing agreements. In 2014, TEP and the Third-Party Owners engaged in discussions regarding the post-lease
operation of Springerville Unit 1 and related cost sharing arrangements, but did not reach agreement on several key points

In November 2014, the Springerville Unit 1 Third-Party Owners filed a complaint (FERC Action) against TEP at the FERC
alleging that TEP had not agreed to wheel power and energy for the Third-Party Owners in the manner specified in the
existing Springerville Unit 1 facility support agreement between TEP and the Third-Party Owners and for the cost specified by
the Third-Party Owners. The Third-Party Owners requested an order from the FERC requiring such wheeling of the Third
Party Owners' energy from their Springerville Unit l interests beginning in January 2015 to the Palo Verde switchyard and for
the price specified by the Third-Party Owners. In February 2015, the FERC issued an order denying the Third-Party Owners
complaint. In March 2015, the Third-Party Owners filed a request for rehearing in the FERC Action, which the FERC denied
in October 2015. In December 2015, the Third-Party Owners appealed the FERC's order denying the Third-Party Owners
complaint to the U.S. Court of Appeals for the Ninth Circuit. In December 2015, TEP filed an unopposed motion to intervene
in the Ninth Circuit appeal

On December 19, 2014, the Third-Party Owners filed a complaint against TEP in the Supreme Court of the State of New York
New York County (New York Action). In response to motions filed by TEP to dismiss various counts and compel arbitration
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of certain of the matters alleged, and the court's subsequent ruling on the motions, the Third-Party Owners have amended the
complaint three times, dropping certain of the allegations and raising others in the New York Action and in the arbitration
proceeding described below. As amended, the New York Action alleges, among other things, that TEP failed to properly
operate, maintain, and make capital investments in Springerville Unit l during the term of the leases and that TEP has
breached
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the lease transaction documents by refusing to pay certain of the Third-Party Owners' claimed expenses. The third amended
complaint seeks $71 million in liquidated damages and direct and consequential damages in an amount to be determined at
trial. The Third-Party Owners have also agreed to stay their claim that TEP has not agreed to wheel power and energy as
required pending the outcome of the FERC Action. In November 2015, the Third-Party Owners tiled a motion for summary
judgment on their claim that TEP has failed to pay certain of the Third-Party Owners' claimed expenses.

In December 2014 and January 2015, Wilmington Trust Company, as Owner Trustees and Lessors under the leases of the
Third-Party Owners, sent a notice to TEP that alleged that TEP had defaulted under the Third-Party Owners' leases. The
notices demanded that TEP pay liquidated damages totaling approximately $71 million. In letters to the Owner Trustees, TEP
denied the allegations in the notices.

In April 2015, TEP filed a demand for arbitration with the American Arbitration Association (AAA) seeking an award of the
Owner Trustees and Co-Trustees' share of unreimbursed expenses and capital expenditures for Springerville Unit 1. In June
2015, the Third-Party Owners filed a separate demand for arbitration with the AAA alleging, among other things, that TEP has
failed to properly operate, maintain and make capital investments in Springerville Unit 1 since the leases have expired. The
Third-Party Owners' arbitration demand seeks declaratory judgments, damages in an amount to be determined by the
arbitration panel and the Third-Party Owners' fees and expenses. TEP and the Third-Party Owners have since agreed to
consolidate their arbitration demands into one proceeding. In August 2015, the Third-Party Owners filed an amended
arbitration demand adding claims that TEP has converted the Third-Party Owners' water rights and certain emission reduction
payments and that TEP is improperly dispatching the Third-Party Owners' unscheduled Springerville Unit l power and
capacity. In October 2015, the arbitration panel granted TEP's motion for interim relief ordering the Owner Trustees and Co-
Trustees to pay TEP their pro-rata share of unreimbursed expenses and capital expenditures for Springerville Unit l during the
pendency of the arbitration. The arbitration panel also denied the Third-Party Owners' motion for interim relief which had
requested that TEP be enjoined from dispatching the Third-Party Owners' unscheduled Springerville Unit l power and
capacity. TEP has been scheduling, when economical, the Third-Party Owners' entitlement share of power from Springerville
Unit l, as permitted under the Springerville Unit l facility support agreement, since June 14, 2015. The arbitration hearing is
scheduled for July2016.

In November 2015, TEP filed a petition to confirm the interim arbitration order in the Supreme Court of the State of New
York naming the Owner Trustee and Co-Trustee as respondents. The petition seeks an order from the court continuing the
interim arbitration order under the Federal Arbitration Act. In December 2015, the Owner Trustees filed an answer to the
petition and a cross-motion to vacate the interim arbitration order.

As of December 31, 2015, TEP has billed the Third-Party Owners approximately $23 million for their pro-rata share of
Springerville Unit 1 expenses and $4 million for their pro-rata share of capital expenditures, none of which had been paid as of
February 17, 2016.

TEP cannot predict the outcome of the claims relating to Springerville Unit l, and, due to the general and non-specific scope
and nature of the claims, TEP cannot determine estimates of the range of loss, if any, at this time. TEP intends to vigorously
defend itself against the claims asserted by the Third-Party Owners and to vigorously pursue the claims it has asserted against
the Owner Trustees and Co-Trustees.

TEP and the Third-Party Owners have agreed to stay these litigation matters relating to Springerville Unit 1 in furtherance of
settlement negotiations. However, there is no assurance that a settlement will be reached or that the litigation will not continue.

See Note 7 of Notes to Consolidated Financial Statements in Item 8 of this Form 10-K and Part IL Item 7. ManagementS
Discussion and Analysis ofFinanciaI Condition and Results of Operations, Factors Affecting Results o/'Operations for
additional information regarding Springerville Unit 1.

ITEM 4. MINE SAFETY DISCLOSURES

Not applicable.
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PART II

ITEM 5. MARKET FOR REGISTRANT'S COMMON EQUITY, RELATED STOCKHOLDER MATTERS, AND
ISSUER PURCHASES OF EQUITY SECURITIES

Market Information

TEP's common stock is wholly-owned by UNS Energy and is not listed for trading on any stock exchange

Dividends

TEP paid dividends to UNS Energy of $50 million in 2015 and $40 million in 2014 and 2013

TEP can pay dividends if it maintains compliance with its 2015 Credit Agreement, the 2010 Reimbursement Agreement, and
the 2013 Covenants Agreement which all contain substantially the same financial covenants. At December 31, 2015, TEP was
in compliance with the terms of all financial covenants and agreements

The ACC's approval of the acquisition of UNS Energy by Fortis, in August 2014, contained a condition restricting subsidiary
dividend payments to UNS Energy by TEP to no more than 60 percent of TEP's annual net income for the earlier of five years
or until such time that TEP's equity capitalization reaches 50 percent of total capital as accounted for in accordance with
GAAP. The ratios used to determine the dividend restrictions will be calculated for each calendar year and reported to the
ACC annually beginning on April l, 2016. As of December 3 l, 2015, TEP's dividend payments were still restricted as the 50
percent of total capital threshold had not yet been reached

ITEM 6. SELECTED FINANCIAL DATA

(in thousands)

Income Statement Data

Operating Revenues

Net Income

$ 1.306.544

127.794

S 1.2699901 $ 1,196,690 S 1,161,660

65.470

SB 1,156,386

85

Balance Sheet Data

Total Utility Plant, Net

Total Assets (1)

$ 3.558.229

4.249.478

$ 3.425.190 $ 2,944,455

3_490.085

$ 2,750,421 s 2,650,652

3.247.647

Long-Term Debt, Net (1)

Non-Current Capital Lease Obligations

$ 1.451.720

55.324

$ 1,361,828

69.438

$ 1,213,367 S 1,213,246 $ 1,072,037

Cash Flow Data

Net Cash Flows From Operating Activities

Net Cash Flows From Investing Activities

Net Cash Flows From Financing Activities

$ 364,934
(502,891)
119.471

$ 313,663

(517,638)

$ 346,191
(259,662)
(140,937)

s 267,919 S
(227,881)

11

268,294

(312,011)

51

Other Data

Ratio of Earnings to Fixed Charges

(I) Total Assets and Long-term Debt, Net were adjusted to reflect the reclassifications made as a result of the recently adopted
accounting pronouncements. See Note 1 of Notes to Consolidated Financial Statements in Item 8 of this Form 10-K for additional
information regarding recently adopted accounting pronouncements

For purposes of this computation, earnings are defined as pre-tax earnings from continuing operations before minority interest, or
income/loss from equity method investments, plus interest expense and amortization of debt discount and expense related to
indebtedness. Fixed charges are interest expense, including amortization of debt discount, interest on operating lease payments, and
expense on indebtedness, including capital lease obligations
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See Part IL Item 7. Management's Discussion and Analysis ofFinoncial Condition and Results of Operations for additional
information
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ITEM 7. MANAGEMENT'S DISCUSSION AND ANALYSIS OF FINANCIAL CONDITION AND RESULTS OF
OPERATIONS

Management's Discussion and Analysis explains the results of operations, the general financial condition, and the outlook for
TEP. It includes the following

outlook and strategies

operating results during 2015 compared with the same periods of 2014, and 2014 compared with2013

factors affecting our results and outlook

liquidity, capital needs, capital resources, and contractual obligations

dividends; and

critical accounting estimates

Management's Discussion and Analysis includes financial information prepared in accordance with Generally Accepted
Accounting Principles in the United States of America (GAAP), as well as certain non-GAAP financial measures. The non
GAAP financial measures should be viewed as a supplement to, and not a substitute for, financial measures presented in
accordance with GAAP. Non-GAAP financial measures as presented herein may not be comparable to similarly titled
measures used by other companies

Management's Discussion and Analysis should be read in conjunction with Item 6 of this Form 10-K and the Consolidated
Financial Statements and Notes in Item 8 of this Form 10-K. For information on factors that may cause our actual future
results to differ from those we currently seek or anticipate,see Forward-Looking Information at the front of this report and
Part L Item IA. Risk Factors for additional information

References in this report to "we" and "our" are to TEP

OUTLOOK AND STRATEGIES

TEP's financial prospects and outlook are affected by many factors including: global, national, regional, and local economic
conditions, volatility in the financial markets, environmental laws and regulations, and other regulatory factors. Our plans and
strategies include the following

Achieving a constructive outcome in our pending rate case proceeding that provides TEP recovery of its full cost of
service and an opportunity to earn an appropriate return on its rate base investments, updated rates to provide more
accurate price signals and a more equitable allocation of costs to TEP's customers, and enables TEP to continue to
provide safe and reliable service

Continuing to focus on our long-tenn generation resource strategy, including shifting from coal to natural gas
renewables, and energy efficiency while providing rate stability for our customers, mitigating environmental impacts
complying with regulatory requirements, leveraging our existing utility infrastructure, and maintaining financial
strength

Developing strategic responses to new environmental regulations and potential new legislation, including new carbon
emission standards to reduce greenhouse gas emissions from existing power plants. We are evaluating TEP's existing
mix of generation resources and defining steps to achieve environmental objectives that protect the financial stability
of our utility business and the interests of our customers

Strengthening the underlying financial condition of TEP by achieving constructive regulatory outcomes
strengthening our capital structure, sustaining our credit ratings, and promoting economic development in our service
territory

Focusing on our core utility business through operational excellence, investing in utility rate base, emphasizing
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1
customer service, and maintaining a strong community presence.
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2015 Operational and Financial Highlights

The year ended December 31, 2015 included the following notable items

In January 2015, TEP purchased an additional 24.8% undivided ownership interest in Springerville Unit 1, bringing
its total ownership interest to 49.5%

In January 2015, TEP purchased existing unsecured tax-exempt indusial development revenue bonds in the amount
of $130 million using funds borrowed from the term loan portion of the 2014 Credit Agreement

In February 2015, TEP issued and sold $300 million of unsecured notes

In April 2015, TEP purchased an additional 86.7% undivided ownership interest in the Springerville Coal Handling
Facilities, and in May 2015, TEP sold a 17.05% undivided ownership interest in the Springerville Coal Handling
Facilities to SRP

In June 2015, TEP terminated the 2014 Credit Agreement

In June 2015, TEP received an equity conm'bution of $180 million from UNS Energy

In October 2015, TEP entered into a new unsecured credit agreement (2015 Credit Agreement) that provides for a
89250 million revolving credit and letter of credit (LOC) facility. The new credit agreement matures in 2020 and
replaces the 2010 Credit Agreement

In November 2015, TEP tiled a general rate case with the ACC that requests, among other things, a Base Rate
increase of $110 million. The application also requests that new rates become effective no later than January l, 2017

In December 2015, TEP completed construction and placed into service a 500-kV transmission line extending from
the Pinal Central substation to TEP's Tortolita substation northwest of Tucson

RESULTS OF OPERATIONS

The following discussion provides the significant items that affected TEP's results of operations for the years ended
December 31 , 2015, 2014 and 2013. The significant items affecting net income are presented on an after-tax basis

2015 compared with 2014

TEP reported net income of $128 million in 2015 compared with $102 million in 2014. The increase of $26 million, or 25%
was primarily due to

$16 million in lower O&M resulting primarily from acquisition related costs and outages at Springerville Units 1 and 2
that were incurred in 2014, partially offset by higher O&M related to Gila River, labor costs, and outside services

$6 million in higher transmission revenue resulting primarily from an increase in sales volume on favorably priced
contracts; and

$4 million in lower interest expense primarily due to a reduction in the balance of capital lease obligations

2014 compared with 2013

TEP reported net income of $102 million in 2014 compared with $101 million in 2013. The increase of $1 million, or 1%, was
primarily due to

$25 million in higher revenues including a non-fuel Base Rate increase that was effective on July 1, 2013, an increase
in LFCR revenues, higher long-term wholesale revenues due in pan to an increase in the average market price and
higher transmission revenue, and
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$7 million in lower interest expense, primarily due to a reduction in the balance of capital lease obligations

The increase was partially offset by

$22 million in higher O&M for acquisition related costs, higher generating plant maintenance expense, and increased
rent expense associated with the Navajo lease amendment

19

https://www.sec.gov/Archives/edgar/data/100122/000010012216000034/tep10k12312015.htm 45/230



4/21/2016

$5 million in higher income taxes primarily generated by a non-recurring $11 million tax benefit recorded in June 2013
to recover previously recorded income tax expense as a result of the 2013 TEP Rate Order. This amount is partially
offset by a $2 million increase in the valuation allowance in 2013 and a $3 million increase in investment tax credits
recorded in 2014. See Note 12 of Notes to Consolidated Financial Statements in Item 8 of this Form 10-K for
additional information regarding income taxes, and

$4 million in higher depreciation and amortization expenses, resulting primarily from an increase in asset base in the
current year
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Utility Sales and Revenues

The table below provides a summary of retail kph sales, revenues, and weather data during 2015, 2014 and2013:

Year Ended

2015 2014

Increase
(Decrease)

Percent('*

Year Ended

2013

Increase
(Decrease)

Percent*I)

Electric Retail Sales (kph in millions)

Residential

Commercial

Industrial

Mining

Public Authorities

3,724
2,124
2,063
1,109

33
9,053

3,727
2,170
2,098
1,137

33
9,165

(0.l)%
(2.1)%
(1.7)%
(2.5)%
- %

(1.2)%

3,867
2,187
2,114
1,079

32
9,279

(3.6)%
(0.8)%
(0.8)%
5.4 %
3.1 %
i.2)%Total Electric Retail Sales

Retail Margin Revenues (in millions)

Residential

Commercial

Industrial

Mining

Public Authorities

$ $

Total by Customer Class

0.4 % S

(1.6)%
(1.0)%
_ %
_ %

(0.5)%
9.1 %

50.0 %
*

271

181

97

34

2

585

2

1

3.3 %
3.9 %
7.2 %

11.8 %
-%
4.6 %

*

100.0 %
*

LFCR Revenues

DSM Performance Bonus

Other Retail Margin Revenues

Total Retail Margin Revenues (Non-GAAP)
(1)

Fuel and Purchased Power Revenues

DSM and RES Surcharge Revenues

280

188

104

38

2

612

11

2

1

626

303

41

970Total Retail Revenues (GAAP)

Average Retail Margin Rate (Cents / kph)

s

281
185
103
38
2

609
12
3
5

629

344
49

1,022 S

0.5 %

13.5 %

19.5 %

5.4 % s

588

3 0 0

4 6

934

6.5 %

1.0 %
(10.9)%

3.9 %

(2)

Residential

Commercial

Industrial

Mining

Public Authorities

7.55

8.71

4.99

3.43

5.61

7.51

8.66

4.96

3.34

6.06

7.02

8.28

4.61

3.14

5.56

7.0 %

4.6 %

7.6 %

6.4 %

9.0 %

Total Average Margin Rate by Customer
Class

6.73 6.68

0.5 %

0.6 %

0.6 %

2.7 %

(7.4)%

0.7 % 6.30 6.0 %

Total Average Retail Margin Rate (3)

Average Fuel and Purchased Power Rate

Average DSM and RES Rate

Total Average Retail Rate

6.95

3.80

0.54

11.29

6.80

3.31

0.48

10.59

2.2 %

14.8 %

12.5 %

6.6 %

6.31

3.24

0.52

10.07

7.8 %
2.2 %

(7.7)%
5.2 %

Weather Data

Cooling Degree Days

Year Ended December 31, 1,576 1,557

10-Year Average 1,520 1,515

https://wvvw.sec.gov/Archives/edgar/data/100122/000010012216000034/tep10k12312015.htm

1.2 %
*

1,631
1,491

(4.5)%
*

47/230

I'l l



F

4/21/2016 10-K

Heating Degree Days

(35.8)%Year Ended December 31 ,

10-Year Average

1,072

1,317

930

1,335

15.3 %
*

1,449

1,404 *

* Not meaningful

(1) Retail Margin Revenues, a non-GAAP financial measure, should not be considered as an alterative to Total Retail Revenues, which
is determined in accordance with GAAP. Retail Margin Revenues exclude: (i) revenues collected from retail customers that are
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directly offset by expenses recorded in other line items, and (ii) revenues collected from third parties that are unrelated to kph sales
to retail customers. We believe the change in Retail Margin Revenues between periods provides useful information because it
demonstrates the underlying revenue trend and performance of our core utility business. Retail Margin Revenues represents the
portion of retail operating revenues from kph sales, LFCR Revenues, DSM Performance Bonus, and certain other retail margin
revenues available to cover the non-fuel operating expenses of our core utility business.

(2) Calculated on in-rounded data and may not correspond exactly to data shown in table.

(3) Total Average Retail Margins Rates include revenues related to LFCR Revenues, DSM Performance Bonus, and Other Retail
Margin Revenues included in the Total Retail Margin Revenues.

Retail Revenues were higher in 2015 compared with 2014 primarily due to the increase in the PPFAC rate and higher Retail

Margin Revenues. Retail Margin Revenues were higher primarily due to higher LFCR revenues, DSM Performance Bonus,

and Other Retail Margin Revenues related to adjustor mechanisms.

Retail Revenues were higher in 2014 compared with 2013 primarily due to higher Retail Margin Revenues and increased
LFCR revenues. The increase in Retail Margin Revenues resulted from a non-fuel Base Rate increase effective July 1, 2013.
These increases were partially offset by lower sales volume due to milder weather.

Wholesale Sales and Transmission Revenues

2015

Year Ended December 31,

2014 2013(in millions)

Long-Tenn Wholesale Revenues

Transmission Revenues

Short-Term Wholesale Revenues

S $ $

Total Electric Wholesale Sales $

3 6

2 7

1 0 4

1 6 7 s

2 8

1 6

1 1 4

1 5 8 $

2 6

1 5

9 2

1 3 3

Long-Term Wholesale Revenues increased by $8 million, or 29%, in 2015 compared with 2014 primarily due to new
wholesale agreements partially offset by unfavorable wholesale market prices. Transmission Revenues increased by
$ ll million, or 69%, in 2015 compared with 2014 primarily due to a new long-tenn transmission agreement with UNS
Electric related to Gila River and contract renewals resulting in favorable pricing.

Long-Term Wholesale Revenues increased by $2 million, or 8%, in 2014 compared with 2013 primarily due to favorable
market prices for wholesale power. There were no significant changes in transmission revenues in 2014 compared to 2013.

The majority of revenues from short-term wholesale sales are related to ACC jurisdictional assets and are credited against the
fUel and purchased power costs eligible for recovery in the PPFAC.

Other Revenues

2015

Year Ended December 31,

2014(in millions)

Springerville Units 3 and 4 Revenue (1)

Other Revenue

$ $

Total Other Revenue $

91

27

118 $

112

29

141 $

2013

102

28

130

(1) Represents revenues and reimbursements from Tri-State, the lessee of Springerville Unit 3, and SRP, the owner of Springerville
Unit 4, to TEP related to the operation of these plants.

In addition to reimbursements related to Springerville Units 3 and 4, TEP's other revenues include inter-company revenues

from its affiliates, UNS Gas, Inc., an indirect wholly-owned subsidiary of UNS Energy, (UNS Gas) and UNS Electric, for

corporate services provided by TEP, and miscellaneous service-related revenues such as rent on power pole attachments,

damage claims, and customer late fees. See Note 5 of Notes to Consolidated Financial Statements in Item 8 of this Form 10-K

for additional information regarding related party transactions.
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There were no significant changes in Other Revenue in 2015 compared with 2014, as well as no significant changes in Other
Revenue in 2014 compared with 2013.

22

hNpsz// .sec.gov/Archives/edgar/data/100122/000010012216000034/tep10k12312015.htm 50/230



4/21/2016

Operating Expenses

Generating Output and Fuel and Purchased Power Expense

TEP's fuel and purchased power expense and energy resources for 2015, 2014, and2013 are detailed below

Generation and Purchased Power (kph) Fuel and Purchased Power Expense

(in millions)

Coal-Fired Generation

Gas-Fired Generation

Utility Owned Renewable Generation

Reimbursed Fuel Expense for
Springerville Units 3 and 4 (1)

10,254 s

Total Generation l l 10.529 11
Total Purchased Power

Transmission and Other PPFAC
Recoverable Costs

Increase (Decrease) to Reflect PPFAC
Recovery Treatment

Total Generation and Purchased
Power

Less Line Losses and Company Use

14.451
(719) (859)

13
(885)

12.743Total Energy Sold

Springerville Unit 3 and 4 Fuel Expense is reimbursed by Tri-State and SRP

Fuel and Purchased Power Expense increased by $38 million, or 8%, in 2015 compared with 2014 primarily due to an increase
in the PPFAC charge and additional generation and transmission costs associated with Gila River Unit 3. The increase was
partially offset by favorable purchased power costs (see table below) and decreased coal generation at Springerville Unit l as a
result of the lease expiration in January 2015

Fuel and Purchased Power Expense increased by $19 million, or 4%, in 2014 compared with 2013 primarily due to the
increase in purchased power volumes resulting from outages at Spring erville and Sundt generating stations in 2014. The
increase was partially offset by a decrease in generation expense as a result of the outages

See the table below for information on the average fuel cost of generated and purchased kph

(cents per kph)

Purchased Power

All Sources

Operations and Maintenance Expense

The table below summarizes the items included in Operations and Maintenance (O&M) expense

25

(in millions)

Reimbursed Expenses - Springerville Units 3 and 4 (1)

Reimbursed Expenses - Customer Funded Renewable Energy and
DSM Programs

Other Operating and Maintenance Expense
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Total Operations and Maintenance Expense

(2)

(3)

Expenses related to Springerville Units 3 and 4 are reimbursed with corresponding amounts recorded in other revenue

These expenses are being collected from customers and the corresponding amounts are recorded in retail revenue

The Third-Party Owners' share of expenses related to Springerville Unit l is included in Other Operating and Maintenance Expense
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Operating and Maintenance expenses decreased by $34 million, or 9%, in 2015 compared with 2014. Springerville Units 3 and
4 expenses, which are reimbursed by third party owners, decreased primarily due to outages incurred in 2014. Other Operating
and Maintenance Expense decreased primarily due to acquisition related costs and outages at Springerville Units 1 and 2 that
occurred in 2014, partially offset by higher O&M related to Gila River, labor costs and outside services.

Operating and Maintenance expenses increased by $44 million, or 13%, in 2014 compared with 2013. Springerville Units 3
and 4 expenses, which are reimbursed by third party owners, increased primarily due to outages incurred in 2014. Other
Operating and Maintenance Expense increased primarily due to acquisition related costs and outages at Springerville Units 1
and 2 that occurred in 2014.

FACTORS AFFECTING RESULTS OF OPERATIONS

2015 Rate Case

In November 2015, TEP filed a general rate case with the ACC to: (i) update and improve its rate design and tariffs to provide
more accurate price signals and a more equitable allocation of its fixed costs to its customers, (ii) provide TEP with an
opportunity to recover its full cost of service, including an appropriate return on its rate base investments, and (iii) enable TEP
to continue to provide safe and reliable service. The rate application is based on a test year ended June 30, 2015. The filing
requests that new rates be implemented by January 1, 2017.

The key provisions of the rate case include:

a Base Rate increase of $110 million, or 12%, compared with adjusted test year revenues,

a 7.34% return on original cost rate base of $2.1 billion,

a capital structure for rate making purposes of approximately 50% common equity and 50% long-term debt,

a cost of equity of 10.35% and an average cost of debt of4.32%,

a request to apply excess depreciation reserves against the unrecovered net book value (NBV) of San Juan Unit 2 and
the Sundt Coal Handling Facilities due to early retirement,

a request for authority to begin using the Third-party Owners' portion of Springerville Unit 1 that is available to TEP
for dispatch to serve retail customer needs and to recover the related operating costs through the PPFAC, and

rate design changes that would reduce the reliance on volumetric sales to recover fixed costs, and a new net metering
tariff that would ensure that customers who install distributed generation pay an equitable price for their electric
service.

TEP cannot predict the outcome of this proceeding or whether its rate request will be adopted by the ACC in whole or in part.

Generating Resources

At December 31 , 2015, approximately 49% of TEP's generating capacity was fueled by coal. Existing and proposed federal
environmental regulations, as well as potential changes in state regulation, may increase the cost of operating coal-fired
generating facilities. TEP is executing strategies and evaluating additional steps to reduce its dependency on coal generation.

In August 2015, TEP exhausted its existing coal supply at Unit 4 of the H. Wilson Sundt Generating Station (Sundt Unit 4).
Currently, TEP is operating Sundt Unit 4 on natural gas as a primary fuel source.

TEP's ability to further reduce its coal-fired generating capacity will depend on several factors, including, but not limited to:

The impact of the Clean Power Plan on current coal-fired generating facilities, and

The ability to resolve Springerville Unit 1 legal proceedings relating to the Third-Party Owners.

SeePart L Item I. Business, General for additional information regarding TEP's generating facilities.
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Springerville Unit 1

TEP leased Unit 1 of the Springerville Generating Station and an undivided one-half interest in certain Springerville Common
Facilities (collectively Springerville Unit 1) under seven separate lease agreements (Springerville Unit 1 Leases) that were
accounted for as capital leases. The leases expired in January 2015. At that time, TEP purchased a leased interest comprising
24.8% of Springerville Unit 1, representing 96 MW of capacity, for an aggregate purchase price of $46 million. Following this
purchase, TEP owns 49.5% of Springerville Unit l, or 192 MW of capacity.

The remaining 50.5% of Springerville Unit 1, or 195 MW of capacity, is owned by Wilmington Trust Company and William J.
Wade, as Owner Trustee and Co-trustee under a separate trust agreement with each of the remaining two owner participants,
Altema Springerville LLC (Alter fa) and LDVFl TEP LLC (LDVFI) (Alter fa and LDVFI, together with the Owner Trustees
and Co-trustees, the Third-Party Owners). TEP is not obligated to purchase any of the Third-Party Owners' generating output.
TEP is obligated to operate the unit for the Third-Party Owners. Owner Trustees and Co-Trustees are obligated to compensate
TEP for their pro rata share of expenses for the unit. TEP estimates the Third-Party Owners' share of 2016 operations and
maintenance expense will be $27 million and their estimated share of 2016 capital expenditures will be $9 million.

In April 2015, TEP filed a demand for arbitration seeking an award of the Owner Trustees and Co-Trustees' share of
unreimbursed expense and capital expenditures for Springerville Unit 1. In October 2015, the arbitration panel granted TEP's
motion for interim relief, ordering the Owner Trustees and Co-Trustees to pay TEP their pro-rata share of unreimbursed
expenses and capital expenditures for Springerville Unit l during the pendency of the arbitration. The arbitration panel also
denied the Third-Party Owners' motion for interim relief which had requested that TEP be enjoined from dispatching the
Third-Party Owners' unscheduled Springerville Unit l power and capacity. TEP has been scheduling, when economical, the
Third-Party Owners' entitlement share of power from Springerville Unit l, as permitted under the Springerville Unit l facility
support agreement, since June 14, 2015. As of December 3 l, 2015, TEP has billed the Third-Party Owners approximately $23
million for their pro-rata share of Springerville Unit l expenses and $4 million for their pro-rata share of capital expenditures,
none of which had been paid as of February 17, 2016.

See Note 7 of Notes to Consolidated Financial Statements in Item 8 of this Form 10-K and Part L Item 3. Legal Proceedings
for additional information regarding the legal proceedings relating to the Third-Party Owners.

Potential Plant Retirements

TEP's 2014 Integrated Resource Plan (IP), which was acknowledged by the ACC in April 2015, reflected plans to reduce its
overall coal capacity by 492 MW (32% of TEP's existing coal fleet) by2018. TEP's 2014 IP included retiring certain coal-
fired generating facilities at San Juan Generating Station (San Juan) and coal handling facilities at the H. Wilson Sundt
Generating Station (Sundt) earlier than their current estimated useful lives. These facilities currently do not have the requisite
emission control equipment to meet proposed Environmental Protection Agency (EPA) regulations. TEP plans to seek
regulatory recovery for amounts that would not otherwise be recovered if and when any assets are retired. TEP plans to file a
preliminary IP in March 2016 and is required to file its next IP by April 2017.

See Part L Item I. Business, Environmental Matters for additional information regarding the impact of environmental matters
on plant operations.

Springerville Coal Handling Facilities Capital Lease Purchase

TEP previously leased interests in the coal handling facilities at the Springerville Generating Station (Springerville Coal
Handling Facilities) under two separate lease agreements (Springerville Coal Handling Facilities Leases). The lease
agreements had an initial term that expired in April 2015 and provided TEP the option to renew the leases or to purchase the
leased interests at the aggregate fixed price of $120 million. In April 2015, TEP exercised its option to purchase the facilities.

Upon the expiration of the lease term, TEP purchased an 86.7% undivided ownership interest in the Springerville Coal
Handling Facilities bringing TEP's total ownership interest to l00%. with the completion of the purchase, SRP was obligated
to buy a 17.05% undivided interest in the Springerville Coal Handling Facilities from TEP for approximately $24 million.
This transaction was completed in May 2015. Tri-State, is obligated to either: 1) buy a 17.05% undivided interest in the
facilities for approximately $24 million or 2) continue to make payments to TEP for the use of the facilities. Tri-State has until
April 2016 to exercise its purchase option.

Sales to Mining Customers
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TEP's largest mining customer is taking initial steps to curtail production in 2016 due to the decline in commodity prices. TEP
cannot predict the extent to which this customer will curtail production, how long commodity prices will remain low, or the
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total impact the prices will have on mining production in the future. At December 31, 2015, mining customers made up 8% of
TEP's total electric sales

The proposed Rosemont Copper Mine near Tucson, Arizona is in the permitting stage. If the Rosemont Copper Mine is
constructed and reaches till production, it will become TEP's largest retail customer with an estimated load of approximately
85 to 120MW

Interest Rates

See Part IL Item 7A. Quantitative and Qualitative Disclosures about Market Risk for information regarding interest rate risks
and its impact on earnings

LIQUIDITY AND CAPITAL RESOURCES

Liquidity

Cash flows may vary during the year, with cash flows from operations typically the lowest in the first quarter and highest in
the third quarter due to TEP's summer peaking load. As a result of the varied seasonal cash flow, we will use, as needed, our
revolving credit facility to assist in funding business activities. We believe that we have sufficient liquidity under our
revolving credit facilities to meet short-term working capital needs and to provide credit enhancement as necessary under
energy procurement and hedging agreements

Available Liquidity

(in millions)

Cash and Cash Equivalents

Amount Available under Revolving Credit Facility

As of December 31. 2015

56

Total Liquidity

(1) TEP's revolving credit facility, which matures in 2020, provides for a $250 million revolving credit commitment with a LOC
sublimity of $50 million

Future Liquidity Requiremgi

We expect to meet all of our financial obligations and other anticipated cash outflows for the foreseeable future. These
obligations and anticipated cash outflows include, but are not limited to, dividend payments, debt maturities, and obligations
included in the Contractual Obligations and forecasted Capital Expenditures tables below

See Part OIL Item 7A. Quantitative and Qualitative Disclosures about Market Risk for additional information regarding TEP's
market risks and Note 6 of Notes to Consolidated Financial Statements in Item 8 of this Form 10-K for additional information
regarding TEP's financing arrangements

Summary of Cash Flow

The table below presents net cash provided by (used for) operating, investing and financing activities

Year Ended Year Ended
Increase

(Decrease)

(in millions)

Operating Activities

Investing Activities

Financing Activities

(503) (518) (260)
(141)

Net Increase (Decrease) in Cash

Cash, Beginning of Year

Cash. End of Year

Increase
(Decrease)

Percent

1 6 . 2  % $

(2.9)%
(52.6)%

(136.7)'%
1 9 6 . 0  %

(24.3)% $

Percent

(9.Z)%
99.2 %

279.4 %

189.1 %

(68.8)%

196.0 %
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Cash Flows for both 2015 and 2014 included unusually large capital expenditures. These capital requirements were met with a
combination of equity contributions from UNS Energy and long-term borrowings as discussed inFinaneing Activities below
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In 2015, we issued long-term debt and used the proceeds to repay revolving and term loans under our credit agreements and
pay a portion of the purchase price for interests in the Springerville Coal Handling Facilities. In addition, we received an
equity contribution from UNS Energy and used the proceeds to repay the outstanding balances under our revolving credit
facilities and redeem long-term variable rate tax-exempt bonds which were called for redemption in June 2015

In 2014, we received an equity contribution from UNS Energy and used the proceeds to pay for the purchase of both Gila
River Unit 3 and Springerville Unit 1 leased assets

Operating Activities

2015 compared with 2014

In 2015, net cash flows from operating activities increased by $51 million compared to 2014 primarily due to

$39 million of higher cash receipts from retail and wholesale sales, net of fuel and purchased power costs paid driven
primarily by an increase in the average PPFAC rate, and

$34 million in lower cash paid for acquisition-related costs and incentive compensation primarily due to the 2014
acquisition

The increase in net cash flows from operating activities was partially offset by $16 million of higher cash paid for pension and
retiree tending

2014 compared with 2013

In 2014, net cash flows from operating activities decreased by $32 million compared to 2013 primarily due to

$27 million of higher cash paid for acquisition-related costs and incentive compensation primarily due to the 2014
acquisition, and

$6 million of higher cash paid for capital lease interest

Investing Activities

2015 compared with 2014

In 2015, net cash flows used for investing activities decreased by $15 million compared with 2014 primarily due to

$164 million purchase, in December 2014, of a 75% interest in Gila River Unit 3; and

$20 million purchase, in December 2014, of a 10.6% interest in Springerville Unit 1

The decrease in net cash flows used for investing activities was partially offset by

$120 million purchase, in April 2015, of an additional 86.7% undivided ownership interest in the Springerville Coal
Handling Facilities partially offset by $24 million of cash received for the sale, in May 2015, of a 17.05% undivided
ownership interest in the Springerville Coal Handling Facilities to SRP

$46 million purchase, in January 2015, of an additional 24.8% undivided ownership interest in Springerville Unit 1
increasing our total ownership interest to 49.5%

$11 million in lower cash receipts for contributions in aid of construction received, and

$10 million of higher capital expenditures to fund system reinforcement through replacements and betterments

2014 compared with 2013

In 2014, net cash flows used for investing activities increased by $258 million compared with 2013 primarily due to

$164 million purchase, in December 2014, of a 75% interest in Gila River Unit 3
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$71 million of higher capital expenditures to fund the construction of new solar projects and improvements to our
generating facilities; and

$20 million purchase, in December 2014, of a 10.6% interest in Springerville Unit 1
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Financing Activities

2015 compared with 2014

In 2015, net cash flows from financing activities decreased by $133 million compared with 2014 primarily due to:

$209 million in higher cash payments due to the purchase of $130 million in fixed rate tax-exempt long~term debt in
January 2015, and the retirement of $79 million in variable rate tax-exempt bonds in August 2015,

$170 million in lower proceeds borrowed and higher repayments under TEP's revolving credit facilities,

$45 million in lower cash proceeds from UNS Energy's equity contributions, and

$10 million in higher cash dividend payments.

The decrease in net cash Hows from financing activities was partially offset by:

$152 million in lower cash payments due to the expiration of capital lease obligations in 2015; and

$150 million in higher cash proceeds from the issuance of long-term debt, in February 2015.

2014 compared with 2013

In 2014, net cash flows from financing activities increased by $394 million compared with 2013 primarily due to:

$225 million in higher cash proceeds from UNS Energy's equity contributions made to complete the purchases for
interest in Gila River Unit 3 and Springerville Unit 1,

$149 million in higher cash proceeds from the issuance of long-term debt, and

$85 million in higher cash borrowings (net of repayments) under TEP's revolving credit facilities.

The increase in net cash flows from financing activities was partially offset by $66 million in higher cash payments of capital
lease obligations.

External Sources of Liquidity

Short-Term Investment_ts.

TEP's short-term investment policy governs the investment of excess cash balances. We regularly review and update this
policy in response to market conditions. At December 31, 2015, TEP's short-term investments included highly-rated and liquid
money market funds.

Access to Revolving Credit Facilities

We have access to working capital through a revolving credit agreement with lenders. The 2015 Credit Agreement provides
for a $250 million revolving credit commitment and LOC facility, due in October 2020. The LOC sublimity is $50 million. TEP
expects that amounts borrowed under the credit agreement will be used for worldng capital and other general corporate
purposes and that LOCs will be issued from time to time to support energy procurement and hedging transactions. No amounts
were drawn under the 2015 Credit Agreement at December 31, 2015.

In June 2015, the 2014 Credit Agreement was terminated. In October 2015, the 2010 Credit Agreement was terminated.

For details on TEP's credit facilities see Note 6 of Notes to Consolidated Financial Statements in Item 8 of this Form 10-K for
additional information.

Debt Financing

We use debt financing to lower our overall cost of capital. We are exposed to adverse changes in interest rates to the extent
that we rely on variable rate financing. Our cost of capital is also affected by our credit ratings
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In April 2015, we filed a financing application with the ACC. The application requests extending and expanding the existing
financing authority to TEP by: (i) extending authority from December 2016 to December 2020; (ii) increasing the outstanding
long-tenn debt limitation from $1.7 billion to $2.2 billion, (iii) allowing parent equity contributions of up to $400 million, and
(iv) extending current interest rate hedging authority. The ACC issued an order granting such authority in January 2016.
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As discussed inPart L Item IA. Risk Factors of this Form 10-K, we may need to redeem or defense certain tax-exempt bonds
outstanding. To the extent that is required, we would need to issue new taxable debt or enter into a new bank financing

We have no new financing planned for 2016. TEP has, from time to time, refinanced or repurchased portions of its outstanding
debt before scheduled maturity. Depending on market conditions, TEP may refinance other debt issuances or make additional
debt repurchases in the future. For details on changes to or maturities on long-term debt, see Note 6 of Notes to Consolidated
Financial Statements in Item 8 of this Form 10-K for additional information

Debt Restrictive Covenants

The 2015 Credit Agreement, the 2010 Reimbursement Agreement, and the 2013 Covenants Agreement contain pricing based
on TEP's credit ratings. A change in TEP's credit ratings can cause an increase or decrease in the amount of interest TEP pays
on its borrowings, and the amount of fees it pays for its LOCs and unused commitments. Also, under certain agreements
should TEP fail to maintain compliance with covenants, lenders could accelerate the maturity of all amounts outstanding. At
December 3 l , 2015, TEP was in compliance with these covenants

TEP conducts its wholesale marketing and risk management activities under certain master agreements whereby TEP may be
required to post credit enhancements in the form of cash or a LOC due to exposures exceeding unsecured credit limits
provided to TEP, changes in contract values, a change in TEP's credit ratings, or if there has been a material change in TEP's
creditworthiness. As of December 31, 2015, TEP had posted less than $1 million in LOCs for credit enhancement with
wholesale counterparties

We do not have any provisions in any of our debt or lease agreements that would cause an event of default or cause amounts
to become due and payable in the event of a credit rating downgrade

Credit Ratings

Our credit ratings affect our access to capital markets and supplemental bank financing. At December 3 l, 2015, TEP's credit
ratings for senior unsecured debt were AS from Moody's and BBB+ from both Standard & Poor's and Fitch. As of February
2016, at TEP's request for commercial reasons, Fitch withdrew its rating on TEP

TEP's credit ratings are dependent on a number of factors, both quantitative and qualitative, and are subject to change at any
time. The disclosure of these credit ratings is not a recommendation to buy, sell, or hold TEP securities. Each rating should be
evaluated independently of any other ratings

Dividends

TEP declared and paid $50 million in dividends to UNS Energy in 2015 and $40 million in 2014 and 2013

The ACC's approval of the acquisition of UNS Energy by Fortis, in August 2014, contained a condition restricting subsidiary
dividend payments to UNS Energy by TEP to no more than 60 percent of TEP's annual net income for the earlier of five years
or until such time that TEP's equity capitalization reaches 50 percent of total capital as accounted for in accordance with
GAAP. The ratios used to determine the dividend restrictions will be calculated for each calendar year and reported to the
ACC annually beginning on April 1, 2016. As of December 31, 2015, TEP had not yet reached the 50 percent of total capital
and was therefore still restricted by the condition contained in the ACC's approval order

Capital Expenditures

TEP's routine capital expenditures include funds used for system reinforcement, replacements and betterments, and costs to
comply with environmental rules and regulations. In 2015, total capital expenditures of $500 million, included the purchase of
an undivided ownership interest in Springerville Unit l and the remaining ownership interest in the Springerville Coal
Handling facilities. In 2014, total capital expenditures of $507 million, included the purchase of interest in Gila River Unit 3
and an undivided ownership interest in Springerville Unit l. Construction for a new 500-kilovolt (kV) transmission line in
Pinal County that began in December 2014 and concluded in late 2015, totaled $79 million
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With the exception of 2017, we expect capital requirements to remain stable from 2016 through 2020. TEP's forecasted capital
expenditures are summarized below

27 27 27

2

27

(in millions)

Generation Facilities

Environmental Compliance

Renewable Energy

Springerville Common Lease Purchase

Other Generation Facilities

Total Generation Facilities

Transmission and Distribution

General and Other (1)

39

Total Capital Expenditures

(1> General and Other primarily includes cost for information technology as well as fleet, facilities and communication equipment

These estimates are subject to continuing review and adjustment. Actual capital expenditures may differ from these estimates
due to changes in business conditions, construction schedules, environmental requirements, state or federal regulations and
other factors. We expect to pay for forecasted capital expenditures with cash on hand, internally generated funds, and short
tern revolver borrowings

Contractual Obligations

The following chart displays TEP's contractual obligations by maturity and by type of obligation as of December 31, 2015

Payments Due by Period

Less than 1 More than
5YearsTotal 1-3 Years 3-5 Years

s 117 $ 1,249

59

30

(in millions)

Long-Tenn Debt

Principal (1)

Interest (2)

Capital Lease Obligations

Operating Leases

Land Easements and Rights-of-Way

Operating Leases Other

Purchase Obligations

Fuel, Including Transportation (5>(6)

Purchased Power

Transmission

Renewable Purchase Power Agreements (7)(8)

RES Performance-Based Incentives (9)

Acquisition of Springerville Common Facilities

Other Long-Term Liabilities: <11) (12)

Restricted and Performance-Based Stock Units

(10)

Pension & Other Post Retirement Obligations

Total Contractual Obligations $ 4,395 $ 514 s 3,026

(1> $37 million of TEP's variable rate bonds are backed by an LOC issued pursuant to the 2010 Reimbursement Agreement, which
expires in December 2019. Although the variable rate bond matures in 2032, the above table reflects a redemption or repurchase of
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such bond in 2019 as though the LOC terminates without replacement upon expiration of the 2010 Reimbursement Agreement
TEP's 2013 tax-exempt variable rate IDRBs, which have an aggregate principal amount of $100 million and mature in 2032, are
subject to mandatory tender for purchase in 2018. Total long-term debt is not reduced by $11 million of related unamortized debt
issuance costs or $3 million of unamortized original issue discount
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(2) Excludes interest on revolving credit facilities and includes interest on TEP's 2013 tax-exempt IDRBs through the end of the current
five-year term

(3) Effective with commercial operation of Springerville Unit 3 in July 2006 and Unit 4 in December 2009, Tri-State and SRP began
reimbursing TEP for various operating costs related to the common facilities on an ongoing basis. The common facilities included
assets leased by TEP under the Springerville Common and Springerville Coal Handling Facilities Leases. Upon expiration of the
Springerville Coal Handling Lease in April 2015, TEP purchased the interests in those assets. SRP then purchased an undivided
interest in those coal handling assets from TEP. Tri-State and SRP each continue to reimburse TEP for their shares of common
assets owned or leased by TEP. TEP was reimbursed for $11 million of operation costs in 2015, and absent a purchase of an interest
in the coal handling facilities by Tri-State, will be reimbursed $10 million of operation costs in 2016. Capital Lease Obligations do
not reflect any reduction associated with this reimbursement. Our capital lease obligation balances decline over time as scheduled
capital lease payments are made by TEP

(4) TEP's operating lease expense is primarily for rail cars, office facilities, land easements, and rights-of-way with varying terms
provisions, and expiration dates

Contemporaneously with the sale of SJCC's stock in January 2016, the existing coal sale agreement terminated and a new Coal
Supply Agreement (CSA) became effective. The new CSA is between SJCC and PNM and continues through June 30, 2022. TEP is
not a party to the new CSA, but has minimum purchase obligations under restructured ownership agreements at San Juan. Estimated
future payments, not included in the table above, are $21 million in 2016, $23 million in 2017, $24 million in 2018 and 2019, $23
million in 2020, and $22 million through the end of the contract

(6) Excludes TEP's liability for final environmental reclamation at the coal mines which supply the Navajo, San Juan and Four Corners
generating stations as the timing of payment has not been determined. See Note 7 of Notes to Consolidated Financial Statements in
Item 8 of this Form 10-K for additional information regarding TEP's share of reclamation costs

(7) TEP enters into long-term renewable power purchase agreements which require TEP to purchase 100% of certain renewable energy
generation facilities output once commercial operation status is achieved. While TEP is not required to make payments under these
contracts if power is not delivered, the table above includes estimated future payments based on expected power deliveries

(gt In February 2016, a facility achieved commercial operation status. The related contract expires in 2036. Estimated future payments
not included in the table above, are $3 million in each of 2016 through 2020 and $43 million through the end of the contract

(9) TEP has entered into REC purchase agreements to purchase the environmental attributes from retail customers with solar
installations. Payments for the RECs are termed Performance-Based Incentives (PBIs) and are paid in contractually agreed upon
intervals (usually quarterly) based on metered renewable energy production. PBIs are recoverable through the RES tariff. See Note
2 of Notes to Consolidated Financial Statements in Item 8 of this Form 10-K for additional information regarding TEP's RES tariff

(10) The Springerville Common Facilities Leases have an initial term to December 2017 for one lease and January 2021 for the other
two leases, subject to optional renewal periods of two or more years through 2025. Instead of extending the leases, TEP may
exercise its fixed-price purchase options

i n Excludes asset retirement obligations of $33 million expected to occur through 2066

<12) Excludes Lmrecognized tax benefits of $5 million. At this time we are unable to make a reasonably reliable estimate of the timing of
payments in individual years in connection with these tax liabilities

(13) These obligations represent TEP's expected contributions to pension plans in 2016, expected benefit payments for its unfunded
Supplemental Executive Retirement Plan (SERP), and expected retiree benefit costs to cover medical and life insurance claims as
determined by the plans' actuaries. Due to the significant impact that returns on plan assets and changes in discount rates might
have on payment obligation amounts, other contributions are excluded beyond 2016

We expect to pay for forecasted capital expenditures with cash on hand, internally generated funds, and short-term revolver

borrowings

Off Balance Sheet Arrangements

Other than the unrecorded contractual obligations in the table above, we do not have any arrangements or relat ionships with

entit ies that are not consolidated into the f inancial statements

Income Tax Position

Prior year tax legislation and the Consolidated Appropriations Act of 2016, include provisions that make qualified property

placed in service between 2010 and 2019 eligible for bonus depreciation for tax purposes. In addition, the IRS issued new
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guidance related to the treatment of expenditures to maintain, replace, or improve property. These provisions are an

acceleration of tax benefits TEP otherwise would have received over 20 years and have created net operating loss
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u

carryforwards that can be used to offset future taxable income. As a result, TEP did not pay any federal or state income taxes

in 2015 and does not expect to make any payments until 2020.

Environmental Matters

The EPA regulates the amount of sulfur dioxide (SO2), nitrogen oxide (NOX), carbon dioxide (CON), particulate matter,
mercury and other by-products produced by power plants. TEP may incur added costs to comply with future changes in
federal and state environmental laws, regulations, and permit requirements at its power plants. Environmental laws and
regulations are subject to a range of interpretations, which may ultimately be resolved by the courts. Because these laws and
regulations continue to evolve, TEP is unable to predict the impact of the changing laws and regulations on its operations and
consolidated financial results. Complying with these changes may reduce operating efficiency. TEP capitalized $33 million in
2015, $11 million in 2014, and $5 million in 2013 in costs to comply with environmental rules and regulations. In addition, we
recorded O&M expenses of $6 million in 2015, $5 million in 2014, and $8 million in 2013. TEP expects to recover the cost of
environmental compliance from its ratepayers.

Hazardous Air Pollutant Requirements

In February 2012, the EPA issued final rules for the control of mercury emissions and other hazardous air pollutants from

power plants. Based on the EPA's final Mercury and Air Topics Standards (MATS) rules, additional emission control

equipment would have been required by April 2015. TEP, as operator of the Springerville and Sundt generating stations, and

the operators of Navajo and Four Corners received extensions until April 2016 to comply with the MATS rules.

In June 2015, the U.S. Supreme Court reversed and remanded the D.C. Circuit Court of Appeals decision in Michigan v. EPA
to uphold the MATS rules requiring power plants to control mercury and other emissions. The Supreme Court held that the
EPA did not adequately consider "cost" before determining that MATS was "appropriate and necessary." The D.C. Circuit
Court of Appeals remanded the mies to the EPA for further consideration.

At this time, despite the U.S. Supreme Court ruling, the MATS rules remain in force and effect. TEP will proceed with its
planned MATS compliance activity at each of our facilities. Additionally, Arizona has an Arizona-specific mercury rule in
place that will become effective and applicable to our Arizona facilities in the event the Federal rule is struck down. Our
compliance strategy is intended to ensure compliance with both the Federal and the State rule, as applicable.

TEP's share of the estimated mercury emission control costs to comply with the MATS rules includes the following:

Navajo Springerville(')

's
s

1

1

$

$

5

1

(inmillions)

Capital Expenditures

Annual O&M Expenses

Compliance Year 2016 2016

(1) Total capital expenditures and annual O&M expenses represent amounts for Springerville Units 1 and 2, with estimated costs split
equally between the two units. In January 2015, TEP completed the purchase of 24.8% of Springerville Unit 1, bringing its total
ownership interest to 49.5%. With the completion of the purchase, the Third-Party Owners are responsible for 50.5% of
environmental costs attributable to Springerville Unit l. TEP will continue to be responsible for 100% of environmental costs
attributable to Springerville Unit 2.

TEP expects no additional capital expenditures or O&M expenses will be incurred to comply with the MATS mies at Four
Corners, Sundt, and San Juan Generating Stations.

Regional Haze Rules

The EPA's Regional Haze Rules require emission controls known as BART for certain industrial facilities emitting air

pollutants that reduce visibility in national parks and wilderness areas. The rule calls for all states to establish goals and

emission reduction strategies for improving visibility. States must submit these goals and strategies to the EPA for approval.

Because Navajo and Four Corners are located on land leased from the Navajo Nation, they are not subject to state oversight,

the EPA oversees regional haze planning for these power plants.

In the western U.S., Regional Haze BART determinations have focused on controls for NOt, often resulting in a requirement

to install Selective Catalytic Reduction (SCR). Complying with the BART rule, and with other future environmental rules,
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may make it economically impractical to continue operating all or a portion of the Navajo, San Juan, and Four Corners power
plants or for individual owners to continue to participate in these power plants. The BART provisions do not apply to
Springerville Units l and 2 since they were constructed in the 1980s, after the time frame as designated by the rules. Other
provisions of the
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Regional Haze Rules requiring further emission reductions are not likely to impact Springerville operations until after 2018
TEP cannot predict the ultimate outcome of these matters

TEP's estimated NOt emissions control costs involved in meeting these rules are

Navajo San Juan Four Corners Sundt(in millions)

Capital Expenditures

Annual O&M Expenses

Compliance Year

$

Navajo

In August 2014, the EPA published a final Federal Implementation Plan (FIP) which provides that one unit at Navajo will be
shut down by 2020, SCR (or the equivalent) will be installed on the remaining two units by 2030, and conventional coal-fired
generation will cease by December 2044. The final BART rule includes options that accommodate potential ownership
changes at the plant. The plant has until December 2019 to notify the EPA of how it will comply with the FIP

San Juan

In October 2014, the EPA published a final rule approving a revised State Implementation Plan (SIP) covering BART
requirements for San Juan, which includes the closure of Units 2 and 3 by December 2017 and the installation of Selective
Non-Catalytic Reduction (SNCR) on Units l and 4 by February 2016. TEP owns 50% of Units 1 and 2 at San Juan. The SIP
approval references a New Source Review permit issued by the New Mexico Environment Department in November 2013
which, among other things, calls for balanced draft upgrades on San Juan Unit l to reduce particulate matter emissions. PNM
the operator of San Juan, is currently installing SNCR. Balanced draft modifications to San Juan Unit were completed in
June 2015. TEP's share of the balanced draft upgrades was approximately $22 million. In December 2015, PNM obtained
New Mexico Public Regulation Commission approval to shut down Units 2 and 3 at San Juan

At December 31, 2015, the net book value of TEP's share in San Juan Unit 2, including construction work in progress, was
$104 million. Consistent with the 2013 Rate Order, TEP has requested authorization from the ACC to apply excess
depreciation reserves against the unrecovered net book value in its 2015 Rate Case

Four Corners

In December 2013, APS, on behalf of the co-owners of Four Corners, notified the EPA that they have chosen an alternative
BART compliance strategy, as a result, APS closed Units 1, 2, and 3 in December 2013 and agreed to the installation of SCR
on Units 4 and 5 by July 2018. TEP owns 7% of Four Corners Units4 and 5

Sundt

In June 2014, the EPA issued a final rule that would require TEP to either: (i) install, by mid-2017, SNCR and dry sorbent
injection if Unit 4 of the H. Wilson Sundt Generating Station (Sundt) continues to use coal as a fuel source; or (ii) permanently
eliminate coal as a fuel source as a better-than-BART alternative by the end of 2017. Under the rule, TEP is required to notify
the EPA of its decision by March 2017

At December 31, 2015, the net book value of the Sundt coal handling facilities was $16 million. In August 2015, TEP
exhausted its existing coal supply at Sundt and has been operating Sundt with natural gas as a primary fuel source. TEP
expects to retire the Sundt coal handling facilities earlier than expected, and has requested to apply excess depreciation
reserves against the unrecovered net book value in its 2015 Rate Case. The estimated NOt emissions control costs in the table
above will not be expended if Sundt's coal handling facilities are retired early

Greenhouse Gas Regulation

In August 2015, the EPA issued the Clean Power Plan (CPP) limiting CON emissions from existing and new fossil fueled
power plants. The CPP establishes state-level CON emission rates and mass-based goals that apply to fossil fuel-fired
generation. The plan targets CON emissions reductions for existing facilities by 2030 and establishes interim goals that begin
in 2022. States are required to develop and submit a final compliance plan, or an initial plan with an extension request, to the
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EPA by September 2016. States that receive an extension must submit a final completed plan to the EPA by September 2018
TEP will continue to work with the other Arizona and New Mexico utilities, as well as the appropriate regulatory agencies, to
develop the state compliance plans. TEP is unable to determine how the final CPP rule will impact its facilities until state
plans are developed and approved by the EPA. TEP cannot predict the ultimate outcome of these matters
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The EPA incorporated the compliance obligations for existing power plants located on Indian nations, like the Navajo Nation
in the existing sources rule and a newly proposed Federal Plan using a compliance method similar to that of the states. The
proposed Federal Plan would be implemented for any Indian nation and/or state that does not submit a plan or that does not
have an EPA or approved state plan. TEP will work with the participants at Four Corners and Navajo to determine how this
revision may impact compliance and operations at both facilities. TEP has submitted comments on the proposed Federal Plan
impacting our facilities, including Four Corners and Navajo stating, among other things, that the EPA should not regulate the
greenhouse gases on the Navajo Nation because it is not appropriate or necessary. The reduction of greenhouse gases achieved
due to the shutdowns resulting from Regional Haze compliance will be equivalent to those required under the CPP rule. TEP
cannot predict the ultimate outcome of these matters

TEP's compliance requirements under the CPP are subject to the outcomes of potential proceedings and litigation challenging
the rule. In February 2016, the Supreme Court granted a stay effectively ordering the EPA to stop CPP implementation efforts
until legal challenges to the regulation have been resolved. The ruling introduces uncertainty as to whether and when the states
and utilities will have to comply with the CPP rule. TEP will continue to work with the Arizona Department of Environmental
Quality to determine what, if any, actions need to be taken in light of the ruling. TEP anticipates that the ruling wit] likely
delay the requirement to submit a plan or request an extension under the CPP by September 2016

Coal Combustion Residuals Regulation

In April 2015, the EPA issued a final rule requiring all coal ash and other coal combustion residuals to be treated as a solid
waste under Subtitle D of the Resource Conservation and Recovery Act for disposal in landfills and/or surface impoundments
while allowing for the continued recycling of coal ash. TEP does not own or operate any impoundments. Under the rule, the
Springerville Generating Station (Springerville) ash landfill is classified as an existing landfill and is not subject to the lateral
expansion requirements. However, TEP will incur additional costs for site preparation and monitoring at Springerville to be
fully compliant with the rule. TEP's share of the cost at Springerville is estimated to be $2 million, the majority of which is
expected to be capital expenditures. TEP currently estimates its share of the costs to be $5 million at Four Comers, $3 million
at Navajo, and less than $1 million at San Juan, the majority of which are expected to be capital expenditures

See Capital Expenditures above for TEP's actual and forecasted environmental-related cost

CRITICAL ACCOUNTING POLICIES

The preparation of financial statements in accordance with GAAP requires management to apply accounting policies and to
make estimates and assumptions that affect results of operations and the amounts of assets and liabilities reported in the
financial statements and related notes. Management believes that the areas described below require significant judgment in the
application of accounting policy or in making estimates and assumptions that are inherently uncertain and that may change in
subsequent periods. Additional information on TEP's other significant accounting policies can be found in Note l of Notes to
Consolidated Financial Statements in Item 8 of this Form 10-K

Accounting for Regulated Operations

We account for our regulated electric operations based on accounting standards that allow the actions of our regulators, the
ACC and the FERC, to be reflected in our financial statements. Regulator actions may cause us to capitalize certain costs that
would otherwise be included as an expense, or in Accumulated ()thee Comprehensive Income (AOCI), in the current period by
unregulated companies. Regulatory assets represent incurred costs that have been deferred because they are probable of future
recovery in customer rates. Regulatory liabilities generally represent expected future costs that have already been collected
from customers. We evaluate regulatory assets and liabilities each period and believe future recovery or settlement is probable
Our assessment includes consideration of recent rate orders, historical regulatory treatment of similar costs, and changes in the
regulatory and political environment. If management's assessment is ultimately different than actual regulatory outcomes, the
impact on our results of operation, financial position, and future cash flows could be material

At December 31, 2015, regulatory liabilities net of regulatory assets totaled $96 million at TEP. There are no current or
expected proposals or changes in the regulatory environment that impact our ability to apply accounting guidance for
regulated operations. If we conclude, in a future period, that our operations no longer meet the criteria in this guidance, we
would reflect our regulatory pension assets in AOCI and recognize the impact of other regulatory assets and liabilities in the
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income statement, both of which would be material to our financial statements. See Note 2 of Notes to Consolidated Financial
Statements in Item 8 of this Form I0-K for additional information regarding regulatory matters.
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Accounting for Asset Retirement Obligations

We are required to record the fair value of a liability for a legal obligation to retire a long-lived tangible asset in the period in
which the liability is incurred. This includes obligations resulting from conditional future events. We incur legal obligations as
a result of environmental regulations imposed by State and Federal regulators, contractual agreements and other factors. To
estimate the liability, management must use significant judgment and assumptions in: determining whether a legal obligation
exists to remove assets, estimating the probability of a future event for a conditional obligation, estimating the fair value of the
cost of removal, estimating when final removal will occur, and estimating the credit-adjusted risk-free interest rates to be used
to discount the future liabilities. Changes that may arise over time with regard to these assumptions and determinations will
change amounts recorded in the future as expense for asset retirement obligations. TEP defers costs associated with the
majority of its legal AROs as regulatory assets because these costs are included in depreciation rates approved for recovery by
the ACC. Deferred costs are amortized over the life of the Luiderlying asset.

TEP identified legal obligations to retire generation plant assets specified in land leases for its jointly-owned Navajo and Four
Corners Generating Stations. The land on which these stations reside is leased from the Navajo Nation. The provisions of the
leases require the lessees to remove the facilities upon request of the Navajo Nation at expiration of the leases. TEP also has
certain environmental obligations at the Luna, San Juan, Sundt and Springerville Generating Stations. TEP estimates that its
share of the AROs to remove the Navajo and Four Corners facilities and settle the Luna, San Juan, Sundt, Gila River and
Springerville environmental obligations will be approximately $157 million at the retirement dates. Additionally, TEP entered
into ground lease agreements with certain land owners for the installation of photovoltaic (PV) assets. The provisions of the
PV ground leases require TEP to remove the PV facilities upon expiration of the leases. TEP's ARO related to the PV assets is
estimated to be approximately $30 million at the retirement dates. No other legal obligations to retire generation plant assets
were identified.

TEP has various transmission and distribution lines that operate under leases and rights-of-way that contain end dates and may
contain site restoration clauses. TEP operates transmission and distribution lines as if they will be operated in perpetuity and
would continue to be used or sold without land remediation. As such, there are no AROs for these assets.

The total net present value of TEP's ARO liability was $32 million at December 31, 2015. ARO liabilities are reported in
Regulatory and Other Liabilities-Other on the Consolidated Balance Sheets. See Note 3 of Notes to Consolidated Financial
Statements in Item 8 of this Form 10-K for additional information regarding AROs.

Additionally, the authorized depreciation rates for TEP include a component designed to accrue the future costs of retiring
assets for which no legal obligations exist. The accumulated balances at December 31, 2015 represent non-legal asset
retirement obligation accruals, less actual removal costs incurred, net of salvage proceeds realized, and are included in
Regulatory and Other Liabilities, Regulatory Liabilities on the Consolidated Balance Sheets. See Note 2 of Notes to
Consolidated Financial Statements in Item 8 of this Form 10-K for additional information.

Pension and Other Retiree Benefit Plan Assumptions

TEP records plan assets, obligations, and expenses related to pension and other retiree benefit plans based on actuarial
valuations, which include key assumptions on discount rates, expected returns on plan assets, compensation increases, and
health care cost trend rates. These actuarial assumptions are reviewed annually and modified as appropriate. The effect of
modifications is generally recorded or amortized over future periods. We believe that the assumptions used in recording
obligations are reasonable based on prior experience, market conditions, and the advice of plan actuaries. Note 8 of Notes to
Consolidated Financial Statements in Item 8 of this Form 10-K discusses the assumptions used in the calculation of pension
plan and other retiree plan obligations.

TEP is required to recognize the underfunded status of its defined benefit pension and other retiree plans as a liability. The
underfunded status is the difference between the fair value of the plans assets and the projected benefit obligation for pension
plans or accumulated retiree benefit obligation for other retiree benefit plans. As the funded status, discount rates, and
actuarial facts change, the liability will vary significantly in future years. TEP records the underfunded amount for its pension
and other retiree obligations as a liability and a regulatory asset to reflect expected recovery of pension and other retiree
obligations through therates charged to retail customers.

At December 31, 2015, TEP discounted its future pension plan obligations at rates between 4.5% and 4.6% and its other
retiree plan obligations at a rate of 4.2%. The discount rate for future pension plan and other retiree plan obligations is
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detennined annually based on the rates currently available on high-quality, non-callable, long-term bonds. The discount rate is
based on a corporate yield curve using an average yield between the 60*** and 90*h percentile of AA-graded U.S. corporate
bonds with future cash flows that match the timing and amount of expected future benefit payments. For TEP's pension plans,
a 25-basis point change in the discount rate would increase or decrease the Projected Benefit Obligation (PBO) by
approximately $ I5
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million and the plan expense by $1 million. For TEP's other retiree benefit plan, a 25-basis point change in the discount rate
would increase or decrease the Accumulated Postretirement Benefit Obligation (APBO) by approximately $2 million.

We measured service and interest costs utilizing a single weighted-average discount rate derived from the yield curve used to
measure the plan obligations. As discussed in Note 8 of Notes to Consolidated Financial Statements in Item 8 of this Form 10-
K, at the end of 2015, we changed our approach to determine the service and interest cost components of pension and other
postretirement benefit expense for future years. For 2016, we elected to measure service and interest costs by applying the
specific spot rates along that yield curve to the plan's liability cash flows. We believe the new approach provides a more
precise measurement of service and interest costs by aligning the timing of the plans' liability cash flows to the corresponding
spot rates on the yield curve. The use of this approach reduces 2016 service and interest cost by $4 million with a
corresponding increase to regulatory assets. This change does not affect the measurement of our plan obligations nor the
funded status of our plans.

TEP calculates the market-related value of pension plan assets using the fair value of the assets on the measurement date. TEP
assumed that its pension plans' assets would generate a long-term rate of return of 7% at December 31, 2015. In establishing
its assumption as to the expected return on assets, TEP reviews the asset allocation and develops return assumptions for each
asset class based on advice from an investment consultant and the pension's actuary that includes both historical performance
analysis and forward-looking views of the financial markets. Pension expense decreases as the expected rate of return on
assets increases. A 25-basis point change in the expected return on assets would impact pension expense in 2015 by $1
million.

TEP adopted the RP-2014 mortality table projected with improvement scale MP-2015 with 15 year convergence and 0.75%
long tern rate to measure December 31, 2015 pension obligations, whereas RP-2000 mortality table with Scale BB was
utilized for the December 31, 2014 measurement.

TEP used a current year health care cost trend rate of 7.6% in valuing its retiree benefit obligation at December 31, 2015. This
rate reflects both market conditions and historical experience. Assumed health care cost trend rates have a significant effect on
the amounts reported for health care plans. A one-percentage point change in assumed health care cost trend rates would
increase the retiree benefit obligation by approximately $6 million and decrease the retiree benefit obligation by
approximately $5 million. In addition, a one-percentage point change in assumed health care cost trend rates would change the
related 2016 plan expense by approximately $1 million.

In 2016, TEP will incur pension costs of approximately $11 million and other retiree benefit costs of approximately
$5 million. TEP expects to charge approximately $13 million of these costs to O&M expense, and $3 million to capital. TEP
expects to make pension plan contributions of $10 million in 2016. In 2009, TEP established a VEBA trist to fund its other
retiree benefit plan. In 2016, TEP expects to make benefit payments to retirees under the retiree benefit plan of approximately
$5 million and contributions to the VEBA trust of approximately $1 million, net of distributions.

Accounting for Derivative Instruments and Hedging Activities

Commodity Derivative Contracts

TEP enters into forward contracts to purchase or sell capacity or energy at contract prices over a given period of time,
typically for one month, three months, or one year, within established limits to meet forecasted load requirements or to take
advantage of favorable market opportunities. In general, TEP enters into forward purchase contracts when market conditions
provide the opportunity to purchase energy for its load at prices that are below the marginal cost of its supply resources or to
supplement its own resources (e.g., during plant outages and summer peaking periods). TEP enters into forward sales
contracts when it forecasts that it will have excess supply and the market price of energy exceeds its marginal cost. TEP enters
into forward gas commodity price swap agreements to lock in fixed prices on a portion of forecasted gas purchases and to
hedge the price risk associated with forward PPAs that are indexed to natural gas prices.

For all commodity derivative insMments that do not meet the normal purchase or normal sale scope exception, we recognize
derivative instruments as either assets or liabilities on the Consolidated Balance Sheets and measure those instruments at fair
value. Unrealized gains and losses on commodity derivative contracts entered into for retail customer load are recorded as
either a regulatory asset or regulatory liability on the balance sheet based on our ability to recover the costs of hedging
activities entered into to mitigate energy price risk for retail customers. There are no current or expected proposals or changes
in the regulatory environment that impact the probability of future recovery of these assets through the PPFAC mechanism.
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The market prices used to detennine fair values for TEP's derivative instruments at December 31, 2015, are estimated based
on various factors including broker quotes, exchange prices, over the counter prices, and time value

36

https://www.sec.gov/Archives/edgar/data/100122/000010012216000034/tep10k12312015.htm 77/230



4/21/2016

TEP manages the risk of counterparty default by perfonning financial credit reviews, setting limits, monitoring exposures
requiring collateral when needed, and using a standardized agreement, which allows for the netting of current period
exposures to and from a single counterparty

Interest Rate_§w_qp_s

TEP hedges the cash flow risk associated with unfavorable changes in the variable interest rates tied to LIBOR on the
Springerville Coir non Facilities Lease. As of December 31, 2015, approximately $29 million of variable rate lease debt for
the Springerville Common Facilities Lease had been hedged through an interest rate swap agreement through January 2020

Revenue Recognition

TEP's retail revenues, which are recognized in the period that electricity is delivered and consumed by customers, include
unbilled revenue based on an estimate of kph delivered at the end of each period. Unbilled revenues are dependent upon a
number of factors that require management's judgment including estimates of retail sales and customer usage patterns. The
unbilled revenue is estimated by comparing the estimated kph delivered to the kph billed to our retail customers. The excess
of estimated kph delivered over kph billed is then allocated to the retail customer classes based on estimated usage by each
customer class. We then record revenue for each customer class based on the various Retail Rates for each customer class
Due to the seasonal fluctuations of TEP's actual load, the unbilled revenue amount increases during the spring and summer
and decreases during the fall and winter. A provision for uncollectible accounts, associated with retail revenues, is recorded as
a component of O&M expense

Plant Asset Depreciable Lives

TEP has significant investments in electric generation assets and electric transmission and distribution assets. We calculate
depreciation expense based on our estimate of the useful lives of our plant assets and expected net removal costs. The useful
lives of plant assets are further detailed in Note 3 of Notes to Consolidated Financial Statements in Item 8 of this Form 10-K
Changes to depreciation estimates resulting from a change of estimated service life or removal costs could have a significant
impact on the amount of depreciation expense recorded in the income statement. The ACC approves depreciation rates for all
generation and distribution assets. Depreciation rates for such assets cannot be changed without the ACC's approval. TEP's
transmission assets are subject to the jurisdiction of the FERC. See Note l of Notes to Consolidated Financial Statements in
Item 8 of this Font 10-K for additional information regarding depreciation rates

Income Taxes

Due to the differences between GAAP and income tax laws, many transactions are treated differently for income tax purposes
than they are in the financial statements. We account for this difference by recording deferred income tax assets and liabilities
using the effective income tax rate at our balance sheet date. Income tax liabilities are allocated to TEP based on TEP's taxable
income and deductions as reported in the FortisUS, Inc. consolidated tax return

A valuation allowance is established against deferred tax assets for which management believes it is more likely than not that
the deferred asset will not be realized. In making this judgment, management evaluates all available evidence and gives more
weight to objective verifiable evidence. At December 3 l , 2015, TEP had a $4 million valuation allowance. See Note 12 of
Notes to Consolidated Financial Statements in Item 8 of this Form 10-K for additional information

RECENTLY ISSUED ACCOUNTING PRONOUNCEMENTS

For a discussion of new accounting pronouncements affecting TEP, refer to Note 13 of Notes to Consolidated Financial
Statements in Item 8 of this Form 10-K
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ITEM 7A. QUANTITATIVE AND QUALITATIVE DISCLOSURES ABOUT MARKET RISK

Market Risks

TEP's primary market risks include fluctuations in interest rates, returns on marketable securities, commodity prices and
volumes, and counterparty credit. Fluctuations in interest rates can affect earnings and cash flows. We enter into interest rate
swaps and financing transactions to manage changes in interest rates. Fluctuations in commodity prices and volumes and
counterparty credit losses may temporarily affect cash flows, but are not expected to affect earnings due to expected recovery
through regulatory mechanisms.

See Forward-Looking Information for additional information.

Risk Management Committee

We have a Risk Management Committee responsible for the oversight of commodity price risk and credit risk related to the
wholesale energy marketing and power procurement activities of TEP. Our Risk Management Committee, which meets on a
quarterly basis and as needed, consists of officers from the finance, accounting, legal, wholesale marketing, and generation
operations departments of TEP. To limit TEP's exposure to commodity price risk, the Risk Management Committee sets
trading and hedging policies and limits, which are reviewed frequently to respond to constantly changing market conditions.
To limit TEP's exposure to credit risk, the Risk Management Committee reviews counterparty credit exposure as well as credit
policies and limits.

Interest Rate Risk

Long-Term Debt

TEP is exposed to interest rate risk resulting from changes in interest rates on certain of its variable rate debt obligations. TEP
had $137 million in tax-exempt variable rate debt outstanding at December 3 l, 2015. The outstanding debt included one series
of bonds for which interest rates are reset weekly and one series of bonds for which interest rates are reset monthly. The
weighted average weekly rate (including LOC fees and remarkeding fees) was 1.24% in 2015 and 1.46% in 2014. The average
weekly interest rate ranged from 0.93% - 1.42% in 2015 and 1.40% - 1.75% in 2014. The monthly rate is based on a
percentage of an index equal to one-month LIBOR plus a credit spread. The average monthly rate was 0.81% in 2015 and
0.87% in 2014. The monthly rate ranged from 0.79% - 0.87% in 2015 and 0.85% - 0.95% in 2014.

Although short-term interest rates were low and stable in 2015 and 2014, TEP may still be subject to volatility in its tax-
exempt variable rate debt. A 100 basis point increase in average interest rates on this debt, over a twelve month period, would
result in a decrease in TEP's pre-tax net income of approximately $1 million.

TEP can manage its exposure to variable interest rate risk by entering into interest rate swaps and financing transactions to
rebalance its mix of variable rate and fixed rate long-term debt. TEP has a fixed-for-floating interest rate swap in place to
hedge floating interest rate risk associated with a portion of its Springerville Common Facilities lease debt, The notional
amount of the swap is $29 million at December 31, 2015. The notional amount of lease debt that was unhedged as of
December 31, 2015 was $13 million. TEP did not have any other interest rate swaps at December 31, 2015.

Interest Rate Swap

To adjust the value of TEP's interest rate swap, classified as a cash flow hedge, to fair value in Other Comprehensive Income
(Loss), TEP recorded the following net unrealized gains:

(in millions)

Net Unrealized Gains
2015 2014 2013

s 1 $ 2 $ 4

Revolving Credit Facilities

TEP is subject to interest rate risk resulting from changes in interest rates on borrowings under its credit agreements. The
interest paid on borrowings is variable. Revolving credit borrowings may be made on the basis of a spread over LIBOR or an
Alternate Base Rate. As a result, TEP may experience significant volatility in the rates paid on LIBOR borrowings under its
revolving credit facilities.
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The majority of TEP's pension plan assets, as well as assets associated with other employee benefit obligations, are
investments in equity and debt securities. These investments are exposed to price fluctuations in equity markets and changes
in interest rates. Of the assets held for employee benefit obligations, the pension plan assets comprise the largest portion. The
pension plan assets will help fund defined retirement benefits for substantially all of our employees. Declines in the values of
these assets could increase required employer contributions, which would adversely affect cash flows. Declines in values
could also increase the reported pension expense, adversely affecting TEP's results of operations

Commodity Price Risk

TEP is exposed to commodity price risk primarily relating to changes in the market price of electricity, natural gas, and coal
This risk is mitigated through hedging practices and a PPFAC mechanism which fully recovers the actual retail fuel and
purchased power costs incurred on a timely basis from TEP's retail customers. The PPFAC mechanism has a forward
component and a true-up component. The forward component of the PPFAC rate is based on forecasted fuel and purchased
power costs. The true-up component reconciles actual fuel and purchased power costs with the amounts collected in the prior
year and any amounts under/over-collected will be collected from/credited to customers. If the actual price of power is higher
than the forecasted PPFAC rate, TEP's operating cash flows are reduced by the price difference until the subsequent 12-month
period when the true-up component is adjusted to allow the recovery of this difference

Purchases and Sales of Energy

To manage its exposure to energy price risk, TEP enters into forward contracts to buy or sell energy at a specified price and
future delivery period. Generally, TEP commits to future sales based on expected excess generating capability, forward prices
and generation costs, using a diversified market approach to provide a balance between long-term, mid-term, and spot energy
sales. TEP generally enters into forward purchases during its summer peaking period to ensure it can meet its load and reserve
requirements, and account for other contracts and resource contingencies. TEP also enters into limited forward purchases and
sales to optimize its resource portfolio and take advantage of geographical differences in price. These positions are managed
on both a volumetric and dollar basis and are closely monitored using risk management policies and procedures overseen by
the Risk Management Committee. For example, the risk management policies provide that TEP should not take a short
physical position in the third quarter and must have owned generation backing up all physical forward sales positions at the
time the sale is made. TEP's risk management policies also place limits on the duration of transactions in both gas and power

TEP enters into some forward contracts considered to be normal purchases and sales of electric energy and are therefore not
accounted for as derivatives. TEP records revenues on its "normal sales" and expenses on its "normal purchases" in the period
in which the energy is delivered. TEP also enters into forward contracts that are not considered to be "normal purchases and
sales" and therefore are accounted for as derivatives. When TEP has derivative forward contracts, it marks them to market
using actively quoted prices obtained from brokers for power traded over-the-counter at Palo Verde and at other southwestern
U.S. trading hubs. TEP believes that these broker quotations used to calculate the mark-to-market values represent accurate
measures of the fair values of TEP's positions because of the short-term nature of TEP's positions, as limited by risk
management policies, and the liquidity in the short-term market

Long-Teqp Wholesale Sales

TEP has several long-term wholesale agreements for the sale of energy. Sales under some of these agreements are based on
indexed energy prices. Changes in the price of power affect TEP's revenue and income from these agreements

Natural Gas

TEP is also subject to commodity price risk from changes in the price of natural gas. In addition to energy from its coal-fired
facilities, TEP typically uses power purchases, supplemented by generation from its gas-fired units to meet the summer peak
demands of its retail customers and to meet local reliability needs. Some of these purchased power contracts are indexed to
natural gas prices. Short-tenn and spot power purchase prices are also closely correlated to natural gas prices. Due to its
increasing gas and purchased power usage, TEP hedges a portion of its total natural gas exposure from plant fuel, gas-indexed
power purchases, and spot market purchases with various instruments up to three years in advance. TEP purchases its
remaining gas fuel and power needs in the spot and short-term markets

As required by fair value accounting rules, for the year ended December 31, 2015, TEP considered the impact of non
performance risk in the measurement of fair value of its derivative assets and derivative liabilities net of collateral posted
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To adjust the value of its commodity derivatives to fair value, TEP adjusted regulatory assets or regulatory liabilities as
follows

(in millions)

Unr ea l i zed  N e t  G a i n  ( L oss)  R ecor ded  t o  R egu l a t o r y  ( Asse t s )

L ia bi l i t i es s (18) $

The table below displays the valuation methodologies and maturities of TEP's power and gas derivative contracts by source of
fair value

Unrealized Gain (Loss) of TEP's Hedging Activities

Maturity 0 - 6
months

Maturity 6 - 12
months

Maturity
overt yr

Total
Unrealized
Gain (Loss)

(in millions)

P r i ces  Ac t i ve l y  Q u o t ed S

P r i ces  B a sed  on  M ode l s  a nd  O t he r  Va l u a t i on  M et hods

T ota l

December 31. 2015

Sensi t i v i t y  Ana l ys i s  o f  D er i va t i ves

T EP u ses  sensi t i v i t y  a na lys i s  t o  mea su r e  t he  impa ct  o f  fa vor a b l e  a nd  u nfa vor a b l e  cha nges  i n  ma r k e t  p r i ces  on  t he  fa i r  va lu e  o f

i t s  der iva t ive  forwa rd  cont r a ct s .  T EP r ecords u nrea l i zed  ga ins a nd losses a s  e i ther  a  r egu la tory  a sse t  or  r egu la tory  l i a b i l i t y .  As

cont r a c t s  se t t l e ,  t he  u nr ea l i zed  ga ins  a nd  l osses  a r e  r ever sed  a nd  r ea l i zed  ga ins  o r  l osses  a r e  r ecor ded  t o  t he  PPFAC .  For  T EP 's

non-ca sh  f l ow power  hedges ,  a  1 0 % cha nge  i n  t he  ma r k e t  p r i ce  o f  power  wou l d  a ffec t  u n r ea l i zed  pos i t i ons  r epor t ed  a s  a

r egu la tor y  a sse t  o r  r egu la tor y  l i a b i l i t y  by  a ppr oxima te ly  $ 1  mi l l i on ,  for  ga s  swa ps a nd  co l l a r  cont r a c t s ,  a  1 0 % cha nge in  t he

ma r k et  p r i ce  of  ener gy  wou ld  a ffec t  u nr ea l i zed  posi t i ons  r epor t ed  a s  a  r egu la tor y  a sse t  o r  l i a b i l i t y  by  a ppr oxima te ly

$ 3  mi l l i on

TEP is subject to commodity price risk from changes in the price of coal used to fuel its coal-fired generating plants. This risk
is mitigated through the use of long term coal supply agreements with limited price volatility

T EP 's  coa l  su pply  con t r a c t  fo r  Spr inger v i l l e  Uni t s  1  a nd  2  exp i r es  i n  2 0 2 0 ,  a t  which  t ime a  new coa l  pu r cha se  a gr eement  wi l l

be  nego t i a t ed .  T E P  expec t s  coa l  r e se r ves  f r om t he  L ee  R a nch  -  E l  S egu ndo  mi ne ,  wh i ch  su pp l i e s  S p r i ngewi l l e  Un i t s  l  a nd  2

to  be  su ff i c i en t  t o  su pply  t he  es t ima ted  r equ i r ement s  for  t he  u n i t s  p r esen t ly  es t ima ted  r ema in ing  l i ves .  T he  cu r r en t  coa l  p r i ce  i s

de t e r mined  by  t he  cost  o f  Powder  R iver  B a sin  coa l  de l i ver ed  t o  Spr inger v i l l e  Uni t  3  su b j ec t  t o  a  f l oor  a nd  ce i l i ng

TEP participates in jointly-owned generating facilities at Four Corners, Navajo, and San Juan, where coal supplies are
received under contracts administered by the operating agents. The coal contracts at Four Corners and Navajo expire in 2031
and2019, respectively. The new coal supply contract with Westmoreland for San Juan, effective January 31, 2016, expires in
2022. At December 31, 2015, TEP had contracts to purchase coal for use at the jointly-owned facilities and expected its
estimated average annual cost for the next three years to be $51 million and $22 million thereafter through 2031
Contemporaneous with the new San Juan coal supply contract in January 2016, additional estimated minimum purchase
obligations are $21 million in 2016, $23 million in 2017, $24 million in 2018 and2019, $23 million in 2020, and $22 million
through the end of the contract

See Part IL Item 7. ManagementS Discussion and Analysis of Financial Condition and Results of Operations, Liquidity and
Capital Resources and Note 7 of Notes to Consolidated Financial Statements in Item 8 of this Form 10-K for additional
information

Credit  Risk

T EP i s  exposed  t o  c r ed i t  r i sk  i n  i t s  ener gy-r e l a t ed  ma r k et ing  a c t i v i t i es  r e l a t ed  t o  po t en t i a l  non-per for ma nce  by  cou nter pa r t i es

W e ma na ge  t he  r i sk  o f  cou nt er pa r t y  defa u l t  by  per for mi ng  f i na nc i a l  c r ed i t  r ev i ews,  se t t i ng  l i mi t s ,  moni t o r i ng  exposu r es

r equ i r i ng  co l l a t e r a l  when  needed ,  a nd  u s i ng  s t a nda r d  a gr eement s  whi ch  a l l ow fo r  t he  ne t t i ng  o f  cu r r en t  per i od  exposu r es  t o
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and from a single counterparty. We calculate counterparty credit exposure by adding any outstanding receivable (net of
amounts payable if a netting agreement exists) to the mark-to-market value of any forward contracts. If exposure exceeds
credit limits or contractual collateral thresholds, we may request that a counterparty provide credit enhancement in the font of
cash collateral or an LOC

TEP has entered into short-term and long-term transactions with several financial institution counterparties with terms of one
month through three years. As of December 31, 2015, the credit exposure to TEP from financial institution counterparties was
less than $1 million

40
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As of December 31 , 2015, TEP's total credit exposure related to its wholesale marketing and gas hedging activities was
approximately $10 million. TEP did not have any exposure to non-investment grade counterparties

At December 31 , 2015, TEP posted no cash collateral and less than $1 million in LOCs as credit enhancements with its
counterparties, and did not hold any collateral from its counterparties
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ITEM 8. CONSOLIDATED FINANCIAL STATEMENTS AND SUPPLEMENTARY DATA

Management's Report on Internal Control Over Financial Reporting

TEP's management is responsible for establishing and maintaining adequate internal control over financial reporting. Because
of its inherent limitations, internal control over financial reporting may not prevent or detect misstatements. Also, projections
of any evaluation of effectiveness to future periods are subject to the risk that controls may become inadequate because of
changes in conditions, or that the degree of compliance with the policies or procedures may deteriorate

Management assessed the effectiveness of TEP's internal control over financial reporting as of December 31, 2015. In making
this assessment, management used the criteria set forth by the 2013 COSO Internal Control -- Integrated Framework

Based on management's assessment using those criteria, management has concluded that, as of December 31, 2015, TEP's
internal control over financial reporting was effective
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Report of Independent Registered Public Accounting Firm

To the Board of Directors and Shareholder of Tucson Electric Power Company

We have audited the accompanying consolidated balance sheets of Tucson Electric Power Company as of December 31, 2015
and 2014, and the related consolidated statements of income, comprehensive income, changes in stockholder's equity and cash
flows for each of the two years in the period ended December 3 l, 2015. These financial statements are the responsibility of the
Company's management. Our responsibility is to express an opinion on these financial statements based on our audits

We conducted our audits in accordance with the standards of the Public Company Accounting Oversight Board (United
States). Those standards require that we plan and perform the audit to obtain reasonable assurance about whether the financial
statements are free of material misstatement. We were not engaged to perform a11 audit of the Company's internal control over
financial reporting. Our audits included consideration of internal control over financial reporting as a basis for designing audit
procedures that are appropriate in the circumstances, but not for the purpose of expressing an opinion on the effectiveness of
the Company's internal control over financial reporting. Accordingly, we express no such opinion. An audit also includes
examining, on a test basis, evidence supporting the amounts and disclosures in the financial statements, assessing the
accounting principles used and significant estimates made by management, and evaluating the overall financial statement
presentation. We believe that our audits provided a reasonable basis for our opinion

In our opinion, the financial statements referred to above present fairly, in all material respects, the consolidated financial
position of Tucson Electric Power Company at December 3 l, 2015 and 2014, and the consolidated results of their operations
and their cash flows for each of the two years in the period ended December 3 l , 2015, in conformity with U.S. generally
accepted accounting principles

/s/ East & Young LLP

East & Young LLP

Calgary, Canada

February 18, 2016
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Report of Independent Registered Public Accounting Firm

To the Board of Directors and Stockholder of Tucson Electric Power Company

In our opinion, the consolidated statements of income, comprehensive income, changes in stockholder's equity and cash flows
for the year ended December 31, 2013 present fairly, in all material respects, the results of operations and cash flows of
Tucson Electric Power Company and its subsidiaries for the year ended December 31, 2013, in conformity with accounting
principles generally accepted in the United States of America. These financial statements are the responsibility of the
Company's management. Our responsibility is to express an opinion on these financial statements based on our audit. We
conducted our audit of these statements in accordance with the standards of the Public Company Accounting Oversight Board
(United States). Those standards require that we plan and perform the audit to obtain reasonable assurance about whether the
financial statements are free of material misstatement. An audit includes examining, on a test basis, evidence supporting the
amounts and disclosures in the financial statements, assessing the accounting principles used and significant estimates made
by management, and evaluating the overall financial statement presentation. We believe that our audit provides a reasonable
basis for our opinion

/s/ PricewaterhouseCoopers LLP

PricewaterhouseCoopers LLP

Phoenix Arizona

February 25, 2014, except for the effects of the revision discussed in Note 1 (not presented herein) to the consolidated
financial statements appearing under Item 8 of the Company's 2014 arial report on Form 10-K, as to which the date is
August 14, 2014
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TUCSON ELECTRIC POWER COMPANY
CONSOLIDATED STATEMENTS OF INCOME

(Amounts in thousands)

Year Ended December 31

$ 970,145

158.323

$ 934,357

132.500

$ 1.021_543

167.020

117.981

1.306.544 269.901 196.690

297.537
152.922
18

(11,194)
457.444

112.452
12.233

(12,458)

305.559

124.764

24.798

39.787

494.908

345.356

138.093

19.261

49.623

1 047.241

259.303

126.520

28.567

47.805

1.039.213

230.688

118.076

31

43.498

966.319

230.371

93

(2,833)
(142)

(12,735)

5
(10,715)

2
(1,992)(2,558)

61 60.577

10.249

56.378

25

Operating Revenues

Electric Retail Sales

Electric Wholesale Sales

Other Revenues

Total Operating Revenues

Operating Expenses

Fuel

Purchased Power

Transmission and Other PPFAC Recoverable Costs

Increase (Decrease) to Reflect PPFAC Recovery Treatment

Total Fuel and Purchased Power

Operations and Maintenance

Depreciation

Amortization

Taxes Other Than Income Taxes

Total Operating Expenses

Operating Income

Other Income (Deductions)

Interest Income

Other Income

Other Expense

Appreciation (Depreciation) in Value of Investments

Total Other Income (Deductions)

Interest Expense

Long-Term Debt

Capital Leases

Other Interest Expense

Interest Capitalized

Total Interest Expense

Income Before Income Taxes

Income Tax Expense

Net Income s

(2,732)

63

199.513

71

127.794 $

(3,755)

67.881

160.249

57.911

102,338 $

(2,554)

79.051

149.328

47.986

101,342

The accompanying notes are an integral part of these financial statements
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TUCSON ELECTRIC POWER COMPANY
CONSOLIDATED STATEMENTS OF COMPREHENSIVE INCOME

(Amounts in thousands)

Year Ended December 31,

2014 2013

Comprehensive Income

Net Income s 127,794 $ 102,338 $ 101,342

Other Comprehensive Income (Loss)

Net Changes in Fair Value of Cash Flow Hedges

Net oflncome Tax (Expense) Benefit of($82l), ($l,l40), and ($5,793)

Supplemental Executive Retirement Plan Adjustments

Net of Income Tax (Expense) Benefit of ($63), $l,068, and ($572)

1,675 2,738

Total Other Comprehensive Income (Loss), Net of Tax

Total Comprehensive Income $ 129,156

(1,725) 916
(50) 3,654

$ 102,288 $ 104,996

The accompanying notes are an integral part of these financial statements.
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1

TUCSON ELECTRIC POWER COMPANY
CONSOLIDATED STATEMENTS OF CASH FLOWS

(Amounts in thousands)

Year Ended December 31

Cash Flows from Operating Activities

Net Income $ 127.794 $ 102,338 $ 101,342

Adjustments to Reconcile Net Income To Net Cash Flows from Operating
Activities

138.093

19.261

126.520

28

118.076

31

22.627
19.731
72.026
18.588
(30,682)
(5,352)

(14,646)
39.787

59.024

(14,388)
(6,677)

(12,937)
(11,194)
18

19.878
(27,636)
(4,526)
(2,575)

(12,458)

(14,261)
16

10.712

(25,690)
(8,758)

(23,149)
(2,977)
15.238

364.934
(16,057) 25

(333,841) (323,524)
(163,938)

(252,848)

(19,608)
(120,312)
(45,753)
23.656

(29,184) (28,334) (23,280)

15

Depreciation Expense

Amortization Expense

Amortization of Debt Issuance Costs

Provision for Springerville Unit 1 - Third-Party Owners Unrealized Revenue

Use of Renewable Energy Credits for Compliance

Deferred Income Taxes

Pension and Retiree Expense

Pension and Retiree Funding

Allowance for Equity Funds Used During Construction

LFCR and DSM Revenues

Increase (Decrease) to Reflect PPFAC Recovery Treatment

Fortis Acquisition Direct Customer Benefit

Change in Current Assets and Current Liabilities

Accounts Receivable

Materials, Supplies, and Fuel Inventory

Accounts Payable

Regulatory Liabilities

Other. Net

Net Cash Flows-Operating Activities

Cash Flows from Investing Activities

Capital Expenditures

Purchase of Gila River Unit 3

Purchase of Springerville Coal Handling Facilities Lease Assets

Purchase of Springerville Unit 1 Lease Assets

Proceeds from Sale of Springerville Coal Handling Facilities

Purchase of Intangibles - Renewable Energy Credits

Return of Investments in Springewille Lease Debt

Contributions in Aid of Construction

Other. Net

Net Cash Flows-Investing Activities

Cash Flows from Financing Activities

Proceeds from Borrowings Under Revolving Credit Facilities

(1,974)
(502,891) (517,638) (259,662)

148.000
(233,000)
130.000

(130,000)

(190,000)
78.000

(78,000)Repayments of Borrowings Under Revolving Credit Facilities

Proceeds from Borrowings Under Term Loan

Repayments of Borrowings Under Term Loan
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Proceeds from Issuance of Long-Tenn Debt

Repayments of Long-Tenn Debt

Dividends Paid to Parent

Payments of Capital Lease Obligations

Payment of Debt Issue/Retirement Costs

Contribution from Parent

(40,000)
(165,145)

(1,856)

(40,000)
(99,621)
(1,865)

Other. Net

Net Cash Flows-Financing Activities

Net Increase (Decrease) in Cash and Cash Equivalents

Cash and Cash Equivalents, Beginning of Period

Cash and Cash Equivalents, End of Period $

299.019
(208,600)
(50,000)
(13,464)
(3,942)

180.000
1

119.471
(18,486)
74
55.684 $ 74.170 $

(140,937)
(54,408)
79.743
25,335

The accompanying notes are an integral part of these financial statements
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TUCSON ELECTRIC POWER COMPANY
CONSOLIDATED BALANCE SHEETS

(Amounts in thousands, except share data)

December 31

$ 5,618,435 $ 5,175,148

102.028 109.070
5.951.375

(2,052,216)
(473,969)

ASSETS

Utility Plant

Plant in Service

Utility Plant Under Capital Leases

Construction Work in Progress

Total Utility Plant

Less Accumulated Depreciation and Amortization

Less Accumulated Amortization of Capital Lease Assets

Total Utility Plant, Net

(2,194,30l)
(99,638)

3.558.229

Investments and Other Property 39.569 37

74

Current Assets

Cash and Cash Equivalents

Accounts Receivable. Net

Fuel Inventory

Materials and Supplies

Regulatory Assets

Derivative Instruments

Assets Held for Sale. Net

Other

55.684

136.682

34.600

94.003

36.368

86.750

Total Current Assets

Regulatory and Other Assets

25.904

422.072

212.312Regdatory Assets

Derivative Instruments

Other 12.436

Total Regulatory and other Assets

Total Assets

16.866

229.608

$ 4,249,478 $ 4,119,830

The accompanying notes are an integral part of these financial statements

(Continued)
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TUCSON ELECTRIC POWER COMPANY
CONSOLIDATED BALANCE SHEETS

(Amounts in thousands, except share data)

December 31

CAPITALIZATION AND OTHER LIABILITIES

s 1,296,539 $ 1,116,539
(6,357) (6,357)

189.317
(4,564)

1.474.935
(5,926)

215.779

55.324

1 451.720

69.438

2.647.045

14.114

113.413

36

21

86.274

37.577

27.718

14.246

53.077

20.349 20.339

273.062 532.778

468.024

307.286

120.336

389.540

138.319

Capitalization

Common Stock Equity

Common Stock (No Par Value, 75,000,000 Shares Authorized, 32,139,434 Shares
Outstanding at December 31, 2015 and 2014)

Capital Stock Expense

Accumulated Eamings

Accumulated Other Comprehensive Loss

Total Common Stock Equity

Preferred Stock (No Par Value, 1,000,000 Shares Authorized, None Outstanding at
December 31, 2015 and 2014)

Capital Lease Obligations

Long-Term Debt, Net

Total Capitalization

Current Liabilities

Current Obligations Under Capital Leases

Borrowings Under Revolving Credit Facilities

Accounts Payable

Accrued Taxes Other than Income Taxes

Accrued Employee Expenses

Accrued Interest

Regulatory Liabilities

Customer Deposits

Derivative Instruments

Other

Total Current Liabilities

Regulatory and Other Liabilities

Deferred Income Taxes. Net

Regulatory Liabilities

Pension and Other Postretirement Benefits

Derivative Instruments

Other

Total Regulatory and Other Liabilities

94.724

994.437

84.674

940.007

Commitments and Contingencies

Total Capitalization and Other Liabilities $ 4,249,478 $ 4,119,830

The accompanying notes are an integral part of these financial statements
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TUCSON ELECTRIC POWER COMPANY
CONSOLIDATED STATEMENTS OF CHANGES IN STOCKHOLDER'S EQUITY

(Amounts in thousands)

Capital
Stock

Expense

Accumulated
Earnings
(Deficit)

Accumulated
Other

Comprehensive
Loss

(9,530)

Common
Stock

$ 888,971 $ (6,357) $ (12,157) s

101,342

Total
Stockholder's

Equity

$ 860,927

101,342

3,654

(40,000)
888391 (6,357) 49,185 (5,876)

3,654
(40,000)
925,923
102,338102,338

(50)

(40,000)
225,000

2,568

1,116,539 (6,357) 111,523 (5,926)

(50)

(40,000)
225,000

2,568
1,21s,779

127,794127,794

1,362

(50,000)

Balances at December 31, 2012

Net Income

Other Comprehensive Income (Loss), Net of
Tax

Dividends Declared to Parent

Balances at December 31, 2013

Net Income

Other Comprehensive Income (Loss), Net of
Tax

Dividends Declared to Parent

Contribution from Parent

Other

Balances at December 31, 2014

Net Income

Other Comprehensive Income (Loss), Net of
Tax

Dividends Declared to Parent

Contribution from Parent

Balances at December 31, 2015

180,000

$1,296,539 $ (6,357) s 189,317 s

1,362
(50,000)
180,000

(4,564) $1,474,935

The accompanying notes are an integral part of these financial statements.
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10-K

NOTES TO CONSOLIDATED FINANCIAL STATEMENTS

NOTE 1. NATURE OF OPERATIONS AND FINANCIAL STATEMENT PRESENTATION

Tucson Electric Power Company (TEP) is a regulated utility that generates, transmits, and distributes electricity to
approximately 417,000 retail electric customers in a 1,155 square mile area in southeastern Arizona. TEP also sells electricity
to other utilities and power marketing entities, located primarily in the western United States. TEP is a wholly owned
subsidiary of UNS Energy Corporation (UNS Energy), a utility services holding company. UNS Energy is an indirect wholly
owned subsidiary of Fortis Inc. (Fortis).

References in these notes to "we" and "our" are to TEP.

FORTIS ACQUISITION OF UNS ENERGY

UNS Energy, the parent of TEP, was acquired by Fortis for $60.25 per share of UNS Energy common stock in cash, effective
August 15, 2014. The Arizona Corporation Commission's (ACC) approval was subject to certain stipulations, including, but
not limited to, the following:

TEP will provide credits on retail customers' bills totaling approximately $19 million over five years: $6 million in
year one and $3 million annually in years two through five. The monthly bill credits will be applied each year from
October through March effective October 1, 2014,

Dividends paid from TEP to UNS Energy cannot exceed 60 percent of TEP's annual net income for the earlier of five
years or until such time that TEP's equity capitalization reaches 50 percent of total capital, and

Fortis making an equity investment of at least $220 million to UNS Energy and its regulated subsidiaries, including
TEP. Following the UNS Energy acquisition, Fortis exceeded the investment requirement by contn'buting $287
million to UNS Energy through December 31, 2014. UNS Energy then contributed $225 million to TEP.

As a result of the acquisition being completed, TEP recorded approximately $15 million, through August 2014, as its allocated
share of acquisition-related expenses, in addition to the customer bill credits discussed above. Acquisition-related expenses,
reported in Operations and Maintenance and Other Expense, include investment banker fees, legal expenses, and accelerated
expenses for certain share-based compensation awards. See Note 9 for additional information regarding share-based
compensation.

BASIS OF PRESENTATION

TEP's consolidated financial statements and disclosures are presented in accordance with Generally Accepted Accounting
Principles (GAAP) in the United States which includes specific accounting guidance for regulated operations. See Note 2 for
additional information regarding regulatory matters. The consolidated financial statements include the accounts of TEP and its
subsidiaries. In the consolidation process, accounts of the parent and subsidiaries are combined and intercompany balances
and transactions are eliminated. TEP jointly owns several generating stations and transmission facilities with non-affiliated
entities. TEP's proportionate share of jointly owned facilities is recorded as Utility Plant on the Consolidated Balance Sheets,
and our proportionate share of the operating costs associated with these facilities is included on the consolidated statements of
income. See Note 3 for additional information regarding Utility Plant.

TEP did not reflect the impacts of acquisition accounting in its financial statements. All adjustments of assets and liabilities to
fair value and the resultant goodwill associated with the acquisition were recorded by FortisUS Inc., a wholly owned
subsidiary of Fortis.

Certain amounts from prior periods have been reclassified to conform to the current year presentation. Most notably, in 2014,
TEP elected to change its method of reporting cash flows from the direct to the indirect method to conform to Fortis'
presentation election.

RECENTLY ADOPTED ACCOUNTING PRONOUNCEMENTS

In 2015, we adopted accounting guidance that:
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limits the circumstances under which a disposal may be reported as a discontinued operation and requires new
disclosures. The adoption of this guidance did not have any impact on our disclosures, financial condition, results of
operations, or cash flows as we did not have any activities that required application of this accounting guidance.

requires debt issuance costs to be presented in the balance sheet as a direct deduction from the canoing value of the
associated debt liability, rather than as deferred charges. The adoption of this standard resulted in reclassification of
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NOTES TO CONSOLIDATED FINANCIAL STATEMENTS (Continued)

debt issuance costs from Other Current Assets and Other Assets to Long-Term Debt on the Consolidated Balance
Sheets. TEP will continue to accost for debt issuance costs related to line-of-credit arrangements as an asset. TEP
reclassified $11 million at December 31, 2014 from Other Current Assets and Other Assets to Long-Term Debt to
conform to the current year presentation.

simplifies the presentation of deferred taxes by requiring deferred tax assets and liabilities to be classified as
noncurrent on the balance sheet. The adoption of this standard resulted in a reclassification of deferred income taxes
from Deferred Income Taxes - Current Assets to Deferred Income Taxes - Regulatory and Other Liabilities. TEP
reclassified $102 million at December 3 l, 2014 from Deferred Income Taxes - Current Assets to Deferred Income
Taxes - Regulatory and Other Liabilities to conform to the current year presentation.

USE OF ACCOUNTING ESTIMATES

Management uses estimates and assumptions
assumptions affect:

when preparing financial statements under GAAP. These estimates and

assets and liabilities on our balance sheets at the dates of the financial statements,

our disclosures about contingent assets and liabilities at the dates of the financial statements, and

our revenues and expenses in our income statements during the periods presented.

Because these estimates involve judgments based upon our evaluation of relevant facts and circumstances, actual results may
differ from the estimates.

ACCOUNTING FOR REGULATED OPERATIONS

We apply accounting standards that recognize the economic effects of rate regulation. As a result, we capitalize certain costs
that would be recorded as expense or in Accumulated Other Comprehensive Income (AOCI) by unregulated companies.
Regulatory assets represent incurred costs that have been deferred because they are probable of future recovery in the rates
charged to retail customers or to wholesale customers through transmission tariffs. Regulatory liabilities generally represent
expected future costs that have already been collected from customers or amounts that are expected to be returned to
customers through future rate reductions. n

Estimates of recovering deferred costs and returning deferred credits are based on specific ratemaking decisions or precedent
for each item. Regulatory assets and liabilities are amortized consistent with the treatment in the rate setting process. We
evaluate regulatory assets each period and believe recovery is probable. If iiuture recovery of costs ceases to be probable, the
assets would be written off as a charge to current period earnings or AOCI. See Note 2 for additional information regarding
regulatory matters.

TEP applies regulatory accounting as the following conditions exist:

An independent regulator sets rates,

The regulator sets the rates to recover the specific enterprise's costs of providing service, and

Rates are set at levels that will recover the entity's costs and can be charged to and collected from customers.

CASH AND CASH EQUIVALENTS

We consider all highly liquid investments with a remaining maturity of three months or less at acquisition to be cash
equivalents.

RESTRICTED CASH

Cash balances that are restricted regarding withdrawal or usage based on contractual or regulatory considerations are reported
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in Investments and Other Property on the balance sheets. Restricted cash was $4 million at December 31, 2015 and $2 million
at December 31, 2014.

52

https://www.sec.gov/Archives/edgar/data/100122/000010012216000034/tep10k12312015.htm 100/230

HI



4/21/2016

NOTES TO CONSOLIDATED FINANCIAL STATEMENTS (Continued)

ALLOWANCE FOR DOUBTFUL ACCOUNTS

We record an Allowance for Doubtful Accounts to reduce accounts receivable for amounts estimated to be uncollectible. The
allowance is determined based on historical bad debt patterns, retail sales, and economic conditions. Accounts receivable are
charged-off in the period in which the receivable is deemed uncollectible. The change in the balance of the Allowance for
Doubtful Accounts in our Consolidated Balance Sheets is summarized as follows

Year Ended December 31

(in millions)

Beginning of Period

Increases

Charged to Operating Revenues

Charged to Operating Expenses

Write-offs

23

End of Period

The Allowance for Doubtful Accounts increased in 2015 due to Third-Pany Owners' claims at Springerville Unit 1. See Note
7 for additional information regarding the Third-Party Owners' claims

INVENTORY

We value materials, supplies, and fuel inventory at the lower of weighted average cost or market, unless evidence indicates
that the weighted average cost (even if in excess of market) will be recovered in retail rates. We capitalize handling and
procurement costs (such as labor, overhead costs, and transportation costs) as part of the cost of the inventory. Materials and
Supplies consist of generation, transmission, and distribution construction and repair materials

UTILITY PLANT

Utility Plant includes the business property and equipment that supports electric service, consisting primarily of generation
transmission, and distribution facilities. We report utility plant at original cost. Original cost includes materials and labor
contractor services, construction overhead (when applicable), and an Allowance for Funds Used During Construction
(AFUDC), less contributions in aid of construction

We record the cost of repairs and maintenance, including planned major overhauls, to Operations and Maintenance (O&M)
expense in the income statement as costs are incurred

When a unit of regulated property is retired, we reduce accumulated depreciation by the original cost plus removal costs less
any salvage value. There is no income statement impact

AFUDC and Capitalized Interest

AFUDC reflects the cost of debt and equity funds used to finance construction and is capitalized as part of the cost of
regulated util ity plant. AFUDC amounts are capitalized and amortized through depreciation expense as a recoverable cost in
Retail Rates. The capitalized interest that relates to debt is recorded as a reduction in Interest Expense in the income statement
The capitalized cost for equity funds is recorded as Other Income in the income statement

The average AFUDC rates on regulated construction expenditures are included in the table below

Average AFUDC Rates 6 .12% 7.30% 7.38%

Depreciation
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We compute depreciation for owned utility plant on a group method straight-line basis at depreciation rates based on the
economic lives of the assets. See Note 3 for additional infonnation regarding Utility Plant. The ACC approves depreciation
rates for all generation and distribution assets. Transmission assets are subject to the jurisdiction of the Federal Energy
Regulatory Commission (FERC). Depreciation rates are based on average useful lives and include estimates for salvage value
and removal costs
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Below are the summarized average annual depreciation rates for all utility plant

Average Annual Depreciation Rates 2.83% 2.99% 3.16%

Utility Plant Under Capital Leases

TEP finances the facilities at Springerville used in common with Springerville Unit 1 and Unit 2 (Springerville Common
Facilities) with capital leases. The capital lease expense incurred consists of Amortization Expense and Interest Expense-
Capital Leases. See Note 3 for additional information regarding Utility Plant and Note 6 for additional information related to
the lease terms

Computer Software Costs

We capitalize costs incurred to purchase and develop internal use computer software and amortize those costs over the
estimated economic life of the product. If the software is no longer useful, we immediately charge capitalized computer
software costs to expense

ASSET RETIREMENT OBLIGATIONS

TEP has identified legal Asset Retirement Obligations (AROs) related to the retirement of certain generation assets
Additionally, TEP incurred AROs related to its photovoltaic assets as a result of entering into various ground leases or
easement agreements. We record a liability for a legal ARO in the period in which it is incurred if it can be reasonably
estimated. When a new obligation is recorded, we capitalize the cost of the liability by increasing the carrying amount of the
related long-lived asset. We record the increase in the liability due to the passage of time by recognizing accretion expense in
O&M expense and depreciate the capitalized cost over the useful life of the related asset or, when applicable, the terms of the
lease subject to ARO requirements. TEP defers costs associated with the majority of its legal AROs as regulatory assets based
on the ACC's approval of these costs in TEP's depreciation rates

Depreciation rates also include a component for estimated future removal costs that have not been identified as legal
obligations. We recover those amounts in the rates charged to retail customers and have recorded an obligation for estimated
costs of removal as regulatory liabilities

EVALUATION OF ASSETS FOR IMPAIRMENT

We evaluate long-lived assets and investments for impairment whenever events or circumstances indicate the carrying value of
the assets may be impaired. If expected future cash flows (without discounting) are less than the carrying value of the asset, an
impairment loss is recognized if the impairment is other-than-temporary and the loss is not recoverable through rates

DEFERRED FINANCING COSTS

We defer the costs to issue debt and amortize such costs to interest expense on a straight-line basis over the life of the debt as
this approximates the effective interest method. Deferred debt issuance costs are presented in the balance sheet as a direct
deduction from the carrying value of the associated debt liability. These costs include underwriters' cormnissions, discounts or
premiums, and other costs such as legal, accounting, regulatory fees, and printing costs

TEP accounts for debt issuance costs related to line-of-credit arrangements as an asset

We defer and amortize the gains and losses on reacquired debt associated with regulated operations to interest expense over
the remaining life of the original debt

OPERATING REVENUES

We recognize revenues related to the sale of energy when services or commodities are delivered to customers. The billing of
electric sales to retail customers is based on the reading of their meters, which occurs on a systematic basis throughout the

https://www.sec.gov/Archives/edgar/data/100122/000010012216000034/tep10k12312015.htm 103/230



4/21/2016

month. Operating revenues include an estimate for unbilled revenues from service that has been provided but not billed by the
end of an accounting period. At the end of the month, amounts of energy delivered since the last meter reading are estimated
and the corresponding unbilled revenue is calculated using average customer Retail Rates

For purchased power and wholesale sales contracts that are settled financially, TEP nets the sales contracts with the purchase
power contracts and reflects the net amount as Electric Wholesale Sales
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TEP recognizes monthly management fees in Other Revenues as the operator of Springerville Unit 3 on behalf of Tri-State
Generation and Transmission Association, Inc. (Tri-State) and Springerville Unit 4 on behalf of Salt River Project Agriculture
Improvement and Power District (SRP). Additionally, Other Revenues include reimbursements from Tri-State and SRP for
various operating expenses at Springerville and for the use of the Springerville Common Facilities and the Springerville Coal
Handling Facilities. The offsetting expenses are recorded in the respective line items of the income statements based on the
nature of services provided. As the operating agent for Tri-State and SRP, TEP may earn performance incentives based on unit
availability which are recognized in Other Revenues in the period earned

The ACC has authorized mechanisms for Lost Fixed Cost Recovery (LFCR) related to kilowatt-hour (kph) sales lost due to
Energy Efficiency Standards (EE Standards) and distributed generation. We recognize revenues in the period that verifiable
energy savings occur. Revenue recognition related to the LFCR creates a regulatory asset until such time as the revenue is
collected

PURCHASED POWER AND FUEL ADJUSTMENT CLAUSE

We recover actual fuel, purchased power and transmission costs to provide electric service to retail customers through base
fuel rates and a Purchased Power and Fuel Adjustment Clause (PPFAC); the ACC periodically adjusts the PPFAC rate at
which TEP recovers these costs. The difference between costs recovered through rates and actual fuel, purchased power
transmission, and other approved costs to provide retail electric service is deferred. Cost over-recoveries are deferred as
regulatory liabilities and cost under-recoveries are deferred as regulatory assets. See Note 2 for additional information
regarding regulatory matters

RENEWABLE ENERGY AND ENERGY EFFICIENCY PROGRAMS

The ACC's Renewable Energy Standard (RES) requires TEP to increase its use of renewable energy each year until it
represents at least 15% of its total annual retail energy requirements in 2025, with distributed generation accounting for 30%
of the annual renewable energy requirement. TEP must file an annual RES implementation plan for review and approval by
the ACC. The approved cost of carrying out this plan is recovered from retail customers through the RES surcharge. The ACC
has also approved recovery of operating costs, depreciation, property taxes, and a return on investments in company-owned
solar projects through the RES tariff until such costs are reflected in retail customer rates

TEP is required to implement cost-effective Demand Side Management (DSM) programs to comply with the ACC's EE
Standards. The EE Standards provide for a DSM surcharge to recover, from retail customers, the costs to implement DSM
programs. The EE Standards require increasing annual targeted retail kph savings equal to 22% by 2020

Any RES or DSM surcharge collections above or below the costs incurred to implement the plans are deferred and reflected in
the financial statements as a regulatory asset or liability. TEP recognizes RES and DSM surcharge revenue in Electric Retail
Sales in amounts necessary to offset recognized qualifying expenditures

RENEWABLE ENERGY CREDITS

The ACC measures compliance with the RES requirements through Renewable Energy Credits (RECs). A REC represents one
kph generated from renewable resources. When TEP purchases renewable energy, the premium paid above the market cost of
conventional power equals the REC cost recoverable through the RES surcharge. As described above, the market cost of
conventional power is recoverable through the PPFAC

When RECs are purchased, TEP records the cost of the RECs (an indefinite-lived intangible asset) as Other Assets, and a
corresponding regulatory liability, to reflect the obligation to use the RECs for future RES compliance. When RECs are
reported to the ACC for compliance with RES requirements, TEP recognizes Purchased Power expense and Other Revenues
in an equal amount. See Note 2 for additional information regarding regulatory matters

INCOME TAXES

Due to the difference between GAAP and income tax laws, many transactions are treated differently for income tax purposes
than for financial statement presentation purposes. Temporary differences are accounted for by recording deferred income tax
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assets and liabilities on our balance sheets. These assets and liabilities are recorded using enacted income tax rates expected to
be in effect when the deferred tax assets and liabilities are realized or settled. We reduce deferred tax assets by a valuation
allowance when, in the opinion of management, it is more likely than not that some portion or the entire deferred income tax
asset will not be realized

Tax benefits are recognized when it is more likely than not that a tax position will be sustained upon examination by the tax
authorities based on the technical merits of the position. The tax benefit recorded is the largest amount that is more than 50%

55

https://www.sec.gov/Archives/edgar/data/100122/000010012216000034/tep10k12312015.htm 106/230



4/21/2016 10-K
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likely to be realized upon ultimate settlement with the tax authority, assuming full knowledge of the position and all relevant
facts. Interest expense accruals relating to income tax obligations are recorded in Other Interest Expense.

Prior to 1990, TEP flowed through to ratepayers certain accelerated tax benefits related to utility plant as the benefits were
recognized on tax returns. Regulatory Assets include income taxes recoverable through future rates, which reflects the future
revenues due to TEP from ratepayers as these tax benefits reverse. See Note 2 for additional information regarding regulatory
matters.

We account for federal energy credits generated prior to 2012 using the grant accounting model. The credit is treated as
deferred revenue, which is recognized over the depreciable life of the underlying asset. The deferred tax benefit of the credit is
treated as a reduction to income tax expense in the year the credit arises. Federal energy credits generated since 2012 are
deferred as Regulatory Liabilities - Noncurrent and amortized as a reduction in Income Tax Expense over the tax life of the
underlying asset. Income Tax Expense attributable to the reduction in tax basis is accounted for in the year the federal energy
credit is generated and is deferred as regulatory assets. All other federal and state income tax credits are treated as a reduction
to Income Tax Expense in the year the credit arises.

Income tax liabilities are allocated to TEP based on its taxable income as reported in the FortisUS Inc. consolidated tax return.

TAXES OTHER THAN INCOME TAXES

We act as conduits or collection agents for sales taxes, utility taxes, franchise fees, and regulatory assessments. As we bill
customers for these taxes and assessments, we record trade receivables. At the same time, we record liabilities payable to
governmental agencies on the balance sheet for these taxes and assessments. These amounts are not reflected in the income
statements.

FAIR VALUE

As defined under GAAP, fair value is the price that would be received to sell an asset or paid to transfer a liability between
market participants in the principal market or in the most advantageous market when no principal market exists. Adjustments
to transaction prices or quoted market prices may be required in illiquid or disorderly markets in order to estimate fair value.
Different valuation techniques may be appropriate under the circumstances to determine the value that would be received to
sell an asset or paid to transfer a liability in an orderly transaction. Market participants are assumed to be independent,
knowledgeable, able and willing to transact an exchange, and not under duress. Nonperformance or credit risk is considered in
determining fair value. Considerable judgment may be required in interpreting market data used to develop the estimates of
fair value. Accordingly, estimates of fair value presented herein are not necessarily indicative of the amounts that could be
realized in a current or future market exchange. See Note ll for additional information regarding fair value.

DERIVATIVE INSTRUMENTS

We use various physical and financial derivative insMments, including forward contracts, financial swaps, and call and put
options, to meet forecasted load and reserve requirements, to reduce our exposure to energy commodity price volatility and to
hedge our interest rate risk exposure. For all derivative instruments that do not meet the nonna purchase or normal sale scope
exception, we recognize derivative instruments as either assets or liabilities on the Consolidated Balance Sheets and measure
those instruments at fair value. The accounting for changes in the fair value of a derivative depends on the intended use of the
derivative and the resulting designation.

Commodity derivatives used in normal business operations that are settled by physical delivery, among other criteria, are
eligible for and may be designated as normal purchases or normal sales. Normal purchases or normal sales contracts are not
recorded at fair value and settled amounts are recognized as cost of fuel, energy and capacity on the Consolidated Statements
of Income.

For our derivatives designated as hedging contracts, we formally assess, at inception and thereafter, whether the hedging
contract is highly effective in offsetting changes in the hedged item. Also, we formally document hedging activity by
transaction type and risk management strategy.
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For our derivatives not designated as hedging contracts, the settled amount is generally included in regulated rates.
Accordingly, the net unrealized gains and losses associated with interim price movements on contracts that are accounted for
as derivatives and probable of inclusion in regulated rates are recorded as regulatory assets and liabilities. See Note ll for
additional information regarding derivative instruments.
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PENSION AND OTHER RETIREE BENEFITS

We sponsor noncontributory, defined benefit pension plans for substantially all employees and certain affiliate employees
Benefits are based on years of service and average compensation. We also provide limited health care and life insurance
benefits for retirees

We recognize the underfunded status of our defined benefit pension plans as a liability on our balance sheet. The underfunded
status is measured as the difference between the fair value of the pension plans' assets and the projected benefit obligation for
the pension plans. We recognize a regulatory asset to the extent these future costs are probable of recovery in the rates charged
to retail customers and expect to recover these costs over the estimated service lives of employees

Additionally, we maintain a Supplemental Executive Retirement Plan (SERP) for senior management. Changes in SERP
benefit obligations are recognized as a component of AOCI

Pension and other retiree benefit expenses are determined by actuarial valuations based on assumptions that we evaluate
annually. See Note 8 for additional information regarding the employee benefit plans

NOTE z. REGULATORY MATTERS

The ACC and theFERC each regulate portions of TEP's utility accounting practices and rates. The ACC regulates rates
charged to retail customers, the siring of generation and transmission facilities, the issuance of securities, transactions with
affiliated parties, and other utility matters. The ACC also enacts other regulations and policies that can affect business
decisions and accounting practices. The FERC regulates terms and prices of transmission services and wholesale electricity
sales

2015 RATE CASE

In November 2015, TEP filed a general rate case with the ACC based on a test year ended June 30, 2015. The filing requests
that new rates be implemented by January 1, 2017

The key provisions of TEP's general rate case include

a Base Rate increase of $110 million, or 12%, compared with adjusted test year revenues

a 7.34% return on original cost rate base of $2.1 billion

a request to apply excess depreciation reserves against the unrecovered net book value Q\IBV) of the San Juan
Generating Station (San Juan) Unit 2 and the H. Wilson Sundt Generating Station (Sundt) Coal Handling Facilities
due to early retirement

a request for authority to begin using the Third-Party Owners' portion of Unit I of the Springerville Generating
Station (Springerville Unit 1) that is available to TEP for dispatch to serve retail customers' needs and to recover the
related operating costs through the PPFAC, and

rate design changes that would reduce the reliance on volumetric sales to recover fixed costs and a new net metering
tariff that would ensure that customers who install distributed generation pay an equitable price for their electric
service

TEP cannot predict the outcome of this proceeding or whether its rate request will be adopted by the ACC in whole or in part

COST RECOVERY MECHANISMS

TEP has received regulatory decisions that allow for more timely recovery of certain costs through the recovery mechanisms
described below
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Purchased Power and Fuel Adjustment Clause

TEP's PPFAC rate is adjusted annually each April let and goes into effect for the subsequent 12-month period unless modified
by the ACC. The PPFAC rate includes: (i) a forward component which attempts to recover or refund the difference between
forecasted fuel costs and those embedded in the current PPFAC and fuel rates, and (ii) a true-up component that reconciles the
difference between actual costs and those recovered in the preceding 12-month period. The PPFAC bank balance was over
collected by $18 million at December 31, 2015 and under-collected by $19 million at December 3 l, 2014
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The PPFAC rates during the periods reported were as follows

Cents per kphPeriod

April 2015 through March 2016

October 2014 through March 2015

May 2014 through September 2014 <1)

July 2013 through April 2014 (2)

January 2013 through June 2013

(0.14)

(1)

(2)

The ACC approved a two-step increase to shift a higher level of recovery into the winter season

The effective date of the 2012 PPFAC rate reduction was deferred to coincide with the effective date of the 2013 Rate Order

San Juan Mine Fire Insurance Proceeds

In September 2011, a fire at the underground mine providing coal to San Juan caused interruptions to mining operations and
resulted in increased fuel costs. The 2013 Rate Order required TEP to defer incremental fuel costs of $10 million from
recovery under the PPFAC pending final resolution of an insurance claim by the San Juan Coal Company (SJCC) and
distribution of insurance proceeds to San Juan participants. TEP received insurance proceeds of $1 million in 2015 and $8
million in 2014. The insurance proceeds offset the deferred Mel costs and are included in the Statements of Cash Flows as an
operating activity. The remaining $1 million of unreimbursed fuel costs will be recovered through the PPFAC, in accordance
with the 2013 Rate Order

Renewabl e  E ner gy S tandar ds

The ACC's RES requires TEP and other affected utilities to increase their use of renewable energy each year until it represents
at least 15% of their total annual retail energy requirements in 2025, with distributed generation accounting for 30% of the
annual renewable energy requirement. Affected utilities must file an annual RES implementation plan for review and approval
by the ACC. The approved cost of carrying out the plan is recovered from retail customers through the RES surcharge until
such costs are reflected in TEP's Base Rates. The associated lost revenues attributable to meeting distn'buted generation
targets will be partially recovered through the LFCR

In July 2015, TEP submitted its application for the 2016 RES implementation plan that includes a budget of $57 million
which will be partially offset by applying approximately $9 million of previously recovered carryover iiunds. TEP proposed to
recover $48 million through the RES surcharge. The budget will fund the following: (i) the above market cost of renewable
energy purchases, (ii) previously awarded performance-based incentives for customer installed distributed generation, (iii)
depreciation and a return on TEP's investments in company-owned solar projects, and (iv) various other program costs. TEP
expects to receive a decision on the application in the Hrst half of 2016. TEP expects to recognize approximately $9 million of
revenue in 2016 as a return on company-owned solar projects

TEP met the overall 2015 RES renewable energy requirement of 5% of retail Kilowatt-hour (kph) sales and expects to meet
the 2016 requirement of 6% of retail kph sales. Compliance is determined through the ACC's review of TEP's annual RES
implementation plan. As TEP no longer pays incentives to obtain distributed generation REC, which are used to demonstrate
compliance with the distributed generation requirement, the company has requested a waiver of the RES distributed
generation requirements in its 2016 RES implementation plan

Energy Efficiency Standards

In 2010, the ACC approved new EE Standards designed to require electric utilities to implement cost-effective programs to
reduce customers' energy consumption. The EE Standards require increasing cumulative annual targeted retail kph savings
equal to 22% by 2020. Since the implementation of the EE Standards, TEP's cumulative annual energy savings are
approximately 9.3% of 2015 retail kph sales. TEP's compliance with the EE Standards is governed by the ACC's approval of
its annual implementation plan
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The EE Standards provide for a DSM surcharge for regulated utilities to recover the costs to implement DSM programs as
well as an annual performance incentive. TEP recorded $3 million in 2015, $2 million in 2014, and less than $1 million in
2013 related to performance. The performance incentive is recorded in the first quarter of the year and is included in Electric
Retail Sales on the Consolidated Statements of Income

In February 2016, the ACC approved TEP's 2016 energy efficiency implementation plan. Under the 2016 plan, TEP has been
approved to recover approximately $14 million from retail customers and will offer customers new and existing DSM
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programs. Energy savings realized through the programs will count toward Arizona's EE Standard and the associated lost
revenue will be partially recovered through the LFCR

Lost Fixed Cost Recovery Mechanism

The LFCR mechanism provides recovery of certain non-fUel costs that would go unrecovered due to lost retail kph sales as a
result of implementing ACC approved energy efficiency programs and distributed generation targets. TEP records a regulatory
asset and recognizes LFCR revenues when the amounts are verifiable, regardless of when the lost retail kph sales occur. For
recovery of the LFCR regulatory asset, TEP is required to tile an annual LFCR adjustment request with the ACC for the
LFCR revenues recognized in the prior year. The recovery is subject to a year-over-year cap of 1% of TEP's total retail
revenues

TEP recorded a regulatory asset and recognized LFCR revenues of $12 million in 2015, $11 million in 2014, and $2 million in
2013 related to reductions in retail kph sales for the prior years. LFCR revenues are included in Electric Retail Sales on the
Consolidated Statements of Income

Appellate Review of Rate Decisions

In a 2015 appellate challenge to two ACC rate decisions regarding a water company, the Arizona Court of Appeals considered
the question of how the ACC should determine a utility's "fair value", as specified in the Arizona Constitution, in connection
with authorizing recovery of costs through rate adjustors outside of a rate case. The Court reversed the ACC's method of
finding fair value in that case, and raised questions concerning the relationship between the need for fair value findings and the
recovery of capital and certain other utility costs through adjustors. In February 2016, the Arizona Supreme Court granted the
ACC's request for review of this decision. If the Supreme Court upholds the decision without modification, certain TEP rate
adjustors may be negatively affected which could have a significant impact on TEP's ability to recover certain costs between
rate cases. TEP filed a brief in support of the ACC's petition to the Supreme Court for review of the Court of Appeals
decision, but cannot predict the outcome of this matter
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REGULATORY ASSETS AND LIABILITIES

Regulatory assets are either being collected in Retail Rates or are expected to be collected through Retail Rates in a future
period. With the exception of interest earned on under-recovered PPFAC costs and the ECA, we do not earn a return on
regulatory assets. Regulatory liabilities represent items that we either expect to pay to customers through billing reductions in
future periods or plan to use for the purpose for which they were collected from customers. Regulatory assets and liabilities
recorded on the Consolidated Balance Sheets are summarized below

December 31

(in millions)

Regulatory Assets

Pension and Other Retiree Benefits (Note 8)

Final Mine Reclamation and Retiree Health Care Costs (1)

Income Taxes Recoverable through Future Rates (2)

Property Tax Deferrals (3)

Springerville Unit 1 Leasehold Improvements - Third Party Owners (4)

LFCR and DSM

Derivatives (Note 11)

PPFAC

Springerville Purchase Deferrals (5>

Other Regulatory Assets

Total Regulatory Assets

Less Current Portion

Total Non-Current Regulatory Assets

Regulatory Liabilities

Net Cost of Removal for Interim Retirements (6)

Deferred Investment Tax Credits (7)

PPFAC

Other Regulatory Liabilities

Total Regulatory Liabilities

Less Current Portion

Total Non-Current Regulatory Liabilities

(1) Final Mine Reclamation and Retiree Health Care Costs represent costs associated with TEP's jointly-owned facilities at San Juan
Four Corners, and Navajo. TEP has the option to recognize its liability associated with final reclamation and retiree health care
obligations at present or future value. TEP has elected to recognize these costs at future value and is permitted to fully recover these
costs through the PPFAC when paid. TEP expects to make continuous payments through 2037

(2) Income Taxes Recoverable through Future Rates are amortized over the life of the assets. See Note 1 and Note 12 for additional
information regarding income taxes

Property taxes are recorded as a regulatory asset based on historical ratemaking treatment allowing regulated utilities to recover
property taxes on a pay-as-you-go or cash basis. TEP records a liability to reflect the accrual for financial reporting purposes and an
offsetting regulatory asset to reflect recovery for regulatory purposes. This asset is fully recovered in rates with a recovery period of
approximately six months
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Upon expiration of Springerville Unit 1 capital leases in January 2015, TEP recorded a regulatory asset for unamortized leasehold
improvement costs that relate to third-party ownership interests. These leasehold improvements, previously recorded in Plant in
Service on the Consolidated Balance Sheets, represent investments TEP made through the end of the lease term to ensure that the
Springerville Unit 1 facilities continued providing safe, reliable service to TEP's customers. In the 2013 Rate Order, TEP received
ACC authorization to recover Springerville Unit 1 leasehold improvement costs over a 10-year amortization period.

(5) TEP deferred the increase in lease interest expense relating to the purchase commitments for Springerville Unit l and the
Springerville Coal Handling Facilities to a regulatory asset because TEP believes the fol] purchase price is recoverable in rate base.
See Note 6 for additional information regarding the Springerville leases.
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NOTES TO CONSOLIDATED FINANCIAL STATEMENTS (Continued)

(6) Net Cost of Removal for Interim Retirements represents an estimate of the cost of future asset retirement obligations net of salvage
value. These are amounts collected through revenue for the net cost of removal of interim retirements for transmission, distribution,
generation plant, and general and intangible plant which are not yet expended.

(7) Accumulated Deferred Investment Tax Credit (ITC) represents federal energy credits generated after 2011 that are amortized over
the tax life of the underlying asset.

IMPACTS OF REGULATORY ACCOUNTING

I f  we determine that we no longer meet the cr i ter ia for cont inued applicat ion of  regulatory accounting, we would be required

to write of f  our regulatory assets and l iabil i t ies related to those operations not meeting the regulatory accounting requirements.

Discontinuation of  regulatory accounting could have a mater ial impact on our f inanc ial s tatements.

NOTE 3. UTILITY PLANT AND JOINTLY-OWNED FACILITIES

UTILITY PLANT

The following table shows Utility Plant in Service by major class:

December 31,

2015 2014(in millions)

Plant in Service

Electric Generation Plant

Electric Transmission Plant

Electric Distribution Plant

General Plant

Intangible Plant - Software Costs <1) (2)

Intangible Plant - Transmission Rights and Other

Electric Plant Held for Future Use

$ $

Total Plant in Service $

2,612
1,008
1,456
358
172

7
5

5,618 $

2,388
890

1,398
338
149

8
4

5,175

Utility Plant under Capital Leases (3) $ 132 $ 667

(1>

(2)

Unamortized computer software costs were $45 million and $31 million as of December 31, 2015 and 2014, respectively.

The amortization of computer software costs was $14 million in 2015, $17 million in 2014, and $14 million in 2013.

(3) TEP purchased certain Springerville facilities leased interests in 2015 and 2014. See Note 6 for additional information regarding the
Springerville leases.
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NOTES TO CONSOLIDATED FINANCIAL STATEMENTS (Continued)

Utility Plant under Capital Leases

All utility plant under capital leases is used in generation operations and amortized over the primary lease term. See Note 6 for
additional infonnation regarding capital leases. At December 31, 2015, the utility plant under capital leases represents an
undivided one-half interest in certain Springerville Common Facilities. The following table shows the amount of lease
expense incurred for generation-related capital leases

Year Ended December 31

(in millions)

Lease Expense

Interest Expense - Included in

Capital Leases

Operating Expenses - Fuel

Amortization of Capital Lease Assets - Included in

Operating Expenses - Fuel

Operating Expenses - Amortization

TotalLease Expense

25

Utility plant depreciation rates and approximate average remaining service lives based on the most recent depreciation studies
available for the major classes of Utility Plant in Service at December 3 l, 2015, were as follows

Annual Depreciation
Rate m

3.31 %

Average Remaining
Life in Years

2 2

32

Electric Generation Plant

Electric Transmission Plant

Electric Distribution Plant

General Plant

Intangible Plant (2)

2.08%

5.48%

Various Various

(I) The depreciation rates represent a composite of the depreciation rates of assets within each major class of utility plant

(2) The majority of TEP's investment in intangible plant represents computer software, Computer software is being amortized over its
expected useful life of three to five years for smaller application software and average remaining life of three to eight years for large
enterprise software

GILA RIVER ACQUISITION

In December 2014, TEP and UNS Electric, Inc. (UNS Electric) acquired Gila River Unit 3, a gas-tired combined cycle unit
with a nominal capacity rating of 550 megawatts (MW) located in Gila Bend, Arizona, from a subsidiary of Entegra Power
Group LLC. TEP purchased a 75% undivided interest in Gila River Unit 3 (413 MW) for $164 million, and UNS Electric
purchased the remaining 25% undivided interest

TEP's purchase of Gila River Unit 3 was intended to replace the reduction of 195 MW of output from Springerville Unit 1 and
the 170 MW of capacity expected to be retired at San Juan in 2017

The transaction was accounted for using the acquisition method of accounting which requires that assets acquired and
liabilities assumed be recognized at their fair values as of the acquisition date. The following table summarizes the assets
acquired and liabilities assumed as of the acquisition date

(in millions)

Utility Plant, Net
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Materials and Supplies

ARO Obligation Assumed (1)

Total Purchase Price

(I) The ARO obligation was recorded at net present value in Regulatory and Other Liabilities - Other on TEP's Consolidated Balance
Sheets
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NOTES TO CONSOLIDATED FINANCIAL STATEMENTS (Continued)

JOINTLY-OWNED FACILITIES

In addition to Gila River Unit 3, at December 31, 2015, TEP was a participant in the following jointly-owned generating
stations and transmission systemsl

Ownership
Percentage

Construction
Work in
Progress

Accumulated
Depreciation

$ 12

2

9

s 251

112

77

50.0%

7.5%

7.0%

33.3%

75.0%

18.8%

49.5%

Plant in Service

$ 486

148

102

54

198

25

319

2

(in millions)

San Juan Units 1 and 2

Navajo Units l, 2, and 3

Four CorNers Units 4 and 5

Luna Energy Facility

Gila River Unit 3

Gila River Common Facilities

Springewille Unit 1 (1)

Springeryille Coal Handling Facility
(2)

Transmission Facilities

8

56

7

174

Net Book Value

$ 247

38

34

54

144

18

153

65.9%

Various

Total $

164

383

1,879 $

1

1

35 $

65

172

914 $

100

212

1,000

(1) TEP is obligated to operate the unit for the Third-Party Owners under existing agreements. The Owner Trustees and Co-Trustees are
obligated to compensate TEP for their pro rata share of expenses. See Note 6 for additional information regarding the purchase of
leased interest. See Note 7 for additional information regarding Springerville Unit 1.

(2) TEP owns an additional 17.05% undivided interest in the Springerville Coal Handling Facilities classified as Assets Held for Sale
on the Consolidated Balance Sheets. See Note 6 for additional information regarding the Springerville Coal Handling Facilities
lease interests.

As participants in these jointly-owned facilities, we are responsible for our share of operating and capital costs for the above
facilities. We account for our share of operating expenses and utility plant costs related to these facilities using proportionate
consolidation.

RETIREMENTS

San Juan

In October 2014, the EPA published a final rule approving a State Implementation Plan (SIP) covering BART requirements for
San Juan, which includes the closure of Units 2 and 3 by December 2017. TEP is a participant in San Juan Unit 2. Given the
closure of two units and the desire of certain participants to exit their ownership in San Juan, PNM and the other participants,
including TEP, negotiated restructured ownership agreements which became effective upon the sale of San Juan Coal
Company's (SJCC) stock in January 2016. As a condition of the New Mexico Public Regulatory Commission's (NMPRC)
approval of the early retirement of San Juan Units 2 and 3, PNM is required to make a filing with the NMPRC in 2018 to
demonstrate the ongoing economic viability of San Juan beyond 2022. Under the new restructured ownership agreements,
TEP and the other remaining participants have the option to exit their remaining ownership interest in San Juan as of June 30,
2022.

At December 31, 2015, the net book value of TEP's share in San Juan Unit 2, including construction work in progress, was
$104 million. Consistent with the 2013 Rate Order, TEP has requested authorization from the ACC to apply excess
depreciation reserves against the unrecovered net book value in its 2015 Rate Case. See Note 2 for additional information
regarding the 2015 Rate Case.

Sundt

In June 2014, the EPA issued a final rule that would require TEP to either: (i) install, by mid-2017, SNCR and div sorbent
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injection if Sundt Unit 4 continues to use coal as a fuel source; or (ii) permanently eliminate coal as a fuel source as a better-
than-BART alternative by the end of 2017. Under the rule, TEP is required to notify the EPA of its decision by March 2017.

At December 31, 2015, the net book value of the Sundt coal handling facilities was $16 million. In August 2015, TEP
exhausted its existing coal supply at Sundt and has been operating Sundt with natural gas as a primary fuel source. TEP
expects to retire the Sundt coal handling facilities earlier than expected, and has requested to apply excess depreciation
reserves against the unrecovered net book value in its 2015 Rate Case. See Note 2 for additional information regarding the
2015 Rate Case.
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NOTES TO CONSOLIDATED FINANCIAL STATEMENTS (Continued)

ASSET RETIREMENT OBLIGATIONS

The accrual of AROs is primarily related to generation and photovoltaic assets and is included in Regulatory and Other
Liabilities on the Consolidated Balance Sheets. The following table reconciles the beginning and ending aggregate carrying
amounts of ARO accruals on the Consolidated Balance Sheets

December 31

(in millions)

Beginning of Period

Liabilities Incurred

Accretion Expense or Regulatory Deferral

Revisions to the Present Value of Estimated Cash Flows (1)

End of Period

Primarily related to changes in expected cost estimates,
facilities

in conjunction with changes of asset retirementdatesof generating

NOTE 4. ACCOUNTS RECEIVABLE

The following table presents the components of Accounts Receivable, Net on the Consolidated Balance Sheets

December 31

(in millions)

Customer

Due from Aliiliates (Note 5)

Unbilled

Other

Allowance for Doubtful Accounts ll)

Accounts Receivable. Net

(1> The Allowance for Doubtful Accounts increased in 2015 due to the Third-Party Owners' claims at Springerville Unit l. See Note 7
for additional information regarding the Third-Party Owners' claims

NOTE 5. RELATED PARTY TRANSACTIONS

TEP engages in various transactions with Fortis, UNS Energy and its affiliated subsidiaries including Unisource Energy
Services, Inc. (UES), UNS Electric, UNS Gas, Inc. (UNS Gas) and Southwest Energy Solutions, Inc. (SES) (collectively, UNS
Energy affiliates). These transactions include the sale and purchase of power and transmission services, common cost
allocations, and the provision of corporate and other labor related services
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NOTES TO CONSOLIDATED FINANCIAL STATEMENTS (Continued)

The following table presents the components of related party balances included in Accounts Receivable, Net and Accounts
Payable on the Consolidated Balance Sheets

December 31

(in millions)

Receivables from Related Parties

UNS Electric

UNS Gas

$

Total Due from Related Parties $

Payables to Related Parties

UNS Electn'c

UNS Energy

Total Due to Related Parties

The following table presents the components of related party transactions included on the Consolidated Statements of Income

Year Ended December 31

(in millions)

Wholesale Sales - TEP to UNS Electric (1)

Wholesale Sales - UNS Electric to TEP (1)

Control Area Services - TEP to UNS Electric (2)

Common Costs - TEP to UNS Energy Affiliates

Supplemental Workforce - SES to TEP (4)

Corporate Services - UNS Energy to TEP (5)

Corporate Services - UNS Energy Affiliates to TEP (6)

2

12 13 12

(1)

(2>

TEP and UNS Electric sell power and transmission services to each other at prevailing market prices

TEP charges UNS Electric for control area services under a FERC-approved Control Area Services Agreement

(3) Common costs (information systems, facilities, etc.) are allocated on a cost-causative basis and recorded as revenue by TEP. The
method of allocation is deemed reasonable by management and is reviewed by the ACC as part of the rate case process

SES provides supplemental workforce and meter-reading services to TEP based on related party service agreements. The charges
are based on cost of services performed and deemed reasonable by management

(5> Costs for corporate services at UNS Energy include Fortis management fees, legal fees, and audit fees which are allocated to its
subsidiaries using the Massachusetts Formula, an industry accepted method of allocating common costs to affiliated entities. TEP's
allocation is approximately 81% of UNS Energy's allocated costs. In 2015, these costs included approximately $5 million in Fortis
management fees, which began in January 2015 following the August 2014 acquisition. In 2014, these costs included approximately
$12 million in acquisition-related costs (excluding TEP allocated labor related charges)

(6) Costs for corporate services (e.g., finance, accounting, tax, legal, and information technology) and other labor services for UNS
Energy Aflfiliates are directly assigned to the benefiting entity at a fully burdened cost when possible

CONTRIBUTION FROM PARENT

In June 2015, UNS Energy made an equity contribution to TEP of $180 million. TEP used proceeds from the equity
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contribution to repay the outstanding balances under TEP's revolving credit facilities. The remaining balance of the proceeds
was used to redeem bonds in August 2015 and to provide additional liquidity to TEP. See Note 6 for additional information
regarding the August 2015 bond redemption. TEP received contributions of $225 million from UNS Energy in 2014 and no
contributions in 2013

DIVIDEND PAID

TEP declared and paid $50 million in dividends to UNS Energy in 2015 and $40 million in 2014 and 2013
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NOTES TO CONSOLIDATED FINANCIAL STATEMENTS (Continued)

The ACC's approval of the acquisition of UNS Energy by Fortis, in August 2014, contained a condition restricting subsidiary
dividend payments to UNS Energy by TEP to no more than 60 percent of TEP's annual net income for the earlier of five years
or until such time that TEP's equity capitalization reaches 50 percent of total capital as accounted for in accordance with
GAAP. The ratios used to determine the dividend restrictions will be calculated for each calendar year and reported to the
ACC annually beginning on April 1, 2016. As of December 3 l, 2015, TEP had not reached the 50 percent of total capital and
was therefore still restricted by the condition contained in the ACC's approval order

NOTE 6. DEBT. CREDIT FACILITIES. AND CAPITAL LEASE OBLIGATIONS

LONG-TERM DEBT

Long-term debt matures more than one year from the date of the financial statements. The following table presents the
components of Long-Term Debt on the Consolidated Balance Sheets

December 31

Interest Rate Maturity Date

m,

3.85%

3.05%

Reset Weekly

Reset Weekly 4 0

5.25%

4.00%

Reset Monthly

(dollars in millions)

Debt (1)

N o t e s

2 0 1 1  N ot es

2 0 1 2  N o t es

2 0 1 4  N o t es

2 0 1 5  N o t e s

T a x  E xempt  L oca l  F u r n i sh i ngs  B onds

1 9 8 2  P i ma  A I r v i ng t on  P r o j ec t

1 9 8 2  P i ma  A T E P  P r o j ec t s

2 0 0 8  P i ma  B

2 0 1 0  P i ma  A

2 0 1 2  P i ma  A

2 0 1 3  P i m a  A

2 0 1 3  Ap a c h e  A

T a x  E xempt  P o l l u t i on  C on t r o l  B onds

2 0 0 9  P i ma  A

2 0 0 9  C o c o n i n o  A

2 0 1 0  C o c o n i n o  A

2 0 1 2  Ap a c h e  A

5 . 1 3 %

R e se t  W e e k l y

4 . 5 0 %

Total Long-Term Debt

Less Unamortized Discount and Debt Issuance
Costs

Total Long-Term Debt, Net $ 1,452 $ 1 .3 6 2

(1) As of December 31, 2015, all of TEP's debt is unsecured, with the exception of the 2010 Coconino A variable rate bonds, which are
backed by a LO C

(2) For variable rate debt for which rates are reset weekly, the weighted average rate (including LOC fees and remarkeding fees) was
1.24% in 2015 and 1.46% in 2014. The average weekly interest rate ranged from 0.93% - 1.42% in 2015 and 1.40% - 1.75% during
2014. For variable rate debt for which rates are reset monthly, the rate is based on a percentage of an index equal to one-month
London Interbank Offered Rate (LIBOR) plus a credit spread. The average monthly rate was 0.81% in 2015 and 0.87% in 2014. The
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Sr monthly interest rate ranged from 0.79% - 0.87% in 2015 and 0.85% - 0.95% in 2014.

(3) The 2010 Coconino A variable rate bonds are backed by an LOC issued pursuant to the 2010 Reimbursement Agreement, which
expires in December 2019. The 2013 Apache A variable rate bonds are subject to mandatory tender for purchase in 2018.
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NOTES TO CONSOLIDATED FINANCIAL STATEMENTS (Continued)

DEBT ISSUANCES AND REDEMPTIONS

Fixed Rate Debt

In February 2015, TEP issued and sold $300 million aggregate principal amount of senior unsecured notes. TEP may redeem
the notes prior to December 2024, with a make-whole premium plus accrued interest. On or after December 2024, TEP may
redeem the notes at par plus accrued interest

In January 2015, TEP purchased $130 million aggregate principal amount of unsecured tax exempt Industrial Development
Revenue Bonds (IDRBs) issued in June 2008 by the Industrial Development Authority (IDA) of Pima County, Arizona for the
benefit of TEP. The multi-modal bonds mature in September 2029. At December 31, 2015, TEP had not remarkeded the
repurchased bonds and as a result the bonds were not recorded in Long-Term Debt on the Consolidated Balance Sheets

In March 2014, TEP issued and sold $150 million of unsecured notes. TEP may redeem the notes prior to September 2043
with a make-whole premium plus accrued interest. After September 2043, TEP may redeem the notes at par plus accrued
interest

Variable Rate Debt

In August 2015, TEP redeemed two series of variable rate tax-exempt bonds at par with an aggregate principal amount of
$79 million prior to maturity. In September 2015, TEP terminated the associated LOCs issued under a revolving credit facility

In September 2014, TEP's interest rate swap entered into in August 2009 expired. The interest rate swap had the economic
effect of converting $50 million of variable rate bonds to a fixed rate of 2.40% from September 2009 to September 2014

CREDIT AGREEMENTS

In October 2015, TEP entered into an unsecured credit agreement (2015 Credit Agreement) replacing the 2010Credit
Agreement. The 2015 Credit Agreement provides for a $250 million revolving credit commitment and LOC facility. The LOC
sublimity is $50 million. TEP expects that amounts borrowed under the credit agreement will be used for working capital and
other general corporate purposes and that LOCs will be issued from time to time to support energy procurement and hedging
transactions. All amounts outstanding under the facility will be due in October 2020, the termination date. The 2015 Credit
Agreement allows for two one-year extensions of the facility if certain conditions are satisfied

Interest rates and fees under the 2015 Credit Agreement are based on a pricing grid tied to TEP's credit ratings. The interest
rate currently in effect on borrowings is LIBOR plus 1.00% for Eurodollar loans or Alternate Base Rate with no spread for
Alternate Base Rate loans

At December 31 , 2015, TEP had no borrowings outstanding included in Current Liabilities on the Consolidated Balance
Sheets. As of February 17, 2016, there was $250 million available under the 2015 Credit Agreement's revolving credit and
LOC facilities

In 2015, TEP terminated both the 2010 and 2014 Credit Agreements. The amended 2010 Credit Agreement provided for a
$200 million revolving credit commitment and LOCs supporting variable-rate, tax-exempt bonds, with an expiration date of
November 2016. The 2014 Credit Agreement, entered into in December 2014, provided for a $130 million term loan
commitment and a $70 million revolving credit commitment, with an expiration date of November 2015. At December 31
2014, TEP had $85 million in total borrowings outstanding under these agreements which were included in Current Liabilities
on the Consolidated Balance Sheets

2010 REIMBURSEMENT AGREEMENT

In December 2010, a $37 million LOC was issued to support certain variable rate tax-exempt bonds pursuant to the 2010
Reimbursement Agreement. The LOC had an expiration date of December 2014. In February 2014, the LOC was amended to
extend the expiration date from 2014 to 2019. Fees are payable on the aggregate outstanding amount of the LOC at a rate of
0.75% per annum based on TEP's current credit ratings
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COVENANT COMPLIANCE

Certain of our credit and long-term debt agreements contain restrictive covenants, including restrictions on additional
indebtedness, liens to secure indebtedness, mergers, sales of assets, transactions with affiliates, and restricted payments. At
December 31, 2015, we were in compliance with the temps of our long-term debt, 2015 Credit Agreement, 2013 Covenants
Agreement, and2010 Reimbursement Agreement
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NOTES To CONSOLIDATED FINANCIAL STATEMENTS (Continued)

CAPITAL LEASE OBLIGATIONS

The following table details Capital Lease Obligation on TEP's Consolidated Balance Sheets

December 31

$

(in millions)

Springerville Unit 1

Springerville Coal Handling Facilities

Springerville Common Facilities

Total Capital Lease Obligations

Less Current Obligations Under Capital Leases

Total Capital Lease Obligations,Net

69

Springerville Unit 1 Capital Lease Purchases

In December 2014, TEP purchased a 10.6% leased interest in Springeryille Unit 1 representing 41 MW of capacity for the
appraised value of $20 million. In January 2015, upon expiration of the lease term, TEP purchased leased interests comprising
24.8% of Springerville Unit l, representing 96 MW of capacity, for an aggregate purchase price of $46 million, the appraised
value. Upon purchase of the leased interests, TEP reduced Capital Lease Obligations on the Consolidated Balance Sheets for
the purchase price

With the completion of the purchases, TEP owns 49.5% of Springerville Unit 1, or 192 MW of capacity. TEP is obligated to
operate the unit for the Third-Party Owners under existing agreements. The Owner Trustees and Co-Trustees are obligated to
compensate TEP for their pro rata share of expenses. See Note 7 for more information regarding claims relating to
Springerville Unit 1

Springerville Coal Handling Facilities Lease Purchase

In April 2015, upon expiration of the lease, TEP purchased an 86.7% undivided ownership interest in the Springerville Coal
Handling Facilities at the fixed purchase price of $120 million, bringing its total ownership of the assets to l 00%. Upon
purchase of the leased interest, TEP reduced Capital Lease Obligations on the Consolidated Balance Sheets for the purchase

In May2015, SRP, the owner of Springerville Unit 4, purchased from TEP a 17.05% undivided interest in the Springerville
Coal Handling Facilities for approximately $24 million

Tri-State, the lessee of Springerville Unit 3, is obligated to either: (i) buy a 17.05% undivided interest in the facilities for
approximately $24 million, or (ii) continue to make payments to TEP for the use of the facilities. Tri-State has until April 2016
to exercise its purchase option. At December 31, 2015, Tri-State's 17.05% undivided interest in the Springerville Coal
Handling Facilities is classified as Assets Held for Sale on the Consolidated Balance Sheets

Springerville Common Facilities Leases

The Springerville Common Facilities Leases have an initial term to December 2017 for one lease and January 2021 for the
other two leases, subject to optional renewal periods of two or more years through 2025. TEP may also exercise a fixed-price
purchase provision. The fixed prices for the acquisition of the interests in the common facilities are $38 million in 2017 and
$68 million in 2021

TEP entered into agreements with Tri-State, the lessee of Springerville Unit 3, and SRP, the owner of Springerville Unit 4, that
contain the following conditions if the Common Facilities Leases are not renewed

TEP will exercise the purchase options under these contracts
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4 SRP will be obligated to buy a portion of these facilities, and

Tri-State will be obligated to either: (i) buy a portion of these facilities, or (ii) continue making payments to TEP for
the use of these facilities.

TEP entered into an interest rate swap in 2006 that hedges a portion of the floating interest rate risk associated with the
Springewille Common Facilities lease debt. The swap has the effect of fixing the benchmark LIBOR rate on a portion of the
amortizing principal balance. The swap matures in January 2020 with interest on the lease debt payable at a swapped rate of
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NOTES TO CONSOLIDATED FINANCIAL STATEMENTS (Continued)

5.77% plus an applicable margin per the lease agreement. The lease debt outstanding at December 31, 2015 consisted of a

notional amount of $29 million on which interest was fixed by the swap and a notional amount of $13 million of debt that was

not hedged. The applicable margin was 1.88% and 1.75% at December 31, 2015 and 2014, respectively.

TEP recorded the interest rate swap as a cash flow hedge for financial reporting purposes. See Note 11 for additional
information.

DEBT MATURITIES

Long-term debt, including revolving credit facilities classified as long-term, and capital lease obligations mature on the

following dates:

(in millions)

Long-Term
Debt

Maturities cm

Capital
Lease

Obligations Total (2)

S $ 15

16

11

11

18

71

$

Total 2016 _ 2020

100
37
80

217
1,249Thereafter

Less: Imputed Interest (2)

69 $

15
16

111
48
98

288
1,249

(2)

1,535Total s 1,466 $

(l> $37 million of TEP's variable rate bonds are backed by an LOC issued pursuant to the 2010 Reimbursement Agreement, which
expires in December 2019. Although the variable rate bond matures in 2032, the above table reflects a redemption or repurchase of
such bond in 2019 as though the LOC terminates without replacement upon expiration of the 2010 Reimbursement Agreement.
TEP's 2013 tax-exempt variable rate IDRBs, which have an aggregate principal amount of $100 million and mature in 2032, are
subj act to mandatory tender for purchase in 2018.

(2) Total long-term debt is not reduced by $11 million of related unamortized debt issuance costs and $3 million of unamortized
original issue discount.

NOT_E 7. QOMMIT1\jNTiAND_CON'LIN(lENClES

COMMITMENTS

At December 31, 2015, TEP had the following firm, non-cancellable, minimum purchase obligations and operating leases:

2017

$ 76

2018

$ 49

2019

s 49
2020

$ 41
Thereafter

$ 287

Total

$ 580

28

38

1,054

107

2016
$ 78

28

6

6 1

8

6

6 1

8

6

6 1

8

4

6 1

8

3

6 0

8

13

750

67

1 1 1 1 1 7 7 82

1 1 4 9

(in millions)

Fuel,  Inc luding T ransportat ion

Purchased Power

Transmiss ion

Renewable Power Purchase Agreements

RES Performance-Based Incentives

Operating Leases:

Land Easements and Rights-of -W ay

Operating Leases Other l l l
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Total Purchase Commitments $ 183 $ 153 $ 126 $ 124 s 114 s 1,198 $ 1,898

Fuel, Including Transportation

TEP has long-terrn contracts for the purchase and delivery of coal with various expiration dates through 2031. Amounts paid

under these contracts depend on actual quantities purchased and delivered. Some of these contracts include a price adjustment
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clause that will affect the future cost. TEP expects to spend more than the minimum purchase obligations to meet its fuel
requirements. TEP's fuel costs are recoverable from customers through the PPFAC

Contemporaneously with the sale of SJCC's stock in January 2016, the existing coal sale agreement terminated and a new Coal
Supply Agreement (CSA) became effective. The new CSA is between SJCC and PNM and continues through June 30
2022. TEP is not a party to the new CSA, but has minimum purchase obligations under restructured ownership agreements at
San Juan. Estimated future payments, not included in the table above, are $21 million in 2016, $23 million in 2017, $24
million in 2018 and 2019, $23 million in 2020, and $22 million through the end of the contract

TEP has firm transportation agreements with capacity sufficient to meet its load requirements. These contracts expire in
various years between 2016 and 2040

Purchased Power and Transmission

TEP has agreements with utilities and other energy suppliers for purchased power to meet system load and energy
requirements, replace generation from company-owned units under maintenance and during outages, and meet operating
reserve obligations. In general, these contracts provide for capacity payments and energy payments based on actual power
taken under the contracts and expire in 2016. Certain of these contracts are at a fixed price per MW and others are indexed to
natural gas prices. The commitment amounts included in the table are based on projected market prices as of December 3 l

TEP has agreements with other utilities to provide transmission services over lines that are part of the Western
Interconnection, a regional grid in the United States. These contracts expire in various years between 2018 and 2028

TEP's purchased power and transmission costs are recoverable from customers through the PPFAC mechanism

Renewable Power Purchase Agreements and RES Performance-Based Incentives

TEP enters into long-term renewable power purchase agreements which require TEP to purchase 100% of certain renewable
energy generation facilities output once commercial operation status is achieved. While TEP is not required to make payments
under these contracts if power is not delivered, the table above includes estimated future payments based on expected power
deliveries. A portion of the cost of renewable energy is recoverable through the PPFAC, with the balance of costs recoverable
through the RES tariff These contracts expire in various years between 2030 and 2035

In February 2016, a facility achieved commercial operation status. The related contract expires in 2036. Estimated future
payments, not included in the table above, are $3 million in each of 2016 through 2020 and $43 million through the end of the
contract

TEP has entered into REC purchase agreements to purchase the environmental attributes from retail customers with solar
installations. Payments for the RECs are termed Performance-Based Incentives (PBIs) and are paid in contractually agreed
upon intervals (usually quarterly) based on metered renewable energy production. PB1s are recoverable through the RES tariff

See Note 2 for additional information regarding TEP's RES tariff

Operating Leases

Our operating lease expense is primarily for rail cars, office facilities, land easements, and rights-of-way with varying terms
provisions, and expiration dates. TEP's operating lease expense totaled $3 million in 2015 and2014 and $2 million in 2013

CONTINGENCIES

Navajo Generating Station Lease Extension

Navajo Generating Station (Navajo) is located on a site that is leased from the Navajo Nation with an initial lease term
through 2019. The Navajo Nation signed a lease amendment in 2013 that would extend the lease from 2019 through 2044. The
participants in Navajo, including TEP, have not signed the lease amendment because certain participants have expressed an
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interest in discontinuing their participation in Navajo. Negotiations between the participants are ongoing, and all parties will
likely agree to the terns. To become effective, this lease amendment must be signed by all of the participants, approved by the
Department of the Interior, and is subject to environmental reviews. Once the lease amendment becomes effective, the
participants will be responsible for additional lease costs from the date the Navajo Nation signed the lease amendment. TEP
owns 7.5% of Navajo. In 2015, TEP recorded additional estimated lease expense of approximately $1 million with the
expectation that the lease amendment will become effective. TEP's Consolidated Balance Sheets reflect a total liability related
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to the lease amendment of $3 million and $2 million at December 31 , 2015 and 2014, respectively, recorded in Regulatory and
Other Liabilities-Other

Claims Related to Springerville Generating Station Unit l

In November 2014, the Springerville Unit 1 Third-Party Owners filed a complaint (FERC Action) against TEP at the FERC
alleging that TEP had not agreed to wheel power and energy for the Third-Party Owners in the manner specified in the
existing Springerville Unit 1 facility support agreement between TEP and the Third-Party Owners and for the cost specified by
the Third-Party Owners. The Third-Party Owners requested an order from the FERC requiring such wheeling of the Third
Party Owners' energy from their Springerville Unit 1 interests beginning in January 2015 to the Palo Verde switchyard and for
the price specified by the Third-Party Owners. In February 2015, the FERC issued an order denying the Third-Party Owners
complaint. In March 2015, the Third-Party Owners filed a request for rehearing in the FERC Action, which the FERC denied
in October 2015. In December 2015, the Third-Party Owners appealed the FERC's order denying the Third-Party Owners
complaint to the U.S. Court of Appeals for the Ninth Circuit. In December 2015, TEP filed an unopposed motion to intervene
in the Ninth Circuit appeal

On December 19, 2014, the Third-Party Owners tiled a complaint against TEP in the Supreme Court of the State of New York
New York County (New York Action). In response to motions filed by TEP to dismiss various counts and compel arbitration
of certain of the matters alleged, and the court's subsequent ruling on the motions, the Third-Party Owners have amended the
complaint three times, dropping certain of the allegations and raising others in the New York Action and in the arbitration
proceeding described below. As amended, the New York Action alleges, among other things, that TEP failed to properly
operate, maintain, and make capital investments in Springerville Unit l during the term of the leases and that TEP has
breached the lease transaction documents by refusing to pay certain of the Third-Party Owners' claimed expenses. The third
amended complaint seeks $71 million in liquidated damages and direct and consequential damages in an amount to be
determined at trial. The Third-Party Owners have also agreed to stay their claim that TEP has not agreed to wheel power and
energy as required pending the outcome of the FERC Action. In November 2015, the Third-Party Owners tiled a motion for
summary judgment on their claim that TEP has failed to pay certain of the Third-Party Owners' claimed expenses

In December 2014 and January 2015, Wilmington Trust Company, as Owner Trustees and Lessors under the leases of the
Third-Party Owners, sent notices to TEP that alleged that TEP had defaulted under the Third-Party Owners' leases. The
notices demanded that TEP pay liquidated damages totaling approximately $71 million. In letters to the Owner Trustees, TEP
denied the allegations in the notices

In April 2015, TEP filed a demand for arbitration with the American Arbitration Association (AAA) seeking an award of the
Owner Trustees and Co-Trustees' share of unreimbursed expenses and capital expenditures for Springerville Unit 1. In June
2015, the Third-Party Owners filed a separate demand for arbitration with the AAA alleging, among other things, that TEP has
failed to properly operate, maintain and make capital investments in Springerville Unit 1 since the leases have expired. The
Third-Party Owners' arbitration demand seeks declaratory judgments, damages in an amount to be determined by the
arbitration panel and the Third-Party Owners' fees and expenses. TEP and the Third-Party Owners have since agreed to
consolidate their arbitration demands into one proceeding. In August 2015, the Third-Party Owners filed an amended
arbitration demand adding claims that TEP has converted the Third-Party Owners' water rights and certain emission reduction
payments and that TEP is improperly dispatching the Third-Party Owners' unscheduled Springerville Unit l power and
capacity. In October 2015, the arbitration panel granted TEP's motion for interim relief, ordering the Owner Trustees and Co
Trustees to pay TEP their pro-rata share of unreimbursed expenses and capital expenditures for Springerville Unit l during the
pendency of the arbitration. The arbitration panel also denied the Third-Party Owners' motion for interim relief which had
requested that TEP be enjoined from dispatching the Third-Party Owners' unscheduled Springerville Unit l power and
capacity. TEP has been scheduling, when economical, the Third-Party Owners' entitlement share of power from Springerville
Unit l, as permitted under the Springerville Unit l facility support agreement, since June 14, 2015. The arbitration hearing is
scheduled for July 2016

In November 2015, TEP filed a petition to confirm the interim arbitration order in the Supreme Court of the State of New
York naming the Owner Trustee and Co-Trustee as respondents. The petition seeks an order from the court continuing the
interim arbitration order under the Federal Arbitration Act. In December 2015, the Owner Trustees filed an answer to the
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1 petition and a cross-motion to vacate the interim arbitration order.

As of December 31, 2015, TEP has billed the Third-Party Owners approximately $23 million for their pro-rata share of
Springewille Unit l expenses and $4 million for their pro-rata share of capital expenditures, none of which had been paid as of
February 17, 2016.

TEP cannot predict the outcome of the claims relating to Springerville Unit 1, and, due to the general and non-specific scope
and nature of the claims, TEP cannot determine estimates of the range of loss, if any, at this time. TEP intends to vigorously
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defend itself against the claims asserted by the Third-PaNy Owners and to vigorously pursue the claims it has asserted against
the Third-Party Owners .

TEP and the Third-Party Owners have agreed to stay these litigation matters relating to Springerville Unit 1 in furtherance of
settlement negotiations. However, there is no assurance that a settlement will be reached or that the litigation will not continue.

Claims Related to San Juan Generating Station

In August 2013, the Bureau of Land Management (BLM) proposed regulations that, among other things, redefine the term
"underground mine" to exclude high-wall mining operations and impose a higher surface mine coal royalty on high-wall
mining. SJCC utilized high-wall mining techniques at its surface mines prior to beginning underground mining operations in
January 2003. If the proposed regulations become effective, SJCC may be subject to additional royalties on coal delivered to
San Juan between August 2000 and January 2003 totaling approximately $5 million of which TEP's proportionate share
would approximate $1 million. TEP owns 50% of Units l and 2 at San Juan, which represents approximately 20% of the total
generation capacity at San Juan, and is responsible for its share of any settlements. TEP cannot predict the final outcome of
the BLM's proposed regulations.

In February 2013, WildEarth Guardians (WEG) filed a Petition for Review in the U.S. District Court of Colorado against the
Office of Surface Mining (OSM) challenging federal administrative decisions affecting seven different mines in four states
issued at various times from 2007 through 2012. In its petition, WEG challenges several unrelated mining plan modification
approvals, which were each separately approved by OSM. Of the fifteen claims for relief in the WEG Petition, two concern
SJCC's San Juan mine. WEG's allegations concerning the San Juan mine arise from OSM administrative actions in 2008.
WEG alleges various National Environmental Policy Act (NEPA) violations against OSM, including, but not limited to,
OSM's alleged failure to provide requisite public notice and participation, alleged failure to analyze certain environmental
impacts, and alleged reliance on outdated and insufficient documents. WEG's petition seeks various forms of relief, including
a finding that the federal defendants violated NEPA by approving the mine plans, voiding, reversing, and remanding the
various mining modification approvals, enjoining the federal defendants from re-issuing the mining plan approvals for the
mines until compliance with NEPA has been demonstrated, and enjoining operations at the seven mines. SJCC intervened in
this matter. SJCC was granted its motion to sever its claims from the lawsuit and transfer venue to the U.S. District Court for
the District of New Mexico, where this matter is now proceeding. The parties have requested the court to stay this matter until
April 2016, in furtherance of settlement negotiations. If WEG ultimately obtains the relief it has requested, such a ruling could
require significant expenditures to reconfigure operations at the San Juan mine, impact the production of coal, and impact the
economic viability of the San Juan mine and San Juan. TEP cannot currently predict the outcome of this matter or the range of
its potential impact.

Claims Related to Four Corners Generating Station

In October 2011, Earthlustice, on behalf of several environmental organizations, filed a lawsuit in the U.S. District Court for
the District of New Mexico against Arizona Public Service Company (APS) and the other Four Corners Generating Station
(Four Corners) participants alleging violations of the Prevention of Significant Deterioration (PSD) provisions of the Clean
Air Act at Four Corners. In January 2012, Earthlustice amended their complaint alleging violations of New Source
Performance Standards resulting from equipment replacements at Four Comers. Among other things, the plaintiffs sought to
have the court issue an order to cease operations at Four Corners until any required PSD permits are issued and order the
payment of civil penalties, including a beneficial mitigation project. In April 2012, APS filed motions to dismiss with the
court for all claims asserted by EarthJustice in the amended complaint.

TEP owns 7% of Four Corners Units 4 and 5 and is liable for its share of any resulting liabilities. In June 2015, APS, the
operator of Four Corners, announced a settlement with the Environmental Protection Agency (EPA) for outstanding
environmental issues related to New Source Review provisions under the Clean Air Act. The settlement calls for
environmental upgrades including Selective Catalytic Reduction (SCR) upgrades already planned for under the Regional Haze
regulation, environmental mitigation projects, and civil penalties. A consent decree reflecting terms of the settlement was
entered by the court in August 2015, effectively closing the case. TEP's share of the additional capital, excluding the SCR
upgrades, is approximately $2 million over the three year period it will take to construct the upgrades. TEP's share of the
annual O&M expenses is annroximatelv $1 million. In addition. TEP recorded less than $1 million for its share of the one-
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time charges for environmental mitigation projects and civil penalties.

In May 2013, the New Mexico Taxation and Revenue Department (NMTRD) issued a notice of assessment for coal severance
tax, penalties, and interest totaling $30 million to the coal supplier at Four Corners. TEP's share of the assessment is $1 million
based on our ownership percentage. In December 2013, the coal supplier and Four Corners' operating agent filed a claim
contesting the validity of the assessment on behalf of the participants in Four Corners, who will be liable for their share of any
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resulting liabilities. In June 2015, the U.S. District Court ruled in favor of the Four Corners' participants. NMTRD filed an
appeal of the decision in August 2015. TEP cannot predict the final outcome or timing of resolution of these claims.

Mine Closure Reclamation at Generating Stations Not Operated by TEP

TEP pays ongoing reclamation costs related to coal mines that supply generating stations in which TEP has an ownership
interest but does not operate. TEP is liable for a portion of final reclamation costs upon closure of the mines servicing Navajo,
San Juan, and Four Corners. TEP's share of reclamation costs at all three mines is expected to be $43 million upon expiration
of the coal supply agreements, which expire between 2019 and 203 l. The reclamation liability recorded was $25 million and
$22 million at December 3 l, 2015 and 2014, respectively

Amounts recorded for final reclamation are subject to various assumptions, such as estimations of reclamation costs, the dates
when final reclamation will occur, and the expected inflation rate. As these assumptions change, TEP will prospectively adjust
the expense amounts for final reclamation over the remaining coal supply agreements' terms. TEP does not believe that
recognition of its final reclamation obligations will be material to TEP in any single year because recognition will occur over
the remaining terms of its coal supply agreements

TEP's PPFAC allows us to pass through final reclamation costs, as a component of fuel cost, to retail customers. Therefore,
TEP classifies these costs as a regulatory asset by increasing the regulatory asset and the reclamation liability over the
remaining life of the coal supply agreements and recovers the regulatory asset through the PPFAC as final mine reclamation
costs are paid to the coal suppliers

Discontinued Transmission Project

TEP and UNS Electric had initiated a project to jointly construct a 60-mile transmission line from Tucson, Arizona to
Nogales, Arizona in response to an order by the ACC to UNS Electric to improve the reliability of electric service in Nogales.
At this time, TEP and UNS Electric will not proceed with the project based on the cost of the proposed 345-kilo-volt (kV)
line, the difficulty in reaching agreement with the United States Forest Service on a path for the line, and concurrence by the
ACC that recent transmission additions by TEP and UNS Electric support elimination of this project. TEP and UNS Electric
plan to maintain the Certificate of Environmental Compatibility (CEC) previously granted by the ACC for this project in
contemplation of using the route to serve future customers and to address reliability needs. As part of the 2013 TEP Rate
Order, TEP agreed to seek recovery of the project costs from the FERC before seeking rate recovery from the ACC. In 2012,
TEP wrote off $5 million of the capitalized costs and recorded a regulatory asset of $5 million for the balance deemed
probable of recovery in TEP's next FERC rate case

Performance Guarantees

TEP has joint participation agreements with participants at Navajo, San Juan, Four Corners, and the Luna Energy Facility
(Luna). The participants in each of the generating stations, including TEP, have guaranteed certain perfonnance obligations.
Specifically, in the event of payment default, the non-defaulting participants have agreed to bear a proportionate share of
expenses otherwise payable by the defaulting participant. In exchange, the non-defaulting participants are entitled to receive
their proportionate share of the generating capacity of the defaulting participant. As of December 3 l , 2015, there have been no
such payment defaults under any of the participation agreements. The Navajo participation agreement expires in 2019, San
Juan in 2022. Four Corners in 2041. and Luna in 2046

NOTE 8. EMPLOYEE BENEFIT PLANS

PENSION BENEFIT PLANS

TEP has three noncontributory, defined benefit pension plans. Benefits are based on years of service and average
compensation. Two of the plans are for substantially all employees. We fund those plans by contributing at least the minimum
amount required under the Internal Revenue Service (IRS) regulations. We also maintain a Supplemental Executive
Retirement Plan (SERP) for executive management
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OTHER RETIREE BENEFIT PLANS

TEP provides limited health care and life insurance benefits for retirees. Active TEP employees may become eligible for these
benefits if they reach retirement age while working for TEP or an affiliate
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(1> In 2016, TEP expects to contribute $10 million to the pension plans
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The following table provides the components of TEP's regulatory assets and accumulated other comprehensive loss thathave

not been recognized as components of net periodic benefit cost as of the dates presented

Pension Benefits Other Retiree Benefits

Year Ended December 31

(in millions)

N e t  L o s s

Prior Service Cost (Benefit)

11

T he a ccu mu la t ed  benefi t  ob l iga t i on  a ggr ega t ed  for  a l l  pension  p l a ns  i s  $ 3 5 5  mi l l i on  a nd  $ 3 6 5  mi l l i on  a t  D ecember  3  l ,  2 0 1 5

a nd  2 0 1 4 ,  r espec t i ve ly

Al l  t h r ee  of  ou r  pension  p l a ns  ha d  a ccu mu la t ed  benefi t  ob l i ga t i ons  i n  excess  o f  p l a n  a sse t s  a t  D ecember  3 1 ,  2 0 1 4 .  As a  r esu l t

o f  i ncr ea ses  i n  d i scou nt  r a t es  a nd  employer  con t r i bu t i ons ,  two  of  ou r  p l a ns  ha d  a ccu mu la t ed  benefi t  ob l i ga t i ons  i n  excess  o f

p l a n  a sse t s  a t  D ecember  3 1 ,  2 0 1 5 .  T he  fo l l owi ng  t a b l e  i nc l u des  i n for ma t i on  fo r  pensi on  p l a ns  wi t h  a ccu mu l a t ed  benefi t

ob l i ga t i ons  i n  excess  o f  pensi on  p l a n  a sse t s

December 31

(in millions)

Accu mu l a t ed  B enef i t  O b l i ga t i on

Fa i r  Va lu e  of  P l a n  Asset s

N et  pe r i od i c  benef i t  p l a n  cos t  i nc l u des  t he  fo l l owi ng  componen t s

Pension Benefits Other Retiree Benefits

Year Ended December 31

(in millions)

Service Cost

Interest Cost

Expected Return on Plan Assets

Actuarial Loss Amortization

Net Periodic Benefit Cost

1 4

Appr ox i ma t e l y  2 0 % of  t he  ne t  per i od i c  benefi t  cos t  wa s  ca p i t a l i zed  a s  a  cos t  o f  const r u c t i on  a nd  t he  r ema i nder  wa s  i nc l u ded

r n  i ncome

We measured service and interest costs for pension and other postretirement benefits utilizing a single weighted-average
discount rate derived from the yield curve used to measure the plan obligations. At the end of 2015, we changed our approach
to determine the service and interest cost components of pension and other postretirement benefit expense. We elected to
measure service and interest costs by applying the specific spot rates along that yield curve to the plans' liability cash flows
beginning in 2016. TEP believes the new approach provides a more precise measurement of service and interest costs by
aligning the timing of the plans' liability cash flows to the corresponding spot rates on the yield curve. This change does not
affect the measurement of our plan obligations nor the funded status. We accounted for this change as a change in accounting
estimate, and accordingly, have accounted for it on a prospective basis

T he cha nges  i n  p l a n  a sse t s  a nd  benefi t  ob l i ga t i ons  r ecogni zed  a s  r egu l a to r y  a sse t s  o r  i n  AO C I  a r e  a s  fo l l ows

Pension Benefits

Regulatory Asset

https://www.sec.gov/Archives/edgar/data/100122/000010012216000034/tep10k12312015.htm 142/230



4/21/2016

(in millions)

C u r r en t  Y ea r  Actu a r i a l  ( G a in)  Loss

Amortization of Actuarial Gain (Loss)

(42) s

Total Recognized (Gain) Loss (50) $
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Other Retiree Benefits

Regulatory Asset

(in millions)

Current Year Actuarial (Gain) Loss

For all pension plans, we amortize prior service costs on a straight-line basis over the average remaining service period of
employees expected to receive benefits under the plan. We expect to amortize an estimated $7 million net loss from pension
regulatory assets and an estimated $1 million in prior service credit from other retiree benefit plan regulatory assets into net
periodic benefit cost in 2016

The following table includes the weighted average assumptions used to determine benefit obligations

Pension Benefits Other Retiree Benefits

Discount Rate

Rate of Compensation Increase

4.5-4.6% 4. 1-4 . 2%

3. 0%

4. 2% 3. 9%

The following table includes the weighted average assumptions used to determine net periodic benefit costs

Pension Benefits Other Retiree Benefits

2%1%-4.4 5.0% -5.1%

3. 0%

1%
1%-4.4- 3 . 9%Discount Rate

Rate of Compensation Increase

Expected Return on Plan Assets 7 . 0%

Net periodic benefit cost is subject to various assumptions and determinations, such as the discount rate, the rate of
compensation increase, and the expected return on plan assets

We use a combination of sources in selecting the expected long-term rate-of-retum-on-assets assumption, including an
investment return model. The model used provides a "best-estimate" range over 20 years from the 25th percentile to the 75
percentile. The model, used as a guideline for selecting the overall rate-of-return-on-assets assumption, is based on forward
looking return expectations only. The above method is used for all asset classes

Changes that may arise over time with regard to these assumptions and determinations will change amounts recorded in the
future as net periodic benefit cost. The following table includes the assumed health care cost trend rates

December 31

Next Year

Ultimate Rate Assumed

Year Ultimate Rate is Reached

4 . 5% 4. 5%

Assumed health care cost trend rates significantly affect the amounts reported for health care plans. A one-percentage-point
change in assumed health care cost trend rates would have the following effects on the December 31, 2015 amounts

(in millions)

Effect on Total Service and Interest Cost Components

Effect on Retiree Benefit Obligation

One-Percentage-
Point Increase

One-Percentage
Point Decrease
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PENSION PLAN AND OTHER RETIREE BENEFIT ASSETS

Pension Assets

We calculate the fair value of plan assets on December 31, the measurement date. Pension plan asset allocations, by asset
category, on the measurement date were as follows

Asset Category

Equity Securities

Fixed Income Securities

Real Estate

Other

41%

48%

43%

Total 100% 100%

The following table sets forth the fair value measurements of pension plan assets by level within the fair value hierarchy

Quoted Prices in
Active Markets

(Level 1)

Significant Other
Observable Inputs

(Level 2)

Significant Unobservable
Inputs

(Level 3) Total

December 31. 2015

$

(in millions)

Asset Category

Cash Equivalents

Equity Securities

United States Large Cap

United States Small Cap

Non-United States

Fixed Income

Real Estate

Private Equity

81

17

67

81

17

67

Total

December 31. 2014

$

(in millions)

Asset Category

Cash Equivalents

Equity Securities

United States Large Cap

United States Small Cap

Non-United States

Fixed Income

Real Estate

Private Equity

82

17

61

Total

Level 1 cash equivalents are based on observable market prices and are comprised of the fair value of commercial paper
money market funds, and certificates of deposit
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Level 2 investments comprise amounts held in commingled equity funds, United States bond funds, and real estate
funds. Valuations are based on active market quoted prices for assets held by each respective fund.

Level 3 real estate investments were valued using a real estate index value. The real estate index value was developed
based on appraisals comprising 100% of real estate assets tracked by the index.

Level 3 private equity funds are classified as fLu1ds-of-funds. They are valued based on individual fund manager
valuation models.
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NOTES TO CONSGLIDATED FINANCIAL STATEMENTS (Continued)

The following table sets forth a reconciliation of changes in the fair value of pension assets classified as Level 3 in the fair
value hierarchy. There were no transfers in or out of Level 3

(in millions) Private Equity

$

Real Estate Total

Beginning Balance at January 1, 2014

Actual Return on Plan Assets

Assets Held at Reporting Date

Purchases. Sales. and Settlements

Ending Balance at December 31, 2014

Actual Return on Plan Assets

Assets Held at Reporting Date

Purchases. Sales. and Settlements

Ending Balance at December 31, 2015

Pension Plan Investments

Investment Goals

Asset allocation is the principal method for achieving each pension plan's investment objectives while maintaining appropriate
levels of risk. We consider the projected impact on benefit security of any proposed changes to the current asset allocation
policy. The expected long-term returns and implications for pension plan sponsor funding are reviewed in selecting policies to
ensure that current asset pools are projected to be adequate to meet the expected liabilities of the pension plans. We expect to
use asset allocation policies weighted most heavily to equity and fixed income funds, while maintaining some exposure to real
estate and opportunistic funds. Within the fixed income allocation, long-duration funds may be used to partially hedge interest
rate risk

Risk Management

We recognize the difficulty of achieving investment objectives in light of the uncertainties and complexities of the investment
markets. We also recognize some risk must be assumed to achieve a pension plan's long-term investment objectives. In
establishing risk tolerances, the following factors affecting risk tolerance and risk objectives will be considered: plan status
plan sponsor financial status and profitability, plan features, and workforce characteristics. We have determined that the
pension plans can tolerate some interim fluctuations in market valueand rates of return in order to achieve long-term
objectives. TEP tracks each pension plan's portfolio relative to the benchmark through quarterly investment reviews. The
reviews consist of a performance and risk assessment of all investment categories and on the portfolio as a whole. Investment
managers for the pension plan may use derivative financial instruments for risk management purposes or as part of their
investment strategy. Currency hedges may also be used for defensive purposes

Relationship between Plan Assets and Benefit Obligations

The overall health of each plan will be monitored by comparing the value of plan obligations (both Accumulated Benefit
Obligation and Projected Benefit Obligation) against the fair value of assets and tracking the changes in each. The frequency
of this monitoring will depend on the availability of plan data, but will be no less frequent than annually via actuarial
valuation
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NOTES TO CONSOLIDATED FINANCIAL STATEMENTS (Continued)

Target Allocation Percentages

The current target allocation percentages for the major asset categories of the plan as of December 31, 2015 follow. Each plan
allows a variance of +/- 2% from these targets before funds are automatically rebalanced

TEP Plans VEBA Trust

24%

Cash/Treasury Bills

Equity Securities

United States Large Cap

United States Small Cap

Non-United States Developed

Non-United States Emerging

Fixed Income

Real Estate

Private Equity

42% 38%

Total 100% 100%

Pension Fund Descriptions

For each type of asset category selected by the Pension Committee, our investMent consultant assembles a group of third-party
fund managers and allocates a portion of the total investment to each Eund manager. In the case of the private equity fund, our
investment consultant directs investments to a private equity manager that invests in third-parties' funds

Other Retiree Benefit Assets

As of December 31. 2015. the fair value of VEBA trust assets was $13 million. of which $5 million were fixed income
investments and $8 million were equities. As of December 31, 2014, the fair value of VEBA trust assets was $12 million, of
which $4 million were fixed income investments and $8 million were equities. The VEBA trust assets are primarily Level 2
There are no Level 3 assets in the VEBA trust

ESTIMATED FUTURE BENEFIT PAYMENTS

TEP expects the following benefit payments to be made by the defined benefit pension plans and other retiree benefit plan
which reflect future service, as appropriate

(in millions)

Pension Benefits

Other Retiree Benefits

2021-2025

DEFINED CONTRIBUTION PLAN

We offer a defined contribution savings plan to all eligible employees. The Internal Revenue Code identifies the plan as a
qualified 401(k) plan. Participants direct the investment of contributions to certain funds in their account. We match part of a
participant's contributions to the plan. TEP made matching contributions to the plan of $5 million in 2015, 2014, and 2013

NOTE 9. SHARE-BASED COMPENSATION

2011 STOCK AND INCENTWE PLAN

The Fortis acquisition of UNS Energy in 2014 resulted in accelerated vesting and expense recognition of all outstanding non
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vested UNS Energy share-based awards issued under the UNS Energy 2011 Omnibus Stock and Incentive Plan (2011 Plan)
The outstanding non-vested awards would otherwise have been recognized overremaining vesting periods through February
2017. TEP recognized approximately $2 million of expense in 2014 due to the accelerated vesting of the awards. TEP
recorded total share-based compensation expense of $5 million for the year ended December 31, 2014 and $3 million for the
year ended December 31, 2013. In August 2014, UNS Energy settled all outstanding share-based compensationawards related
to the 2011 Plan in cash
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NOTES TO CONSOLIDATED FINANCIAL STATEMENTS (Continued)

2015 SHARE UNIT PLAN

The Human Resources and Governance Committee (Committee) of UNS Energy, approved and UNS Energy's Board of
Directors ratified the 2015 Share Unit Plan (Plan) effective as of January 1, 2015. Under the Plan, key employees, including
executive officers of UNS Energy and its subsidiaries, may be granted long-term incentive awards of performance-based share
units (PSUs) and time-based respected share units (RSUs) annually. Each PSU and RSU granted will be valued based on one
share of Fortis common stock converted to U.S. dollars. Fortis common stock is traded on the Toronto Stock Exchange. TEP's
share of the obligation and expense as a subsidiary of UNS Energy is allocated based on the Massachusetts Fonnula

UNS Energy awarded 47,776 PSUs and 23,888 RSUs in 2015 that are payable on the third anniversary of the grant date. The
awards are classified as liability awards based on the cash settlement feature. Liability awards are measured at their fair value
at the end of each reporting period and will fluctuate based on the price of Fortis common stock as well as the level of
achievement of the financial performance criteria. At December 31, 2015, TEP's allocated share of probable payout is
$2 million

TEP's allocated portion of the compensation expense is recognized in Operations and Maintenance on the Consolidated
Statements of Income. Compensation expense associated with unvested PSUs and RSUs is recognized on a straight-line basis
over the minimum required service period in an amount equal to the fair value on the measurement date or each reporting
period. TEP recorded $1 million for the year ended December 3 l, 2015 based on its share of UNS Energy's compensation
expense

NOTE 10. SUPPLEMENTAL CASH FLOW INFORMATION

CASH TRANSACTIONS

Year Ended December 31

(in millions)

Interest, Net of Amounts Capitalized

Income Taxes

53

NON-CASH TRANSACTIONS

Other significant non-cash investing and financing activities that affected recognized assets and liabilities but did not result in
cash receipts or payments were as follows

Year Ended December 31

(in millions)

Accrued Capital Expenditures

Net Cost of Removal of Interim Retirements (1)

Commitment to Purchase Capital Lease Interests

Capital Lease Obligations (2)

Proceeds from Issuance of Long-Term Debt Deposited in Trust

Asset Retirement Obligations

24

<1) The non-cash net cost of removal of interim retirements represents an accrual for suture asset retirement obligations that does not
impact earnings

(2) The non-cash change in capital lease obligations represents interest accrued for accounting purposes in excess of interest payments

(3) The non-cash additions to asset reti rement obl igations and related capi tal ized assets represent a revision of estimated asset

reti rement cost due to changes in t im ing and amount of the expected future asset reti rement obl igations
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NOTE 11. FAIR VALUE MEASUREMENTS AND DERIVATIVE INSTRUMENTS

We categorize our financial instruments into the three-level hierarchy based on inputs used to determine the fair value. Level 1
inputs are unadjusted quoted prices for identical assets or liabilities in an active market. Level 2 inputs include quoted prices
for similar assets or liabilities, quoted prices in non-active markets, and pricing models whose inputs are observable, directly
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NOTES TO CONSOLIDATED FINANCIAL STATEMENTS (Continued)

indirectly. Level 3 inputs are unobservable and supported by little or no market activity. Transfers between levels are recorded
at the end of a reporting period. There were no transfers between levels in the periods presented.

FINANCIAL INSTRUMENTS MEASURED AT FAIR VALUE ON A RECURRING BASIS

The following tables present, by level within the fair value hierarchy, TEP's assets and liabilities accounted for at fair value on
a recurring basis. These assets and liabilities are classified in their entirety based on the lowest level of input that is significant
to the fair value measurement.

Level 1 Level 2 Level 3

December 31, 2015

Total

$ 33

4

$ s s

1

37 1

1

1

33

4

1

1

39

(3)

(in millions)

Assets

Cash Equiva lents l l )

Res t r i c ted Cashl l l

Energy  Der ivat ive Cont rac ts  -  Regulatory  Recovery (2)

Energy  Der ivat i ve Cont rac ts  -  No Regulatory  Recovery (2)

Total  Assets

Liabi l i t i es

Energy  Der ivat ive Cont rac ts  -  Regulatory  Recovery l2>

Interest  Rate Swap(3)

Total  L iabi l i t ies

N e t Total  Assets (Liabi l i t ies) s 3 7 $

( 1 0 )

( 3 )

( 1 3 )

(12) s
( 3 )

( 2 ) $

( 1 3 )

( 3 )

( 1 6 )

23

December 31, 2014

$ 15

2

$ $ $

17

2

2

15

2

2

19

( 9 ) (9)

(1)

(1)

(in millions)

Assets

Cash Equiva lents  l l

Res t r ic ted Cash(l )

Energy  Der ivat ive Cont rac ts  -  Regulatory  Recovery (2)

Total  Assets

Liabi l i t i es

Energy  Der ivat ive Cont rac ts  -  Regulatory  Recovery (2)

Energy  Der ivat i ve Cont rac t s  -  No Regulatory  Recovery l2)

Energy  Der ivat i ve Cont rac ts  -  Cash F low Hedge(2 l

Interest  Rate Swap(3)

Total  L iabi l i t ies

N e t Total  Assets (Liabi l i t ies) $ 17 $

(5)

(14)

(14) $

(11)

(9) $

(18)

(1)

(1)

(5)

(25)

(6)

(1) Cash Equivalents and Restricted Cash represent amounts held in money market funds and certificates of deposit valued at cost,
including interest, which approximates fair market value. Cash Equivalents are included in Cash and Cash Equivalents on the
Consolidated Balance Sheets. Restricted Cash is included in Inveshnents and Other Property on the Consolidated Balance Sheets.

<2> Energy Contracts include gas swap agreements (Level 2), power options (Level 2), gas options (Level 3), forward power purchase
and sales contracts (Level 3) entered into to reduce exposure to energy price risk, and, at December 31, 2014 a power sale option
(Level 3). These contracts are included in Derivative Instruments on the Consolidated Balance Sheets. The valuation techniques are
described below.

(al The Interest Rate Swap is valued using an income valuation approach based on the 6-month LIBOR and is included in Derivative
Instnxments on the Consolidated Balance Sheets.
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NOTES TO CONSOLIDATED FINANCIAL STATEMENTS (Continued)

All energy derivative contracts are subject to legally enforceable master netting arrangements to mitigate credit risk. We
present derivatives on a gross basis on the balance sheet. The tables below presents the potential offset of counterparty netting
and cash collateral

Gross Amount Not Offset on the Balance SheetsGross Amount
Recognized on the

Balance Sheets
Counterparty Netting
of Energy Contracts

Cash Collateral
Received/Posted Net Amount

(in millions)

Derivative Assets

Energy Derivative Contracts

Derivative Liabilities

Energy Derivative Contracts

Interest Rate Swap

December 31. 2015

(in millions)

Derivative Assets

Energy Derivative Contracts

Derivative Liabilities

Energy Derivative Contracts

Interest Rate Swap

December 31. 2014

DERIVATIVE INSTRUMENTS

We enter into various derivative and non-derivative contracts to reduce our exposure to energy price risk associated with our
gas and purchased power requirements. The objectives for entering into such contracts include: creating price stability
meeting load and reserve requirements, and reducing exposure to price volatility that may result from delayed recovery under
the PPFAC

We primarily apply the market approach for recurring fair value measurements. When we have observable inputs for
substantially the full term of the asset or liability or use quoted prices in an inactive market, we categorize the instrument in
Level 2. We categorize derivatives in Level 3 when we use an aggregate pricing service or published prices that represent a
consensus reporting of multiple brokers

For both power and gas prices we obtain quotes from brokers, major market participants, exchanges, or industry publications
and rely on our own price experience from active transactions in the market. We primarily use one set of quotations each for
power and for gas and then validate those prices using other sources. We believe that the market information provided is
reflective of market conditions as of the time and date indicated

Published prices for energy derivative contracts may not be available due to the nature of contract delivery terms such as non
standard time blocks and non-standard delivery points. In these cases, we apply adjustments based on historical price curve
relationships, transmission, and line losses

We estimate the fair value of our gas options using a Black-Scholes-Merton option pricing model which includes inputs such
as implied volatility, interest rates, and forward price curves

The December 31, 2014 valuation of our power sale option was a function of observable market variables, regional power and
gas prices, as well as the ratio between the two, which represents the prevailing market heat rate

We also consider the impact of counterparty credit risk using current and historical default and recovery rates, as well as our
own credit risk using credit default swap data

The inputs and our assessments of the significance of a articular input to the fair value measurements require iudement and
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may affect the valuation of fair value assets and liabilities and their placement within the fair value hierarchy levels. We
review the assumptions underlying our price curves monthly

Cash Flow Hedges

We can enter into interest rate swaps to mitigate the exposure to volatility in variable interest rates on debt, We have an
interest rate swap agreement that expires January 2020. We also had a power purchase swap to hedge the cash flow risk
associated with
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NOTES TO CONSOLIDATED FINANCIAL STATEMENTS (Continued)

a long-terrn power supply agreement which expired in September 2015. The after-tax unrealized gains and losses on cash flow
hedge activities are reported in the statement of comprehensive income. The loss expected to be reclassified to earnings within
the next twelve months is estimated to be $1 million. The realized losses from our cash flow hedges are shown in the
following table:

2015

Year Ended December 31,

2014 2013(in millions)

Capital Lease Interest Expense

Long-Term Debt Interest Expense

Purchased Power

S 2 $

1

2 s
1

1

2

1

1

As of December 31, 2015, the total notional amount of our interest rate swap was $29 million,

Energy Derivative Contracts - Regulatory Recovery

We record unrealized gains and losses on energy purchase contracts that are recoverable through the PPFAC on the balance
sheet as a regulatory asset or a regulatory liability rather than reporting the transaction in the income statement or in the
statement of other comprehensive income, as shown in following table:

2015 2013(in millions)

Unrealized Net Gain (Loss) Recorded to Regulatory (Assets) Liabilities $ 6 $

Year Ended December 31,

2014

(18) s

Energy Derivative Contracts - No Regulatory Recovery

Forward contracts with long-term wholesale customers do not qualify for regulatory recovery. For these contracts that qualify
as derivatives, we record unrealized gains and losses in the income statement, unless and until a normal purchase or nonna
sale election is made. In February 2015, TEP made a nonna sale election for a three-year sales option contract entered into in
December 2014. In June 2015, TEP entered into long-tenn power trading contracts that qualify as derivatives but do not
qualify for regulatory recovery. The unrealized gains and losses on the long-term power trading contracts are recorded in the
income statement, and 10% of any gains will be shared with ratepayers through the PPFAC, as realized.

Derivative Volumes

At December 31, 2015, we have energy contracts that will settle through the fourth quarter of 2018. The volumes associated
with our energy contracts were as follows:

Power Contracts GWh

Gas Contracts GBtu

2015

1,752

17,214

December 31,

2014

2,604

19,932
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NOTES TO CONSOLIDATED FINANCIAL STATEMENTS (Continued)

Level 3 Fair Value Measurements

The following table provides quantitative information regarding significant unobservable inputs in TEP's Level 3 fair value
measurements:

Valuation

Approach

Fair Value of

Assets Liabilities Unobservable Inputs

December 31, 2015

Range of

Unobservable Input

(in millions)

F or w a r d  P ow e r
Contr acts Market approach $ 1 $ (2) Market price per MWh S 19.20 $ 31.35

Gas Opt i on  Contr acts O pt i on  m ode l (1) Market price per MMbtu

Gas volatility

S 2.17

31.0%

$ 2 . 6 9

58 . 3%

Level  3  E ner gy
Contr acts $ 1 S ( 3 )

(in millions) December 31, 2014

F or w a r d  P ow e r
Contr acts Market approach $ 1 $ (6) Market price per MWh $ 22.35 $ 39.05

Power Sale Option Market approach 1 (1) Market price per MWh $

Market price per MMbtu $

27.75

2.88

$

s

44. 94

4. 02

Gas Opt i on  Contr acts O pt i on  m ode l (4) Market price per MMbtu

Gas volatility

$ 2 . 72

30. 8%

$ 3. 26

53 . 3%

Level  3  E ner gy
Contr acts $ 2 $ (11)

Changes in one or more of the unobservable inputs could have a significant impact on the fair value measurement depending
on the magnitude of the change and the direction of the change for each input. The impact of changes to fair value, including
changes from unobservable inputs, are subject to recovery or refund through the PPFAC mechanism and are reported on the
balance sheet as a regulatory asset or regulatory liability, or as a component of other comprehensive income, rather than in the
income statement.

The following table presents a reconciliation of changes in the fair value of assets and liabilities classified as Level 3 in the
fair value hierarchy:

(in millions)

Year Ended December 31,

2015 2014

Beginning of  Per iod (9) S (2)

Gains (Losses) Recorded to:(1>

Net Regulatory Assets/Liabilities - Derivative Instruments

Electric Wholesale Sales

Settlements

( 8 )

End of Period $

(4)
3
8
(2) $

1
(9)

Tnr~l11rlp< oninQ (Inc<p<\ sa1'h°il'\\\tnl'\lp fn the chance in 1\nrpnli77rl onitw/(ln<cpc\ r9lntino tn QQQMQ (1in1'\ilifipc\ Quill hplrl Rf H*1p pnfl nFthp
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period of $(l) million and $(8) million for the years ended December 31, 2015, and 2014, respectively

CREDIT RISK

The use of contractual arrangements to manage the risks associated with changes in energy commodity prices creates credit
risk exposure resulting from the possibility of non-performance by counterparties pursuant to the terms of their contractual
obligations. We enter into contracts for the physical delivery of energy and gas which contain remedies in the event of non
performance by the supply counterparties. In addition, volatile energy prices can create significant credit exposure from
energy market receivables and subsequent measurement at fair value

We have contractual agreements for energy procurement and hedging activities that contain certain provisions requiring each
company to post collateral under certain circumstances. These circtunstances include: exposures in excess of unsecured credit
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limits, credit rating downgrades, or a failure to meet certain Financial ratios. In the event that such credit events were to occur
we would have to provide certain credit enhancements in the form of cash or LOCs to fully collateralize our exposure to these
counterparties

We consider the effect of counterparty credit risk in determining the fair value of derivative instruments that are in a net asset
position after incorporating collateral posted by counterparties and allocate the credit risk adjustment to individual contracts
We also consider the impact of our own credit risk after considering collateral posted on insmments that are in a net liability
position and allocate the credit risk adjustment to all individual contracts

Material adverse changes could trigger credit risk-related contingent features. At December 31 , 2015, the value of all
derivative instruments in net liability positions under contracts with credit risk-related contingent features, including contracts
under the nonna purchase normal sale exception, was $20 million, compared with $27 million at December 31, 2014. At
December 31. 2015. TEP had less than $1 million of LOCs as credit enhancements with its counterparties. If the credit risk
related contingent features were triggered on December 31, 2015, TEP would have been required to post an additional $20
million of collateral of which $8 million relates to outstanding net payable balances for settled positions

FINANCIAL INSTRUMENTS NOT CARRIED AT FAIR VALUE

The fair value of a financial instrument is the market price to sell an asset or transfer a liability at the measurement date. We
use the following methods and assumptions for estimating the fair value of our financial instruments

Borrowings under revolving credit facilities approximate the fair values due to the short-term nature of these financial
instruments. These items have been excluded from the table below

For long-term debt, we use quoted market prices, when available, or calculate the present value of remaining cash
flows at the balance sheet date. When calculating present value, we use current market rates for bonds with similar
characteristics such as credit rating and time-to-maturity. We consider the principal amounts of variable rate debt
outstanding to be reasonable estimates of the fair value. We also incorporate the impact of our own credit risk using a
credit default swap rate

The use of different estimation methods and/or market assumptions may yield different estimated fair value amounts. The
following table includes the face value and estimated fair value of our long-term debt

Fair Value
Hierarchy Face Value Fair Value

December 31

(in millions)

Liabilities

Long-Term Debt, including Current
Maturities Leve12 $

NOTE 12. INCOME TAXES

Income tax expense differs from the amount of income tax determined by applying the United States statutory federal income
tax rate of 35% to pre-tax income due to the following

Year Ended December 31

(in millions)

Federal Income Tax Expense at Statutory Rate

State Income Tax Expense, Net of Federal Deduction

Federal/State Tax Credits
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Allowance for Equity Funds Used During Construction

Deferred Tax Asset Valuation Allowance

Investment Tax Credit Basis Adjustment - Creation of Regulatory
Asset

Other

Total Federal and State Income Tax Expense
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Investment Tax Credit Basis Adjustment - Creation of Regulatory Asset

Renewable energy assets are eligible for investment tax credits. We reduce the income tax basis of those qualifying assets by
half of the related investment tax credit. Historically, the difference between the income tax basis of the assets and the book
basis under GAAP was recorded as a deferred tax liability with an offsetting charge to income tax expense in the year the
qualifying asset was placed in service. In June 2013, we recorded a regulatory asset and corresponding reduction of income
tax expense of S ll million to recover previously recorded income tax expense through future rates as a result of the 2013 Rate
Order. The regulatory asset will be amortized as income tax expense as the qualifying assets are depreciated

Income tax expense included in the income statements consists of the following

Year Ended December 31

(in millions)

Current Tax Expense (Benefit)

Federal

State

Total Current Tax Expense (Benefit)

Deferred Tax Expense (Benefit)

Federal

Federal Investment Tax Credits

State

Total Deferred Tax Expense (Benefit)

Total Federal and State Income Tax Expense

66 54

The significant components of deferred income tax assets and liabilities consist of the following

December 31

(750) (699)

(in millions)

Gross Deferred Income Tax Assets

Capital Lease Obligations

Net Operating Loss Carryforwards

Customer Advances and Contributions in Aid of Construction

Alternative Minimum Tax Credit

Accrued Postretirement Benefits

Emission Allowance Inventory

Investment Tax Credit Calryforward

Other

Total Gross Deferred Income Tax Assets

Deferred Tax Assets Valuation Allowance

Gross Deferred Income Tax Liabilities

Plant. Net

Capital Lease Assets, Net

Pensions

PPFAC

Other
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Total Gross Deferred Income Tax Liabilities

Net Deferred Income Tax Liabilities

(808)
(468) $

(832)
(390)

https://www.sec.gov/Archives/edgar/data/100122/000010012216000034/tep10k12312015.htm 163/230



4/21/2016

NOTES TO CONSOLIDATED FINANCIAL STATEMENTS (Continued)

TEP has recorded a $4 million valuation allowance against credit and loss carryforward deferred tax assets at December 3 l
2015 and a $2 million valuation allowance against credit carryforward deferred tax assets at December 3 l, 2014. Management
believes TEP will not produce sufficient taxable income to use all credit and loss carryforwards before they expire

As of December 31, 2015, TEP had the following carryforward amounts

Amount Expiring Year

2031 -34

2016-34

2016-30

(in millions)

Federal Net Operating Loss

State Net Operating Loss

State Credits

Alternative Minimum Tax Credit

Investment Tax Credits 2032-35

Uncertain Tax Positions

A reconciliation of the beginning and ending balances of unrecognized tax benefits follows

December 31

(in millions)

Beginning of Period

Additions Based on Tax Positions Taken in the Current Year

End of Period

Unrecognized tax benefits, if recognized, would reduce income tax expense by $1 million at December 31, 2015 and would
not reduce income tax expense at December 31, 2014

TEP recorded no interest expense during 2015 and 2014 related to uncertain tax positions. In addition, TEP had no interest
payable and no penalties accrued at December 31, 2015 and 2014

TEP has been audited by the IRS through tax year 2010. TEP is not currently under audit by any federal or state tax agencies
The balance in unrecognized tax benefits could change in the next 12 months as a result of IRS audits, but we are unable to
determine the amount of change

NOTE 13. RECENTLY ISSUED ACCOUNTING PRONOUNCEMENTS

We consider the applicability and impact of all Accounting Standards Updates. Updates not listed below were assessed and
determined to be either not applicable or are expected to have minimal impact on our consolidated financial position, results of
operations, or disclosures

Revenue from Contracts with Customers

In May 2014, the FASB issued an accounting standards update that will eliminate the transaction and industry-specific
revenue recognition guidance under current U.S. GAAP and replace it with a principles based approach for determining
revenue recognition. The revenue standard requires entities to apply the guidance retrospectively or recognize the cumulative
effect of initially applying the guidance as an adjustment to the opening balance of retained earnings supplemented by
additional disclosures. In July 2015, the FASB voted to defer the effective date of the revenue recognition standard by one
year. We are required to adopt the new guidance for annual and interim periods beginning January 1, 2018

Retail sales of electricity based on regulator-approved tariff rates represent TEP's primary source of revenue. While it is
expected that tariff-based sales to regulated customers are within the scope of the new standard, this question is being
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u reviewed by the AICPA Financial Reporting Executive Committee. TEP is in the process of assessing its performance
obligations in its wholesale contracts and identifying other contracts with customers.

Classification and Measurement of Financial Instruments

In January 2016, the FASB amended the guidance on the classification and measurement of financial instruments. Most
notably, the new accounting standard update requires the following:
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Table o_f Cont_ents
NOTES TO CONSOLIDATED FINANCIAL STATEMENTS (Concluded)

H

all equity investments in unconsolidated entities (other than those accounted for using the equity method of
accounting) to be measured at fair value through earnings, however, entities will be able to elect to record equity
investments without readily determinable fair values at cost, less impairment, and plus or minus subsequent
adjustments for observable price changes, and

financial assets and Financial liabilities to be presented separately in the notes to the financial statements, grouped by
measurement category and form of financial asset.

TEP is required to adopt the new guidance for annual and interim periods beginning January 1, 2018. TEP is evaluating the
impact to our financial statements and disclosures.

NOTE 14. QUARTERLY FINANCIAL DATA (UNAUDITED)

Our quarterly financial information is unaudited, but, in management's opinion, includes all adjustments necessary for a fair
presentation. Our utility business is seasonal in nature. Peak sales periods for TEP generally occur during the summer.
Accordingly, comparisons among quarters of a year may not represent overall trends and changes in operations.

First
Quarter

Second
Quarter

Third
Quarter

Fourth
Quarter

(in millions)
2015

$Operating Revenue

Operating Income

Net Income

$ 273

28

9

5 3 4 0

74

38

409 $

120

69

(in millions)

Operating Revenue

Operating Income

Net Income

s 256 $

32

9

2014

322 $

80

39

387 $

85

40

305

34

15
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ITEM 9. CHANGES IN AND DISAGREEMENTS WITH ACCOUNTANTS ON ACCOUNTING AND FINANCIAL
DISCLOSURE

None.

ITEM 9A. CONTROLS AND PROCEDURES

TEP's Chief Executive Officer and Chief Financial Officer supervised and participated in TEP's evaluation of its disclosure
controls and procedures as such term is defined under Rule 13a - 15(e) or Rule led - l5(e) under the Securities Exchange Act
of 1934, as amended (the Exchange Act), as of the end of the period covered by this report. Disclosure controls and
procedures are controls and procedures designed to ensure that information required to be disclosed in TEP's periodic reports
filed or submitted under the Exchange Act, is recorded, processed, summarized, and reported within the time periods specified
in the Securities and Exchange Commission's rules and forms. These disclosure controls and procedures are also designed to
ensure that information required to be disclosed by TEP in the reports that it files or submits under the Exchange Act is
accumulated and communicated to management, including the principal executive and principal financial officers, or persons
performing similar functions, as appropriate to allow timely decisions regarding required disclosure. Based upon the
evaluation performed, TEP's Chief Executive Officer and Chief Financial Officer concluded that TEP's disclosure controls
and procedures are effective.

While TEP continually stn'ves to improve its disclosure controls and procedures to enhance the quality of its financial
reporting, there has been no change in TEP's internal control over financial reporting during 2015 that has materially affected,
or is reasonably likely to materially affect, TEP's internal control over financial reporting.

ITEM 9B. OTHER INFORMATION

None.
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PART III

ITEM 10. DIRECTORS. EXECUTWE OFFICERS AND CORPORATE GOVERNANCE

Directors

All of the members of the TEP Board of Directors are executive officers and employees of TEP, a wholly owned subsidiary of
UNS Energy

The directors of TEP are elected annually by TEP's sole shareholder, UNS Energy, acting at the direction of the Board of
Directors of UNS Energy

The names and information concerning the members of the TEP Board of Directors are set forth below

Served As
Director

Since
Business Experience

David G
Hutchens

Mr. Hutchens has served as Chief Executive Officer of TEP since 2014, President of
TEP since 2011: Executive Vice President of TEP in 2011: Vice President of TEP from
2007-2011 . Mr. Hutchens joined TEP in 1995

Mr. Hutchens' extensive experience in the electric and gas utility business and his
position as President and Chief Executive Officer provide him with intimate knowledge
of TEP's operations and such experience contributes to the diverse knowledge
experience, skills and qualifications of the TEP Board

Kevin P. Larson 59

Mr. Larson has served as Senior Vice President and Chief Financial Officer of TEP
since September 2005. Mr. Larson joined TEP in 1985 and thereafter held various
positions in its finance department and investment subsidiaries. He was elected Vice
President in March 1997. In October 2000. he was elected Vice President and Chief
Financial Officer. Mr. Larson is also a Chartered Financial Analyst

Mr. Larson's extensive experience in the electric and gas utility business and his
position as Senior Vice President and Chief Financial Officer provide him with intimate
knowledge of TEP's financial affairs and such experience conMbutes to the diverse
knowledge, experience, skills and qualifications of the TEP Board

Todd. C. Hixon 49 2015

Mr. Hixon has served as Vice President and General Counsel of TEP since May 2011
Mr. Hixon joined TEP's legal department in 1998 and sewed in a variety of capacities
most recently serving as Associate General Counsel

Mr. Hixon's extensive experience in utility legal and regulatory matters and his position
as Vice President and General Counsel provide him with intimate knowledge of TEP's
legal and regulatory affairs and such experience contributes to the diverse knowledge
experience, skills and qualifications of the TEP Board
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Executive Qflicers

Executive Officers, who are elected annually by TEP's Board of Directors, acting at the direction of the Board of Directors of
UNS Energy, are as follows

Executive
Officer Since

David G. Hutchens

Kevin P. Larson

Kenton C. Grant

Susan M. Gray

Todd C. Hixon

Karen G. Kissinger

Mark C. Mansfield

Frank P. Marino

Thomas A. McKenna

Catherine E. Ries

Mary Jo Smith

Herlinda H. Kennedy

49

59

57

43

49

61

60

51

67

56

58

54

Position(s) Held

President and Chief Executive Officer

Senior Vice President and Chief Financial Officer

Vice President and Treasurer

Vice President, T&D Operations and Engineering

Vice President and General Counsel

Vice President and Chief Compliance Officer

Vice President, Energy Resources

Vice President and Controller

Vice President, Energy Delivery

Vice President. Customer and Human Resources

Vice President, Public Policy

Corporate Secretary

91

https://www.sec.gov/Archives/edgar/data/100122/000010012216000034/tep10k12312015.htm 169/230



4/21/2016

David G. Hutehens

Kevin R Larson

Kenton C. Grunt

Susan Gray

Todd C. Hixon

Karen G. Kissinger

Mark C Mansfi

Mr. Hutchens has served as Chief Executive Officer of TEP since 2014; President of TEP since
2011; Executive Vice President of TEP in 2011: Vice President of TEP from 2007-2011. Mr
Hutchens joined TEP in 1995

Mr. Larson has served as Senior Vice President and Chief Financial Officer of TEP since September
2005. Mr. Larson joined TEP in 1985 and thereafter held various positions in its finance department
and investment subsidiaries. He was elected Vice President in March 1997. In October 2000, he was
elected Vice President and Chief Financial Officer

Mr. Grant was elected Treasurer in 2010 and has served as Vice President of TEP since January
2007. Mr. Grant joined TEP in 1995

Ms. Gray has served as Vice President of T&D Operations and Engineering since 2015. Ms. Gray
joined TEP in 1994 as a student engineer, and has served in a variety of capacities since then, most
recently serving as Senior Director of T&D

Mr. Hixon has served as Vice President and General Counsel of TEP since May2011. Mr. Hixon
joined TEP's legal department in 1998 and served in a variety of capacities, most recently serving as
Associate General Counsel

Ms. Kissinger has served as Vice President and Chief Compliance Officer of TEP since August
2013. Ms. Kissinger served as Vice President, Controller, and Chief Compliance Officer from 2001
to 2013. Ms. Kissinger joined TEP as Vice President and Controller in January 199 l

Mr. Mansfield has served as Vice President, Energy Resources since 2012. He joined the company
in 2008 as Senior Director of Generation

Frank R Marino Mr. Marino has served as Vice President and Controller of TEP since August 2013. Mr. Marino
joined TEP as Assistant Controller in January 2013. Prior to joining TEP, he served in various roles
at the AES Corporation, a global power company. In 2012 he served as AES' Vice President for
Business Demand and Outsourcings Management, and from 2007-2011 he served as Chief Financial
Officer for two different business units

Thomas A. McKenna

Catherine E. Ries

Maw Jo Smith

Herlinda H Kennedy

Mr. McKenna has served as Vice President,Energy Delivery since August 2013. Mr. McKenna was
named Vice President, Engineering in January 2007. Mr. McKenna joined an affiliate of TEP in
1998. Mr. McKenna is retiring from TEP on May 1, 2016

Ms. Ryes has sewed as Vice President, Customer and Human Resources since August 2015. Prior to
that she served as Vice President of Human Resources and Information Technology, since May
2011. Ms. Ries joined TEP as Vice President of Human Resources in June 2007

Ms. Smith has served as Vice President of Public Policy since 2015. Ms. Smith joined TEP as
Director of Investor Relations in 2003 and most recently served as Senior Director of Regulatory
Services and Corporate Communications

Ms. Kennedy has served as Corporate Secretary of TEP since September 2006. Ms. Kennedy joined
TEP in 1980 and was named assistant Corporate Secretary in 1999

Code of Ethics

See Part L Item I, Business, SEC Reports Available on TEP's Website

Audit and Risk Committee of the UNS Energy Board

The Audit and Risk Committee of the Board of Directors of UNS Energy was established for the purpose of overseeing the
accounting and financial reporting process and audits of the financial statements of UNS Energy and its consolidated
subsidiaries, including TEP

The Audit and Risk Committee reviews current and projected financial results of operations, selects an independent registered
public accounting firm to audit UNS Energy's and TEP's financial statements annually, reviews and discusses the scope of
such audit, receives and reviews the audit reports and recommendations and transmits its recommendations to the UNS Energy
Board of Directors. The Audit and Risk Committee of UNS Energy reviews UNS Energy's and TEP's accounting and internal
control procedures with the internal audit department from time to time, makes recommendations to the board of UNS Energy
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for any changes deemed necessary in such procedures and performs such other functions as delegated by the UNS Energy
Board of Directors.

The following UNS Energy directors are members of the Audit and Risk Committee of UNS Energy's Board of Directors:

Ramiro G. Peru, Chair

Robert A. Elliott

92

https://wv~An.sec.gov/Archives/edgar/data/100122/000010012216000034/tep10k12312015.htm 171/230



4/21/2016 10-K

James P. Laurito

Gregory A. Pivirotto

Joaquin Ruiz

All Audit and Risk Committee members possess the level of financial literacy and accounting or related financial management
expertise required by New York Stock Exchange (NYSE) rules. UNS Energy's Board of Directors has determined that, while
each member of the Audit and Risk Committee has accounting and/or related financial management expertise, Mr. Ramiro
Peru is an "audit committee financial expert" as that term is defined by applicable SEC regulations.

Human Resources and Governance Committee of the UNS Energy Board

TEP is a wholly owned subsidiary of UNS Energy. As described in Part [IL Item I] Executive Compensation below, the TEP
Board of Directors does not have a Compensation Committee and does not make compensation-related decisions for the
executive officers of TEP. Instead, the UNS Energy Board of Directors' Human Resources and Governance Cormnittee makes
compensation-related decisions, including the approval of the compensation plan described in Part OIL Item 11 Executive
Compensation.

The following UNS Energy directors are members of the Human Resources and Governance Committee of UNS Energy's
Board of Directors :

Louise L. Francesconi, Chair

Lawrence J. Aldrich

Robert A. Elliott

Barry Pen'y

UNS Energy Directors

Due to the role of the Audit and Risk Committee and the Human Resources and Governance Committee of the UNS Energy
Board of Directors described above, the following information is included with respect to the members of the UNS Energy
Board of Directors (other than with respect to Mr. Hutchins, who is also a member of the Board of Directors of UNS Energy):

Name Age
Served as

Director Since

Lawrence J. Aldrich 63 2000

Business Experience

Partner, Newport Board Group, since 2014, Chairman and Executive Director,

Arizona Business Coalition on Health, since 2011 , President and Chief

Executive Officer of University Physicians Healthcare (UPH), a healthcare

organization, from 2009 to 2010, Senior Vice President/Corporate Operations

and General Counsel for UPH from 2007 to 2008, President of Aldrich Capital

Company, an acquisition, management and consulting firm, since 2007, Chief

Operating Officer of The Critical Path Institute, a non-profit medical research

company focusing in drug development, from 2005 to 2007.

Mr. Aldrich's extensive experience in the areas of public relations/advertising,

finance, legal, human resources, marketing, engineering, operations,

government/regulatory, information technology, insurance/health care, and his

significant community involvement in Arizona and Tucson contribute to the

diverse knowledge, skills and qualifications of the UNS Energy Board.
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Robert A. Elliott

President and owner of Elliott Accounting, an accounting, tax, management
and investment advisory services firm, since 1983, Chair of AAA of Arizona
a regional automotive and travel club, since 2014 and Director since 2007
Director and Corporate Secretary of Southern Arizona Community Bank, a
banking institution, from 1998 to 2010, Television Analyst/Pre-game Show
Co-host for Fox Sports Arizona from 1998 to 2009, Chairman of the Board of
the Tucson Airport Authority, an airport operator/manager, from January 2006
to January 2007, President and Chairman of the Board of the National
Basketball Retired Players Association from 2011-2013, Director of
University of Arizona Foundation, a philanthropic organization, since 20]1

Mr. Elliott's extensive experience in the areas of accounting, audit, banking
and corporate tax, and his significant community involvement in Arizona and
Tucson contribute to the diverse knowledge, skills and qualifications of the
UNS Energy Board

Louise L
Francesconi

President of Raytheon Missile Systems, a defense electronics corporation
from 1997 until her retirement in 2008, Director of Stryker Corporation, a
medical technology company, since July 2006, Chainman of the Board of
Trustees for TMC Healthcare, a hospital, since 1999, Director of Global Solar
Energy, Inc., a manufacturer of solar panels and other solar-related products
from 2008 to 201 l

Ms. Francesconi's extensive experience in the areas of accounting, public
relations/advertising, finance, legal, human resources/benefits, marketing
engineering, operations, audit, government/regulatory, information technology
and insurance/healthcare, and her significant community involvement in
Arizona and Tucson contribute to the diverse knowledge, skills and
qualifications of the UNS Energy Board

James P. Laurite

President and CEO of Central Hudson Gas & Electric Company since
November 1, 2014. Mr. Laurito joined Central Hudson as President in
November 2009. Prior to that. he served as President of both New York State
Electric and Gas Corporation and Rochester Gas & Electric Corporation from
2003 until 2009

Mr. Laurite's extensive experience in the electric and gas utility business
contribute to the diverse knowledge, skills and qualifications of the UNS
Energy Board

President and CEO of Fortis since December 31. 2014

Barry Perry

Prior to his current position at Fortis, Mr. Pens served as Vice President
Finance and CFO of Fortis since 2004. Mr. Perry joined the Fortis
organization in 2000 as VP, Finance and CFO of Newfoundland Power
Previously, he held the position of VP, Treasurer with a global forest products
company and Corporate Controller with a large crude oil refinery

Mr. Perry's extensive experience in the electric and gas utility business
contribute to the diverse knowledge, skills and qualifications of the UNS
Energy Board

Ramiro G. Peru

Executive Vice President and Chief Financial Officer of Phelps Dodge
Corporation, a mining corporation, from 2004 until his retirement in 2007
Senior Vice President and Chief Financial Officer of Phelps Dodge
Corporation from 1999 to 2004; Director of Anthem, Inc. (formerly WellPoint
Inc.), a health benefits company, since 2004, Board of Directors, Fiesta Bowl
since 2012, Director of SM Energy Company, 2014 - 2015

Mr. Penl's extensive experience in the areas of accounting, corporate
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communications, finance, legal, human resources/benefits, audit
government/regulatory, corporate tax, information technology
insurance/health care and environmental contributes to the diverse knowledge
skills and qualifications of the UNS Energy Board
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Gregory A
Pivirotto

President, Chief Executive Officer and Director of University Medical Center
Corporation, in Tucson, from 1994 until his retirement in 2010, Adjunct
Professor at the University of Arizona College of Law since 2013, certified
public accountant since 1978, Director of Arizona Hospital & Healthcare
Association, a trade association providing advocacy, education and service to
hospitals and other healthcare organizations, from 1997 to 2005, Director of
Tucson Airport Authority, an airport operator/manager, from 2008 to January
2014; Member of the Advisory Board of Harris Bank Arizona from 2010 to
2013; Director of the Donor Network of Arizona from 1993 to 2006 and since

Mr. Pivirotto's extensive experience in the areas of accounting, public
relations/advertising, finance, legal, human resources/benefits, marketing
operations, audit, government/regulatory, banking, corporate tax, information
technology and insurance/healthcare, and his significant community
involvement in Arizona and Tucson contribute to the diverse knowledge, skills
and qualifications of the UNS Energy Board

Joaquin Ruiz

Professor of Geosciences, University of Arizona, an educational institution
since 1983, Dean, College of Science, University of Arizona, since 2000
Executive Dean of the University of Arizona College of Letters, Arts and
Science since 2009 and Vice President for Strategy and Innovation since 2012

Mr. Ruiz's extensive experience in the areas of renewables and environmental
public relations/advertising, human resources/benefits, operations
govermnent/regulatory, information technology, and his significant
community involvement in Arizona and Tucson contribute to the diverse
knowledge, skills and qualifications of the UNS Energy Board
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ITEM 11. EXECUTIVE COMPENSATION

COMPENSATION DISCUSSION AND ANALYSIS

This section describes TEP's overall executive compensation policies and practices and specifically analyzes the total
compensation for the following executive officers, referred to as the Named Executives

David G. Hutchins. President and Chief Executive Officer

Kevin P. Larson. Senior Vice President and Chief Financial Officer

Karen G. Kissinger, Vice President and Chief Compliance Officer

Todd C. Hixon. Vice President and General Counsel: and

Kenton C. Grant. Vice President and Treasurer

COMPENSATION PHILOSOPHY

Compensation Committee

TEP is a wholly owned subsidiary of UNS Energy (itself a wholly owned, indirect subsidiary of Fortis). The TEP Board of
Directors does not have a Compensation Committee and does not make compensation-related decisions for the executive
officers of TEP. The same individuals serve as executive officers of both UNS Energy and TEP. The UNS Energy Board of
Directors Human Resources and Governance Committee makes all compensation decisions for all such executive officers
including the design of the 2015 executive compensation program, and also approves this disclosure, among other
responsibilities. Any references to a Compensation Committee in this section refer to the UNS Energy Human Resources and
Governance Committee

TEP Compensation as a Component of UNS Energy Total Compensation

The Compensation Committee designs its programs to compensate UNS Energy executive officers for services to UNS Energy
and all UNS Energy subsidiaries, including TEP. The amounts shown in this section represent the Named Executives
compensation allocated to TEP and its subsidiaries only, which, in 2015 amounts to 80.90% of the Named Executives total
compensation for service provided to UNS Energy and its subsidiaries. The percentage allocated to TEP is obtained using the
Massachusetts formula, an indush'y-wide accepted method of allocating common costs to affiliated entities based on an equal
weighting of payroll costs, plant/tangible assets and total revenues. References to the Company refer to UNS Energy and
include all UNS Energy subsidiaries. The Performance Enhancement Plan (PEP) includes target goals atmlbutable to TEP
UNS Electric. and UNS Gas

Objectives of the Compensation Program

The Compensation Committee has established a balanced total compensation program that ensures that a significant part of
executive officer compensation is performance-based. Corporate goals are designed to focus executive officers and all non
union employees on successful execution of the Company's strategy and amlual operating plan

The Company's executive officer compensation policies and decisions have the following objectives

Attracting, motivating and retaining highly-skilled executives

Linking the payment of compensation to the achievement of critical short- and long-term financial and strategic
objectives, providing safe, reliable and economically available electric and gas service, and aligning performance
objectives of management with those of its other employees by using similar performance measures for both groups

3. Balancing risk and reward to align the interests of management with those of the Company's stakeholders and
encouraging management to think and act like owners, taking into account the interests of the public that the
Company serves

Maximizing the financial efficiency of the compensation program to avoid unnecessary tax, accounting and cash flow
costs
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| Encouraging management to achieve outstanding results through appropriate means by delivering compensation in a
manner consistent with established and emerging corporate governance "best practices."
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Summary of 2015 Executive Officer Compensation Program

Compensation Component Key Features

Increases considered on an annual basis to
remain near the median of the Company's
peer group (as described in Elements of
Compensation - Base Salary, below)

Purpose

Base Salary

Provide a fixed amount of cash
compensation to the Company's Named
Executives

Intended to constitute a sufficient
component of total compensation to
discourage inappropriate risk-taking

Incentive plans are structured identically
for executive and non-executive
employees and across business
units/functions, uniting all non-union
employees in the achievement of common
goals

Short-term Incentive

Motivate and reward achieving or
exceeding the Company's shop-term
performance goals, reinforcing pay-for-
performance

Compensation (Performance
Enhancement Program or PEP)

All incentive plans are capped at 150% of
target, protecting against the possibility
that executives would try to maximize
bonuses by taking short-term actions not
supportive of long-term objectives.

Focus entire Company on key customer,
operational and financial objectives

Must achieve at least the threshold level of
net income to receive payment above 50%
of target for other performance measures,
this cap limits non-financial goal payout if
the financial goals are not met

LTI compensation is delivered in a
combination of performance share units
(PSUs) and restricted share units (RSUs)

Ultimate value earned from the LTI
program is based on both absolute and
relative shareholder value and longer-term
operating performance

Long-Term Incentive

Opportunities for ownership and financial
reward in support of the Company's
longer-tenn financial goals and stock price
growth, also supports retention objective

Compensation (LTI or equity-

based compensation)

PSUs represent 67% of the target award
with 50% of the shares earned based on
achievement of cumulative net income
goals and 50% of the shares earned based
on achievement of Fortis's TSR relative to
an industry peer group over a three-year
period

Provide a link between compensation and
long-term shareholder interests as reflected
in changes in Fortis stock price

RSUs represent 33% of the target awards,
and cliff vest on the 3rd anniversary of
grant

The Compensation Committee considers decisions regarding each component of pay in the context of each executive officer's
total compensation. For example, if the Compensation Committee increases an executive officer's base salary, it also considers
the resultant impact on short- and long-tenn performance-based incentive compensation and compares total compensation
levels to competitive practice. See Compensation Analysis, below. The Compensation Committee does not directly consider
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the value of previous equity awards in setting current year total compensation opportunities, but does review the value of
outstanding equity awards to assess the degree to which such awards support the Company's performance motivation
retention, and shareholder alignment objectives

Each of these components is described in more detail below and in the narrative and footnotes to the supporting tables. The
following sections highlight how the above objectives are reflected in the Company's compensation program

Attracting. Retaining and Motivating Executives

To attract, retain and motivate highly-skilled employees, the Company provides the Named Executives with compensation
packages that are competitive with those offered by other electric and gas utility companies of comparable size and
complexity and/or electric and gas utility companies thought to be competitors for executives
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The Compensation Committee generally targets total direct compensation for the Named Executives to be, on average, at the
median of selected comparable companies identified below under the Compensation Analysis section. Under this approach
newly promoted executives and those new to their role may be placed below the median to reflect their limited experience and
evolving skill set. Similarly, executives with longer tenure and therefore an above-market skill set, or those executives who are
sustained high performers over time and are most critical to the Company's long-term success, may be placed above the
median. The Company believes that this strategy enables it to successfully hire, motivate and retain talented executives while
ensuring a reasonable overall compensation cost structure relative to its peers

In addition to providing competitive direct compensation opportunities, the Company also provides certain indirect
compensation and benefits programs that are intended to assist in attracting and retaining high quality executives. These
programs include pension and retirement programs and are described in more detail below and in the narratives that
accompany the tables that follow this section

Linking Compensation to Perfonnance

The Company's compensation program seeks to link the actual compensation earned by the Named Executives to their
performance and that of the Company and Fortis. To ensure that the executive officers are held accountable for achieving the
Company's financial, operational and strategic objectives and for creating Fortis shareholder value, the Company believes that
the percentage of pay at risk should increase with the level of responsibility within the Company. The target amounts of
performance-based pay programs comprise approximately 45% to 70% of the total direct compensation opportunity for the
Named Executives. Of the performance-based compensation, approximately 30-50% is short-term and 50-70% is long-term
Placing a greater emphasis on long-term performance-based compensation encourages executive officers to focus on the long
term impact of their actions. Non-variable compensation, such as benefits and perquisites, is De-emphasized in the total
compensation program to reinforce the linkage between compensation and performance

Balancing Risk and Reward to Align the Interests of the Company's Named Executives with Stakeholders

The Company's compensation program seeks to align the interests of the Named Executives with those of the Company's key
stakeholders, including Fortis shareholders, customers, the community and employees. The Company uses the short-term
incentive compensation component to focus the Named Executives on the importance of providing safe and reliable customer
service, creating a safe work environment for employees and improving financial performance by linking their short-term cash
incentive compensation to achievement of these objectives. The Company uses an equity-based compensation component of
its compensation package to align the interests of the Named Executives with those of the Fortis shareholders, The Company's
compensation strategy mitigates risk by emphasizing long-term compensation and financial performance measures correlated
with shareholder value. UNS Energy believes that equity-based compensation, together with the three-year vesting of share
based awards, result in compensation programs that do not encourage excessive risk-taking by management relating to the
Company's business and operations, and increase executive officer accountability in the performance of the Company. In
addition, the Compensation Committee has the ability to reduce short-term incentive compensation award layouts, in its sole
discretion, based upon factors other than Company performance measures. In considering the design alternatives, the
Compensation Committee continually evaluates the potential for unintended consequences of its compensation program

Maximizing the Financial Efficiency of the Program

In structuring the total compensation package for the Named Executives, the Compensation Committee evaluates the
accounting cost, cash flow implications and tax deductibility of compensation to mitigate financial inefficiencies to the
greatest extent possible. For instance, as part of this process, the Compensation Committee evaluates whether compensation
costs are fixed or variable and places a heavier weighting on variable pay elements to calibrate expense with the achievement
of operating performance objectives

Adhering to Corporate Governance "Best Practices

The Compensation Committee continually seeks to evaluate the executive officer compensation program in light of corporate
governance "best practices." For example, the short-term and long-term incentive compensation programs include a clawback
provision, and the Change in Control Agreements do not contain an excise tax gross-up provision, all of which are discussed
in more detail below

The Compensation Committee also reviews tally sheets and wealth accumulation analyses, which are designed to assist the
Compensation Committee in evaluating the reasonableness of the compensation provided to Named Executives
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Compensation Analysis

To provide a foundation for the executive officer compensation program, the Company periodically benchmarks its Named
Executives' compensation levels and practices against a peer group of companies intended to represent the Company's
competitors for business and talent. The peer group, which is reviewed periodically and approved by the Compensation
Committee, includes the 12 utility companies named below that are comparable to UNS Energy in size, as measured by annual
revenues and market capitalization (the Peer Group). As of November 2013, the date when the most recent benchmarking
analysis was performed, UNS Energy's revenues and number of employees approximate the median of the Peer Group, total
assets and market capitalization were between the 25th percentile and the median, net income is below the 25th percentile

2015 Peer Group

ALLETE. Inc NorthWestern Corp

Avista Corp NV Energy, Inc

Cleco Corp PNM Resources Inc

El Paso Electric Co Portland General Electric Co

Great Plains Energy, Inc UIL Holdings Corp

IDACORP Inc Westar Energy Inc

ELEMENTS OF COMPENSATION

Base Salary

The Company uses base salary to provide each Named Executive a set amount of money during the year with the expectation
that he or she will perform his or her responsibilities to the best of his or her ability and in the best interests of the Company
The Company believes that competitive base salaries are necessary to attract and retain executives critical to achieving its
business goals. In general, Named Executives' base salaries are targeted to the median of the Peer Group described above
However, individual salaries can and do vary from the Peer Group median data based on such factors as: (i) the competitive
environment for Named Executives, and (ii) incumbent responsibilities, experience, skills and performance relative to
similarly situated executive officers within the Company. Named Executives' salaries range from below the 25th percentile to
the median of the Peer Group at the time the last benchmarking review was conducted

Increases to Named Executives' base salaries are considered annually by the Compensation Committee. In approving base
salary increases for Named Executives other than the CEO, the Compensation Committee also considers the CEO's
recommendations

In February 2015, the Compensation Committee approved 2% base salary increases for the Named Executives, which were
consistent with salary increases as a percent of salary for other non-union Company employees. Base salary as a percentage of
total compensation for the NamedExecutives ranged from approximately 30-55% of target total direct compensation
Additional information is provided in the Summary Compensation Table below

Short-Term Incentive Compensation (Cash Awards)

The Company's short-term incentive compensation consists of cash awards under the Performance Enhancement Plan
("PEP"), which links a significant portion of the Named Executives' annual compensation to the Company's annual financial
and operational performance

Each year, before the end of the first quarter, the Compensation Committee establishes performance objectives that must be
met in whole or in part before the Company pays PEP awards. The key performance objectives are tailored to drive behavior
that supports the Company's strategy of delivering safe, reliable service and value to customers and a fair return to
shareholders over time. The Compensation Committee generally attempts to align the target opportunity for each Named
Executive, stated as a percentage of base salary, with the median rate for equivalent positions at the Peer Group companies. In
2015_ the target short -term incentive ormortunitv for the Named Executives ranged from 40% to 80% of base salary
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depending upon the Named Executive's responsibilities (i.e., the greater the responsibility, the more pay at risk). The
Company's Named Executives' target incentive opportunities as a percent of base salary were near the Peer Group median at
the time the last benchmarking review was conducted. As described more fully below, the actual amounts paid depend on the
achievement of specified performance objectives and could range from 50% of the target award upon achievement of
threshold performance to 150% of the target award upon achievement of exceptional performance

99
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Financial and Operating Perfonnance Objectives-2015

The PEP performance targets and weighting are based on factors that are essential for the long-term success of the Company
and are identical to the performance objectives used in its performance plan for other non-union employees. In 2015, the
objectives were: (i) net income, (ii) O&M cost containment, and (iii) excellent operations and safe work environment. The
Compensation Committee selected the goals and individual weightings for the 2015 PEP to ensure an appropriate focus on
profitable growth and expense control, as well as operational and customer service excellence. This use of balanced financial
and operational metrics encourages all employees to work toward common goals that are in the interests of UNS Energy's
various stakeholders

The program design includes a 50% maximum payment cap if the Net Income goal does not achieve at least Threshold
attainment. This ensures sufficient income to fund the program and reiterates the importance of the Net Income Goal. Finally
the Board of Directors has discretion to adjust any payout

The financial and other metrics for the Company's 2015 Short-Term Incentive Compensation program were

Financial - 60%, Comprising of

Net Income - 40%

O&M Cost Containment - 20%

Excellent Operations and Safe Work Environment - 40%

In developing the PEP perfonnance targets, Company management compiles relevant data such as Company historic
performance and industry benchmarks and makes recommendations to the Compensation Committee for a particular year, but
the Compensation Committee ultimately determines the performance objectives that are adopted

The 2015 financial performance objectives were

Threshold

139. 6

Target

150. 1

Exceptional

s $ sNet Income (in millions) results interpolated

O&M Long-Term Increase fnal results
interpolated 2.0% 1.5%

The 2015 operational and safety performance objectives were

Threshold Target Exceptional

92.43% 93.42% >94.42%

Excellent Operations

Equivalent Availability Factor ("EAF")
Generation Reliability - Sumner

System Average Intemiption Duration Index
("SAIDI") Transmission/Distribution
Reliability

Customer Satisfaction - Improve Residential
Customer Satisfaction Score Measured by JD
Power

Safe Work Environment

OSHA Rate (Employee Safety Incident Rate)

640-649 650 -669

2015 PEP Results

Summary

Overall, the 2015 results produced a total weighted performance for all goals of 113.2% of target performance, as summarized
in Table A below. The Compensation Committee approved an overall PEP payout of 113.2% of target awards
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Table A: Summary of 2015 PEP Results

Weighting of
Goal (A)

Percentage of
Target Performance

Achieved (B)
Payout Percentage

(A x B)

%

50%

150%

Various

43.2%Net Income

Safe Work Environment

O&M Cost Containment

Excellent Operations

30 . 0%

m,

113.2%

(1) Additional details provided below

Net Income Goal

In 2015, the Company achieved $151.8 million of net income, which was above target performance (results are interpolated)
Table B, below, reflects the net income goal, which ranged from $139.6 million (threshold) to $160.6 million (exceptional)
and the corresponding payout levels, which ranged from 50% to 150% of the target award, as well as the actual net income
achieved for 2015. Net income must have been more than $139.6 million to produce a payout. The achievement of $15 l .8
million in net income resulted in a payout level of 108. 1% of the target amount for the Net Income performance objective

Table  B :  Net  I ncome

(in millions)

Payout % of Target

Final Result: $151.8
Range

$ 1 3 9 6 $141. 7 $143_8 $ 1 4 5 . 9  $ 1 4 8 . 0  $ 1 5 0 . 1  $ 1 5 2 . 2  $ 1 5 4 . 3  $ 1 5 6 . 4  $ 1 5 8 . 5

5 0 % 6 0 % 7 0 % 8 0 % 9 0 % 100% 110% 120% 130% 1 4 0 %

$160.6

150%

Threshold Target Exceptional

Actual $151.8

O & M  Cos t  Con t a i nm en t  G oa l

Prior to 2015, the O&M cost containment goal focused on achieving a targeted current year O&M spending level. In 2015 the
goal was changed to reflect a longer term view of O&M by focusing on results of the 2016 budget (set by management in mid
year 2015) as a percentage increase over the 2015 base O&M budget. The lower increase of year over year budget estimates
represents better performance. This O&M goal is meant to trigger longer-term thinking on how the Company's leadership
might structurally change its business and processes, using proven process improvement methods, to focus on moving the
business forward while containing costs. In 2016, the program design will include a monitoring of performance to the
established 2016 budget. Table C, below, reflects the O&M cost containment goal, which ranged from 3.0% increase
(threshold) to 1.5% increase (exceptional), and the corresponding payout levels, which ranged from 50% to 150% of the target
award (results are interpolated). In 2015 the Company achieved a 2016 O&M budget decrease of 0.5%, which was exceptional
performance, and resulted in a payout level of 150% for that perfonnance objective

Table C: O & M Long Term Increase

(in millions)

2 . 8% 2. 6% 2.49 m,

m,

Final Result: 1.5%

Range

2.0% 1.9%

1 0 0 % 110%

1 . 8 %

1 2 0 %

1.7%

130%

1.6%

140%

5%

150%Payout % of Target

Threshold Target Exceptional

Actual (0.5)'%

Excellent Uperations Goals
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Equivalent Availability Factor ("EAF"): The reliability of the Company's plant performance during the peak summer
demand season is critical to its customers and due to approved rate design, to financial performance, therefore, a
Summer EAF goal is used in measuring the reliability of the Company's generation fleet.

101
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System Average Interruption Duration Index ("SAIDI"): This reliability measure in the Company's Transmission and
Distribution business area is a good outage duration performance measure, because it tracks the length or duration of
outages across all customers, giving the Company a focus on reducing the outage time a customer experiences.

Customer Satisfaction: This reliability metric is measured by the JD Power Customer Satisfaction survey. Improving
the Compally's interactions with customers is critical to the outcome of this goal.

Safe Work Environment Goal:

Safety: The Company's safety measure tracks the OSHA Recordable Incident Rate, which is a good indicator of a
company's safety efforts. Continued focus on safety initiative components (leadership, employee involvement, and
regulatory compliance) is a priority for the Company.

Table D, below, reflects the final achievement at the various levels of performance for the Excellent Operations and Safe Work
Environment goals. According to the guidelines set by the Compensation Committee, the achievement of these goals yielded a
result of 40% for this combination of performance objectives.

Table D: Excellent Operations/Safe Work Environment Goals

Weight Actual Result Final Value Totals

10% Exceptional 15%

10% Target 10%

10% Target 10%

35.0

10% Threshold

5.0%

Excellent Operations (30% Weighting)

Equivalent Availability Factor ("EAF") Generation Reliability
Summer

System Average Interruption Duration Index ("SAIDI")
Transmission/Distribution Reliability

Customer Satisfaction - Improve Residential Customer
Satisfaction Score Measured by JD Power

Subtotal: Excellent Operations

Safe Work Environment (10% Weighting)

OSHA Rate (Employee Safety Measure)

Subtotal: Safe Work Environment

Total Percentage for Excellent Operations and Safe Work
Environment 40.0%

The Company's internal audit department verified that the reported results for the 2015 PEP goals were accurate and reported
its findings to the Compensation Committee.

The amounts of the 2015 PEP awards paid to each of the Named Executives are listed in the Summary Compensation Table
below.

Long-Term Incentive Compensation (Equity Based Awards)

UNS Energy believes that equity-based awards align the interests of executive officers with the interests of Fortis'
shareholders and fosters the growth and success of the business of the Company and Fortis in accordance with the vision of
both the Company and Fortis. In addition, the vesting provisions applicable to the awards encourages a focus on long-term
operating perfonnance, lining compensation expense to the achievement of multi-year financial results and helping to retain
executive officers.

In 2015, the Compensation Committee approved the adoption of a new long-term incentive plan under which certain key
employees, including executive officers, may be granted long-tenn incentive awards of performance-based share units
("PSUs") and time-based restricted share units ("RSUs"). Executive officers receive a cash payment for each PSU and RSU
that is payable and vested pursuant to the plan. The payment is based on the market price of one share of common stock of
Fortis on the applicable payment or vesting date, which is then converted to U.S. dollars in accordance with the plan. All prior
long-tenn incentive awards that predate the current plan were paid out in 2014 as a result of the acquisition of UNS by Fortis.

The long-term incentive ("LTI") opportunity for each Named Executive is based on a percentage of salary. The 2015 LTI
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s multiples are 150% for Mr. Hutchens, 100% for Mr. Larson, and 40% for Ms. Kissinger and Messrs. Hixon and Grant. The
dollar values of the Named Executives' long-term incentives are generally in the 25th percentile to median range of the Peer
Group. Under the design of the compensation plan for 2015, two-thirds of the award opportunity was granted as performance

102
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share units and one-third was to be granted as restricted share units that vest 100% on the third anniversary of grant to support
retention objectives as well as succession planning initiatives

2015 Performance Share Units

Performance share unit awards granted in 2015 will be distributed, along with dividend equivalents (to the extent that the
performance share units become earned and vested), at the end of the three-year payment criteria period ending in 2017, based
on the following equally-weighted payment criteria

TSR Payment Criteria

The first financial performance criteria is the TSR of Fortis stock relative to the TSR of a predefined peer group (the "LTI Peer
Group") shown below for the same period

Payout as a Percent of Target
Award

75.0%

TSR Percentile Rank

75th percentile and above

50th percentile

30th percentile

Below 30th percentile

25.0%

0.0%

Intermediate layouts determined by interpolation

NiSource Inc

Northeast Utilities

OGE Energy Corp

Pinnacle West Capital Corp

LTI Peer Group

AGL Resources

Alliant Energy

Ameren Corp

Atropos Energy Corp

Canadian Utilities. Ltd

CenterPoint Energy, Inc

CMS Energy Corp

DTE Energy Co

Emera. Inc

Great Plains Energy

LTI Peer Group

MDU Resources Group Inc

New Jersey Resources, Corp

PPL Corp

Public Svc Enterprise Group

SCANA Corp

Sempra Energy

TECO Energy Inc

UGI Corp

Wester Energy, Inc

Wisconsin Energy Corp

Xcel Energy Inc

Cumulative Net Income Payment Criteria

The second financial payment criteria is cumulative net income (CNI) determined in accordance with GAAP and compared to
a target cumulative net income of UNS Energybased on an assessment of external and management forecasts for the same
period

Three-Year Cumulative
Net Income

Payout as a Percent of Target
Award EarnedDegree of Performance Attainment (in millions)

Exceptional

Target

Threshold

Less than Threshold

75.0%

50.0%

25.0%

0.0%

Intermediate layouts determined by interpolation

Equity Grant Timing and Practice
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During the first quarter following the close of a fiscal year, the Compensation Committee approves and grants the long-term
incentive awards for that year, including the type of equity to be granted, as well as the size of the awards for Named
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Executives. In determining the type and aggregate size of awards to be provided, as well as the performance metrics that
apply, the Compensation Committee considers the strategic goals of the Company and Fortis, trends in corporate governance,
accounting impact, tax deductibility, cash flow considerations, and the impact on Fortis's earnings per share. The timing of
awards was not coordinated with the release of material non-public infonnation

CLAWBACK PROVISION FOR VARIABLE COMPENSATION

Consistent with current "best practices," short- and long-tenn incentive compensation awards are subject to clawback
provisions. The clawback provision may apply to the income derived from the financial component of the PEP and the
perfonnance share units in the event of a restatement of financial results that, in the view of the Compensation Committee,
results from fraud or intentional misconduct. The Compensation Committee has discretion to determine to whom the clawback
will apply and the amount subject to clawback, if such repayment is determined to be necessary

ELEMENTS OF POST EMPLOYMENT COMPENSATION

Termination and Change in Control

Prior to the Company's acquisition by Fortis, the Compensation Committee had determined that it was in the Company's and
shareholders' best interest to enter into change in control agreements with its executive officers in order to attract highly
qualified executives and to retain those executives through any future challenges that might arise. All of these agreements
were designed to be consistent with contemporary "best practices," such as double tagger severance payments and equity
vesting and no excise tax gross-ups. These variousagreements are still in effect and are discussed in detail inPotential
Payments Upon Termination or Change in Control,below

Generally speaking, the Company does not enter into or extend employment agreements with current officers and instead only
uses employment agreements when needed in recruiting a new officer. The Company currently has no employment
agreements in place

UNS Energy also maintains a severance pay plan for all of the Company's non-union employees, including its Named
Executives, which continues the Company's historical practice of providing severance pay in certain tennination situations
without a change in control and provides consistency in that practice

Retirement and Other Benefits

The Company offers retirement and other core benefits to its employees, including the Named Executives, in order to provide
them with a reasonable level of financial support in the event of illness or injury and to enhance productivity and job
satisfaction. The basic retirement and other core benefits are the same for all employees and Named Executives and include
medical and dental coverage, disability insurance and life insurance. In addition, the TEP 401(k) Plan (the "401(k) Plan") and
the TEP Salaried Employees Retirement Plan (the "Retirement Plan") provide a reasonable level of retirement income
reflecting employees' careers with the Company. All employees, including Named Executives, participate in these plans, the
cost of these benefits (other than the Retirement Plan) is partially home by the employee, including each Named Executive. In
addition, the Company provides all of its officers with an optional executive physical annually

In addition to the basic retirement plans, described above, to the extent that any executive officer's retirement benefit exceeds
Internal Revenue Code (Code) limits for amounts that can be paid through a qualified plan, the Company also offers non-
qualified retirement plans, including the TEP Excess Benefit Plan (Excess Benefit Plan) and the Management and Directors
Deferred Compensation Plan (DCP). These plans provide only the difference between the calculated benefits and Code limits.
These benefits are not tied to any formal individual or Company performance criteria but are intended to enhance the
attraction and retention value of the executive officer compensation program and are consistent with similar competitive
compensation benefits made available to executives in the industry. UNS Energy believes the DCP and the Excess Benefit
Plan assist with the Company's attraction and retention objectives. The DCP provides an industry-competitive and tax-
efficient benefit to the executive officers. The DCP is not founded by the Company, DCP participants are unsecured creditors of
the Company with respect to their DCP plan accounts. The Excess Benefit Plan provides the retirement benefits to executive
officers that would have been provided under the Retirement Plan if the Code limitations did not apply. For more information
on retirement and certain related benefits.see Pension Benefits and Non-Qualyied Deferred Compensation,below.

ROLE OF EXECUTIVES IN ESTABLISHING COMPENSATION

Certain executive officers, including the CEO, the CFO, the General Counsel and the Vice President of Customer and Human
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at Resources, routinely attend regular sessions of Compensation Committee meetings, however, they are excused for executive
sessions when their compensation is discussed and/or determined. The CEO makes recommendations to the Compensation
Committee with respect to changes in compensation for senior executive officer positions (other than the CEO) and layouts
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under the annual incentive plan. The CEO also makes suggestions to the Compensation Committee regarding the design of
incentive plans and other programs in which senior management participates

The CFO provides information regarding short-term and long-term compensation targets, as well as updates on the progress of
short- and long-tenn objectives. Additional Company personnel with expertise in and responsibility for compensation and
benefits provide information regarding executive officer and director compensation, including cash compensation, equity
awards, pensions, deferred compensation and other related information

COMPENSATION COMMITTEE REPORT ON EXECUTIVE COMPENSATION

The Compensation Committee has reviewed and discussed with management theCompensation Discussion and Analysis
section required by Item 402(b) of SEC Regulation S-K and contained in this annual report. Based on such review and
discussions, the Compensation Committee recommended to the Board of Directors of TEP that the Compensation Discussion
and Analysis section be included in TEP's annual report on Form 10-K for the year ended December 3 l , 2015

Respectfully submitted,

THE HUMAN RESOURCES AND GOVERNANCE COMMITTEE OF UNS ENERGY CORPORATION

Louise L. Francesconi, Chair
Lawrence J. Aldrich

Robert A. Elliott
Barry Perry
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SUMMARY COMPENSATICN TABLE - 2015 (1)

The following table sets forth summary compensation information for the years ended December 31 , 2013, 2014, and 2015 for
the Company's Named Executives

Non-Equity
Incentive Plan

Compensation

Change in
Pension Value

and Non
Qualified
Deferred

Compensation
EarningsName and Principal Position

Dav id  G.  Hut c hens
Pres ident  and Chief
Executive O f f i c e r

Share Awards(2l

632 . 590

417. 359

432. 998

280 . 509

432.815

All Other
Compensation'§)">

9 . 647

2. 529. 306

14.209

Total

1.915. 136

4. 277. 812

1.057.580

757 . 232

5.117.932

Year

2015

2 0 1 4

2013

2015

2 0 1 4

198.513

169. 081

158. 639 4.122.921

12.574

Kevin P. Larson
Senior Vice President
and Chief Financial
Officer

Todd C. Hixon
Vice President and
General Counsel

2015

2014

2015

2014

327 . 989

85

86. 054

259.605

46.725

32. 676

242 . 704

36. 250

325. 958

460. 900

470. 836

1.112.472

Salary

446. 942

397 . 962

306 . 482

297.995

289 . 922

279.435

231 .135

226 . 742

221 .580

219. 094

216 . 627

86. 054

252. 798

96. 072

100. 316

95. 088

107. 659

2.272.033

10

2. 998. 227

587. 230

Karen G. Kissinger
Vice President and
Chief
Compliance Officer

Kenton C. Grant

Vice President and
Treasurer

2015 212.349 78 100.316 87.403 486. 597

(1) The amounts included in the Summary Compensation Table represent only the amounts paid by UNS for services to TEP and its
subsidiaries and do not include amounts paid by UNS for services to others. For 2015 services, 80.90%  of the amounts paid by UNS
were allocable to services to TEP and its subsidiaries. For 2014 services, 80.46%  of the amounts paid by UNS were allocable to
services to TEP and its subsidiaries. For 2013 services, 79.7%  of the amounts paid by UNS were allocable to services to TEP and its
subsidiaries

(2) The amounts included in the Share Awards column reflect 80.90%  of the grant date fair value calculated in accordance with FASB
ASC Topic 718 for restricted share units and performance share units granted in each of the years reported, excluding the effect of
forfeitures, Half of the performance share unit awards had a grant date fair value, based on a Monte Carlo simulation, of $36.28 per
share. These awards are based on Fortis's Shareholder Return relative to the Peer Group TSR for the three year performance period
ended December 3 l , 2017. The remaining half had a grant date fair value, based on the grant date closing price, of $33.47 per share
based on cumulative net income for the performance period ended December 31, 2017. The restricted share units had a grant date
fair value, based on the grant date closing price, of $33.47 per share. The share prices listed in this footnote are converted from
Canadian Dollars (CAD) based on the Wall Street Journal currency exchange rate on the grant date (12/3 l/14) as required in the
Share Unit Plan document which was 1.1621. The restricted share units vest on the third anniversary of grant over the vesting
period. In the case of performance share units, the amounts in the column reflect the grant date fair value assuming the probable
outcome of the performance conditions. The 2015 amounts attributable to Restricted Share Units and Perfomiance Share Units are
shown on the following table

Performance Share Units

180. 747

55

Total

632 . 590

280 . 509

85

83.223

78

David G. Hutchins

Kevin P. Larson

Todd C. Hixon

Karen G. Kissinger

Kenton C. Grant

Restricted Share Units

224 . 979

99. 762

30. 492

29. 598

28. 055 50. 829

For the 2015 performance share grant, if the maximum level of performance is achieved and using [the fair market value of a share
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of Company common stock on the grant date ($36.28)], then the value of the layouts would be: $703,283 for David G. Hutchins
$311,855 for Kevin P. Larson, $95,317 for Todd C. Hixon, $92,524 for Karen G. Kissinger, and $87,699 for Kenton C. Grant
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(3) The 2015 PEP awards included in this column were paid in the first quarter of 2016 to each of the Named Executives.

(4) Any increase in the present value of the accrued benefit in the Retirement Plan and Excess Benefit Plan is reported in this column.
All named executives experienced an increase in the present value of their respective accrued pension benefits during 2015. The
present value of accumulated benefits payable is reflected inPension Benefits,below. UNS Energy does not pay "above market"
interest on non-qualified deferred compensation, therefore, this column reflects change in pension value only. SeeNon-qualyied
Deferred Compensation,below.

(5) The amounts inthe All Other Compensation for 2015 column contain only Qualified 401 (k) Plan Matching Contdbutions.

(6) The amounts in the All Other Compensation column for 2014 include payments in exchange for stock awards canceled in
connection with the acquisition fUNS Energy by Fortis in 2014.

GRANTS OF PLAN-BASED AWARDS - 2015

The following table sets forth information regarding plan-based awards by UNS to the Company's Named Executives in 2015
on account of services to TEP and its subsidiaries. As described above, 80.90% of the amount paid by UNS on account of
services in 2015 is allocable to services to TEP and its subsidiaries. The compensation plans under which the grants in the
following table were made are generally described in Compensation Discussion and Analysis, above and include the PEP,
which provides for non-equity (cash) performance awards, and the 2015 Share Unit Plan, which provides for equity-based
performance awards including restricted share units and perfonnance share units.

Estimated Possible Payouts
Under Non-Equity

Incentive Plan Awardsf')

All Other
Stock

Awards:
Number
of Shares
of Stock
or Units

Grant
Date
Fair
Value

of
Stock
and

Option
Awards"4>Grant Date (#) (3)

Name

DAVID H. HUTCHENS

PEP

Threshold Target Maximum

Estimated Future Payouts Under
Equity Incentive Plan Awards (#) (2)

Threshold Target Maximum

1/1/2015 $179,986 $359,973 $ 539,959

1/1/2015 6,721 13,442 20,164 s 407,611
Peyf0ymgnce
Share Units

Restricted Share
Units

1/1/2015 6,721 224,979

KEVIN p. LARSON

1/1/2015 74,837 149,675 224,512

1/1/2015 2,980 5,961 8,941 180,747

PEP

Performance
Share Units

Restricted Share
Units

1/1/2015 2,980 99,762

TODD c. HIXON
PEP 1/1/2015 45,766 91,531 137,297

1/1/2015 911 1,822 2,733 55,244

1/1/2015 911 30,492

44,417 88,835 133,253

1/1/2015 884 1,768 2,653 53,625

Performance
Share Units

Restricted Share
Units

KAREN G. KISSINGER

PEP 1/1/2015

Performance
Share Units

Restricted Share
Units 1/1/2015 884 29,598
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KENTTON c. GRANT
1/1/2015 43,686 87,372 131,058

1/1/2015 838 1,676 2,514 50,829
ormanee

Share Units

Restricted Share
Units

1/1/2015 838 28,055

(ll The amounts shown in this column reflect the range of layouts (50%-150% of the target award) for 2015 performance under the
PEP, as described in Compensation Discussion and Analysis - Short-Term Incentive Compensation, above. These amounts are based
on the

107

hNpsz// .sec.gov/Archives/edgar/data/100122/000010012216000034/tep10k12312015.htm 198/230

I'll lllllll III ullIll l I WI I Mn I II IIIII IIIl l ll II H Illlllll



d

4/21/2016

individual's current salary and position. The amount of cash incentive actually paid under the PEP for 2015 is reflected in the

Summary Compensation Table above.

(2) The amounts shown in this column reflect the range (50%-150% of the target award) of layouts in the form of performance share
units targeted for 2015-2017 performance under the 2015 Share Unit Plan for long-term incentive compensation, as described in the
"Long-Term Incentive Compensation" section of the CD&A, above.

The target 2015 LTI multiples, as a percentage of base salary, are 150% for Mr. Hutchens. 100% for Mr. Larson, and 40% each for
Ms. Kissinger and for Messrs. Hixon and Grant. Accordingly, each Named Executive received an LTIP target award of performance
share units and restricted share units the total value of which was equal to the executive's base salary multiplied by the applicable
multiple (e.g., 100% for CFO), divided by the grant date fair market value of a share of Foltis's corr non stock ($33.47), rounded
down to the nearest l share. The share prices listed in this footnote are converted from Canadian Dollars (CAD) based on the Wall
Street Journal currency exchange rate on the grant date (12/31/14) as required in the Share Unit Plan document which was 1.162 l
For example, the CFO's 2015 base salary attributable to TEP (and LTIP target award) was $299,349, divided by $33.47, and
rounded down to the nearest l share, resulted in an LTIP target award of 5,961 performance share units and 2,980 restricted share
units.

The 2015 awards of performance share units will be paid in cash at the end of the performance period depending on the Company's
performance relative to the two performance criteria described in Compensation Discussion and Analysis, above. The two
performance criteria operate independently, a Named Executive may receive a payment on account of one of the criteria without
regard to performance on the other criteria.

(3) The amounts shown in this column represent the number of time-based restricted share units that were granted in 2015 under the
2015 Share Unit Plan and will be paid in cash at the end of the vesting period

(4) The amounts included in this column reflect 80.90% of the grant date fair value calculated in accordance with FASB ASC Topic 718
for restricted share units and performance share units granted in each of the years reported, excluding the effect of forfeitures. Half
of the performance share unit awards had a grant date fair value, based on a Monte Carlo simulation, of $36.28 per share. These
awards are based on Fortis's Shareholder Return relative to the Peer Group TSR for the three year performance period ended
December 31, 2017. The remaining half had a grant date fair value, based on the grant date closing price, of $33.47 per share based
on cumulative net income for the performance period ended December 31 , 2017. The restricted share units had a grant date fair
value, based on the grant date closing price, of $33.47 per share. The share prices listed in this footnote are converted from
Canadian Dollars (CAD) based on the Wall Street Journal currency exchange rate on the grant date (12/31/14) as required in the
Share Unit Plan document which was 1.1621. The restricted share units vest on the third anniversary of grant over the vesting
period. In the case of performance share units, the amounts in the column reflect the grant date fair value assuming the probable
outcome of the performance conditions. For more information about these awards, please refer to footnote 1 of the Summary
Compensation Table and Compensation Discussion and Analysis, above

OUTSTANDING EQUITY AWARDS AT FISCAL YEAR END - 2015

Stock Based Awards

Number of Shares or
Units of Stock That
Have Not Vestedfl)

(#)

Market Value of Number
of Shares or Units of
Stock That Have Not

Vested (2)

($)

Equity Incentive Plan
Awards: Number of
Unearned Shares

Units or Other Rights
That Have Not Vested

Equity Incentive Plan
Awards: Market or

Payout Value of
Unearned Shares. Units
or Other Rights That
Have Not Vested (4)

$218. 176

96.745

29.570

13.442 $436,352

193.490

59

57.406

54.413

David G. Hutchins

Kevin P. Larson

Todd C. Hixon

Karen G. Kissinger

Kenton C. Grant

Grant
Date

1/1/2015

1/1/2015

1/1/2015

1/1/2015

1/1/2015

6,721
2,980

911
884
838 27.206

(I) Number of time-based restricted share units that remain unvested as of December 31, 2015. Restricted share units vest on the third
anniversary of the grant date, subject to continued service with the Company through that date

<2> The market value of restricted share units and performance share units was calculated by multiplying the number of restricted share
units outstanding or the number of performance share units (as determined in accordance with the Securities and Exchange
Commission, or SEC, rules and footnote 5 below), as applicable, by $32.46 which was the share price as of 12/31/15. The share
prices listed in this footnote are converted from Canadian Dollars (CAD) based on the Wall Street Journal currency exchange rate
on the grant date (12/31/14) as required in the Share Unit Plan document which was 1.1621

Performance share units vest_ if at all. after three years based on the achievement of Derfonnance of the cumulative goals over the
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applicable three-year period. The performance goals are described in the CD&A. u
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(4) The amounts for the 2015 performance share unit awards are shown at the target level based on the results for the first year of the
2015-20 l7 performance period

OPTION EXERCISES AND STOCK VESTED

There were no stock options exercised or stock or share awards vested during the year ended December 31, 2015

PENSION BENEFITS

The following table shows 80.90% of the present value of accumulated benefits payable to each of the Named Executives
including the number of years of service credited to each such Named Executive, under each of the Retirement Plan and the
Excess Benefit Plan determined using interest rate and mortality rate assumptions used in the Company's financial statements
See Note 8 of Notes to Consolidated Financial Statements in Item 8 of this Font 10-K and the Retirement and Other Benet
above for information regarding the Retirement Plan and the Excess Benefit Plan

Number of Years
Credited Service

Present Value of
Accumulated Benefit

Payments During Last
Fiscal Year

David G. Hutchens

Plan Name

Tucson Electric Power
Salaried Employees
Retirement Planl1)l3l

Tucson Electric Power
Excess Benefit Plan(2ll3l

1.192.238

Kevin P. Larson Tucson Electric Power
Salaried Employees
Retirement Planl1l(3)

272.805

Tucson Electric Power
Excess Benefit Plan(2X3l

1.366.778

Karen G. Kissinger Tucson Electric Power
Salaried Employees
Retirement Plan(w3l

283.649

Tucson Electric Power
Excess Benefit Planl2X3l

662.945

Todd C. Hixon Tucson Electric Power
Salaried Employees
Retirement Plan(1)(3)

Tucson Electric Power
Excess Benefit P1anl2)<3>

194.627

Kenton C. Grant Tucson Electric Power
Salaried Employees
Retirement P1an(1)(3)

Tucson Electric Power
Excess Benefit Planl2)(3)

(1) The Retirement Plan is intended to meet the requirements of a qualified benefit plan for Code purposes and is funded
by the Company and made available to all eligible employees. The Retirement Plan provides an annual income upon
retirement based on the following formula

bx years of service (up to 25 years) x final average pay

Final average pay is calculated as the average of basic monthly earnings on the first of the month following the
employee's birthday during the five consecutive plan years in which basic monthly earnings were the highest, within
the last 15 plan years before retirement. Basic monthly earnings means the monthly base salary prior to any reduction
for contributions to a Code section 401(k) plan, but excluding overtime pay, bonuses or other compensation. Years of
service are based on years and months of employment. A Retirement Plan participant vests in his or her retirement
benefit after five years of service. The maximum benefit available under the Retirement Plan is an annual income of
40°/. Rf final average nay (as defined ahnve\ Plan cnmnensatinn f`nr mirnnses Rf rleterminino final average nay is
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limited by compensation limits under Code Section 401(a)(l7). For 2015, the limit was $265,000 in annual income
Employees are eligible to retire early with an unreduced pension benefit if (i) the combination of their age and years of
sen/ice equals or exceeds 85, or (ii) they are age 62 and have completed 10 years of service. Employees are also
eligible for early retirement with a reduced pension benefit at age 55 with at least 10 years of service. The reduction at
age 55 with 10 years of service is 42.6% and continues to be reduced at a lesser amount up to age 62, at which point
there is no
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reduction. All optional forms of the benefit are actuarially equivalent. Messrs. Larson and Grant and Ms. Kissinger are
currently eligible for early retirement.

(2) The Retirement Plan is subject to Code limitations on the amount of compensation that can be taken into account and
on the amount of benefits that can be provided. The Excess Benefit Plan provides the retirement benefits to executive
officers that would have been provided under the Retirement Plan if the Code limitations did not apply. The Excess
Benefit Plan retirement benefit is calculated generally using the same pension formula as the Retirement Plan formula
but with some modifications. Compensation for purposes of the Excess Benefit Plan is detennined without regard to
Code limits on compensation and by including voluntary salary reductions to the DCP and any annual incentive
payment received under the PEP. The retirement benefit payable from the Excess Benefit Plan is reduced by the benefit
payable to that person from the Retirement Plan. Vesting occurs after five years of service. Benefits are payable in a
lump sum or annuity, at the participant's election. Messrs. Larson and Grant and Ms. Kissinger are currently eligible
for early retirement.

(3) In preparing the aggregate increase in actuarial value of the above plans, the following assumptions and methods were
used:

Measurements were made as of Tucson Electdc Power Company's ASC 715 measurement date of December 31, 2015

December 31, 2015 calculations were done using the spot rates underlying the Rate:Link 60-90 Yield Curve as of
December 31, 2015 and RP-2014 mortality table, projecting mortality generationally at Scale MP-2015, with the
following adjustments:

• The RP-2014 mortality table was adjusted to back out MP-2014 experience to 2006, then add back in MP
2015 through 2015.

The MP-2015 projection scale was adjusted so that the ultimate rate of 1% at age 85 was reduced to 0.75%

• The MP-2015 projection scale was further adjusted to reduce the convergence period to 15 years, rather
than 20.

No pre-retirement mortality was assumed. For measurements at December 31, 2014, a discount rate of 4.10% and RP
2000 Female with generational projection using scale BB Female for females and RP-2000 Male with generational
projection using scale BB Male for males, and both with no pre-retirement mortality were used for the Salaried and

Excess Plans. This discount rate reflects rates as of December 3 l . 2015

All participants were assumed to elect a 10 year Certain and Life benefit at the earliest age at which they are projected
to be eligible for unreduced benefits.

NON-QUALIFIED DEFERRED COMPENSATION

UNS Energy sponsors the DCP for directors, executive officers and certain other employees of UNS Energy. Under the DCR
employee participants are allowed to defer on a pre-tax basis up to 100% of base salary and cash bonuses, and non-employee
director participants are allowed to defer up to 100% of their cash compensation. The deferred amounts are valued daily as if
invested in one or more of a number of investment funds, including UNS Energy share units, each of which may appreciate or
depreciate in value over time. The choice of investment funds is determined by the individual participant. The amounts shown
in the table below represent 80.90% of the total amounts, to reflect the portion allocable to TEP and its subsidiaries

Executive
Contributions
'm Last Fiscal

Year (1)

Aggregate
Earnings in
Last Fiscal

Year (1)

Aggregate
Withdrawals/
Distributions

Aggregate
Balance at
Last Fiscal
Year End (3)

54.372

David G. Hutchins

Kevin P. Larson

Todd C. Hixon

Karen G. Kissinger

Kenton C. Grant 42.470

122.451

83

(1) Represents contributions to the DCP by the Named Executives during the year. The amounts shown. if any. are included in the
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Represents the total market based earnings (losses) for the year on all deferred compensation Linder the DCP based on the
investment returns associated with the investment choices made by the Named Executive. Amounts in this column are not included
in the Summary Compensation Table

(3) The aggregate balance includes compensation that was previously earned and reported in the Summary Compensation Table for
2013 and 2014 (if any) as follows: Mr. Larson-$8,817 and Ms. Kissinger-$1,287. Benefits under the plan will be distributed on
the first to occur of the following events: separation from service, disability or death, in the form of either a lump sum or installment
payments. The following table shows the deemed investment options available under the DCP and the annual rate of return for the
calendar year ended December 31, 2015

Rate of Return Name of Fund

Fidelity Spartan Us Equity Index

Fidelity Growth Company

Fidelity Low Price Stock

Janus Worldwide

T. Rowe Price Blue Chip Growth

Fidelity Diversified International K

Franklin Utilities A

Allianz NF] International Value Inst

Rate of Return

1.35%

7. 94%

(0.45)%

(2 . 30 )%

11.15%

3. 24%

(7.38)%
(13.15)%

Name of Fund

Fidelity Retirement Money Market

Fidelity Intermediate Bond

Janus Flexible Bond

Fidelity Asset Manager

Fidelity Equity-Income

Fidelity Managed Income

RS Value Y

American Beacon Small Cap Value Inst

Fidelity Small Cap Stock

0.68%
0.09%

(0.44)%
(3.41)%
1.17%

(5.99)%
(5.04)%
2.40%

POTENTIAL  PAYMENTS  UPON TERMINATION OR  CHANGE  IN  CONTROL

In order to ensure that the Company is able to retain its Named Executives, the Compensation Committee has detennined that
it is in the best interest of the Company and its shareholders to enter into change in control agreements with those Named
Executives, as well as to maintain a severance pay plan for all of the Company's non-union employees, including the Named
Executives

Change i n  Contr ol  Agr eem ents

Each of our current executive officers, including our named executive officers who are currently employed by the Company, is
party to a change in control agreement with UNS Energy entered into prior to the acquisition by Fortis. Under the change in
control agreements, the executive officer will be entitled to receive change in control benefits if he or she incurs a separation
from service due to the Company's termination of his or her employment without "Cause" or due to the executive officer's
termination of employment with the Company for "Good Reason" during the six-month period prior to the occiurence of a
Change in Control and if the executive officer's separation from service is effected in contemplation of such Change in
Control. The executive officer also will be entitled to receive these benefits if he or she incurs a separation from service due to
the Company's tennination of his or her employment without Cause or due to the executive officer's termination of
employment for Good Reason during the 24-month period following the occurrence of a Change in Control

A Change in Control is defined as: (i) the acquisition of beneticial ownership of 40% of the common stock of UNS Energy

(ii) certain changes in the Board, (iii) the closing of certain mergers or consolidations, or (iv) certain transfers of the assets of

UNS Energy. Notwithstanding the foregoing, a Change in Control will not be deemed to have occurred until: any required

regulatory approval, including any final non-appealable regulatory order, has been obtained, and the transaction that would

otherwise be considered a Change in Control closes

A Change in Control with UNS Energy occurred on August 15, 2014, the time of the acquisition of UNS Energy by Fortis
The protection period ends on August 13, 2016. Since there was a Change in Control, if a qualifying separation occurs on or
before August 13, 2016, then the executive officer will be entitled to severance benefits in the font of: (i) a single lump sum
payment in an amount equal to two (for Mr. Hutchens), one and one-half (for Mr. Larson) or one (for Ms. Kissinger and
Messrs. Hixon and Grant) times the greater of (a) the executive officer's annualized base salary as of the date of the executive
officer's separation from service, or (b) the executive officer's annualized base salary in effect immediately prior to any
material diminution in the executive officer's base salary following execution of the change in control agreement, (ii) a single
lump sum cash payment in an amount equal to two (for Mr. Hutchens), one and one-half (for Mr. Larson) or one (for
Ms. Kissinger and Messrs. Hixon and Grant) times the average payment to which the executive officer was entitled pursuant
to the short-tenn incentive compensation plan for the three calendar years immediately preceding the calendar year in which
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the executive officer's separation from service occurs or, if that data is not available, the executive officer's target payment
under the short-tenn incentive compensation plan, (iii) a single lump sum cash payment in an amount equal to a prorated
portion of the actual payment to which the executive officer would have been entitled under the short-term incentive
compensation plan for the
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calendar year in which the executive officer's separation from service occurs, and (iv) a single lump sum cash payment in the
amount of the payment, if any, to which the executive officer is entitled under the short-tenn incentive compensation plan
(based on the executive officer's actual performance) for the year prior to the year in which the executive officer's separation
from service occurs, to the extent not already paid to the executive officer. "Good reason" is defined under these agreements to
mean: (i) a material, adverse diminution in the executive officer's authority, duties or responsibilities, (ii) a material change in
the geographic location at which the executive officer must primarily perform services, (iii) a material diminution in the
executive officer's base salary provided that such diminution is not a result of a generally applicable reduction in the base
salary of all officers of the Company in an amount that does not exceed 10%, or (iv) any action or inaction that constitutes a
material breach of the agreement by the Company. "Cause" is defined under these agreements to mean: (i) the willful failure
of the executive officer to perform any of the executive officer's duties for the Company which continues after the Company
has given the executive written notice describing the failure and an opportunity to cure the failure, (ii) a material violation of
Company policy, (iii) any act of fraud or dishonesty, (iv) the executive officer's gross misconduct in the performance of the
executive officer's duties that results in material economic harm to the Company, (v) the executive officer's conviction of, or
plea of guilty or no contest, to a felony, or (vi) the executive officer's material breach of the executive officer's employment
agreement with the Company, if any

The executive officer would also be entitled to continue to participate in TEP's health, life, disability or other insurance benefit
plans for a period expiring on the earlier of (a) 24 months (for Mr. Hutchens), 18 months (for Mr. Larson), or 12 months (for
Ms. Kissinger and Messrs. Hixon and Grant) following the executive officer's separation from service, or in some cases for
the respective period following the Change in Control event, or (b) the day on which the executive officer becomes eligible to
receive any substantially similar benefits, on a benefit-by-benefit basis, under any plan or program of any successor employer
In the event the executive officer elected a high deductible health care plan pursuant to which TEP has agreed to make
contributions to the executive officer's health savings account, then TEP will pay to the executive officer a single lump sum
cash payment in an amount equal to the contributions that TEP would have made to the executive officer's health savings
account during the respective benefit continuation period described above had the executive officer not incurred the separation
from service

The Change in Control Agreements provide that the executive officer shall be employed by UNS Energy or one of its
subsidiaries or affiliates, in a position comparable to the current position, with base compensation and benefits at least equal to
the then-current compensation and benefits, for an employment period of two years after a Change in Control (subject to
earlier termination for cause or the executive officer's termination without good reason)

The Change in Control Agreements also contain a number of material conditions or obligations applicable to the receipt of
payments or benefits, which require the executive officer to: (i) continue to abide by the terns and provisions of the
Company's policies that protect various fonts of confidential information and intellectual properly, (ii) refrain from
consulting with, engaging in or acting as an advisor to another company about business that competes with the Company
(iii) refrain from soliciting business for or in connection with any competing business (a) from any individual or entity that
obtained products or services from the Company at any time during the executive officer's employment with the Company or
(b) from any individual or entity that was solicited by the executive officer on behalf of the Company, and (iv) refrain from
soliciting employees of the Company who would have the skills and knowledge necessary to enable or assist efforts by the
executive officer to engage in a competing business. Item (i) referred to in this paragraph contains no durational limit, nor do
the Change in Control Agreements include any provision providing for waiver of a breach of item (i). Items (ii) through
(iv) referred to in this paragraph are effective for a period of one year following the date of the executive officer's termination
Breach of items (ii) through (iv) is waived if the Company materially defaults on any of its obligations under the Change in
Control Agreements

No excise tax gross-ups are provided. Rather, severance payments to executives are cut back to the safe harbor limit if the
reduction results in the executive receiving a greater after-tax benefit than if the excise tax were paid by the executive on the
excess parachute payments, otherwise, all payments would be paid and the executive would pay the excise tax

All long-term incentive awards contain a double trigger vesting provision, which provides for accelerated vesting only if
outstanding awards are not assumed by an acquirer and also provide for accelerated vesting upon a qualifying termination
following a Change in Control. This double trigger vesting provision applies to future awards and/or if the Named Executive
is terminated without cause within 24 months of a Change in Control. The double trigger, which is viewed as a corporate
governance "best practice," ensures that the Named Executives do not receive accelerated benefits unless they are adversely
affected by the Change in Control
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On May 2, 2014, Mr. Hutchens was appointed CEO of UNS Energy and TEP in addition to his duties as President and Chief
Operating Officer of each company. Incident to the appointment, Mr. Hutchens's Change in Control agreement was modified
to increase the benefits to which he will be entitled if his employment is terminated by UNS Energy without cause or by Mr
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Hutchens with good reason following a change in control and to provide that he was not entitled to terminate employment and
receive the benefits provided by his Change in Control Agreement solely for the reason that he would no longer be CEO of a
publicly traded company as a result of the acquisition of UNS Energy by Fortis.

On November13, 2014, UNS Energy and Mr. Larson entered into a retention bonus agreement, the terms of which were
approved by the UNS Energy Human Resources and Governance Committee. The retention bonus agreement amends Mr.
Larson's change in control agreement to provide that changes in Mr. Larson's responsibilities that occurred as a result of the
acquisition of UNS Energy by Fortis, or that may occur for succession purposes based on a future mutually-agreed transition
process, shall not constitute good reason for Mr. Larson to terminate his employment and receive benefits under the change in
control agreement.

Severance Pay Plan

In addition, the Company has a severance pay plan (Severance Plan) for all of the Company's non-union employees, including
its Named Executives, which provides for severance benefits in the event of a qualifying termination, which means a
termination without cause without a change in control. Cause for termination under the Severance Plan means: (i) the willful
failure of the employee to perform any of the employee's duties for the employer which continues after the employer has
given the participant written notice describing the failure and an opportunity to cure the failure, (ii) a material violation of
Company policy, (iii) any act of fraud or dishonesty, (iv) willful failure to report to work for three days or to report to work on
the agreed-upon date after a scheduled leave, or (v) willfully engaging in conduct that is demonstrably and materially injurious
to the Company or any affiliate, monetarily or otherwise, including acts of fraud, misappropriation, violence or embezzlement
for personal gain at the expense of the Company or any affiliate, conviction of (or plea of guilty or no contest or its equivalent
to) a felony, or a misdemeanor involving immoral acts.

In the event of a qualifying termination, the Named Executive would be entitled to: (i) a cash severance payment equal to a
multiple of base salary (two times for Mr. Hutchens, one and one-half times for Mr. Larson, and one time for Ms. Kissinger
and Messrs. Hixon and Grant, (ii) continued subsidy of the premiums for COBRA medical, dental and vision coverage at the
same rate as that paid by the Company prior to the separation from service for a period of the lesser of (a) 12 months, or
(b) the date when the NamedExecutive becomes eligible for comparable benefits offered by a subsequent employer; and (iii) a
portion of the amount to which the Named Executive would have been entitled under the Company's PEP or any successor
plan, based on the executive's target payment for the year in which the executive's separation from service occurs, had the
Named Executive not incurred a separation from service. Receipt of benefits under the Severance Plan is contingent upon
execution of a release of claims against the Company and subject to compliance with restrictive covenants, including perpetual
confidentiality and non-disparagement provisions, and non-compete and non-solicitation requirements effective for the
applicable severance period (two years for Mr. Hutchens, one and one-half years for Mr. Larson, and one year for
Ms. Kissinger and Messrs. Hixon and Grant). Duplication of benefits provided under the Severance Plan is not permitted, and
benefits payable under the Severance Plan cease in the event the Named Executive becomes eligible for change in control
severance benefits or if the Named Executive has an employment agreement that provides for severance benefits.

In the event a Named Executive becomes eligible to receive severance benefits under the Severance Plan and has elected a
health care option pursuant to which the Company has agreed to make pre-tax contributions to the Named Executive's Health
Savings Account, then the Company will pay the Named Executive an amount equal to the contributions the Company would
have made to the Named Executive's health savings account during the twelve-month period immediately following the
Named Executive's separation from service, plus a tax allowance in an amount equal to the federal, state and local taxes
imposed on the Named Executive with respect to such contributions and with respect to the tax allowance. While as a general
matter the Company does not provide tax gross-ups for severance arrangements or other benefits, it was deemed appropriate in
this very limited circumstance because: (i) this particular type of benefit would be provided pre-tax, if the individual were still
employed; (ii) the amounts in question are exceptionally small; and (iii) this treatment is available to all unclassified
employees, not just the Named Executives, who become entitled to severance benefits under the Severance Plan and
participate in the type of health care option described in the paragraph above.

Other than the agreements described above, UNS Energy has not entered into any severance agreements or employment
agreements with any Named Executives.
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The following table and summary set forth potential payments payable to the Named Executives upon termination of
employment or a Change in Control assuming their employment was terminated on December 31, 2015.

If Retirement or
Voluntary

Termination
Occurs (1)

If Death or
Disability
OCCUl'§(3)

David G. Hutchins

Kevin P. Larson

Todd C. Hixon

Karen G. Kissinger

Kenton C. Grant

If "Change In
Control" and

Qualifying
Termination Occursizl

- $ 2,428,415

1,108,825

495,409

512,354

475,837

$

If "Non-
Change In
Control"

Termination
Occurs<"l --

2,428,415

1 , 108,825

430,778

512,354

475,837

(1) In the event of retirement or voluntary termination, each oftheNamed Executives would be entitled to receive vested and accrued
benefits payable from the Retirement Plan and the Excess Benefit Plan, but no font or amount of any such payment would be
increased or otherwise enhanced nor would vesting be accelerated with respect to such plans. In addition, no accelerated vesting of
options, restricted share units or performance share units would occur. Retirement Plan and Excess Benefit Plan information for the
Named Executives is set forth inthe Pension Benefits Table above.

(2> The amounts shown represent the following:

David G. Hutchins

Kevin P. Larson

Todd C. Hixon

Karen G. Kissinger

Kenton C. Grant

Cash

$ 1,380,088

666,826

309,539

318,060

294,529

Prorated
Non-equity

Incentive Award

$ 359,973
149,675

91,531

88,835

87,372

Restricted Share
Units

s 218,176

96,745

29,570

28,703

27,206

Performance
Share Units

s 436,352

193,490

59,140

57,406

54,413

$

Medical
Benefits

33,826

2,089

5,629

19,350

12,317

Total

$ 2,428,415

1,108,825

495,409

512,354

475,837

Amounts shown in the column headed Prorated Non-equity Incentive Award above represent the total "target" PEP award for 2015.

(3) In the event of death, the Named Executive's survivor would be entitled to receive a survivor annuity from the Retirement Plan and
Excess Benefit Plan. The amount payable to the survivor would be less than the amount that would otherwise have been
payable to the Named Executive had the Named Executive survived and received retirement benefits under the Retirement
Plan and Excess Benefit Plan. There would be no enhancements as to form, amount or vesting of such benefits in the event of
a Named Executive's death.

(4) This column reflects the amounts payable totheNamed Executives in the event of an involuntary termination without cause or a
resignation for good reason, as of December 31, 2015, under the Severance Plan. The amounts shown represent die following:

David G. Hutchins

Kevin P. Larson

Todd C. Hixon

Karen G. Kissinger

Kenton C. Grant

Cash

s 1,380,088

666,826

244,908

318,060

294,529

$

Pro-Rated
Non-equity
Incentive

Award

359,973

149,675

91 ,531
88,835

87,372

Restricted Share
Units

218,176

96,745

29,570

28,703

27,206

s

Performance
Share Units

$ 436,352
193,490

59,140

57,406

54,413

s

Medical
Benefits

33,826

2,089

5,629

19,350

12,317

Total

$ 2,428,415

1,108,825

430,778

512,354

475,837

Director Compensation

All TEP directors are also named executive officers of TEP and received no additional compensation for services as a director.
All of their compensation is reflected in the Summary Compensation Table, above.

Compensation Committee Interlocks and Insider Participation

All members of the UNS Energy Human Resources and Governance Committee during fiscal year 2015 were independent
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1. directors, except for Mr. Perry, who is an executive officer of Fortis. No Human Resources and Governance Committee
member
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had any relationship requiring disclosure under Transactions with Related Persons, in Part OIL Item 13. Certain Relationsnzps
and Related Transactions and Director Independence, below. During fiscal year 2015, none of the Company's executive
officers served on the Human Resources and Governance Committee or the Board of Directors of another entity whose
executive officer(s) served on UNS Energy's Human Resources and Governance Committee, any other board committee, or
the Board of Directors of UNS Energy or TEP as a whole

ITEM 12. SECURITY OWNERSHIP OF CERTAIN BENEFICIAL OWNERS AND MANAGEMENT AND
RELATED STOCKHOLDER MATTERS

All of the outstanding shares of common stock, no par value, of TEP are held by UNS Energy, which is an indirect, wholly
owned subsidiary of Fortis

ITEM 13. CERTAIN RELATIONSHIPS AND RELATED TRANSACTIONS AND DIRECTOR INDEPENDENCE

Director Independence

TEP's directors are not independent since they are executive officers of TEP and UNS Energy. There are no standing
committees of the Bond of Directors of TEP

As described inPart [IL Item 10. Directors, Executive Ojieers and Corporate Governance, above, the Audit and Risk
Committee of the UNS Energy Board of Directors is responsible for overseeing the accounting and financial reporting process
and audits of the financial statements of UNS Energy and its consolidated subsidiaries, including TEP

As described inPart OIL Item 11, Executive Compensation,above, the Human Resources and Governance Committee of the
UNS Energy Board of Directors is responsible for overseeing the executive compensation policies and practices of UNS
Energy and its consolidated subsidiaries, including TEP

The Board of Directors of UNS Energy has adopted Director Independence Standards that comply with New York Stock
Exchange (NYSE) rules for detennining independence, among other things, in order to determine eligibility to serve on the
Audit and Risk Committee and the Human Resources and Governance Committee of UNS Energy. Neither UNS Energy nor
TEP has any securities listed on the NYSE or any other national securities exchange or inter-dealer quotation system requiring
that directors or committee members be independent but, in approving the acquisition of UNS Energy by Fortis, the ACC
required that a majority of the members of the UNS Energy Board of Directors be independent. The written charters of the
UNS Energy Audit and Risk Coimnittee and Human Resources and Governance Committee each require that a majority of the
members of each such committee meet both UNS Energy's Director Independence Standards and independence standards of
the NYSE. The UNS Energy Director Independence Standards are available on TEP's website at
www.tep.com/about/investors/

No director may be deemed independent unless the Board of Directors of UNS Energy affirmatively determines, after due
deliberation, that the director has no material relationship with UNS Energy or any of its subsidiaries either directly or as a
partner, shareholder or executive officer of an organization that has a relationship with UNS Energy or any of its subsidiaries
In each case, the Board of Directors of UNS Energy broadly considers all the relevant facts and circumstances from the
standpoint of the director as well as from that of persons or organizations with which the director has an affiliation and applies
these standards

Annually, the UNS Energy board determines whether each director meets the criteria of independence. Based upon the
foregoing criteria, the UNS Energy board has deemed each director of UNS Energy to be independent, with the exception of
Messrs. Hutchens, Perry, and Laurito. Mr. Hutchens is the President and Chief Executive Officer of UNS Energy and TEP. Mr
Perry is an executive officer of Fortis. Mr. Laurito is an executive officer of Central Hudson Gas and Electric Corporation
another wholly owned subsidiary of Fortis. For each other director who is deemed independent, there were no other significant
transactions, relationships or arrangements that were considered by the UNS Energy board in determining that the director is
independent.See Transactions with Related Persons,below

Each member of UNS Energy's Audit and Risk Committee and Human Resources and Governance Committee meets the
independence criteria of both the Director Independence Standards and the NYSE listing standards, with the exception of Mr
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Perry, who is an executive officer of Fortis, and Mr. Laurito, who is an executive officer of Central Hudson Gas and Electric
Corporation. Mr. Hutchens is not a member of either committee
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Transactions with Related Persons

The UNS Energy Board of Directors has adopted a written Policy on Review of Transactions with Related Persons ("Related
Person Policy") under which it reviews related person transactions. The policy is available on TEP's website at
www.tep.com/about/investors/. The Related Person Policy specifies that certain transactions involving directors, executive
officers, significant shareholders and certain other related persons in which UNS Energy or its subsidiaries, including TEP, is
or will be a participant and are of the type required to be reported as a related person transaction under Item 404 of Regulation
S-K shall be reviewed by the UNS Energy Audit and Risk Committee for the purpose of determining whether such
transactions are in the best interest of UNS Energy and its subsidiaries. The Related Person Policy also establishes a
requirement for directors and executive officers of UNS Energy and its subsidiaries to report transactions involving a related
party that exceed $120,000 in value. TEP is not aware of any transactions entered into since the beginning of last year that did
not follow the procedures outlined in the Related Person Policy

ITEM 14. PRINCIPAL ACCOUNTANT FEES AND SERVICES

Pre-Approved Policies and Procedures

Rules adopted by the SEC in order to implement requirements of the Sarbanes-Oxley Act of 2002 require public company
audit committees to pre-approve audit and non-audit services. UNS Energy's Audit and Risk Committee has adopted a policy
pursuant to which audit, audit-related, tax, and other services are pre-approved by category of service. Recognizing that
situations may arise where it is in the Company's best interest for the auditor to perform services in addition to the annual
audit of the Company's financial statements, the policy sets forth guidelines and procedures with respect to approval of the
four categories of service designed to achieve the continued independence of the auditor when it is retained to perform such
services for UNS Energy. The policy requires the Audit and Risk Committee to be informed of each service and does not
include any delegation of the Audit and Risk Committee's responsibilities to management. The Audit and Risk Committee
may delegate to the Chair of the Audit and Risk Committee the authority to grant pre-approvals of audit and non-audit
services requiring Audit and Risk Committee approval where the Audit and Risk Committee Chair believes it is desirable to
pre-approve such services prior to the next regularly scheduled Audit and Risk Committee meeting. The decisions of the Audit
and Risk Committee Chair to pre-approve any such services from one regularly scheduled Audit Committee meeting to the
next shall be reported to the Audit and Risk Committee

Effective October 7, 2014, PwC was dismissed as the independent auditors and replaced with Ernst and Young LLP (EY) as a
result of the Fortis acquisition. The table details fees paid to EY for professional services during 2015 and2014. The Audit
and Risk Committee has considered whether the provision of services to TEP by EY, beyond those rendered in connection
with their audit and review of TEP's financial statements, is compatible with maintaining their independence as auditor

TEP's fees for principal accountant services are as follows

(in thousands)

Audit Fees

Audit-Related Fees

Tax Fees

All Other Fees

Total

Audit fees include fees for the audit of TEP's consolidated financial statements included in TEP's Annual Report on Form 10
K and review of financial statements included in TEP's Quarterly Reports on Form 10-Q. Audit fees also include services
provided in connection with comfort letters, consents and other services related to SEC matters, financing transactions, and
statutory and regulatory audits

Tax fees reported for 2015 and 2014 include fees for tax appeals, and in 2014 for consulting
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*c A11 services performed by our principal accountant are approved in advance by the Audit and Risk Committee in accordance

with the Audit and Risk Committee's pre-approval policy for services provided by the Independent Registered Public

Accounting Firm.
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PART Iv

ITEM 15. EXHIBITS, FINANCIAL STATEMENT SCHEDULES

Page

(a) (1) Consolidated Financial Statements as of December 31, 2015 and 2014 and for Each of the Three Years in the
Period Ended December 31 , 2015

43

8
été

Rqgort of hgiependgnt Regisgred Plglic Accgynting Fi1;m

Qonsolkgted Sta_t9ments of Income

Qonsolidaged Stagments Q CompQhens Income

Qonsolidated S ement§gf Cashjlows

Coxgolidated Balalgg Sheets

47

C_onsolida3d Statgnent of Qhanges_in StogLholder's Muity

Notes to_Consol4ated Financial Sjgtemegts

in
Q
Q

(2) Financial Statement Schedule

All schedules have been omitted because they are either not applicable, not required or the information
required to be set forth therein is included on the Consolidated Financial Statements or notes thereto.

(3) Exhibits

Reference is made to the Exhibit Index commencing on page 119.
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SIGNATURES

Pursuant to the requirements of the Securities Exchange Act of 1934, the registrant has duly caused this report to be signed on
its behalf by the undersigned thereunto duly authorized

TUCSON ELECTRIC POWER COMPANY

(Registrant)

February 18, 2016 /s/ Kevin P. Larson

Kevin P. Larson

Senior Vice President and Chief

Financial Officer

Pursuant to the requirements of the Securities Exchange Act of 1934, this report has been signed below by the following
persons on behalf of the registrant and in the capacities and on the dates indicated

February 18, 2016 /s/ David G. Hutchens

David G. Hutchens

President. Chief Executive Officer. and Director

(Principal Executive Officer)

February 18, 2016 /s/ Kevin P. Larson

Kevin P. Larson

Senior Vice President. Chief Financial Officer. and
Director

(Principal Financial Officer)

February 18, 2016 /s/ Frank P. Marino

Frank P. Marino

Vice President and Controller

(Principal Accounting Officer)

February 18, 2016 /s/ Todd C. Hixon

Todd C. Hixon

Director

February 18, 2016 By /s/ Kevin P. Larson

Kevin P. Larson

*As attorney-in-fact for each of the persons indicated

https://www.s€c.Qov/Af'chiv€s/8dQ3I'/d3t8/100122/000010012216000034/tep10k12312015.htm 217/230



4/21/2016

EXHIBIT INDEX

*2(a) Agreement and Plan of Merger, dated as of December 11, 2013, among FortisUS Inc., Color Acquisition
Sub Inc., UNS Energy Corporation and solely for purposes of Section 5.5(a) and 8.15, Fortis Inc. (Form
8-K, dated December 12, 2013, File No. 1-05924 - Exhibit 2.1)

*2(3)(1) First Amendment to the Agreement and Plan of Merger, dated as of August 14, 2014, by and among
FortisUS Inc., Color Acquisition Sub Inc. and UNS Energy Corporation (Form 8-K, dated August 14
2014, File No. 1-05924 - Exhibit 2.2)

*3(a) Restated Articles of Incorporation of TEP, filed with the ACC on August 11, 1994, as amended by
Amendment to Article Fourth of our Restated Articles of Incorporation, filed with the ACC on May 17
1996. (Form 10-K for the year ended December 31, 1996, File No. 1-05924 - Exhibit No 3(a))

*3(3)(1) TEP Articles of Amendment filed with the ACC on September 3, 2009 (Form 10-K for the year ended
December 31, 2010, File No. 1-05924 - Exhibit 3(a))

*3(b) Bylaws of TEP, as amended as of August 12, 2015 (Form 10-Q for the quarter ended September 30
2015, File No. 1-05924 _ Exhibit 3)

*3(c) Amendment to Articles of Incorporation of UNS Energy Corporation, creating series of Limited Voting
Junior Preferred Stock (Foci 8-K dated August 12, 2015, File No. 1-05924 - Exhibit 3.2)

*4(0)(1) Indenture of Trust, dated as of March 1, 2008, between The Industrial Development Authority of the
County of Pima and U.S. Bank Trust National Association authorizing Industrial Development Revenue
Bonds, 2008 Series A (Tucson Electric Power Company Project). (Form 8-K dated March 19, 2008, File
No. 1-05924 - Exhibit 4(=1))

*4(€)(2) Loan Agreement, dated as of March l, 2008, between the Industrial Development Authority of the
County of Pima and TEP relating to Industrial Development Revenue Bonds, 2008 Series A (Tucson
Electric Power Company Project). (Form 8-K dated March 19, 2008, File No. 1-05924 - Exhibit 4(b))

*4(d)(1) Indenture of Trust, dated as of June l, 2008, between The Industrial Development Authority of the
County of Pima and U.S. Bank Trust National Association authorizing Industrial Development Revenue
Bonds, 2008 Series B (Tucson Electric Power Company Project). (Form 8-K dated June 25, 2008, File
No. 1-05924 - Exhibit 4(a))

*4(d)(2> Loan Agreement, dated as of June l, 2008, between The Industrial Development Authority of the County
of Pima and TEP relating to Industrial Development Revenue Bonds, 2008 Series B (Tucson Electric
Power Company Project). (Form 8-K dated June 25, 2008, File No. 1-05924 - Exhibit 4(b))

*4(€)(1) Indenture of Trust, dated as of October 1, 2009, between The Industrial Development Authority of the
County of Pima and U.S. Bank Trust National Association authorizing Pollution Control Revenue Bonds
2009 Series A (Tucson Electric Power Company Navajo Project). (Form 8-K dated October 13, 2009
File No. 1-05924 - Exhibit 4(A))
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*4(€)(2) Loan Agreement, dated as of October 1, 2009, between The Industrial Development Authority of the
County of Pima and TEP relating to Pollution Control Revenue Bonds, 2009 Series A (Tucson Electric
Power Company San Juan Project). (Form 8-K dated October 13, 2009, File No. 1-05924 - Exhibit 4(B))

*4(f>(1) Indenture of Trust, dated as of October 1, 2009, between Coconino County, Arizona Pollution Control
Corporation and U.S. Bank Trust National Association authorizing Pollution Control Revenue Bonds
2009 Series A (Tucson Electric Power Company Navajo Project). (Form 8-K dated October 13, 2009
File No. 1-05924 - Exhibit 4(C))
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*4(f)(2) Loan Agreement, dated as of October 1, 2009, between Coconino County, Arizona Pollution Control
Corporation and TEP relating to Pollution Control Revenue Bonds, 2009 Series A (Tucson Electric
Power Company Navajo Project). (Form 8-K dated October 13, 2009, File No. 1-05924 - Exhibit 4(D))

*4(8)(1) Indenture of Trust, dated as of October l, 2010, between the Industrial Development Authority of the
County of Pima and U.S. Bank Trust National Association, authorizing Industrial Development Revenue
Bonds, 2010 Series A (Tucson Electric Power Company Project). (Font 8-K dated October 8, 2010, File
No. 1-05924 Exhibit 4(a))

*4(8)(2) Loan Agreement, dated as of October 1, 2010, between the Industrial Development Authority of the
County of Pima and TEP, relating to Industrial Development Revenue Bonds, 2010 Series A (Tucson
Electric Power Company Project). (Form 8-K dated October 8, 2010, File No. 1-05924 - Exhibit 4(b))

*4(h)(1) Indenture of Trust, dated as of December 1, 2010, between the Coconino County, Arizona Pollution
Control Corporation and U.S. Bank Trust National Association authorizing Pollution Control Bonds
2010 Series A (Tucson Electric Power Company Navajo Project). (Form 8-K dated December 17, 2010
File No. 1-05924 - Exhibit 4(c))

*4(h)(2) Loan Agreement, dated as of December 1, 2010, between the Coconino County, Arizona Pollution
Control Corporation and TEP relating to Pollution Control Bonds, 2010 Series A (Tucson Electric Power
Company Navajo Project). (Font 8-K dated December 17, 2010, File No. 1-05924 - Exhibit 4(d))

*4(i)(1) Indenture of Trust, dated as of March 1, 2012, between The Industrial Development Authority of the
County of Apache and U.S. Bank Trust National Association, authorizing Pollution Control Revenue
Bonds, 2012 Series A (Tucson Electric Power Company Project). (Form 8-K dated March 21, 2012, File
No. 1-05924 - Exhibit 4(a))

*4(i)(2) Loan Agreement, dated as of March 1, 2012, between The Industrial Development Authority of the
County of Apache and TEP, relating to Pollution Control Revenue Bonds, 2012 Series A (Tucson
Electric Power Company Project). (Form 8-K dated March 21, 2012, File No. 1-05924 - Exhibit 4(b))

*4(i)(1) Indenture of Trust, dated as of June l, 2012, between The Industrial Development Authority of the
County of Pima and U.S. Bank Trust National Association, authorizing Industrial Development Revenue
Bonds, 2012 Series A (Tucson Electric Power Company Project). (Font 8-K dated June 21, 2012, File
No. 1-05924 - Exhibit 4(a))

*4(i)(2) Loan Agreement, dated as of June 1, 2012, between The Industrial Development Authority of the County
of Pima and TEP, relating to Industrial Development Revenue Bonds, 2012 Series A (Tucson Electric
Power Company Project). (Form 8-K dated June 21 , 2012, File No. 1-05924 - Exhibit 4(b))

*4(k)(1) Indenture of Trust, dated as of March 1, 2013, between The Industrial Development Authority of the
County of Pima and U.S. Bank Trust National Association, authorizing Industrial Development Revenue
Bonds, 2013 Series A (Tucson Electric Power Company Project). (Font 8-K dated March 14, 2013, File
No. 1-05924 - Exhibit 4(a))
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*4(k)(2) Loan Agreement, dated as of March 1, 2013, between The Industrial Development Authority of the
County of Pima and TEP, relating to Industrial Development Revenue Bonds, 2013 Series A (Tucson
Electric Power Company Project). (Form 8-K dated March 14, 2013, File No. 1-05924 - Exhibit 4(b)).

*4(1)(1) Indenture of Trust, dated as of November 1, 2013, between The Industrial Development Authority of the
County of Apache and U.S. Bank Trust National Association, authorizing Industrial Development
Revenue Bonds, 2013 Series A (Tucson Electric Power Company Springerville Project). (Font 8-K
dated November 14, 2013, File No. 1-05924 - Exhibit 4(a)).
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* 10(b)(2) Tax Indemnity Agreements, dated as of December l, 1985, between Philip Mon'is Credit Corporation,
IBM Credit Financing Corporation and Emerson Finance Co., each as beneficiary under a separate trust
agreement, dated as of December 1, 1985, with Wilmington Trust Company, as Owner Trustee, and
William J. Wade, as Co-Trustee, and TEP and San Carlos, as Lessee. (Form 10-K for the year ended
December 31, 1985, File No. 1-05924 - Exhibit 10(f)(2)).
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*10(b)(3) Participation Agreement, dated as of December l, 1985, among TEP and San Carlos as Lessee, Philip
Morris Credit Corporation, IBM Credit Financing Corporation, and Emerson Finance Co. as Owner
Participants, Wilmington Trust Company as Owner Trustee, The Sumitomo Bank, Limited, New York
Branch, as Loan Participant, and Bankers Trust Company, as Indenture Trustee. (Form 10-K for the year
ended December 31, 1985, File No. 1-05924 - Exhibit 10(D(3)).

* 10(b)(4) Restructuring Commitment Agreement, dated as of June 30, 1992, among TEP and San Carlos, jointly
and severally, as Lessee, Philip Morris Credit Corporation, IBM Credit Financing Corporation and
Emerson Capital Funding, WilliaM J. Wade, as Owner Trustee and Co-Trustee, respectively, The
Sumitomo Bank, Limited, New York Branch, as Loan Participant and United States Trust Company of
New York, as Indenture Trustee. (Form S-4, Registration No. 33-52860 - Exhibit l0(g)(4)).

*10(b>(s) Lease Supplement No.1, dated December 31, 1985, to Lease Agreements, dated as of December 1, 1985,
between TEP and San Carlos, jointly and severally, as Lessee Trustee and Co-Trustee, respectively
(document tiled relates to Philip MomS Credit Corporation, documents relating to IBM Credit Financing
Corporation and Emerson Financing Co. are not filed but are substantially similar). (Form S-4,
Registration No. 33-52860 - Exhibit 10(8)(5)).

*10(b)(6) Amendment No. 1, dated as of December 15, 1992, to Lease Agreements, dated as of December 1, 1985,
between TEP and San Carlos, jointly and severally, as Lessee, and Wilmington Trust Company and
William J. Wade, as Owner Trustee and Co-Trustee, respectively, as Lessor. (Form S-1, Registration No.
33-55732 - Exhibit 10(8)(6)).

* 10(b)(7) Amendment No. 1, dated as of December 15, 1992, to Tax Indemnity Agreements, dated as of December
1, 1985, between Philip Morris Credit Corporation, IBM Credit Financing Corporation and Emerson
Capital Funding Corp., as Owner Participants and TEP and San Carlos, jointly and severally, as Lessee.
(Form S-1, Registration No. 33-55732 - Exhibit 10(8)(7)).

*10(b)(8) Amendment No. 2, dated as of December 1, 1999, to Lease Agreement, dated as of December l, 1985,
between TEP and San Carlos, jointly and severally, as Lessee, and Wilmington Trust Company and
William J. Wade, as Owner Trustee and Co-Trustee, respectively, under a Trust Agreement with Philip
Mom's Capital Corporation as Owner Participant. (Form 10-K for the year ended December 31, 1999,
File No. 1-05924 - Exhibit l0(b)(8))-

*10(b)(9) Amendment No. 2, dated as of December 1, 1999, to Lease Agreement, dated as of December 1, 1985,
between TEP and San Carlos, jointly and severally, as Lessee, and Wilmington Trust Company and
William J. Wade, as Owner Trustee and Co-Trustee, respectively, under a Trust Agreement with IBM
Credit Financing Corporation as Owner Participant. (Form 10-K for the year ended December 31, 1999,
File No. 1-05924 - Exhibit 10(b)(9))-

*10(b)(10) Amendment No. 2, dated as of December 1, 1999, to Lease Agreement, dated as of December 1, 1985,
between TEP and San Carlos, jointly and severally, as Lessee, and Wilmington Trust Company and
William J. Wade, as Owner Trustee and Co-Trustee, respectively, under a Trust Agreement with Emerson
Finance Co. as Owner Participant. (Form 10-K for the year ended December 31, 1999, File No. 1-05924
- Exhibit 10(b)(10))-

*l0(b)(1l) Amendment No. 2, dated as of December 1, 1999, to Tax Indemnity Agreement, dated as of December 1,
1985. between TEP and San Carlos. iointlv and severally. as Lessee. and Philip Morris Capital
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1 Corporation as Owner Participant, beneficiary under a Trust Agreement dated as of December 1, 1985,

with Wilmington Trust Company and William J. Wade, as Owner Trustee and Co-Trustee, respectively,

together as Lessor. (Form 10-K for the year ended December 3 l, 1999, File No. 1-05924 - Exhibit l0(b)

(11))-

*10(b)(12) Amendment No. 2, dated as of December 1, 1999, to Tax Indemnity Agreement, dated as of December 1,

1985, between TEP and San Carlos, jointly and severally, as Lessee, and IBM Credit Financing

Corporation as Owner Participant, beneficiary under a Trust Agreement dated as of December l, 1985,

with Wilmington Trust Company and William J. Wade, as Owner Trustee and Co-Trustee, respectively,

together as Lessor. (Form 10-K for the year ended December 31, 1999, File No. 1-05924 - Exhibit 10(b)

(12))-

122

https://www.sec.gov/Archives/edgar/data/100122/000010012216000034/tep10k12312015.htm 225/230

l I



4/21/2016 10-K

1'

*10(b)(13) Amendment No. 2, dated as of December 1, 1999, to Tax Indemnity Agreement, dated as of December 1,
1985, between TEP and San Carlos, jointly and severally, as Lessee, and Emerson Finance Co. as Owner
Participant, beneficiary under a Trust Agreement dated as of December 1, 1985, with Wilmington Trust
Company and William J. Wade, as Owner Trustee and Co-Trustee, respectively, together as Lessor.
(Form 10-K for the year ended December 31, 1999, File No. 1-05924 - Exhibit l0(b)(13)).

* 10(b)(14) Amendment No. 3 dated as of June 1, 2003, to Lease Agreements, dated as of December 1, 1985,
between TEP and San Carlos, jointly and severally, as Lessee, and Wilmington Trust Company and
William J. Wade, as Owner Trustee and Co-Trustee, respectively, under a Trust Agreement with Philip
MomS Capital Corporation as Owner Participant. (Form 10-Q for the quarter ended June 30, 2003, File
No. 1-05924 - Exhibit 10(a)).

*l0(b)(15) Amendment No. 3 dated as of June 1, 2003, to Lease Agreements, dated as of December 1, 1985,
between TEP and San Carlos, jointly and severally, as Lessee, and Wilmington Trust Company and
William J. Wade, as Owner Trustee and Co-Trustee, respectively, under a Trust Agreement with IBM
Credit, LLC as Owner Participant. (Form 10-Q for the quarter ended June 30, 2003, File No. 1-05924 -
Exhibit 10(b)).

*l0(b)(16) Amendment No. 3 dated as of June 1, 2003, to Lease Agreements, dated as of December l, 1985,
between TEP and San Carlos, jointly and severally, as Lessee, and Wilmington Trust Company and
William J. Wade, as Owner Trustee and Co-Trustee, respectively, under a Trust Agreement with Emerson
Finance Co. as Owner Participant. (Form 10-Q for the quarter ended June 30, 2003, File No. 1-05924 -
Exhibit l0(c)).

*10(b)(17) Amendment No. 3 dated as of June 1, 2003, to Tax Indemnity Agreement, dated as of December 1, 1985,
between TEP and San Carlos, jointly and severally, as Lessee, and Philip Morris Capital Corporation as
Owner Participant, beneficiary under a Trust Agreement dated as of December l, 1985, with Wilmington
Trust Company and William J. Wade, as Owner Trustee and Co-Trustee, respectively, together as Lessor.
(Form l0-Q for the quarter ended June 30, 2003, File No. 1-05924 - Exhibit l0(d)).

*10(b)(18) Amendment No. 3 dated as of June 1, 2003, to Tax Indemnity Agreement, dated as of December 1, 1985,
between TEP and San Carlos, jointly and severally, as Lessee, and IBM Credit, LLC as Owner
Participant, beneficiary under a Trust Agreement dated as of December 1, 1985, with Wilmington Trust
Company and William J. Wade, as Owner Trustee and Co-Trustee, respectively, together as Lessor.
(Form 10-Q for the quarter ended June 30, 2003, File No. 1-05924 - Exhibit l0(e)).

*10(b)(19) Amendment No. 3 dated as of June 1, 2003, to Tax Indemnity Agreement, dated as of December 1, 1985,
between TEP and San Carlos, jointly and severally, as Lessee, and Emerson Finance Co. as Owner
Participant, beneficiary under a Trust Agreement dated as of December 1, 1985, with Wilmington Trust
Company and William J. Wade, as Owner Trustee and Co-Trustee, respectively, together as Lessor.
(Form 10-Q for the quarter ended June 30, 2003, File No. 1-05924 - Exhibit 10(f)).

*10(b)(20) Amendment No. 4, dated as of June 1, 2006, to Lease Agreement, dated as of December 1, 1985,
between TEP and San Carlos, jointly and severally, as Lessee, and Wilmington Trust Company and
William J. Wade, as Owner Trustee and Co-tnustee, respectively, under a Trust Agreement with Philip
Morris Capital Corporation as Owner Participant. (Form 8-K dated June 12, 2006, File No. 1-05924 -
Exhibit l0.l).
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* 10(b)(21 ) Amendment No. 4, dated as of June 1, 2006, to Lease Agreement, dated as of December 1, 1985
between TEP and San Carlos, jointly and severally, as Lessee, and Wilmington Trust Company and
William J. Wade, as Owner Trustee and Co-trustee, respectively, under a Trust Agreement with Selco
Service Corporation as Owner Participant. (Form 8-K dated June 12, 2006, File No. 1-05924 - Exhibit

* 10(b)(22) Amendment No. 4, dated as of June 1, 2006, to Lease Agreement, dated as of December 1, 1985
between TEP and San Carlos, jointly and severally, as Lessee, and Wilmington Trust Company and
William J. Wade, as Owner Trustee and Co-trustee, respectively, under a Trust Agreement with Emerson
Finance LLC as Owner Participant. (Form 8-K dated June 12, 2006, File No. 1-05924 - Exhibit l0.3)
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*10(b)(23) Amendment No. 4, dated as of June 1, 2006 to Tax Indemnity Agreement, dated as of December 1, 1985
between TEP and San Carlos, as Lessee, and Philip Morris Capital Corporation as Owner Participant
beneficiary under a Trust Agreement, dated as of December 1, 1985, with Wilmington Trust Company
and William J. Wade, as Owner Trustee and Co-trustee, respectively, together as Lessor. (Form 8-K dated
June 12, 2006, File No. 1-05924 - Exhibit 10.4)

* 1()(b)(24) Amendment No. 4, dated as of June 1, 2006 to Tax Indemnity Agreement, dated as of December 1, 1985
between TEP and San Carlos, as Lessee, and Selco Service Corporation as Owner Participant
beneficiary under a Trust Agreement, dated as of December 1, 1985, with Wilmington Trust Company
and William J. Wade, as Owner Trustee and Co-trustee, respectively, together as Lessor. (Form 8-K dated
June 12, 2006, File No. 1-05924 - Exhibit l0.5)

* 10(b)(25) Amendment No. 4, dated as of June 1, 2006 to Tax Indemnity Agreement, dated as of December 1, 1985
between TEP and San Carlos, as Lessee, and Emerson Finance LLC as Owner Participant, beneficiary
under a Trust Agreement, dated as of December I, 1985, with Wilmington Trust Company and William J
Wade, as Owner Trustee and Co-tnustee, respectively, together as Lessor. (Form 8-K dated June 12, 2006
File No. 1-05924 - Exhibit 10.6)

*10(c)(1) Participation Agreement, dated as of June 30, 1992, among TEP, as Lessee, various parties thereto, as
Owner, Wilmington Trust Company and William J. Wade, as Owner Trustee and Co-Trustee
respectively, and LaSalle National Bank, as Indenture Trustee relating to TEP's lease of Springerville
Unit l. (Font S-l, Registration No. 33-55732 - Exhibit l0(u))

* 10(0)(2) Lease Agreements, dated as of December 15, 1992, between TEP, as Lessee, and Wilmington Trust
Company and William J. Wade, as Owner Trustee and Co-Trustee, respectively, as Lessor. (Form S- l
Registration No. 33-55732 - Exhibit 10(v))

*10(0)(3) Tax Indemnity Agreements, dated as of December 15, 1992, between the various Owner Participants
parties thereto and TEP, as Lessee. (Form S-1, Registration No. 33-55732 - Exhibit l0(w))

+10(d) UNS Energy Officer Change in Control Agreement (a schedule of officers who are covered by the
agreement or substantially identical agreements is filed separately), between UNS Energy and officers of
UNS Energy

+l0(d)(1) Schedule of Officers covered by UNS Energy Officer Change in Control Agreement or substantially
Identical Agreements

-*-* 1 Gm Retention Bonus Agreement between Kevin P. Larson and UNS Energy Corporation (Font 8-K, dated
November 13, 2014, File No. 1-05924 - Exhibit 10(a))

+*10(8) UNS Energy Corporation 2015 Share Unit Plan (Font 8-K, dated February 23, 2015, File No. 1-05924
Exhibit l0(a))

12 Computation of Ratio of Earnings to Fixed Charges
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21 Subsidiaries of the Registrant.

24 Power of Attorney.

31(a) Certification Pursuant to Section 302 of the Sarbanes-Oxley Act, by David G. Hutchens.

31(b) Certification Pursuant to Section 302 of the Sarbanes-Oxley Act, by Kevin P. Larson.

**32 Statements of Corporate Officers (pursuant to Section 906 of the Sarbanes-Oxley Act of 2002).
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10l.Ins XBRL Instance Document

l01.scH XBRL Taxonomy Extension Schema Document

101.cAL XBRL Taxonomy Extension Calculation Linkbase Document

101.LAB XBRL Taxonomy Extension Label Linkbase Document

l01.pRE XBRL Taxonomy Extension Presentation Linkbase Document

101.DEF XBRL Taxonomy Extension Definition Linkbase Document

Previously filed as indicated and incorporated herein by reference

Management contracts or compensatory plans or arrangements required to be filed as exhibits to this Form 10-K by
Item 60l(b)(l0)(iii) of Regulation S-K

Pursuant to Item 60l(b)(32)(ii) of Regulation S-K, this certificate is not being "filed" for purposes of Section 18 of
the Securities Exchange Act of 1934, as amended
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Electric Utilities and Risk Compensation

EXECUTIVE SUMMARY
After a decade of minimal rate activity, investor-owned electric utilities are again tiling rate cases. As they
do, regulatory commissions are being challenged by new and emerging structural changes in the electric
utility industry to approve rates that meet the Supreme Court's requirement to balance

Investors' rights to returns that are "sufficient to assure confidence in the financial integrity of the
enterprise, so as to maintain its credit and to attract capital", and

Consumers' rights to rates that are "just and reasonable

Achieving the balance is complicated by the significant setbacks to investor confidence that have occurred in
recent years, and the need for utilities to meet load changes by funding continual distribution system
improvements, expanding transmission capacity, maintaining and enhancing reliability and service quality
and meeting new capacity requirements

This monograph addresses issues that are important to striking the proper balance. It addresses new issues
related to: (1) determining the cost of capital in restructured markets, and (2) managing the cost of capital
through proactive regulatory policies. Key conclusions are

1. Polieymakers should not assume that restructured utilities are less risky than the traditional
utilities that preeeded them. There are new risks in restructured markets. These risks may not be
captured by traditional cost of capital methodologies, but investors are aware of them. This is why
rating agencies have downgraded electric utility debt in recent years, and why investors are focusing
on state regulatory policies and decisions to assess utility risk going forward

2. Utility risk should be evaluated on a company-speeyie basis, using an alytie frameworks that
address the new risks in restructured markets. Among the possible new risks are

Increased earnings variability due to reliance on competitive wholesale mar ket s-Wh olesa le
electricity prices can be extremely dynamic, leading to the potential for nonrecovery, or delayed
recovery, of wholesale supply costs in regulated retail rates. Insolvency and/or nonperformance by
third-party suppliers can exacerbate earnings volatility

Increased earnings variability due to new delivery infrastructure funding--Cost increases for
new delivery infrastructure, either at the transmission level, such as rising regional transmission
organization (RTO) or independent system operator (ISO) costs, or at the distribution level, such as
from replacement of aging facilities to maintain reliability, also can produce earnings volatility

Increased earnings variability due to increased customer switching-In retail access
environments, customer switching increases the volatility of retail loads incumbent utilities must
serve pursuant to provider of last resort (POLR)-type service obligations. Increased load volatility
can interact with the volatility in wholesale power markets and potential regulatory disallowances to
produce increased volatility in earnings

Cherry-picking customers in retail competition states-Some competitive models result in the
loss of the utility's most profitable customers (in combination with continued use of volumetric rates)
and an increase in uncollectible accounts, further impacting earnings volatility
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3. Polieymakers ear control the east of eapital by controlling r i sk . By adopting policies that control utility
risk exposure, policymakers can effectively manage utility cost of capital. Key risk-reducing policies
include:

Pre-approved resource procurement-Policies that ensure timely recovery of supply costs by (1)
developing a shared understanding of reasonable supply-related resource strategies before costs are
incurred, and (2) honoring costs reasonably incurred to implement such strategies. This would not
mean an end to regulatory oversight and control, but rather an end to alter-the-fact, "perfect
hindsight" prudence reviews.

Risk-mitigated POLR policies-Policies that require large customers to pay stranded costs even
when they leave regulated service, and observe minimum stay requirements if they come back to
regulated supply from the market, or pay spot market prices when they return. (Note: If switching by
small customers increases, similar requirements may be needed to manage risk.)

Limiting counterparty exposure--Policies that prevent third parties from shifting risk to incumbent
utilities, such as by maintaining adequate creditworthiness standards for third parties, and by
allocating partial payments to satisfy utility claims before satisfying claims by third-party suppliers

Timely recovery of infrastructure investments-Policies and rate mechanisms that provide timely
recovery between rate cases of costs incurred to make needed distribution and transmission system
improvements. Infrastructure cost pass through must penni timely recovery of RTO/ISO costs as
wel l .

Updated rate design-Policies that provide for the recovery of a substantial portion of distribution
infrastructure costs through fixed customer charges, and increased use of automatic adjustment
mechanisms to ensure timely recovery of costs that are highly variable and outside the control of
utility management (e.g., fuel).

Sec t i on  L  I d en t y i n g  and  Quan t y§/ ing  t h e  New Ri sks , defines investor risk as the variation in utility cash
flow, earnings and, ultimately, return on investment. It demonstrates why restructured utilities cannot be
assumed to be less risky than the vertically integrated companies that preceded them. Restructuring exposes
utilities to new risks, and corporate unbundling tends to magnify the financial impact of specific risks. A
framework for evaluating the new risks is defined in terms of the major sources of new risk in restructured
markets.

Sec t i on  IL The In f lu en ce  o f  New Ri sks  on  t h e  Cos t  o f  Capi t a l , examines the implications of the new risks of
restructuring. Chief among these is the recognition that comparisons to "comparable" or "peer" utilities are
becoming increasingly problematic. Given that the new risk factors vary by state and by company, there
really aren't any comparable utilities anymore. This calls into question traditional cost of capital methods
such as use of the capital asset pricing model (CAPM) and discounted cash flow (DCF) model, which rely on
comparisons to peer groups, and suggests the need for new approaches that evaluate risk on an individual
company basis.

Sec t i on  OIL Po t en t i a l  Regu la t o r y  Po l i c i e s  t o  Est imat e ,  Reduce ,  and  Cont r o l  Ut i l i t y  Ri sks , addresses issues
related to compensating and/or managing utility risk that are outside the scope of traditional cost of capital
determination methods. In terms of compensating utilities for risk, one relevant comparison is the cost of any
insurance product(s) that may be available to manage a specific risk, appropriate compensation is
approximately equal to the insurance premium required for such insurance coverage. Another approach, for
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new risks where no substantial empirical or experiential data yet exist, is to base premiums on financial
simulations (e.g., Monte Carlo). A related issue is that customer preferences for compensated risk mitigation
vary, so customers should be given choices, for example, of service packages that incorporate various levels
of risk mitigation. In terms of managing utility risk, policymakers should consider the potential to manage
utility cost of capital by calibrating regulatory policies to their impact on utility risk

Section IV, Conclusions, reiterates that it is not reasonable to assume that restructured utilities are less risky
than the integrated companies that preceded them. New risks are introduced by restructuring, and these need
to be evaluated on a company-specific basis. Because the new risks are highly company- and jurisdiction
specific, the validity of traditional methodologies-which rely on comparisons to "comparable" or "peer
utilities-is called into question. Policymakers can manage utility cost of capital by managing utility risk
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Electric Utilities and Risk Compensation

SECTION I
IDENTIFYING AND QUANTIFYING THE NEW RISKS
The investor-owned electric utility industry has changed significantly over the past decade. The industry has
seen movement from traditional vertical integration to unbundling of generation, transmission, and
distribution functions, and increased reliance on emerging competitive wholesale markets. It also has
experienced the rise and fall of major energy trading businesses and independent generating entities. In
addition, many states are in the midst of moving toward competitive retail markets, while others seek to slow
down or stop the emergence of competition. Collectively, these events have changed the fundamental risk
characteristics of many utilities, leading to increased investor risk

The increase in risk is reflected in the pattern of declining credit ratings in recent years. During 2001
2003, downgrades of shareholder-owned electric utilities substantially outpaced upgrades, reflecting
increased utility risk from energy trading and merchant generation. 1 During 2004, the trend toward
declining creditworthiness leveled off, as utilities sold non-core businesses and strengthened balanced
sheets, and in 2005 the process of financial recovery continued and creditworthiness began to be rebuilt
During these years, regulated electric shareholder-owned utilities with credit ratings below investment
grade (i.e., below BBB) grew from 23 percent of the sector in 2001 to 39 percent as of December 2003
then receded to 27 percent as of December 2005. Unfortunately, as we look ahead, utility credit is again
under pressure, this time because of investor concerns about increasing risk within the regulated
business. The issue now is the timely recovery of increasing fuel costs and new capital investments. As
one group of analysts expressed it recently: "These fairly steep increases have a number of implications
for utilities, as it is not clear if such hikes will be easily digested by ratepayers or their elected
representatives. From a regulatory risk perspective, utilities may well face cash deferrals, harsh rate case
treatment, and the specter of re-regulation." These same analysts also noted that "Historically, electric
utility under-eaming coincides with free cash turning negative (which happened in late 2005). When utilities
as a group stop generating free cash flow, they earn approximately 225 Gps less than their allowed return on
equity (ROE)

Even where retail restructuring has not taken place, a new risk profile has emerged, requiring a
comprehensive review of unique, utility-specific risks. This new pattern of risk has added complexity to
estimating capital costs and establishing regulatory policies that mitigate risks, reduce the cost of capital to
utilities, and reduce the cost burden to customers. Failure to recognize new risks or to underestimate the
consequences of these risks will result in rates of return that are unsatisfactory for investors, a waning of
interest in utility debt and equity issuances, and a decline in stock prices. Compounding the issue is the fact
that rate designs often produce actual returns below those allowed." It is earned return, not the allowed
return, that forms the basis for investor evaluation. When returns are too low, inadequate amounts of capital
are available and reliability suffers, even with prudent management of new investments

1

2

3

EEl Credit Ratings, Q1 2006 Financial Update
Capital Lessons,Lehman Brothers, March 15, 2006
This paper will not address the ratemaldng process per sh, but will refer to elements of that process that directly affect a
utility's ability to actually earn its allowed rate of return
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Section |: Identifying and Quantifying the New Risks

To determine cost of capital, regulators rely on the concept of comparable risks as espoused in the familiar
Hope and Bluefeld 4 cases. To use comparable risk, the risks themselves must be known or knowable, and
quantifiable. Without an understanding of the industry's new risk profile, comparable risk approaches cannot
work. Moreover, the estimation of risk in most utility cost of capital studies is developed at a high level of
aggregation, i.e., over groupings of companies or industries. Such aggregation does not permit the
consideration of unique and utility-specific risks that cannot possibly average into the capital cost from a
sample of unrelated utilities. The fundamental flaws of the current methodologies are the impairment of
comparability and the failure to incorporate differing risk profiles. Risks can differ by company within a
single jurisdiction because of company-specific historical precedent, differences in state regulatory policy
and the interplay of federal and state regulation. As discussed later, certain risks are also asymmetric and not
susceptible to analysis on any basis other than utility-specific." Asymmetric risk holds the potential for
destroying shareholder value to a greater degree than it does for enhancing value. The traditional implied
assumption that companies with certain common characteristics face comparable risks cannot be justified

Defining Risk

In the simplest terms, the risk faced by equity investors is the volatility in actual and potential earned return
To fully define and understand the new utility industry risks and identify the changing impact of existing
risks, it is useful to define a framework for analyzing utility risk by stating five fundamental postulates

1. Rates are set on the basis of costs and assumptions that usually are out of date and rarely, if ever
match actual circumstances that occur throughout the rate effective period

2. Investors make investment choices based on expected total return (the sum of the expected dividend
plus expected stock price appreciation), and expected risk (the variability in returns)

3.

4.

5.

Regulatory policies and procedures substantially affect utility risk and return

Higher risk requires higher return to compensate investors for bearing such risk

Actual equity returns result from the dollars available after all other costs are paid, including debt
service costs

In examining the risk profile of any given utility, particularly a utility that has been "restructured" (e.g
whose retail customers have been given competitive choice, and which has divested its generation), the
essential question is whether the utility has become more risky, or less risky, than its pre-restructuring
predecessor. If the returns the utility provides its shareholders have become more volatile, then the utility is
riskier. If shareholder returns become less volatile, the utility is less risky. Numerous factors can bear on this
question, and the analyst must exercise professional judgment in identifying and evaluating those factors that
are most important in determining current and future return volatility for a given utility. Four factors likely to
be of material influence, which are illustrated later with numeric examples, are

1.

2.

3.

4.

Reliance on volatile wholesale markets for utility-provided power supply

The need for new spending on delivery infrastructure

Supplier of last resort (SOLR or POLR) obligations, and

The introduction of retail access after a legacy of social ratemaking

F.P.C. v. Hope Natural Gas Co., 320 U.S. 591 (1944), Bluefeld Water Works v. P.S.C., 262 U.S. 679 (1923)
For a detailed discussion of the problem of asymmetric risks, A. Lawrence Kolbe, William B. Tye, and Stewart C. Myers
Regulatory Risk,(Kluwer Academic Publishers, 1993)
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Integrated Utility Unbundled Utility

Base Case Base Case

Rate base $4.0 billion $1 .0 billion

Capital structure 50% debt/50% equity 50% debt/50% equity

Shareholder equity $2.0 billion $500 million

Allowedlearned ROE 10% 10%

Equity return $200 million $50 million

Debt $120 million $30 million

Non-fuel O&M $330 million $150 million

Depreciation expense $160 million $35 million

Tax $140 million $35 million

Fuel $225 million

Purchased power $25 million
Hedged $720 million

Unhedged $180 million

Revenue requirement $1.2 billion $300 million

Customer costs $1 .2 billion $1 .2 billion

Electric Utilities and Risk Compensation

Two Hypothetical Utilities

The importance, magnitude, and even the existence of each of the components of risk differ from state to
state, and between utilities within a single state. For each of the four major risk factors listed above, numeric
examples have been developed to illustrate their nature and impact on shareholder return. Two hypothetical
electric utilities are used

As shown in Table A, each of the two utilities serves the same number of customers (750,000), sells the
same amount of power (20 billion kph a year), and operates with the same total revenue requirement ($1 .2
billion).° The difference is that one is a traditional, vertically integrated utility providing bundled service to
its customers (integrated utility), while the other has divested both its generation and transmission
(unbundled utility)

The examples that follow are calculated using the information in Table A that describes each utility. Dollar
values have been rounded for simplicity, but are representative of small to medium-sized investor-owned
electric utilities in the United States. (This paper will use "M" or "B" to signify million or billions, i.e
$25M is $25 million dollars.)

Table A: Basic Utility Data

T he revenue requ irement  for  both u t i l i t ies is the sum of the cost  of equ i ty and debt ,  income taxes,  non-fuel  opera t ions and
maintenance (O&M),  deprecia t ion expense,  and fuel  or  pu rchased power  expense

Edison Electric Institute 3
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Section I: Identifying and Quantifying the New Risks

C. Ri sks  Re l a t ed  t o  Com pet i t i ve  Whol esa l e  M arket s

Competitive wholesale electricity markets produce prices that can be extremely volatile, escalating rapidly
when demand begins to overtake supply, and falling equally rapidly when demand falls. This represents a
risk factor for electric utilities, because purchased power costs typically do not flow directly into retail rates,
but must be deferred for possible subsequent recovery. As the size of deferred purchased power balances
grow, so too does the potential for prudence challenges. With this M mind, it is reasonable to view utility
dependence on wholesale power purchases as a risk factor, depending on associated regulatory policies and
procedures. As illustrated in Table B, the impact can be much greater for an unbundled ("wires-only") utility,
than for a traditional, vertically integrated utility.

As the examples illustrate, both traditional integrated utilities and unbundled utilities face a number of new
risks resulting from a variety of regulatory and legislative changes in energy markets. The impacts of the
risks vary from utility to utility and, contrary to the view that unbundled utilities are less risky, the examples
illustrate that the unbundled utility, under the same rules as an integrated utility, can be more risky. The
higher risk for unbundled utilities means that higher equity returns are required to compensate the owners of
the utility for the risks.

Table B: Basic Utility Data with 10 Percent Energy Price Increase Case

4 Edison Electric Institute
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Electric Utilities and Risk Compensation

Table B depicts the impact of a 10 percent increase in wholesale power and fuel prices on the shareholder
returns of our two hypothetical utilities. In each case, a rate freeze is assumed.

Briefly, in a scenario in which the spot market price of fuel and wholesale power rises 10 percent, and in
which neither utility can flow these increases into retail rates in a timely fashion, the financial return realized
by shareholders of the unbundled utility declines about three times iiuther than the return realized by
shareholders in the integrated utility. This is because the unbundled utility is far more dependent on
purchased power than is the integrated utility. A second reason is that the unbundled utility's equity base is
one-fourth the size of that of the integrated utility, so adverse events have a much bigger impact on ROE.
This shows that unbundled utilities can be significantly more risky than integrated utilities.

For the integrated utility, as shown in Table B, the cost of fuel is $225 million, with a 10 percent increase of
$22.5 million resulting in a total of $247.5 million. The cost ofpurchasedpower is $25 million, with a 10
percent increase of $2.5 million resulting in a total of $27.5 million. Thus, a 10 percent increase in both
wholesale power and fuel results in a total increase of $25 million and a final combined cost of $275 million
([$225M + $22.51vI] + [$25M +$2.5M]).

The change in cost must come out of the shareholders' equity return, since debt holders have a superior claim
on earnings. So equity return declines by $25 million, from $200 million in the base case, to $175 million in
the 1 Opercent energy price increase case. In percentage terms, the return on equity declines from 10 percent
in the base case ($200 million/shareholders' equity of $2 billions) to 8.75 percent ($175M/$2B), a 12.5
percent decline in equity return.

For the unbundled utility, the cost of purchased power also increases 10 percent. For illustration, it is
assumed that the unbundled utility hedged $720 million of its purchased power expense under long-term
purchase contracts, so the 10 percent price increase applies only to the unhedged portion, or $180 million, of
its purchased power expense. The 10 percent increase from $180 million is $18 million, for a total of $198
million.

Again, increased operating costs are borne entirely by shareholders, since bondholders have a superior claim
on earnings. As a result, the shareholders' return declines by $18 million, from $50 million in the base case,
to $32 million in the IO percent energy price increase case. In percentage terms, the return on equity
declines from 10 percent in the base case ($50 million/shareholders' equity of $500 millions) to 6.4 percent
($32M/$500M), a 36percent decline in equity return.

Notice how much more severe the decline in shareholder return is for shareholders in the unbundled utility:
36 percent versus 12.5 percent. The impact on the unbundled utility is almost three times greater. Clearly, the
unbundled utility is riskier than the integrated utility when it bears the price volatility risk of the market.
There are two basic reasons for this.

First, the unbundled utility is far more dependent on purchased power than is the integrated utility. The risks
discussed in this section (including price risk and related regulatory risk) are a function of wholesale
purchases, so it stands to reason the unbundled utility is more exposed to these sources of risk than is the

7

8
The rate base of the integrated utility is $4 billion, which is funded half by equity.
The rate base of the unbundled utility is $1 billion, which is funded half by equity.
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Section I: Identifying and Quantifying the New Risks

integrated utility. For the unbundled utility, power purchases can be almost as large as its rate base and have
no associated rate base component because the recovery is a cost pass through. One might argue that the
unbundled utility should have hedged the entire portfolio, not just the $720 million. Such hedging, however
introduces another large risk, namely, that the market price falls and the regulators impose a penalty on the
utility for imprudent purchases. In either case, the potential equity impact is large under a fixed-price SOLR
obligation

Second, the unbundled utility's equity base (shareholder capital) is significantly smaller than that of the
integrated utility ($500 million vs. $2 billion), so a given reduction in net income has a much bigger impact
on the unbundled utility in terms of reductions in ROE, than on the integrated utility. A relatively small
disallowance of purchased power costs can have a huge impact on earnings and ROE

It was assumed that no fuel adjustment mechanism was available to the integrated utility, so it had to absorb
a 10 percent risk in fuel prices. Of course, such mechanisms are frequently in use. Had a fuel mechanism
been assumed, the discrepancy in impact on equity return would have been even greater, with the unbundled
utility appearing even more risky than the integrated utility. Unbundled utilities may also have fuel
adjustment clauses. However, the existence of a fuel clause for competitive utilities creates both market risk
and stranded cost risk, and while it may resolve short-term market fluctuations, it will also create larger
long-term issues of cost recovery

It also is worth mentioning that there is a fundamental asymmetry in the unbundled utility's risk exposure
that is not experienced by the integrated utility. The unbundled utility bears large risks related to purchased
power transactions, but typically makes nothing on them, it simply passes procured power costs along to
customers. Integrated utilities, on the other hand, serve customers from supply resources that are mostly in
rate base, on which they earn an allowed return

Finally, wholesale counterparty risk (i.e., the potential for financial loss due to nonperformance by parties
with whom the utility has a wholesale supply relationship) probably has increased for both integrated and
unbundled utilities. This is due to the rise in natural gas prices in recent years, which has let many merchant
generating companies in a weakened (less creditworthy) financial position. Again, since unbundled utilities
are far more dependent on purchases than integrated companies, they tend to be more exposed to counter
party risks

Risks Related to New Delivery Infrastructure

Cost increases for new delivery infrastructure, either at the transmission or distribution level, also can
produce variation in utility earnings and shareholder return. The size of the financial impact can be much
greater for unbundled utilities than for traditional, vertically integrated utilities. This is a new risk factor to
the extent that the sources and scale of new delivery cost increases are unprecedented

At the transmission level, significant costs are being incurred to build new infrastructure to support the
operation of restructured transmission systems. These costs tend to be associated with the development of
new data processing systems (hardware, software, and personnel).' Of course, there also is the potential for

Concerns about the lack of efficiency incentives for RTOs/ISOs, and about the lack of adequate financial oversight by
participants in RTOs/ISOs, are raised in EEl cormnents in FERC Docket No. RM04-12-000, Financial Reporting and Cost

Recovery Practices for Regional Transmission Organizations and Independent System Operators, November 9, 2004
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Electric Utilities and Risk Compensation

new transmission lines to be built, if a host of siring and other issues can be resolved. RTOs allocate new
costs to transmission customers (e.g., regulated utilities), who must then recover them in retail rates.
However, if a state has implemented a rate freeze, any increase in transmission-related revenue requirements
may be difficult to implement in retail rates, at least not before the freeze expires. (The Federal Energy
Regulatory Commission has jurisdiction over transmission revenue requirements, but states have jurisdiction
over retail rate designs.) Even without an explicit freeze, timely recovery may be difficult if the state uses an
historic test year. Furthermore, states may seek to offset transmission revenue increases with decreases in
other legitimate revenues. Table C illustrates the differential impact of a $10 million increase in RTO
operating costs. Assuming these costs are not immediately flowed into retail rates, they will come out of
shareholder returns.

Briefly, in a scenario in which the utility's share of RTO costs increases $10 million, and in which these
costs cannot be flowed timely into retail rates in a timely manner, the financial return realized by
shareholders of the unbundled utility declines about four times more than returns realized by shareholders of
the integrated utility. This is because the unbundled utility's equity base is one-fourth the size of that of the
integrated utility, so the $10 million hit has a bigger impact on an unbundled utility's equity return. This
shows, again, that unbundled utilities can be significantly more risky than integrated utilities.

For the integrated utility, this scenario means a reduction in return on equity from 10 percent to 9.5 percent,
or a 5 percent decrease in return on equity. For the unbundled utility, it means a reduction from 10 percent
to 8 percent, or a 20percent decrease in return on equity. As before, the impact on the unbundled utility is
four times greater, because its equity base is four times smaller.

Table C: Impact of a $10 Million Increase in RTO Costs

At the distribution level, cost increases are being driven by the need for new facilities to replace aging
infrastructure, support demand response, enhance power quality, and support the digital economy, or to serve
new customers. Taken together, the scale of the investment required may be unprecedented. As with
transmission costs, rate freezes and/or use of an historic test year can impede timely recovery and produce
negative financial shareholder impacts.

Briefly, in a scenario in which a $75 million capital investment in the distribution system is needed, there is
no effect on the integrated utility's ROE, but there is a 42-basis-point decline in the unbundled utility's
ROE. This is because the integrated utility's rate base is four times the size of that of the unbundled utility,
so it can fund the new investment out of annual depreciation expense. The unbundled utility cannot do so and
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Section I: Identifying and Quantifying the New Risks

must sell new debt, the service of which reduces returns to shareholders. Again, unbundled utilities can be
more risky than integrated utilities.

Table D illustrates the differential impact of a required $75 million investment to rebuild distribution
facilities to maintain reliability. This example deals with long-lived assets, as opposed to annual operating
expenses in the previous RTO example, so depreciation expense becomes relevant. (Depreciation expense is
the amount by which an asset is depreciated each year. It does not affect cash flow, but it does reduce taxable
income.) The integrated utility, with a rate base of $4 billion, has an annual depreciation expense of $160
million ($4 billion/25-year asset life). The unbundled utility, with a rate base of $1 billion, has an annual
depreciation expense of only $40 million ($1 billion/25-year asset life).

The integrated utility can fund the $75 million from depreciation expense, so no net new rate base is required
and the impact on earnings is negligible. The unbundled utility, however, cannot do this, because $75 million
is substantially more than its annual $40 million depreciation expense. So, either the unbundled utility uses
$35 million in current earnings to pay for the rebuilding, or it sells new debt for this purpose. It is assumed
the unbundled utility sells additional debt.

Table D: $75 Million Distribution Investment

The bottom line is that for the integrated utility, the same $75 million infrastructure replacement event has
no effect on shareholder returns since it can be paid for out of annual depreciation. However, for the
unbundled utility, the cost of new debt must bepaid for out of equity returns, so shareholder returns are
reduced by 4.2 percent, from I Upercent to 9.58 percent.
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Electric Utilities and Risk Compensation

E. Risks Related to Provider of Last Resort Supply Obligations

Retail access can create significant new risks for utilities which have divested their own supply resources
but must nevertheless stand ready to supply those customers not served by the market. Such supply
obligations are known generically as provider of last resort, or POLR, supply obligations. iu In addition to
price risk, described above, POLR obligations can create more material risks for utility shareholders

The most important of these is probably volume risk, or energy imbalance risk. This is the risk that the utility
will suffer a financial loss because it purchases too much, or too little, power to serve retail customers
Volume risk increases as customers shift from regulated supply to the market, and back to the utility. Such
customer shitting increases the variability of POLR loads and makes it harder for utilities to know how much
energy to procure

Briefly, in a scenario in which POLR load drops 20 percent, the unbundled utility's equity return declines
288 basis points. This is because the utility realizes a loss when it sells power it bought via a long-term
contract that it no longer needs. The integrated utility is not involved in this scenario, because POLR supply
obligations are associated with retail access markets in which the integrated incumbents typically have
divested their generation

Table E describes the impact on shareholder return of a scenario in which the spot market price of electricity
falls 10 percent, prompting customers to leave POLR service and shift to the market because they can get a
better price. It is assumed that the utility's POLR load declines by 20 percent as a result. To meet this
reduced load, the utility continues to buy $720 million worth of power pursuant to its multiyear supply
contract, which is now above the spot market price, and another $130 million worth of power in the spot
market.

Table E: Volume Risk-Market Price Decrease

10 . . . . . . . . . -
In some jurlsdlctlons thls is called default sewlce, baslc generation service, etc
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Section I: Identifying and Quantifying the New Risks

The unbundledutility must continue buying in the spot market because its load varies throughout the day. If
it didn't, the utility's multiyear contract, which represents 80 percent of its supply in the base case, would
exactly meet its needs. However, the utility's load is not constant, but varies throughout the day: there are
hours in which it is greater than 80 percent of the base case, and hours in which it is less. Therefore, to meet
its peak load, the unbundled utility must buy $130 million worth of power in the spot market

It is assumed that the 20 percent reduction in load translates equally into a 20 percent reduction in the need
for power purchased via the multiyear contract, and a 20 percent reduction in the need for power purchased
in the spot market. So, of the $720 million incurred to buy hedged power, 20 percent, or $144 million worth
is not used and must be resold in the spot market. This power is sold at a loss, since the spot market price is
now 10 percent lower than the price the utility paid under its multiyear contract. As a result, the utility resells
its unused power for ($144M x 0.9M =) $129.6 million, realizing a loss of ($l44M - $129.6M =) $14.4
million. Return on equity declines accordingly, from ($50M/$500M = 10%) in the base case, to
([50M - l4.4M]/500M =) 7.12 percent

This example illustrates how a relatively small change in spot market price can produce a large swing in
ROE. As noted in Section C,the unbundledutility can experiencemuch larger variation in equity return (Le
ismore risky) thanan integrated utility,because it is far more dependent on procured power and has a
smaller equity base than an integrated utility

Of course, spot market prices can move in the other direction as well. Table F illustrates a scenario in which
spot prices rise above the rate for POLR service. In this case, it is assumed that the spot market price rises
5% above the utility's POLR rate, and that thePOLR load grows 2%, because customers switch back to
POLR service to get a better price

T a b l e  F :  V o l u m e  R i s k - M a r k e t  P r i c e  I n c r e a s e

As customers shift back to POLR, the utility must buy additional supply in the spot market, at prices that
now exceed the approved POLR rate. The utility needs a total supply of ($900M x 1.02M =) $918 million at
the old (base case) price. Of this amount, $720 million worth is available from the multiyear supply contract
This leaves ($9l8M - $720M =) $198 million of new power cost under the base case price that must be

10 Edison Electric Institute



Electric Utilities and Risk Compensation

procured in the spot market. This additional power now costs ($l98M x 1.05M =) $207.9 million. So total
purchased power cost rises to ($720M + $207.9M =) $927.9 million under the new scenario. POLR rates are
frozen, so these additional supply costs must come out of shareholder earnings. Return on equity declines
from 10 percent in the base case, to 4.4 percent in the new scenario. A very small rise in market prices and
POLR load has produced a huge drop in return on equity--at least, unless and until these costs can be
recovered

In addition to volume risk, POLR obligations can create two other risks for utilities. One is credit risk, which
is the risk that the utility will suffer a financial loss because its customers don't pay their bills. Credit risk
can increase in retail access markets because, as solvent customers switch to market-based suppliers, the
concentration of "bad debt" customers in POLR loads tends to increase. Moreover, commissions may, in the
interest of "jump starting the market," require incumbent utilities to take over bad debt customers from
market-based retailers

The second is retail counterparty risk, which is the risk that the utility will suffer financial loss because
market-based retailers (serving end-use consumers) become insolvent and cease operations. The utility may
suffer a loss because a supplier fails to deliver power and the utility must go into the market and purchase
replacement power under unfavorable terms and conditions. Alternatively, a utility may experience a loss
because a retailer fails to reimburse the utility for distribution and/or customer care services that the retailer
has purchased on behalf of the customer

Neither of these two additional risks is illustrated with a numeric example, but they are just as real
Considering all three POLR-related risks together, it is understandable why rating agencies are looking at
POLR policies as a key risk driver for unbundled utilities

Earnings Volatility Due to Social Rate raking

When retail access is implemented, it becomes increasingly difficult, if not impossible, to administer
subsidies, no matter how well intentioned they may be. This is because retail access forces rate unbundling
which allows customers to see what they are paying for various components of electric service. If regulatory
policy has led to inter-class return differentials (e.g., where large customers are paying more than the cost of
service, and small customers less), this creates another risk for utility shareholders. There are two possible
components of this risk

Briefly, in a scenario in which there are inter-class return differentials in the incumbent's regulated rates, and
in which 10 percent of the load in the highest-return customer class (i.e., the large commercial and industrial
customer class) shifts to market-based suppliers, the incumbent unbundled utility experiences a reduction in
realized ROE of 74 basis points. This is because the loss of high-margin customers produces a
disproportionate reduction in equity return, and high-margin customers are easy for third-party suppliers to
serve at lower cost

First, there is a class of service that produces a higher than average return for the utility. Marketers are able
to attract away these customers, which produces a disproportionate loss of contribution to margin. Consider

See for example, Standard & Poor's Keys to Success for U.S. Electricity Transmission and Distribution Companies, March
11
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the case where an integrated utility is allowed a 10 percent return overall, but a single class of customers that
represents 30 percent of the load provides a 15 percent return. The loss of those customers reduces the return
by the percentage of return related to services other than delivery (here assumed to be 75 percent) times the
portion of customer that the class represents (here assumed to be 30 percent). This equals a reduction in
utility return of 22.5 percent (75 percent x 30 percent). This also assumes that return is uniform for delivery
and production services. Of course, if the utility can resell the power, it can mitigate the impact of a 22.5
percent reduction in earnings as long as the regulatory climate allows those returns to be credited to the
shareholders. In many cases, off-system sales have no impact on return and/or are in part shared with
ratepayers

Second, this same result may occur even if the rate classes all produce the system average return. In this
case, customers within a class with the more profitable load profile will be attracted away. The same analysis
as discussed above applies and the utility's return will decline. Thus, cherry-picking opportunities that result
from subsidies that are sustainable only under complete regulation cannot be sustained in the open market
The existence of those subsidies in an unbundled market with integrated utility service cause added earnings
volatility

The risks described in this section are associated with both bundled and unbundled utilities under certain
assumptions regarding regulatory treatments. The examples illustrate that risks may vary materially for
utilities operating in restructured markets, and underscore the assertion (above) that utility risk must be
assessed on a utility-specific basis
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SECTION II
THE INFLUENCE OF NEW RISKS
ON THE COST OF CAPITAL

Traditional cost of capital estimation methods can only partly reflect the new risk profiles and risk-related
costs of the utility industry. The industry changes and related risk factors described in the previous section
suggest a variety of issues pertinent to the adequacy of traditional approaches to determining the cost of
capital to enable utilities to actually earn adequate returns on equity

Loss of Peer Group Relevance

Traditional approaches to the cost of capital rely on comparisons of one utility's risk profile and earned
returns to an aggregate group of "comparable" or "peer" utilities. The discounted cash flow (DCF) method
capital asset pricing model (CAPM), or comparable earnings models use a set of comparable companies to
develop the estimate of a market-based equity return. However, many utilities no longer derive their earned
returns solely from the regulated utility business. Financial market data drawn from such "peer" utilities
reflect the earnings of the total, consolidated enterprise, and not necessarily of the "pure play" utility
subsidiary

Added to the complexity are differing legislative and regulatory mandates and policies in various states
which result in differences in earnings volatility of each peer utility. Many regulatory policy factors
distinguish the risk profiles of individual utilities within a group of peers that would otherwise appear
homogenous. Examples include differences in the levels of fixed cost recovery within the fixed components
of the rate structure, line extension policies, test period assumptions, regulatory lag, use of hypothetical vs
actual capital structures, and POLR/SOLR obligations. These other factors have a direct effect on the
utility's real financial and operating risk profile, its income volatility and, perhaps most important, its ability
to actually earn its allowed return. Traditional cost of capital approaches rarely, if ever, take these factors
into account

Asymmetric Risks

Any determination of the cost of capital must also address counterparty and other asymmetric risks identified
in Section I. Further, the evaluation of asymmetric risks requires a detailed analysis of the individual utility
and the legislative and regulatory policies applicable to the utility. Many institutional investors who are
focused on steady returns, dividend growth, and the preservation of capital are very much concerned about
avoiding "downside" risks, and are willing to give up the "upside" potential

Traditional cost of capital theory does not address asymmetric risks. Worse, aggregated peer group analysis
without a deep analysis of regulatory practices, can easily mask risk asymmetry. Importantly, the basic
premise of cost-based regulation and the ability of regulatory agencies to initiate rate cases causes the
asymmetry to destroy, rather than enhance, shareholder value

Edison Electric Institute 13
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Capital Market Risks

For many years, utilities' use of capital markets has been primarily to refinance debt, and occasionally
capital expansion, because few utilities faced the need to build new production or transmission capacity, or
expand the distribution system. As a result, they benefited from financial flexibility since their capital
requirements were largely discretionary. However, changes in load and the need to reinforce infrastructure
are requiring utilities to tum to capital markets to finance system expansion. As the need for capital has
increased, utilities face a new challenge related to liquidity in energy markets as well as the perception of
changing credit risk. Since 2002, the number of downgrades in power sector debt has far exceeded the
number of upgrades, although recently the rate of downgrades began slowing

Access to capital markets at a reasonable cost is a critical component for investing in the utility infrastructure
required to maintain safe, reliable, utility service. The cost of capital includes both debt and equity costs
Further, there is a direct relationship between the cost of equity capital and the portion of debt in the capital
structure. The existence of leverage increases the cost of equity. 14 Where retained earnings are insufficient to
maintain the debt equity ratio, new equity issues may be required. If the allowed return is less than the
market requires, issuing equity dilutes the value for current shareholders. It is difficult to support an equity
issue in that event. As a result, the cost of both debt and equity is likely to rise as the debt-to-equity ratio
increases. When coupled with the competitive market for new capital to fund the growth in infrastructure
replacement, inadequate returns in the short run will significantly increase the long-run cost of replacing
existing facilities and refinancing debt

There is no question that utilities must compete for new debt, not only among themselves but also with the
growing investment in other markets worldwide. Maintaining investment grade bond ratings in the "A" range
is critical to financial flexibility. At this level, utilities have broader access to capital and can finance debt at
lower interest rates because of the stronger financial position. Since many utilities are currently rated below
the "A" level, it will be necessary to allow higher equity returns over a long period to restore the credit
needed to efficiently replace the existing infrastructure and to expand capacity where the utility must own
and construct new generation

Commodity Risks

The liquidity or lack of liquidity of the wholesale markets for power and for financial hedging products is
another new source of risk. To the extent that markets are not liquid, the risk associated with fixed price
physical or financial contracts increases. This risk is borne directly by the party, usually the utility, required
to provide a fixed price product to the market. As discussed more fully below, there are opportunities to
mitigate the risk to the utility. However, there is no way to mitigate this risk for the consumers of the fixed
price product

See, for example, Kolbe, Read, and Hall, The Cost of Capital,pp. 16-19
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Electric Utilities and Risk Compensation

SECTION Ill:
POTENTIAL REGULATORY POLICIES TO ESTIMATE,
REDUCE, AND CONTROL UTILITY RISKS

A. Non-traditional Approaches to Risk Compensation

Two methods offer a reasonable basis for calculating the level of compensation (in absolute dollar terms)
necessary to match risk and reward for specific risks arising from changing conditions:

Market-based tests

Rate impact simulation

Market-based Tests

The use of the cost of market-based insurance instruments to estimate the costs of various risks is an
accepted process for certain utility risks, since the cost of insuring against a risk is an acceptable O&M
expense for a utility. Thus, if insurance products are available to manage risk, the required compensation is
approximately equal to the insurance premium and the risk is mitigated by the purchase of the insurance
product. Many insurance companies now offer, or will develop on a tailored basis, products that insure
against relatively exotic factors such as weather and liability-specific litigation risk, or more mundane,
everyday matters, such as errors and omissions, and directors and officers liability insurance. Typically,
these products are offered where the risk is either known through significant experience, or is susceptible to
analysis by business, subject matter, and underwriting experts.

The cost of insurance, that is, the premium, would ordinarily be considered as a regular cost of doing
business. The utility should be indifferent between: (a) a revenue requirement that permits the inclusion of
such an equity risk premium, and (b) an adjustment that compensates the utility for the risk directly through
an upward adjustment to its return. Similarly, regulators should allow the utility to recover the cost of
hedging power supply prices.

Both hedging and insurance provide for risk mitigation on an incomplete basis. Insurance deductibles require
the utility to absorb some of the insured loss. Similarly, the hedged product may have some portion of the
cost of power where no compensation is paid. Regulators must ensure that these costs are recovered in rates.

Risk Impact Simulation

Where risks are specific to a utility, and where there is no substantial empirical or experiential risk data, the
analyst must rely on financial simulation modeling. The exact form of this kind of analysis varies widely,
although Monte Carlo simulation techniques are frequently used. While knowing the distribution of
outcomes may be problematic since many events in the utility industry are new, through simulation based on
expert knowledge an analyst can estimate the possible range of risks and associated costs that would be
incurred under various business, regulatory, and environmental scenarios. In tum, those estimates can
become the foundation for fixing an absolute dollar-equity risk premium, or establishing a revenue
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Section III: Potential Regulatory Policies to Estimate, Reduce, and Control Utility Risks

requirement add-on that would compensate the utility for the risks not captured through the traditional cost
of capital analysis.

B. Importance of Customer Choice in Risk Compensation

The recognition and estimation of risks is the initial step in determining the appropriate strategy for
managing them. Ultimately, the process must incorporate the required risk-adjusted return, risk
compensation, the cost of risk mitigation, or some combination of all three into the rates paid by consumers.
Regardless of the method chosen, utilities incur costs that must be recovered. For example, the use of hedge
products to fix energy prices over the long run raises the delivered cost of energy. In return, customers get a
stable, albeit slightly higher, price.

In a competitive market, consumers choose the level of price stability that fits their risk preferences and pay
for the hedge through the market. Under a regulated rate, the preferences of customers will not be identical.
As a result, choosing the optimum hedging strategy under a one-size-fits-all model cannot produce an
optimum outcome for all consumers. Risks often suggest regulatory solutions for mitigating them. Where
risk mitigation is accomplished through policies and procedures that maintain the integrity of rate regulation
and permit broad stakeholder input, utilities and consumers benefit.

Care must be taken, however, that risk mitigation not create new risks or inappropriate incentives for the
utility. One consequence of the traditional, adversarial rate-setting process is the tendency to develop
win/lose solutions rather than solutions that benefit all parties. As a result, regulators often must choose
between conflicting positions that create the possibility for unintended outcomes. These outcomes include
the inability to earn the allowed return, excess returns, incentives to game the system at the expense of
efficient outcomes, and other suboptimal behavior.

c. Regulatory Options for Controlling Utility Risk

In addition to measuring utility risk and determining fair compensation for investors, policymakers should
think about the potential to control the cost of capital by controlling utility risk. Indeed, institutional
investors and rating agencies are focusing on regulation as the dominant driver of risk for utilities, and are
differentiating among regulatory jurisdictions as never before. By calibrating regulatory policies to control
risk, jurisdictions can obtain new capital (e.g., for needed investments in infrastructure) on more reasonable
terns and conditions. Since consumers ultimately pay for this, reducing the cost of capital obviously is in the
public interest. Among the policies to focus on in this regard are the following.

Resource Procurement

Timely recovery of costs incurred to supply retail customers probably is the best, most effective way to
stabilize utility revenue and earnings, and achieve lower cost of capital. Industry experience since the
California market "meltdown" of 2000 and 2001 suggests that there are five keys to providing greater
regulatory certainty in this area. They are:

1. Develop consensus resource strategies-Recognizing the new uncertainties inherent in resource
planning and procurement, utilities and regulators should agree (prospectively) on what the most
important resource-related uncertainties (risks) are, and how they are going to manage them.

16 Edison Electric Institute
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Electric Utilities and Risk Compensation

Understand the implications of risk management-Utilities and regulators need to understand that
risk management cannot be used to minimize cost, it inevitably adds cost. For this reason, customers
may want choices about the amount of risk management they pay for.

Provide regulatory commitment--Once reasonable resource strategies have been identified and
agreed to, regulators should honor the recovery of associated costs in rates. The reasonableness of
resource strategies, including hedging strategies, should not be subject to after-the-fact prudence
review.

4. Institutionalize regular communications-Utilities should communicate regularly with regulatory
staff. Regular meetings (e.g., regularly scheduled progress reports) can help regulators keep abreast
of market developments and avoid surprises.

5. Support new construction.-. To be sustainable over the long term, new regulatory planning and
approval policies must support long-term investments in new generation and other needed
infrastructure.

Provider obLast Resort

POLR-type service, known variously as supplier of last resort, default, standard offer, basic generation, and
provider of last resort service, represents a call option for customers that can create huge risks for utilities
and their investors. Policies that reduce the risk incurred by utilities in providing POLR service include:

Continuation of stranded cost payments for customers who leave regulated service,

Minimum stay requirements for customers who come back to regulated service after having gone to
the market, and

Flow through of spot wholesale prices to customers who come back to regulated service.

While these are important for all customers, they are especially important for larger customers or smaller
customers if the number of customers is large.

Counterparty Risk

Policies that shift risk from third parties to incumbent utilities also increase the utility's overall risk profile.
To ensure that this does not happen, policymakers should examine policies in the following areas, where
applicable:

Creditworthiness standards that suppliers must meet in order to be eligible to participate in
auctions and other competitive procurement programs. The stronger such standards are, the less
utilities will be exposed. A related issue is the imputation by rating agencies of additional debt into
the utility's capital structure to reflect the risk that is transferred to utilities when they enter into long-
tenn power purchase commitments. Recognition of this added risk and the impact on capital structure
is required to determine the capital cost of the utility. This imputation of debt has a real impact on the
cost of capital and must be taken into consideration in determining allowed rate of return. Where
utilities purchase power under these contacts, regulators must either impute additional equity to the
traditional capital structure or allow a larger equity base for the utility.

Supplier consolidated billing policies,which make utilities dependent on the perfonnance of third
parties to remit revenues. Supplier consolidated billing should not be used on a mandatory basis
without providing sufficient credit protection to assure that the utility receives payment for its portion
of the customer bill from the third party.

Edison Electric Institute 17
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Section Ill: Potential Regulatory Policies to Estimate, Reduce, and Control Utility Risks

Payment-processing policies that require the utility to buy receivables from third-party marketers
This can shift significant risk to utilities, if third parties lower their own credit standards, knowing
they can sell delinquent accounts to the utility. Utilities should be allowed to negotiate such
purchases voluntarily, but should not be required to do so

Policies governing the allocation of partial payments between the utility and a third-party
marketer. To the extent marketer charges are satisfied before those of the utility, the effect is to shift
risk to the utility

Infrastructure

The degree of regulatory support for new spending on needed distribution system improvements is another
factor that affects the utility's overall risk profile. Wise, risk-reducing policies in this area may start with
revised planning procedures that focus on the distribution system, recognizing that distribution system
engineering on a stand-alone basis becomes more important as the system is unbundled. As distribution
system needs are identified, new policies should be considered to support spending on approved projects
between rate cases. This can be accomplished by indexing distribution revenues to customer growth or other
parameters that are correlated with distribution capacity needs. It also can be accomplished with an automatic
adjustment mechanism that tracks approved infrastructure projects. To the extent financial incentives are tied
to defined parameters of service quality, it is important that such incentives be symmetric by having an
upside that balances the downside. Asymmetric incentives such as penalties-only approaches increase utility
risk. Other issues, such as depreciation rates that reflect the economic life of the assets, are equally important
in assuring adequate investment in infrastructure

Automatic Adjustme_nt Clauses

The most common risk mitigation measures are automatic adjustment clauses, which offer a means to
mitigate the price volatility from wholesale markets and fuel prices. An appropriate fuel clause requires
regulatory review of the strategy underlying the provision of energy to be recovered. Prior to
implementation, automatic adjustment clauses undergo regulatory scrutiny and modification based on
stakeholder input. As long as the utility follows the provisions of the plan, it is assured full cost recovery. If
the utility deviates from the plan, recovery is not guaranteed. Where the utility produces lower costs for
consumers, in many cases the utility is rewarded with a predetermined share of the benefits produced

Utilities can use adjustment clauses to mitigate the price risk from more than just fuel and energy. They are
useful wherever the level of cost associated with a service or program is beyond the control of the utility and
inherently uncertain, or the evidence points to the likelihood of asymmetric outcomes. They may be
appropriate for uncollectible accounts expense, conservation program costs, and other specific risk factors
for a utility
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Formula and Special Purpose Rates

In addition to the mitigation provided by adjustment clauses, fionnula rates, special purpose rate options, and
other rate mechanisms limit risk. For example, a rate mechanism that can adjust retail rates based on the level
and cost of infrastructure replacement investments enables a utility to upgrade transmission and distribution
and recover those costs more quickly. Through a collective process, regulation offers a variety of options for
mitigating risk as opposed to determining the return requirement needed to compensate for the unique risk
elements.

Edison Electric Institute 19
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Electric Utilities and Risk Compensation

SECTION IV:
CONCLUSIONS

1. Polieymakers should not assume that restructured utilities are less risky than the traditional utilities
t h a t  p r e c e d e d  t h e m . Some advocates argue that all the risk in the utility business is in the generation
segment, and that utilities that have divested their generating assets are less risky than they were before.
As this discussion demonstrates, the truth is more complicated than that. Utilities that have divested all,
or much, of their own generation usually retain a POLAR-type supply obligation. This puts them in the
position of having to procure resources at wholesale in markets where prices can fluctuate wildly, to
serve loads that also can fluctuate wildly. Such utilities are still in the generation business, they just have
much less control over costs than they used to. Moreover, all utilities can be exposed to new risks at the
wholesale level. Many have increased their dependence on purchased resources, and may be exposed to
counterparty risks. They also may be procuring transmission services from newly formed RTOs or ISOs,
whose costs may be rising well ahead of approved retail tariffs.

2. Ut i l i t y  r i sk  s h o u l d  b e  e v a l u a t e d  o n  a  c o mpan y - s p e c i f i c  b a s i s ,  u s i n g  a n a l y t i c  f r am ewo r k s  t h a t  c o n s i d e r
p o s s i b l e  e x p o s u r e s to n e w risks in restructured wholesale and retail markets. That is not to say that
every utility is riskier, but rather that every utility's risk profile needs to be evaluated objectively in
relation to the new risks, and that such evaluation needs to be done without reference to comparison
groups. Restructuring h a s  i n c r e a s e d  t h e differences a m o n g electric utilities, so analyses based on groups
of "like utilities" are increasingly unreliable. The risk profile of each utility must be evaluated on its own,
based on exposure to the new risks in restructured wholesale and retail markets. These risks can include:

Competitive wholesale markets-Exposure to volatile wholesale energy prices. These prices
fluctuate far more than they used to when they were cost-based. As a result, there can be huge
uncertainties about the optimal timing of purchases (e.g., decisions to buy today, next week, next
month, one year out, five years out, 10 years out). Another exposure can be to nonperformance by
third-party suppliers, forcing utilities back into the market (to replace supplies) at times when prices
are very high.

Delivery infrastructure--Exposure to rising transmission costs, which may not be recovered in a
timely manner in retail rates. Transmission costs may be rising because RTOs/ISOs are building new
hardware/software systems, and hiring new personnel, to operate restructured transmission systems.
Transmission costs also may be rising to reflect congestion on the transmission system. At the retail
level, utilities also may be exposed to increased costs, which may not be recovered in a timely
manner in retail rates. Distribution costs may be rising because utilities are making needed
investments to serve new customers, improve reliability, or for other reasons.

Retail competition-Exposure to earnings erosion as customers leave the utility and take service
from third-party suppliers. The potential for such erosion is larger if distribution costs are recovered
through volumetric (kph) rates, and if there are inter-class rate of return differentials. An example is
if the return realized from commercial customers is larger than from residential customers. In this
event, commercial customers have an added incentive to leave the utility. Another retail exposure can
be to an increase in uncollectible accounts, perhaps because the utility is required to buy
uncollectibles from marketers.

Edison Electric Institute 2t
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Section IV: Conclusions

Provider of last resort--Continued service obligations in the context of customer choice expose
utilities to wholesale energy price volatility, and retail load volatility due to customers' ability to
leave with little or no notice. These risks are compounded by the potential for after-the-fact cost
disallowances and/or rate freezes that limit recovery.

Customer service policy-Exposure to earnings erosion due to the introduction of asymmetric
(penalties-only) service quality incentives. Another exposure can result from a failure to update
policies regarding service deposits. For example, if the size of the required service deposit was
established many decades ago (when energy rates were much lower), it is likely the utility will be
forced to absorb losses when customers are in default, because the value of the energy consumed
exceeds the value of the deposit.

Controlling utility risk ear control utility east of eapital. Cost of capital is a function of risk: capital
markets detennine the price of investor capital (i.e., the required return on stocks and bonds) based on
the riskiness of a borrower in relation to other would-be borrowers. The lower the risk, the lower the
market-determined cost. Since investors see regulation as the dominant risk driver for regulated electric
utilities, it follows that by calibrating regulatory policies to manage the utility's risk exposure, cost of
capital can be managed. Policymakers who pursue this path should consider the following kinds of
policies:

Resource procurement-The timely recovery of costs incurred to supply retail customers probably
is the best, most effective way to stabilize utility revenue and earnings, and achieve a lower cost of
capital. The goal should be to minimize total risk, not shift risk to customers or shareholders. To do
this, utilities and regulators must work together to identify key resource-related uncertainties (risks),
and to decide how best to manage them. This needs to be done prospectively, before costs are
incurred. Once resource strategies are agreed to, regulators should honor costs incurred. The
reasonableness of resource strategies, including hedging strategies, should not be subject to after-the-
fact prudence reviews.

Provider of last resort-Regulated supply service can be provided in the context of retail choice in
ways that do not shift large uncompensated risks to incumbent utilities. The key is to reduce utility
exposure to opportunistic behavior by large customers, who will tend to go to the market when prices
are low, and come back to regulated service when market prices are high. This can be done by
requiring exit fees for large customers who leave regulated service, and by imposing minimum stay
requirements on large customers seeking to return from the market to regulated rates.

Counterparty risk-To prevent third parties from shifting risk to incumbent utilities through
financial relationships, policies are needed to establish adequate creditworthiness standards for
parties seeking to bid on utility procurements. Other policies are needed to avoid mandatory
consolidated supplier billing (i.e., where a third party processes customer bills and remits funds to the
utility), and to allocate partial payments to satisfy utility claims first, before they are allocated to
satisfy third-party claims.

Infrastructure-Policies that ensure the timely recovery of costs incurred for needed distribution
system improvements also contribute to stable utility revenue and earnings. Utilities with an ongoing
need to connect new customers and replace aging facilities need to recover costs between rate cases.
Use of a future test year in conjunction with a rate adjustment mechanism to recover costs for
approved projects is one approach. Another is to index distribution revenues to defined growth
parameters (e.g., new customers, cost escalation).
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Pension benefits-Policies that provide for recovery of minimum pension liabilities also will
contribute to stable utility revenue and earnings.

Rate design-Rate policies have a direct effect on the stability of utility revenue and earnings (or
lack thereof). Rates that recover a substantial portion of distribution facility cost through fixed
customer charges, and which rely on adjustment mechanisms to track costs that vary significantly
and over which the utility has little or no control (e.g., fuel, uncollectible accounts, and conservation
program costs) will reduce the utility's risk profile.

Edison Electric Institute 23
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This document is intended to serve as Appendix F, Distributed Generation Interconnection Requirements, for those
certain COMMERCIAL/INDUSTRIAL PHOTOVOLTAIC GENERATING FACILITY DISTRIBUTION
SYSTEM INTERCONNECTION AGREEMENTS, and shall supplement as additional terms and conditions to
those certain Grid-Tied Residential Solar Electric Photovoltaic (PV) Applications.

ITS UP
EXHIBIT

TUCSON ELECTRIC PQWER COMPANY

DISTRIBUTED GENERATION
INTERCONNECTION REQUIREMENTS

("DGIRs")

Conformed To ACC Docket No. E-00000A-99-0431

Decision No. 69674

June 28, 2007

The Generating Facility must at all times meet the system qualification requirements as set forth in the "Distributed
Generation Interconnection Requirements" (DGIRs) as amended from time to time, the terms of which are fully
incorporated herein by reference. A complete copy of the "Distributed Generation Interconnection Requirements"

conformed to ACC Docket No. E-00000A-99-0431 are located at https://www.tep.con;/< tomer/const1;u on/esr/
under the "Customer Care" - "Construction Services" tab. Customer acknowledges that it has adequate notice of and
access to these online documents, has read the documentation, and waives any objection thereto. Hard copies will be
provided upon request.
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OVERVIEW

This Interconnection Document ("Document") specifies Tucson Electric Power Company ("TEP" or "Utility") requirements
for safe and effective interconnection of a Distributed Generator ("DG") with a utility radial distribution system.
Interconnection requirements as outlined here are for those installations that will be connected to TEP's electric power
distribution and/or transmission systems. A Distributed Generator must also comply with Western Systems Coordinating
Council ("WSCC"), Arizona Corporation Commission ("ACC"), Arizona Independent Scheduling Administrator ("AZISA"),
North American Electric Reliability Council ("NERC"), Federal Energy Regulatory Commission ("FERC") and Regional
Transmission Operator ("RTO") requirements as applicable. Facilities that will be connected directly to the transmission
system will be reviewed by the Utility on an individual basis.

Neither this Document nor any interconnection agreement provides for nor include transmission service. The availability of
transmission service on the transmission system may not be inferred or implied from TEP's execution of any interconnection
agreement. Transmission service on the transmission system is available pursuant to the TEP's Open Access Transmission
Tariff("OATT").

For the purpose of simplicity, the term "Customer" will be used here to refer to a TEP customer who installs, owns or operates
a distributed generator, cogenerator or small power producer, even though the Customer may not actually be a purchaser of
power from the Utility, and includes any independent party or entity that either invests in, owns or operates a distributed
generator or generation facility.

The required protective relaying and/or safety devices and requirements specified in this document are for protecting Utility
facilities and other Utility customers' equipment from damage or disruptions caused by a fault, malfunction or improper
operation of the distributed generating facility. They are also necessary to ensure the safety of Utility workers and the public.
The requirements specified herein do not include additional relaying, protective or safety devices as may be required by
industry and/or government codes and standards, equipment manufacturer requirements and prudent engineering design and
practice to fully protect Customer's generating facility or facilities, those are the sole responsibility of the Customer. In
addition to all applicable regulatory, technical, safety, and electrical requirements and codes, Customers will also be subject to
contractual and other legal requirements, which will govern over the general provisions in this Document.

Customers and Utility personnel shall use this Document when planning the installation of distributed generation to be
connected to or expecting back-up electrical service from TEP. Note that these requirements may not cover all details in
specific cases. TEP encourages the Customer to discuss project plans with TEP before designing their facility or purchasing
and installing equipment. This Document must be applied in conjunction with applicable utility rate tariffs and electrical
service schedules and requirements that pertain to the operation of distributed generation with the utility electrical distribution
system.

1. APPLICABILITY

1.1 Applicable Genna_ting Facilities
This Document applies to all Generating Facilities with power ratings of 10 MW or less, operating (or applying to operate) in
parallel with an electric public utility distribution system in Arizona. This Document establishes technical and procedural
requirements, terms, and conditions that will promote the safe and effective parallel operation of Customer-owned Generating
Facilities. This Document includes provisions for interconnecting to a radial or -secondary spot network system. It includes the
three distinct types of generators: (a) solid-state or static inverters, (b) induction machines, arid (c) synchronous machines.

These Interconnection procedures are limited to 10 MW or less. The total capacity of an individual Customer's Generating
Facility may exceed 10 MW, however, no more than 10 MW of a facility's capacity will be interconnected at a single Point of
Interconnection as provided for in these procedures. The electric rates and schedules, terms and conditions of service, or other
contract provisions governing the electric power sold by an electric public utility to an Arizona retail customer are subject to
the jurisdiction of the Arizona Corporation Commission ("ACC"). The ACC also has jurisdiction when the Utility purchases
excess power from Customer-owned Qualifying Facilities ("QFs") under 18 C.F.R. §§292.303, 292.306(2004). The Federal
Energy Regulatory Commission has jurisdiction over all Interconnections with facilities that are subject to the electric public
utility's OATT at the time the interconnection request was made.
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1.2 Types of Generating Facilities
Generating Facilities include induction and synchronous electrical generators as well as any type of electrical inverter capable
of producing NC power. The Customer may elect to run his Generating Facility in Parallel with the Utility's system (either on a
continuous basis or momentarily), or he may run it as a Separate System with non-parallel load transfer between the two
independent power systems. A description and the basic requirements for these methods of operation are outlined below.

Parallel System
A Parallel, or interconnected, generator is connected to a bus common with the Utility's system, and a transfer of power
between the two systems is a direct result. A consequence of such interconnected operation is that the Customer's Generating
Facility becomes an integral part of the distribution system, and it must be considered in the electrical protection and operation
of the distribution system.

Parallel Systems include any type of Generating Facility that can electrically parallel with, or potentially backfeed the Utility
system. Additionally, any Generating Facility system using a . "closed transition" type transfer switch or a multi-breaker
transfer scheme, or an electrical inverter that can be configured or programmed to operate in a "Utility interactive mode," may
be required to have relays to prevent potential backfeeding to the Utility system, and is classified as a Parallel System.
Continuous unintenuptible power supply, units without grid tie capability,  and islanding inverter technologies are not
considered Parallel Systems provided they are not a potential backfeed source to the Utility.

The Utility has specific interconnection, contractual, and inspection requirements, as outlined in these provisions, that must be
complied with and information that needs to be submitted for all interconnected Generating Facilities. These may include
protective relaying, metering, special rate schedules, applicable safety devices, and information requirements (as specified in
each Utility's Interconnection Manual). There are two sub-types of Parallel Systems, as described below: Momentary Parallel
Systems and Islandable Systems. Momentary Parallel Systems have similar requirements as regular Parallel Systems, whereas
Islandable Systems are unique.

Momentary Parallel System. A Momentary Parallel System is one that transfers electrical load between the Utility grid
and the Customer's Generating Facility by means of a "make- before break" transfer scheme. Momentary Parallel Systems
synchronize the Generating Facility with the Utility grid for a period not to exceed ten seconds for the purpose of
uninterrupted load transfer.
Momentary Parallel Systems are useful for customers who wish to have greater reliability of electric service without
experiencing the momentary outage of service that occurs under a "break-before-make" transfer switch scheme.
Additionally, this approach allows the customer to more effectively test the switchgear and generator with load during
weekly and monthly testing.

Islandable System. An Islandable System is a Generating Facility interconnected to a bus
common with the Utility's system, where the Generating Facility is designed to serve part of the Utility grid that has
become or is purposefully separated from the rest of the grid. Currently there are no rules, standards, or protocols
governing this type of system operation. As such, an Islandable System as defined herein is not allowed.

Separate System
A Separate System is one in which there is no possibility of electrically connecting or operating the Customer's Generating
Facility in parallel with the Utility's system. The Customer's equipment must transfer load between the two power systems in
an open transition or non- parallel mode. If the Customer claims a Separate System, the Utility may require verification that the
transfer scheme meets the non-parallel requirements.

Separate Systems used to supply part or all of the Customer's load during a Utility power outage must be connected to the
Customer's wiring through a double throw, "break-before-make" transfer switch specifically designed and installed for that
purpose. The transfer switch must be of a fail-safe design, which, under no circumstances, will allow the Generating Facility to
electrically interconnect or parallel with Utility's system. The transfer switch must always disconnect the Customer's load from
the Utility's power system prior to connecting it to the Generating Facility. Conversely, the transfer switch must also disconnect
the load from the Generating Facility prior to re-connecting it with the Utility's system. These requirements apply to both actual
emergency operations as well as any testing of the Generating Facility. All transfer switches and transfer schemes must be
listed by a Nationally Recognized Testing Laboratory ("NRTL") for the purpose as used, and also inspected and approved by
the jurisdictional electrical inspection agency. Separate Systems that are not connected with the Utility system and do not pose
a potential backfeed source are not subject to ACC jurisdiction or the provisions in this Document, short of verifying that the
transfer scheme meets the non-parallel requirements.
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There is one sub-type of Separate System, as described below: Portable Generators.
• Portable Generators. Portable Generators are not designed to be connected to a building's permanent wiring system,

and are not to be connected to any such wiring unless a permanent
and approved transfer switch is used. Failure to use a transfer switch can result in backfeed into the Utility system.
(The generator voltage can backfeed through the Utility transformer and be stepped up to a very high voltage.) This
can pose an electrocution hazard to anyone working on the power lines or on Utility equipment. Portable Generators
that are not connected with the Utility system and do not pose a potential backfeed source are not subject to ACC
jurisdiction or the provisions in this Document short of verifying that the transfer scheme meets the non-parallel
requirements.

2. RIGHTS AND RESPONSIBILITIES

2.1 Customer Rights and Responsibilities
A Customer has the right to interconnect a Generating Facility with the electric Utility system. A Customer has the right to
expect prompt, reasonable, and professional responses from the Utili ty at every step of the interconnection process.  A
Customer has the right to expect reasonable cost estimates, outlines of the proposed work, supporting data, and justification for
proposed work before the Utility undertakes any studies or system upgrades to accommodate the Generating Facility.

(b)

(c)

(d)

(¢)

(t>

(g)
(h)

A Customer has the responsibility of disclosing to the Utility items specified herein on the Generating Facility and its
operation. The Customer also has the responsibility of ensuring that:
(a) the Generating Facility meets all minimum safety and protection requirements outlined in these provisions and the

Utility's Interconnection Manual,
the Generating Facility meets all applicable construction codes, safety codes, electric codes, laws, and requirements of
government agencies having jurisdiction,
all the necessary protection equipment is installed and operated to protect its equipment, Utility personnel, the public,
and the Utility system;
the Generating Facility design, installation, maintenance, and operation reasonably minimizes the likelihood of causing a
malfunction or other disturbance, damaging, or otherwise impairing the Utility system,
the Generating Facility will not adversely affect the quality of service to other customers (but no more or less than the
present standard of care observed by regular Utility/consumer connections,
the Generating Facility will minimally hamper efforts to restore a feeder to service (specifically when a clearance is
required);
the Generating Facility is maintained in accordance with applicable manufacturers' maintenance schedule, and
the Utility is notified of any emergency or hazardous condition or occurrence with the Customer's Generating Facility,
which could affect safe operation of the Utility system. (This notification can be through electronic communication.)
the Generating Facility will comply with all applicable service schedules and requirements, pricing plans, tariffs, Rules
and Regulations, and any other applicable requirements approved by the Arizona Corporation Commission.

(i)

The Customer is required to meet the timeframes specified in this Document unless the Utility and Customer mutually agree on
other time frames and so long as the project moves forward in a fair and reasonable manner. The Customer is responsible for
all Interconnection facilities required to be installed to interconnect the Customer's Generating Facility to the Utility system.
These may include connection, transformation, switching, protective relaying, metering and safety equipment, and any other
requirements as outlined in these provisions or other special items specified by the Utility. All such interconnection facilities
are to be installed by the Customer at its sole expense.

The Customer will own and be responsible for designing, installing, operating and maintaining control and protective devices,
in addition to minimum protective relays and devices specified in the Utility's Interconnection Manual, to protect its facilities
from abnormal operating conditions such as, but not limited to, electric overloading, abnormal voltages, and fault currents.
Such protective devices must promptly disconnect the Generating Facility from the Utility's system in the event of a power
outage on the Utili ty's system. The Customer will  also own and be responsible for designing, installing, operating and
maintaining interconnection facilities on the Customer's premises as may be required to deliver power from the Customer's
Generating Facility to the Utility's system at the Point of Interconnection.

In the event that additional facilities are required to be installed on the Utility's system to accommodate the Customer's
generation, the Utility will install such facilities at the Customer's expense. The Utility shall provide notice to the Customer of
intent to install such facilities early in the process. The Customer is not responsible for Utility upgrades for other customers
unrelated to the Generating Facility installation. All Customers interconnecting a Generating Facility with the Utility system
shall (a) sign an Interconnection/Comiection Agreement, and all other applicable purchase, supply, and standby agreements, in
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accordance with the prevailing Document in effect at that time, and (b) comply with all applicable tariffs, rate schedules and
Utility service requirements.

2.2 Utility Rights and Responsibilities
A Utility is obligated to interconnect Generating Facilities, subject to the requirements set forth in these provisions and in each
Utility's Interconnection Manual. A Utility has the right to expect prompt, reasonable, and professional responses from the
Customer during the interconnection process.

Because a Utility is required to safeguard its system, other consumers, and the general public, a Utility has the right and
responsibility to ensure that an interconnected Generating Facility:
(a) will not present any unreasonable hazards to Utility personnel, other customers, or the public,
(b) minimizes the possibility of damage to the Utility and other customers' equipment, and
(c) minimally hampers efforts to restore a feeder to service (specifically when a clearance is required)

The Utility will notify the Customer if there is any evidence that the Customer's Generating Facility operation causes disruption
or deterioration of service to other customers served from the Utility system or if such operation causes damage to the Utility
system. A Utility is required to meet the time frames specified in this Document unless the Utility and Customer mutually
agree on other time frames and so long as the project moves forward in a fair and reasonable manner. A Utility has the
responsibility to make its Interconnection Manual, standard Application f`orm(s) and Interconnection Agreement(s) readily
available to Customers, and as soon as practical, readily accessible on its website. A Utility has the responsibility to ensure that
Customers with Generating Facilities are treated without discrimination. Before the Utility undertakes any studies or system
upgrades that will be charged to the Customer, a Utility has the responsibility to provide a detailed cost estimate, outline of the
proposed work, supporting data, and justification for the proposed work. A Utility must show good cause why a Customer's
Generating Facility that satisfies the requirements of this Document and the Utility's Interconnection Manual should not be
approved for interconnected operation,

If facility upgrades are needed to accommodate the Generating Facility, a Utility will reduce the charge of the upgrade to the
customer by the amount of benefits, if any, to the grid that are readily quantifiable by the Utility._In addition, a Utility cannot
reject an Application on the basis of distribution system conditions that are already deficient, or charge a Customer for facility
upgrades that are overdue or soon to be required to ensure compliance with good Utility practice, except that applications can
be rejected in instances where reliability or safety would be further compromised by a DG installation. A Utility shall not
charge a Generating Facility Customer differently than any other Customer for facility upgrades in accordance with generally
applicable Commission-approved tariffs.

2.3Easements / Rights of Wav
Utility Right to Access Utility-Owned Facilities and Equipment. Where an easement or right of way does not exist, but is
required to accommodate the interconnection, the Customer must provide to the Utility suitable easements or rights of way, in
the Utility's name, on the premises owned, leased, or otherwise controlled by the Customer. If the required easement or right of
way is on another's property, the Customer must obtain and provide to the Utility a suitable easement or right of way, in the
Utility's name, at the Customer's sole cost and in sufficient time to comply with the Interconnection Agreement requirements.
The Utility will use reasonable efforts to utilize existing easements to accommodate the interconnection to the extent possible
and will assist the Customer in securing necessary easements at the Customer's expense that do not exist but are necessary to
accommodate the interconnection.

2.4 Insurance
The Customer is not required to provide general liability insurance coverage as a condition for Interconnection. Due to the risk
of incurring damages, it is recommended that every Interconnection Customer protect itself with insurance or other suitable
financial instrument sufficient to meet its construction, operating, and liability responsibilities. At no time shall the Utility
require that the Customer negotiate any policy or renewal of any policy covering any liability through a particular insurance
provider, agent, solicitor, or broker. The inability of the Utility to require the Customer to provide general liability insurance
coverage for operation of the Generating Facility is not a waiver of any rights the Utility may have to pursue remedies at law
against the Customer to recover damages.

2.5Non-Circumvention
A Utility and its affiliates shall not use knowledge of proposed distributed generation projects submitted to it for
interconnection or study to initiate competing proposals to the customer that offer either discounted rates in return for not
installing the distributed generation, or offer competing distributed generation projects. Customers are not precluded from
sharing information in their possession regarding a potential distributed generation project with a Utility or its affiliates, or
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from using information regarding a potential distributed generation project to negotiate a discounted rate or other mutually
beneficial arrangement with a Utility or its affiliates. The Utility shall be permitted to inform the Customer of existing or
pending (awaiting approval by the ACC) rate schedules that may economically benefit or otherwise affect the Customer's
project.

2.6Meter Installations
TEP has metering requirements for a GF that may depend on the pricing plan selected and service requirements of the
Customer. The Customer shall contact the Utility, or its ESP or MSP if applicable, for design requirements and installation
details.

2.7 Electric Supplv / Purchase Agreement
Customers purchasing energy from either TEP or an ESP, utilizing an interconnected DG system, may be required to sign an
agreement for backup, supplemental and maintenance power from their energy supplier. Customers operating a parallel
generator may also be required to sign an agreement or take service under a tariff with TEP that provides for movement of
power over TEP's distribution grid and transmission systems. The Customer may sell power to TEP, other utilities, ESPs, or
electric wholesalers. These entities may or may not be obligated to purchase this power and any such sales would be made
under the terms and conditions offered by the purchaser. For a Customer who wishes to sell power to others, the customer will
be required to:
(a) Choose the applicable TEP tariff that allows for the movement of power over TEP's distribution grid and transmission

systems,
Sign an agreement with the purchaser of the electric power, and/or
Becomean ESP and sell power to retail customers.
Follow all applicable criteria/protocols established by NERC, WSCC, the approved RTO, and AZISA regarding the sale
of power to others.

All tariffs under the purchase and supply arrangements are subj et to change by the Utility and approval of the ACC.

(b)
(C)
(d)

2.8 Interconnections
TEP will not install or maintain any lines or equipment on a Customer's side of the Point of Interconnection, except that TEP
may install its meter and/or research equipment. Only TEP authorized employees may make and energize the service
connection between the Utility system and the Customer's service entrance conductors. Normally, the interconnection will be
arranged to accept only one type of standard service at one Point of Interconnection. If a Customer's generating facility
requires a special type of service, or if sales to TEP will be at a different voltage level, the services will only be provided
according to additional specific terms that are outlined in the Electric Supply/Purchase Agreement, applicable service
schedules, or other terms and conditions governing the service.

3. GENERAL PROCESS AND PROCEDURES FOR ALL LEVELS

3.1Designation of Contact Persons
Each Utility shall designate a person or persons who will serve as the Utility's contact for all~ matters related to distributed
generation Interconnection, identify to the Commission its distributed generation contact person, and provide convenient access
through its internet web site to the names, telephone numbers, mailing addresses and electronic mail addresses for its
distributed generation contact person(s). Each customer applying for Interconnection shall designate a contact person or
persons, and provide to the Utility the contact's name, telephone number, mailing address, and electronic mail addresses.

3.2 Non-discrimination
All Applications for interconnection and parallel operation of distributed generation shall be processed by the Utility in a non-
discriminatory manner.

3.3Application Submission Requirements
The Utility may require additional documentation to be submitted with the Application. Each Utility's Application form will
specify what additional documentation is required. Additional documentation may include an electrical one-line diagram, an
electrical three-line diagram, AC and DC control schematics, plant location diagram, and site plan. Upon request, the Utility
will provide the Customer with sample diagrams that indicate the preferred level of detail and type of information required for
a typical inverter-based system.
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3.4 Minor Modifications
It is recognized that certain Applications may require minor modifications to the Generating Facility or the Application while
they are being reviewed by the Utility. Such minor modifications to a pending Application shall not require that it be
considered incomplete and treated as a new or separate Application.

(b)

<<=)
(d)
(e)
(f)

(8)

(h)
(i)
( i )

(k)

(1)
(m)

3.5 Certification
Compliance with codes and standards. In order to qualify as "Certified" for any interconnection procedures, relevant
equipment shall comply with the following codes, guides, and standards as applicable, and as specified in this document:
(a) IEEE 1547 Standard for Interconnecting Distributed Resources with Electric Power Systems (including use of IEEE

1547.1 testing protocols to establish conformity),
IEEE1547.1 Standard for Conformance Testing Procedures or equipment Interconnecting Distributed Resources with
Electric Power Systems,
UL 1741 Inverters, Converters, and Controllers for Use in Independent Power Systems,
IEEE Std 929-2000 IEEE Recommended Practice for Utility Interface of Photovoltaic (PV) Systems;
NFPA 70 (2002), National Electrical Code;
IEEE Std C37.90.1-1989 (RI994), IEEE Standard Surge Withstand Capability (SWC) Tests for Protective Relays and
Relay Systems,
IEEE Std C37.90.2 (1995), IEEE Standard Withstand Capability of Relay Systems to Radiated Electromagnetic
Interference from Transceivers,
IEEE Std C37.108-1989 (R2002), IEEE Guide for the Protection of Network Transformers,
IEEE std C57.12.44-2000, IEEE Standard Requirements for Secondary Network Protectors,
IEEE Std C62.41.2-2002, IEEE Recommended Practice on Characterization of Surges in Low Voltage (1000V and
Less) AC Power Circuits,
IEEE Std C62.45-1992 (R2002), IEEE Recommended Practice on Surge Testing for Equipment Connected to Low-
Voltage (IOOOV and Less) AC Power Circuits;
ANSI C84.1-1995 Electric Power Systems and Equipment - Voltage Ratings (60 Hertz),
IEEE Std 100-2000, IEEE Standard Dictionary of Electrical and Electronic Terms NEMA MG 1-1998, Motors and
Small Resources, Revision 3,
IEEE Std 519-1992, IEEE Recommended Practices and Requirements for Harmonic Control in Electrical Power
Systems, and
NEMA MG 1-2003 (Rev 2004), Motors and Generators, Rev. 1.

(H)

(o)

Requirements for Certification.Generating Facility equipment proposed for use separately or packaged with other equipment
in an Interconnection system shall be considered Certified for interconnected operation if:
(a) it has been tested in accordance with industry standards for continuous Utility interactive operation in compliance with

the appropriate codes and standards referenced above by any Nationally Recognized Testing Laboratory (NRTL)
recognized by the U. S. Occupational Safety and Health Administration to test and certify Interconnection equipment
pursuant to the relevant codes and standards listed above,
it has been labeled and is publicly listed by such NRTL at the time of the Interconnection application, and
such NRTL makes readily available for verification all test standards and procedures it utilized in performing such
equipment certification, and, with consumer approval, the test data itself. The NRTL may make such information
available on its website and by encouraging such infonnation to be included in the manufacturer's literature
accompanying the equipment.

(b)
(c)

The Customer must verify that the intended use of the equipment falls within the use or uses for which the equipment was
tested, labeled, and listed by the NRTL. Certified equipment shall not require further type-test review, testing, or additional
equipment to meet the requirements of this Interconnection procedure and the Utility's Interconnection Manual. Nothing herein
shall preclude the need for prob et Interconnection review and approval by the Utility or on-site commissioning testing prior to
the Interconnection nor follow-up production testing by the NRTL. If the certified equipment includes only interface
components (switchgear, inverters, or other interface devices), then a Customer must show that the Generating Facility is
compatible with the interface components and is consistent with the testing and listing specified for this type of Interconnection
equipment. Certified equipment does not include equipment provided by the Utility.

3.6No Additional Requirements
If a Customer's Generating Facility complies with all applicable requirements in this Document and the Utility's
Interconnection Manual, a Utility may not require the Customer to install additional controls, or perfonn or pay for additional
tests, in order to obtain approval to interconnect except as mutually agreed to by the parties or required by the Commission.
Additional equipment may be installed by the Utility at its own expense.
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3.7 Disconnect from or Reconnect with the Grid Procedure

(b)

(c)

(d)

(c)

(f)

(8)

A Utility may disconnect a Customer's Generating Facility firm the Utility system under the following conditions:
(a) Expiration or termination of Interconnection Agreement. The Interconnection Agreement specifies the effective

term and termination rights of the Utility and the Customer. Upon expiration or termination of the Interconnection
Agreement with a Customer, in accordance with the terms of the agreement, the Utility may disconnect a Customer's
Generating Facility.
Non-compliance with technical Interconnection requirements. A Utility may disconnect a Customer's Generating
Facility if the facility is not in compliance with the technical requirements. Normally within two business days from the
time the Customer notifies the Utility that the facility has been restored to compliance with the technical requirements,
the Utility shall have an inspector verify such compliance. Upon such verification, the Customer in coordination with the
Utility may reconnect the facility.
Svstem emergency. A Utility may temporarily disconnect a Customer's Generating Facility without prior written notice
in cases where continued Interconnection of the Generating Facility will endanger persons or property. During the
forced outage of a Utility system, the Utility shall have the right to temporarily disconnect a Customer's facility to make
immediate repairs on the Utility's system. When possible, the Utility shall provide the Customer with reasonable notice
and reconnect the Customer as quickly as reasonably practical.
Routine maintenance. repairs., and modifications. A Utility may disconnect a Customer's Generating Facility from
the grid with reasonable prior notice of a service interruption for routine maintenance, repairs, and Utility system
modifications. The Utility shall allow reconnection of the Customer's Generating Facility as quickly as reasonably
possible following any such service interruption.
Absence of executed Interconnection Agreement. In order to interconnect a Customer's Generating Facility to a
Utility system, the Customer and the Utility must execute an Interconnection Agreement. The Utility may refuse to
connect or may disconnect the Customer's Generating Facility if an executed Interconnection Agreement is not in effect.
Locked open disconnect. In the event authorized TEP personnel lock open the DG Service Disconnect, the Customer
shall not remove or tamper with such lock.
TEP clearance. Following the release of a TEP clearance, where it was necessary for the Utility to open the DG Service
Disconnect, Utility personnel will normally leave the disconnect in the open position. It  wil l  be the Customer's
responsibility to close the disconnect after ensuring that all generation sources that could potentially energize the
Customer's side of the disconnect are off; or isolated, so as to eliminate any possibility of paralleling the Utility grid
with an out-of-sync generator.  However, TEP personnel may, without l iability,  close the DG Service Disconnect
provided that (a) Customer requests and agrees to allow TEP to close the disconnect following the release of a TEP
clearance, and (b) TEP personnel can verify that the Customer side of the DG Service Disconnect is not energized.
Upon termination of the Interconnection Agreement. The Customer shall be responsible for ensuring that the DG
Service Disconnect is immediately opened, and that the electric conductors correcting the Customer's generator(s) to
the DG Service Disconnect are physically removed, so as to preclude any possibility of inadvertent interconnected
operation in the future. TEP reserves the right to inspect the Customer's facil i ty to verify that the generator is
appropriately discomiected.

The Parties shall cooperate with each other to restore the Generating Facility and the Utility system to their normal operating
state as soon as reasonably practicable.

(h)

Temporarv disconnection by Customer. The Customer retains the option to temporarily disconnect its Generating Facility
from the Utility's system at any time. Such temporary disconnection shall not be a termination of the Interconnection
Agreement unless specified as such.

Agreement survival rights. The Interconnection Agreement between the Utility and the Customer shall continue in effect
after disconnection or termination of electric service to the extent necessary to allow or require either party to fulfill
rights or obligations that arose under the agreement.

Duration and Termination of_the Interconnection Agreement. The Interconnection Agreement shall become effective on
the effective date specified in the Agreement and shall remain in effect thereafter unless and until:
it is terminated by mutual agreement of the parties,
it is replaced by another Interconnection Agreement with mutual consent of the parties,
it is terminated by either party pursuant to a breach or default of the Agreement, or
the Customer terminates its electric Utility service with the Utility and/or vacates or abandons the property on which the
Generating Facility is located, or the Generating Facility, without mutual agreement of the parties.

(a)
(b)
(c)
(d)

Upon termination of the Interconnection Agreement,  the Customer shall  be responsible for ensuring that the electrical
conductors connecting the Generating Facility to the Utility system are immediately lifted and permanently removed, so as to
preclude any possibility of interconnected operation in the future. The Utility reserves the right to inspect the Customer's
Generating Facility to verify that it is permanently disconnected.
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(b)

(c)

3.8 Dispute Resolution
If a dispute ar ises between the parties regarding a provision contained in this Document and/or Agreement, or a party 's
performance of its obligations as stated in this Document and/or Agreement, or any other matter governed by the terms of the
Document and/or Agreement, the parties agree that such dispute will be resolved in the manner prescribed in this section.
( a ) Notification and Response. Promptly upon the occurrence of the dispute, the aggrieved party wit] notify the other party

in writing (the "Claimant's Statement"), setting forth in sufficient detail the basis for the dispute, the aggrieved party's
position, and its proposal for resolution of the dispute. Within ten (10) business days following receipt of the Claimant's
Statement, the other party wil l  respond in writing (the "Responsive Statement") setting forth in sufficient detail the
respondent's position and its proposal for resolution of the dispute.
Good Faith Negotiation. Within ten (10)  bus iness  days  after  the  aggr ieved par ty ' s  rece ipt  of  the  Respons ive
Statement, the parties wil l  meet and attempt in good faith to expeditiously negotiate a resolution to the dispute. In
attendance for each party at that opening session and throughout the dispute resolution procedure described in this
section will be a representative or representatives of each party who are authorized to act for the party and resolve this
dispute without resort to higher authority.
Dispute Resolution by Mediation. Any dispute(s) ar ising out of or relating to this Document shal l  be subject to
binding mediation by a mutually acceptable mediator. If no mediator is mutually acceptable, then a mediator shall be
appointed by the Arizona Office of the American Arbitration Association, at the request of any party. The costs of
mediation shall be borne by the losing party and as prescribed by the mediator.
Arizona Corporation Commission. In the event such dispute is not resolved by mediation, then the parties consent to
jurisdiction to resolve any such dispute by the Arizona Corporation Commission of the State of Arizona.

(d)

4. SPECIFIC PROCESS AND PROCEDURES FOR EACH LEVEL

4.1 Summarv of Interconnection Levels / Tracks
Level l Super Fast Track: Certified inverter-based facilities that have a power rating of 10 kW or less. are interconnected on

a radial line, and meet screens (e) and (f) in Section 4.2 below. Refer to Section 4.3 for additional details.
Level 2 Fast Track: Generating Facilities that have a power rating of 2  MW or less, are interconnected on a radial line, and
meet screens (a) through (i) in Section 4.2 below. Refer to Section 4.4 for additional details.
Level 3 Studv Track: Generating Facilities that have a power rating of 10 MW or less that do not meet the criteria or screens
for other Levels. Interconnection studies may be required. Refer to Section 4.5 for additional details
Distribution Networks: On an interim basis, certified inverter-based Generating Facilities that have a power rating of 10  kW
or less will be allowed to be interconnected on a secondary spot network system and otherwise as approved by the Util ity.
Generators will only be interconnected on a trial, pilot basis, at the discretion of the Utility, under the interconnection process
set forth in the Utility's Interconnection Manual (See Section 6 herein). This process may be revised upon completion of IEEE
1547.6. Refer to subsection 4.6 for additional details.

(b)

4.2 Screens
( a ) For Interconnection of a proposed generator to a radial distribution circuit, the aggregated generation, including the

proposed generator, on the circuit wil l  not exceed 15 percent of the total  circuit annual peak load as most recently
measured at the substation or on a line section. In the case of generators certified to UL 1741 and IEEE 1547, a line
section is that portion of a distribution system connected to a customer's facility bounded by automatic sectionalizing
devices, or the end of the distribution line. For non-certified generators, a line section is that portion of a distribution
system connected to a customer's facility bounded by automatic sectionalizing devices, a fused lateral, or the end of the
distribution line. The aggregated generation, including the proposed generator, must also be less than 50 percent of the
minimum daytime feeder or line section load, where these data are available, unless the minimum load is zero.
The proposed generator, and new motors associated with the proposed generator, in aggregation with other generation
on the distribution circuit, will not contribute more than 10 percent to the distribution circuit's maximum fault current at
any  point  on the  Ut i l i ty ' s  d i s tr ibut ion sys tem, inc luding normal  cont ingency  condi t ions  that  may occur  due  to
reconfiguration of the feeder or the distribution substation.
The proposed generator, in aggregate with other generation on the distribution circuit, will not cause any distribution
protective devices and equipment (including but not limited to substation breakers, fuse cutouts, and line reclosers), or
customer  equ ipment on the system, to exceed 90 percent of the short  c i rcu i t  interrupting capabi l i ty ;  nor  i s  the
Interconnection proposed for a circuit that already exceeds 90 percent of the short circuit interrupting capability.
The proposed generator is interconnected to the Utility as shown in the table below:

(c)

(d)

1 0



Primary distribution line configuration Interconnection to primary distribution line

Three-phase, three wire If a three-phase or single phase generator,  Interconnection must be
phase-to-phase

Three-phase, four wire If a three-phase (effect ively grounded) or  single-phase generator ,
Interconnection must be line-to-neutral
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(s)

(D

(8)

(h)
(i)

If the proposed generator is to be interconnected on single-phase shared secondary, the aggregate generation capacity on
the shared secondary, including the proposed generator, cannot exceed 10 kw, and the proposed generator must be listed
to UL 1741 .
If the proposed generator is single-phase and is to be interconnected on a transformer center tap neutral of a 240 volt
service, its addition will not create an imbalance between the two sides of the 240 volt service of more than 20 percent
of nameplate rating of the service transformer.
The proposed generator, in aggregate with other generation interconnected to the distribution low voltage side of the
substation transformer feeding the distribution circuit where the generator proposes to interconnect, will not exceed 10
MW in an area where there are known or posted transient stability limitations to generating units located in the general
electrical vicinity (e.g., 3 or 4 transmission voltage level busses from the Point of Interconnection).
The proposed generator's Point of Interconnection will not be on a transmission line.
The generator cannot exceed the capacity of the customer's existing electrical service.

4.3 Level l Super Fast Track Process
The Level 1 Process is available to Customers interconnecting either a single certified static inverter, with a continuous output
power nameplate rating of 10 kW or less, or multiple certified static inverters with a combined continuous power nameplate
rating of 10 kW or less (screen "§") to the Utility's distribution system. The inverter(s) must be UL 1741 listed, and certified to
meet the shutdown protective functions (under/over voltage, under/over frequency and anti- islanding) specified in IEEE 929
(screen "f). The Generating Facility must also meet all applicable codes and standards, as well as comply with the Utility
Interconnection and contractual requirements. Nothing in this process precludes the Customer and Utility from mutually
agreeing to different timeframes or other procedures for the approval of interconnected operation of a Generating Facility, so
long as the project moves along in a fair and reasonable manner. Nothing in this process precludes the Customer from starting
construction prior to contacting the Utility, however, the Customer accepts the risk of potentially needing to modify or
substantially change the installation.

(b)

(ii)

(c)

The Level l Process steps are as follows:
(a) Customer Submits Application. The Customer completes the Interconnection Application and submits it to the Utility

along with all required supplemental information which shall be noted on the Application form. The Customer may
submit a pre-executed Interconnection Agreement together with the Interconnection Application, if permitted by the
Utility. No initial application fee or processing fee will be charged.
Application is Received and is Complete or Incomplete. The Utility notifies the Customer within five (5) business
days of receipt of the Application as to whether it is complete or incomplete
(i) If the Application is incomplete, the Utility will specify what information or material is necessary to complete the

Application.
The Customer has thirty (30) business days after receipt of such notification to submit the required information or
materials (or request an extension), or the Application may be considered withdrawn.

Utility Reviews Application. Within ten (10) business days following the receipt of a complete Interconnection
Application, the Util i ty reviews the proposed Interconnection and notifies the Customer of one of the following
determinations :
(i) The  proposed  Genera t i ng Faci l i t y des ign  appear s  t o mee t  a l l  In t e rconnect ion  r equi r ement s  and  t he

Interconnection Application is approved as submitted.  An Interconnection Agreement (if not already pre-
executed) will be prepared by the Utility and forwarded to the Customer for review and signature in accordance
with Step (d) below; or
The proposed Generating Facility design has failed to meet one or more of the Interconnection requirements, and
the Interconnection Application is denied. The Utility provides an explanation of the reason(s) for the denial (in
writing, if requested by the Customer), and specifies what additional information and/or modifications to the
Customer's Generating Facility or Utility system are required in order to obtain approval of the proposed design.
If the Application is denied, the Customer notifies the Utility within twenty (20) business days whether or not it

wishes to proceed with the project. If the Customer does not wish to proceed with the project, or the Utility is not
notified within the specified time frame, the Application may be considered withdrawn. If the Customer wishes to

(ii)
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(d)

(ii)
(iii)

(e)

(0

(ii)

(g)

proceed with the project, then a new Application shall be submitted to the Utility for review and processing (Step
(a) above is re-ini t iated),  along with any addit ional  information and/or modificat ions to the Customer 's
Generating Facility. Alternatively, the Customer may request processing under Level 2 or Level 3 and shall
provide any additional information requested by the Utility and necessary to process the request under Levels 2 or
3.

Interconnection Agreement. If the Generating Facility meets all of the applicable interconnection requirements and
the Application is approved, then:
(j) Within five (5) business days after the notice of Application approval, or following receipt of any "as built" or

final diagrams from the Customer, the Utility sends to the Customer the appropriate Interconnection Agreement
for review and signature. (This step may be omitted if the Utility has received a pre-executed Interconnection
Agreement).
The Customer reviews, signs, and returns the Interconnection Agreement to the Utility.
The Customer then completes installation of the Generating Facility within 180 days after execution of the
Interconnection Agreement, unless an extension is mutually agreed to by the parties, which extension shall not be
unreasonably withheld.  The Uti l i ty has the r ight  to terminate any Agreements,  and the Interconnect ion
Application may be considered withdrawn, in the event that this timeshare is exceeded without extension.

Inspection and Testing. The Customer will give the Utility at least five (5) business days notice to schedule the Utility
site inspection and inverter shutdown testing. The Utility may schedule metering replacement, if necessary, and labeling
of Utility equipment to occur at the same time. There will be no charge for one initial site inspection by the Utility. The
Utility performs the site inspection as arranged and verifies that the Generating Facility, as best as can be determined, is
in compliance with all applicable interconnection and safety requirements. At a minimum, it is suggested that the Utility
shall verify the following:
(i) An electrical permit and/or clearance has been issued by the authority having jurisdiction, if required,
(ii) All Generating Facility equipment is properly labeled;
(iii) Generating Facility system layout is in accordance with the plant location and site plan(s) submitted to the Utility;
(iv) Inverter nameplate ratings are consistent with the information submitted to the Utility,
(V) Utility has unrestricted 24-hour access to the Disconnect Switch (if required), and the switch meets all applicable

requirements,
(vi) The inverter shuts down as required upon simulated loss of Utility voltage, and
(vii) The Generating Facility is wired, as best as can be determined, in accordance with the electrical diagrams

submitted to the Utility.
The Utility will normally before or at the time of the site inspection:
(i) Install appropriate metering if required;
(ii) Label all Utility equipment; and
(iii) Ensure that the Generating Facility is properly incorporated onto Utility operating maps and identified as a

backfeed source.
The Utility does not have the right to fail  a site inspection in the event that any of the above three requirements
(metering, Utility equipment labeling, and the identification of the Generating Facility on the operating maps) are not in
place at the time of the Site Inspection. The Utility does have the right to fail any Generating Facility that does not meet
the applicable Interconnection requirements, is not installed substantially in accordance with the documentation
submitted to the Utility, or as a result of any safety or protection violation.
Notification. Immediately following completion of the site inspection (and upon receipt of all final applicable signed
interconnection documents), the Utility shall determine whether or not the Generating Facility meets all applicable
requirements, and notify the Customer that:
(i) The Generating Facility is approved for parallel operation with the Utility's distribution system per the agreed

terms and conditions. Within one (1) business day, following such oral notification, the Utility shall provide the
Customer with such notice in writing, or
The Generating Facility has failed to meet one or more of the applicable requirements or a safety or protection
violation has been identified, and the Generating Facility is not approved for parallel operation. The Utility must
provide the reason(s) (in writing, if requested by the Customer) for not approving parallel operation. Furthermore,
the Utility has the right to take any reasonable steps (including locking open the Disconnect Switch) to prevent
the Generating Facility from parallel operation. Operation of a generator in parallel without Utility approval may
result in immediate termination of electric service to the Customer.

Corrections (if necessary). In the event that the Generating Facility does not pass the initial Utility site inspection:
(i) The Customer must correct any outstanding issues and schedule a re-inspection. The Utility shall re-inspect
upon five (5) business days notice from the Customer to verify that the deficiencies have been remedied. A fee not
exceeding one hundred dollars ($100) may be assessed for each re-inspection conducted by the Utility. Within one (1)
business day following any site re-inspection, where the Utility approves parallel operation of the Generating
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Facility, the Utility will provide written notification to the Customer that the Generation Facility is approved for parallel
operation.
(ii) If updated diagrams are required to reflect "as-built" conditions, the Customer must submit these to the Utility
for review and approval within ten (10) business days following the site inspection. The Utility will process and mail
an amendment to the Interconnection Agreement within five (5) business days after receipt and acceptance of the
revised diagrams for Customer review and signature.

4.4 Level 2 Fast Track Process
The Level 2 Process is available to Customers interconnecting a Generating Facility with a continuous output power nameplate
rating of 2 MW or less to the Utility's distribution system. In order to qualify for Level 2, the Generating Facility must meet
screens (a) through (i) in Section 4.2 above. The Generating Facility must also meet all applicable codes and standards, as well
as comply with the Utility Interconnection and contractual requirements. Nothing in this process precludes the Customer and
Utility Hom mutually agreeing to different timeframes or other procedures for the approval of interconnected operation of a
Generating Facility, so long as the project moves along in a fair and reasonable manner. Also, nothing in this process precludes
the Customer from starting construction prior to contacting the Utility, however, in such case the Customer accepts the risk of

potentially needing to modify or substantially change the installation.

(b)

(C)

(ii)

(d)

The Level 2 Process steps are as follows:
(a) Prior to applying. The Customer is encouraged to contact and work closely with the Utility at the conceptual stages of

the design to discuss the proposed design, installation, and operation.
A preliminary electrical one-line diagram would be very helpful at this stage. This step will ensure that proposed
projects proceed in a smooth and timely maier, and that the Utility and Customer understand whether any special
considerations, protective equipment, system modifications, or studies may be required. Upon the Customer's request,
the Utility shall meet with the Customer prior to submission of an Application.
Customer Submits Application. The Customer completes the standard Interconnection Application and submits it to
the Utility along with all required supplemental information which shall be noted on the Application form. A Utility
may charge an application fee, if a tariff containing such a fee is approved by the Commission.
Application is Received and is Complete or Incomplete. The Utility notifies the Customer within five (5) business
days of receipt of the Application as to whether it is complete or incomplete.
(i) If the Application is incomplete, the Utility will specify what information or material is necessary to complete the

Application.
The Customer has thirty (30) business days after receipt of such notification to submit the required information or
materials (or request an extension), or the Application may be considered withdrawn.

Utility Reviews Application. Within fifteen (15) business days following the receipt of a complete Interconnection
Application, the Util i ty reviews the proposed Interconnection and notifies the Customer of one of the following
determinations:
(j) The  proposed  Genera t i ng Faci l i t y des ign  appear s  t o mee t  a l l  In t e rconnect ion  r equi rement s  and  the

Interconnection Application is approved as submitted. An Interconnection Agreement will be prepared by the
Utility and forwarded to the Customer for review and signature in accordance with Step (e) below; or
The proposed Generating Facility has failed to meet one or more of the screens, but the initial review indicates
that Additional Review may enable the Utility to determine that the Customer's Generating Facility can be
interconnected consistent with safety, reliability, and power quality. In such case, the Utility shall offer to perform
Additional Review (typically about 3 hours of study) to determine whether minor modifications to the electric
distribution system (for example, changing meters, fuses, or relay settings) would enable the Interconnection to be
made consistent with safety, reliability and power quality, The Utility shall provide to the Customer a non-
binding, good faith estimate of the costs of such Additional Review, and/or such minor modifications. The Utility
shall undertake the Additional Review or minor modifications only after the Customer consents to pay for the
review and/or modifications. Such Additional Review shall take place within 20 business days after the Customer
has submitted payment for the estimated costs, or

(iii) The proposed Generating Facility design has failed to meet one or more of the Interconnection requirements, and
the Interconnection Application is denied. The Utility provides an explanation of the reason(s) for the denial (in
writing, if requested by the Customer), and specifies what additional information and/or modifications to the
Customer's Generating Facility or Utility system are required in order to obtain approval of the proposed design.

If the Application is denied, the Customer notifies the Utility within twenty (20) business days whether or not it wishes
to proceed with the project. If the Customer does not wish to proceed with the project, or the Utility is not notified
within the specified time frame, the Application may be considered withdrawn. If the Customer wishes to proceed with
the project, then a new Application shall be submitted to the Utility for review and processing (Step (a) above is re-
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(G)

(f)

initiated), along with any additional information and/or modifications to the Customer's Generating Facility.
Alternatively, the Customer may request processing under Level 3 and shall provide any additional information
requested by the Utility and necessary to process the request under Level 3 .
Interconnection Agreement. If the Generating Facility meets all of the applicable Interconnection requirements
and the Application is approved, then:
(i) Within normally not more than ten (10) business days after the notice of Application approval, or following

receipt of any "as built" or final diagrams from the Customer, the Utility sends to the Customer the appropriate
Interconnection Agreement for review and signature.

(ii) The Customer reviews, signs, and returns the Interconnection Agreement to the Utility.
The Customer then completes installation of the Generating Facility within 180 days after execution of the
Interconnection Agreement, unless an installation schedule has been submitted with an alternative in-service date, or the
parties have mutually agreed to an extension. The Utility has the right to terminate any Agreements, and the
Interconnection Application may be considered withdrawn, in the event that this timeframe is exceeded without
extension.
Inspection and Testing. The Customer will contact the Utility to schedule the Utility site inspection and witness of the
testing of the protective devices. The Utility site inspection and witness of the testing of the protective devices will
normally occur within ten (10) business days of request from the Customer. The Utility may schedule metering
replacement, if necessary, and labeling of Utility equipment to occur at the same time. A Utility may charge for the
initial site inspection, if a tariff containing such a fee is approved by the Commission.

(vi)

(ii)

The Utility performs the site inspection as arranged and verifies that the Generating Facility, as best as can be
determined, is in compliance with all applicable intercomiection and safety requirements. At a minimum, it is suggested
that the Utility shall verify the following:
(i) has been issued An electrical permit and/or clearance by the authority having jurisdiction, if required,
(ii) All Generating Facility equipment is properly labeled;
(iii) Generating Facility system layout is in accordance with the plant location and site plan(s) submitted to the Utility;
(iv) Generator nameplate ratings are consistent with the information submitted to the Utility,
(v ) Utility has unrestricted 24-hour access to the Disconnect Switch (if required), and the switch meets all applicable

requirements,
The Utility will witness the required protective relay calibration and functional tests. (The Utility may accept a
certified test report in lieu of witnessing the tests), and

(vii) The Generating Facility is wired, as best as can be determined, in accordance with the electrical diagrams
submitted to the Utility,

The Utility will normally, before or at the time of the site inspection:
(i) Install appropriate metering if required,
(ii) Label all Utility equipment; and
(iii) Ensure that the Generating Facility is properly incorporated onto Utility operating maps and identified as a

backfeed source.
The Utility does not have the right to fail a site inspection in the event that any of the above three requirements (metering,
Utility equipment labeling, and the identification of the Generating Facility on the operating maps) are not in place at the time
of the site inspection. The Utility does have the right to fail any Generating Facility that does not meet the applicable
Interconnection requirements, is not installed substantially in accordance with the documentation submitted to the Utility, or as
a result of any safety or protection violation.
(h) Notification. Immediately following completion of the site inspection (and upon receipt of all final applicable signed

Interconnection documents) the Utility shall determine whether or not the Generating Facility meets all applicable
requirements. The Utility shall provide the Customer oral notification within twenty-four (24) hours and written
notification within three (3) business days that:
(i) The Generating Facility is approved for parallel operation with the Utility's distribution system per the agreed

terms and conditions, or
The Generating Facility has failed to meet one or more of the applicable requirements or a safety or protection
violation has been identified, and the Generating Facility is not approved for parallel operation. The Utility must
provide the reason(s) (in writing, if requested by the Customer) for not approving parallel operation. Furthermore,
the Utility has the right to take any reasonable steps (including locking open the Disconnect Switch) to prevent
the Generating Facility from parallel operation. Operation of a generator in parallel without Utility approval may
result in immediate termination of electric service to the Customer.

Corrections (if necessary)..In the event that the Generating Facility does not pass each Utility site inspection:
(i) The Customer must correct any outstanding issues and schedule a re-inspection. The Utility shall re-inspect upon

ten (10) business days notice from the Customer to verify that the deficiencies have been remedied. A Utility may

(i)
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charge a fee for a re- inspection, if a tariff containing such a fee is approved by the Commission. Following any
site re-inspection where the Utility approves parallel operation of the Generation Facility, the Utility will provide
to the Customer such oral notification within twenty- four (24) hours and such witten notification within three
(3) business days that the Generation Facility is approved for parallel operation.
If updated diagrams are required to reflect "as-built" conditions, the Customer must submit these to the Utility for
review and approval widiin ten (10) business days following the site inspection. The Utility will process and mail
an amendment to the Interconnection Agreement within five (5) business days after acceptance of the revised
diagrams for Customer review and signature.

Customer Timeframes. The Utility timeframes contained herein do not include the time for the Customer to execute
agreements or submit needed documentation. If at any point in the Level 2 Fast Track process, the Customer does not submit
requested materials necessary to process the interconnection Application, or submit applicable executable agreements within
thirty (30) business days, or request an extension, the Application may be considered withdrawn.
Fees for Level 2 Additional Review. A Utility may charge a fee for an Additional Review, if a tariff containing the hourly rate
for Additional Review is approved by the Commission. The Utility shall provide a non-binding good faith estimate of the fee
for such additional review. The Customer must submit a deposit for the estimated fee before the Additional Review will be
initiated. In addition, costs for Utility facilities and/or equipment modifications necessary to accommodate the Customer's
generator interconnection will be the responsibility of the Customer.

(i)

4.5 Level 3 Study Track Process
Level 3, also called the Study Track, is the interconnection procedure to be used for all Generating Facilities that do not meet
the screening requirements for Level l Super Fast Track or Level 2 Fast Track. It is an in-depth engineering review of whatever
aspects of generator performance and/or grid interaction the Utility deems necessary to study. More details are available in
each Utility's Interconnection Manual (Included in this document). For generators that are certified, no review of the
generator's protection equipment is required, although the Utility may study the interface between the Generating Facility and
the Utility. The Generating Facility is required to meet applicable local electric codes and standards, as well as comply with all
terms and conditions of the Utility's Interconnection Manual and Interconnection Agreement. Nothing in these procedures shall
preclude the Customer and Utility from mutually agreeing to different timeframes or other procedures for the approval of
interconnected operation of a Generating Facility, so long as the project moves along in a fair and reasonable manner.

(b)

(c)

(ii)

(d)

The Level 3 Study Track interconnection process is as follows:
(a) Prior to applying. The Customer is encouraged to contact and work closely with the Utility at the conceptual stages of

the design to discuss the proposed design, installation, and operation. A preliminary electrical one-line diagram would
be very helpful at this stage. This step will ensure that proposed projects proceed in a smooth and timely manner, and
that the Utility and the Customer understand whether any special considerations, protective equipment, system
modifications, or studies may be required. Upon the Customer's request, the Utility shall meet with the Customer prior
to submission of an Application. TEP approvals given pursuant to the review and approval process and the
Interconnection Agreement shall not be construed as any warranty or representation to Customer or any third party
regarding the safety, durability, reliability, performance or fitness of Customer's generation and service facilities, its
control or protective device or the design, construction, installation or operation thereof.
Customer Submits Application. The Customer completes the Interconnection Application and submits it to the Utility
along with all required supplemental information (which shall be noted on the Application form). A Utility may charge
an application fee, if a tariff containing such a fee is approved by the Commission.
Application is_Received and is Complete or Incomplete. The Utility notifies the Customer in normally not more
than ten (10) business days of receipt of the Application (or transfer from Level l or 2) as to whether it is complete or
incomplete.
(i) If the Application is incomplete, the Utility will specify what information or material is necessary to complete the

Application.
The Customer has normally not more than thirty (30) business days after receipt of such notification to submit the
missing information or materials (unless other mutually agreeable arrangements are made), otherwise the
Application may be considered withdrawn.

(iii) Once the Customer submits any missing information, the Utility has normally not more than another ten (10)
business days to determine if the Application is complete or incomplete and notify the Customer.

Utilitv Reviews Application. Normally within ten (10) business days following the receipt of a complete
Interconnection Application, the Utility reviews the proposed interconnection and notifies the Customer of one of the
following determinations:
(i) The Generating Facility design as submitted appears to meet all of the applicable Interconnection requirements

and no further studies, special protective requirements, or system modifications are required. An Interconnection
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(ii)

(6)

(0

(g)

Agreement will be prepared by the Utility and forwarded to the Customer for review and signature in accordance
with Step (j) below; or
The Generating Facility cannot be interconnected without further information, data, engineering studies, and/or
modifications to the Utility system or Generating Facility. In this case, the Interconnection proceeds according to
the following meeting and study process, as deemed necessary by the Utility. All itemized costs and timelines for
the studies are to be disclosed and agreed upon by the Utility and Customer prior to the start of each one. In
addition, all studies are to be made available to the Customer directly after their completion.

Scoping Meeting. This is a high-level, initial review meeting between the Utility and the Customer, where the Customer
describes the proposed Generating Facility design and the Utility talks about system conditions at the proposed Point of
Interconnection. This meeting can also allow the Utility and Customer to discuss which of the following study elements
are needed. The Utility and the Customer will bring to the meeting personnel, including system engineers and other
resources as may be reasonably required to accomplish the purpose of the meeting. This meeting shall be held in
normally not more than ten (10) business days after an Application is deemed complete unless other mutual agreements
are made.
Acknowledgement Letter. The Utility will provide an Acknowledgement Letter following the Scoping Meeting upon
request from the Customer. The letter will describe the project scope and include a good faith cost estimate by the
Utility. If requested, the Acknowledgement Letter will be sent out normally within 10 business days following the
Scoping Meeting.
Interconnection Feasibilitv Studv. If requested by the Customer, the Utili ty shall  undertake an Interconnection
Feasibility Study. The Utility shall provide the Customer, as soon as possible, but in normally not more than ten (10)
business days after the Scoping Meeting, an Interconnection Feasibility Study Agreement including an outline of the
scope of the study and a non-binding, good faith, detailed estimate of the materials and labor costs to perform the study.
Once the interconnecting Customer executes the Interconnection Feasibility Study Agreement, provides all requested
Customer information necessary to complete the Study, and pays pursuant to the good faith estimate contained therein,
the Utility will conduct the Interconnection Feasibility Study. The Feasibility Study will be completed in normally not
more than twenty (20) business days, unless other mutually agreeable terms are made.

(h)

The Interconnection Feasibility Study provides a preliminary review of the potential impacts on the distribution system
that will result from the proposed Interconnection. The Interconnection Feasibility Study will review short circuit
currents including contribution from the proposed generator as well as coordination of and potential overloading of
distribution circuit protection devices. This study principally benefits the Customer by providing initial details and ideas
on the  complexi ty and l ike ly cos t s  to in te rconnect  pr ior  to commi tment  of cos t ly engineer ing review.  The
Interconnection Feasibility Study may also be used to focus or eliminate some or all of the more intensive System
Impact study.
Svstem Impact Studv. If deemed necessary by either party, the Utility shall Lmdertake a System Impact Study. The
Utility shall provide the Customer as soon as possible, but in normally not more than fifteen (15) business days after
completing the previous study or meeting, a System Impact Study Agreement including an outline of the scope of the
study and a non-binding, good faith, detailed estimate of the materials and labor costs to perform the study. Once the
Customer executes the System Impact Study Agreement, provides all requested Customer information necessary to
complete the Study, and pays any required deposit pursuant to the good faith estimate contained therein, the Utility will
conduct the Impact Study. The System Impact Study will be completed in normally not more than thirty (30) business
days, unless other mutually agreeable terms are made.

The System Impact Study is a full engineering review of all aspects of the generator's impact on the Utility system,
including power flow, Utility system protective device coordination, generator protection schemes (if not certified),
stability, voltage collapse, frequency impacts, and short circuit duty. The System Impact Study reveals all areas where
the Utility system would need to be upgraded to allow the generator to be built and interconnected as designed. It may
include discussions with the Customer about potential alterations to generator design, including downsizing to limit grid
impacts. If the Uti l i ty determines,  in accordance with Good Uti l i ty Pract ice,  that  the Uti l i ty electr ic system
modifications required to accommodate the proposed Interconnection are not substantial, the System Impact Study shall
identify the scope and detailed cost of the modifications. If the Utility determines, in accordance with Good Utility
Practice,  that the system modifications to the Util i ty electric system are substantial ,  a Facili t ies Study shall  be
performed. Each Utility shall include in its Interconnection Manual a description of the various elements of a System
Impact Study it would typically undertake pursuant to this Section including:
(i) Load Flow Study;
(ii) Short-Circuit Study;
(iii) Circuit Protection and Coordination Study,
(iv) Impact on System Operation,
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(i)

(i)

(ii)

(iii)

(iV)

(k)

(iv) Stability Study (and the conditions that would justify including this element in the Impact Study); and
(vi) Voltage Collapse Study (and the conditions that would justify including this element in the Impact Study).
Facilities Studv. If deemed necessary by the Utility, the Utility shall undertake a Facilities Study. The Utility shall
provide the Customer as soon as possible, but in normally not more than five (5) business days after completing the
previous study or meeting, a Facilities Study Agreement including an outline of the scope of the study and a non-
binding, good faith, detailed estimate of the materials and labor cost to perform the study. Once the interconnecting
Customer executes the Facilities Study Agreement, provides all requested Customer information necessary to complete
the Study, and pays pursuant to the good faith estimate contained therein, the Utility will conduct the Facilities Study.
The Facilities Study will be completed in normally not more than thirty (30) business days, unless other mutually
agreeable terms are made. The Facilities Study is a comprehensive analysis of the actual construction needed to take
place based on the outcome of the Impact Study. It  delineates the detailed costs of construction and milestones.
construction may include new circuit breakers, relocation of reclosers, new construction of Utility grid extensions,
reconductoring lines, new transformers, protection requirements and interaction. Where no Utility construction is
required there would be no Facilities Study.
Interconnection Agreement. If the Generating Facility meets all of the applicable Interconnection requirements, all
items identified in any Meeting or Study have been resolved and agreed to (if applicable), and the Utility has received
the final design drawings, then:
(i) The Uti l i ty shal l  send to the Customer in normally not  more than ten (10)  business days an executable

Interconnect ion Agreement ,  which shal l  include as  an exhibi t  the cost  for  any required Ut i l i ty system
modifications.
The Customer reviews, signs,  and returns the signed Interconnection Agreement and any balance due for
Interconnection studies or required deposit for facilities.
Following TEP's approval of the Customer's proposed interconnection, the Customer cannot remove, alter or
otherwise modify or change the equipment specifications, including, without limitation, the operational plans,
control and protective devices or settings, and the generating facility system design, type, size or configuration. If
the Customer desires to make such changes or modifications, the Customer must revise and resubmit to TEP
plans describing the changes or modifications for approval by TEP. No change or modification may be made
without the prior written approval of TEP.
The Customer then completes installation of the Generating Facility and the Utility completes any Utility system
modifications, according to the milestones set forth in the Interconnection Agreement. The Utility shall employ
best reasonable efforts to complete such system upgrades in the shortest time reasonably practical.

Inspection and Testing. The Customer will contact the Utility to schedule the Utility site inspection and witness of the
testing of the protective devices. The Utility site inspection and witness of the testing of the protective devices will
normally occur within ten (10) business days of notice from the Customer.  The Uti l i ty may schedule metering
replacement, if necessary, and labeling of Utility equipment to occur at the same time. The Utility performs the site
inspection as arranged and verifies that the Generating Facility, as best as can be determined, is in compliance with all
applicable Interconnection and code requirements. At a minimum, it is suggested that the Utility verify the following:
(i) An electrical permit and/or clearance has been issued by the authority having jurisdiction, if required,
(ii) All Generating Facility equipment is properly labeled;
(iii) Generating Facility system layout is in accordance with the plant location and site planes) submitted to the

Utility;
Generator nameplate ratings are consistent with the information submitted to the Utility,
The Utility has unrestricted access to the Disconnect Switch (if required), and the switch meets all requirements,
The Utility will witness the required protective relay calibration and functional tests. Calibration shall include on-
site testing of trip set points and timing characteristics of the protective functions as required herein. Functional
testing, witnessed by TEP personnel, must demonstrate that each protective relay or device function as required
herein, upon a (simulated) out-of-tolerance input signal, will trip the generator breaker. Functional testing shall
also include a simulated loss of control power to demonstrate that the generator breaker or contactor will open. A
trip timing test (simulated loss of voltage) will suffice for static inverters rated 50kW or less. Customer shall
supply TEP with a copy of calibration and functional tests (if required).

(vii) The Customer shall have all protective devices tested at the time of installation, prior to initial interconnection,
and at intervals not to exceed four years. The Customer shall (i) notify the Utility as to when such tests are to be
performed at least fifteen (15) working days prior to such tests and allow TEP personnel to witness the testing,
and (ii) provide TEP with a certified copy of the test results.

(viii) The Generating Facility is wired, as best can be determined, in accordance with the electrical diagrams submitted
to the Utility.

The Utility will normally, before or at the time of the site inspection:
(i) Install all appropriate metering, if required,

(iv)
(v)
(vi)
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(1)

(ii)

(M)

(ii) Label all Utility equipment; and
(iii) Ensure that Generating Facility is properly incorporated onto Utility operating maps and identified as a backfeed

source.
The Utility shall not have the right to fail a site inspection in the event that any of the above three requirements (metering,
Utility equipment labeling, and the identification of the Generating Facility on the operating maps) are not in place at the time
of the site inspection. The Utility does have the right to fail any Generating Facility that does not meet the applicable
Interconnection requirements, is not installed substantially in accordance with the documentation submitted to the Utility, or as
a result of any safety or protection violation.

Notification. Immediately following completion of the site inspection (and upon receipt of all final applicable signed
Interconnection documents) the Utility shall determine whether or not the Generating Facility meets all applicable
requirements. The Utility shall provide the Customer oral notification normally within twenty-four (24) hours and
written notification normally within three (3) business days that:
(i) The Generat ing Faci l i ty is  approved for paral lel  operat ion with the Uti l i ty's  distr ibution system per the

Interconnection Agreement. The Utility shall provide the Customer with such notification in writing in normally
not more than three (3) business day following the Utility inspection under (k) above, or
The Generating Facility has failed to meet one or more of the applicable requirements or a safety violation has
been identified, and the Generating Facility is not approved for parallel operation. The Utility shall provide the
reason(s) (in writing, if requested by the Customer) for not approving parallel operation. Furthermore, the Utility
has the right to disconnect and lock out the Generating Facility to prevent the Generating Facility from parallel
operation, and the Customer must reschedule the site inspection with the Utility. The Customer may not operate
in parallel until  i t  receives written approval from the Utility, and violation of this condition may result in
immediate termination of electric service to the Customer.

Correction (if necessary). In the event that the Generating Facility does not pass the initial Utility site inspection:
(i) The Customer must correct the deficiencies identified by the Utility and schedule a re-inspection. The Utility

shall re-inspect normally not more than ten (10) business days notice from the Customer to verify that the
deficiencies have been remedied. Following any site re-inspection where the Utility approves parallel operation of
the Generation Facility, the Utility will provide to the Customer such oral notification normally within twenty-
four (24) hours and such written notification normally within three (3) business days that the Generation Facility
is approved for parallel operation.
If updated documentation is required to reflect "as-built" conditions, the Customer must submit these to the
Utility for review and approval within ten (10) business days following the site inspection. The Utility may
charge a fee, if a tariff containing such a fee is approved by the Commission. The Utility will process and mail an
amendment to the Interconnection Agreement normally not more than five (5) business days after receipt and
acceptance of the revised diagrams for Customer review and signature.

(ii)

Customer Timeframes. The Utili ty t imeframes contained herein do not include the time for the Customer to execute
agreements or submit needed documentation. If at any point in the Level 3 Study Track process, the Customer does not submit
requested materials necessary to process the Interconnection Application, or submit applicable executable agreements in
normally not more than thirty (30) business days, or request an extension, the Application may be considered withdrawn.
Fees for Level 3 Interconnection. A Utility may charge a fee for an engineering review, if a tariff containing the hourly rate
for engineering review is approved by the Commission. The Utility shall provide a non-binding good faith estimate of the fee
for such engineering review. The Customer must submit a deposit for the estimated fee before the engineering review will be
initiated. In addition, costs for Utility facilities and/or equipment modifications necessary to accommodate the Customer's
generator interconnection will be the responsibility of the Customer. The Customer may not be charged for the review of a
certified generator's protection equipment. The Utility may charge a fee for an initial inspection or for a re-inspection, if a tariff
containing such a fee is approved by the Commission.

4.6 Interconnection to Secondary Spot Network Systems (Not applicable for TEP)
The requirements for interconnecting generating facilities to Secondary Spot Network Systems are different than those for
Interconnection to radial distribution systems. In the Secondary Spot Network System, there are technical requirements to be
considered particularly with the design and operational aspects of network protectors that are not required on radial systems.
Currently, Arizona Public Service ("APS") is the only Utility in Arizona that has Secondary Spot Networks. As such, APS has
developed the following interim criteria for interconnecting a small amount of inverter-based customer generation to a
Secondary Spot Network System. Because the maximum level of generation that could be interconnected to a Secondary Spot
Network System is unknown at this time, this "Pilot" effort should be viewed as a trial basis only. APS reserves the right to
suspend it at any time. APS has initiated this Pilot effort in a proactive attempt to include distributed generation in the State of
Arizona on Secondary Spot Network Systems.
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The Pilot criteria require that the generation meet all of the following conditions simultaneously:
(a) Inverter based units must be less than 10 kw,
(b) Units must be "Certified" as prescribed in this Document, and must meet current IEEE 1547 and UL 1741 standards, and
(c) Must be less than or equal to 10% of the interconnecting customer's verifiable minimum load during the operation of the

inverter. (For photovoltaics, the minimum load refers to the daytime minimum.)

APS reserves the right to suspend, change, modify, or add to the above conditions based on the results from future test reports
or guidelines as they become available. Once the 1547.6 standards are completed, APS (and any other Arizona Utilities who
have since added Secondary Spot Networks) will review the Pilot criteria for possible modification to include guidelines for
Interconnection to the Secondary Spot Network Systems. The process for interconnecting to a Secondary Spot Network System
will be determined by the Utility.

5. UTILITY REPORTING REQUIREMENTS

Interconnection Manual. Each Utility shall file an Interconnection Manual for approval with the Commission no later than
ninety (90) calendar days after adoption of this document. Each Interconnection Manual shall contain procedural and technical
requirements necessary to interconnect a Generating Facility to each Utility's respective distribution system but shall not be
inconsistent  with this Document.  An updated Interconnection Manual  shall  be provided to the Commission upon any
substantive revision by the Utility and shall become effective within sixty (60) days unless otherwise acted upon by the
Commission. (TEP's Interconnection Manual is part of this document.)

Documentation of projects. Each electric Utility shall maintain records concerning Applications received for Interconnection
and parallel operation of distributed generation. Such records will include the date each Application is received, documents
generated in the course of processing each Application, correspondence regarding each Application, the final disposition of
each Application, and the date on which the Application was approved (if approved).

Annual Interconnection report to the Commission. By March 30 of each year, every Utility shall file with the Commission
a distributed generation Interconnection report for the preceding calendar year that l ists the new Generating Facilit ies
interconnected with the system since the previous year's report, any distributed generation facilities no longer interconnected
with the Utility's system since the previous report, and the capacity of each facility. The annual report shall include, for the
reporting period, a summary of the number of complete Applications received, the number of complete Applications approved,
the number of complete Applications denied by level, and the reasons for denial. The annual report shall also include a list of
special contracts, approved by the Commission during the reporting period, that provide discounted rates to customers as an
alternative to self-generation.

6. INTERCONNECTION TECHNICAL MANUAL

The requirements and specifications outlined in this section are applicable to distributed generation interconnected for parallel
operation with the Utility distribution system, unless otherwise specified. The protection and safety devices and other
requirements specified in the following sections are intended to provide protection for the Utility system, Utility workers,
other Utility customers and the general public. They are not imposed to provide protection for the Customer's generation
equipment or personnel, this is the sole responsibility of the Customer.

With respect to the above protection objectives, it is necessary to disconnect the parallel generator when trouble occurs. This is
to :

(a)
(b)

(c)

ensure if a fault on the Utility system persists, the fault current supplied by the Customer's generator is inten'upted;
prevent the possibility of reclosing into an out-of-synch isolated system composed of the Utility distribution system, or a
section thereof, and the Customer's generator, and
prevent reclosing into the Customer's generation system that may be out of synchronization or stalled.

The protection requirements are minimal for smaller installations, but increase as the size of the Customer's generation
increases. Small installations usually ensure that, for any fault on the Utility system, Utility protective devices will operate and
normally isolate the generation with a large amount of load, causing under-voltage automatic shutdown of the generator. For
larger installations the probability of isolated operation is higher since the available generation may be sufficient to carry the
entire load, or part thereat of the local Utility circuit. In instances where the Utility system arrangement is such that it is
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possible that the generators will not always be isolated with comparatively large amounts of load, additional protection
(including a transfer trip scheme) and generator shutdown schemes are required.
TEP applies automatic reclosing to overhead distribution and transmission circuits. When the Utility source breaker trips, the
Customer must ensure that his generator is disconnected from the Utility circuit prior to automatic reclosure. TEP applies
instantaneous reclosing at the substation, in which the distribution circuit can be re-energized in less than 20cycles (333 sec)
after a protective relay trip. In order to assure reliable service to other TEP customers, the Customer's generator shall be
disconnected from the Utility's system within 5 cycles (83.3 sec) of a Utility initiated protective relay trip. Inability of the
Customers equipment to meet these time constraints may require the Customer to install a transfer trip scheme. In addition,
automatic reclosing out-of-synch with the Customer's generator may cause severe damage to Customer equipment and could
also pose a serious hazard to Customer or Utility personnel. In a few cases there are in-line reclosers away from the substation.
In these situations transfer trip is not possible. Additional review by TEP is required in these cases.

6.1Design Considerations and Definition of Classes
Protection requirements are influenced by the size and characteristics of the parallel generator along with the nature and
operational characteristics of the associated Utility system. Therefore, similar units connected to different lines could have
different protection requirements based on varying load conditions, as well as on the specific Utility feeder and transformer
characteristics.

(3)

(b)

(0)

(d)

Synchronous Units. Synchronous generators are generally capable of supplying sustained current for faults on TEP's
system. These units can also supply isolated Utility load providing the load is within the units' output capability, and
must be prevented from energizing a De-energized Utility line. The Utility will specify the maximum allowable
protective relay time settings for a particular proposed distributed generator installation. The Customer is responsible
for ensuring generator separation prior to Utility circuit re-energization to prevent out-of-sync paralleling.
Induction Units. Induction generators are basically induction motors that are mechanically driven above synchronous
speed to produce electric power. These units do not have a separate excitation system and, as such, require that their
output terminals be energized with AC voltage and supplied with reactive power to develop the magnetic flux.
Induction generators are therefore normally not capable of supplying sustained fault current into faults on the Utility
system. Such units are generally not capable of supplying isolated load when separated from the Utility system,
however, it is possible for an induction generator to become self-excited if a sufficient amount of capacitance exists at
its output terminals. Under conditions of self-excitation, an induction generator will be capable of supplying isolated
load, providing the load is within the units' output capability. In most cases when self-excitation occurs it will be
accompanied by a sudden increase in terminal voltage. The Utility and its other customers must be protected from out-
of-sync closing and over-voltages that can occur whenever an induction generator becomes self-excited. Induction units
shall therefore be designed to automatically separate from the Utility system upon loss of Utility voltage and prior to
reclosing of the Utility feeder.
Static Inverters. Static inverters convert DC power to AC by means of electronic switching. Switching can be
controlled by the AC voltage of the Utility's supply system (line-commutated) or by internal electronic circuitry (forced-
commutated). Line-commutated inverters are generally not capable of operating independently of the Utility's AC
supply system and, as such, cannot supply fault current or isolated loads under normal conditions. Forced-commutated,
or self-commutated, inverters are capable of supplying fault current and load independently of the AC supply system.
Any forced-commutated inverter that is to be interconnected with the Utility must be specifically designed for that
purpose, i.e. it must be designed to accommodate parallel interfacing and operation. Static inverters must be designed to
automatically separate from the Utility system upon loss of Utility voltage and prior to reclosing of the Utility feeder.
Definition of Generator Size Classes. The following generator size classifications are used in determining specific
minimum protective requirements for distributed generation facilities. Specified ratings are for each connection to the
Utility system. Customers must satisfy, in addition to the general requirements specified in this document, the minimum
relaying requirements given in this document for each generator class.
(i) Class I 50 kW or less, single or three phase
(ii) Class II 51 kW to 300 kw, three phase
(iii) Class III 301 kW to 5,000 kw, three phase
(iv) Class IV over 5,000 kw, three phase

6.2

(a)
(b)

(<=)

General Technical Requirements
Customer is responsible for obtaining and maintaining all required permits.
Multiple generator connections on the same Utility service are permitted; however, a DG Service Disconnect for the
facility will be required (normally located at the service entrance section).
In the event that a generator, or aggregate of generators, are of sufficient size to carry the entire (minimum) load of the
TEP distribution feeder, or if a generator size and physical location on a feeder is such that it could support an isolated
(islanded) section of the feeder, then a transfer trip scheme shall be required at the Customer's expense. If a transfer trip
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(d)

(e)

(f)

(8)

is required, a communication channel and telemetering shall also be required, at the Customer's expense, to facilitate
proper parallel operation.. The transfer trip channel may be leased telephone, power line carrier, pilot wire, microwave
or other TEP approved medium. The transfer trip equipment will be configured to trip the Customer's generator for loss
of the channel signal.
For synchronous generators, the Customer shall ensure that any potential open points such as breakers, fused disconnect
switches, etc, located between the generator breaker and Utility service are appropriately equipped with either (1) keyed
or other suitable mechanical interlocks to prevent them from being inadvertently opened when the generator breaker is
closed, or (2) contacts that will instantaneously trip the generator breaker if any such switch were opened while the
generator breaker was closed. The intent of the above is to prevent the opening and subsequent (inadvertent) re-closing
of such a breaker or switch onto an in-synchronized generator.
Customer shall ensure that the design and installation of electric meter(s) is such that the meter(s) are located on the
Utility-side of the generator breaker on a normally energized bus.
The Customer is responsible for the design, installation, operation and maintenance of all equipment on the Customer's
side of the Point of Interconnection. It is required that the Customer submit specifications and detailed plans as
specified in the Application and Equipment Information Form (see Appendix) for the installation to the Utility for
review. Review by the Utility does not indicate acceptance or approval by the Utility or other authorities.
All photovoltaic generators kw or less are exempted from this document.

6.3 DG Service Disconnect
The Customer shall install and maintain a DG Service Disconnect in order to isolate all ungrounded conductors of the
Customer's generating facility from the Utility system. The DG Service Disconnect will normally be required to be installed at
the Customer's electrical service entrance section, however it may be located in the immediate vicinity of the generator, subj et
to Utility approval. The DG Service Discomiect must be rated for the voltage and current requirements of the generation
facility, and must meet all applicable UL, ANSI and IEEE standards. The DG Service Disconnect shall meet the requirements
of the National Electric Code ("NEC"), and shall be properly grounded.

In cases where the DG Service Disconnect is a load break switch, the switch blades, jaws and the air-gap between them shall
all be clearly visible when the switch is in the "open" position. It is not acceptable to have any of the "visible open"
components obscured by the switch case or an arc-shield, etc. Only switches specifically designed to provide a true "visible
open" are acceptable. Such switch shall be installed in a place so as to provide easy and unrestricted accessibility to Utility
personnel on a 24-hour basis. The Utility shall have the right to lock open the switch without notice to the Customer when
interconnected operation of the Customer's generating facility with the Utility system could adversely affect the Utility system
or endanger life or property, or upon termination of the Interconnect Agreement. For multi-phase systems, the switch shall be
gang-operated. In cases where the DG Service Disconnect will be installed on a line at a voltage above 500V,TEP may require
the customer to install a rack-out breaker, along with a racking tool and grounding device, in lieu of a load break switch. In
these cases, the Utility will work with the Customer to determine the best option and ensure that the safety requirements are
met.

6.4 Dedicated Transformer
Customer generators with a combined total rating of over 10 kw, as measured at the service entrance, may be required to be
isolated from other customers fed off the same Utility transformer by a dedicated power transformer connecting to the Utility
distribution feeder. The primary purpose of the dedicated transformer is to ensure that (a) the generator cannot become isolated
at the secondary voltage level with a small amount of other-customer load, and (b) the generator does
not contribute any significant fault current to other customers' electrical systems. Dedicated transformers also help to confine
any voltage fluctuation or harmonics produced by the generator to the Customer's own system. The Utility will specify the
transformer winding connections and impedance.

6.5 Power Quality
Customer shall ensure that the electrical characteristics of its load and generating equipment will maintain the serving Utility's
normal power quality requirements. Any deviation from sine wave form or unusual short interval fluctuations in power
demand or production shall not be such as to result in impairment of service to other customers or in interference with
operation of computer, telephone, television or other communication systems or facilities. Those power quality items will
generally include the following:
(a) Current Imbalance
(b) Harmonies
(c) Voltage Flicker
(d) Power Factor
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Exhibit 1 lists, for general informational purposes, TEP's Power Quality requirements which may be updated from time to
time. The Customer should verify actual requirements before designing/installing GF.

6.6 Voltage Requirements
Customer generating equipment must deliver at the Point of Interconnection, 60 Hertz, either single or three-phase power at
one standard Utility voltage as may be selected by the Customer subject to availability at the premises.

6.7 Telemetrv
For generators Class III or greater, Customer shall provide to TEP, at Customer's cost, MW and MVAR transducer output
quantities for the purpose of control area system load calculations.

6.8 WSCC/NERC Requirements
Customer shall comply with WSCC/NERC generator testing criteria, including but not limited to, the applicable criteria
regarding the installation and operation of Power System Stabilizers ("PSS") and Automatic Voltage Regulators ("AVR").

6.9 Labeling Requirements

(a)

(b)

(¢)

General Requirements. The Customer shall conform to the NEC for labeling of generation equipment, switches,
breakers, etc. TEP will assume the responsibility for labeling any Utility owned equipment.
DG Service Disconnect. The Customer shall label the DG Service Disconnect by means of a permanently attached
placard with clearly visible and permanent letters l" high In addition, the Utility may need to attach its own label to the
DG Service Disconnect.
Service Entrance. A sign shall be placed at the service entrance indicating type and location of onsite emergency
power sources, legally required standby power sources, and onsite optional standby power sources, as defined by the
NEC. The NEC also requires a permanent directory, denoting all electrical power sources on or in the premises, shall be
installed at each service equipment location and at locations of all electric power production sources capable of being
interconnected. Installations with large numbers of power production sources shall be permitted to be designated by
groups.

6.10 Protective Requirements

(a)

(ii)

•

•

(v )

(vi)

General Requirements
(i) The Customer shall be solely responsible for properly protecting and synchronizing his generator(s) with TEP's

system. The Customer is solely responsible for the protection of their equipment from automatic reclosing by the
Utility.
Devices with definite level and timing characteristics (e.g., micro-processor type relays) will be necessary to meet
the requirements established herein.

( ii i) Generator classes II and above (>50 kw, must utilize discreet relays, separate and independent voltage and

frequency relays and associated trip paths to the generator breaker (automatic inten'upting device). This is to
ensure a redundant trip function in the event of a single relay failure or out-of-tolerance condition.
• The instantaneous/time overcurrent functions can be integrated into a single ground overcurrent relay.
• The over/under voltage functions can be integrated into a single o/u voltage relay.
• The over/under Frequency functions can be integrated into a single o/u frequency relay.

Protective relays or microprocessor based devices may be used provided that the require functionality described herein
is demonstrated. For generating equipment that is capable of sustained operation above its normal current rating, phase
overcurrent tripping shall be required to trip the unit should it exceed this rating.
(iv) For generator protection schemes that utilize microprocessor based, multi-fUnction relays, one of the following

requirements must be met:
Protective relay failure will not only alarm but will also trip the generator breaker/contactor.
If relay failure alarms, but does not trip the generator breaker, then additional relaying which meets the
requirements stated herein for each class must be provided.

With the addition of generation at a Customer site, the grot rd fault current magnitude might increase to the level
where the grounding grid is insufficient to protect personnel from step or touch potentials. Therefore, the
Customer is required to ensure the adequacy of the Customer's grounding grid to keep the step and touch
potentials at a safe level in the vicinity of equipment accessible by Utility personnel or the general public.
The Customer shall ensure that the GF protective relaying and controls are adequately protected from electrical
surges that may result from lighting, Utility switching or electrical faults.
Addition of the Customer's GF may require additional control, metering and protective devices at TEP's
facilities. The Customer will be responsible for all labor and material costs associated with their installation.

(vii)

22



ACC Docket No. E-00000A-99-0431

(viii) Exhibit 2 lists for general informational purposes TEP's relay settings which may be updated from time to time.
The Customer should verify with TEP prior to designing/installing a GF.

(b) Generator Class Protective Requirements

•

•

(ii)

(iii)

TEP shall require the following as minimum acceptable protection:
(i) Class I (Single or Three Phase: 50 kW or less)

The minimum protection required is an under-voltage contactor.
For all synchronous generators and forced commutated inverters, either a manual or automatic synchronizing
scheme is required.

Class II (Three Phase: 51-300 kw)
• Protection for overvoltage, undervoltage, overfrequency, and underfrequency is required.
• For all synchronous generators and forced commutated inverters, either a manual or automatic synchronizing

scheme is required
Phase time and instantaneous overcurrent relays are required.
A ground time and instantaneous overcurrent relay is required. For installations interconnected to the Utility
through a transformer with connections that will not supply current to a ground fault on the Utility system, a
special ground fault detection scheme shall be necessary. The Utility will notify Customer of any such
requirements after a preliminary review of the Customer's proposed installation.
Other equipment  such as supervisory control  and alarms,  telemetering,  t ransfer  t r ip and associated
communications channel may be required in some instances, including but not limited to the following
situations: (a) the generator, or an aggregate of generators is large relative to the minimum load on a feeder
or sectionalized portion of the feeder, (b) the GF is involved in power transactions requiring the grid, or (c)
the GF is remotely controlled by, or dispatched by the Utility. The Utility will notify Customer of any
communications requirements after a preliminary review of the proposed installation.
Overload tripping shall be required for any generator capable of sustained operation above its normal current
rating

Class III (Three Phase: 301-5.000 kw)
• For this class of installation, Utility grade protection devices and equipment will be required.
• Protection for overvoltage, undervoltage, overfrequency, and underfrequency is required.
• For all synchronous generators and forced commuted inverters, either a manual or automatic synchronizing

scheme is required.
A ground time and instantaneous overcurrent relay is required. For installations interconnected to the Utility
through a transformer with connections that will not supply current to a ground fault on the Utility system, a
special ground fault detection scheme shall be necessary. The Utility will notify Customer of any such
requirements after a preliminary review of the Customer's proposed installation.
Voltage-controlled/restrained time overcurrent relays may be required.
A phase sequence voltage relay is required.
Other  equipment  such as supervisory control  and alarms,  telemetering,  t ransfer  t r ip and associated
communications channel may be required in some instances, including but not limited to the following
situations: (a) the generator, or an aggregate of generators is large relative to the minimum load on a feeder
or sectionalized portion of the feeder, (b) the GF is involved in power transactions requiring the grid, or (c)
the GF is remotely controlled by, or dispatched by the Utility. The Utility will  notify Customer of any
communications requirements after a preliminary review of the proposed installation.
Overload tripping shall be required for any generator capable of sustained operation above its normal current
rating

Class [V (Three Phase: Greater than 5.000 kw)
c For this class of installation, Utility-grade protective devices and equipment will be required.
• Protection for overvoltage, undervoltage, overfrequency, and underfrequency is required.
• For all synchronous generators and forced commutated inverters, either a manual or automatic synchronizing

scheme is required.
A ground time and instantaneous overcurrent relay is required. For installations interconnected to the Utility
through a transformer with connections that will not supply current to a ground fault on the Utility system, a
special ground fault detection scheme shall be necessary. The Utility will notify Customer of any such
requirements after a preliminary review of the Customer's proposed installation.
Voltage-controlled/restrained time overcurrent relay
Negative sequence time overcurrent relay

(iv)
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Overexcitation relay
Loss of excitation relay
Phase sequence voltage relay.
Other equipment such as supervisory control and alarms, telemetering, transfer trip and associated
communications channel may be required in some instances, including but not limited to the following
situations: (1) the generator, or an aggregate of generators is large relative to the minimum load on a feeder
or sectionalized portion of the feeder, (2) the GF is involved in power transactions requiring the grid, or (3)
the GF is remotely controlled by, or dispatched by the Utility. The Utility will notify Customer of any
communications requirements after a preliminary review of the proposed installation.
Overload tripping shall be required for any generator capable of sustained operation above its normal current
rating.

7. DEFINITIONS

"ANSI": American National Standards Institute. See www.ansi.org.
"Application": The standard form for applying to interconnect a Generating Facility with the Utility system.
" Arizona Corporation Commission" ( "ACC" or "Commission"): The regulatory agency of the state of Arizona having
jurisdiction over public service corporations operating in Arizona.
"Backfeed": To energize a section of a Utility electric system that is supplied from a source other than its normal source.
"Business Day": Monday through Friday, excluding Federal and Arizona State Holidays.
"Certified Equipment": Specific generating and protective equipment system or systems that have been certified as meeting the
requirements inSection 3.4relating to testing, operation, safety, and reliability by an entity approved by the Commission.
"Clearance Point": A clearance point is the physical location on a piece of line or equipment that is to be De-energized from all
known sources of power and tagged. Further, that piece of line or equipment shall remain in the condition stated until released
by the person having the clearance.
"Cogeneration Facility": Any facility that sequentially produces electricity, steam or forms of useful energy (e.g., heat) from
the same fuel source and which are used for industrial, commercial, heating, or cooling purposes.
"Customer": An electric consumer that generates electricity on the consumer's side of the Utility meter.
"Disconnect Switch": A device that the Customer may be required to install and maintain that is a visible open, manual, gang
operated, load break disconnect device, capable of being locked in a . "visible open" position by a standard Utility padlock that
will completely isolate the Customer's Generating Facility from the Utility grid. "Visible open" has the same definition as used
in the National Electric Code. If the voltage is over 500 volts, it has to be capable of being grounded on the Utility side.
"Distributed Generation" ( "DG"): Any type of Customer electrical generator, static inverter, or Generating Facility
interconnected with the distribution system that either (a) has the capability of being operated in electrical parallel with the
Utility's distribution system, or (b) can feed a customer load that can also be fed by the Utility's electrical system. A distributed
generator is often referred to as a "Generating Facility" in this Document.
"Distribution System": The infrastructure constructed, maintained, and operated by an electric Utility to deliver electric service
to retail customers.
"Electric Supply or Purchase Agreement": An agreement, together with appendices, signed between the Utility and the
Customer covering the terms and conditions under which electrical power is supplied to and/or purchased from the Utility.
"ESP" ("Electric Service Provider"): A company supplying, marketing or brokering at retail any competitive services pursuant
to a Certificate of Convenience and Necessity.
"Equipment Package": A group of components connecting an electric generator with a Utility distribution system, and includes
all interface equipment including switchgear, inverters, or other interface devices. An equipment package may include an
integrated generator or electric source.
"Fault Current": The level of current that can flow if a short circuit is applied to a voltage source.
"Generating Facility": All or part of the Customer's electrical generator(s) or inverter(s) together with all protective, safety, and
associated equipment necessary to produce electric power at the Customer's facility. A Generating Facility also includes any
Qualifying Facility <"@).
"Good Utility Practice": Any of the practices, methods, and acts engaged in or approved by a significant portion of the electric
industry during the relevant time period, or any of the practices, methods, and acts which, in the exercise of reasonable
judgment in light of the facts known at the time the decision was made, could have been expected to accomplish the desired
result at a reasonable cost consistent with good business practices, reliability, safety, and expedition. Good Utility Practice is
not intended to be limited to the optimum practice, method, or act to the exclusion of all others, but rather to be acceptable
practices, methods, or acts generally accepted in the region.
"Hold For Orders": The method used as an aid in protection of personnel working on or near energized equipment, whereby
automatic or remote re-closing of a line is disabled. When a hold tag (see Exhibit 3) is in effect, if the circuit trips open, it will
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not be re-closed until the system operator receives a release from the person to whom the hold was issued. As it relates to
distributed generation, circuits with hold tags shall have all potential sources of backfeed removed by opening, locking and
tagging the appropriate disconnect switch.
"IEEE": The Institute of Electrical and Electronic Engineers. See www.ieee.org.
Interconnection Agreement: An agreement, together with appendices, signed between the Utility and the Customer, covering
the terms and conditions governing the Interconnection and operation of the Generating Facility with the Utility.
"Interconnection": The physical connection of Customer's Generating Facility to the Utility system.
"Interconnection Manual": A separate document developed and maintained by each Utility, made available on each Utility's
website, and approved by the Commission, containing detailed technical, safety, and protection requirements necessary to
interconnect a Generating Facility to each Utility's respective distribution system. The Interconnection Manual shall be
consistent with this Document. The Interconnection Manual for TEP is in Section 6of this Document.
"Interconnection Study": A study or studies that may be undertaken by a Utility (or a Utility designated third party) in response
to its receipt of a completed Application for Interconnection and parallel operation with the Utility system. Interconnection
studies may include, but are not limited to, Interconnection Feasibility Studies, System Impact Studies, and Facilities Studies.
"Island": A condition in which a portion of a Utility electric power system is energized solely by one or more local electric

power systems throughout the associated Point of Interconnection while that portion of the Utility electric power system is
electrically separated from the rest of the Utility electric power system. Islands can either be intentional (planned) or
unintentional (unplanned).
"Islandable System": A Generating Facility interconnected to a bus common with the Utility's system, where the Generating
Facility is designed to serve part of the Utility grid that has become or is purposefully separated from the rest of the grid.
"Metering Service": All fLections related to measuring electricity consumption.
"Minimum Protective Devices, Relays, and Interconnection Requirements": The minimum required protective relaying and/or
safety devices or requirements specified in this Document, are for the purpose of protecting only the Utility and its other
customer facilities from damage or disruptions caused by a fault, malfunction, or improper operation of the Customer's
Generating Facility. Minimum Protective Relaying and Interconnection Requirements do not include relaying, protective, or
safety devices as may be required by industry and/or govermnent codes and standards, equipment manufacturing and prudent
engineering design and practice to fully protect the Customer's Generating Facility, those are the sole responsibility of the
Customer.
"MSP" ("Meter Service Provider"): An entity providing Metering Service, as that term is defined herein.
"NEMA": National Electrical Manufacturers Association. See www.nema.org.
"NFPA": National Fire Protection Association. See www.nfua.org.
"Parallel System": The operation of a Generating Facility that is electrically interconnected to a bus common with the Utility's
electric distribution system, either on a momentary or continuous basis.
"Point of Interconnection": The physical location where the Utility's service conductors are connected to the Customer's
service conductors to allow parallel operation of the Customer's Generating Facility with the Utility's electric distribution
system.
"Primary Network": An AC power distribution system that uses two or more dedicated primary voltage feeders, connected in
parallel, to simultaneously supply power to one customer. The system includes automatic protective devices intended to isolate
faulted primary feeders, while maintaining L interrupted service to the customer served from the other primary feeder
circuit(s).
"Qualifying Facility" ("@"); Any cogeneration or small power production facility that meets the criteria for size, fuel use,
efficiency, and ownership as promulgated in 18 CFR, Chapter I, Part 292, Subpart B of the Federal Energy Regulatory
Commission's Regulations.
"Radial Line": A distribution line that originates from a substation and is normally not connected to another substation or
another circuit sharing the common supply of electric power.
"Relay": An electric device that is designed to interpret input conditions in a prescribed manner and after specified conditions
are met to respond to cause contact operation or similar abrupt change in associated electric control circuits.
"Secondary Spot Network System": An AC power distribution system in which a Customer is simultaneously served from
three-phase, four-wire low-voltage (typically 480V) circuits supplied by two or more network transformers whose low-voltage
terminals are connected to the low voltage circuits through network protectors. This is not applicable to TEP.
"Separate System": The operation of a Generating Facility that has no possibility of operating in parallel with the Utility's
system.
"Small Power Production Facility": A facility that uses primarily biomass, waste or renewable resources, including wind,
solar, and water to produce electric power.
" Transfer Trip Scheme": A form of remote trip in which a communication channel is used to transmit a trip signal from the
relay location to a remote location.
" Transmission System": Utility-owned high-voltage lines (69 ka or higher) and associated equipment for the movement or
transfer of electric energy between power plants and the distribution system.
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" Underwriters Laboratories Inc. See www.ul.com.
"Utility": An electric distribution company that constructs, operates, and maintains the electrical distribution system for the
receipt and/or delivery of power. TEP is the Utility in this Document.
"Utility Grade Relays": Relays specifically designed to protect and control electric power apparatus, tested in accordance with
the following ANSI/IEEE standards:
(a)  ANSI/IEEE C37.90-1989 (RI994),  IEEE Standard for  Relays and Relay Systems Associated with Electr ic Power

Apparatus.
(b) ANSI/IEEE C37.9.0l-1989 (RI994),  IEEE Standard Surge Withstand (SWC) Tests for Protective Relays and Relay

Systems.
(c)  ANSI/IEEE C37.90.2-1995,  IEEE Standard Withstand Capabi l i ty of Relay Systems to Radiated Electromagnet ic

Interference from Transceivers.

26

v



Power Factor 1 N o eater than 0.85 for Class II units and above£4
Phase Current
Imbalance

[3]

Voltage Characteristics ANSI C84.1
Sine WaveForm IEEE 519
Harmonies [2] Voltage: 5% THD, with no single harmonic greater

than 3% of the fundamental, IEEE std. 519-1992, Sect.
10.3
Current: See Table 10.3 of IEEE Std. 519-1992, Sect.
10

Voltage Flicker IEEE 519, Sect. 10.5 3

*
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EXHIBIT 1
TUCSON ELECTRIC POWER COMPANY
POWER QUALITY CHARACTERISTICS

i SETTING TYPE i TEP

Notes:

[1]

[2]

This power factor provides for spinning VAR suppose and minimizes the impact of many small generators on TEP's
system voltage stability.
Harmonics limits shall be met for all generation levels from 10 - 100% of each generator's nameplate kA or kW
rating.
Customer to consult with TEP.[3]
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Over-iiequency Time delay [1] 61.1 Hz
0.1 Seconds

Under-fkequency
Time delay [2]

58.9 Hz
0.1 Seconds

Over-voltage
Time Delay

105%
0 Seconds

Under-voltage Time Delay 95%
0 Seconds

Re-closing, first shot 3 Instantaneous

Re-closing, second shot [3]
15 to 30 Seconds [4]

Re-closing, third shot [3] 165 Seconds

ACC Docket No. E-00000A-99-0431

EXHIBIT 2
TUCSON ELECTRIC POWER COMPANY

RELAY SETTINGS
AND RE-CLOSING PRACTICES

i SETTING TYPE i TEP

Notes:
[1]

[2]

[3]

[4]

Guidelines do not specify a setting or time delay, they state "trip the circuit breaker when the frequency varies from
the nominal 60 Hz."
If generator is considered a WSCC generator, the under-frequency setting might be different to comply with WSCC
guidelines.
Times are for typical overhead/residential type feeders (not necessarily line reclosers), and are the time delay from the
trip to the next reclosure. Actual number of re-close shots on a particular feeder may vary.
Varies based on type of reclosing utilized.
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ACC Docket No. E-00000A-99-0431

APPENDIX A
TUCSON ELECTRIC POWER COMPANY

APPLICATION AND EQUIPMENT INFORMATION FORM _ ROUND ROTOR

SITE AND CUSTOMER INFORMATION
(Complete all items)

Customer Name Telephone

Company Name (if applicable)

Mailing Address

Generating Facility Address

Project Contact Telephone

Utility Account Number Electric Meter No.

ESP (if different firm serving Utility)

MSP (if different from serving Utility)

Completed By Telephone

PROPOSED OPERATION
(Answer all questions)

Does the Generation Facility plan on being anet exporter of energy into the Utility grid? (Yes or
No) . If "Yes", explain the proposed operation and estimated power to be exported, and also provide
name of proposed purchaser of this power:

If the Generating Facility will be used only for on-site power, will it be operated as a peak-shaving unit
during Utility peak load conditions, or as a base-loaded unit operating 24 hrs a day?

30
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GENERATOR INFORMATION
(Complete for each rotating generator only)

A. Manufacturer

Type (Synchronous, Induction, D.C.)

Nameplate rating
Voltage
Power Factor
Model No.

kW
Frequency
Single or Three Phase

D. Type of Excitation System (Self or Separate)

Generator Electrical Characteristics (on the machine base, for Class II and above)

Synchronous Reactance (X'd)
Transient Reactance (X'd)
Subtransient Reactance (X"d)
Zero sequence reactance (XO)
Negative sequence reactance (X2)

PRIME MOVER
(Complete for rotating machinery only)

A.
B.
c .

Manufacturer
Manufacturer's Reference Number
Energy Source (Natural Gas, Steam, etc.)

INTERFACE EQUIPMENT
(Complete for each rotating generator only)

A. Synchronizer for Synchronous Generator:
Manufacturer
Manufacturer's Model Number
Automatic or Manual Synchronizer

Inverter for DC generator:
Manufacturer
Manufacturer's Model Number
Line or Self Commutated Inverter
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SUPPLEMENTARY INFORMATION Round rotor

(Information below to be submitted for all projects. All diagrams are to be professionally and neatly drawn.
Generally, free hand drawn or illegible diagrams will not be accepted by Utility).

A. Electrical One-Line Diagram:
Provide 5 sets, including any and all revisions or changes as they are made. Diagram(s) must also
include project name and address, show generator size and all protective relaying and control
equipment, as well as electric service entrance and Utility meter.

B. Electrical Three-Line Diagram:
Provide 5 sets, including any and all revisions or changes as they are made. Diagram(s) must also
include project name and address, show generator size and all protective relaying and control
equipment, as well as electric service entrance and Utility meter, and include all neutral and
ground conductors and connections.

c. AC & DC Control Schematics:
Provide 5 sets, including any and all revisions or changes as they are made, for all projects
comprising rotating machinery. Diagrams must show the detailed wiring of all protective relays
and control functions, and include control power source and wiring.

Detailed Map:
Provide 5 sets of detailed maps, including any and all revisions or changes as they are made.
Maps should show major cross streets and proposed plant location, and include the street address.

E. Site Plan:
Provide 5 sets of site plans, including any and all revisions as they are made, showing the
arrangement of the major equipment, including the electric service entrance section and Utility
meter, location of generator and interface equipment, and location of the Disconnect Switch.
Include the street address, and location of the any lock-boxes, etc.

F. Testing Company:
Provide the name of the company that will do the protective relay bench testing and the trip circuit
functional tests and the anticipated start up date.

G. Point of Contact
If the interconnection and start-up process is to be coordinated through a party or individual other
than the Customer, provide the name, company, address and phone number of that individual or
party with whom the Utility is to coordinate the interconnection.

32
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APPENDIX B
TUCSON ELECTRIC POWER COMPANY

PV INTERCONNECTION APPLICATION
(GREATER THAN 20 Wac)

Customer Information

BusinessName:

Mailing Address:

City: , AZ

Street Address: (if different from above)

Phone Number:

E-mail Address:

Zip Code:

Solar - PV Equipment Information
Module Manufacturer: Nameplate DC Rating:

Quantity of Modules:

Watts

years

Module Model Number:

Module Warranty:

Inverter Manufacturer:

Inverter conforms to UL1741 for grid connected:

Inverter Warranty: years

Inverter Model Number:

Yes No

No Is there a battery system:

Customer Installer

Yes No
Project Information
Will system be grid connected: _Yes

Utilities Contact for system interconnection:

Has a City/County Permit been secured: Yes No

Does this installation meet all TEP Interconnection Requirements:

Estimated Installation Date:

System Cost:

Yes No

Installer Information
Company Name:

Installer's Name:

Business Address:

Arizona Registrar of Contractor_§ (AZRQC) License Information

AZROC License Number: Class:

Contractor's License: Class:

Completed By:

TEP Customer Signature:

Expiration Date:

Expiration Date:

33
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SUPPLEMENTARY INFORMATION _ Photovoltaic

(Information below to be submitted for all projects. All diagrams are to be professionally and neatly drawn.
Generally, free hand drawn or illegible diagrams will not be accepted by Utility).

A. Electrical One-Line Diagram:
Provide 3 sets, including any and all revisions or changes as they are made. Diagram(s) must also
include project name and address, show generator size and all protective relaying and control
equipment, as well as electric service entrance and Utility meter.

Electrical Three-Line Diagram:
Provide 3 sets, including any and all revisions or changes as they are made. Diagram(s) must also
include project name and address, show generator size and all protective relaying and control
equipment, as well as electric service entrance and Utility meter, and include all neutral and
ground conductors and connections.

Detailed Map:
Provide 3 sets of detailed maps, including any and all revisions or changes as they are made.
Maps should show major cross streets and proposed plant location, and include the street address.

Site Plan:
Provide 3 sets of site plans, including any and all revisions as they are made, showing the
arrangement of the major equipment, including the electric service entrance section and Utility
meter, location of generator and interface equipment, and location of the Disconnect Switch.
Include the street address, and location of the any lock-boxes, etc.

Point of Contact
If the interconnection and start-up process is to be coordinated through a party or individual other
than the Customer, provide the name, company, address and phone number of that individual or
party with whom the Utility is to coordinate the interconnection.
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INTERCONNECTION REQUIREMENTS FOR DISTRIBUTED GENERATION
J

APS Interconnection Requirements for Distributed Generation Statement of
Ownership

This Interconnection Requirements manual is owned and maintained by the APS Interconnection
Engineering & Power Quality team. Originally published by APS in June 1985, this document
continues to be updated from time to time in order to address ongoing issues such as evolving
industry standards, industry recommended practices, safety concerns, technology advancements,
and various regulatory requirements. This document is updated and approved via committee with
input from various internal and external groups. Internal input is typically obtained from APS
departments such as Protection Engineering, SCADA, Operations, Meter Shop, Legal, Regulatory,
Program, Technical Projects, Safety and Interconnection. External input is obtained from various
industry experts and interested parties, including Generating Facility designers and installers,
consulting engineers, electric utilities, and equipment manufacturer representatives. Any questions or
suggestions regarding this document should be directed to the APS Interconnection Engineering and
Power Quality team.

Arizona Public Service Company - Revision 8.1
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INTERCONNECTION REQUIREMENTS FOR DISTRIBUTED GENERATION

1 INTRODUCTION
This document specifies the minimum requirements for safe and effective operation of any
Distributed Generation electrically interconnected (or paralleled) with the Arizona Public Service
Company (APS) radial distribution system (21 kV or less). APS Customers and/or Customer's
authorized representatives and APS personnel shall use this document when planning for the
installation of any Backup Generator or GF. Application for interconnection is made by completing
and submitting to APS the applicable Interconnection Application specified in Section 17 of this
document.

Installations that are directly connected to the transmission system or sell power for resale, except
in limited circumstances described later, have additional APS requirements. In such cases an
interconnection application may need to be made in accordance with APS' Open Access
Transmission Tariff ("OAllT'). Further information can be obtained by accessing the following
website: http://www.oatioasis_.com/azps/index.html and clicking on the link entitled Applications.

If a generator interconnects to the APS transmission system (higher than 21 kV), and is not
subject to APS' OATT, such interconnection may be performed in accordance with this document.
APS will work with Customer and advise of additional requirements.

These requirements may not cover all details in specific cases. This document must be applied in
conjunction with the following APS documents that pertain to the parallel operation of Customer-
owned Distributed Generation with the APS System:

¢ Schedule #1, Terms and Conditions for Standard Offer and Direct Access.
• Schedule #2, Terms and Conditions for Energy Purchases from Qualified Cogenerators and

Small Power Production Facilities.

• Schedule #4, Totalized Metering of Multiple Service Entrance Sections at A Single Site for
Standard Offer and Direct Access Service.

Schedule #5, Guidelines for Electric Curtailment.

Schedule #6, Interconnection Services and Fees for Non-FERC Generation Facilities.

APS Electric Service Requirements Manual ("ESRM").

The Service Schedules listed are available on the following website link:

•

•

•

http:// eps.com/en/Q4rcomqany/ratgs_reguIaggnsresoqrceslsqwiceplanipformation/Pages/business-sheets_.q§p>g

The ESRM is available at: http://www.aps.com/ESRM

The minimum required protective relaying and/or safety devices and requirements specified in this
document, are for protecting only APS facilities and the equipment of other Customers from
damage or disruptions caused by a fault, overcurrent condition, malfunction or improper operation
of the GF. These requirements are also necessary to ensure the safety of utility workers and the
public. Minimum protective relaying and interconnection requirements do not include additional
relaying, protective or safety devices as may be required by industry and/or government codes
and standards, equipment manufacturer requirements and prudent engineering design and
practice to fully protect the Customer's GF; those are the sole responsibility of such Customer.

Arizona Public Service Company - Revision 8.1
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INTERCONNECTION REQUIREMENTS FOR DISTRIBUTED GENERATION

Check with APS for the latest revision prior to commencing your project.

APS is committed to ensuring that interconnection applications are handled promptly, and to do
everything possible to complete the interconnection process in a safe and timely manner. At APS,
we look forward to working with you to ensure a successful generation project.

In addition to all applicable regulatory, technical, safety, and electrical requirements and codes,
which are not contained in their entirety in this document, Customers are also subject to
contractual and other legal requirements, which may only be summarized or referenced in this
document. Those regulations, requirements, contracts and other materials contain complete
information concerning interconnection and govern over the general provisions in this document.

The technical interconnection requirements outlined in this document also apply to any
interconnected utility-owned or operated GF.

This document as well as the various Agreements and rate schedules, is subject to revision from
time to time.

Arizona Public Service Company - Revision 8.1
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INTERCONNECTION REQUIREMENTS FOR DISTRIBUTED GENERA;rlON

2 DEFINITIONS

The following capitalized terms, as used in this document, shall have the meanings
specified:

Advanced Metering Infrastructure (AMI): The APS-owned Metering system whereby electrical
meters transmit electric usage and other data via a radio and/or cell phone communication system
to a central data collection system.

Agreement: See "Interconnection Agreement."

AHJ: Authority Having Jurisdiction, the organization, office, or individual responsible for enforcing
the requirements of a code or standard or for approving equipment, materials, an installation, or a
procedure.

AMI: See "Advanced Metering Infrastructure".

ANSl:American National Standards Institute. Seewvvw.an_si.org.

Application:The standard form as specified in Section 17 for applying to interconnect a GF with
the APS System also referred to as the "Interconnection Application".

APS: Arizona Public Service Company.

APS Interconnection Requirements: The requirements set forth in this document entitled
Interconnection Requirements for Distributed Generation Arizona Public Service Company" and
all additional requirements that are referenced in this document.

APS System (also referred to as the "APS System" or "Utility System"): Refers to APS'
Electrical Transmission or Distribution System.

Arizona Corporation Commission ("ACC" or "Commission"): The regulatory agency of the
State of Arizona having jurisdiction over public service corporations, including APS, operating in
Arizona.

Backfeed: To energize any section of the APS System from an electric source other than the
normal utility source.

Backup Generator: An independent power generation source or sources located at a
Customer's facility installed for the sole purpose of supplying on-site generated power to selected
loads upon failure or outage of the normal Utility source. A Backup Generator shall be understood
to include Critical, Emergency and Standby Power Systems as defined in IEEE Std. 446 and the

Behind the Meter: A term used to describe a power generation application in which the GF
generation is not directly interconnected to the APS System but rather, to a Customer-owned
electric system that is itself electrically connected to APS System via an APS retail billing meter.

Bi-directional Meter: A meter having two separate metering registers, one to record electricity
delivered to Customer and the other to record electricity received from Customer.

Business Day: Monday through Friday, excluding Federal and Arizona State holidays.

Clearance: A Clearance is a statement by one having complete authority over all parts of a circuit
or piece of electrical equipment that said circuit or equipment is disconnected from all known
sources or power. It is assurance that all proper precautionary measures have been taken and
workers may proceed with grounding the circuit.

Arizona Public Service Company -. Revision 8.1

Prin€e8 Copies 89 for Reference §8'urpose Only. Refer to Electronic: Copy for Latest Version.
Page 5 of 86

Lu



C

INTERCONNECTION REQUIREMENTS FOR DISTRIBUTED GENERATION

Clearance Point: The physical location on a section of a power line or equipment that is to be
visibly disconnected from all known power sources of power.

Closed Transition Transfer (CTT): The transfer of electrical load between two power sources
(normally the Utility grid and Customer's Generator) in which the power sources electrically
synchronize and parallel for a period of time to transfer load between the power sources without
interrupting power to the load. This is also referred to as a "make-before-break" Transfer Switch or
Scheme. A CTT may be accomplished by either a Momentaiy Parallel Transition or a Smooth
Parallel Transition.

Cogeneration Facility: Any facility that sequentially produces electricity, steam or forms of useful
energy (e.g., heat) from the same fuel source and which are used for industrial, commercial,
heating, or cooling purposes.

Continuous Parallel: A GF that electrically parallels with the APS System for more than 15
seconds.

Customer: A Customer is considered to be an APS account holder or APS "Customer of Record"
that receives electric service from APS and which may also generate electricity at the property
receiving electric service. A Customer shall be understood to include any independent party or
entity that either invests in, owns or operates the GF including without limitation its grantees,
lessees or licensees.

Dedicated Utility Feeder: A Distribution System feeder placed into service with the sole purpose
of serving a single Customer. A non-Dedicated utility feeder (sometimes referred to as a "Shared
Feeder") serves multiple Customers.

DG: See "Distributed Generation".

Disconnect Switch: A visible open disconnect device that Customer is required to install and
maintain in accordance with the requirements set forth in this document. It will completely isolate
Customer's GF from the APS System, including the Utility metering equipment located at the SES.

Distributed Generation (DG): Any type of electrical  Generator, Static Inverter or GF
interconnected with the APS System that either (a) has the capability of being operated in
electrical parallel with APS' System, or (b) can feed a Customer load that can also be fed by the
APS System. A Distributed Generation facility is also referred to as a "Generating Facility" or "GF"
in this document.

Distribution System: The infrastructure constructed, maintained, and operated by APS to deliver
electric service at the distribution level (21 kV or less) to retail Customers. This is also referred to
as the APS System or Aps' System.

Electric Service: Service provided by APS to Customer in accordance with all applicable APS
requirements, including but not necessarily limited to APS Service Schedule t ("Terms and
Conditions for Standard Offer and Direct Access Services") and the APS ESRM, whereby electricity
may be delivered by APS to Customer, or electricity may be received by APS from Customer.
The APS Service Schedules are available at:
http://www.aps.com/en/ourcompanv/ratesregulationsresources/serviceplaninformatiorl/Pages/home.aspx

EMS Meter (Energy Management System Meter): A Bi-Directonal Meter installed at the
Generating Facility SES that measures and records instantaneous Watts, kA, kVAsS, Volts,
Power Factor, Amps, and cumulative kph which has the capability to transmit such data via a
Remote Terminal Unit back to APS for planning, forecasting and billing purposes.

ESRM: APS Electric Service Requirements Manual. See http://www.aps.com/ESRM.
Arizona Public Service Company - Revision 8.1
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INTERCONNECTION REQUIREMENTS FOR DISTRIBUTED GENERATION

Electric SupplylPurchase Agreement: An agreement, together with appendices, signed
between APS and Customer covering the terms and conditions under which electrical power is
supplied to and/or purchased from APS.

Fault Current: The level of current that can flow if a short circuit is applied to a voltage source.

FERC: Federal Energy Regulatory Commission.

Generating Facility (GF): All or part of Customer's electrical Generator(s) together with all
protective, safety, and associated equipment and improvements associated with the
interconnection to, or operation in conjunction with, the APS System. A GF shall be understood to
include a facility with a Backup Generator.

Generator: A Rotating Machine or Static Inverter used to produce electrical power.

GF: See "Generating Facility".

Good Utility Practice: Any of the practices, methods, and acts engaged in or approved by a
significant portion of the electric industry during the relevant time period, or any of the practices,
methods, and acts which, in the exercise of reasonable judgment in light of the facts known at the
time the decision was made, could have been expected to accomplish the desired result at a
reasonable cost consistent with good business practices, reliability, safety, and expedition. Good
Utility Practice is not intended to be limited to the optimum practice, method, or act to the
exclusion of all others, but rather to be acceptable practices, methods, or acts generally accepted
in the region.

IEEE: The Institute of Electrical and Electronic Engineers. See http://www.ieee.org/index.html .

Interconnection: The physical connection of Customer's GF with the APS System.

Interconnection Agreement (also referred to as an "Agreement"): An agreement, together with
appendices, signed between APS and Customer, covering the terms and conditions governing the
Interconnection and parallel operation of the GF with APS.

Interconnection Application (refer to "Application"): An application form and all supplementary
information specified and attached within this document.

Interconnection Generation Design Review Agreement: An agreement saned between APS
and Customer covering the terms for APS to proceed with a detailed study (i.e. Interconnection
Study) of the impact of Customer's DG on the APS System.

Interconnection Study: A study or studies that may be undertaken by APS (or an APS
designated third party) in response to its receipt of a completed Application for Interconnection
and parallel operation with the APS System. Interconnection studies may include, but are not
limited to, Interconnection Feasibility Studies, System Impact Studies, and Facilities Studies.

Island: A condition in which a portion of a Utility electric power system is energized solely by one
or more local electric power systems throughout the associated Point of Interconnection while that
portion of the Utility electric power system is electrically separated from the rest of the Utility
electric power system.

Main-Tie-Main (or Main-Tie-Tie-Main): A Transfer Scheme consisting of two main power source
breakers and one or two tie breakers, designed such that electrical load can be transferred
between two power sources.

Metering: The function related to measuring the transfer of electric power and/or energy.

Arizona Public Service Company - Revision 8_1
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INTERCONNECTION REQUIREMENTS FOR DISTRIBUTED GENERATION

required protective relaying and/or safety devices or requirements specified in this document

Momentary Parallel Transition:

Net Metering:

Non-Parallel Connection Agreement:

Operations Center: A

Microgrid: A group of interconnected loads and distributed energy resources with clearly defined
electrical boundaries that acts as a single controllable entity with respect to the grid and can
connect and disconnect from the grid to enable it to operate in both grid connected or island
mode.

Minimum Protective Devices, Relays, and Interconnection Requirements: The minimum
, as

may be revised from time to time, for the purpose of protecting only APS and its other customer
facilities from damage or disruptions caused by a fault, malfunction or improper operation of
Customer's GF. Minimum Protective Relaying and Interconnection Requirements do not include
relaying, protective or safety devices as may be required by industry and/or government codes
and standards, equipment manufacturers and prudent engineering design and practice to fully
protect Customer's GF or facilities, those are the sole responsibility of Customer.

A form of Closed Transition Transfer in which the transfer of
electrical load between two power sources occurs by electrically paralleling the power sources for
a brief period of time in order to effect a rapid transfer of load between the power sources. A
Momentary Parallel Transition is accomplished by paralleling the power sources for a period not to
exceed ten cycles.

NEC: National Electric Code. See www.necdirect.org.

NEMA: National Electrical Manufacturers Association. See http://www.nema.org.

NERC: North American Electric Reliability Corporation. See http://www.nerc.com.

A billing process whereby an electric "net metering" rate allows energy delivered
by a Customer into the electric grid to be netted with energy received by Customer from the grid
over the billing period. A Bi-directional meter is required to be installed in the SES in order to
effect Net Metering.

NFPA: National Fire Protection Association. See http://www.nfpa.org

An agreement, together with appendices, signed between
APS and Customer, covering the terms and conditions governing the non-parallel connection and
operation of the GF with APS.

NRTL: Nationally Recognized Testing Laboratory.

Customer owned facility in which monitoring and/or control of the
Generating Facility occurs. The Operations Center can be a combination of automatic and manual
controlled/monitored devices (i.e. relays, generator controllers, switches, etc...) to ensure the
reliability and safe operation of the GF. The operations center is generally manned 24-7 and shall
be reachable via APS.

The transfer of electrical load between two power sources (normally
the Utility grid and Customer's Generator) in which the power sources are prevented from being
electrically paralleled or interconnected with each other. Also referred to as a "break-before-make"
transfer switch or scheme. An Open Transition transfer results in a momentary loss of power to
the load from the two sources during the transfer (an Uninterruptible Power Source is sometimes
used to prevent loss of power to the load or part of the load).

OSHA: Occupational Safety and Health Administration. See http://www.osha.gov.

Open Transition Transfer:

Arizona Public Service Company - Revision 8.1
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INTERCONNECTION REQUIREMENTS FOR DISTRIBUTED GENERATION

Parallel System: A GF that can be electrically interconnected to a bus common with the Utility's
electric power system, and can operate in electrical parallel either on a momentary or continuous
basis.

Partial Requirements Service: Electric service provided to a Customer that has on-site
interconnected generation whereby the output from its electric Generator(s) first supplies its own
electric load requirements with any excess generation (over and above Customers own load
requirements at any point in time) then being back-fed into the APS System. APS supplies any
supplemental electric load requirements of Customer (those not met by Customer's own
generation).

Potential Open Point: For the purpose of this document, a Potential Open Point constitutes any
circuit breaker, contactor, switch or similar device that can be opened and/or closed, and which is
not equipped with either a sync check or synchronizing function.

Production Meter: An APS-owned electric meter installed at a Generating Facility and configured
so as to record the energy output of the GF Generator or Generators. The Production Meter will
be an AMI type, unless otherwise specified by APS.

Point of Interconnection (POI): The physical location where APS' service conductors are
connected to a Customer's conductors, bus, and/or service equipment to allow parallel operation
of Customer's GF with the APS System. Also referred to as the Point of Common Coupling
(POCC).

POI: See "Point of Interconnection".

Primary Network: An AC power distribution system that uses two or more dedicated primary
voltage feeders, connected in parallel, to simultaneously supply power to one Customer. The
system includes automatic protective devices intended to isolate faulted primary feeders, while
maintaining uninterrupted service to Customer sewed from the other primary feeder circuit(s).

QF: See "Qualifying Facility".

Qualifying Facility (QF): Any Cogeneration or Small Power Production Facility that meets the
criteria for size, fuel use, efficiency, and ownership as promulgated in 18 CFR, Chapter I, Part
292, and Subpart B of the Federal Energy Regulatory Commission's Regulations.

Radial Line: A distribution line that originates from a substation and is normally not connected to
another substation or another circuit sharing the common supply of electric power.

Readily Accessible: Capable of being reached quickly and conveniently on a 24 hour basis
without requiring climbing over or removing obstacles, obtaining special permission, keys or
security clearances.

Reclosing: The act of automatically re-energizing a utility power line in an attempt to restore
power following a fault on the line.

Relay: An electric device that is designed to interpret input conditions in a prescribed manner and
after specified conditions are met to respond to cause contact operation or similar abrupt change
in associated electric control circuits.

Rotating Machine: An induction or synchronous machine (or machines) used to generate
alternating current (AC) electric power.

Secondary Spot Network System: An AC power distribution system in which a Customer is
simultaneously served from three-phase, four-wire low-voltage (typically 480V) circuits supplied by
two or more network transformers whose low-voltage terminals are connected to the low-voltage
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INTERCONNECTION REQUIREMENTSFGR DISTRIBUTED GENERATION

circuits through network protectors. The low voltage circuits do not have ties to adjacent or nearby
secondary network systems. The secondary spot network system has two or more high-voltage
primary feeders. These primary feeders are either dedicated network feeders that serve only other
network transformers, or a non-dedicated network feeder that serves radial transformers in
addition to the network transformer(s), depending on network size and design. The system
includes automatic protective devices and fuses intended to isolate faulted primary feeders,
network transformers, or low-voltage cable sections while maintaining uninterrupted service to
Customers sewed from the low-voltage circuits.

Separate System: The operation of a GF that has no possibility of operating in parallel with, or
potentially back-feeding onto, the APS System.

Service Entrance Section (SES): The Customer-owned main electrical panel or equipment
located at its premises to which the Utility delivers electric energy via the Utility service drop or
service lateral.

SES: See "Service Entrance Section".

Site Inspection (or APS Site Inspection): verification performed by an APS qualified
representative (inspector) prior to granting permission to parallel/operate a Generating Facility
(GF). The inspection may include, but not limited to, verification that the GF is in compliance with
the NEC as adopted by the local AHJ, meets all APS ESRM and Interconnection requirements,
and other applicable local and/or national safety codes.

Small Power Production Facility: A facility that uses primary biomass, waste or renewable
resources, including wind, solar, and water to produce electric power.

Smooth Parallel Transition: A form of Closed Transition Transfer in which the transfer of
electrical load between two power sources occurs by electrically synchronizing and paralleling the
power sources for a period of time in order to effect a smooth loading (sometimes referred to as
"soft loading") or unloading of the respective power source. A Smooth Parallel Transition is
normally accomplished by paralleling the power sources for a period of 5 to 10 seconds.

Source Device: An electrical device (e.g. switching cabinet, primary transition, or primary
metering device) which is directly powered by an APS Distribution System circuit or feeder at
distribution level voltage (21 kV or less).

Source Transfer Equipment: Equipment specifically designed and installed to transfer electrical
load between two separate power sources. Such equipment may consist of either a Transfer
Switch which must be tested and certified to UL 1008/1008A, or a custom engineered Transfer
Scheme which is not listed to UL 1008/1008A. The load transfer may be accomplished via either
an Open Transition Transfer or via a Closed Transition Transfer.

Static Inverter: An electronic device (or devices) used to convert direct current (DC) power into
alternating current (AC) power.

Totalized Metering: The measurement for billing purposes on the appropriate rate, through one
meter, of the simultaneous demands and energy consumption of a Customer who receives
electric service at more than one SES at a single site in accordance with APS Service Schedule 4.

Transfer Scheme: Source Transfer Equipment which is specifically engineered and custom
designed for the purpose of transferring electrical load from one power source to another.
Transfer Schemes are generally not tested to UL 1008/1008A.
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INTERCONNECTION REQUIREMENTS FOR DISTRIBUTED GENERATION

Transfer Switch: Source Transfer Equipment which may be automatically or manually operated
for the purpose of transferring electrical load from one power source to another. Transfer
Switches must be certified and tested to UL 1008/1008A.

Transfer Trip Scheme: A form of remote trip in which a communication channel is used to
transmit a trip signal from the relay location (e.g. utility substation) to a remote location (e.g. GF).

Transmission System: Utility-owned high-voltage lines (69 kV or higher) and associated
equipment for the movement or transfer of electric energy between power plants and the
Distribution System.

UL: Underwriters Laboratories Inc. See http://www.ul.com.

UL Listed: Equipment identified herein that is required to be tested and certified to an applicable
UL Standard and which shall also be listed and labeled according to Section 110.3 of the NEC.

UL 98: UL Standard for Enclosed and Dead-Front Switches

UL 1008: UL Standard for Transfer Switch Equipment.

UL 1008A: UL Standard for Medium Voltage Transfer Switches.

UL 1741: UL Standard for Inverters, Converters, Controllers and Interconnection System
Equipment for Use with Distributed Energy Resources.

Utility: The electric power company (in this case APS) that constructs, operates and maintains its
electrical power system for the receipt and/or delivery of electric power.

Utility System: See "Aps System".

Utility-grade Relays: Relays specifically designed to protect and control electric power
apparatus, tested in accordance with the following ANSI/IEEE standards:

(1) ANSI/IEEE C37.90-1989 (R1994), IEEE Standard for Relays and Relay Systems
Associated with Electric Power Apparatus.

(2) ANSI/IEEE C37.9.01-1989 (R1994), IEEE Standard Surge Withstand (SWC) Tests for
Protective Relays and Relay Systems.

(3) ANSI/IEEE C37.90.2-1995, IEEE Standard Withstand Capability of Relay Systems to
Radiated Electromagnetic Interference from Transceivers.

Western Electricity Coordinating Council. See https://www.wecc,biz

A GF connected directly to the APS System that sells energy and
capacity directly to a utility under a power purchase contract.

WECC:

Wholesale Generation:
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INTERCONNECTION REQUIREMENTS FOR DISTRIBUTED GENERATION

3 APS POLICY ON CUSTOMER-OWNED GENERATION

Any Customer qualifying as a QF under the Public Utility Regulatory Policies Act (PURPA) of 1978
may operate i ts  GF in paral le l  wi th the APS System provided Customer GF wi l l :

(1) not present any hazards to APS personnel, other Customers or the public,

(2) minimize the possibility of damage to APS and other Customer equipment,

(3) not adversely affect the quality of service to other Customers, and

(4) not hamper efforts to restore a feeder to service (specifically when a Clearance is
required).

Customer must also comply with all of the following prior to paralleling a GF with APS:

(1)

(2)

(3)

The GF must meet all the interconnection, safety, and protection requirements
outlined in this document or as otherwise determined by Ape.

Customer must sign an Interconnect Agreement, as well as an Electric Supply
/Purchase Agreement, as applicable, with APS.

Customer must comply with and is subject to all applicable service and rate
schedules and requirements, rate tariffs and other applicable requirements as
filed with and approved by the Arizona Corporation Commission, and as
otherwise referenced in this document.

(4)
(5)

The GF must be inspected by APS.

Written permission to parallel/operate must be obtained from APS.

Note: When APS issues a permission to parallel/operate letter to Customer, the
letter does not relieve Customer of the responsibility of full compliance with the
APS Interconnection Requirements and all applicable building and safety codes,
a omitting re uirements.nd local pa q

It is APS policy to permit Customer generating equipment with an aggregate generation nominal
nameplate AC rating of less than 1 MW that is not qualified as a QF under PURPA to operate in
parallel with the APS System, provided that all of the conditions outlined above are complied with
and Customer does not fall under FERC jurisdiction.

APS requires any GF (other than a Backup Generator), that is not owned by APS, interconnecting
with the APS System, with an aggregate nominal AC nameplate rating of greater than 1 MW to
provide documentation acceptable to APS (including FERC Form 556), that confirms the GF has
achieved Qualifying Facility status under 18 CFR, Chapter 1, Part 292, Subpart B, including,
without limitation, §292.207 of the FERC's regulations, as amended.
This self-certification will be required from all QF's, regardless of the voltage at the Point of
Interconnection.

An exception to the self-certification requirement in the paragraph above is granted for
GFs that are: 1) installed in Behind the Meter installations, and 2) not expected to ever
produce more energy from the GF than is consumed by the host Customer's facility on any
12 month calendar basis.
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The links to FERC for "Frequently Asked Questions" and "Form 556" are listed below:

http://www.ferc.gov/help/faqs/qf-faqs.asp.

http://www,ferc.gov/docs-filing_/forms/form-556/form-556-pdf

Due to relay coordination and potential back-feed problems, APS cannot permit any DG with an
AC nameplate output rating of greater than 10 kW to be connected to a Primary or Secondary
Spot Network System, without a detailed Interconnection Study being undertaken at Customer's
expense to determine, among other things, special relaying, communication channels and other
operational constraints that need to be implemented. A DG connected to either a Primary or
Secondary Spot Network system will nonetheless not be permitted to back-feed any power into
the APS System.

The minimum protective and safety devices (relays, circuit breakers, disconnect switches, etc.)
specified must be installed and placed into service before allowing parallel operation of
Customer's GF with the APS System. These devices isolate Customer's generating equipment
from the APS System whenever faults, over-current conditions, or disturbances occur, as well as
for maintenance purposes. Modifications to the APS electrical system configuration or protective
equipment may also be required at the expense of Customer in order to accommodate parallel
generation.

APS will not assume any responsibility for the protection of Customer's generator(s), or of any
other portion of Customer's electrical equipment. Customer is fully and solely responsible for
protecting its equipment in a manner to prevent any faults or other disturbances from damaging,
or otherwise adversely affecting, the operation of Customer's equipment.

In addition to complying with all required codes, ordinances and statutes, Customer must obtain
an electrical permit and inspection indicating that Customer's GF complies with the NEC, as
adopted by the AHJ. In the event that a Customer's GF is located in a locality where there is no
AHJ, or the AHJ does not issue a permit or perform an inspection of the GF, then Customer will be
required to sign a "Letter-in-Lieu of Electrical Clearance". APS will forward this letter for
Customer's notarized signature.

APS can disallow the interconnection of a Customer's GF if, upon review of Customer's design, or
as the result of a Site Inspection, it determines that the proposed design is not in compliance with
applicable safety codes, as it could constitute a potentially unsafe or hazardous condition.

If APS believes that there may be a potential safety issue or code violation then APS reserves the
right to forward the GF diagrams to, and/or discuss same with, the AHJ.
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INTERCONNECTION REQUIREMENTS FOR DISTRIBUTED GENERATION

4 DISTRIBUTED GENERATION TYPES
Distributed generators include induction and synchronous electrical generators as well as any type
of Static Inverter capable of producing AC power. A Separate System is one so designed that the
generation never interconnects (operates in electrical parallel) with, or is capable of ever back-
feeding, the APS System. A Parallel System is one where a Generator can electrically parallel, or
has the potential to be paralleled with the APS System. Such parallel operation may be performed
on either a momentary or on a continuous basis.

Customer may elect to configure its Generator as a Separate System with open transition transfer
of load between two independent power systems as described in Section 4.1, or Customer may
configure its Generator to run in parallel with the APS System as is described in Section 4.2.

4.1 Separate System

A Separate System is one in which there is no possibility of electrically connecting or
paralleling a Backup Generator with the Utility System, or of a Backup Generator otherwise
posing a potential risk of back-feeding the Utility System. Load must be transferred
between the two power systems by utilizing a Transfer Switch specifically designed to
operate in an Open Transition Transfer mode. The Transfer Switch must always disconnect
the load from the APS System prior to connecting it to the Generator. Conversely, the
Transfer Switch must also disconnect the load from the Generator prior to re-connecting it
with the APS System. These requirements apply to both actual emergency operations as
well as to testing the Generator.

The Transfer Switch shall satisfy either one of the following design conditions:

(1) It must be tested and certified to UL 1008 (or UL 1008A), and/or

(2) It must be a true double-throw, fail-safe mechanical throw-over design which inherently
precludes any possibility of the Utility and Generator sources from ever being connected
together, even in the event of a switch failure such as welded contacts at one of the
power source switch contacts. Note that a Transfer Switch or Transfer Scheme
comprised of two interlocked electrical breakers or contactors_ will not_ meet this
requirement, irrespective of how they may be interlocked. The Transfer Switch shall be
manually operated and be tested and certified to UL 98.

In addition to meeting either of the design conditions specified above, the Transfer Switch
installation shall also meet the following requirements in order to qualify as a Separate
System:

(1) The Transfer Switch must be a permanent installation in the facility and must be
inspected by the AHJ.

(2) The normal source (utility) electrical conductors and the emergency (generator)
electrical conductors feeding the Transfer Switch shall not be routed in the same
conduit or raceway or in any way share a common enclosure except inside the
approved Transfer Switch.

An Open Transition Transfer Switch or Scheme that does not satisfy the requirements for a
Separate System as outlined above, constitutes a potential back-feed source to the APS
System. As such, APS has certain requirements that must be adhered to. These are
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INTERCONNECTION REQUIREMENTS FOR DISTRIBUTED GENERATION

described in Section 13 of this document. Also refer to Section 104.11 of the APS ESRM
for further details.

If Customer claims a Separate System, APS may require verification that the Transfer
Switch and its installation are in accordance with these requirements.

Note.. Portable generators are normally not designed to be connected to a building's
permanent wiring system, and are not to be connected to any such wiring unless approved
Source Transfer Equipment is used and the installation is inspected by the AHJ. Opening a
source circuit breaker or disconnect switch (such as the main breaker in an SES) in order
to connect a portable generator is prohibited. Failure to use approved Source Transfer
Equipment can result in back-feed into the APS System - the generator voltage can be
stepped up to a very high voltage through the APS transformer. This can pose a potentially
fatal shock hazard to anyone working on the Utility power lines or equipment.

4.2 Parallel System

In a Parallel System, a Generator is connected to a bus common with the APS System, and
a transfer of power between the two systems is a direct result. A consequence of such
interconnected operation is that Customer's Generator must be considered in the electrical
protection and operation of the APS System.

A Parallel System encompasses any type of Generator or GF that can electrically parallel
with, or potentially back-feed the APS System. This includes any GF using a Closed
Transition Transfer Switch or Transfer Scheme as well as any Static Inverter that can be
configured or programmed to operate in a "utility interactive" mode.

APS has specific interconnection, inspection and contractual requirements, as outlined in
this document that must be complied with and information that needs to be submitted for all
interconnected generators. These requirements include a "visible open" Disconnect Switch
meeting certain requirements to isolate Customer's System from the APS System, as well
as protective relaying, metering, special rate schedules, and other safety and information
requirements. Customer will be responsible for having the GF protective schemes tested
by a qualified testing/calibration company. APS personnel will inspect the system and
Customer will be required to sign an Interconnect Agreement and, if applicable, an Electric
Supply/Purchase Agreement with APS.

In certain instances, APS and Customer will need to sign a "Non-Parallel Connection
Agreement" and/or an "Operating Agreement". APS will advise Customer of requirements
after reviewing the proposed design.

APS does not extend "blanket approval" to any specific type of Generator or generation
scheme since each project is site specific and needs to be reviewed on a case-by-case
basis.

In addition to the various other requirements specified in this document, Parallel Systems
shall specifically comply with the technical requirements outlined in the Interconnection
Technical Requirements section (Section 8) of this document.
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INTERCONNECTION REQUIREMENTS FOR DISTRIBUTED GENERATION

5 CUSTOMER RESPONSIBILITIES
5.1 The Customer is responsible for all facilities required to be installed solely to interconnect

the Customer's generation facility to the APS System. This includes connection,
transformation, switching, protective relaying, metering and safety equipment, including a
visibly-open Disconnect Switch and any other requirements as outlined in this document,
the ESRM and applicable rate schedules as well as any other special items specified by
APS. All such Customer facilities are to be installed by the Customer at the Customer's
sole expense. In the event that additional facilities are required to be installed on the APS
System to accommodate the Customer's generation, APS will install such facilities at the
Customer's expense. APS may also charge the Customer for any administrative costs
and/or the costs of studies required to interconnect the Customer's generation.

5.2

5.3

5.4

Customer will own and be responsible for designing, installing, operating and maintaining:

(1) The GF in accordance with the requirements of all applicable electric codes, laws
and governmental agencies having jurisdiction.

(2) Control and protective devices, in addition to minimum protective relays and
devices specified in this document, to protect its facilities from abnormal
operating conditions such as, but not limited to, electric overloading, abnormal
voltages, and fault currents. Such protective devices must promptly disconnect
the generating facility from APS' system in the event of a power outage on APS
System. (From APS Service Schedule 2)

(3) Interconnection facilities on Customer's premises which may be required to
deliver power from Customer's GF to the APS System at the Point of
Interconnection.

Due to risks associated with interconnecting and operating a GF with the APS System,
such as serious bodily injury, death or property damage, it is recommended that every
Customer protect itself with insurance or other suitable financial instrument sufficient to
meet its construction, operating and liability responsibilities. A Customer should consult
with its insurance advisor to determine what issues may be posed by the installation of the
GF, since current policies may not have contemplated its addition, and changes may need
to be made to the existing insurance policy to include coverage of the GF itself and the
consequences of its operation. APS does not require that the Customer negotiate any
policy or renewal of any policy covering any liability through a particular insurance provider,
agent, solicitor or broker.

Any Customer operating a static inverter based GF with an aggregate nominal AC output
rating of greater than 2 MW, or operating a Rotating Machine(s) with an aggregate nominal
AC output rating of greater than 50 kW shall, at its own expense, maintain in force general
liability insurance without any exclusion for liabilities related to the interconnection
undertaken pursuant to the Interconnection Agreement. The amount of insurance shall be
sufficient to insure against all reasonably foreseeable direct liabilities given the size and
nature of the GF being interconnected, the interconnection itself, and the characteristics of
the system to which the interconnection is made. Customer shall obtain additional
insurance only if necessary as a function of owning and operating a GF. Insurance shall be
obtained from an insurance provider authorized to do business in Arizona. Certification that
insurance is in effect shall be provided upon APS' request, except that Customer must
show proof of the insurance to APS no later than ten (10) business days prior to the date

Arizona Public Service Company - Revision 8,1

Prinieé Copies are for Reference Purpose Only. Refer to électronia Copy tar é88e28 Version,
Page 16 of 86

III l



INTERCONNECTION REQUIREMENTS FOR DISTRIBUTED GENERATION

5.5

5.6

upon which the GF commences interconnected operation with the APS System. If
Customer is determined by APS to be of sufficient credit-worthiness, Customer may
propose to self-insure for liabilities.

interconnected Customers will be required to sign an Interconnection Agreement in addition
to any other agreements that may be applicable. Customers that connect a static inverter to
the utility, and which will be programmed so as not to back-feed into the utility system (i.e.
non-utility interactive mode), will need to sign a Non-Parallel Connection Agreement with
APS, since such an arrangement can constitute a potential back-feed source. Customers
that purchase power from, or sell power to, APS may be required to sign an Electric
Supply/Purchase Agreement.

In the event that Customer's facility is fed by more than one APS electrical service,
Customer shall:

(1)

(2)

Have controls and operating procedures that are acceptable to APS to ensure
that services will never be paralleled, and

Ensure that the GF is never connected to an electrical service other than the one
specified in Customer's Interconnection Application and/or Interconnection
Agreement. Additional information is given in Section 104.12 "Protection and
Isolation Requirements for Multiple Utility Services to a Customer Facility" of the
APS ESRM.
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6 MUTUAL UNDERSTANDINGS
6.1 Interconnections

APS will not install or maintain any lines or equipment on a Customer's side of the Point of
Interconnection (POI), except it may install electric meters and at times research
equipment. Only authorized APS employees (with credentials to identify their company
affiliation) may make and energize the service connection between the APS System and
Customer's service entrance conductors.

6.2 Easements and Rights of Way
Where an easement or right of way is required to accommodate the interconnection,
Customer must provide to APS suitable easements or rights of way, in APS' name, on the
premises owned, leased or otherwise controlled by Customer. If the required easement or
right of way is on another's property, Customer must obtain and provide to APS a suitable
easement or right of way, in APS' name, at Customer's sole cost and in sufficient time to
meet the Interconnect Agreement requirements. All easements or rights of way must be on
terms and conditions acceptable to Aps.

6.3 Rate Schedules
The rate applicable to the interconnection of a Customer's GF will depend on the system
size, type and configuration. Refer to section 10 of this document for the rate schedules
applicable to Distributed Generation. Because of varied and diverse requirements and
operating modes associated with the interconnection, Customer must evaluate and
determine which system configuration and electric rate is most appropriate and if it qualifies
for the particular rate. Customer remains fully responsible for such matters, APS assistance
or information should not be taken as constituting any representation or warranty about any
particular option.

Any energy purchases from Customer's facility will be in accordance with the rate schedule
and/or an Electric Supply/Purchase Agreement, any changes required by law or regulation,
and rates authorized by law. Generating facilities with requirements of unusual size or
characteristics may require special rate and contract arrangements.

APS will not be obligated to buy energy or capacity from a Customer if the purchase would
result in greater cost to APS than if APS generated the energy itself or purchased it from
another source. APS will give reasonable notice so that Customer may discontinue
deliveries to APS or may opt to sell energy to APS at a lower rate.

6.4 ACC Jurisdiction
The rates, terms or other contract provisions governing the electric power sold to a
Customer or purchased from Customer by APS are subject to the jurisdiction of the ACC.
APS retains at all times and without restriction the right to file a unilateral ACC application
for a change in requirements, charges, classification, or service, or any rule, regulation or
agreement as allowed by law.
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7 DESIGN CONSIDERATIONS AND DEFINITION OF CLASSES

Protection requirements are influenced by the size and characteristics of the parallel generator
along with the nature and operational characteristics of the associated APS System. Therefore,
similar units connected to different lines could have different protection requirements based on
varying load conditions, as well as on utility feeder and transformer characteristics.

7.1 Synchronous Units

Synchronous generators are generally capable of supplying sustained current for faults on
the APS System. These units can also supply isolated APS load providing the load is
within the units' output capability.

Reclosing of the Utility power source onto synchronous units must be blocked to prevent
out-of-synch paralleling and must also be prevented from energizing a De-energized utility
line. Automatic reclosing by APS is time-delayed which allows for automatic Customer
Generator separation prior to re-energization of the Utility source.

7.2 Induction Units

Induction generators are basically induction motors that are mechanically driven above
synchronous speed to produce electric power. These units do not have a separate
excitation system and, as such, require that their output terminals be energized with AC
voltage and supplied with reactive power to develop the magnetic flux. Induction
generators are therefore normally not capable of supplying sustained fault current into
faults on the utility system. Such units are generally not capable of supplying isolated load
when separated from the utility system, however, it is possible for an induction generator to
become self-excited if a sufficient amount of capacitance exists at its output terminals.

Under conditions of self-excitation, an induction generator will be capable of supplying
isolated load, providing the load is within the units' output capability. In most cases when
self-excitation occurs it will be accompanied by a sudden increase in terminal voltage. APS
and its other Customers must be protected from out-of-phase closing and over-voltages
that can occur whenever an induction generator becomes self-excited. Induction units
must therefore be designed to automatically separate from the utility system upon loss of
utility voltage and prior to reclosing of the utility feeder.

7.3 Static Inverters

Static inverters convert DC power to AC by means of electronic switching. Switching can
be controlled by the AC voltage of the utility's supply system (line-commutated) or by
internal electronic circuitry (forced-commutated).

Line-commutated inverters are generally not capable of operating independently of the
utility's AC supply system, cannot normally supply any appreciable fault current, or continue
to energize isolated loads provided proper protective functions are in place. To
accommodate such protective functions, any line-commutated inverter that is electrically
paralleled with the APS System shall be tested and certified to UL Standard for Inverters,
Converters and Controllers for use in Independent Power Systems, UL1741 by a NRTL
certified by OSHA to perform the UL1741 test standard.

Forced-commutated, or self-commutated, inverters are capable of energizing load
independently of the utility system. Any forced-commutated inverter, the output of which is
to be directly interconnected with the utility, needs to be specifically designed for that
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purpose. It would need to be designed to accommodate parallel interfacing and operation.
However, it is not anticipated at this time that any forced-commutated inverters will be
interconnected to the utility system. APS would consider this type of interconnection on a
case-by-case basis. Under no circumstance shall the self-commutated output of a "battery
backup" type inverter which is normally designed to energize a subpanel independently of
the utility, be connected to the utility system.

7.4 Definition of Generator Size Classes

The following generator size classifications are used in determining specific minimum
protective requirements for distributed GFs. Specified ratings are for each connection to
the APS System. Customers must satisfy, in addition to the general requirements specified
in this document, the minimum relaying requirements given in this document (Section 8.7)
for each generator class.

Class I 50 kW or less, single or three phase

Class ll 51 kW to 300 kw, three phase

Class Ill 301 koto 5,000 kw, three phase

Class IV over 5,000 kw, three phase
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8 INTERCONNECTION TECHNICAL REQUIREMENTS
The requirements and specifications outlined in this Section are applicable to DG interconnected
for parallel operation (continuous or momentarily) with the APS System, unless otherwise
specified. The protection and safety devices and other requirements specified in this Section are
intended to provide protection for the APS System and its workers, other APS Customers, and the
general public. They are not intended to provide protection for Customer's generation equipment
or personnel. Thjs is the sale responsibility of Customer.

With respect to protection objectives, it is necessary to disconnect a Generator operating in
parallel with the APS System when trouble occurs. This is to:

(1)

(2)

ensure if a fault on the APS System persists, the fault current supplied by
Customer's Generator(s) is interrupted,
prevent the possibility of reclosing into an out-of-sync isolated (islanded) system
composed of the APS System, or  a sect ion thereof,  and Customer 's
Generator(s),
prevent reclosing the Utility source onto Customer's GF that may be out of
synchronism or stalled,
prevent unintentional islanding.

(3)

(4)

The protection requirements are minimal for smaller installations, but increase as the size of
Customer's generation increases. Small installations usually ensure that the Generator is small
compared with the magnitude of any load with which it might become isolated. Thus, for any fault
on the Utility system, Utility protective devices will operate and normally isolate the generation with
a large amount of load, causing voltage collapse and automatic shutdown of the Generator.

Section 11, Additional Requirements for GFs with an Aggregate AC Generation > 1 MW contains
requirements that apply to any GF that is nominally rated to generate 1 MW or more and is
interconnected with the APS System for continuous parallel operation.

For larger installations the probability of isolated operation is higher since the available generation
may be sufficient to carry the entire load, or part thereof, of the local APS circuit. In instances
where the APS System arrangement is that it is possible that the generators will not always be
isolated with comparatively large amounts of load, additional protection and generator shutdown
schemes are required.

Customer is solely responsible for the protection of its equipment from automatic
reclosing by the utility. APS normally applies automatic reclosing to overhead electric
distribution circuits. When the APS source breaker trips, Customer must ensure that its generator
is disconnected from the Utility circuit prior to automatic reclosing by the Utility. The automatic
reclosing on APS distribution feeders is normally delayed by at least 2 seconds. Automatic
reclosing out-of-sync with Customer's Generator may cause severe damage to Customer
equipment and could also pose a serious hazard to Customer or Utility personnel.
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8.1 General Technical Requirements

(A)

(B)

Customer is responsible for obtaining and maintaining all required permits and
inspections indicating that Customer's GF complies with all applicable codes,
ordinances and statutes relating to safety, construction and operation.

Multiple Generator connections on the same Utility service are permitted subject to
APS approval, however, a single Disconnect Switch for the GF will generally be
required (normally located at the SES). If APS approves more than one Disconnect
Switch behind a Utility Service, then the Disconnect Switch shall be labeled per
Section 8.6.2.

(C) A transfer trip scheme, and in some instances, a Dedicated Utility Feeder will be
required at customer expense if the Generator or aggregate Generators:

(1) Are of sufficient size to carry the (minimum) load of APS' distribution feeder, or

(2) Size or physical feeder location could support an isolated (islanded) section of
the feeder.

(D)

If a transfer trip is required, or Customer's aggregate generation is one MW or
greater, a communication channel and telemetering will also be required. These will
be at Customer's expense. Refer to Sections 11 & 16.6 for additional information.
In such instances, APS will need to perform an Interconnection Study to determine
required facilities.

Whenever a synchronous Generator is configured to operate in electrical parallel
with the Utility grid, Customer shall ensure that any Potential Open Point ("Open
Point") located in the circuit between the Generator output and the Utility service is
suitably interlocked to preclude the possibility of a potential out-of-sync closure
occurring between the power sources. A Potential Open Point includes any circuit
breaker, contactor, switch, etc., that is capable of being opened and/or closed, and
which is not equipped with either a sync check or synchronizing function.

A Potential Open Point may be interlocked by installing either of the following:

(1) A keyed or other suitable mechanical interlock that will prevent the Open Point
from ever being opened unless a circuit breaker in the circuit, which is equipped
with either a sync check or synchronizing function, is first opened. This breaker,
when opened, shall immediately break the electrical path between the power
sources.

(E)

(2) An electrical interlock consisting of a set of electrical contacts on the Open
Point which are directly wired to instantaneously trip open a circuit breaker in
the circuit, which is equipped with either a sync check or synchronizing
function, whenever the Open Point is opened. This breaker, upon opening,
shall immediately break the electrical path between the power sources.

If APS is required to install electric meter(s) to record the output of Customers
Generator(s), Customer shall ensure that the design is such that the meter(s) are
located on the utility-side of any Generator breaker on a normally energized bus.
Electronic meters are not designed to be De-energized for any length of time.

Arizona Public Service Company - Revision 8.1
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(F) If a Generator is connected or tapped on the supply (utility) side of an SES service
disconnecting means, as may be permitted by the NEC, the installation is subject to
all applicable NEC requirements and/or requirements adopted by the AHJ. The
required disconnecting means shall also be in accordance with the APS ESRM.

A Supply Side Connection (SSC), also referred to as a Line Side Tap
constitutes a new service as defined by the National Electric Code (NEC), and
is subjected to all applicable NEC requirements and/or requirements adopted
by the Authority Having Jurisdiction (AHJ). In addition, any such connection
must comply with the APS ESRM and Good Utility Practice. The required SSC
service disconnecting means shall also be in accordance with the APS ESRM.
Any SSC shall be made without any modifications to any factory installed
and/or UL listed equipment or components, unless expressly authorized by the
panel manufacturer and/or listing agency. It must be performed in strict
accordance with the panel manufacturer's directions and specifications. In
order for APS to approve a SSC interconnection, the following are required:

a. Interconnection drawings shall be stamped by a professional electrical
engineer licensed in the state of Arizona (refer to Section 17 for further details
of these requirements).

b. Rigid Metal Conduit (RMC) shall be used between the SSC connection in the
Service Entrance Section (SES) and an externally mounted (external to the
SES) SSC fused service disconnect (SSC Service Disconnect).

c. The ampere rating of the conductor feeding an SSC Service Disconnect shall
not be less than the ampere rating of the SSC Service Disconnect. The
minimum ampere rating of the SSC Service Disconnect shall be 60 A per
NEC Art 230.79(D).

d. The SSC Service Disconnect shall be mounted "immediately adjacent" to the
SES (10' or less), located on the same wall and the circuit shall not be routed
through any other enclosures (i.e. junction boxes and/or distribution panels)
between the SES and the SSC Service Disconnect.

(1)

e. A neutral to ground (N-G) bond must be re-established in the SSC Service
Disconnect, and GEC installed. Note however, that if the SSC is made via a
breaker or fused disconnect switch located within the SES (i.e. not an
externally mounted service disconnect), then the existing N-G bond will
suffice.

If panel manufacturer authorization is granted to the preform a SSC, proof of
such authorization and AHJ approval shall be provided to APS as part of the
Interconnection Application process.

ii.

No drilling, tapping or replacing of factory installed bus bars or
conductors unless performed by the manufacturer or its designated
representative.

If lugs are replaced to accommodate additional conductors, the panel
manufacturer must specify a listed kit or provide written approval of
the parts to be used. Appropriate torque specs shall also be
provided.
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iii.

iv.

g.

h.

(2)

(3)

(4)

When connecting to a field installed conductor a UL listed tap should
be used. Breaking the conductor should be avoided - using a lay in
lug is preferred. The connector's make and model number should be
provided.

Fused and infused conductors shall not occupy the same raceway
unless they are isolated from each other via a firewall barrier in a
manner acceptable to APS.

In the event a field evaluation is required in order to perform the SSC,
Customer shall provide APS the Letter of Compliance issued to the
NRTL certified by OSHA to perform the evaluation (i.e. CSA, TUV,
UL, etc.) as well as a photograph of the approval sticker affixed to the
SES at the time the work is completed in the field.

Per NEC Art 225.132, the Service Disconnect shall be Readily Accessible.

Per NEC Art 240.24(B), all over-current devices protecting the conductors
supplying the premises shall be Readily Accessible to the occupant.

No Customer connections or equipment are permitted in the Utility sealed
metering compartment or pull-section of the SES. Any SSC shall be made only
in the applicable Customer accessible section of the SES panel, and a label
shall be placed at the SES in accordance with Section Hof this document.

APS secondary electrical service conductors are not fused and can only be de-
energized by APS personnel. Customer will need to contact APS to arrange for
the electrical service to be De-energized prior to performing a SSC. Since APS
will not re-energize the service following completion of the SSC unless an
electrical clearance ("green tag") has been issued by the AHJ, it is important
that Customer coordinate this work very closely with APS and the AHJ.

The maximum output current nameplate rating of the Generator(s) shall not
exceed the 100% continuous duty rating of the APS transformer or service run.
Note that the ratings of the APS transformer and service run do not necessarily
match the SES rating. APS will notify Customer if any APS equipment is over-
dutied following APS review of the Interconnection Application. Any required
equipment upgrades shall be performed at Customer's sole expense.

Arizona Public Service Company - Revision 8.1
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INTERCONNECTION REQUIREMENTS FOR DISTRIBUTED GENERATIQN

(G)

(H)

A Load Side Tap constitutes a "tap" as defined by the National Electric Code (NEC),
and is subject to all applicable NEC requirements and/or requirements adopted by
the Authority Having Jurisdiction. In addition, the connections must comply with the
APS ESRM and Good Utility Practice.

The following requirements were prepared for applications where a generator is
tapped on the load side of the main service disconnect:

(1) The tap originating from the SES shall terminate at an accessible and lockable
overcurrent protective device in accordance with NEC Art 240.4.

(2) For taps 10 ft. or less (distance between SES and first overcurrent device),
conductors shall be sized per 2014 NEC Art 240.21(B)(1)(4).

(3) For taps 25ft. or less (distance between SES and first overcurrent device),
conductor shall be sized per 2014 NEC Art 240.21(B)(2)(1).

(4) The tap shall be made without altering any factory installed bus bars or
conductors unless performed by the manufacturer or its designated
representative.

a. No drilling, tapping or replacing of factory installed bus bars or conductors
unless performed by the manufacturer or its designated representative.

b. If lugs are replaced to accommodate additional conductors, the panel
manufacturer must specify a listed kit or give written approval of the parts
to be used. Appropriate torque specs shall also be provided.

c. When connecting to a field conductor a UL listed tap should be used.
Breaking the conductor should be avoided - using a lay in lug is preferred.
The connector's make and model number should be provided.

d. In the event a field evaluation is required in order to perform the tap
connections, Customer shall provide APS the Letter of Compliance issued
to the NRTL certified by OSHA to perform the evaluation (i.e. CSA, TUV,
UL, etc.) as well as a photograph of the approval sticker affixed to the SES
at the time the work is completed in the field.

(5) Per NEC Art 225.32, the overcurrent protective device shall be Readily
Accessible.

(6) Per NEC Art 240.24(B), all overcurrent devices protecting the conductors
supplying the premises shall be readable accessible to the occupant.

(7) Per NEC Art 250.122(G), the equipment grounding conductor run with the tap
conductors shall be sized per the SES Main overcurrent setting but shall not be
required to be larger than the tap conductors.

Note: For a typical Load Side Tap installation, APS requires a two disconnect
switch configuration. The first switch is fused and constitutes the Customer
Fused Disconnect Switch as required by the NEC. The second switch is the
Photovoltaic System Utility Disconnect Switch required by APS.

Customer is responsible for the design, installation, operation and maintenance of all
equipment on Customer's side of the Pol. It is strongly recommended that
Customer submit specifications and detailed plans as specified in the
Interconnection Application (refer to Section 17) for the installation to APS for review

Arizona Public Service Company - Revision 8.1
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(|)

and written acceptance prior to ordering any equipment. Written acceptance by APS
does not indicate acceptance by other authorities.

While APS recommends the use of copper conductors, if Customer nonetheless
elects to use aluminum conductors to connect any equipment either owned by, or
placed under operational jurisdiction of APS (GF metering, Utility Disconnect Switch,
etc.), then Customer must comply with the following requirements:

(1) An oxidation inhibitor must be applied to the cleaned aluminum conductor.

(2) A UL Listed 2 hole bolted lug, compression type terminal, must be used for the
terminations of the aluminum conductors.

(3) Compression terminal shall clearly indicate the conductor and the die to be used
on the crimping tool, and the connection shall be made in strict accordance with
manufacturer specifications.

(4) Locations of aluminum conductors must  be clearly identified
Interconnection Application diagrams submitted to APS for review.

on the

APS will not assume any responsibility for any maintenance or inspection of
conductors within an APS sealed portion of the GF. It shall be the sole responsibility
of Customer to schedule and arrange for any such inspection.

8.2 Disconnect Switch

Customer shall install and maintain a visual-open, manually operated, load break
disconnect switch ("Disconnect Switch") that wil l completely open and isolate all
ungrounded conductors of Customer's GF from the APS System. For multi-phase systems,
the switch shall be gang-operated.

The Disconnect Switch shall comply with the following additional requirements:

(A) Visual Open and Lockable Requirements

The Disconnect Switch shall be visible-open such that the switch blades, jaws and the air-
gap between them shall all be clearly visible when the switch is in the "open" position and
the front cover of the switch box is opened. It is not acceptable to have any of the "visible
open" components obscured by a switch "dead front" or an arc-shield, etc. Only switches
specifically designed to provide a true "visible open" are acceptable. The switch handle
shall be capable of being locked in the "open" position by a standard APS padlock with a
3/8" shank. The switch front cover shall also be capable of being locked shut via a hasp
accepting a similar 3/8" shank padlock. The Disconnect Switch hasp shall not be field
modified in any way.

If a second service disconnecting means is required to be installed as in the case of a
supply side connection (SSC), the second service disconnect cover shall be locked closed
with a customer provided lock. In the event Customer installs additional disconnect
switches which are separate from the APS required Utility Disconnect Switch, the covers of
any such shall be locked closed with a customer provided lock.

(B) Switch Connection

Printed Copies are for Reference Purpose Only. Refer to Electronic Copy for Latest Version.
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The Disconnect Switch shall be connected so that the blades (and any fuses if present) are
De-energized when the switch is in the "open" position in accordance with NEC 404.6(C)
and NFPA 70E. For example, the switch blades (load side) will be connected to the inverter
side of a static inverter based circuit and the switch jaws (line side) to the utility source side.

The Disconnect Switch shall be located on the utility source side of any meter installed to
measure the output of the GF Generator(s) (i.e. Production Meter).

(C) Switch Location

The Disconnect Switch shall be installed in a Readily Accessible location (easily accessed
by APS on a 24 hour basis - refer to definition) so as to provide safe (no tripping hazards,
domesticated animals or other obstructions, etc.) and easy, unrestricted and unimpeded
access to APS personnel. It must be installed adjacent to the Customer's SES, however,
subject to APS' express approval, it may be located in the immediate vicinity of the
Customer's Generator, provided that Aps' access to the Disconnect Switch is not impeded.
The Disconnect Switch shall be installed in accordance with all applicable NEC and APS
requirements. It shall be located between 36" and 60" measured from final grade to the
center of the switch and include a minimum clear working space of 36" by 36" in front of the
switch. The working space may be greater than 36" by 36" (e.g. NEC Article 110
requirements). The Disconnect Switch shall not be:

(1) located behind an electrically operated gate or door unless the electric operator
is backed up by an uninterruptible power source to ensure that it can be operated
in the event of a utility power outage,

(2) installed under a breezeway, patio, porch or any area that can be enclosed,

(3) installed behind a gate, fence, wall or other barrier.

NOTEs APS may grant an exception to commercial Customers who locate
equipment (i.e. APS Utility Disconnect Switch) behind a locked door or gate just as
long as the equipment is instal led in a safe location (no tripping hazards,
domesticated animals or other obstructions, etc.). In this case, APS can provide a
lock-box to be installed by the commercial Customer for APS to gain access to the
Disconnect Switch or any other APS equipment, the lock-box needs to be installed
within 36" of the door or gate, etc., and it shall be located no less than 36" above
grade and no more than 60" above grade. Indoor equipment locations require
access from the exterior of the building.
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(D) Electrical Ratings

The Disconnect Switch must be rated for the voltage and current requirements of the
Generating Facility, and must be listed and conform to all applicable UL, ANSI and IEEE
standards. The switch shall be rated to withstand the available fault duty current and shall
not be fused, unless expressly agreed to by APS. (Reference NEC Art 110.9, NEC Art
110.10, OSHA 1910.303(b)(4) and OSHA 1910.303(b)(5)). In the case where Customer
installs a fused Disconnect Switch to limit the fault current a second infused Disconnect
Switch for APS use will need to be installed subject to Section 8.2(C) above. In instances
where a visible-open switch is not commercially available (e.g. due to a high system
current), APS may accept a Customer installed rack-out breaker, along with a racking tool
and grounding breaker (to ground the utility side) as may be required, in order to effect an
electrical clearance or establish a safe working area. In these cases, APS will work with
Customer to determine the best option and ensure that all appropriate safety requirements
are met.

(E) Switch Grounding

The switch enclosure shall be properly grounded via an equipment ground wire attached to
a factory provided grounding lug or an appropriately UL listed grounding lug or terminal.

In cases where the Disconnect Switch will be installed on a line at a voltage above 600V,
APS has specific grounding requirements that will need to be incorporated into the
Disconnect Switch in order to ground the phase conductors on the utility side of the switch
when it is necessary to establish a safe working area for APS personnel. Refer to the APS
ESRM for further details. APS also has certain requirements that will need to be adhered to
for the purpose of obtaining electrical clearances or establishing a safe working area,
including the entering into an "Operating Agreement" with Customer.

(F) Switch Conductors

The Disconnect Switch shall be a stand-alone device, and electrical conductors and/or
cables entering into and exiting from the Disconnect Switch shall be kept physically
separated and shall not be routed in the same raceway or in any way share a common
enclosure.

Under no circumstances shall the Disconnect Switch enclosure be used as a conduit or
raceway for any conductors other than those phase conductors being switched and the
associated grounded conductor (neutral) and grounding conductor (equipment ground).

(G) Operational Jurisdiction

The Disconnect Switch will be placed under the operational jurisdiction of APS for systems
with a line voltage of 600V or less, and the cover of such switch will be locked closed with a
standard 3/8" shank APS padlock following satisfactorily completion of the APS Site
Inspection.
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APS shall have the right to lock open, or cause to be locked open, the Disconnect Switch
without notice to Customer when interconnected operation of the Customer's GF with the
APS System could adversely affect the APS System or endanger life or property, or upon
termination of the Interconnect Agreement.

8.3 Dedicated Transformer

A GF with a combined total generation rating of over 10 kW may be required to be isolated
from other Customers fed off the same utility transformer by a dedicated power transformer
connecting to the utility distribution feeder. The primary purpose of the dedicated
transformer is to ensure that (A) the generation cannot become isolated at the secondary
voltage level with a small amount of other-Customer load, and (B) the generation does not
contribute any significant fault current to other Customer's electrical systems. It also helps
to confine any voltage fluctuation or harmonics produced by the Generator to Customer's
own system. APS will specify the transformer winding connections and any grounding
requirements based on the specific Customer site location and generator type.

8.4 Power Quality

In order to minimize interference on the Utility system Customer must ensure that the
electrical characteristics of its load and generating equipment meet, as a minimum, the
specifications outlined below.

(A) Power Factor

When the GF acts as a net load to the APS System, the power factor of the net load
shall not be less than 90% lagging (absorbing VArs) as measured at the Point of
Interconnection (POI), and shall not be leading (exporting VArs), unless agreed to by

When the GF acts as a generation source to the APS System, and the nominal AC
output nominal rating is less than 10 MW the power factor of the generation source
shall not be less than 90% leading (absorbing VArs) as measured at the Point of
Interconnection (POI), and shall not be lagging (exporting VArs), unless otherwise
required by APS.

When the GF acts as a generation source to the APS System, and the nominal AC
output nominal rating is 10 MW or greater the GF shall be capable of operating in any
of the modes specified in Section 12.1 (Dynamic Response Requirements) of this
document.

(B) Current Imbalance

The phase current imbalance for a three-phase system as measured at Customer's
SES shall not be greater than ten percent (10%) at any time For further information
refer to APS Service Schedule 1.

(C) Harmonics

The electrical output of Customer's GF shall not contain harmonic content which may
cause disturbances on or damage to the APS System, or other Customer's systems,
not limited to computer, telephone, communication and other sensitive electronic or
control systems. Harmonics, as measured at the Point of Interconnection, shall not
exceed the limits promulgated in the latest version of IEEE 519-1992.
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(D) Power Fluctuations

Customer must exercise reasonable care to assure that the electrical characteristics of
its load and generating equipment, such as deviation from sine wave form or unusual
short interval fluctuations. It shall not result in impairment of Customer's service or
service to other Customers, interference with operation of computer, telephone,
television, other communication systems or facilities.

(E) Voltage Flicker

If Customer utilizes the APS System to facilitate start-up of its GF, the voltage flicker
level shall not exceed APS standards as outlined in the latest version of IEEE 519.

(F) Service Voltage Ranges

Customer shall ensure its GF does not cause the RMS voltage at the Point of
Interconnection to vary beyond the Favorable Voltage Service Range (Range A) of +/-
5% as specified in ANSI standard C84.1. APS will not be responsible for voltage
excursions outside of this range caused by the GF.

8_5 Voltage Requirements

Customer generating equipment must be rated at 60 Hertz, and be either a single or three-
phase system connected at a standard utility voltage that may be selected by Customer
subject to utility availability at the premises.

The DG shall follow, and not attempt to oppose or regulate changes in the voltage at the
Point of Interconnection, unless otherwise required by Section 12 of this document.

8.6

(A)

Labeling Requirements

General Requirements

Customer shall conform to the National Electric Code (NEC), as adopted by the local
Authority Having Jurisdiction, for labeling of all GF equipment, including the SES. APS
will assume responsibility for labeling any utility-owned equipment. All APS-required
labels shall consist of a permanently attached weatherproof/UV resistant placard,
letters shall be engraved or embossed/raised, and letters will be a minimum of 1/4 inch
tall unless otherwise specified by APS. If applicable, any adhesive backing shall be
rated for outdoor applications in the Arizona environment with UV inhibitors. It is also
acceptable to rivet labels to the applicable equipment as long as the attachment means
does not violate the UL Listing of the equipment. Labels shall be made of (a)
aluminum, brass or other approved corrosive resistant metal, or (b) a high density
polyethylene material 55 mils thick comprised of a 35 mil black polyethylene base film
capped (co-extruded) with a 20 mil color polyethylene. Labels should follow the ANSI
Z535.1 -1998 color codes when applicable.

(B) Disconnect Switch

Customer shall label the Disconnect Switch "Generator Utility Disconnect Switch" or
"Photovoltaic System, Wind Turbine, etc., Utility Disconnect Switch", as the case may
be. In the event APS grants approval to install the Disconnect Switch at a location
other than the electrical SES, Customer shall install a placard at the SES giving
concise directions to, and the location of, the Disconnect Switch.
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In the event APS allows more than one Disconnect Switch to be installed at a
Customer's facility, the switches shall be labeled 1/x, 2/x, etc. where x is the total
number of Disconnect Switches.

A warning label shall be mounted on the Disconnect Switch front cover with the
following words: "Warning: Electric Shock Hazard. Do Not Touch Terminals.
Terminals On Both The Line And Load Sides May Be Energized In The Open Position".

(C) Production Meter

Customer shall label the Production Meter enclosure and/or socket as "Production
Meter". In the event APS grants approval to install the Production Meter at a location
other than the SES, Customer shall install a placard at the SES giving concise
directions to, and the location of, the Production Meter.

In the event that more than one Production Meter is installed at a Customer's facility,
the meters shall be labeled 1/x, 2/x, etc. where x is the total number of Production
Meters.

(D) Service Entrance Section (SES)

When a photovoltaic system is connected on the supply (utility) side of the SES main
breaker, in accordance with the NEC and requirements specified in this document, a
label shall be placed adjacent to the main service breaker stating:

"Warning: A Generation Source is connected to the Supply (Utility) Side of the
Service Disconnecting Means. Follow proper Lock-Out/Tag-Out Procedures to ensure
the Photovoltaic System Utility Disconnect Switch is opened prior to performing work
on this device".

8.7 Protective Relaying Requirements

(A) General Requirements

(1)

(2)

(3)

(4)

Customer shall be solely responsible for properly protecting and electrically
paralleling its generator(s) and/or static inverter(s) with the APS System.

For Generators, Customer facility shall include an automatic interrupting device
(normally the generator breaker) that is rated to interrupt available fault (short
circuit) current and is tested and certified to applicable UL standards. The
interrupting device shall be directly tripped (and not via a programmable logic
controller, etc), as a minimum, by all protective devices required herein. If a
Local/Remote control selector switch or any other component is wired in series
with the trip and/or close circuit, said component(s) shall not impede or bypass
any of the protective devices required herein, or the ability to trip/close the
automatic interrupting device. Breakers downstream of the main shall have
adequate overcurrent protection (i.e. 50, 51, 50N and 51N).

Inherent characteristics of induction disk type voltage and frequency relays
render their use unsuitable for some generator interface protection applications.
Therefore, relays with definite level and timing characteristics (e.g., solid state
type relays) will be necessary to meet the minimum requirements established
herein.

For rotating generator classes ll and greater (> 50 kw) utilizing discrete relays
that require both voltage and frequency relay protection, separate and
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independent voltage and frequency relays and associated trip paths to the
automatic interrupting device are required. This is to ensure a redundant trip
function in the event of a single relay failure or out-of-tolerance condition.

It is acceptable however, for the over/under voltage functions to be integrated
into a single o/u voltage relay, and for the over/under frequency functions to be
integral to a single o/u frequency relay.

As an option, the frequency and voltage functions may be incorporated into a
single microprocessor-based protective relay provided that the relay incorporates
relay failure alarm contacts, and such output is wired to trip the automatic
interrupting device upon (1) relay failure or (2) loss of power to the relay. In lieu
of tripping the automatic interrupting device, and with APS approval, Customer
may configure the relay to alert a 24 hour Operations Center for a relay failure
condition.

(5) For rotating generator protective schemes that utilize microprocessor based,
multi-function relays, the protective relay failure alarm contacts will be configured
to trip the automatic interrupting device. This requirement shall also apply to any
GF utilizing static inverters with an aggregate nominal nameplate rating of 1000
kW and greater.

(6) The generator protective scheme referenced in Section 8.7(A)(5) above shall be
of a fail-safe design such that loss of the protection scheme control power will
immediately cause the automatic interrupting device to open. Additionally,
control power to the relay shall be fed via a dedicated hard-wired UPS circuit.

(7) With the addition of generation at a Customer site, ground fault current
magnitude might increase to level where the existing grounding grid is insufficient
to protect personnel from step or touch potentials. Customer shall ensure the
adequacy of the facility grounding grid to keep any step and touch potentials at a
safe level.

(8)

(9)

Customer shall ensure that the GF protective relaying and controls are
adequately protected from electrical surges that may result from lightning, utility
switching or electrical faults.

A GF utilizing a Momentary Parallel Transition transfer scheme shall install an
independent backup timer that directly trips the main breaker(s) feeding the SES.
The trip circuit shall not be routed through any circuits or logic scheme that could
inhibit or block the trip signal, and not via a PLC, etc. Refer to Section 13.2 for
additional details.

(10) A GF comprised of one or more generators with an AC continuous nameplate
rating of 10 MW or greater will be required to be equipped with Automatic
Voltage Regulating (AVR) capability, the capability to operate in Power Factor
Control (PFC) mode, and the capability to operate in MVAR Control mode as
specified in Section 12.1.

(11) Any GF comprising static inverters with an aggregate generator nominal
nameplate rating of 10 MW or less and interconnecting with a Non-Dedicated
Utility Feeder, shall utilize inverters that have been tested and certified to
UL1741, by a NRTL certified by OSHA to perform the UL1741 test standard.
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In the event APS determines additional voltage regulation is required at the POI,
APS will advise Customer as to any such requirements (e-g. power factor,
reactive power and/or automatic voltage regulation) and any associated set
point(s) during the Interconnection Application process. Customer will be fully
responsible for implementing any identified requirements.

(12) Any GF comprising static inverters with an aggregate generator nominal
nameplate rating of 10 MW or less, and interconnecting with a Dedicated Utility
Feeder, shall utilize inverters that have been tested and certified as specified in
Section 8.7(A)(10), or Customer shall ensure, at a minimum, that the inverter
performance tests specified below are performed and certified by a NRTL to
ensure compliance with the following Sections of IEEE 1547-2003 (per Section
40.1 of UL 1741-2010);

Section 4.3 Power Quality

a. Section 4.3.1 Limitation of DC injection

b. Section 4.3.2 Limitation of flicker induced by the DR

c. Section 4.3.3 Harmonics

Customer shall provide APS with a copy of the test results and certification from
the NRTL, for APS review and approval.

(13) Any GF comprising static inverters with an aggregate generator nominal
nameplate rating of greater than 10 MW and interconnecting with a Dedicated
Utility Feeder, shall be equipped to support the options specified per Section
12.1. However, Customer shall ensure, at a minimum, that the inverter
performance tests specified below are certified by a NRTL to ensure compliance
with the following Sections of IEEE 1547-2003 (per Section 40.1 of UL 1741-
2010)I

Section 4.3 Power Quality

a. Section 4.3.1 Limitation of DC injection

b. Section 4.3.2 Limitation of flicker induced by the DR

c. Section 4.3.3 Harmonics

Customer shall provide APS with a copy of the test results and certification from
the NRTL, for APS review and approval.

(B)

(1)

Minimum Relaying Requirements

Class I (Single or Three Phase: 50 kW or less)

a. The minimum protection required for induction and synchronous
generators is an under-voltage relay.

b. Synchronous generators require a synchronizing scheme, either manual
with a synch check relay, or an automatic synchronizer.

c. Static inverters shall be tested and certified to UL 1741, by a NRTL
certified by OSHA to perform the UL174t test standard.
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(2) Class II (Three Phase: 51-300 kw)

a. The minimum protection required for induction and synchronous
generators is under-voltage, over-voltage, under-frequency, and over-
frequency.

b. Synchronous generators require a synchronizing scheme, either manual
with a synch check relay, or an automatic synchronizer.

c. Inverters shall be tested and certified to UL 1741, by a NRTL certified by
OSHA to perform the UL1741 test standard, unless otherwise provided for
in Section 8.7(A).

d. For installations interconnected to the utility through a transformer with
connections that will not supply current to a ground fault on the utility
system, a ground fault detector may be necessary. APS will advise
Customer of any such requirements after a prel iminary review of
Customer's proposed installation.

e. Other equipment such as supervisory control and alarms, telemetering
and associated communications channel may be necessary. This is
especially the case when the generator, or an aggregate of generators, is
large relative to the minimum load on a feeder or sectionalized portion
thereof. APS will advise Customer of any communications requirements
after a preliminary review of the proposed installation. Refer to Section 11
for more details.

(3) Class III (Three Phase: 301-5,000 kw)

a. For this class of installation, utility grade protection devices and equipment
are required.

b. The minimum protection required for induction and synchronous
generators is under-voltage, over-voltage, under-frequency, over-
frequency, and negative sequence time overcurrent.

c. Synchronous generators require a synchronizing scheme, either manual
with synch check relay, or an automatic synchronizer.

d. Static inverters shall be tested and certified to UL1741, by a NRTL
certified by OSHA to perform the UL1741 test standard, unless otherwise
provided for in Section 8.7(A).

e. A redundant over/under voltage relay will be required for static inverters
with an AC output nominal rating of 21000 kw, or whenever the aggregate
inverter AC output nominal rating of a GF 21000 kw.

f. For installations interconnected to the utility through a transformer with
connections that will not supply current to a ground fault on the utility
system, a ground fault detector may be necessary. The utility will advise
Customer of any such requirements after a prel iminary review of
Customer's proposed installation.

g. Other equipment such as supervisory control and alarms, telemetering,
and associated communications channel may be necessary. APS will
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advise Customer of any requirements after a preliminary review of the
proposed installation. Refer to Section 11 for details.

(4)

NOTE: Induction Generators or Line Commutated Inverters in this size range are
not anticipated .

a. For this class of installation, utility-grade protective devices and equipment
are required.

b. Relays for under-voltage, over-voltage, under-frequency, and over-
frequency are required.

c. Synchronous generators require a synchronizing scheme, either manual
with synch check relay, or an automatic synchronizer.

d. A ground time overcurrent and ground instantaneous overcurrent relay, or
for installations interconnected to the utility through a transformer with
connections that will not supply current to a ground fault on the utility
system, a ground fault detection scheme is required.

e. The following protective functions are also required:

i. Voltage-controlled time overcurrent

ii. Loss of excitation

iii. Over-excitation

iv.

Class IV (Three Phase: Greater than 5,000 kw)

Negative sequence time overcurrent

f. Other equipment such as supervisory control and alarms, telemetering,
and associated communications channel are generally required. APS will
advise Customer of any such requirements after a preliminary review of
the proposed installation. Refer to Section 11 for further details.

The minimum protective relaying requirements for parallel operation of distributed
generation are summarized in the table below. An exception to the relaying requirements
on the following table may be made for Momentary Parallel Transition systems - refer to
Section 13.2 for applicable requirements.

Note that depending on the specific application of the GF, a Reverse Power relay may be
required. APS will advise Customer of any such requirement after a preliminary review of
the proposed installation.
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Class I

50 kW or less

Induction Generator Synchronous Generator Static Inverter

Undervoltage Undervoltage,

Synchronizing

UL 1741*

Class ll

51 to 300 kW

Overvoltage,

Undewoltage

Overfrequency,

Underfrequency

Overvoltage

Undewoltage,

Overfrequency,

Underfrequency

Synchronizing

UL 1741*

Overvoltage,

Undervoltage

Overfrequency,

Underfrequency

Negative Sequence
Time Overcurrent

Class Ill

301 to 5,000 kW

Overvoltage,

Undervoltage,

Overfrequency,

Underfrequency

Synchronizing

Negative Sequence Time
Overcurrent

*UL 1741
wt redundant
Over/Under
voltage for >
1000 kW

Class IV

Greater than

5,000 kW

No induction generators
of this size anticipated

Overvoltage,

Undervoltage,

Overfrequency,

Underfrequency,

Synchronizing,

Ground Time Overcurrent,

Ground Instantaneous Overcurrent,

Voltage-controlled Time
Overcurrent,

Loss of Excitation,

Overexcitation,

Negative Sequence Time
Overcurrent

**no individual
inverters of
this size
anticipated.
Refer to
Sections
8.7(A), 11, and
12 for
additional GF
aggregate
requirements.
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Summary of Minimum Protective Relaying Requirements

*Inverters shall be tested and certified to UL1741 unless the requirements specified in Sections
8.7(A) and 12.1 apply. Redundant O/U voltage protection is required for individual inverters
with an AC output nominal rating of 21000 kw, or whenever the aggregate inverter AC output
nominal rating of a GF is 21000 kw. Such protection shall be applied to one or more breakers
external to the inverter(s).

**For utility scale installations utilizing static inverters with an aggregate AC output nominal
rating of 210 MW a redundant O/U voltage and O/U frequency protection will be required.
Such protection shall be applied to one or more breakers external to the inverter(s) (i.e. the
main GF breaker(s)). Refer to Section 11 for further details.
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(C) Relay Settings

NOTE: Voltage and frequency relays needed for minimum interface protection for all
classes will have setting limits as specified below with exception to Generating Facilities
subject to PRC-024-1 Frequency and Voltage Ride Through Requirements, Section
12.2.

(1)

(2)

(3)

(4)

(5)

Under-voltage relays will operate at no less than 80% of the nominal voltage
level and will have a maximum time delay of 1.0 seconds.

Over-voltage relays will operate with a maximum time delay of 1.0 seconds for a
voltage range of higher than 110% and less than 120% of nominal voltage. The
relay will operate instantaneously at 120% or higher of nominal voltage to provide
a maximum clearing time of 10 cycles.

Under-frequency relays will operate at no less than 58 Hz and have a maximum
time delay of 1.0 seconds.

Over-frequency relays will operate instantaneously at any frequency higher than
60.5 Hz to provide a maximum clearing time of 10 cycles.

Additional settings for Class I, ll, Ill 8¢ IV installations and/or any other relays that
may be required due to unusual circumstances will be handled on an individual
basis.
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9 METERING REQUIREMENTS

This Section applies to any Generating Facility that electrically parallels with the APS
System other than a Backup Generator.

9.1 Service Entrance Section Metering

Customer must provide and install, at Customer's expense, meter sockets and
metering cabinets in accordance with APS service standards, in Readily Accessible
locations acceptable to Aps, to accommodate any meter(s) that are required by
applicable rate schedule(s) or other APS agreement (e.g. Totalized Metering) or
other APS requirements (e.g. EMS Meter). Such standards are specified in the APS
Electric Service Requirements Manual (ESRM), available at the following website:
http://www.aps.com/esrm

Metering Installation Requirements are addressed in Section 300 of the ESRM.

APS will furnish, own, install and maintain meter(s) located at the GF SES as
required by APS, and any meter(s) that may be required by the applicable electric
rate schedule to measure the output of the Generator(s). The responsibility for the
costs of providing and maintaining any required meters and communication circuitry
as required will be specified in the applicable rate schedule or other APS agreement.
Refer to Section 9.3 of this document for Metering Communication requirements.

Any Metering provided by APS as described in this Section shall be located in
appropriately sealed compartments, and no Customer wiring, connections, or
equipment is permitted in any such APS sealed metering compartment or pull-
section of the SES.

9.2 Production Metering Requirements

All Generating Facilities other than those comprising a Backup Generator must
include provisions to allow APS to install an AMI type Production Meter (or Meters
as the case may be). This Metering shall be configured so as to measure and record
the AC energy production of the Generator(s).

The Production Meter enclosure and associated equipment must be installed in
compliance with Section 300 of the APS Electric Service Requirements Manual
(ESRM), available on APS' website. A valid neutral is required for APS Metering to
work properly.

Until such time that APS installs the APS-owned Production Meter, Customer has
the option of either installing a Customer-owned "test meter" or an approved meter
cover over the meter socket. Under no circumstances is the meter socket to be
left open or otherwise exposed at any time. Once Customer notifies APS that the
GF is ready for the APS site inspection and/or Production Meter installation, APS will
schedule the installation of its Production Meter. APS will then remove any
Customer installed test meter(s) or meter cover(s), install an AMl type Production
Meter along with any associated metering equipment, and seal the meter socket ring
and metering enclosure.

An approved meter cover will be a commercially available meter cover designed and
approved by the manufacturer for outdoor use on meter sockets. It shall be
constructed of materials such as fiberglass, rigid plastic, and glass. Note that a
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cardboard cover (typically used for shipping purposes) is not an acceptable material.
The meter cover shall be properly installed and sealed to the meter socket

Under no circumstances shall any metering enclosure be used as a raceway
for any conductors other than those phase conductors being metered and the
associated grounded conductor (neutral) and grounding conductor
(equipment ground).

For Current Transformer (CT) rated installations (greater than 200A), APS will install
the Production Meter, CTs, any PTs, test switches and required wiring. Customer
shall be responsible for installing, in accordance with APS' requirements a ring type
production metering enclosure with meter socket. Customer shall adhere to the
following additional requirements regarding production metering enclosures:

(A) For Secondary Voltage systems (phase to phase voltage less than 600V) of
200A and less, Customer shall provide a ring type self-contained metering
enclosure and a meter per the APS ESRM. Note that safety test blocks are not
required for commercial (or residential) installations. For Secondary Voltage
systems greater than 200A (with phase to phase voltage less than 600V),
Customer shall provide a ring type CT rated enclosure per the APS ESRM.

(B) For Medium Voltage Systems (phase to phase voltage 600V and higher),
Customer shall provide a medium voltage lineup along with grounding provisions
per the APS ESRM.

(C)For Static Inverter based battery backup systems, Customer shall provide
production metering provisions in accordance with APS Sample Diagrams. The
APS Sample Diagrams can be downloaded at www.aps.com/dg. In some cases
based on the inverter technology and/or GF configuration two or more ring-type
metering sockets/enclosures must be provided and installed by Customer.

(D) Production Meter enclosures/sockets shall be labeled in accordance with Section
8.6 (C) of this document.

Customer shall provide and maintain communication circuitry depending on the
applicable rate schedule or other APS agreement. Refer to Section 9.3 of this
document for Metering Communication requirements.

All CT rated metering enclosures shall have the bus identified with reference to the
generation source side prior to metering installation with a temporary tag labeled
"Generation Source".

Customer must provide a suitable visual-open disconnecting means, subject to APS'
approval, to electrically isolate any Current Transformer (CT) rated meter from all
potential sources of power. For meters installed on systems with a phase to phase
voltage of 600V or higher, suitable grounding provisions shall also be required in
accordance with the APS ESRM (Section 1100) and subject to APS approval.

Exception: For static inverter based systems certified to UL1741, all CT Rated
Production Meters with phase to phase voltage less than 600V may, in place of a
visual open switch, utilize circuit breaker(s) or disconnect switch(es) with locking
provisions in order to isolate the Generator source side of the CT Rated Metering
Equipment subject to APS review and approval. APS will not accept electronic
disconnect devices (i.e. push-button type). The exception does not preclude the

Arizona Public Service Company .- Revision 8.t
Printed Copies are for Reference Purpose Only. ever to Electronic Copy for Latest Version.

Page 39 of 86



INTERCONNECTION REQUIREMENTS FOR DISTRIBUTED GENERATION

need for a visual open Disconnect Switch on the Utility side of the CT Rated
Production Metering Equipment required per Section 8.2. If the Generator source
side AC isolation device is not located within the same work space as the CT Rated
Production Metering, Customer shall provide a placard with explicit directions as to
the location of the Generator source side isolation device.

All CT rated metering enclosures shall be submitted by equipment manufacturer to
the APS Meter Shop for review and approval in accordance with the APS ESRM.
Submittal shall_ clearly indicate the points of_ connection o_f the LJtiljty_and Generator
sources.

In order to submit to the APS Meter shop, do the following:

• E-mail shop drawings of the metering enclosure to:
submittals.metershop@apsc.com

» Reference the GF System Address and GF System Type (wind, photovoltaic,
induction generator, synchronous back-up generator, etc.).

Such metering enclosure shall be tested and marked to withstand the available short
circuit current (Reference NEC Art 110.9, NEC Art 110.10, OSHA 1910.303(b)(4)
and OSHA 1910.303(b)(5)).

Production Meters shall be installed in a Readily Accessible location (available 24
hours) to provide safe (no tripping hazards, domesticated animals or other
obstructions, etc.) and unrestricted access to APS personnel per  APS
Requirements. This includes but is not limited to Section 300 of the APS ESRM
("Electric Service Requirements Manual") and Service Schedule 1 ("Terms and
Conditions for Standard Offer and Direct Access Services"). Customer provided
metering enclosures shall be installed adjacent to Customer's SES unless otherwise
approved by APS. The Production Meter shall not be:

(1) Located behind an electrically operated gate or door unless the electric operator
is backed up by an uninterruptible power source to ensure that it can be operated
in the event of a utility power outage.

(2) Installed under a breezeway, patio, porch or any area that can be enclosed.

(3) Installed behind a gate, fence, wall or other barrier.

NOTE: APS may grant an exception to commercial Customers who locate
equipment (i.e. APS Production Meter) behind a locked door or gate just as long as
the equipment is installed in a safe location (no tripping hazards, domesticated
animals or other obstructions, etc.). In this case, APS can provide a lock-box to be
installed by the commercial Customer for APS to gain access to the Production
Meter or any other APS equipment, the lock-box needs to be installed within 36" of
the door or gate, etc., and it shall be located no less than 36" above grade and no
more than 60" above grade. Note that any indoor equipment locations require
access from the exterior of the building.
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9.3 Metering Communication

Where the applicable rate schedule or other APS agreement requires billing meter(s)
to be installed on the output of the facility Generators, Customer will provide
acceptable meter sockets and/or enclosures in accordance with the APS ESRM.
APS will install AMI meters to measure the output of the Generators. For Generating
Facilities MW and greater, APS has additional requirements for metering and
associated communication. Refer to Section 11.4(3) of this document for more
information.

in the event that it is not possible to install AMl meters, Customer will be required to
provide a dedicated analog dial tone phone line to each Production Meter and also
to the GF SES utility meter(s) and/or sub meters if necessary. Each dedicated phone
line is to be landed on the APS-provided telephone interface module, normally
located within two feet of the meter. The phone line is referred to as a Single
Business Line, Type 1FB, and should be ordered with NO additional features such
as Call Waiting, Call Transfer, Call Hold, Message Waiting, etc., and no long
distance service.

For network systems with PBX or VolP, an IP to analog (or gateway) device with
modem pass through capabilities shall be installed by Customer and shall support
analog modem service of 56kBps and higher. The IP to analog device shall also
support CCITT V.90 and CCITT V.92 standards, and lower.

Customer is responsible for paying monthly fees for dedicated analog phone lines.
in the event phone service is disrupted, Customer is responsible for resolving the
issue.

Customer wi l l  be advised at t ime of appl ication i f  APS has addi t ional
requirements for production metering and/or communication circuitry.

9.4 Third Party Customer Metering

If Customer installs third party metering equipment, Customer shall ensure that no
wiring, or other Customer-owned equipment enters into any APS sealed compartment
or enclosure. Customer-installed meters and associated equipment installed to
measure Generator output shal l  be located on the Generator side of APS'
Production Meter. Third party metering equipment must be clearly labeled to
distinguish it from the APS Production Metering equipment. Refer to the Example
Equipment Tags located at www.aps.com/dg.

Any connections made on the Generator side of the Production Meter in order to
accommodate third party metering or monitoring equipment shall be of negligible
load so as to not affect the GF output as measured on the Production Meter.
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10 RATE SCHEDULES APPLICABLE TO DISTRIBUTED GENERATION

10.1 APS Rate Schedules

The rate schedules shown below are applicable to Customer owned generation that electrically
parallels with the APS electric distribution system. Note that participation under a particular rate
schedule is subject to the Generating Facility qualifying for that schedule.

• EPR-6, "Rates for Renewable Resource Facilities for Partial Requirements"

This rate schedule requires a bi-directional meter to be installed at the SES to effect Net
Metering. Bi-directional metering is currently not available to Customers participating in
Totalized Metering under Service Schedule 4.

• EPR-2, "Purchase Rates for Qualified Cogeneration and Small Power Production Facilities
under 100kW Receiving Partial Requirements or Interruptible Service."

• E-56, "Partial Requirements Service"

Rate schedule E-56 is applicable to Customers installing generation equipment with a
nameplate AC output rating of greater than 100 kw. (Customer should consider qualifications
for the EPR-6 and E-56 R rates before selecting the E-56 rate).

• E-56 R, "Partial Requirements-Renewable"

Rate Schedule E-56 R is applicable to Customers installing solar/photovoltaic, wind,
geothermal, biomass and biogas generation systems with a nameplate AC output rating of
greater than 100 kw. (Customer should consider qualifications for the EPR-6 rate before
selecting the E-56 R rate).

The above rates can be accessed at the following website:
http'//www.aps.com/en/ourcompany/ratesregulationsresources/senriceplaninformation/pages/business-sheets,aspgg
The rates specified above do not apply to backup or standby generation that is used solely for
emergency purposes, and that parallels with the utility for brief periods in order to effect a power
transition from the utility to the backup generation and vice versa.

10.2 Rates Disclaimer

(2)

(3)

(1) APS electric rates, basic charges and service fees are subject to change. Future
adjustments to these items may positively or negatively impact any potential
savings or the value of Customer's GF.
Customer will be responsible for paying any future increases to electric rates,
basic charges or service fees from APS.
Customer's GF is subject to the current rate schedules, rules and regulations
established by the ACC. The ACC may alter its rules and regulations and/or
change rates in the future which could directly impact the economics of
Customer's GF.
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(4) APS and/or the ACC do not sponsor or approve any future electric rate
projections presented to Customer. These rates are based on projections
formulated by external third parties not affiliated with APS and/or the ACC.
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11 ADDITIONAL REQUIREMENTS FOR GF Z ONE (1) MW

This Section covers additional requirements that apply to any one GF or aggregate of GFs
with a combined AC nominal nameplate output rating of 1 MW or greater, interconnected with
the APS System for Continuous Parallel operation.

The 1 MW threshold applies to one or more Generators (a) connected to any single APS
metered point of electric service delivery or (b) connected to multiple metered points of electric
service delivery connected to a single APS System Source Device.

A GF with an aggregate generator nominal nameplate AC rating of less than 1 MW will not
typically need to incorporate the requirements specified in this Section. However, depending on
the GF's impact to the APS System, APS may require the GF to incorporate one or more of the
requirements outlined in this Section.

APS will identify the actual requirements, and the optimum method of implementation,
normally as part of the Interconnection Study (refer to Section 16.6). APS can also assist
Customer in addressing any design requirements prior to submitting an application and
drawings for review.

11.1 Transfer Trip

(1) A Transfer Trip scheme will normally comprise a relay located at the APS
substation feeder breaker which communicates via fiber optic cable with a relay
located at the GF along with associated control circuits. Whenever the APS
substation breaker opens, a trip signal is sent to the GF to automatically trip the
generation off line.

If GF is fed from a Dedicated Utility Feeder, and it is determined during the
interconnection review process that a transfer trip scheme is needed, APS will
require Customer to install a relay and communication link that interfaces with the
APS substation relay. In the event that a transfer trip is required, Customer will
need to install and maintain a Schweitzer SEL 351-7 relay for transfer trip control
of the Generator breaker along with the associated instrumentation transformers
and circuitry. APS will install, at Customer's expense, a SEL 351-7 relay at the
APS substation.

(2)

(3)

(4)

In accordance with the APS ESRM, APS wil l  provide Customer with the
overcurrent relay settings (50, 50N, 51, and 51N) for the SEL 351-7 relay located
at the GF for coordination with the SEL 351-7 relay at the APS substation.
Customer will activate device functions 27 (Undervoltage), 59 (Overvoltage), and
81 O/U (Over/Under Frequency) in the SEL 351-7 relay located at the GF with
trip set points in accordance with Section 8.7(C) of this document. Customer
shall incorporate a relay failure alarm in accordance with 8.7(A)(5) of this
document. Customer will submit settings for APS review and approval.

In the event that there is a loss of Mirrored Bits communication between the APS
Substation relay(s) and GF relay(s), the GF breaker(s) shall trip open via the GF
relay(s) settings. It is acceptable to add a 15 cycle delay for loss of Mirrored Bits
within the GF relay(s) settings to avoid nuisance trips.
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11.2 Remote Trip

(4)

(5)

(6)

(1) A Remote Trip is a manual trip signal issued by the APS Control Center to trip the
generation off line and isolates it from the APS Distribution System. This signal
will normally be communicated via fiber optic cable originating at the APS
substation or communicated via a VG36 leased telephone line provided by the
local telephone company. It will generally trip the generator breaker(s) via a
Customer installed breaker control circuit.

(2) A GF with an aggregate generator nominal nameplate rating less than 1 MW will
not typically require remote trip capability specified. However, depending upon
the GF's impact on the APS System, APS may require remote trip and remote
monitoring capability.

(3) The Remote Trip function will be accomplished via a Remote Terminal Unit (RTU)
provided by APS at Customer's expense and instal led by Customer at
Customer's Facility.

For a GF comprising static inverters located on a non-Dedicated Utility Feeder,
should APS need to switch the section of the normal feeder on which the GF is
located, to another feeder for line/breaker maintenance, feeder
sectionalizing/switching, and/or load transfer operations, APS reserves the right,
without liability, to remotely trip the GF off-line for the duration of any such
operation.

If adverse operating conditions occur on the APS System due to the GF, APS
reserves the right to open the Generator breaker without notice until such
conditions are addressed. Customer will assume full responsibility for the
inverters shutting down in accordance with UL1741/lEEE1547 in the event of a
utility outage or system fault.

For a GF located behind a primary meter on a Dedicated Utility Feeder, an
exception to the remote trip requirements may be granted by the Energy Delivery
Compliance Committee (EDCC). APS Planning, Operations and Interconnection
Engineering shall mutually agree to submit the exception request to EDCC prior
to the request submittal. Remote monitoring or GF production data in 15 minute
intervals may still be required.

11.3 Remote Monitoring

(1)

(2)

The GF shall be equipped for remote monitoring by the APS Control Center.
APS will install, at Customer's expense, an EMS Meter (in addition to the billing
meter) along with communication wiring in the SES incoming metering section to
provide instantaneous Watts, kA, VARS, Volts Power Factor, Amps and
cumulative kph readings to the RTU.

For all installations, Customer must provide two meter sockets and two sets of
test switches at the SES metering compartment in accordance with the APS
ESRM - one set for the EMS Meter and the other for the billing meter. APS may
elect to temporarily install, and at APS' expense, transducers in place of the EMS
Meter, in the event this meter is not available at the time of the GF start-up. Once
the EMS meter becomes available, APS will coordinate with Customer to install it
and remove the transducers.
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INTERCONNECTION REQUIR~EMENT5 FOR DISTRIBUTED GENERATION

(3)

(4)

For Behind the Meter applications, in addition to metering located at the SES as
required per section 11.3(1) above, a meter is required to be installed to monitor
the Generator output, Customer will provide a metering section in accordance
with the APS ESRM. APS will install, at Customer's expense, an EMS meter
along with communication wiring in the metering section to provide instantaneous
Watts, VARS, Volts and cumulative kph readings to the RTU.

Customer will provide hard-wired open/close contact (b contact) status points and
control wiring to the RTU for any breaker with Remote Control capability by APS
so that APS can monitor the status of this breaker remotely.

11.4 Technical Details

(1)

(2)

At Customer's expense, APS will provide, operate and maintain an RTU.
Customer shall install the RTU enclosure as provided by APS, and APS will
install and program the RTU. Customer shall provide a 120 VAC, 15 Amp
(minimum) power supply to the RTU, and shall install 2" rigid metallic conduits for
all required circuits associated with the RTU. The 120VAC/15A circuit must be
from a dedicated feed upstream from the Generator breaker, so it remains
energized in the event the Generator breaker is open. The RTU and associated
equipment installed at the GF must be located at a Readily Accessible location
(available 24 hours) for APS personnel. For all PPA/Customer Owned GF, the
dedicated 120 VAC circuit shall not be backed up via Customer provided UPS.

The RTU wi l l  be  housed in an enclosure along wi th an appropriate
communication device (e.g. fiber converter, or modem as specified by APS), and
battery backup system. The RTU enclosure typically measures 36"X30"X10",
and is a NEMA OR outdoor rated cabinet. Additional RTUs may be required if a
single RTU cannot be located in the immediate vicinity of the SES and any
required metering on the generation output. The top of the RTU cabinet shall not
exceed more than 6' from final grade.

(3) Customer is responsible for securing a communication path back to the APS
communication system (e.g. fiber optic back to APS Substation or VG36 leased
line via the local telephone company). Any VG36 leased line shall be a Class B,
Type 3, and Full Duplex Data Circuit with sealing current, 1200 Baud. Customer
shall provide a leased data quality VG36 phone line from the RTU through the
Telco Point of Presence (POP) network to APS designated location. Customer is
responsible for paying the monthly service fee for the communication path. In the
event the communication path is disrupted for any reason, Customer is
responsible for remedying the issue.

In some instances, APS may provide a communication path back to the APS
communication system via a MAS radio. Customer will be responsible for all
associated costs, and shall also provide a location to install antennas tail enough
to provide line of site from the MAS radio antenna to APS communication towers
in the area.

(4) In the case the communication system located at the APS Substation (or
designated APS location) communicating back to the APS EMS system cannot
support the additional data points, Customer will be responsible for upgrading the
communication path. The cost of any communication upgrades, and the monthly
service fee will be passed on to Customer.
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(5)

(6)

Equipment and means of completing the communication path will be determined
by APS and communicated to Customer during the Interconnection Study
process (refer to Section 16.6).

Customer will provide, install and maintain Generator breaker control circuitry
("Breaker Control Scheme") that will accept two remotely initiated control
functions from the APS EMS system through the APS RTU (for each generation
breaker). If a Local/Remote control selector switch or any other component is
installed and wired in series with the trip and/or close circuit associated with the
Generator Breaker, the APS remote trip 8< block close/close permissive control
circuit must not be impeded. APS must be able to remotely trip the Generator
breaker open regardless of the position of the Local/Remote control switch.

i. Trip _Funqionz Contacts will close momentarily when APS issues a trip
command through the RTU.

The trip function contacts within the APS RTU are "dry" (not powered).
Maximum ratings for the contacts on the trip relay in the APS RTU are as
follows:

10A, 120VAC

PA, 125 VDC

10A, 28VDC

ii. Remote Close Function: Contacts will close momentarily when APS issues

•

•

•

_ a
remote close command through the RTU.

The close function contacts within the APS RTU are "dry" (not powered).
Maximum ratings for the contacts on the trip relay in the APS RTU are as follows:

10A, 120VAC

PA, 125 VDC

10A, 28VDC

Note: Remote Close Function is only required for APS Owned projects with an
RTU. Customer may opt to install a separate remote close scheme for Customer
owned GFs.

iii. Block Close / Close Permissive Function: Contacts will latch in the open
position when APS issues a block close command. Contacts will latch in the
closed position when APS removes the block close, i.e. issues a close
permissive.

The generator breaker control logic will allow Customer to operate associated
breaker. However it will be necessary for APS enable the close permissive
first, allowing Customer to close the breaker.

Note: The only acceptable means by which the GF breaker(s) is permitted to
be closed shall be via the breaker control circuitry (locally or remotely).
Circumventing the breaker control circuitry by manually closing the GF
breaker(s) for purposes of energizing the GF is not allowed by APS. Customer
shall disable manual closure of the GF breaker(s) by installing a mechanical

•

•

•
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blocking accessory (i.e. close defeat cover plate) or other means acceptable
to Ape.

The block close function contacts within the APS RTU are "dry" (not powered).
Maximum ratings for the contacts on the block close relay in the APS RTU are as
follows:

•

•

•

10A, 120VAC

0.5A, 125 VDC

10A, 28VDC

Customer is responsible for providing an interposing relay and any associated
power source if needed to ensure that the APS RTU contact ratings are not
exceeded.

(7)

(8)

(9)

Depending on the GF system configuration, these functions may be applied to
either individual Generator breaker within Customer gear or to a single main
Generator breaker for the GF in order to isolate the Generator(s) from the
APS System.

Note: APS will provide a "wetting" voltage of 24 VDC for Customer
generation breaker status contacts. APS will require an AC/DC schematic
diagram for the Breaker Control Scheme as part of final interconnection
diagram submittal showing terminal connections and sequence of
operations of the Trip and Block Close/Close Permissive functions.

APS can provide upon request sample diagrams showing typical
RTU/Communication requirements. These requirements must be incorporated
on the final Electrical One-Line Diagram required for APS interconnection review.

Customer shall include an Uninterruptable Power Supply (UPS) or battery bank
with a DC to AC inverter for any required Breaker Control Scheme and any SEL
351-7 relay to be operational if the normal power source should fail. The UPS
shall be capable of supplying backup power for at least six continuous hours and
shall be hard-wired (a "plug in" UPS is not acceptable).

Customer will perform periodic maintenance on the UPS batteries to ensure that
it remains in operational condition at all times. Documentation shall be provided
that the UPS has been tested and is operational as part of the APS final
inspection.

11.5 Project Details

(1)

(2)

Circuit requirements are dependent on generation size and all system additions
and system improvements to meet the needs of Customer for its DG installation.
Any additions/improvements to the APS System as a result of the DG installation
will be expensed to Customer. A cost summary will be provided to Customer as
part of the Interconnection Study.

The materials required for the RTU and specialized metering are long lead time
items taking as long as 4 months to receive. APS cannot allow Customer to place
the GF on-line until after all APS and Customer required work outlined in the
Interconnection Study has been completed and all applicable requirements being
implemented as delineated in APS Interconnection Requirements.
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(3)

(4)

Customer is advised to communicate need dates to APS as soon as practically
possible so as to avoid project delays.

A communication shelter may be required (specifically for APS owned projects) to
house the Supervisory Control and Data Acquisition (SCADA), communication,
and any security equipment. At Customer's option, a second service can be
provided at the applicable retail rate and system voltage for the communication
shelter electrical service. In such cases, APS will coordinate the RTU and
associated communication equipment arrangement and installation details with
Customer.

c.
d.

(8)

(5) The communication shelter will be provided and installed by Customer. Customer
shall provide and install instrumentation racks inside the communication shelter.
Racks shall be properly grounded utilizing #4/0 copper wire. A GPS clock shall
also be provided and installed by Customer (i.e. Arbiter Systems 1094B GPS
Substation Clock). Customer shall provide time synch from the GPS clock to the
protective relays installed at the medium voltage switchgear.

(6) If a communication shelter is required APS suggests ample time be allotted for
ordering, delivering, and installation of the communication shelter and associated
equipment. All conduits, wiring, and components related to the SCADA,
communication, and any security system shall be instal led prior to final
commissioning. APS will provide additional details during the construction phase.

(7) Any proposed generation 1 MW and greater will normally require an APS Site
Impact Study (SIS) to determine the impact to the APS System. Please refer to
Section 16.6 of the APS Interconnection Requirements for additional details.
Depending on the results of the SIS, APS may require a Dedicated Utility Feeder.
The following are potential triggers used to determine the need for a Dedicated
Utility Feeder:

a. A GF greater than % of a typical APS distribution feeder rating.
b. In Metro, the typical distribution feeder rating is 13 MW/MVA, but the rating

could be less in State Region depending on the area.
A Rotating Machine (i.e. synchronous generator) normally MW and greater.
If it is determined that the DG penetration limits of the distribution feeder will be
exceeded.
The aggregated generation (including the GF) shall not exceed 50% of the
distribution feeder's continuous rating.

The Customer is expected to pay the cost for designing, instal l ing and
maintaining the installation of a Dedicated Utility Feeder interconnecting to the
APS System.

Refer to Section 16.10 for Application and drawing review time frames for
systems MW and larger.

(9)
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12 ADVANCED GRID SUPPORT FEATURES
The requirements outlined in this Section apply to any GF with an aggregate nominal nameplate
AC output rating of 10 MW and greater, interconnected with the APS System and configured for
Continuous Parallel Operation. These requirements are in addition to those specified in Sections 8
and 11 of this document. Note that any GF of this rating will require an Interconnection Study per
Section 16.6 of this document.

A GF with an aggregate generator nominal nameplate AC rating of less than 10 MW will not
typically require the Operational Control Modes specified in this Section. However, depending
upon the GF's impact to the APS System, APS may require the GF to operate in one or more of
the modes specified in Section 12.1(A)(1), (2) and (3) below. Any such requirements will be
identified in the Interconnection Study or as otherwise determined by APS.

Note: Operating a GF at other than unity power factor may result in a reduction of real
power output. APS strongly recommends that Customer take this into consideration during
the GF design. Additional Generator nameplate capacity may need to be installed at the GF
to achieve a specified real power output when operating in the control modes specified
below.

12.1 Dynamic Response Requirements

(A) Operational Control Modes:

Any GF with an aggregate generator nominal AC nameplate rating of 10 MW and
greater, shall be capable of meeting all of the operational/control modes specified
below. As part of the Interconnection Study, APS wil l  specify whether these
operational/control modes shall be measured at the SES or POI.

Capability to operate in Power Factor Control ("PFC") mode at a fixed power
factor within the range of plus or minus 0.95 pf at any power output level up to
the maximum rated MW output of the GF.

Customer shall set the GF to operate at the APS default setting of 0.98 leading
(absorbing VARS at the GF) unless a different set point or operating mode is
specified by APS. It is acceptable for Customer to achieve this default setting at
the Generator output terminals.

(1)

The reactive power level calculated at 0.95 power factor (either lagging or
leading) with the GF producing full rated real power output represents the
required reactive power capability of the GF. The GF must be capable of
delivering or absorbing this amount of reactive power at the POI in any of
the active control modes specified in this Section.

(2)

(3)

Capability to operate at any fixed reactive power ("MVAR") output at any power
level within the full reactive power range calculated in 12.1(A)(1) above while the
GF is producing power.

Capability to operate in Automatic Voltage Regulating ("AVR") mode to regulate
the voltage to a selected voltage set point within a voltage range of 0.95 pu to
1.05 pu, to the extent that such voltage regulation can be achieved with the
available reactive power calculated in Section 12.1(A)(1).

Voltage regulation shall be within 0.50% of the voltage set point.
Arizona Public Service Company ... Revision 8.1
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From time to time, APS will specify whether Customer will operate the GF in
PFC, MVAR or AVR mode, and APS will specify the associated set point. Such
specification may be based upon the results of the Interconnection Study and/or
changes to, or conditions arising on, the APS System.

(B) Controller and System Performance Requirements:

(1)

(2)

(3)

(4)

(5)

The GF shall incorporate a suitable controller (e.g. "Power Plant Controller" or
"Dynamic Reactive Device") capable of operating/controlling the GF in all of the
modes specified in Section 12.1(A)(1), (2), and (3) above.

Upon the controller receiving a step change in a reference point value, it shall
drive the plant output to 90% of the new reference point value within 4 seconds
of receiving the step input, and shall settle/damp out to a final value within 8
seconds of step input irrespective of operating mode.

Customer shall provide written control system specifications which shall include
an executive summary as to how the control system works and meets APS
requirements noted, bill of materials, control system block and single line
diagram(s) and the anticipated performance parameters for APS review and
acceptance.

Customer shall provide a written performance testing procedure as part of the
drawing and application submittal. A sample procedure and/or checklist may be
provided by APS.

Once the GF is on-line at full power output, Customer shall be ready to complete
performance testing of the GF within ten (10) business days. Customer will
contact APS to coordinate scheduling the performance testing on mutually
agreed upon date(s). in the event APS personnel are not available to witness
any/all performance testing, Customer shall provide a certified test report and
supplemental information demonstrating conformance to APS requirements
noted herein for APS' review and acceptance.

A supplemental document outlining Dynamic VoltageNAR Response Testing
Procedures is available at:
http://www.aps.com/librarv/solar%20renewables/SupplementalD_y_namicVoltVAF§Guide.pdf

(6)

(7)

In the event of a control system failure, (Ag, loss of communication) the GF shall
be configured to revert to the default setting as specified in 12.1(A)(1). APS must
be notified as soon as possible in the event of a control system failure, but no
later than the following business day.

Note: For a Static Inverter based GF, if plant-wide power factor control were to
fail (e.g. due to a blown PT fuse), the GF may revert to inverter-controlled fixed
power factor mode with a local power factor setting of 0.98 leading.

The control system shall be designed to allow its performance to be evaluated in
all three of the operating control modes specified above by inputting a reference
step change into the controller. In the case of the AVR mode, the step change
shall constitute a change to the plant's desired output voltage set point. Figure 1
below depicts the typical response of a plant control system to a step change at
time ti .
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Note: There may be a time delay after to expires before the plant output
begins to respond to the step input. The time to to reach 90% of the final
output value is noted on the plot as well. After the output has attained 90% of
its final value, there may be some overshoot and oscillatory response until the
plant output settles out to its final value at to. There will be a small difference
between the final value and the desired value specified by the setpoint. This
difference is expressed as a percent error band referenced to the desired
setpoint versus the actual final value.

au- -

INPUT:

DIGITAL CHANGE
OR ANALOG STEP

vs FINAL VALUE
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-
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Figure 1 - Generalized Plant Response to a Reference Step Input Change

(8) If APS contacts Customer to change the operating mode or set point, Customer
will implement request within four (4) hours if request is made between the hours
of 6:00 am to 4:00 pm. If request is made outside these hours, request must be
implemented by 8:00 am the following morning. Any such request will be made
by the APS Energy Control Center (ECC).

12.2 NERC Standard PRC-024-1 Frequency and Voltage Ride-Through Requirements

The requirements outlined in NERC Standard PRC-024-1 ("Standard") apply to any GF
interconnected to the APS System with an aggregate nominal nameplate AC output rating
of 10 MW or greater. APS may grant an exception to a GF interconnected to a non-
dedicated distribution feeder. Refer to NERC Standard PRC-024-1 for more details. As a
system, the entire GF must ride through the disturbances described in this Standard. This
includes but is not limited to relay settings, Static Inverter ride through settings and in the
case of synchronous generators, the excitation system settings.

GFs subject to this Standard shall submit documentation depicting individual systems'
Frequency Capability Curves, Trip Times, Voltage Ride-Through Time Duration Curves and
any other information explaining how the GF meets the Standard. Customer shall provide
an overlay of voltage and frequency ride through capability for the site superimposed on top
of the PRC-024-1 Standard curves. For frequency, the WECC values specified in this
Standard shall be used.

?rint@d 9:39893 .are fc>r Referents 9arl:>-srse 818;

Arizona Public Service Company _ Revision 8.1

Page 52 of 86
Refer is E2a=c§?*r§%a C9933 in La st \»*e§s§9n.

llu



INTERCONNECTION REQUIREMENTS FOR DISTRIBUTED GENERATION

13 SOURCE TRANSFER EQUIPMENT

The requirements outlined in this Section apply to a Customer facility utilizing Source
Transfer Equipment to transfer all or part of the facility electrical load between two or more
power sources - typically one source being the Utility and the other being a Backup
Generator. This Section provides supplemental information to that outlined in Sections 4 and
8 of this document.

Source Transfer Equipment may consist of either a transfer switch which must be tested and
certified to UL 1008 or UL 1008A, or a true double throw switch listed to UL 98, or it could
comprise an engineered and custom-built transfer scheme which is not tested to UL
1008/1008A. While either a Transfer Switch or Transfer Scheme may be used to transfer
Customer load between a Utility source and a Backup Generator, a Transfer Scheme must
be used when transferring from one Utility source to another Utility source, for instance when
a Customer SES is fed via two Utility services. While Backup Generators are designed to
primarily operate in a stand-alone mode (electrically isolated from the Utility source) in order
to power emergency load, they may be designed to electrically parallel with the utility for
short periods (< 15 seconds) in order to effect a power transition between power sources.

All Source Transfer Equipment shall have adequate interrupt ratings and fault withstand
capabilities in accordance with paragraphs 1910.1-303(b)(4) and 1910.303(b)(5) of OSHA
Rules and Regulations as well as NEC Articles 110.9 and t10.10.

The connection with, and the operating modes of, Source Transfer Equipment connected to
the APS System is subject to APS review and acceptance as is described below. APS may
request additional details following APS receipt of a Customer Application and associated
Supplementary Information submitted in accordance with Section 17 and Appendix B of this
document. An Interconnection Study may be required depending on the size, configuration,
location and/or operating mode of the Source Transfer Equipment. APS will advise Customer
of any such requirement following an initial engineering review of the proposed design.

Note: in instances where APS provides multiple (redundant) electric services (feeder
sources) to a Customer facility, Customer is prohibited from ever paralleling the Utility
services (sources) in a Closed Transition Transfer (CTT) mode, (neither via a Momentary or
Smooth or Smooth Parallel Transition transfer) when effecting a power transfer between the
services. Refer to the APS ESRM, Section 104.12 "Protection and Isolation Requirements for
Multiple Utility Services to a Customer Facility" for additional information.
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13.1 Open Transition Transfer Equipment

(A) Open Transition Transfer Switch:

Provided the Transfer Switch is (i) installed in accordance with the NEC and the APS
ESRM, and (ii) meets the requirements for a Separate System as specified in Section 4.1
of this document, then Customer will generally not be required to fill out an Application or
enter into an Agreement with APS. Customer will not have to install a Disconnect Switch
provided the above requirements are met. APS does however reserve the right to require
Customer to submit an electrical one-line diagram and the switch specifications in the
event APS has reason to believe the installation or transfer switch may not be in
accordance with the stated requirements.

(B) Open Transition Transfer Scheme:

Backup Generator Transfer Scheme.. If Customer desires to install an open transition
transfer scheme in order to transfer to or from a Backup Generator source, that is not
tested and certified to UL 1008/1008A, or otherwise does not meet all of the requirements
specified for a Separate System in Section 4.1 of this document, then Customer shall
submit an Application along with applicable Supplementary Information in accordance
with Section 17 and Appendix B of this document. Customer's design shall include a
Disconnect Switch (or Switches) as specified in Section 8.2 of this document that will
completely isolate Customer's GF from the APS System. Following APS' review and
acceptance of the proposed design, APS will develop a Non-Parallel Connection
Agreement and possibly an Operating Agreement for execution by APS and Customer.
Customer shall not put the Backup Generator into service until the installation has been
satisfactorily inspected by APS and written notification has been provided by APS.

Utility Services Transfer Scheme: When Customer installs a transfer scheme in order to
perform an open transition transfer from one Utility source (service) to another Utility
source, then the installation shall comply with the requirements outlined in Section 104.12
of the APS ESRM.

13.2 Momentary Parallel Transition

A Momentary Parallel Transition transfer is accomplished by paralleling the Utility and
Generator power sources (when both sources are in synchronism) for a time period
not to exceed 167 milliseconds (ten cycles at 60 Hz) in order to effect a load transfer.
Power to the load is not interrupted during the transfer. Such a transfer may be
accomplished via either a CTT switch (tested and certified to UL 1008/1008A), or via a
CTT scheme (not certified to UL 1008/1008A) and is classified as a Parallel System.

Customer shall submit an Application along with associated Supplementary
Information in accordance with Section 17 and Appendix B of this document for APS
review and acceptance. Following APS acceptance of the proposed design, APS will
develop an Interconnection Agreement and possibly an Operating Agreement for
execution by APS and Customer,

The requirements outlined in this document for a Parallel System apply to a GF
utilizing a Momentary Parallel Transition transfer switch or scheme, including the
requirement for a Disconnect Switch (or Switches) as specified in Section 8.2 of this
document that will completely isolate Customer's GF from the APS System,
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(1)

The following additional technical requirements apply:

A primary timer shall be installed to limit the closed transition period to a maximum
of 167 milliseconds. The timer shall begin timing when the two power sources are
paralleled through their respective circuit breakers (Utility breaker and Generator
breaker) and shall trip open either one or the other breaker within the specified time.

In lieu of the minimum protective relaying requirements specified in Section 8.7 of
this document, Customer may elect to install a redundant independent backup
timer. This backup timer shall be configured to trip, at a minimum, a circuit
breaker that is independent of the breakers constituting the transfer switch or
scheme in the event the primary timer fails to break parallel between the power
sources within the specified time. The backup timer shall:

Begin timing concurrently with the primary timer.

b. Be set to a maximum time of 1 second.

(2)

(3)

c. Directly trip the independent circuit breaker in order to break parallel
between the sources in the event of a malfunction (i.e. extended parallel
beyond 167 milliseconds) of the normal transfer sequence. The trip circuit
shall not be routed through any circuit or logic scheme that could potentially
inhibi t  or block the tr ip signal , and shal l  not be routed through a
Programmable Logic Controller (PLC) or other such programmable device.

The backup timer and associated circuit design are subject to APS review
and acceptance.

For a transfer switch or scheme equipped with a relay incorporating reverse power
protective function(s), such function(s) shall be activated for both the Generator and
Utility source circuit breakers.

(4)

(5)

For instances where this feature is not available with Closed Transition
Transfer switches tested and certified to UL 1008/1008A, APS will not require
the reverse power functions.

Overcurrent lockout protection shall be incorporated into the CTT protective
relaying scheme to prevent any source breaker from being manually or
automatically closed into a fault.

When a transfer switch or scheme is manually operated to transfer load between the
power sources, automatic retransfer is not permitted.

This requirement correlates with the general safety practice that if a transfer is
manually initiated, then the re-transfer also needs to be performed manually.

13.3 Smooth Parallel Transition

A Smooth Parallel Transition transfer is accomplished by synchronizing and paralleling
the Utility and Generator power sources for a time period of normally 5 to 15 seconds
in order to effect a smooth load transfer (sometimes referred to as "soft loading")
between the sources. Power to the load is not interrupted during the transfer. Such a
transfer is accomplished via a CTT scheme (not certified to UL 1008/1008A) and is
classified as a Parallel System.

Customer shall  submit an Application along with associated Supplementary
information in accordance with Section 17 and Appendix B of this document for APS
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review and acceptance. Following APS acceptance of the proposed design, APS will
develop an Interconnection Agreement and possibly an Operating Agreement for
execution by APS and Customer.

The requirements outlined in this document for a Parallel System apply to a GF
utilizing a Smooth Parallel Transition transfer scheme, including the requirement for a
Disconnect Switch and minimum relaying requirements specified in Section 8 of this
document. The following additional technical requirements apply:

Reverse power function(s) shall be activated in the CTT protective relaying for
both the Generator and Utility source circuit breakers.

(1)

(2) Overcurrent lockout protection shall be incorporated into the CTT protective
relaying scheme to prevent any source breaker from being manually or
automatically closed into a fault.

(3)

(4)

When a transfer switch or scheme is manually operated to transfer load between
the power sources, automatic retransfer is not permitted.

This requirement correlates with the general safety practice that if a transfer is
manually initiated, then the re-transfer also needs to be performed manually.

Prolonged parallel operation greater than 15 seconds of the Customer's GF with
the APS System is not permitted nor otherwise agreed upon.

13.4 Closed Transition Transfer Scheme Safety Requirements

The requirements specified in this Section apply to all CTT schemes utilizing a
synchronous generator that electrically parallels with the Utility source. These
requirements supplement those outlined in Sections 13.2 and 13.3 of this document.

All Potential Open Points located in the circuit between a Generator output and the
Utility source shall be suitably interlocked to preclude the possibility of a potential out-
of-sync closure occurring between the two power sources. A Potential Open Point
includes any circuit breaker, contactor, switch, or similar device, (referred to as an
"Open Point" in this Section) that is capable of being opened and/or closed, and which
is not equipped with either a sync check or synchronizing function.

An Open Point may be interlocked by installing either of the following:

(1) A keyed or other suitable mechanical interlock that will prevent the Open Point
from ever being opened unless a circuit breaker in the circuit, which is equipped
with either a sync check or synchronizing function, is first opened. This breaker,
when opened, shall immediately break the electrical path between the power
sources.

(2) An electrical interlock consisting of a set of electrical contacts on the Open Point
which are directly wired to instantaneously trip open a circuit breaker in the
circuit, which is equipped with either a sync check or synchronizing function,
whenever the Open Point is opened. This breaker, upon opening, shall
immediately break the electrical path between the power sources.

Closed Transition transfer schemes shall also incorporate the following safety
features:

Breaker auxiliary switch contacts to provide transfer scheme interlocks and
permissive functions that are in addition to any control switching and
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interlock functions that may be provided by a microprocessor or PLC based
control device. The auxiliary switch contacts shall be connected to the
appropriate breaker closing/ tripping control paths.

Fail-safe control circuit design to prevent interlocks from being circumvented
in the event of loss of control power.

Close defeat cover plates on the transfer scheme source breakers to
prevent inadvertent unsafe out of sequence manual operation.

Provisions that allow both of the transfer scheme source breakers to
be in the open and racked-out position at the same time to allow the load
to be disconnected from both sources.

Overcurrent lockout protection shall be installed to prevent either source
breaker from being closed into a fault.

Electrical equipment subject to the paralleled power sources shall be rated
to withstand the combined fault current available from the power sources.

Written procedures and/or interlocks to ensure that automatic transfer and
retransfer operations are disabled when either of the transfer scheme
source breakers is in the racked-out position. This requirement correlates
with general safety practices in lockout-tagout switching procedures.

Protection against islanding and out of phase reclosing shall be installed
between a Generator and the Utility source.

13.5 Main-Tie-Main Transfer Schemes

Main-Tie-Main and Main-Tie-Tie-Main Transfer Schemes ("M-T-M Transfer Scheme")
typically consist of two or more main source breakers and one or two tie breakers, Such
schemes are used to (1) transfer load from one utility source to another, or (2) transfer
load between a Utility source and a Generator source (or sources). The requirements for
each of these are as follows:

(1) Load Transfer between Utility Sources:

When an M-T-M Transfer Scheme is used to transfer load between Utility sources
(services), then the transfer shall be accomplished in an Open Transition
Transfer mode to ensure that the Utility sources are never electrically paralleled.
The installation shall comply with the requirements outlined in Section 13.1 of this
document (refer to "Utility Services Transfer Scheme") and to Section 104.12 of
the APS ESRM.

(2) Load Transfer between the Utility and Generator Sources:

When an M-T-M Transfer Scheme is used to transfer load between a Utility
source (service) and a Generator source, then the transfer may be accomplished
in either an Open Transition Transfer mode or in a Closed Transition Transfer
mode. In addition to the respective requirements previously specified for these
two transfer modes, the following common requirements also apply to an M-T-M
Transfer Scheme:

Printed Copies are for Reference Purpose Only.
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(3)

When the load is manually transferred between the sources (eg, to de-
energize equipment for maintenance), then any re-transfer of load back to
the original source shall only be permitted to be performed in manual
(operator supervised and initiated) mode (the transfer scheme shall not
permit any automatic re-transfer).

For facilities where multiple Main-Tie-Main Systems co-exist, Customer
must ensure that they are properly coordinated.

Note: If automatic retransfer logic is part of a standard controller and the
logic cannot be modified, then the automatic retransfer logic will need to be
disabled and appropriate placards and procedures need to be put in place
as a reminder to personnel.

Excessive fault currents under closed transition conditions may violate the
interrupting rating of circuit breakers or the through fault withstands rating of
source transformers, and may damage other connected equipment. Thus, if there
is a failure such that the intended main or tie fails to trip, the new source device
must automatically be tripped.
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l II

INTERCONNECTION REQUIREMENTS FOR DISTRIBUTED GENERATION

14 TESTING AND START-UP REQUIREMENTS
The information outlined in this Section constitutes Start-Up Requirements that apply to any GF.
APS may impose additional Start-Up requirements depending on the system impact, type, size,
and/or location where the GF is interconnected to the APS System. APS will communicate
additional requirements as soon as practical ly possible to the Customer prior to final
commissioning and/or testing of the GF.

14.1 General Start-Up Requirements

(1) Customer shall, at a minimum, have all specified interface equipment, shutdown
and associated protective devices tested and calibrated at the time of installation
by qualified personnel and shall also perform functional trip testing of these
relays and associated Generator breaker.

Calibration must include on-site bench testing of pickup and timing
characteristics of the relays.

Functional testing must demonstrate that each protective relay trip function
as required herein, upon a (simulated) out of tolerance input signal will trip
the generator breaker, and shall also include a simulated loss of control
power to demonstrate that the generator breaker will open.

(2) Customer must have all equipment installed and certified to any applicable APS,
Federal and State requirements and/or codes. APS may require certifications
and/or test reports to be stamped by a Professional Electrical (PE)
Engineer licensed in the State of Arizona.

(4)

(3) A trip timing test (simulated loss of voltage) will suffice for static inverters tested
and certified to UL1741 .

The Customer is required to have a signed Interconnection Agreement with APS,
and must also provide APS with any other required documentation, prior to
electrically paralleling the GF with APS' system. The Customer must provide
APS with a copy of the Final Electrical Clearance ("Green Tag") for the GF as
provided by the AHJ, or provide APS with a duly signed and notarized Letter-in-
Lieu of Electrical Clearance if no AHJ electrical inspection is required, before
APS will schedule the Site Inspection and meter order.

Customer shall not commence interconnected operation of the GF with the APS
System until the GF has been inspected by an authorized APS representative
and written notification is received from APS allowing the GF to commence
parallel operation with the APS System.

(5)

14.2 Static Inverter Systems MW and Larger or any Rotating Machine

(1)

(2)

The Customer shall provide APS with a certified copy of calibration and
functional test results for all GFs comprised of a Rotating Machine and for any
GF comprised of Static Inverters with an aggregate AC nameplate rating of
10MW or larger performed at the time of commissioning of the GF. Customer
must also notify APS at least ten (10) business days in advance that such tests
are to be performed and allow APS personnel to witness the tests.

For Rotating Machines (Generators), Customer shall repeat such tests performed
as specified in section 14.2(1) at intervals not to exceed four (4) years by
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(3)

(4)

(5)

(6)

qualified test personnel. The Customer shall provide APS with a certified copy of
such test results upon request by APS.

The Customer shall give APS at least ten (10) business days prior notice of when
ini t ial  startup of GF is to begin, and APS wi l l  have the right to have a
representative present during initial energizing and testing of the GF.

Customer shall provide necessary certification confirming the GF has achieved
Qualifying Facility (QF) status as specified in Section 3 of this document.
NOTE: Backup Generators do not qualify as a QF.

Customer shall submit a pre-test calibration and functional test check list, prior to
witnessing calibration and functional testing of the GF protective devices (relays)
associated with the Generating Facility breaker(s)and full plant trip timing test
report for all GF's comprised of Rotating Machines and Static Inverters with an
aggregate AC nameplate rating of 10 MW or greater prior to APS witness testing.

Customer shall provide documentation/certification to APS ensuring that the
control wiring (along with CT and PT circuitry) has been completed and
verified, relay settings have been applied, and any internal trip path testing
has been performed (i.e. dry run).

Customer shall provide relay test report(s), equipment test reports
(transformers, inverters, generators, etc.) and any other required
certification/documentation required by APS prior to granting full permission
to parallel with the APS System.

For any GF comprising of Static Inverters with an aggregate AC nameplate rating
of 10MW or larger, Customer shall hire a 3l'd party testing firm to perform full plant
trip timing test.

Customer shall provide a test report performed by a qualified testing firm.
Test report shall provide trip time, voltage and frequency profile graphs with
all inverters on-line (recommend at low power output). Any communication
latency between plant equipment at t=0 shall be communicated within the
test report.

Customer must notify APS at least ten (10) business days in advance that
such tests are to be performed and allow APS personnel to witness the
tests. APS, at its option, may elect to connect its test equipment along with,
or in lieu of, Customer's test equipment for the purpose of performing the
trip timing test.

For the purposes of the trip timing test Customer may be required to disable
the Mirrored Bits Receive function at the GF relay(s) for APS Direct Transfer
Trip.
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15 OPERATIONAL AND MAINTENANCE REQUIREMENTS
15.1

15.2

Customer will be responsible for operating and maintaining the GF in accordance with the
requirements of all applicable safety and electrical codes, laws and governmental agencies
having jurisdiction.

Customer shall protect, operate and maintain the GF in accordance with prudent
engineering and utility practices (Good Utility Practice) and methods. Additionally,
Customer shall operate and maintain the GF lawfully in a safe manner and in a non-
hazardous condition.

15.3

15.4

Customer will allow APS and its authorized agents access to the protective relaying and
control facilities to conduct startup or periodic tests APS deems necessary. APS will
provide Customer with advance notice of such tests, so that Customer's representatives
may be in attendance when tests are performed.

Customer shall pay annual fees for the Operations and Maintenance (O8¢M) of APS' new
distribution facilities built to accommodate the interconnection of the Customer's GF to the
APS System. The Operations and Maintenance Charges (O&MC) covers the costs of the line
extension and upgrades and its associate equipment. This O8<MC is derived utilizing an APS
standard methodology:

(A) Following construction of the dedicated generator tie line, the O&MC is calculated
and charged to the Customer based on actual costs of construction.

(B) The actual cost-based O8<MC charge wi l l  be for the l i fe of the Generator
Interconnection Agreement.

(C) The estimated O8¢MC is the percentage of the actual construction cost (based on the
FERC Form-1 data) and is an annual cost to the Customer.

(D) The estimated annual charge will include a 3% escalation for inflation per year over
the life of the contract.

(E) Customers required to pay an O&MC will be informed of the fee details during the
Interconnection Study process (refer to Section 16.6 of this document).
Behind the Meter Customers will not be assessed an O8<MC.(F)

15.5 In the event APS or its authorized agents lock open the Disconnect Switch, Customer shall not
remove or tamper with such lock.

15.6 APS will be allowed to install on Customer's premises any instrumentation equipment for
research purposes. Such equipment will be owned, furnished, installed and maintained by
Aps.

15.7 APS (including its employees, agents and representatives) shall have the right to enter
Customer's premises to:

(A) Inspect Customer's GF, protective devices, and to read or test instrumentation
equipment that APS may install, provided that reasonable notice is given to
Customer prior to entering its premises,

(B) Maintain, replace or repair APS equipment, which may require APS personnel to
open the Disconnect Switch without notice,

(C) Immediately and without prior notice disconnect or cause Customer to immediately
disconnect, the GF or otherwise render the GF disconnected from the APS System
(including by opening the Disconnect Switch) if, in APS' opinion, a hazardous
condition exists and such immediate action is necessary to protect persons, APS
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facilities, or other customers' or third parties' property and facilities from damage or
interference, or if, in APS' opinion, any of the protective devices or switching
apparatus is not or does not appear to be operating properly,

(D) Open the Disconnect Switch without notice if an operating clearance is required by
APS personnel,

(E) Close the Disconnect Switch upon completion of APS work performed under an
operating clearance.

15.8 Upon termination of the Interconnect Agreement, Customer shall be responsible for ensuring
that the Disconnect Switch is immediately opened, and that the electric conductors connecting
Customer's generator(s) to the Disconnect Switch are lifted and permanently removed, so as
to preclude any possibility of interconnected operation in the future. APS reserves the right to
inspect Customer's facility to verify that the generator is permanently disconnected .
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1 APPLICATION PROCESS AND GENERAL REVIEW REQUIREMENTS

16.1

16.2

For a static inverter-based GF with an aggregate nominal AC nameplate output rating of
less than 1 kW that interconnects with the APS System, Customer is not required to submit
an Interconnection Application. APS will not inspect the installation or prepare an
Interconnection Agreement, however, it remains Customer's responsibility to:

(A) Have the system properly permitted and inspected by the AHJ.

(B) Ensure inverters are tested and certified to UL1741per Section 8.7(A)(11).

(C) Conform to all applicable APS interconnection requirements as specified in this
document.

Customers wishing to interconnect a static inverter-based GF less than MW are required
to submit:

(A) A completed APS Interconnection Application (Appendix A or B).

(B) Diagrams specified per Appendix A or B.

(C) A copy of the Building Permit issued by the AHJ (See Note Below).

The building permit shall be issued by the AHJ following their approval of the diagrams and
not the "permit application" form.

Note: it is not necessary to submit a building permit and/or permitted diagrams for MW or
greater stat ic inverter based systems or rotat ing machines to begin the APS
Interconnection Application review.

An "Interconnection Application" form must be completed and all supplementary information
requested per Appendix A or B shall be provided.

Additionally, diagrams shall be prepared and submitted per requirements specified (refer to
Appendix A or B) and in the format depicted on APS Sample Diagrams located at
www.APS.com/dg.

Note that APS may accept a set of the required diagrams (normally one-line, three-line,
array, plant location and site plan) approved by the AHJ provided these diagrams have
been prepared in accordance with the APS Sample Diagrams and contain the necessary
information shown therein and as otherwise specified in this document and its appendices.

Depending on the GF type and size, APS will review the Interconnection Application and
required diagrams for consistency with APS Interconnection Requirements and provide
comments back to Customer or their designee. Diagrams must be in compliance with all
NEC, APS, and AHJ requirements. APS will not generally require re-submittal of the
Interconnection Application or required diagrams unless the diagrams or system design is
revised prior to scheduling APS Site Inspection, or APS requests a resubmittal. As a part
of the APS Site Inspection, APS will inspect to ensure all applicable diagram comments
made by APS have been incorporated.

If there is no plan review or permit requirement imposed by the AHJ, drawings must be
submitted per Appendix A or B of the Interconnection Requirements. A notarized copy of
APS' Letter-in-Lieu of Electrical Clearance form is required. Drawings may need to be
stamped by an Electrical PE in Arizona.
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16.6

16.7

16,8

16.9

Note: Diagram reviews by APS do not relieve Customer of the responsibility of full
compliance with the APS Interconnection Requirements and all applicable building and
safety codes, and local permitting requirements.

16.4 APS' review of documentation submitted by Customer or their designee shall not be
construed as a warranty or representation regarding the safety, durability, reliability,
performance or fitness of Customer's GF and service facilities (i.e. SES), its control or
protective devices, or the design, construction, installation or operation thereof.

16.5 APS strongly encourages Customer to work closely with APS at the conceptual stages of
the design to ensure that the project proceeds smoothly. A single point of contact with
which to coordinate the interconnection process is preferred.

Following receipt of Customer's Interconnection Application, APS may perform an
engineering review to determine if an Interconnection Study (Study) is required. Systems
rated at 1 MW or greater nominal generator AC nameplate rating will require a Study
(Schedule 6 may apply).

The Study determines whether any modifications, upgrades or additional facilities will be
required to the APS System. The Study will also provide estimated costs. It may take 90
days or longer to complete the Study, so it is important for Customer to submit the
Interconnection Application as soon as possible.

The Study will determine any special technical requirements and the cost of any APS
System upgrades. Customer will be responsible for any costs associated with upgrading
the APS System in order to accommodate interconnection of the GF.

APS will provide Customer with the estimated costs and construction schedule should it be
necessary for to upgrade the APS System (i.e. install Dedicated Utility Feeder(s), control or
protective devices, remote terminal unit(s), etc.) in order to accommodate or protect
Customer's GF or APS equipment. Customer will be responsible for all costs incurred to the
extent they exceed those normally incurred by APS for Customers who do not have self-
generation facilities, and which must be paid prior to the commencement of any such work .

Following APS' final Site Inspection of the Customer's Generating Facility, Customer shall
not remove, alter or otherwise modify or change the equipment specifications, including,
without limitation, the plans, control and protective devices or settings, and in general the
Generating Facility system configuration or any facilities appurtenant thereto that are
subject to the APS Interconnection Requirements. If the Customer desires to make such
changes or modifications, the Customer must resubmit to APS revised plans describing the
changes or modifications for review by APS. No change or modification may be made
without the prior written acceptance of APS.

Following APS' review of Customer's Interconnection Application and associated diagrams,
APS will prepare the Interconnection Agreement, and any applicable other agreements
(e.g. Electric Supply/Purchase Agreement, Construction Agreement, Line Extension
Agreement, and Operating Agreement) and/or other required documents for execution by
APS and Customer.

16.10 Following the submittal of a completed Interconnection Application and all supplementary
information as required by Appendix A or B, APS will generally require 4-6 weeks for review
of Static Inverter based systems of MW or greater and all Rotating Machine projects. APS
may require additional time depending on the size and complexity of any such GF. APS
will communicate with the Customer's representative should additional time be required for
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review as soon as practically possible. Customer should discuss project plans with APS
before designing its DG or purchasing and installing equipment.
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17 INTERCONNECTION APPLICATION INSTRUCTIONS

A Customer requesting to interconnect a GF to the APS System and not subject to FERC
jurisdiction must do the following:

(1) Complete the appropriate Interconnection Application (refer to table 17-1 of this Section).
If Appendix A for Static Inverter installations or Appendix B for Rotating Machinery
installations is to be completed, be sure to provide all required Supplementary Information
in the relevant Appendix.

Provide a copy of the AHJ building permit along with the Interconnection Application.
Refer to section 16.2 of this document for additional details regarding_AHJ_building permit
and permitted diagrams. If the AHJ does not review diagrams or approve and grant
permits for Generating Facilities, then provide a notarized copy of APS' Letter-in-Lieu of
Electrical Clearance for the GF. Contact APS for a copy of the Letter-in-Lieu of Electrical
Clearance form.

(2)

(3) Forward required items (1) and (2) above to APS via the contact information noted below.

(4) If general liability insurance is per Section 5 of the Interconnection Requirements, then
proof of insurance must be provided to APS prior to the date of interconnected operation.

If the GF aggregate nominal nameplate rating is 1 MW or greater, and the exception
specified in Section 3 of the Interconnection Requirements manual does not apply, then
documentation as specified in Section 3 must be provided to APS prior to the date of
interconnected operation.

APS will review the Customer provided documentation to determine if the design conforms to
Aps' requirements. APS reserves the right to require diagrams submitted to be stamped by a
Professional Engineer (Electrical) registered in the State of Arizona.

APS notification that the system design appears to be in conformance with Aps' Interconnection
Requirements does not represent Aps' approval of system's design, nor is it an assurance that
the system complies with all applicable electric codes, laws, regulations and requirements
applicable to its installation and operation.

The APS Interconnection Site Inspection is in addition to, but not in place of, an AHJ inspection.
Final drawings shall be provided by Customer per Section 17 of this document prior to APS
scheduling and performing the Site Inspection.

It is important that GF not be interconnected (in parallel with the APS System) and/or
operated until APS has inspected the GF and issues written notification (i.e. permission to
parallel and/or operate) that the system design conforms to APS' requirements.

(5)

If you have any questions call 602-371-6160 for assistance.

Submit all documentation electronically in .pd format to:
Commercial-Renewables@aps.com

Include Customer name in subject line of email.
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Non-
Residential

Applications

Wholesale Generation

For FERC interconnections use the
application located at APS' Oasis Website at:

http:llwww.oatioasis.con3[azps/index.htmI

For Non-FERC interconnections, Use the appropriate
application (Appendix A or B) available at:

http:Il .aps.com/dg

Behind the Meter
1 kW or greater

Use the appropriate application
(Appendix A or B) available at:

h;tp:Il .aps.comIdg

Behind the Meter
less than 1 kW

No APS application is required.

Customer must still follow all code and local
permitting requirements. Refer to Section 16.1 of the

APS Interconnection Requirements

Residential
Applications

Non Incentive-
Interconnect Only

Process
1 kW or greater

Please review the process guide located at
http:llaps.com/dg under the residential tab to

complete an application

Relocating system
and participated in the

APS Incentive
Program

1 kW or greater

Send email for transfer packet to
renewables@aps.com - Subject: Transferring

system to new location

Relocating system
and participated in the

Non Incentive _
Interconnect Only

Process
1 kW or greater

Please review the process guide located at
http:/laps.comldg under the residential tab to

complete an application

Systems less than
1 kW

No APS application is required.

Customer must still follow all code and local
permitting requirements. Refer to Section 16.1 of the

APS Interconnection Requirements

INTERCONNECTION REQUIREMENTS FOR DISTRIBUTED GENERATION

Table 11-1 below shows the appropriate interconnection application to be completed for the GF being
contemplated.

Table 17-1
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APS Reservation # (if applicable)

APS Installation #

INTERCONNECTION APPLICATION FOR DISTRIBUTED GENERATION (REVISED 4-7-16)

APPENDIXA

lNTERCONNEQT_lQN APPLICATI.ON.FOR STATIC INVERTERS duLy

For APS use

CUSTOMER OF RECORD AND SITE SPECIFIC INFORMATION

APS Customer Account Holders Name(s):

Customer Contact Person's Name:

Telephone (day): E-mail:

Generating Facility Address:

Customer Contact Mailing Address:

APS Account Number: APS Meter #z

Is there an existing Generator interconnected behind this meter? (Yes or No):

If Yes, provide kW size and type of existing Generator:

Is there an existing Generator connected behind a different meter at this site? (Yes or No):

If Yes, provide kW size and type of existing Generator:

is this GF being interconnected behind a sub-meter constituting a Totalized Metering arrangement?

(Yes or No): If Yes, provide the APS sub-meter # feeding the GF:

Is the Customer of record a federally owned entity? (Yes or No):

STATIC INVERTER INFORMATION

A. Manufacturer: Model #z

B. Inverter nameplate continuous AC power output rating [kW]

No. of Units: Total System Nameplate AC rating [keN]:_

c. Tested and certified to UL1741? (Yes or No):

If No, explain:

D. Energy Source (photovoltaic, thermal solar, wind, etc.):

E. Prime Mover for Thermal Solar (concentrating dish, solar trough, with Sterling Engine, etc.):

AL
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INTERCONNECTION APPLICATION FOR DISTRIBUTED GENERATION (REVISED 4-7-1G)

APPENDIX A: INTERCONNECTION APPLICATION FOR STATIC INVERTERS (cont'd)

F. Are the Inverter(s) Non-Isolated (Transformer-less) (Yes or No):

PHOTOVOLTAIC SYSTEM INFORMATION - complete only for photovoltaic systems

A. PV Module Manufacturer: Model #: # of Modules

Total PV Module DC rating [kW]:

PV Modules Tested and Certified to UL1703? (Yes or No):

UTILITY DISCONNECT SWITCH INFORMATION

A. Utility Disconnect Switch Manufacturer: Model #1

BATI'ERY INFORMATION - complete only for battery systems.

A. Battery Manufacturer: Model #: # of Units

B. Total System Maximum Power [kcAl]:

C. Total System Energy [kwh]:

Batteries Tested and Certified to UL1973? (Yes or No):
Include Battery Spec Sheet with Interconnection Application

PROPOSED OPERATION

Specify whether the inverter will be programmed to operate in parallel with the utility or in backup ("battery
charger"') mode only:

Parallel mode

Backup mode

B. If the inverter will operate in parallel with the utility, specify which one of the following options you desire:

Net metering per EPR-6 rate

Partial Requirements Service per E-56 R rate (> 100 kw)

Sell excess energy to APS per EPR-2 rate (< 100klAl)

Sell excess energy to APS under a Power Purchase Agreement (PPA)

None of the above. Specify:

Provide the anticipated project in-service date:

Is an electrical permit and/or inspection required by the Authority Having Jurisdiction?

(Yes or No): If No, explain;

Is access by APS personnel to the Utility Disconnect Switch, the facility SES and any utility-required inverter
production metering in any way restricted or impeded (Ag. fences, locks, Gates, walls, animals, etc.)'?

E.

C.

D.

A.

D.

c.

B.

(Yes or No): If Yes, explain how APS will have 24/7 unrestricted access:

AS



INTERCONNECTION APPLICATION FOR DISTRIBUTED GENERATION (REVISED 4-7-16)

APPENDIX A: INTERCONNECTION APPLICATION FOR STATIC INVERTERS (cont'd)

If the GF aggregate generation nominal nameplate AC rating is MW or greater, and is not installed in a Behind
the Meter application, is documentation (including FERC Form 556) confirming the GF has achieved QF status
included with this Interconnection Application? (Refer to Section 3 of the APS Interconnection Requirements).

(Yes, No or N/A): If No, explain:

G. If the GF aggregate generation nominal nameplate AC rating is 1 MW or greater, and is installed in a Behind the
Meter application, does Customer warrant that, to the best of Customer's knowledge, even when considering the
expected degradation of the power rating over its expected life and future potential increased electrical load
needs of Customer, the GF is not expected to produce more energy over the 12 month period between January 1
and December 31 of any given year than what Customer consumes behind the APS bi-directional billing meter.

(Yes, No or N/A): If No, explain

Is general liability insurance required per Section 5 of the Interconnect Requirements?

(Yes or No): If Yes, explain when proof of insurance will be provided to APS:

Is the production metering enclosure CT Rated (e.g. Secondary Service > 200A, Primary Service, etc.)?

(Yes or No):

I.

H.

F.

If Yes, shop drawings must be submitted by equipment manufacturer to the APS Meter shop for Review and
Approval via e-mail to submittals.metershop@apso.com. Reference the type of system (wind, photovoltaic solar,
etc.) on the submittal in addition to the GF Site Address.

AS



INTERCONNECTION APPLICATION FOR DISTRIBUTED GENERATION (REVISED 4-7-16)

APPENDIX A: INTERCONNECTION APPLICATION FOR STATIC INVERTERS (cont'd)

IMPORTANT NOTE:

APS requires disclosure of the transaction that Customer is undertaking with the installation of the interconnected GF
on its premises.

SYSTEM OWNER

If the GF is owned by a person or entity, including Customer's grantee or lessee, other than Customer, complete the
following:

Company:

Mailing Address:

Phone: E-mail:

SYSTEM LESSEE

If the GF is not owned by Customer, but is instead leased, identify the lessee and the lessor:

Lessee:

Company:

Mailing Address:

Phone: E-mail:

Lessor:

Company:

Mailing Address:

Phone: E-mail;

AS
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INTERCONNECTION APPLICATION FOR DISTRIBUTED GENERATION (REVISED 4-7-16)
*

APPENDIX A: INTERCONNECTION APPLICATION FOR STATIC INVERTERS (cont'd)

SYSTEM OPERATOR

If the GF is to be operated and/or maintained by a person or entity other than Customer, including the System Owner
or Lessee, complete the following:

Name: Company:

Mailing Address:

Phone: E-mail:

PROPERTY OWNER

If Customer does not own the property upon which the GF is located, complete the following:

Name: Company:

Mailing Address:

Phone: E-mail:

LANDLORD

If Customer is a tenant upon the property at which the GF is located, provide the following information on the landlord:

Name: Company:

Mailing Address:

Phone; E-mail;

INTERCONNECTION PROCESS PRIMARY CONTACT

if the Primary Contact for coordinating the interconnection process is a person or entity other than Customer,
complete the following:

Name: Company;

Mailing Address:

Phone: _E-mail:

AS



INTERCONNECTION APPLICATION FOR DISTRIBUTED GENERATION (REVISED 4-7-16)

APPENDIX A: INTERCONNECTION APPLICATION FOR STATIC INVERTERS (cont'd)

MQTALLER lnFo3_MATlon

If the installer is not the Primary Contact for the interconnection process, complete the following:

Name: Company:

Mailing Address:

Phone: _ _E-mail:

SYSTEM DESIGN OR ENGINEERING FIRM INFORMATION

If the system is being designed by an entity or person other than the installer, complete the following:

Name: Company:

Mailing Address:

Phone: E-mail:

CUSTOMER CERTIFICATION

This Application is complete and accurate to the best of my knowledge, and as the APS Customer of Record, I hereby
grant APS permission to coordinate the interconnection process with the person or entity specified as the Primary
Contact in the interconnection Process Primary Contact Section above, if such Section is completed.

• I understand that I will be required to sign off on a rate disclaimer per Section 10 of the APS Interconnection
Requirements. Failure to submit the disclaimer form may delay processing of your application
(Residential Only).

I further understand that APS will not accept any drawings that are copyrighted, proprietary, or contain confidential
material. APS reserves the right to reject any Interconnection Application which it deems illegible or does not meet
the mandatory requirements set forth in the APS Interconnection Requirements or the APS sample drawings.

Name:

Signature; Date:
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INTERCONNECTION APPLICATION FOR DISTRIBUTED GENERATION (REVISED 4-7-16)

APPENDIX A: INTERCONNECTION APPLICATION FOR STATIC INVERTERS (cont'd)

SUPPLEMENTARY INFORMATION

Diagrams specified below must be submitted along with a copy of the Building Permit issued by the AHJ for non-
residential Static Inverter based systems with an aggregate generator nominal AC nameplate rating of less than 1 MW
and interconnecting at less than 12 kg, and are to be submitted in pd format. Refer to Section 16.2 & 16.3 of the APS
Interconnection Requirements for additional information. APS will not accept any copyrighted, proprietary or
confidential drawings. Drawings must be site specif ic regarding the information requested below, without
extraneous information and must be prepared for APS' use. All electrical connections to equipment must be
shown -"block diagrams" will be rejected. Diagrams are to be professionally drawn, using only black print on
white paper, and are not to be in color or shaded. Free hand drawn, faxed diagrams and drawings that are
otherwise difficult to read will not be accepted by Aps. All diagrams must include the project name and street
address and include any updated diagram revision numbers and dates. If the required information is not provided on
the drawings, application and/or supplemental information, then APS will require clarifying information. Clarifying
information may include requesting manufacturers cut sheet(s) or the UL certif ication documents for the
device/equipment in question.

APS has prepared several sample diagram sets that indicate the general layout, level of detail, keyed notes, and other
information, with the quality required by APS for typical inverter-based systems. These diagrams are located at:
www.aps.com/do

Standard industry electrical symbols shall be used on the diagrams and must be legible when printed on 11"x17"
paper.

(a) Electrical One-Line Diagram:
Diagram(s) must show all generation sources (e.g. photovoltaic panels, wind generator, etc.), associated DC
electrical components, inverter(s), combiner panels, metering, Utility Disconnect Switch, as well as the electric
service entrance. The utility meter, connection points of facility loads, and all other associated electrical
components must be shown including any required dedicated metering phone lines, transfer trip communication
path(s) along with the associated relaying and trip circuits, and any APS required Remote Terminal Unit (RTU)
with associated communication channels and trip/block close/close permissive circuitry (refer to Section 11.4 of
the APS interconnection Requirements). The electrical ratings of the wire and equipment including all back-fed
breakers or fuses and any subpanels, and associated keyed notes/labels must be indicated.

(b) Electrical Three-Line Diagram:
Diagram(s) must show detailed phase wiring of all electrical equipment as specified in the Electrical One-Line
Diagram, as well as all neutral, equipment ground and grounding electrode equipment (G.E.C.) conductors and
connections.

(c) AC & DC Control Schematics:
For systems greater than MW only (unless required otherwise by Aps), Diagram(s) must show the detailed
phase wiring of all electrical equipment as specified for the Electrical One-Line Diagram, including protective
relaying, associated instrument transformers, breaker control circuitry, and additional control schemes. Include
control power source and all associated AC and DC connections.

(d) Plant Location Diagram: Note (1)
Diagram must show major cross streets and location of facility. Include a North arrow.

(e) Site Plan:
Diagram must clearly show the major GF equipment individual components and their locations, including the
electric Service Entrance Section and utility meter, location of the inverter(s), Utility Disconnect Switch and any
lock-boxes, etc. Include building structure location and any walls, fences and Gates etc., to clearly indicate
unobstructed access to APS equipment, including any required special metering and the Utility Disconnect
Switch. Include a North arrow.

(f) Relay Setting Sheet(s):
For systems greater than MW only (unless required otherwise by Aps), setting sheet(s) for the APS-required
minimum protective relay functions must show the trip set points and times. Settings may be provided after the
initial APS review, once the final system configuration has been determined.

A7
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INTERCONNECTION APPLICATION FOR DISTRIBUTED GENERATION (REVISED 4-7-1G)

APPENDIX A: INTERCONNECTION APPLICATION FOR STATIC INVERTERS (cont'd)

(g) Disclaimer Form (Residential Only)
Customer shall submit a signed copy of the disclaimer form available on the APS Website

(h) Consumer Acknowledgement Form
Customer shall submit a signed copy of the consumer acknowledgement form available on the APS Website

Note 1: A Plant Location Diagram will not be required for residentialsystems

AB



APS Reservation # lit applicable)

APS Installation #

INTERCONNECTION APPLICATION FOR DISTRIBUTED GENERATION (REVISED 4-7-16)

APPENDIX B

INTERCONNECTION APPLICATION FOR ROTATING MACHINERY ONLY

For APS use

CUSTOMER OF RECORD AND SITE SPECIFIC INFORMATION

APS Customer Account Holders Name(s):

Customer Contact Person's Name:

Telephone (day): E-mail:

Generating Facility Address:

Customer Contact Mailing Address:

APS Account Number: _APS Meter #:

Is there an existing Generator interconnected behind this meter? (Yes or No):

If Yes, provide kW size and type of existing Generator:

Is there an existing Generator connected behind a different meter at this site? (Yes or No):

If Yes, provide kW size and type of existing Generator:

Is this GF being interconnected behind a sub-meter constituting a Totalized Metering arrangement?

(Yes or No): If Yes, provide the APS sub-meter # feeding the GF:

Is the Customer of record a federally owned entity? (Yes or No):

BI
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INTERCONNECTION APPLICATION FOR DISTRIBUTED GENERATION (REVISED 4-7-16)

APPENDIX B: INTERCONNECTION APPLICATION FOR ROTATING MACHINERY (cont'd)

GENERATOR INFORMATION

A. Manufacturer: Model #1_

B. Generator Type (Synchronous, Induction):

C. Generator Nameplate Rating:

Voltage: Single or Three Phases:

Continuous Power KW:Power Factor:

Total System kW:

D. Generator Electrical Characteristics (on the machine base, for above 50 keN):

No. of Units:

Synchronous Reactance (Xd):

Transient Reactance (X'd):

Subtransient Reactance (X"d):

Stator Resistance (Ra):

Zero Sequence Reactance (X0):

Zero Sequence Resistance (R0):

Negative Sequence Reactance (X2):

Negative Sequence Resistance (R2):

E. Generator Neutral Grounding (for above 300 kW):

Specify whether the generator neutral will be solidly grounded or grounded through a neutral resistor:

If grounded through a neutral resistor, specify the resistance:

PRIME MOVER

A. Manufacturer: Model #2

B~ Fuel Source (Natural Gas, Landfill Gas, etc.):

Is useful heat recovered from the prime mover? (Yes or No):

Will the installation be certified as a Qualifying Facility (QF)? (Yes or No):

BE

C.

D.
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INTERCONNECTION APPLICATION FOR DISTRIBUTED GENERATION (REVISED 4-7-16)

APPENDIX B: INTERCONNECTION APPLICATION FOR ROTATING MACHINERY (cont'd)

INTERFACE EQUIPMENT AND PROTECTIVE RELAY INFORMATION
(Complete all applicable items, attach a separate sheet if necessary).

A. Synchronizer for Synchronous Generator:

Manufacturer: Model #:

Automatic or Manual Synchronizer:

B. Manufacturer's name and model number for each protective device (Refer to Section 8);

C. Proposed settings (trip set point and time) for each protective device (Refer to Section 8):

-11111111 I
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INTERCONNECTION APPLICATION FOR DISTRIBUTED GENERATION (REVISED 4-7-16) 4

APPENDIX B: INTERCONNECTION APPLICATION FOR ROTATING MACHINERY (cont'd)

PROPOSED OPERATION

A. Specify the mode in which the Generator will operate:

Open Transition

Continuous Parallel

Smooth Parallel Transition (normally 5-15 seconds)

Momentary Parallel Transition (normally 1/6 second)

B. If the Generator will operate in continuous parallel with the utility, specify which one of the following options you
desire:

Net metering per EPR-6 rate

Partial Requirements Service per E-56 R rate (> 100 kw)

Partial Requirements Service per E-56 rate (> 100 kw)

Sell excess energy to APS per EPR-2 rate (< 100kW)

Sell excess energy to APS under a Power Purchase Agreement (PPA)

None of the above.

Specify:

Provide the anticipated project in-service date:

Is an electrical permit and/or inspection required by the Authority Having Jurisdiction?

(Yes or No): If No, explain:

Is access by APS personnel to the Utility Disconnect Switch, the facility SES, and any utility-required generation
metering in any way restricted or impeded (fences, locks, Gates, walls, animals, etc.)?

(Yes or No): If Yes, explain how APS will have 24/7 unrestricted access

If the GF (other than Backup Generation) aggregate generation nominal nameplate AC rating is 1 MW or greater,
and is not installed in a Behind the meter application, is documentation (including FERC Form 556) confirming the
GF has achieved QF status included with this Interconnection Application? (Refer to Section 3 of the APS
Interconnection Requirements).

(Yes, No or N/A):

If No, explain:

BE

C.

F.

D.
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INTERCONNECTION APPLICATION FOR DISTRIBUTED GENERATION (REVISED 4-7-15)

APPENDIX B: INTERCONNECTION APPLICATION FOR ROTATING MACHINERY (cont'd)

G. If the GF aggregate generation nominal nameplate AC rating is 1 MW or greater, and the GF is installed in a
Behind the Meter application, does Customer warrant that, to the best of Customer's knowledge, even when
considering the expected degradation of the power rating over its expected life and future potential increased
electrical load needs of Customer, the GF is not expected to produce more energy over the 12 month period
between January 1 and December 31 of any given year than what Customer consumes behind the APS bi-
directional billing meter.

(Yes, No or N/A): If No, explain

H. Is general liability insurance required per Section 5 of the Interconnect Requirements?

(Yes or No): If Yes, explain when proof of insurance will be provided to APS:

Is the production metering enclosure CT Rated (e.g. Secondary Service > 200A, Primary Service, etc.)'?

(Yes or No):

If Yes, shop drawings must be submitted by equipment manufacturer to the APS Meter shop for Review and
Approval via e-mail to submittals.metershop@apsc.com. Please reference the type of system (induction wind
Turbine, Synchronous Backup Generator, induction Back-feed GF, etc.) on the submittal in addition to the GF
Site Address.

BE



INTERCONNECTION APPLICATION FOR DISTRIBUTED GENERATION (REVISED 4-7-16)

APPENDIX B: INTERCONNECTION APPLICATION FOR ROTATING MACHINERY (cont'd)

IMPORTANT NOTE:

APS requires disclosure about the transaction that Customer is undertaking with the installation of the interconnected
GF on its premises.

SYSTEM ownEr

If the GF is owned by a person or entity, including Customer's grantee or lessee, other than Customer, complete the
following:

Name: Company:

Mailing Address:

Phone: E-mail:

SYSTEM LESSEE

If the GF is not owned by Customer, but is instead leased, identify the lessee and the lessor:

Lessee:

Name: Company:

Mailing Address:

Phone: E-mail:

Lessor:

Name: Company:

Mailing Address:

Phone: E-mail:

B6
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INTERCONNECTION APPLICATION FOR DISTRIBUTED GENERATION (REVISED 4-7-16)

APPENDIX B: INTERCONNECTION APPLICATION FOR ROTATING MACHINERY (cont'd)

SYSTEM OPERATOR

If the GF is to be operated and/or maintained by a person or entity other than Customer, including the System Owner
or Lessee, complete the following:

Name:

Mailing Address:

Phone: E-mail

PROPERTY OWNER

If Customer does not own the proper upon which the GF is located, complete the following

Name:

Mailing Address:

Phone: _.E-mail

LANDLORD

If Customer is a tenant upon the property at which the GF is located, provide the following information on the landlord

Name:

Mailing Address:

Phone; E-mail

INTERCONNECTION PROCESS CONTACT INFORMATION

If the primary contact for interconnection process is to be coordinated by someone other than Customer, complete the
following:

Name;

Mailing Address:

Phone: E-mail



INTERCONNECTION APPLICATION FOR DISTRIBUTED GENERATION (REVISED 4-7-16)

APPENDIX B: INTERCONNECTION APPLICATION FOR ROTATING MACHINERY (cont'd)

INSTALLER INFORMATION

If the installer is not the primary contact for interconnection process, complete the following

Company

Mailing Address

Phone E-mail

SYSTEM DESIGN OR ENGINEERING FIRM INFORMATION

If the system is being designed by an entity or person other than the installer, complete the following

Company

Mailing Address

Phone E-mail

CUSTOMER CERTIFICATION
This Application is complete and accurate to the best of my knowledge, and as the APS Customer of Record, I
hereby grant APS permission to coordinate the interconnection process with the person or entity specified as the
Primary Contact in the Interconnection Process Primary Contact Section above, if Section is completed

I understand that I will be required to sign off on a rate disclaimer per Section 10 of the APS Interconnection
Requirements. Failure to submit the disclaimer form may delay the processing of your application

I further understand that APS will not accept any drawings that are copyrighted, proprietary, or contain confidential
material. APS reserves the right to reject any interconnection Application which it deems illegible or does not meet
the mandatory requirements set forth in the APS Interconnection Requirements or the APS sample drawings

Signature

BB
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INTERCONNECTION APPLICATION FOR DISTRIBUTED GENERATION (REVISED 4-7-16)

APPENDIX B: INTERCONNECTION APPLICATION FOR ROTATING MACHINERY (cont'd)

SUPPLEMENTARY INFORMATION

Diagrams and information specified below are to be specifically prepared for Ape' use, and to be submitted in pd
format for all rotating machinery based projects. APS will not accept any copyrighted, proprietary or confidential
drawings. Drawings must be site specif ic regarding the information requested below, without extraneous
information and must be prepared for Aps' use. All electrical connections to equipment must be shown -
"block diagrams" will be rejected. Diagrams are to be professionally drawn, using only black print on white
paper, and are not to be in color or shaded. Free hand drawn, faxed diagrams and drawings that are otherwise
difficult to read will not be accepted by Aps. All diagrams must include the project name and street address and
include any updated diagram revision numbers and dates. If the required information is not provided on the drawings,
application and/or supplemental information, then APS will require clarifying information. Clarifying information may
include requesting manufacturers cut sheet(s) or the UL certification documents for the device/equipment in question.

Standard industry electrical symbols shall be used on the diagrams and must be legible when printed on 11"x17"
paper.

(a) Electrical One-Line Diagram:
Diagram(s) must show generators and all major associated electrical components including protective relaying
and associated trip paths, any interlocks and control functions, as well as the electric service entrance, utility
meter, connection points of facility loads, any transformers, generator metering, and Utility Disconnect Switch
including any required dedicated metering phone lines, transfer trip communication path(s) along with the
associated relaying and trip circuits, and any APS required Remote Terminal Unit (RTU) with associated
communication channels and trip/block close/close permissive circuitry (refer to Section 11.4 of the APS
Interconnection Requirements). Any interlocks or permissive functions and / or control paths shall be clearly
indicated on the drawing (e.g. as dashed lines). The electrical ratings of the equipment and associated keyed
notes/labels must be indicated.

(b) AC & DC Control Schematics:

Diagram(s) must show the detailed phase wiring of all electrical equipment as specified for the Electrical One-Line
Diagram, including protective relaying, associated instrument transformers, breaker control circuitry, and
additional control schemes. Include control power source and all associated AC and DC connections.

(c) Plant Location Diagram:

Diagram must show major cross streets and location of facility. include a North arrow.

(d) Site Plan:

Diagram must clearly show the individual major GF equipment components and their locations, including the
electric Service Entrance Section and utility meter, location of generator(s), interface equipment, Utility
Disconnect Switch and location of any lock-boxes, etc. Include building structure location and any walls, fences
and Gates etc., to clearly indicate unobstructed access to APS equipment including any required special metering
and the Utility Disconnect Switch. include a North arrow.

(e) Relay Setting Sheet(s):

Setting sheet(s) for the APS-required minimum protective relay functions must show the trip set-points and times.
Settings may be provided after the initial APS review, once the final system configuration has been determined.

(f) Sequence of Operations:

Customer shall submit a description of any sequence of operations or other operational controls of a particular
system or control scheme. Customer may also provide a one-line block diagram depicting any/all parallel paths,
breaker schemes (Ag. main-tie-tie-main or main-tie-main) as well as identifying any interlocks, normal open
points, and transfer schemes.

(g) Disclaimer Form:

Customer shall submit a signed copy of the applicable disclaimer form available on the APS Website if required.

BE
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ABSTRACT peak load up to the point  where the net load peak occurs
in  t he  ev en ing. The  c apac i t y  v a l ue  i s  dependen t  on
penetration level and the load shape. Integration of energy
storage could be an al ternat ive to further reduce system
peak depending on the situation.

I t  i s  of ten assumed that  d is t r ibut ion-connec ted PV can
help defer the need for distribut ion system upgrades, but
t h e r e  i s  n o t  a  ge n e r a l  a p p r o a c h  f o r  a s s e s s i n g  t h e
deferment value of  dis t r ibut ion-connec ted PV and
distribution-connected PV combined with a storage system
(e.g. ,  bat tery).  A v i tal  component  of  such an analys is  is
t ime-coinc ident  load and solar resource data,  s ince load
(espec ia l l y  peak  load)  i s  usua l l y  cor re la ted wi t h  so lar
resource and temperature condi t ions ,  and both fac tors
determine PV sys tem performance as  wel l . This  paper
demonstrates a methodology to analyze the value of using
PV to defer distribut ion system upgrades. The paper also
as s es s es  t he  add i t i ona l  bene f i t  o f  c om b i n i ng ene rgy
s torage wi th  PV to inc rease th is  deferment  va lue.  The
case study involves replacement of a station transformer.

Combined deployment  of  PV and energy  s torage could
p r o v i d e  a  b e t t e r  o v e r a l l  b u s i n e s s  c a s e  c o m p a r e d  t o
deployment  of  energy  s torage only .  This  is  because the
size of the energy storage system may be reduced. In this
paper,  a method for assessing the deferment value of  PV
and PV plus s torage is  presented.  In addi t ion to deferral
value,  PV and energy  s torage could prov ide a range of
benef i ts  that  cont inue through the l i fe of  the PV sys tem
and energy storage systems.

ANALYSIS METHODOLOGY

T&D VALUE OF PV GENERATION

At  the local  dis t r ibut ion sys tem,  PV generat ion reduces
feeder and t rans former load,  as  wel l  as  sys tem losses .
The reduc t ion in  load of fers  a poss ib le  oppor tun i t y  f or
deferment  of  t rans former replacement  or  other  sys tem
upgrades .  The  de f e rment  bene f i t s  a re  s pec i f i c  t o  t he
s i tuat ion and requi re a s tudy  the ac tual  load and solar
resource for  an accurate evaluat ion.  Methodologies  to
es t imat e  t he  T&D v a lue o f  d i s t r i bu t i on-c onnec t ed PV ,
inc luding deferment value,  has been explored before-see
[1]  f or  example.  The va lue o f  energy  s torage has  a lso
been discussed ex tens ively  in the l i terature-see [2]  for
example.  The potent ial  synergy  between PV and energy
storage has not been discussed as much.

Several factors must be considered in the analysis of  the
deferment  value of  PV and PV combined wi th a s torage
system. These factors include:

For the analysis, data from several distribution stations in
Salt Lake City were analyzed. The data included historical
15 minute load and solar resource data, load growth rate
and station limits (transformer overload in this case). The
historical load data and local solar irradiance data must be
available for the same time period, and covered one
recent operating year. PV output profiles were generated
based on the solar resource data. The load duration
curves with and without PV were compared to determine
the capacity factor, which is a measure of how effectively
PV reduces the peak load. PV penetration levels of 10%
and 20% based on station rating were analyzed. The
deferment value was estimated based on the hours of
overload for each PV deployment scenario. The second
part of the analysis involves evaluation of energy storage
solutions for each PV deployment scenario, to achieve
deferment of station upgrades. Figure 1 shows the
calculation of net station load when both PV and energy
storage are considered. For this analysis, the impact of
feeder losses was ignored.

I
n

t ime-coincident solar and load profiles,
the nature of the system limitations,
utility business practices,
other technical  opt ions  avai lable such as  load
transfer, and
other non-technical factors or constraints

Net Station
Load

v +

2 >

A _*_/_

To the extent that the solar resource aligns well with the
load profile, PV output can reduce system peaks and thus
reduce the likelihood of overloads. It is often the case that
PV output is not well aligned with the demand curve. If the
peak load occurs at night, PV deployment alone would
have no impact on the peak load. If the peak load occurs
in during the day, increasing PV penetration may reduce Figure 1 -Simulation Model
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Solar Resource data for the operating year and for the
same locality was obtained from the National Oceanic and
Atmospheric Administration (NOAA) Integrated Surface
Irradiance Study Network (Isis) station in Salt Lake City
[3]. The ISIS data includes

Direct Normal Irradiance
Diffuse Horizontal Irradiance (DHI)
Total Horizontal Irradiance (THI)

Figure 3 shows the assumed operation of an energy
storage system for a deferment application. The support
window corresponds to the time period of the day where
load is high and the energy storage system is armed to
discharge. The recharge window is a period of time where
load is low (night) and the storage system is programmed
to recharge from the grid. During the charge and recharge
periods, constraints such as the energy storage size
(defined by the energy storage capacity and interface
power rating), charge/discharge rates, and minimum state
of charge (SOC) are respectedThe ISIS solar resource data is collected at a 3-minute

resolution. For the purposes of this analysis, the data was
averaged over a 15 minute period for convenience (to
match the 15 minute load data sampling rate), and to
partially account for geographical diversity of distributed
PV generation. There are more sophisticated approaches
to account for geographic diversity, but this simple method
was deemed to be sufficient for the purposes of this
analysis

Standard Time

A simple algorithm was implemented to estimate the PV
array output. It uses the Ephemeris Equations [4] to
calculate the sun position at the location of interest (Salt
Lake City, in this case). The Angle Of Incidence (Aol) on
the PV array can be calculated based on sun position and
array orientation. Once the AOI has been determined, the
direct and diffuse components of the Plane of Array (POA)
irradiance and PV output can be calculated using the
following equations [5]

Figure 3 -Support and Recharge Windows

Di/ect POA irradiance : DN/ * cos (AOI)

Diffuse POA irradiance : DH/ * (1+cos (Ar7ayTiIl)) /2
TH/ *(0.o12 .* zenith - 0.04) .* ((1-cos(ArrayTilt))/2)

Solar Power Output = PV Rating * (Direct POA + Diffuse POA)

where

During the support window, the energy storage system
could be scheduled to discharge at a pre-determined rate
over the support period, or it could be programmed to
discharge as needed to keep transformer load form
exceeding a certain level. The latter control objective was
used for this analysis. The net load is compared to a Max
Load set point for the substation. If the load exceeds the
set point, energy was discharged from the energy storage
to reduce the net substation load to the maximum load set
point. The discharge rate setting in the inverter controls
may come into play

ArrayTilt is the assumed average tilt angle of array
with respect to horizontal in degrees
Zenith is the zenith angle of the sun in degrees
PV Rating is assumed to be the total AC rating

During the recharge window, the charger will use energy
increasing the net load on the substation. When the
Energy Storage reaches a full state of charge, charging is
stopped. A charging efficiency is used to account for
inefficiencies in the Energy Storage systemFigure 2 depicts the solar data processing procedure

ANALYSIS FOR DEFERRAL VALUE OF PV

Figure 2 - Estimation of PV array Output

To assess the deferral value of PV on a feeder it is first
necessary to obtain time-coincident load and solar
resource data. Solar data at arbitrary locations is typically
available as Global Horizontal irradiance. A PV array
model is used to predict PV output from system

figuration (tracking and module technology), solar
irradiance and temperature. Finally, the net load (load
served beyond a certain level of PV penetration) is
calculated by subtracting predicted PV output from
measured load at each time interval
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An example of the effect of PV output on net load is shown
in Figure 4. These results show a commercial load profile
for three consecutive days starting with a Sunday. Two
levels of PV penetration (10% and 20%) and two
orientations for a fixed latitude tilt array (facing due south
and southwest) are shown. It is noted that orienting a fixed
array southwest slightly shifts power production to later in
the day so that the production might better match the load
profile and have a larger impact on peak load reduction.
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Further analysis to quantify the deferment value of PV is
shown in Table 1 for a specific feeder and load. This table
lists the projected growth (assumed to be 4%) of a
substation load starting in 2009 and ending in 2016. In
addition this table shows the number of hours that the load
exceeds the substation rating and the peak load during
the year. The net load is also shown for the substation
with 10% (950 kw) PV and 20% (1.9 MW) of PV
penetration on the substation. In 2013, the load exceeds
the substation rating of 9.5 MVA for 17.5 hours. Adding
10% PV delays the overload condition for one year,
possibly for two years. The 20% PV penetration delays
the overload condition until 2015 or 2016 depending on
the acceptability of a small number of hours in an over
rating condition.
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Figure 4 -Substation Net Load (black) with 10% and
20% PV penetration and orientation South (S) and
Southwest (SW), assuming a fixed array.
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The method for estimating the deferral value involves
analysis of a full year of load data. The red curve in Figure
6 shows the upper portion of the load duration curve. High
loading is of primary interest since we are interested in
peak load reduction. The green curve shows the net
substation load with 20% penetration of PV. The Capacity
Value (CV) of the PV can be inferred from the reduction in
the load duration curve of the substation or feeder with
and without PV. As shown in Figure 5 the effect of adding
a PV array to reduce the load on the substation so that the
overload is less than some acceptable level for some
acceptable period of time (1% in this example). The paper
will describe the technical reasons why it makes sense to
use this approach rather than looking solely at the impact
on absolute peak load.

Table 1 - Example deferring substation upgrade using
PV (R stands for substation rating)

The estimated deferral value is based on avoided cost of
capital upgrades only. The paper will not attempt to
compare costeffectiveness of other alternatives to
address the overload; however it attempts to provide
enough information to allow for consideration of PV as
options in the planning process.

ANALYSIS FOR DEFERRAL VALUE OF STORAGE
AND PV

Figure 5 - Load Duration Curve with PV (green) and
without PV (red). The horizontal axis is percent of the
time over a one year period.

In cases where PV generation does not reduce the peak
load sufficiently, adding energy storage could be
considered as part of the solution. Some advantages of
using PV with energy storage are PV generation reduces
energy storage discharge time (energy drawn from
storage), and can reduce Power Conditioning System
(inverter) size requirements. The ideal synergy between
the energy storage and PV generation takes place when
PV deployment offsets load growth (Figure 6). This is
because an energy storage system can be used to avoid
overloads for multiple years. In addition to analyzing a PV
only solution, the paper will provide some examples
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scenarios where energy storage may be effective
Analyses to determine a reasonable size of the energy
storage will be discussed

these two cases are shown in Table 2. For both cases
the size of the required energy storage and the size of the
power conditioning systems are reduced. With the
commercial load, the reductions are larger than the
residential case because the commercial load profile
peaked earlier in the day (compared to the residential load
profile) when the solar resource was much better'U

m
o.J

Commercial 12.0

Table 2 - Example deferring substation upgrade using
PV with Storage

Figure 6 - Effect of PV deployment on load growth

Figure 7 shows the effect of adding energy storage to a
substation. A reasonable energy management strategy
would be to recharge the energy storage during off-peak
outs, just after midnight in this example. The system with
PV would be able to complete the charge process earlier
because less energy is required from the storage system
during the day. This means that a smaller energy storage
capacity and a smaller grid interface (inverter) would be
needed.

Energy storage can cost-effectively defer upgrades over a
couple of years. The deferral value is based on avoided
cost of capital upgrades only. Energy storage is likely to
be a utility-owned asset; thus it could be treated as an
option among other alternatives Other value
opportunities should be considered in a full evaluation
(voltage support, etc). These value streams have a lesser
impact on station deferral, but can significantly improve
the value proposition for a utility

MONETIZING DEFERMENT VALUE
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In order to compare deferment to upgrade alternatives, it
is useful to monetize the deferral period. Deferment value
is considered to be equivalent to the annual fixed charge
rate multiplied by upgrade cost. Utilities earn a rate of
return to cover the cost of equipment in service. The
annual revenue requirement ranges from 8% to 15%
equipment I
dividend, taxes, and insurance. An example calculation is
as follows

costs, which reflects principal interest
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A 12 MVA station transformer is upgraded with a new 16
MVA unit for a cost of $1,200,000. Assume that the
annual fixed charge rate is 11%, and that there is no
residual value

Figure 7 - Substation Load (black) with PV and Energy
Storage (red), with PV (green), and Energy Storage
(blue)

The annual cost to own the new transformer is
0.11 x $1,200,000 = $132,000

The deferral value for 1 year is also $132,000
In this case, the marginal cost of the T&D upgrade is

$1 ,200,000 / 4 MVA = $300,000 per MVA

ACKNOWLEDGEMENT

Technical considerations for the energy storage include
the capacity (kW) of the power conditioning system, useful
energy storage capacity (kwh), the energy storage
technology available and portability if the storage is to be
moved to another location after the deferment period. In
addition, operating strategy and locations for the energy
storage must also be considered. Another consideration
is that the deferral horizon for storage is optimal for a 1-2
year period. This avoids the possibility of Underutilizing
energy storage capacity and makes a strong case for a
mobile storage system
The paper will describe the methodology was as applied to
two test cases, a substation serving commercial load and
a substation sewing residential load. The basic results of

1

Sandia is a multiprogram laboratory operated by Sandia
Corporation, a Lockheed Martin Company, for the United
States Department of Energy's National Nuclear Security
Administration under contract DE-AC04-94AL85000. This
work is being conducted by Sandia National Laboratories
funded by the Market Transformation Subprogram of the
DOE Solar Program



*ah

?

Rocky Mountain Power assisted in this study by providing
circuit and load information that was used in the technical
analysis.

REFRENCES

[1] SAND2010£815, "Energy Storage for the Electricity
Grid, Benefits and Market Potential Assessment
Guide", 2010

[2] Hoff, Thomas E., et al, "Me Value_of Distributed
Photovcgtaics to A_ustin Energy and the City_of Austin",
2006

[3] Data available from hNb:// .srrb.noaa.qov/isis/
[4] nREL/T360-34392, "Solar Position Algorithm for

Solar Radiation Application", 2008
[5] SAND2004-3535, "Photovoltaic Array Performance

Model
[6] ABB Power Systems Inc., formally Westinghouse

Electric Com, "Electrical Transmission and
Distribution [7] Reference Book" Section 5 - Power
Transformers and Reactors, pp113-114.

[7] Tillman, Robert F, Jr, "The Electric Power Engineering
Handbook", Section 3.11 - Loading Power
Transformers, CRC Press and IEEE Press.

2004



\

5 Einnsrr

TASQ 19
-nnwnmu-

z ~»=*°""*` ` V

~= .

ENEMEY INSTITUTE AT HAAS

EI Haas WP 260

Economic Effects of Distributed PV Generation on
California's Distribution System

M.A. Cohen, P.A. Kauzmann, D.S. Callaway

June 2015

Energy Institute at Haas working papers are cireulatedfor discussion and comment purposes.
They have not been peer-reviewed or been subject to review by any editorial board.

© 2015 by MA. Cohen, P.A. Kaufmann, D.S. Callaway. All rights reserved. Short sections of
text, not to exceed two paragraphs, may be quotedwithout explicit permission provided that full
credit is given to the source.

http://ei.haas.berkeley.edu



t
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Distribution System
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Abstract

The economic value of distributed photovoltaic (PV) electricity is affected both by its correla-
tion with transmission level energy prices and by a host of effects it may have on distribution
systems. In this study we combine detailed physical simulation of distribution circuits with
budgetary information provided by Pacific Gas & Electric (PG&E) to estimate PV's value
with respect avoided transmission-level energy expenditures, avoided distribution system ca-
pacity upgrades, and increased expenditures to manage voltage magnitudes. We find that
favorable timing of generation and the potential to defer capacity investments both increase
PV's value on average by a small amount. We use circuit-level loading and load growth data
to show that distribution circuit capacity value is very heterogeneous: PV shows very little
capacity value on most circuits but substantial (over $60/kW-yr, nearly half of the near-term
targets for the cost of distributed PV) on a limited number of circuits. We examine some
other distribution system impacts of PV, including voltage regulator operations and voltage
quality, and find that they are also likely to be very small on average, with the caveat that
there are some impacts (such as the effect of reverse power flow on protection equipment)
that we have insufficient data to assess. In much the same way that dynamic pricing tariffs
capture PV's value in time, our results point toward the importance of tariffs that recognize
the heterogeneity of PV's impacts on distribution systems across different locations.

Keywords: electric distribution, photovoltaic generation, valuation

1.  Introduct ion

Distribution systems were designed to deliver power from high voltage transmission net-
works to customers. When photovoltaics (PV) are embedded in distribution systems, they
fundamentally change power How conditions: power transfer could go from one customer
to another, or from customers back to the transmission system. This has created concern
among distribution engineers, regulators and researchers as to whether distribution systems
will be able to accommodate very high penetrations of PV and if so, what the associated
costs will be.  There are a number of areas where PV could have important impacts,  in-
cluding: resistive losses, peak load (which impacts capacity investments, and voltage levels
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at the point of utilization, transformer aging, voltage regulator mechanical wear, and the
ability of protection systems to properly identify fault conditions.

A number of studies quantify various engineering impacts of PV in distribution systems,
Ag. Quezada ct al. (2006); Shugar (1990); Woyte et al. (2006); Thomson and Infield (2007),
Navarro et al. (2013); Widen et al. (2010); Paatero and Lund (2007); Hoke et al. (2013);
Cohen and Callaway (2013), but relatively little research has been done to translate the full
range of engineering impacts into economic values. Indeed, the California Public Utilities
Commission (CPUC) rejected the possibility of valuing PV's non-energy economic impacts,
especially its possible deferral of generation, transmission and distribution capacity, on the
basis of limited evidence (California Public Utilities Commission, 2011, p. 34). This paper
aims to address this gap with new estimates of the economic impacts that PV could have
on distribution systems, with a focus on conditions in California.

The contribution we make in this paper is to apply previously reported physical results
from Cohen and Callaway (2013, 2015) to an economic framework that quantifies distributed
PV's impact on distribution system operation and maintenance costs. We do this with a
combination of (1) assumptions about growth in demand and PV capacity, and their inter-
actions with one another, (2) a model of how PV capacity defers investment in distribution
capacity infrastructure and (3) a unique set of data on distribution capacity expenditures
and feeder-level growth rates from Pacific' Gas arid Electric.

Our key findings are as follows: First, PV provides distribution circuit capacity deferral
value of up to $6/kW-yr when averaged across the potential impact on all feeders in PG&E's
service territory. This is a very small fraction of the installed cost of PV (approximately
$380/kW-yr using historical cost estimates, or $110/kW-yr if near-term DOE projections
are met). However roughly 90% of these feeders receive no capacity benefit from PV because
their peak load is much less than their peak capacity or their load growth is low therefore
those feeders do not require capacity upgrades over the horizon we investigate. We find that
PV's capacity value on the 10% of feeders that would otherwise require capacity upgrades
ranges from $10/kW-yr to more than $60/kW-yr at very low penetrations. This range
suggests that the value on some circuits could be a significant fraction of the installed cost of
PV. We also find that these benefits decline relatively quickly as additional PV is installed
on each circuit; at 50% penetration capacity value is half of its value at low penetrations.

Second, based on our engineering simulations of PV impacts on distribution circuits,
we find PV's impacts on voltage magnitudes and voltage regulator operations are relatively
small (Cohen and Callaway, 2013, 2015). If we assume that voltage regulator maintenance
scales linearly with the frequency of operation, results in this paper indicate that distributed
PV would increase PG&E's annual costs by 8442,000 if all circuits in PG&E territory had
100% PV penetration an extremely small amount of PG&E's roughly $6 billion operations
and maintenance budget. Because we do not have circuit-level data from PG&E on voltage
maintenance, we are not able to accurately quantify the heterogeneity of PV's impacts
on the cost to address voltage issues. However our earlier engineering simulations showed
feeder location and design can significantly impact the likelihood that PV will create voltage
problems, suggesting that proactive distribution planning may serve to avoid these voltage
problems altogether at relatively low east.

2
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1.1. Overview of PV economics

Distributed PV's value has three main components. The first, and simplest, is avoided
cost of energy. Distributed PV offsets electricity purchases that the supplying utility would
otherwise make. The second component has to do with PV's impact on the performance and
requirements of generation, transmission and distribution infrastructure. At the distribution
level these impacts can be both positive and negative, including reducing line losses, avoiding
the need to build distribution system capacity and also increasing voltage regulation prob-
lems. Third, PV reduces pollution and possibly other negative externalities associated with
conventional generation. We also note that incentives for PV capacity may have positive
externalities; incentivizing deployment might lead to otherwise unattainable economies of
scale and technology learning.

Ideally, the price paid to PV owners would include accurate assessments of all of the above
components of PV's value. Unfortunately, the second and third components are difficult to
measure or estimate, and this uncertainty leads to controversy over the appropriate magni-
tude of incentives. This paper addresses these uncertainties by providing new estimates of
the value of PV's energy and its elects on distribution systems.

Our analysis relies on simulated distribution system impacts. This approach has ad-
vantages and limitations. On the positive side, our detailed physical simulation allows us
to study high levels of PV penetration while taking into account important factors such as
the smoothing of aggregate generation profiles due to small-scale geographic diversity of PV
production. it also allows us to examine effects that cannot be addressed without a detailed
physical model, such as voltage quality. On the other hand, the detailed nature of the simu-
lations limits our scope in this case to one utility's territory, to a small but representative
set of engineering models of distribution systems, and to one year of PV production and
weather data. We note, however, that by using locational marginal prices for electricity, we
implicitly capture both the energy and transmission value of PV.

1.2. Prior studies on system-level economics of PV

Three recent studies examined the how PV capacity might affect distribution capacity
upgrades in California: Darghouth et al. (2010); Energy and Environmental Economics
(2013); Beach and McGuire (2013). Darghouth et al. (2010) used existing estimates of
PV's transmission and distribution capacity value but noted that capacity value is highly
uncertain (ranging between $0.001/kWh to $0.10/kWh). They also noted that accounting
for avoided line losses increases the value of PV above wholesale generation costs, though
not by a significant amount (Darghouth et al., 2010, pp. 40-42). The Crossborder Energy
study (Beach and McGuire, 2013) allocates capacity value to distributed PV by examining
its output during the hottest hours of the year, which generally correspond roughly to the
hours with the most energy usage. These capacity savings are multiplied by an estimated
marginal cost of T&D capacity from utility rate cases to find a total capacity value (Beach
and McGuire, 2013, pp. 23-28 of appendix B-2). E3 Energy and Environmental Economics
(2013) uses a more granular method that estimates distribution capacity upgrade costs from
specific projects forecasted by PG&E. They estimate the present value of PV for deferring
those capacity projects by crediting PV production in any hour that a generic substation load
profile is within one standard deviation of its peak (Energy and Environmental Economics,
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2013, pp. C-40-C-44). None of these studies investigate the distribution capacity value of
PV at the circuit level and for different quantities of PV installed on each circuit.

In addition to these California-based studies, we are aware of a several other studies that
address the economic impacts of distributed PV on distribution systems. These address the
value of deferred capacity upgrades and to a lesser degree avoided energy purchases: Woo
et al. (1994); Gil and Joos (2006, 2008); Piccolo and Siano (2009).

This paper builds on prior work in several important ways. First, by working with circuit-
level load growth assessments for each of PG&E's 3,000 feeders, we are able investigate the
full range of capacity benefits on a feeder-by-feeder basis. Second, because we build our
economic assessments up from a distribution power flow model that uses real PV production
data as inputs, we are able to assess the economics of other engineering impacts of PV
in distribution systems (most notably voltage impacts). Third, we investigate the impacts
of PV on distribution circuits at a large range of penetrations (PV capacity ranging from
7.5% to 100% of feeder peak demand); this allows us to quantify the declining distribution
capacity benefits of PV as circuit-level net load pea.ks get pushed later in the day when PV
production is low.

2. Simulation and utility data inputs

Our study focuses on climate, photovoltaic production and infrastructure representative
of PG&E's territory (Northern California). We chose this region in part for the prominence
of distributed photovoltaics there and its and ongoing policy debates on issues of net ine-
tering and retail tariff design. We also chose this region due to our ability to access unique
information (in particular, feeder-level load growth rates) under the terms of a non-disclosure
agreement. For reference, in 2012 PG&E accounted for 38.3% of California's total energy
consumption (California Energy Commission, 2013).

GridLA8-D models. We generated simulation results summarized in the next section and
described in detail in other papers (Cohen and Callaway, 2013, 2015) with GridLAB-D,
developed by Pacific Northwest National Laboratory (PNNL). GridLAB-D simulates dis-
tribution system operation over time and captures load variation due to varying building
occupancy patterns and ambient conditions. It models major distribution system equipment
including capacitors, voltage regulators, on-load tap changing transformers, and secondary
distribution transformers. We used GridLAB-D version 2.3 with the forward-backward sweep
power flow solver.

Table 1 summarizes the feeders we studied. These come from a set of "taxonomy" models
provided by PNNL. PNNL assembled the taxonomy set by hist collecting 575 distribution
feeder models from 151 separate substations from a range of investor- and municipally-owned
utilities and rural cooperatives in the United States (Schneider et al., 2008). The taxonomy
feeders are the result of a systematic clustering analysis that identified 23 representative
models from the set of 575. We simulated taxonomy feeders associated with California cli-
mate zones. This left us with five feeders in region l (RI, temperate west coast) and three in
region 3 (RE, desert southwest). Though the original PNNL sample was neither random nor
exhaustive, with these feeders we can explore a broad range of PV's impacts on representa-
tive distribution systems. Note that we did not study PV on General Industrial Case (GC)
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feeders (9-20% of feeders, according to PNNL) because they consist essentially of one large
industrial or commercial load and we did not have available an appropriately representative
set of commercial and industrial load shapes. The feeder taxonomy also does not include
networked urban cores, which represent 5-10% of the distribution system (Schneider et al.,
2008). Frequencies for the remaining feeders, taken from Schneider et al. (2008), are listed
in Table 2.

Locations and Timeframe. We simulated each of the eight feeders in two locations Berkeley
and Sacramento during the 366 days between September 25, 2011 and September 24, 2012,
inclusive. We chose these locations and time span due to the availability of high-resolution
PV and weather data and because Berkeley and Sacramento are representative of PG8LE's
two major climate regions (coastal and interior, respectively). These data and the feeder
placement process are described later in this section. California peak demand during the
selected year was fairly typical relative to the past decade, with a peak load of 46,846 MW
in 2012 versus a high of 50,270 MW in 2006 (CAISO, 20l3b).

PV Generation Data and Assignment to Feeder Locations. The PV integrator SolarCity
provided a database of instantaneous power at each inverter they monitor (roughly 7,000
systems, mostly in California) under the terms of a non-disclosure agreement. The majority
of inverters provide data on the quarter hour; some have one-minute data. 325 systems
in the vicinity of Berkeley and 308 systems in the vicinity of Sacramento passed our data
quality checks, with minimal gaps in recording and very few anomalous readings.

We associated PV profiles with GridLAB-D houses to capture diversity in output driven
by differences in cloud cover, array orientation, technology and shading. We constructed geo-
graphic layouts of the taxonomy models (Cohen and Callaway, 2013; Cohen, 2013>, and then
used ArcGIS to superimpose the locations of the SolarCity PV systems on the feeder layouts;
we ran a "nearest neighbor" query to associate each GridLAP>-D distribution transformer
with the closest SolarCity profile with acceptable data quality. Roughly 100 PV systems
were matched with a GridLAB-D transformer in each location. The matched systems had
ratings between 1.6 kW and 13.2 kw. If necessary we reduced the capacity of the assigned
PV system on simulated buildings to ensure the array size did not exceed available roof area.

Penetration Levels and PV Placement. We define PV "penetration" relative to a baseline
(no PV) loading for each feeder as:

PV penetration
E (PV system ratings)

Peak feeder load from baseline run

We populated as many houses with PV as necessary to vary penetration from zero to 100
percent. We placed PV randomly across the available house models. We used the same
random number seed in each scenario to ensure that houses populated with PV in the
lower penetration scenarios were a strict subset of those populated in the higher penetration
scenarios, in order to isolate the effect of penetration from the effect of placement. We used
the same random ordering of houses for PV placement in each test location, and modeled
PV as a unity power factor "negative load" .
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Deployment Timelines and Financial Discounting. In our economic calculations we compute
the net present cost or value of PV over a ten year horizon using 2012 dollars. In most cases
we discount with PG&E's weighted average cost of capital (WACC) of 7.6% less a combined
inflation plus project escalation rate of 2.5% (PG&E, 20l3a) - yielding a net discount rate
of r = 5.1%

We define penetration scenarios by a function that specifies the amount of PV penetration
achieved in a given year:

eat - 1
= e0'T - IX

where 0 < p(t) < 1 is the penetration in year t, X is the final penetration, T is the year in
which to reach the target penetration (ten, in our case) and a is a shape parameter. Figure 1
illustrates how the shape of p(t) changes with varying a. a values above zero and less than
0.4 are likely most reasonable (with installations spread out over ten years), but we present
results for several a values for comparison.

Most values of p(t) did not correspond exactly to penetration levels that we modeled;
Ag. on the way to 15% penetration in year ten the function passes through 0.7% in year
one, 1.5% in year two, and so on. In these cases, we interpolated linearly between the the
two nearest penetrations that we had modeled.

Mt)

Weather Data. We used one-minute temperature, humidity, and solar irradiance data ob-
tained for Berkeley from Lawrence Berkeley National Laboratoray (Fernandez, 2012) and for
Sacramento from SOLRMAP at the Sacramento Municipal Utility District(National Renew-
able Energy Laboratory, 2012). The weather data determined HVAC load in GridLAB-D.
Using So1arCity generation data sources near to the weather stations preserved the correla-
tion between air conditioning load and PV generation.

PG€9'E Feeder Data. We obtained feeder-level capacity and peak loading data (in MWI
from 2012 and projected annual load growth percentages for 2013-2017 for 2,987 feeders
in the PG&E service territory, provided under the terms of a non-disclosure agreement by
PG&E (PG&E, 2013a). 36.3% of these feeders are located in PG&E's coastal region, and
we mapped the data from those to temperate west east taxonomy feeders (region R1). The
remaining 63.7% of feeders are located in PG&E's interior region, which we mapped to the
desert southwest climate taxonomy feeders (region RE). We used peak demand projections
based on one-year-in-two weather data.

3. Summary of Simulation Engineering Results

System Losses. By serving loads locally, system losses decrease with PV penetration. As
with prior studies (Quezada et al. 2006; Widen et al., 2010; Navarro et al., 2013; Thomson
and Infield, 2007) we found that on some feeders losses begin to increase at very high pene-
trations due to heavy reverse flow conditions. However on most feeders, losses continued to
decrease to the maximum penetration level we studied (100%). In general, feeder type had
a stronger influence on the total magnitude of losses than did climate.

Peak Loading. PV reduced peak load by 6-35% (at 100% penetration) over the period
we studied. Demand reductions are well below the penetration level because peak demand
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occurs in late afternoon or early evening, later in the day than peak PV production. In
general we found that location (which drove load and PV production profiles) had a stronger
influence on peak load reduction than feeder type.

ti"a'risf0r'1ne7' aging. Transformer aging is driven by thermal degradation, higher loading
results in greater losses and accelerated insulation aging. In general, we observed minimal
aging in all scenarios and penetration levels, with a mean equivalent aging of up to 0.29y in
one scenario (R3-12.47-3, Sac.) and all other scenarios having mean aging less than 0.001 y.
We sized transformers at or just above their baseline peak load (Cohen and Callaway, 20131 ;
aging would have been faster if the transformers were undersized.

Voltage regulators. Voltage magnitude on a conductor typically declines in the direction
of power flow, and as power flow increases, voltage declines further. There are three basic
types of equipment that maintain voltage within prescribed bounds in a distribution cir-
cuit: on-load tap changers (LTC) located at distribution substations, capacitor banks and
voltage regulators. LTCs and voltage regulators automatically adjust voltage by changing
the "turns ratio" on an in-line transformer to maintain voltage within a prescribed range.
We only studied voltage regulator impacts. We neglected LTC impacts because their op-
eration is a strong function of transmission level voltage and because GridLAB-D does not
model transmission impedance (meaning LTC output voltage is minimally affected by PV
variability); we neglected capacitor bank switching because, to the extent it occurs, is often
scheduled (rather than based on a voltage measurement). See (Cohen and Callaway, 2013)
for more discussion. Overall we found that the change in the number of tap changes on the
regulators ranged from negative 10 percent to positive 30 percent.

Voltage quality. In general, across all penetrations and feeders, we found voltages to
be relatively well-controlled, with most runs having less than 0.002% of readings out of
the ANSI standard range (virtually unchanged from the base case), and the worst case
(R3-12.47-3, Sac.) having 0.32% of readings out of range at 100% penetration. This is
consistent with prior work suggesting that many feeders can support high penetrations of
PV without voltage violations (Hoke et al., 2013). Across the scenarios we investigated, the
propensity for voltage excursions to occur was most strongly driven by location, with the
most occurring in Sacramento.

Reverse power flow. We studied the incidence of negative real power flow ("backflow" )
through the substation, which can be a proxy for protection equipment problems and higher
interconnection costs. At 50% penetration, 8 of the 16 scenarios exhibited occasional back-
How, but no more than 1% of the time in any one scenario. At 100% penetration, all scenarios
experienced backflow at least 4% of the time.

4. Economic Results

4.1 . Energy and Transmission Value of PV

PV's energy and transmission value is increased by PV production's positive correlation
with electricity prices, and its tendency to reduce system 1osses.1 In this paper we will inves-

Note that PV may increase end-use demand slightly by causing voltage-dependent loads to consume
more power in high voltage conditions. GridLAB-D captures this effect, though we did not disaggregate it
from other effects that tend to reduce net load.

7
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ligate this value using locational marginal prices from the study area; because these prices
include energy, transmission congestion and transmission loss components they implicitly
capture both the energy and transmission value of PV at specific locations. However given
the "lumpy" nature of transmission investments, the LMP is only a rough proxy for the
value of deferred transmission infrastructure upgrades.

We calculated the net LMP benefit for each feeder as the difference between the cost to
supply energy at the substation at 0% PV penetration and the cost to serve the substation
at the given PV penetration:

Ci(-xl =(feeder j energy cost without PV)

- (feeder j energy cost with X% PV)

= Z Aj,tD,(0) - \1¢Dj,¢(X) (1)
t

where j indexes the taxonomy feeder, D is simulated hourly demand at the feeder head, and
A is the hourly locational marginal price (LMP) for the feeder's location We obtained
hourly LMPs from the California Independent System Operator's (CAISO) day-ahead mar-
ket for nodes CLARMNT_l_N001 (Berkeley locations) and WSCRMNO_l_N004 (Sacramento
locations) (CAISO, 2013a).3

We calculated a weighted average energy benefit within and across regions as follows:

C'av(x) PRI fjcj(xl -*-PRO f]0i(X)=
jeRl

(2)
76R3

where X denotes the penetration level, R denotes region (RI, coastal, R3, interior), j indexes
the taxonomy feeders, ff denotes the frequency of feeders within each region (see Table 2) ,
and we used PRO = 0.363 and PRO = 0.637 to define the frequency of feeders in PG&E's coastal
and interior zones, respectively (see Section 2). This provides a representative estimate of the
energy benefit across all penetration levels. We computed PV energy for the representative
sample, EPV,av(X) in the same way.

For each feeder, we calculated end-use consumption by subtracting system losses from
substation energy at 0% PV penetration and we then computed a weighted average end-use
consumption for the sample using the same weighted average approach as in Eq.(2).

We factored in future load growth by scaling consumption to the 2012-2022 projections for
PG&E published by the California Energy Commission (CEC) (California Energy Commission,
2012, p. 6, California Energy Commission, 2013, pp. 36-40). These projections include net
load reductions due to customer sited PV, since the CEC assumes that a higher percentage of
generation will come from this source over time. The CEC provides high and low estimates
of customer PV generation, with a midrange of l% of PG&E's consumption in 2012 and 2%

2LMP patterns will very likely change over ten years, depending on fuel and carbon prices and generation
infrastructure. A thorough investigation of these future scenarios is very important, but outside the scope
of this paper, whose key focus is distribution systems.

oWe compared several nodes in the general area of Berkeley and Sacramento and chose these two arbi-
trarily after confirming that differences in price relative to neighboring nodes were very small.

8
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in 2022 (California Energy Commission, 2012, p. 6, 28). To convert the CEC consumption
figures to end-use consumption, we multiplied the CEC's "CED 2011 Revised-ivIid" forecasts
by one plus the solar generation ratio, scaled linearly from 1-2% over the 10 year period.

Next, we calculated the ratio of PG&E consumption to that in our sample, denoted ay
with y indexing years. The ratio ranged from Si = 5,720 to S10 = 6,453. We multiplied the
representative feeder energy benefit by So to scale it to the PG&E system.4 Then, using the
same method as PG&E (2011), we levelized the energy benefits by dividing the net present
value of Cav by the sum of discounted PV generation, EPV,av:

levelized energy value

10
y=l
023;

5yCav(Xy)
ll-l-7rly

5yEPV,avlX3ll
(1-W"

(3)

In all scenarios we found the average levelized energy value to be between 950.0349/kWh
and $00351 /kph. The weighted average LMP between Berkeley and Sacramento during our
test year was 80.0297/kWh5 , meaning PV was about 18% more valuable than a resource with
constant production and no effect on losses or voltage-dependent loads. This percentage is
consistent with prior work, e.g. Borenstein (2008). The relative insensitivity of the average
value to penetration occurs because cost and energy benefits are roughly linear functions of
penetration. The small variation across scenarios was due to random variations in which PV
generation profiles were chosen and where they were placed on the feeders (see Section 2).

4.2. Distribution Capacity Value of PV

Growth in distribution feeder peak load creates a need for investment in higher capacity
distribution equipment such as transformer banks and conductors. To the extent PV reduces
peak net load, it can defer these investments. In this section we combine our simulation re-
sults with PG&E distribution system data to estimate the system-wide distribution capacity
benefit of distributed PV.

4.2.1. Projects and Feeder Data
Figure 2 illustrates how we calculate the capacity benefit of distributed PV. The ap-

proach, similar to Gil and Joos (2006); Piccolo and Siano (2009); Energy and Environmental
Economics (2013), Woo et al. (1994), involves first establishing a baseline estimate of the
year in which distribution capacity projects would occur in the next ten years. Then, based
on peak load reduction simulation results, we compute the year in which the same project
would occur in the presence of PV. Though we limited the pool of initial projects to a ten

aWhile the calculated multiplier was on the order of 6,000, there are approximately 3,000 feeders in
PG&E's system. This implies that the average PG&E feeder uses about twice as much energy annually
as our weighted average simulated feeder. Since the sample is being scaled to the full system size this
discrepancy does not affect the overall magnitude of the results.

580.0297/kWh is roughly half the levelized cost of energy from combined cycle gas fired generators (U.S.
Energy Information Administration, 2014), suggesting that the market is not in long-run equilibrium. This
is likely because natural gas prices in the the U.S. in late 2011 and 2012 were extremely low. But it may
also reflect the fact that a portion of generators' levelized costs are paid for via resource adequacy capacity
contracts. This highlights the fact that both the basic energy value and the size of the PV "premium"
depend on energy market conditions; they may be larger or smaller in future years.

9



year horizon, we continued to account for the cost of deferred projects for 25 years. We
considered projects deferred beyond 25 years to be completely avoided

We used feeder-level capacity and peak loading data for 2012-2017 described in Section 2
and carried the 2017 growth rates forward for a rough prediction of future trends. We
assumed that each feeder project occurs in the year that its peak load reaches 100% of rated
capacity

Before running the PG&E feeders through the model, we eliminated the following Cate
gorges

Feeders operating at or below 4.16 kV (2.4% of PG&E capacity). These are smaller
older, idiosyncratic parts of the distribution system that PG&E engineers felt would
not be appropriate to include in a general analysis of this kind (PG&E, 2013a)

Feeders already having greater than 10% PV penetration (76% of PG&E capacity)
Because peak load growth forecasts for these feeders are likely affected by existing PV
their forecasted growth rates do not provide a good "control" against which to apply
further peak load reductions due to PV. These feeders are relatively similar to the
population (2012 peak demand average of 7.0 MW versus 7.7 MW for the population
average voltage of 14.5 kV versus 14.1 kV for the population; and 31.4% coastal /
68.6% interior versus 36.3% / 63.7% for the population)

Feeders already loaded over their rated capacity (1.7% of total capacity)

We used demand growth data to estimate which of the remaining feeders would require
a capacity project in the next ten years. This left us with 296 feeders totaling 4,143 MVA
(roughly 10% of the 2,987 feeders, and 20% of the total 20,600 MVA of capacity, for which we
received data). This equates to roughly 30 distribution projects per year, which is approx
inmately the number of PG&E feeders that actually reach capacity in a given year (PG&E
2013a)

•

4.2.2. Applying Model Runs to PG8E Feeders
We permuted each RE result that was simulated with Berkeley weather data with the

loading and load growth data for each feeder in PG&E's "coastal" service territory, and each
RE result that was simulated with Sacramento weather data with each feeder in PG&E's
interior" service territory. For each combination of taxonomy feeder and PG&:E feeder that

would require a capacity project within ten years, we computed savings in net present value
as a ratio (p) between the savings and the original project cost

IX ) (present value of original project) - (present value of deferred project)
Pu] present value of original project

(real project cost)(1 -l- r) - (real project cost)(1 -1- r)

(real project cost)(1 + r
(XM)

I3,5 (4)

1 (1+r (y

Using a WACC of 7.6% (our nominal case), a project deferred from year l to year 25 would decrease in
present cost by 71%

In practice, other factors can affect project timing, see section 4.2.6 for further discussion

10



where i indexes the PG&E feeder and j indexes the simulation results of each GridLAB-D
taxonomy feeder (in the appropriate climate), 7° is the discount rate, and Up is the originally
estimated year of the capacity project. y¢i(X, Q), the deferred year, depends on the year ten
penetration level X and deployment scenario a

We then calculated Paggregatea the total weighted average normalized savings in net present
value across all GridLAB-D taxonomy feeders in the coastal and interior zones

Paggregate
¢eR1,jeR1 JW ieR3,jeR3 ftp (5)

where N = 296 is the total number of feeders we estimate will require a capacity project in
the next ten years, R denotes region (Rl / coastal; RE / interior), 18 is the regional taxonomy
feeder frequency from Table 2, and N is the total number of feeders across all regions

4.2.8'. Scaling to PG8E's Distribution Capacity Budget
We calculated the system-wide financial benefit of project deferral by multiplying Paggregate

by the fraction of PG&E's distribution budget that could reasonably be affected by PV
PG&E records and forecasts all line and substation capacity upgrade expenditures in ma
jar work categories (MWC) 06 and 46, respectively (PG&E, 2012, Workpaper Table l2-5)
In consultation with PG&E (PG8LE, 2013a), we assumed the following MWC subcategories
would be influenced by PV's contribution to peak loading: MWC 06A (Feeder Projects Asso
cited with Substation Work), MWC 06D (Circuits Reinforcements (DE Managed)), MWC
06E (Circuits Reinforcements (PS Managed)) and MWC 46A (all projects). We excluded
some smaller distribution expenses that would riot likely be influenced by PV's peak load
reduction: 06B (Overloaded Transformers), 06E (Reinforce Circuit > 6000 customers per
feeder), 06E (Complete Mainline Loops per Standard), 06G (Voltage Complaints (Includes
PEV)), and Line Voltage Regulator Revolving Stock

In total, the categories deemed sensitive to PV impacts on peak loading constitute 93%
of PG&E's 2012 distribution capacity budget in MWC 06 and 46, or approximately $133
million. For 2013-2016 we used nominal budget projections directly from PG&E (2012
Workpaper Table 12-5) and found that 83-89% of the budget in those years is projected to
be sensitive to PV peak load reduction For 2017-2022 we used the average PV-sensitive
budget for 2013-2016. The total net present cost of the budget that we deemed PV-sensitive
is $1.2 billion (using T = 5.1%)

Note that we did not explicitly model all measures that can be implemented to deal
with a capacity shortfall. Instead, by normalizing the model's results and applying them
to the entire distribution budget, the approach we use implicitly captures all measures in
the historical budget and forecasts. That is, the distribution budget may include shortfalls
that were solved through less expensive means than full replacement of equipment, such as
switching loads to different feeders. In other words, this analysis assumes that while the
number of capacity shortfalls may change with increasing PV penetration, the distribution
of actions taken in response iii not change

Note that the real project cost, assumed to be independent of time, cancels from the ratio
The percentages are lower than in 2012 because the excluded work categories are projected to grow

somewhat more quickly than the included categories
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4.2.4. Value of Capacity Defe7"ral
Figure 3 displays the net present value of distribution capacity project deferral, computed

by multiplying Paggregate by the estimated peak-load-sensitive PG&E distribution budget, for
a range of penetration levels and deployment ramps. The total value of deferral increases at
a decreasing rate, because as PV capacity is added the feeder peak gets pushed later in the
day, when PV production is lower. One can also see that the value increases with the rate of
deployment, but there is relatively little difference between immediate deployment of PV arid
intermediate deployment rates. The total NPV of deferral is substantial, up to half of the
estimated 10 year distribution capacity budget. Note also that if the large industrial ("GC")
feeders accrue PV-related capacity benefits similarly to the weighted average of the feeders
we modeled, the total benefit across all penetration levels and deployment trajectories would
be about 19% higher (see Section 2 for discussion of the treatment of GC feeders) .

Energy-levelized capacity benefit, To put the overall capacity benefit into perspective,
we can levelize the capacity benefit across the kph of PV generated throughout the ten year
horizon. As with other ievelized statistics we discount future energy production in addition
to costs:

net present value of deferral
E10 1 5yE(l\aTvl(xy) 7

where we compute energy production in year y as the total PG&E-wide PV production
associated with each particular deployment and final penetration scenario.

Figure 4 shows the result of this calculation. As with the total benefit, capacity benefit
r ises with PV penetration but with diminishing returns. Overall the range of levelized
benefits is between 0.0543/kWh and 0.7¢/kWh; this is roughly 0.3% to 5% of the average
retail tariff in PG&E. These numbers are similar to the range reported by Darghouth et al.
(2010) (0.1<I:/kWh 10¢/kWh).

Recall, however, that we evaluated the present value of capacity deferral only on those
feeders identified as having a capacity project in the first ten years of analysis. This subset
of feeders is 10% of the number of feeders, and 20% of total capacity, in PG&E. Therefore if
one assigned the capacity value only to those PV systems on feeders with deferred projects,
the levelized value of those systems would be roughly Hve times greater (1/0.2) than the
numbers reported in Figure 4, or 0.25¢/kWh to 3.5<E/kWh (roughly 1.8% to 25% of the
average retail tariff) .

Though earlier deployment always improves the NPV of the capacity benefit, the effect
on the energy-levelized benefit is slightly different. As one might expect, levelized bene-
fit is greatest with intermediate rates of deployment, where solar deployment (and energy
production) roughly follows the feeder load growth trajectories.

Annualized capacity benefit. An alternative way to put the capacity benefit in context
is to normalize per kW of installed PV. We computed the following metric for each target
penetration and ramp rate:

Energy-levelized capacity benefit (6)

C'vav
annualized capacity benefit
(per unit of PV capacity)

net present value of deferral
target PV penetration on all feeders

annuity factor 7 (7)

where we annualize in order to facilitate comparisons with annual distribution fixed charges
as well as generation capacity costs at the conclusion of this section. To compute the annuity
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factor we used the same discount rate as before (r = 5.l%), arid we assumed benefits accrue
over n 25 years. We made the second assumption because, although we only compute
deferral benefits on feeders that would have projects in the first ten years in the absence of
PV, we count the cost of the deferred project for up to as much as 25 years. In this case
with r = 51%, the annuity factor is 1-(1-I-T) 13.95 years

Figure 5 shows the result, with values ranging from nearly zero to more than $6/kW
yr As one would expect, the value declines with increasing penetration and increases with
the rate of deployment. By comparison, at $5.30/W (the 2012 average price for residential
systems (Barbose et al., 2013), the annualized cost of PV was on the order of $380/kW-yr
in 2012. Moreover, if DOE's SunShot 2020 goal of $1.50/W for residential solar is met (U.S
DOE, 2012), the annualized cost would be roughly $110/kW-yr, still much greater than the
annualized benefit

However. as mentioned in Section 4.2, we found that only 10 percent of feeders would
require a project within ten years. Therefore dividing by PV capacity on all feeders dilutes
the value of PV on feeders that would have projects. We computed the following metric to
capture the capacity value on feeders with deferred projects

CVdeferred deferred feeder annualized capacity benefit
present value of capacity deferral

target PV penetration on defended feeders

annuity factor
(8)

We then estimated feeder-specific capacity value as follows, where i and j denote deferred
PG&E feeders and GridLAB-D taxonomy feeders, respectively

deferred
Ej€Ri -fjp'L,_J

Paggregate
(9)

where the normalized NPV of deferral, Piiv is defined in Et. (4), ff is the regional taxonomy
feeder frequency from Table 2, R, is the subset of taxonomy feeders with the same regional
designation (either interior or coastal) as PG&E feeder i, and Paggregate defined in Et. (5)
This metric weights the average deferral value by the ratio of each feeder's normalized NPV
of capacity deferral to the normalized average NPV of capacity deferral - in effect this gives
the feeder-specific deferral value. Figure 6 shows percentiles of capacity benefit on the subset
of feeders with projects in the first ten years for the fast ramp scenario (a 50). Because
we find that roughly 10% of PG&E feeders would require capacity projects within ten years
the percentiles in this figure are roughly ten times larger than they would be if computed
across all feeders in PG&E. These numbers compare more favorably to current and and
projected annualized costs of PV, though on most feeders (and all in the percentiles we
show) the benefits remain well below the cost of PV

We can also compare these annualized numbers to the size of a possible fixed charge
on customer bills. In 2013 California's AB327 authorized its Public Utility Commission to
approve up to $120 per year, in partial recognition of the fact that owners of PV use less
energy but still place burdens on infrastructure. However these results suggest that PV
systems on deferred feeders could have benefits of the same order as the fixed charge. For
example, at a low feeder PV penetration (7.5 percent) a 5 kW system would create $50
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to over $300 per year benefit in terms of avoided capacity upgrades; even at 100 percent
penetration the benefit could be as high as $100 per year.

Though earlier studies suggested a large range of PV capacity values depending on model
assumptions (Ag. Darghouth et al. (2010)), in this case the input data themselves (circuit
loading and peak load growth statistics) produce a large range of values, holding model as-
sumptions constant. As we will discuss in the conclusions, this suggests that location-specific
compensation for PV capacity benefits may be an effective strategy to minimize utility-wide
capacity upgrade costs. Implementing this type of tariff could be challenging from a regu-
latory and process perspective, though we note that Minnesota's recently approved "Value
of Solar Tariff" methodology includes a location-specilic capacity value, arid it has received
both positive (Ag. Draxten, 2013) and negative (Ag. Podratz, 2013) comments from utilities.

4.2.5. Discount Sensitivity Analysts
Because capacity value benefits depend on events that occur in the future, the magnitude

of the benefit depends on the assumed WACC (or discount rate). Therefore we ran the model
for different values of a (PV deployment rates) and using a WACC of 5.0% and 10.0% (less
and greater than the originally assumed WACC of 7.6%). Figure 7 shows the result. As
expected, higher discount rates make deferral more desirable. Though immediate deployment
(fast ramp) has the highest sensitivity in absolute terms, sensitivities in percent terms (e.g.
the percent change in benefit due to increasing or decreasing WACC) are comparable for all
WACC / ramp combinations.

4.2. 6. Caveats
From a utility perspective, uncertainty in the reliability of distributed solar may prevent

some or all of the capacity benefit we measured from being realized during the investment
planning process; for instance, utilities may conservatively prefer to provide distribution
capacity that would normally not be needed due to PV's reduction of peak load, in order
to be prepared for an emergency that temporarily takes PV offline. We also note that iii
practice capacity projects may be initiated sooner than absolutely necessary to economize
on personnel and equipment in the area for other work. To the extent that these phenomena
affect distribution capacity costs, they would reduce the capacity value of PV somewhat; we
view characterizing this effect as an opportunity for future research. For further discussion
of these issues from a utility perspective see PG&E (2013b) .

A related concern is that all results are based one year of simulation. We did not directly
analyze the impact of cloudy or partly cloudy days (or a lack thereof) on peak feeder loading.
However in PG&E's climate zones especially in the interior region clouds are infrequent
in hours when peak loading occurs. Therefore we believe it is unlikely that other years would
have significantly different peak net loading resulting from cloud cover. This may not be the
case in other climates.

Finally, we were not able to validate the peak load shapes produced by GridLAB-D
against actual feeder-level load shapes in the PG&E service territory. Our analysis in Cohen
and Callaway (2015) compares GridLAB-D load shapes against load data from all of PG&E,
all of CAISO, and a few isolated substations provided by PG&E under a non-disclosure
agreement. Those results suggest that some circuits peak earlier and some peak later than
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the GridLAB-D load shapes, but that GridLAB-D load shapes are roughly in the middle of
the distribution of typical feeder load shapes.

4.3. Voltage Regulators and Voltage Quality

As we indicated in Section 3, PV can impact voltage regulator operation patterns by
influencing distribution circuit How. To the extent this increases or decreases voltage reg-
ulator switching, PV could change the maintenance requirements (and therefore cost to
distribution companies) for voltage regulators. Using our physical results for voltage reg-
ulators (Section 3 and Cohen and Callaway (2013, 2015)) we can make some very general
estimates as to how regulator maintenance expenses might change if the trends observed in
the simulated taxonomy feeders scaled up to the system.

There are several PG&E major work categories (MWC) related to voltage regulators.
MWC BK (Distribution Line Equipment Overhauls) is a category that includes needed
overhauls for line reclosers and regulators, in 2012 expenses of $2,645,000 were forecast for
this purpose (PG8cE, 2012, p. 5-34). Regulators constitute about 41% of the total units of
line equipment (regulators + reclosers) PG&E (2013a). Under the coarse assumption that the
unit cost to overhaul a regulator is the same as the unit cost for a reclosed, regulator overhaul
expenses are roughly $1,085,000 MWC 48 (Replace Substation Equipment) includes several
"Subprograms < $1M", including a line item for regulator replacements projected to be
$297,000 in 2012 (PG&E, 2012, Workpaper Table 13-16). Some LTC replacement work also
takes place under MWC 54 (Distribution Transformer Replacements) which had an overall
forecasted value of $61,005,000 in 2012 (PG&E, 2012, p. 13-14). However, most of this
expense is for general substation transformers not LTCs, and projects are usually triggered
by factors unrelated to the LTC such as dissolved gas analysis of the transformer oil, in
these cases the LTC is replaced in the course of a larger project rather than due to wear on
the LTC itself (PG&E, 2013a). Therefore we conclude that MWC 54 expenses are unlikely
to be affected by changes in LTC operation triggered by PV. This leaves us with a total
projected 2012 regulator budget of $1,382,000 from MWC BK and 48 that could be affected
by changes in tap-change activity.

If we assume that substation LTCs will respond similarly to line regulators (this is a
strong assumption because LTCs will respond more to transmission level variation in volt-
age), we can extrapolate our earlier regulator results (Cohen and Callaway, 2013) to the
system and estimate how much PV might affect overall regulator expenses. At the high end
(l00% penetration), PV increased regulator operations by 32%. Assuming line regulator
and LTC maintenance requirements increase linearly with the number of tap changes, then
maintenance expenses would also increase by 32%, or roughly $442,000 in 2012. In a more
optimistic scenario where regulator operations decreased by 8% due to the presence of PV
(in line with our "best case" simulation results) across the system, regulator maintenance
expenses might decrease by $111,000. In reality both of these scenarios might exist some-
where in the system, in addition to many intermediate cases and a few more extreme ones,
likely resulting in an overall expense change somewhere between these bookend values. The
overall impact will be more favorable if the reduced current duty brought about by PV also
extends regulator lifetime, but the sensitivity of regulator lifetime to reductions in current
is heavily dependent on the regulator model and its pre-PV current duty, so we lack the
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data to estimate the magnitude of this effect. In any case, the clear conclusion of the bud-
getary analysis is that any regulator maintenance cost changes whether they are positive
or negative - will be very small in comparison to the energy cost and capacity cost effects
of PV.

For comparison, PG&E's budget for addressing Voltage Complaint Projects Involving
Secondary Distribution (MWC 06G) was forecast to be $2,800,000 in 2012; some fraction
of MWC 06E (Circuits Reinforcement Project Services Managed, forecast at $36,941,000
in 2012) is also dedicated to "primary distribution voltage correction work" (PG&E, 2012,
p. 12-20). As noted in Cohen and Callaway (2013, 2015), voltage quality on our simulated
feeders was only mildly affected by PV, although we expect that in the field there will be
some feeders where it will be a significant issue. Though our data are not sufficient to make
a conclusive estimate of how frequently PV will actually trigger complaints or create serious
enough problems to require additional work in the above mentioned MWCs, they suggest
that the costs will be relatively small.

4.4. Transformer Aging and Backflow/Protection

As noted in Cohen and Callaway (2013, 2015) we observed minimal transformer aging
across all of our simulated scenarios, with little change due to PV except with one particular
feeder/climate combination. We attribute the lack of aging mainly to conservative sizing
of the distribution transformers relative to the loads served. We attempted to locate a
data set of distribution transformer loading to ascertain how well this assumption matched
California's actual distribution transformers, but utilities do not track the loading of these
transformers closely.

We do expect that PV will have some effect on transformer lifetimes in areas where
transformers are loaded at or above capacity. In most cases, lifetime is likely to be extended
as daytime transformer loading is reduced by generation on the secondary side. In some cases
where the installed PV power is much greater than the previous daytime load, transformer
lifetime may be decreased by large reverse power flows. Given the uncertainty about existing
transformer load shapes and ages it is difficult to estimate the size of the benefit (or cost)
that PV could provide.

Similarly, we refrain from drawing any conclusions about the economic effect of backflow
caused by high PV penetrations (see Section 3 for physical results). The main concern
regarding backflow is that it may require modifications to protection systems that were
designed with only one-way power flow in mind. Determining whether such corrections are
necessary on any given feeder requires a specialized protection analysis which is beyond the
scope of this study.

5. Conclusions and Policy Implications

We found that PV provides a capacity deferral value of up to $6/kW~yr when averaged
across the potential impact on all feeders in PG&E's service territory. However, when we
disaggregate the result by feeder some of which are much closer to requiring a capacity
upgrade project and have load shapes that are better correlated with PV production the
capacity value can be as much as $60/kW-yr on a small subset of feeders. When viewed
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against a possible connection fixed charge (proposed to be oil the order of $120/yr in Cal-
ifornia's AB327), the capacity deferral value of PV could be significant in some cases and
inconsequential in others. Also when viewed against the cost to install PV ($380/kW-yr at
the end of our study period Barbose et al. (2013), but possibly as low as $110/kW-yr if the
DOE's SunShot goal of $1.50/W is met), the capacity deferral value of PV could be a signif-
icant incentive for some customers to install PV. There is some precedent for recognizing the
capacity value of distributed PV (for example Minllesota's "value of solar" tariff), but our
findings suggest that the range of distribution capacity benefits is significant enough that a
location-speciiic credit should be considered. Much as the time-value of PV is recognized iii
time-of-use pricing tariffs, we propose that this spatially heterogeneous value of PV should
be recognized in the structure of retail fixed charges. This process could be streamlined with
substation-level loading, load growth and capacity data, though a full analysis of equity
implications and administrative costs would be needed to determine if locational credits are,
on the whole, desirable.

Our earlier results indicate that voltage regulator operations could increase by as much
as 32% at high PV penetrations. If voltage regulator maintenance scales linearly with the
amount of operation, our results in this paper indicate that distributed PV would increase an-
nual costs by $442,000 an extremely small amount of PG&E's roughly $6 billion operations
and maintenance budget in 2012, and much smaller than the roughly $30-$40 million annual
capacity benefit we estimate that PV would provide at the same penetration. Though we do
not have sufficient data to assess the heterogeneity of these voltage impacts across PG&E's
feeders, our earlier engineering simulations suggest feeder location arid design ca11 signifi-
cantly impact the likelihood that PV will create voltage problems, suggesting that proactive
distribution planning may serve to avoid these voltage problems altogether at relatively low
cost.

Overall our results suggest that the distribution-level economic impacts we measure are
on average very small, and slightly positive. A large part of those positive impacts seem to
be concentrated in a small number of circuits. Therefore to the extent these benefits could be
reflected in incentives to customer-sited PV, we do not anticipate that they would support a
significant expansion in total PV capacity in our study region. This suggests that significant
PV penetration in distribution systems will be economically justified only when the energy
value ideally including environmental externalities such as CON reaches parity with the
levelized cost of PV.
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Table 2: Assumed frequency of Rl and RE feeders, adapted from Schneider et al. (2008)
Feeder Assumed frequency

R1-12.47-1

R1-12.47-2

R1-12.47-3

R1-l2.47-4

R1_25.00-1

R3-12.47-1

R3-l2.4'7-2

R3-12.47-3
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