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DIRECT TESTIMONY OF KEVIN C. HIGGINS 

INTRODUCTION 

Q* 

A. 

Q* 

A. 

Q* 

A. 

Q* 

A. 

Q* 

A. 

Please state your name and business address. 

Kevin C. Higgins, 21 5 South State Street, Suite 200, Salt Lake City, Utah, 

84111. 

By whom are you employed and in what capacity? 

I am a Principal in the firm of Energy Strategies, LLC. Energy Strategies 

is a private consulting firm specializing in economic and policy analysis 

applicable to energy production, transportation, and consumption. 

Are you the same Kevin C. Higgins who pre-filed direct testimony in this case 

on behalf of Freeport-McMoRan Copper & Gold Inc. and Arizonans for 

Electric Choice and Competition (“AECC”)’ on the subject of revenue 

requirements? 

Yes, I am. 

What is the purpose of your testimony in this phase of the proceeding? 

My testimony addresses the topics of cost-of-service, rate spread, and rate 

design. 

What are the primary conclusions and recommendations presented in this 

phase of your testimony? 

(1) TEP’s proposal to use a variant of the Peak and Average Demand 

method to allocate production and transmission plant should be rejected by the 

’ Henceforth in this testimony, Freeport-McMoRan Copper & Gold Xnc. and AECC collectively will be 
referred to as “AECC.” 
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Commission. This method is rarely adopted by utility regulatory commissions 

because of its structural bias that unreasonably disadvantages higher-load factor 

customer classes. Instead, I encourage the Commission to adopt the Average and 

Excess Demand method, which is used by Arizona Public Service Company 

(“APS”) and Salt River Project (“SRP”), or alternatively, the 4-CP Method, which 

TEP uses to allocate jurisdictional costs. 

To the extent that the Peak and Average Demand method is considered at 

all, it should be a version that is cured of the various analytical flaws committed 

by TEP, as discussed in my testimony. 

(2) I am recommending that rates be spread using an across-the-board 

equal percentage increase for each of the major customer classes, subject to a 

number of qualifications. The equal percentage increase should be calculated 

using present revenues equal to current base rates plus the Forward Component of 

the 2012 PPFAC, as this is most representative of current going-forward rates. 

Within the LGS and LLP classes (including Mining), I am recommending 

retaining the same relationship between time-of-use (“TOU”) and non-TOU rate 

schedules as proposed by TEP. 

To the extent that the final overall rate increase in this case is less than 10 

percent, the Commission should give consideration to allowing the 

ResidentiaVLighting percentage rate increase to be somewhat above the system 

average and the SGS/LGS rate increase to be somewhat below the system 

average, based on cost-of-service considerations. For every one percentage point 

that the SGSLGS percentage rate increase is set below the system average, the 

ResidentiaVLighting increase would need to be 0.9 1 percentage points above the 
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system average. The remaining classes should continue to receive the system 

average increase. 

(3) TEP’s proposal to establish a 100 percent demand ratchet should be 

rejected. Rather, the demand ratchet be set at 75%. This is midway between 

TEP’s proposed 100% ratchet and the 50% ratchet currently in place for the LGS 

and LLP-TOU rate schedules. A 75% ratchet balances the need to compensate 

the Company for year-round expenses with reasonable variability in a customer’s 

usage. 

(4) TEP’s proposal to abandon the price signal to shift capacity usage to 

off-peak periods should be rejected. Instead, TEP should be required to retain the 

current rate design in which the demand charge is limited to the on-peak period 

and incremental off-peak demand charges are not incurred until the off-peak 

demand reaches 150% of the on-peak billing demand. Moreover, the same 

pricing relationship between on-peak and incremental off-peak rates should be 

retained and the definition of the weekday on-peak period (as applicable to on- 

peak demand) should remain unchanged. 

(5) TEP’s proposal to flatten the base power rates for TOU customers in 

the LGS and LLP classes (LGS-85N and LLP-9ON, respectively) should be 

rejected. Rather, the rate design should retain the current price signal for 

customers to shift energy usage to the off-peak periods, as discussed in my 

testimony. 

(6) The structure of the unbundled portion of TEP’s proposed tariff 

suffers from ambiguity, inconsistency, and numerous typographical errors - even 

in the corrected version of the tariff that was filed August 17,2012. It does not 

HIGGINS / 3 
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meet the minimum standard of a well-structured unbundled tariff. I recommend 

that the Commission order TEP to re-file the unbundled sections of its tariff in a 

manner that responds to the issues I discuss in my testimony, which includes 

clearly delineating all unbundled rate components by function. 

(7) TEP should be required to restate its proposed energy charges for 

distribution service as demand charges for demand-billed classes. 

(8) TEP’s proposed relationship between delivery charges and generation 

capacity charges in its unbundled tariff would unreasonably thwart direct access 

and should be rejected. Instead, TEP should be ordered to re-file its unbundled 

rate components such that the relationships among the functions correspond to the 

underlying cost relationships using the cost-of-service methodology approved by 

the Commission in this case. 

(9) TEP should be ordered to state clearly in its tariff that customers taking 

service at 138 kV or above are not subject to the Delivery charges stated in the 

unbundled portion of the tariff. 

(1 0) I recommend that the Commission approve TEP’s proposed 

interruptible tariff, Rider 5-ISCC filed in Docket No. E-01933A-07-0402, but 

with the removal of the “shared savings factor” and subject to the modifications 

recommended in Exhibit KCH-29 of this direct testimony. 
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COST OF SERVICE 

Q. 

A. 

What is the purpose of cost-of-service analysis? 

Cost-of-service analysis is conducted to assist in determining appropriate 

rates for each customer class. It involves the assignment of revenues, expenses, 

and rate base to each customer class, and includes the following steps: 

Separating the utility’s costs in accordance with the variousfunctions of its 

system (e.g., generation [or production], transmission, distribution); 

Classzjjhg the utility’s costs with respect to the manner in which they are 

incurred by customers (e.g., customer-related costs, demand-related costs, and 

energy-related costs); and 

Allocating responsibility for the utility’s costs to the various customer classes 

based on principles of cost causation. 

Q. 

A. 

What is the role of cost-of-service analysis in setting rates? 

Each of the three steps above has an important role in the ratemaking 

process. If rates are unbundled by function, as they are in Arizona, then 

separating the utility’s costs by function is important in determining which costs 

are generation-related, transmission-related, and distribution-related. 

The classification of costs is critical to the rate design process, Le., in 

determining the proper customer charge, demand charge, and energy charge for 

each rate schedule. 

Finally, the allocation of costs to customer classes is important for 

determining revenue apportionment across customer classes, also called “rate 

spread.” In determining rate spread, it is important to align rates with cost 

HIGGINS / 5 
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15 A. 

16 
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20 
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22 

causation to the greatest extent practicable. Properly aligning rates with the costs 

caused by each customer class is essential for ensuring fairness, as it minimizes 

cross subsidies among customers. It also sends proper price signals, which 

improves efficiency in resource utilization. 

What approach has TEP used for allocating generation plant costs between 

TEP retail customers and FERC-jurisdictional customers? 

As explained in the direct testimony of TEP witness Craig A. Jones, TEP 

uses the 4-Coincident Peaks (“4-CP”) method for allocating generation plant costs 

between its state and federal jurisdictional loads. The 4-CP method allocates 

fixed production costs based on the average of system peak demands in the four 

summer months, which is when TEP’s production capacity requirements are 

determined. 

In your opinion, is the 4-CP method appropriate for allocating TEP’s 

jurisdictional generation plant costs? 

Yes, it is. TEP’s maximum system demands are driven by summer usage. 

Given the characteristics of TEP’s system, the 4-CP method properly aligns the 

allocation of the Company’s fixed costs with cost causation. As noted by Mr. 

Jones, the 4-CP method is also accepted in TEP’s cases before FERC. 

Does TEP also use the 4-CP method for allocating generation plant costs 

across its retail customer classes in this case? 

No. For allocating costs across retail customer classes, TEP uses a variant 

of the “Peak and Average Demand” method, which Mr. Jones refers to as the 

HIGGINS / 6 



1 

2 

3 Q* 

4 A. 
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“Average and Peaks” method. 

transmission costs. 

Are you familiar with the Peak and Average Demand method? 

TEP also uses this method for allocating 

Yes. The Peak and Average Demand method is classified in the NARUC 

Cost Allocation Manual as a “Judgmental Energy Weighting” approach. 

According to this method, fixed production cost is allocated based on a 

combination of each class’s share of coincident peak demand, as well as each 

class’s share of energy usage. In applying this method, class energy consumption 

is typically expressed as “average demand,” which gives rise to the term “Peak 

and Average.” (Average demand is simply annual energy divided by the number 

of hours in the year.) 

In your opinion, is the Peak and Average Demand method appropriate for 

allocating TEP’s generation and transmission plant costs? 

No, it is not a reasonable methodology. The Peak and Average Demand 

method has a problematic construction in that average demand is already included 

in peak demand and is thus counted twice in the allocation of costs. This double- 

weighting results in an undue bias against higher-load-factor customer classes in 

the allocation of costs. For this reason, the Peak and Average Demand method is 

rarely approved by utility regulators. In fact, a proposal to use this method was 

recently rejected by the Public Utility Commission of Texas, which found an 

alternative methodology, the Average and Excess Demand method, to be more 

“Peak and Average Demand” is the nomenclature used in the NARUC Electric Utility Cost Allocation 
Manual. 
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1 suitable? This decision by the Texas commission is consistent with earlier 

2 findings by the Arizona Corporation Commission. 

Has the Arizona Corporation Commission previously expressed concern with 3 Q* 

the Peak and Average Demand method? 4 

5 A. Yes. In Decision No. 69663 issued June 28,2007, the Commission 

addressed a proposal to use the Peak and Average Demand method in the Arizona 6 

APS rate case, rather than the 4-CP method used by APS. The Commission 7 

stated: 8 

We agree with Staff that an energy-weighting method for allocating production 
plant is appropriate for APS. However, we are not convinced that the [Peak and 
Average Demand method] should be adopted. AECC’s recommended Average 
and Excess Demand method would eliminate the criticism that the average 
demand is being counted twice. [Decision No. 69663, p. 70, line 27 - p. 71, line 
2.1 

9 
10 
11 
12 
13 
14 

Subsequent to this Commission decision, APS has used the Average and 15 

Excess demand method to allocate production plant in its rate case filings. 16 

Similarly, SRP uses the Average and Excess Demand method to allocate 17 

production plant as part of its pricing processes. In neighboring states, the 18 

Average and Excess Demand method is also used by Public Service Company of 19 

Colorado and El Paso Electric Company in both New Mexico and Texas. 20 

When asked in discovery, TEP was unable to identi@ any other electric 21 

utility in the United States that has proposed this method except its affiliate UNS 22 

23 

24 

Ele~tr ic .~ This response is not surprising. With the exception of TEP’s small 

affiliated company, I am not aware of any electric utility in the western United 

PUC Docket No. 39896, ALJ Proposal for Decision (July 6,2012), PUCT Order (Sep. 14,2012). 
TEP’s Response to AECC Data Request 2.05. 
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States that uses the Peak and Average Demand method to allocate production 

plant. 

Please explain the structural bias in the Peak and Average Demand method. 

We can use a simple example to illustrate the Peak and Average Demand 

method and its structural bias. Assume we have two customer classes: Flat and 

Peaky. To highlight the underlying drivers of the Peak and Average Demand 

method, let us assume that the Flat class has a constant load of 500 MW 

throughout the year. Let us further assume that the load pattern of the Peaky class 

is as follows: January-March: 300 MW; April-May: 500 MW; June: 700 MW; 

July-August: 800 MW; September: 700 MW; October: 500 MW; and December: 

300 MW.5 This example is illustrated in Figure KCH-1, on the following page. 

For ease of exposition, I assume that the load of the Peaky class is constant over the duration of each 
month at the assumed load level. This simplifying assumption does not alter the conclusions in the 
example. 
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Figure KCH-l 

Peak and Average Demand Method: Illustrative Example 

o P e a k y  Class 
oFlat  Class 

A l l  capacity abovetbih iev@ IL 
anrlbutable I W .  t o  thePeeky C1155. 

but40 IS i l locxedto the 
Flat Clasc, under PRA method 

Jan Feb Mar kpr May 

I 
I 

Jun Jul Aug S e p  Oct Nov Dec 

Figure KCH-1 shows the monthly demand of the Flat class at the bottom 

of the diagram. The monthly demand of the Peaky class is stacked on top of the 

Fiat class's demand, such that the sum of the two constitutes the total demand for 

the system. The average demand of each of these classes is 500 MW,' resulting 

in an average demand for this two-class system of 1000 MW. Accordingly, the 

Peak and Averag,e Demand method will allocate each of these classes 50 percent 

of the responsibilitj. for the average demand portion of costs. 

The system peak demand averages 1250 MW in the four summer months. 

June through September. It is clear in this example that all of the incremental 

For simplicity we assume that the duration of each month is 1/12 o f  a year. The  varying durations of 
each month actually causes the average demand of the Peaky class to be slightly higher - 501 MW. 
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capacity required above the system average of 1000 MW demand is attributable to 

the needs of the Peaky class; the load of the Flat class is, of course, flat. But the 

Peak and Average Demand method will @ allocate the full cost of this 

incremental capacity to the Peaky class. Instead, it will allocate these incremental 

costs in accordance with the share of each class’s demand during the peak 

summer  month^;^ that is, the Flat class will be allocated 40% of the incremental 

cost (500 MW/1250 MW) and the Peaky class will be allocated 60% of the 

incremental cost. Put another way, even though &l of the Flat class’s usage 

during the summer has alreadv been accounted for in the allocation of average 

demand, the Flat class will be allocated an additional 40% of the costs of the 

incremental capacity above system average demand when the summer peak 

demand is apportioned. This additional allocation occurs because the Peak and 

Average Demand method allocates capacity costs based on total demand during 

the summer - not just the excess above average demand, even though average 

demand has already been fully allocated in the first step. This additional 

allocation is the double-weighting to which I referred previously in my testimony. 

In my opinion, this double-weighting amounts to a serious analytical bias in the 

Peak and Average Demand method. 

On page 20 of his direct testimony, Mr. Jones suggests that TEP’s proposed 

method for allocating production costs was approved by the Commission in 

TEP’s last general rate case. Do you agree with this statement? 

The use of the four summer months to allocate the peak component is consistent with the approach 7 

adopted by TEP. 

HIGGINS / 1 1  
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22 Q. 

23 

No. This statement is incorrect. TEP’s last general rate case took place 

during 2007 and 2008. Mr. Jones did not become a TEP employee until 

November 2009, and thus, did not participate in that proceeding, whereas I did. 

In the Company’s last general rate case, TEP proposed that the Peak and 

Average Demand method be used to allocate production costs, but the Company’s 

proposal was strongly opposed by AECC, the Department of Defense, and 

Kroger. In addition to TEP’s proposal, production cost allocations based on the 

4-CP and Average and Excess Demand methods were introduced into the record 

and advocated by other parties. Ultimately, most parties to the case (including 

AECC, the Department of Defense, Kroger, and TEP) entered into a settlement 

agreement that was approved by the Commission in Decision No. 70628. In that 

decision, the Commission approved an across-the-board 6 percent rate increase 

for all customer classes (except low income customers) recommended by the 

settling parties. Significantly, nowhere in the settlement agreement is there any 

mention - let alone endorsement - of TEP’ s proposed production cost allocation 

methodology. Indeed, AECC would not have agreed to a settlement agreement 

that provided such an endorsement. Similarly, Decision No. 70628, which 

approved the settlement agreement, makes no mention whatsoever of TEP’s 

proposed production cost allocation method. Simply put, TEP’s assertion that the 

Commission approved the Company’s production cost methodology in the last 

general rate case is without any support in the record and is without merit. 

Does the Average and Excess Demand method used by APS and SRP avoid 

the double-weighting of average demand costs? 

HIGGMS / 12 
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Yes. The Average and Excess Demand method avoids the problem of 

double-weighting while using the same allocation treatment of energy, or average 

demand, as the Peak and Average Demand method: the difference is in the 

treatment of the incremental capacity requirements above average demand. 

The Average and Excess Demand method is described in the NARUC 

Manual in its section entitled “Energy Weighting Methods.” This method has the 

virtue of meeting the Commission’s stated objective in Decision No. 69663 with 

respect to allocating a portion of production plant based on energy. As stated in 

the NARUC Manual, this method “effectively uses an average demand or total 

energy allocator to allocate that portion of the utility’s generating capacity that 

would be needed if all customers used energy at a constant 100 percent load 

factor.”’ At the same time, the incremental amount of production plant that is 

required to meet loads that are above average demand is properly assigned to the 

users who create the need for the additional capacity. 

How does the Average and Excess Demand method apportion responsibility 

for incremental production plant that is required to meet loads that are 

above average demand? 

The Average and Excess Demand method allocates the cost of capacity 

above average demand in proportion to each class’s excess demand, where excess 

demand is measured as the difference between each class’s individual peak 

demandg and its average demand. By focusing on excess demand, this method 

* NARUC Electric Utility Cost Allocation Manual, January 1992, p. 49. 

NCP.” 
A class’s individual peak demand is often referred to as “Class Non-Coincident Peak Demand” or “Class 
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avoids the double-weighting of average demand that occurs in the Peak and 

Average Demand method. 

How would the Average and Excess Demand method allocate the capacity 

above average demand in your illustrative example? 

The capacity above average demand would be allocated in proportion to 

each class’s share of excess demand. In this example, the peak demand of the 

Flat class is the same as its average demand; that is, its excess demand is zero. 

The peak for the Peaky class is 800 MW, which translates into a class excess 

demand of 300 MW (Le., 800 MW - 500 MW), which, of course, is also the 

entirety of the excess demand on this system. Thus, the Peaky class is allocated 

all of the cost associated with incremental capacity above average demand. Put 

another way, the Average and Excess Demand method properly assigns the cost 

of the incremental amount of production plant used to serve system requirements 

above average demand. 

Have you prepared a cost-of-service analysis that allocates TEP’s production 

and transmission plant using the Average and Excess Demand method? 

Yes, I have. The results of this analysis are presented in Exhibit KCH-17. 

I have also prepared a cost-of-service analysis that allocates production and 

transmission plant using the 4-CP method that TEP uses for jurisdictional 

purposes. The results of this analysis are presented in Exhibit KCH-18. These 

results are summarized in Table KCH-4, which is presented later in my testimony, 

following a discussion of other problems I have identified in TEP’s cost-of- 

service study. 
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What is your recommendation to the Commission regarding the appropriate 

methodology for allocating TEP's production and transmission plant? 

TEP's proposal to use the Peak and Average Demand method to allocate 

production plant should be rejected. Rather, the Commission should require TEP 

to allocate production and transmission plant using the Average and Excess 

Demand method, consistent with the Commission's findings in Decision No. 

69663, and consistent with the methodology for allocating production plant used 

by APS and SRP. The Commission should also give consideration to the cost 

allocation produced by the 4-CP method, which is consistent with TEP's 

jurisdictional allocation. 

Aside from the choice of methodology for allocating production plant, do you 

have any other concerns with the cost-of-service study prepared by TEP? 

Yes. There are several analytical flaws in TEP's study, completely aside 

from the choice of methodology for allocating production and transmission costs, 

and distinct from certain errors that TEP has acknowledged in discovery. These 

analytical flaws are so significant that the results presented by TEP cannot 

reasonably be relied upon for drawing inferences about class cost causation. 

Before discussing the analytical flaws you have identified, what errors in its 

cost-of-service study has TEP acknowledged in discovery? 

I am aware of four errors in TEP's cost-of-service study that the Company 

has acknowledged:" 

lo TEP's Responses to AECC Data Request 3.3, DOD Data Request 3.2, Supplemental Response to UDR 
1.01, dated October 5,2012. 
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(1) Inadvertently allocating distribution costs based on class coincident 

peak demand rather than class non-coincident peak demand; 

(2) Entering the incorrect coincident peak demand for the LLP class; 

(3) Entering incorrect class non-coincident peak demands for the LGS- 

TOU and LLP customer classes; and 

(4) Entering incorrect class non-coincident peak and coincident peak data 

for the Lighting class. 

Has TEP corrected these errors in its filing? 

Not at this time. My understanding is that the first two errors listed above 

were corrected in an update to TEP’s cost-of-service study, but have not been 

included as part of TEP’s filing, at least at this time. To my knowledge, the third 

error has neither been included in an update to TEP’s cost-of-service study nor to 

its filing, and the fourth error was only discovered several days before this 

testimony was filed. For ease of discussion, I have prepared an updated cost-of- 

service study that corrects all four TEP-acknowledged errors listed above. A 

summary of the results of this analysis is presented in Exhibit KCH-19. I have 

denoted this corrected TEP cost-of-service study as “AECC COS Adj. 1 .” This 

baseline is the point of departure for my subsequent criticism of the remaining 

problems with TEP’s study. 

Do you make any other corrections to TEP’s cost-of-service study in AECC 

COS Adj. l? 

Yes. I make one other correction in AECC COS Adj. 1. TEP’s cost-of- 

service study excludes the forward component of pro forma PPFAC revenues 

from present rates - even though these revenues are included in TEP’s calculation 
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of income tax expense at current rates in the Company’s revenue requirement 

model. The omission of pro forma PPFAC revenues understates the rates of 

return for all classes. To correct both for this understatement and for TEP’s 

inconsistent treatment with the revenue requirement model, I have included pro 

forma PPFAC revenues in AECC COS Adj. 1. 

Has TEP admitted that omitting the pro forma PPFAC revenues from 

present revenues is an error? 

No. TEP concedes that it has made the omission, but does not 

acknowledge that it is an error. I have reviewed TEP’s explanation for the 

omission and have concluded that the Company’s explanation does not justify the 

omission. l 1  Consequently, I am classifying the omission as an error and including 

the correction in AECC COS Adj. 1. 

What analytical flaws have you identified in TEP’s class cost-of-service 

study? 

I have identified the following analytical flaws in TEP’s cost-of-service 

study: 

1. TEP improperly allocates income tax expense to classes in both its 

treatment of class returns at present rates and class returns at proposed rates. 

2. In allocating the cost of production plant, TEP fails to reflect line loss 

differentials among customers of different voltages. 

3. TEP improperly assigns the errors in measuring class coincident peak 

attributable to its load research program to customer classes whose coincident 

‘ I  TEP’s explanation is provided in TEP Response to AECC 5.1. 
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1 peak is measured by census data, grossly overstating the coincident peak properly 

2 allocable to the census-measured classes. 

4. TEP’s weighting of average demand (compared to peak demand) in its 3 

use of the Peak and Average Demand method is inconsistent with the weighting 4 

prescribed in the NARUC Cost Allocation Manual. 5 

6 Q9 Please describe your concerns with the allocation of income tax expense. 

7 A. In its analysis of class returns at present rates, TEP allocates income taxes 

to classes based on plant in service. While this approach may have some intuitive 8 

appeal, it is incorrect. The income tax expense for a given class should be 9 

calculated based on the operating income produced by that class. TEP’s practice 10 

of allocating income taxes rather than calculating them overstates the expenses for 11 

a class that is earning below the overall average return, and vice versa. 12 

Consequently, it distorts rates of return at current revenues: the rate of return is 13 

overstated for classes earning above the average return and it is understated for 14 

classes earning below the average return. 15 

This very issue was addressed by the Utah Public Service Commission 16 

several years ago and its findings on the subject are instructive on this point: 17 

In the interjurisdictional allocation model, income taxes are calculated based on 
taxable income. In its class cost of service study, [PacifiCorp] allocates to classes 
Utah’s income taxes based on relative rate base rather than taxable income. UAE 
recommends income taxes be calculated on taxable income, similar to the 
approach taken in the interjurisdictional model. 

18 
19 
20 
21 
22 
23 
24 
25 
26 
27 
28 
29 
30 

The Company’s approach mixes income taxes incorporating the effect of the 
change in revenue requirement for a specific class with the earned income and 
rate base components of the class. The approaches of both the Company and 
UAE can be used to determine the change in revenues required to achieve an 
allowed rate of return, and moreover, both will provide the same revenue change. 
However, the Company’s approach tends to overstate the rates of return for 
classes earning above Utah’s overall earned rate of return and understates the 
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rates of return for classes earning below Utah’s overall earned rate of return. 
The use of taxable income to calculate income taxes was recently ordered in the 
recent rate case for Questar Gas Company, Docket No. 07-057- 13. 

Therefore we accept UAE’s proposal as a matter of policy to calculate income 
taxes based on taxable income in the class cost-of-service study.12 [Emphasis 
added] 

Does TEP acknowledge that its approach is incorrect? 

No. In discovery, TEP asserted that its approach was reasonable, implying 9 A. 

that the allocation of income taxes to classes was a matter of the analyst’s 10 

discretion. I disagree. Income taxes are a function of operating income. An 11 

integral part of a standard cost-of-service study is to identifl operating income by 12 

class. This information should then be used to calculate each class’s income tax 13 

expense. This is the conventional treatment nationwide - and with good reason. 14 

Failure to adhere to this convention not only distorts class returns at current rates, 15 

it can lead to errors in determining class revenue requirements at equalized 16 

returns. In this case, TEP’s failure to adhere to the conventional treatment of 17 

apportioning class income tax expense has resulted in the Company using 18 

different income tax allocators for present rates and proposed rates. At present 19 

rates, TEP allocates income tax to classes based on plant in service, as noted 20 

above. At proposed rates, TEP allocates income tax to classes based on class total 21 

retail proposed sales revenue - including fuel. These allocation approaches are 22 

obviously inconsistent with one another. Moreover, there is no reasonable basis 23 

for TEP to be allocating income taxes based on proposed sales revenue. These 24 

l2 Utah Public Service Commission, Docket No. 09-035-23. Report and Order on Revenue Requirement, 
Cost of Service and Spread of Rates at 131-132. February 18,2010. 
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inconsistent and unreasonable allocation approaches are a consequence of TEP’s 

ad hoc treatment of income tax expense in its cost-of-service study. 

Both income tax allocation approaches used by TEP should be rejected. 

Instead, TEP should be required to adopt the standard utility convention of 

calculating each class’s income tax expense based on the operating income 

produced by that class. 

Have you prepared a cost-of-service adjustment that calculates each class’s 

income tax expense at present rates based on the operating income produced 

by that class? 

Yes, I have. This adjustment is denoted as AECC COS Adj. 2 and is 

presented in Exhibit KCH-20. AECC COS Adj. 2 also incorporates all of the 

corrections in AECC COS Adj. 1. 

Please describe your concerns with the treatment of line losses in the class 

cost of service study. 

In general, a customer that takes delivery at higher voltage causes the 

utility to incur fewer line losses for every kilowatt-hour of electricity delivered to 

the customer’s meter than a customer taking delivery at a lower voltage. As a 

result, in general, the greater voltage at which a customer takes delivery, the fewer 

the kilowatt-hours required to be produced at input to deliver a given amount of 

kilowatt-hours to the customer’s meter. 

This difference in the cost of energy production should be recognized in a 

utility cost-of-service study. The typical voltage levels that are recognized for 

this purpose are secondary, primary, and transmission. (Sub-transmission is also 

sometimes recognized). However, TEP recognizes energy cost differentials only 
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for customers taking service at 138 kV and above, Le., transmission voltage - and 

this recognition is limited to the proposed PPFAC rate. That is, voltage 

differentiation is not recognized at all in the allocation of production plant, even 

though this allocation is based on average demand (i.e., energy) and coincident 

peaks, each of which is affected by line losses. In this fimdamental sense, TEP’s 

cost-of-service study is deficient and is not commensurate with good ratemaking 

practice. 

How does TEP treat line losses in its allocation of production plant? Q. 

A. In its original “Average and Peaks” summary workpaper, TEP included a 

column entitled “Losses” that scaled up each customer class’s monthly coincident 

peak demand. While the proportion that was scaled up varied every month, the 

same proportion was applied to each class for a given month. Simply reviewing 

the workpaper would give the analyst the impression that the scaling was intended 

to capture line losses. However, the proportion being scaled up made that 

supposition implausible: the increase applied to each customer class ranged from 

1.7% in December 201 1 up to 30.4% in July 201 1. Certainly, something else 

besides line losses is being captured in this adjustment. 

In discovery, TEP clarified that the column in the workpaper that was 

labeled “Losses” was actually the difference between TEP’s actual system peak 

demand and the sum of the class peak demands as estimated from TEP’s load 

research program. l 3  In other words, the “Losses” column was actually comprised 

of average line lossesplus the variance (or error) between TEP’s load research 

prediction of system coincident peak demand and actual system coincident peak 

Source: TEP Response to AECC 6.1 .b.iv. 13 
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demand. Significantly, in the summer period (corresponding to the 4-CP used in 

the Peak and Average demand method used by TEP), the estimation error was 

very large, with the total “adder” applied to each class’s coincident peak ranging 

from 21.4% in August to 27.9% in July.14 Whereas some portion of this “adder” 

is accounting for line losses, a very substantial portion of it is truing up for 

estimation error. 

Why is there an estimation error in the first place? 

Identifying class coincident peak demands requires identifying each 

class’s aggregate demand at the time of the system monthly peak demand. For 

certain customer classes (e.g., LLP, LGS), this is relatively straightforward, 

because every customer in the class has a demand meter, so their demands at the 

time of the system peak can be directly measured. We can refer to these classes 

as “census-measured” classes - because their coincident demands in the cost-of- 

service study are based on the measured demand for the entire population of the 

class. 

In contrast, smaller customers, such as Residential and SGS, typically do 

not have demand meters. Consequently, the class demands at the time of the 

coincident peaks for these classes cannot be directly measured, but rather are 

estimated using statistical samples of customers that have demand meters 

assigned to them for this purpose. Through statistical sampling, the usage 

patterns of a relatively small number of customers are used to estimate the 

coincident peak demands for the entire classes to which these customers belong. 

l4 These adders were calculated from TEP’s workpaper: “Average and Peaks Allocation 12-3 1-1 l(Revised 
11-01-12)”, Column N. 
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Some error in estimation is inevitable. TEP is aware that an estimation error 

exists because TEP knows the actual system peak and TEP realizes that the sum 

of the individual class demands does not match the system peak. To compensate 

for this difference, in the cost-of-service study, TEP “trues up” the class 

coincident peak data to force it to match the actual system peak demands by 

applying the “adder” (labeled “Losses”) that I described above. Some portion of 

this difference is attributable to line losses, but a large portion of it is attributable 

to estimation error. 

Is there a problem with the way that TEP accounts for the variation between 

predicted coincident peak and actual coincident peak? 

Yes. TEP spreads the estimation error to all classes - even the census- 

measured classes whose coincident demands are directly measured. This means 

the census-measured classes are being assigned a pro rata share of the estimation 

error attributable to the statistically sampled classes. Because the estimation 

errors are very substantial during the 4-CP summer period, the census classes end 

up being assigned a much greater amount of peak demand than they actually 

cause. This is easy to see in the case of the Mining class, which consists of only 

two customers. The non-coincident peak (“NCP”) for this class during July 201 1 

was 141 MW. That is, the maximum demand of these two customers at the same 

time (irrespective of the hour) during that month was 141 MW. Logically, 

coincident peak demand (after accounting for line losses) cannot exceed the NCP. 

Yet the July coincident peak assigned to these two customers in TEP’s cost-of- 

service study was 173 MW. This amount was derived by scaling up by 

approximately 27% the measured July coincident peak of these two customers of 
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136 MW. I estimate that approximately 10 MW of the additional 37 MW 

assigned to this class was attributable to line losses. The remainder is simply 

“phantom load” - the share of estimation error assigned to the Mining class - 

even though the coincident demand of this class was already known and not 

subject to estimation error. 

How should this problem be corrected? 

Each class’s measured (or estimated) coincident peak demand should be 

adjusted for losses. Then, the estimation error (i.e., the difference between the 

sum of the loss-adjusted predicted class coincident peak demands and actual 

system peak demand) should be assigned pro rata to the sampled classes only, 

because these classes are the source of the estimation error. Class NCP and 

energy should also be adjusted for losses. 

Have you prepared a cost-of-service adjustment that performs this 

correction? 

Yes, I have. This adjustment is denoted as AECC COS Adj. 3 and is 

presented in Exhibit KCH-21. AECC COS Adj. 3 also incorporates all of the 

corrections in AECC COS Adj . 1 and Adj. 2. 

What is the basis of your line loss estimates? 

I requested line loss data from TEP by voltage but the Company indicated 

that it has not completed an engineering study on line losses in the last two rate 

cases.15 TEP further indicated that it does not have line loss information 

differentiated by the voltage levels I requested (secondary, primary, non-Em, 

Source: TEP Response to AECC 3.1 .c. 
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by estimating the differences in line losses between secondary and primary 

voltage levels provided by APS in its last rate case, and incorporated these 

differentials into TEP’s average system line losses. I believe that using the line 

loss differentials on the APS system is a reasonable proxy for the TEP system and 

is preferable to ignoring these differentials altogether, as TEP has done. 

Please describe your concerns with TEP’s weighting of average demand 

compared to peak demand in its use of the Peak and Average Demand 

method. 

When using the Peak and Average method, a proportion of production 

costs must be assigned to average demand (i.e., energy) and the remaining 

proportion must be assigned to peak demand. The proportions used by TEP are 

inconsistent with the proportions prescribed in the Electric Utility Cost Allocation 

Manual, published by the National Association of Regulatory Utility 

Commissioners (“NARUC Manual”), which is the standard reference manual for 

this subject. Specifically, TEP weighted average demand by the system load 

factor, whereas the NARUC Manual prescribes that the proportion of plant 

classified as energy-related is calculated by dividing average demand by the sum 

of average demand and the average of the monthly peak demands used in the 

analysis (in this case, the four summer months).17 Mathematically, this ratio will 

almost always be less than system load factor.” By giving a stronger weight to 

Source: TEP Response to AECC 3.2.e. 16 

l7 NARUC Manual, pp. 57-58. 
Is Since, by definition, system load factor is equal to (AD / CP), TEP’s weighting of average demand, under 
most conceivable scenarios, will produce a classification percentage for energy that is greater than the 
weighting of (AD / (AD + 4 CP)) prescribed in the NARUC Manual. 
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average demand (or energy) than the NARUC Manual prescribes, TEP has further 

biased the results of its analysis to the disadvantage of higher-load factor 

customers. As discussed above, the Peak and Average Demand method already 

contains an undue bias against higher-load-factor customers; by giving average 

demand an even greater weighting than prescribed in the NARUC Manual TEP 

has arbitrarily exacerbated that bias. 

Have you prepared a cost-of-service adjustment that substitutes the 

weightings prescribed by the NARUC Cost Allocation Manual for those used 

by TEP? 

Yes, I have. This adjustment is denoted as AECC COS Adj. 4 and is 

presented in Exhibit KCH-22. AECC COS Adj. 4 also incorporates all of the 

corrections in AECC COS Adj . 1, Adj. 2, and Adj . 3. 

Have you prepared an overall summary of the cost-of-service analyses you 

have conducted? 

Yes. This summary is presented in Table KCH-4, below. 
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2 Table KCH-4 

3 

SUMMARYOFTEPCLASS COS STUDYRESULTS 
(Class Rates of Return at Present Rates) 

P&A 
m c  m c  m c  
Adj4 A&E 4cP 

RESIDENTIALSERVICE 0.12% 0.52% -1.38% 

SMALL GENERAL SERVICE 13.77% 9.97% 15.33% 

LARGEG- SERVICE 5.08% 8.05% 6.87% 

LARGELIGHT& POWJBt -0.71% 1.24% 2.41% 

MINING -1.53% 2.55% 4.84% 

LIGHTING -0.73% -10.18% -0.08% 

TOTAL 3.45% 3.45% 3.45% 

4 Q. What conclusions do you draw from the cost-of-service analyses you have 

5 prepared in this case? 

6 A. As I discussed above, the Peak and Average Demand method is rarely 

7 adopted by utility regulatory commissions because of its structural bias that 

8 unreasonably disadvantages higher-load factor customers. As implied by the 

9 classification of this method in the NARUC Manual as a “Judgmental Energy 

10 Weighting” approach, shifting costs to higher-load factor customers in this 

11 manner is a matter of subjective judgment, one with which I strongly disagree, 

12 and which I encourage the Commission to reject, in favor of the Average and 

13 Excess Demand method, or alternatively, the 4-CP Method. 

14 To the extent that the Peak and Average Demand method is considered at 

15 all, it should be a version that is cured of the various analytical flaws committed 
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by TEP, as discussed in my testimony above. For purposes of this case, that 

corresponds to the results produced by AECC COS Adj. 4. 

Across the various methodologies, some inferences can be drawn. Under 

each of the methodologies, the Residential class performs best under the Average 

and Excess Demand method, but even under this method, this class produces a 

rate of return that is materially below average. Similarly, the returns for Lighting 

are significantly below par under all three methods. Conversely, the returns for 

SGS and LGS are above average under all three methodologies. 

The results for LLP and Mining are mixed. Mining, which is not its own 

rate schedule but actually pays LLP-TOU rates, produces below average returns 

under the corrected Peak and Average Demand method, near average returns 

under Average and Excess Demand, and above-average returns under the 4-CP. 

LLP (excluding Mining) produces below average returns under the corrected Peak 

and Average Demand method, improves to moderately below average returns 

under Average and Excess Demand, and produces near average returns under the 

4-CP. 

RATE SPREAD 

Q. What general guidelines should be employed in spreading any change in 

rates? 

A. Rate spread allocates the revenue requirement to each of TEP’s customer 

classes. Rate spread should recognize that rates must be just and reasonable and 

not cause undue discrimination. To this end, revenue responsibility for any class 

should be informed by the cost to serve the class, but should also take into 
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account other factors such as economic conditions and the magnitude of rate 

impacts. 

What is your rate spread recommendation in this case? 

I am recommending an across-the-board equal percentage increase for 

each of the major customer classes, subject to a number of qualifications 

discussed below. The equal percentage increase should be calculated using 

present revenues equal to current base rates plus the Forward Component of the 

20 12 PPFAC, as this is most representative of current going-forward rates. 

Within the LGS and LLP classes (including Mining), I am recommending 

retaining the same relationship between time-of-use (“TOU”) and non-TOU rate 

schedules as proposed by TEP. That is, within these groupings, TEP has 

proposed a smaller rate increase for the TOU rate schedules than for the non-TOU 

rate schedules. This relationship should be retained, while holding the overall rate 

increase for the grouping equal to the average percentage increase for the system. 

Have you prepared an exhibit that illustrates your recommended rate spread 

at TEP’s requested revenue requirement? 

Yes. Those results are presented in Exhibit KCH-23. 

Have you also prepared an exhibit that illustrates your recommended rate 

spread at the adjusted revenue requirement presented by AECC in its direct 

testimony? 

Yes. Those results are presented in Exhibit KCH-24. 

Why are you recommending an equal percentage increase for the major 

customer classes in this case? 
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A. The cost of service results using the Average and Excess Demand, 4 CP, 

and even Peak and Average Demand methods all suggest that the Residential and 

Lighting classes should be assigned rate increases that are above the system 

average and that SGS and LGS should be assigned increases below the system 

average. However, the proposed rate increase in this case is very large and 

moving in the direction of cost of service would be impactfbl on the classes that 

would be assigned above-average increases. Consequently, if the final overall 

rate increase is greater than 10 percent, an equal percentage change would be 

reasonable. On the other hand, to the extent that the final rate increase is less than 

10 percent, the Commission should give consideration to allowing the 

ResidentiaVLighting percentage rate increase to be somewhat above the system 

average and the SGSLGS rate increase to be somewhat below the system 

average. For every one percentage point that the SGSLGS percentage rate 

increase is set below the system average, the ResidentiaVLighting increase would 

need to be 0.91 percentage points above the system average. The remaining 

classes should continue to receive the system average increase. 

RATE DESIGN 

Q. 

A. 

What rate design issues do you address? 

My rate design testimony is the primarily concerned with the LGS and 

LLP rate schedules, along with their TOU counterparts. Specifically, I address 

TEP’s proposed change to the demand ratchet, TEP’s proposed changes to the 

TOU rate design, the representation of unbundled rate components in the tariff, 
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the proper treatment delivery charges for customers taking service at 138 kV or 

above, and interruptible rates. 

What is a demand ratchet? 

A demand ratchet is a tariff provision that locks in a customer to a 

minimum billing demand going forward based on the demand level in a prior 

month. For example, TEP currently has a demand ratchet for LLP-9ON, which is 

a TOU rate schedule, that requires the demand charge to be no less than 50% of 

the maximum on-peak billing demand in the preceding eleven months. TEP’s 

demand ratchets range from 50% to 66.7%, depending on the rate schedule. 

What change to the demand ratchet is TEP proposing in this case? 

TEP is proposing to increase the demand ratchet for LGS and LLP 

customers to 100%. This means that a customer will be billed for demand at the 

highest demand level that the customer experienced over the prior eleven months. 

What justification does TEP offer for increasing the ratchet to loo%? 

In a footnote on page 26 of his direct testimony Mr. Jones states that the 

“mechanism minimizes [the] risk of not recovering fixed costs and properly 

compensates for the year-round expenses incurred to provide service to a 

customer. ” 

Do you concur that a 100% demand ratchet is warranted? 

No. I agree with Mr. Jones that a 100% demand ratchet provides great 

assurance of fixed-cost recovery to a utility, but it comes at the expense of 

considerable risk-shifting to customers: just one hour of unusually high demand 

and the customer’s demand charge would be locked in for the next eleven months. 

While it is reasonable for the customer to pay the demand charge corresponding 
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1 to the unusually high demand for the month in question, locking in that level for 

the next eleven months is an extreme consequence. In my experience, I am not 2 

aware of another utility with a demand ratchet of 100% applied to generation. 3 

4 Q* Do you have an alternative proposal? 

Yes. I recommend that the demand ratchet be set at 75%. This is midway 5 A. 

between TEP’s proposed 100% ratchet and the 50% ratchet currently in place for 6 

the LGS and LLP-TOU rate schedules. A 75% ratchet balances the need to 7 

compensate the Company for year-round expenses with reasonable variability in a 8 

customer’s usage. Moreover, it is comparable to the 80% ratchet that APS has in 9 

place for certain demand-billed rate schedules. 10 

11 Q. What changes in TOU rate design has TEP proposed for LGS and LLP 

customers? 12 

TEP has proposed a large number of changes in rate design for TOU rates. 13 A. 

Among the proposed changes are: 14 

e 

e 

Elimination of the shoulder peak period. 
The summer on-peak period is expanded from the current 2:OO p.m. - 6:OO 
p.m. to 1O:OO a.m. - 9:00 p.m. 
Summer months are changed from May - October to May - September. 
Winter months are changed from November - April to October - April. 
Elimination of the ordoff-peak differentiation in demand charges. 
Weekends and holidays are designated as off-peak. 
Elimination of the ordoff-peak differentiation and seasonality in 
unbundled transmission and ancillary services charges. 
A flattening of the differential between on-peak and off-peak charges for 
base power rates. 

15 
16 
17 
18 
19 
20 
21 
22 
23 
24 
25 

e 

Not all of these changes are objectionable. However, several of them cause very 26 

significant concerns and should not be adopted. 27 

28 Q. What are your concerns regarding TEP’s proposed rate design for TOU 

rates for LGS and LLP customers? 29 
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In the last general rate case, the settling parties, including TEP, made a 

concerted effort to encourage customers to shift energy and capacity usage into 

off-peak periods. This was implemented, in significant part, by adopting TOU 

rates that sent an energy price signal that off-peak usage would be materially less 

expensive than on-peak usage, and by setting demand charges that were tied to 

on-peak usage. In my opinion, the TOU rates negotiated by the parties and 

approved by the Commission sent the right message, because shifting energy 

usage to the off-peak periods allows TEP to utilize lower-cost fuel, and shifting 

capacity to the off-peak period allows for more efficient utilization of TEP’s 

generation and transmission plant. 

Indeed, customers have responded to this message. I am aware of at least 

one major industrial customer than has organized its production schedule to fit the 

time-of-day parameters in the LLP-TOU rate schedule. This response is good for 

the TEP system because it makes better use of system capacity, good for the 

customer because it gives the customer the opportunity to reduce its energy costs 

by acting in the best interest of the system, and good for the local economy 

because the availability of opportunities to reduce costs is particularly important 

during challenging economic times. 

In this case, TEP is proposing to undo much of this good work. With 

respect to the LGS-TOU and LLP-TOU rate schedules, TEP is proposing to 

significantly flatten the TOU differentials for fuel and purchased power costs, 

watering down the price signal for customers to use power off-peak. Similarly, 

TEP is proposing to abandon the relationship between demand charges and on- 

peak usage, and instead is proposing that the demand charge for LGS-TOU and 
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LLP-TOU be based on maximum demand irrespective of what time of day this 

demand occurs. In other words, TEP is proposing to completely eliminate the 

incentive for TOU customers to shift their demand usage to the off-peak period. 

Under the current tariff is an LLP-TOU customer able to use unlimited 

amounts of capacity off-peak at no charge? 

No, not at all. An LLP-TOU customer is billed for its demand during the 

on-peak period. The customer can then use up to 150 percent of its billed demand 

off-peak before incurring any additional demand charges. For off-peak demand 

that is greater than 150 percent of the (on-peak) billed demand, the customer is 

billed an additional demand charge equal to approximately 50 percent of the on- 

peak demand charge. And of course, the customer must pay the energy charge for 

the off-peak usage as well. The off-peak demand is not free; rather, the customer 

has a well-structured economic incentive to shift its demand to the off-peak 

period. 

What is your recommendation to the Commission regarding the rate design 

treatment of off-peak demand for the LLP-TOU rate schedule? 

TEP’s proposal to abandon the price signal to shift capacity usage to off- 

peak periods should be rejected. Instead, TEP should be required to retain the 

current rate design in which the demand charge is limited to the on-peak period 

and incremental off-peak demand charges are not incurred until the off-peak 

demand reaches 150% of the on-peak billing demand. Moreover, the same 

pricing relationship between on-peak and incremental off-peak rates should be 

retained. Finally, TEP has also proposed to extend the weekday on-peak period in 

the summer by two hours in the morning and one hour in the evening. With 
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respect to the on-peak demand charge, this change will adversely impact 

customers who have scheduled their production processes in reliance on the 

current tariff. Consequently, for purposes of continuing the current practice of 

encouraging load-shifting to off-peak periods, the definition of the weekday on- 

peak period (as applicable to on-peak demand) should remain unchanged. 

What is your recommendation to the Commission regarding the rate design 

treatment of base power rates? 

Base power rates correspond to the fuel and purchased power costs that 

are eligible for recovery in the PPFAC. As discussed in my direct revenue 

requirements testimony, TEP has proposed separating these costs from base rates. 

As a preliminary matter, I recommend that the separation that TEP has requested 

be rejected and these costs continue to be recovered in base rates as a separately 

stated “base power rate” component, as occurs in current rates. 

With respect to rate design, TEP’s proposal to flatten the base power rates 

for TOU customers in the LGS and LLP classes (LGS-85N and LLP-9ON, 

respectively) should be rejected. Rather, the rate design should retain the current 

price signal for customers to shift energy usage to the off-peak periods. I have 

prepared an alternative rate design for these two rate schedules that builds upon 

the current design. It was constructed by increasing the summer and winter on- 

peak prices for LLP-90N by the overall increase in fuel and purchased power 

costs since the last general rate case and then solving for off-peak prices that 

retain the proposed pricing relationships between LLP-90N and LGS-85N while 

simultaneously recovering the combined revenue requirement. AECC’s proposed 
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base power rates are presented in Table KCH-5 below. The proof of revenues is 

presented in Exhibit KCH-25. 
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Table KCHd 

AECC Recommended Base Power Rate Design for LGS-85N and LLP-90N 

4 

5 Q. 

6 A. 

7 

8 

9 

io  Q. 

11 

12 A. 

13 

14 

LGS-85N 

Current Rate Proposed Rate Recommended Rate 
TEP AECC 

Summer On-Peak $0.059253 $0.03 8739 $0.050669 

Summer Off-peak $0.025299 $0.0301 87 $0.026679 
Winter On-Peak $0.036088 $0.034305 $0.032893 
Winter Off-peak $0.027799 $0.030599 $0.027092 

Summer Shoulder Peak $0.033588 

LLP-90N 
TEP AECC 

Current Rate Proposed Rate Recommended Rate 
Summer On-Peak $0.04 1786 $0.03 483 7 $0.045568 

Summer Off-peak $0.026872 $0.027 146 $0.023985 
Winter On-Peak $0.027126 $0.030849 $0.02958 1 
Winter Off-peak $0.019542 $0.0275 17 $0.0243 56 

Summer Shoulder Peak $0.041786 

Does your proposed rate design produce reasonable results? 

Yes, it does. The average fuel cost at TEP’s Luna generating plant in 

2012 was $.043 per kWh. The summer peak rate I have proposed for LLP-9ON of 

$.045568 per kWh is close to the fuel cost of this facility plus losses. At the same 

time, the off-peak rates are well above TEP’s lowest-cost base-load plants. 

Did TEP file its tariff in a manner that is identifies the unbundled 

components? 

TEP’s proposed tariff purports to identify unbundled components. 

However, the structure of the unbundled portion of the tariff suffers from 

ambiguity, inconsistency, and numerous typographical errors - even in the 
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corrected version of the tariff that was filed August 17,2012. It does not meet the 

minimum standard of a well-structured unbundled tariff. I recommend that the 

Commission order TEP to re-file the unbundled sections of its tariff in a manner 

that responds to the issues I discuss below. 

Before addressing the problems with the unbundled sections of TEP’s 

proposed tariff, please explain the significance of an unbundled tariff. 

An unbundled tariff is one in which utility rates are separated according to 

function, in particular, generation, transmission, and distribution (or delivery 

service). 

In the late 1990s, the Commission adopted rules implementing retail 

competition, or direct access service. While direct access activity is currently 

suspended, it remains an open issue, and it is my understanding that the 

Commission intends to revisit this issue in the future. For direct access to work, it 

is essential that utility rate schedules be unbundled because direct access 

customers are not generally required to pay utility generation rates, as they are 

purchasing their generation elsewhere. The Commission’s rules carefully 

prescribe the requirements for filing an unbundled tariff. 

Please describe the ambiguity and inconsistencies in TEP’s proposed 

unbundled tariff. 

Consider proposed Tariff Sheet 302-2, which presents the unbundled 

components for LLP-gON, and which I have reproduced as Exhibit KCH-26. 

Note the first entry below “Demand Charges”: it simply restates “Demand 

Charges” without any indication as to function. That is, the entry does not 

indicate whether these demand charges are for generation service, delivery 
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service, or some combination of the two. As a component in an unbundled tariff, 

this label is useless: it gives no indication to a prospective direct access customer 

whether this is a delivery charge or a bypassable generation charge. TEP should 

be required to restate this charge by function and fully document the source of the 

charge by function. TEP’s workpapers filed with the case do not appear to 

provide sufficient documentation to verify whether these charges derive from 

generation or distribution (i.e., delivery) service. 

What is an example of inconsistency in the unbundled portion of the tariff? 

Consider proposed Tariff Sheet 301 -2, which presents the unbundled 

components for LLP-14, and which I have reproduced as Exhibit KCH-27. Note 

that unlike proposed Tariff Sheet 302-2, the first entry below “Demand Charges” 

states “Delivery Charges,” which is a clear indication of function. However, 

continuing down the list of “Demand Charges” we find the entry “Fixed Must- 

Run Charges (in kw).” Yet, the charge itself is expressed not as a demand 

charge, but as an energy charge. Properly, Fixed Must-Run Charges should be 

recovered as a demand charge, and it is recovered through a demand charge in the 

current tariff, but it does appear that TEP intends to convert this charge arbitrarily 

into an energy charge - yet continues to list it among the demand charges. 

Turning back to proposed Tariff Sheet 302-2 we see a further inconsistency with 

respect to this charge: for LLP-9ON customers the Fixed Must-Run Charge is 

listed among the energy charges (although it is expressed as a demand charge). 

Further note that all of the “Energy Charges” on this tariff sheet are expressed as 

demand charges. 
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Here I have highlighted the ambiguities, inconsistencies, and extensive 

typographic errors just between two pages of the proposed tariff. I have not done 

an exhaustive review of every page in the tariff, but I have little doubt that similar 

problems abound. The entire document needs to be re-filed and restated in 

accordance with industry standards. As part of that re-filing, the base power 

charges should be incorporated back into each rate schedule, rather than 

separately stated in the PPFAC, as TEP as proposed. 

As part of your review of the unbundled tariff components, do you have any 

additional rate design recommendations? 

Yes. A portion of the Delivery Charges for demand-billed customers is 

stated as an energy charge. This is not good rate design. The cost of delivery 

service is exclusively a function of customer-related costs and demand-related 

costs; consequently, recovery of these costs should occur exclusively through 

fixed customer charges and demand charges, not energy charges. The fact that 

TEP has proposed partial recovery of distribution charges through an energy 

charge is particularly ironic in light of the fact that TEP has gone through great 

lengths in this case to emphasize its concern with fixed cost recovery; yet by 

proposing to recover delivery service costs through an energy charge TEP is 

undermining that very objective. TEP should be required to restate its proposed 

energy charges for distribution service as demand charges for demand-billed 

classes. 

In addition, I believe there is a serious problem in the relationship between 

TEP’s proposed delivery charges and the proposed charges to recover fixed 

generation costs. Note that for LLP-14 customers (proposed Tariff Sheet 301 -2), 
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Q. 

A. 

Q. 

A. 

Q* 

the proposed demand charge Delivery Service is $10.18 per kW-month, whereas 

the proposed demand charge for Generation Capacity Service is $8.25 per kW- 

month. This pricing relationship is entirely inconsistent with the results of TEP's 

cost-of-service study (flawed as it is), which shows generation demand costs for 

the LLP class to be $27.7 million and distribution demand costs to be just $8.0 

mil l i~n . '~  In other words, the cost-of-service study TEP presumably relied upon 

in designing rates shows that generation demand costs are more than three times 

as great as distribution demand costs, yet TEP proposes to price generation 

demand more cheaply than distribution demand. This is a serious problem. 

Why is this a serious problem? 

It is a serious problem because direct access customers are able to bypass 

generation charges. If the rate design shifts cost recovery from generation 

charges to distribution charges, then the ability of customers to shop 

competitively for power will be thwarted. Based on the proposed unbundled rate 

components, it appears that is exactly what TEP is attempting to achieve. 

What is your recommendation to the Commission on this issue? 

TEP's proposed relationship between delivery charges and generation 

capacity charges in its unbundled tariff should be rejected. Instead, TEP should 

be ordered to re-file its unbundled rate components such that the relationships 

among the functions correspond to the underlying cost relationships using the 

cost-of-service methodology approved by the Commission in this case. 

Does TEP's proposed tariff adequately address the rate design for customers 

taking service at 138 kV or above? 

TEP Schedule G workpaper (Revised 10-05-12). 19 
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No. Retail customers taking service at 138 kV do not use the primary and 

secondary distribution systems and thus should not be charged for the costs of 

those systems, which comprise the lion’s share of delivery costs. Excluding high- 

voltage customers from these costs is fundamentally reasonable and is the norm 

across the United States, yet TEP’s tariff fails to clearly state that customers 

taking service at high voltage are not subject to delivery charges. 

What is your recommendation to the Commission on this issue? 

TEP should be ordered to state clearly in its tariff that customers taking 

service at 13 8 kV or above are not subject to the Delivery charges stated in the 

unbundled portion of the tariff. 

Does TEP have interruptible rates for industrial customers in its current 

tariff? 

No. 

Has TEP proposed interruptible rates for industrial customers in this case? 

No. 

Is TEP required by Commission order to offer such rates? 

Yes. Section XVIII of the settlement agreement approved by the 

Commission in the last general rate case required TEP to file an interruptible tariff 

within 90 days of the effective date of the Commission’s approval of the 

agreement. The interruptible tariff was to be developed in consultation with Staff 

and interested stakeholders and was required to provide “a range of options with 

respect to notice requirements, duration, and frequency, and that will provide 

credits to participating customers based on avoided capacity costs.” 
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On behalf of AECC, I had several rounds of communications with TEP 

during 2009 in an attempt to jointly develop an interruptible tariff. While we 

reached agreement on the basic structure of the tariff, several items remained 

unresolved. On October 26,2009, the Company filed in Docket No. E-01933A- 

07-0402 its proposed interruptible tariff, Rider 5-ISCC, which I have attached as 

Exhibit KCH-28.20 AECC filed an Objection two days later, indicating its support 

for many of the elements in the structure of the proposed tariff, but expressing 

strong objections to a “shared savings factor,” which would allow the interruptible 

customer to retain just 25% of the benefit of the value provided by the 

interruption, while transferring 75% of the benefit to non-participating customers. 

AECC requested that the Commission set the matter for hearing to resolve this 

and other differences. 

In 2010, I met with Staff and TEP in an attempt to work through the 

several differences between AECC and TEP on the design of the interruptible 

tariff. We made progress on several technical issues, but the disagreement over 

the shared savings factor remained. On July 22,20 10, I provided data responses 

to Staff clarifying AECC’s positions on areas of disagreement. I supplemented 

the data responses on July 28,2010, a copy of which is attached as KCH Exhibit- 

29. 

My understanding is that following the three-party meeting and follow-up 

communication, Staff intended to file a proposed order. However, to my 

knowledge, no further action has been taken on this matter. 

2o TEP also filed a proposed Rider 6, which AECC does not believe is useful and is not discussed in this 
testimony. 
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What is your recommendation to the Commission with respect to an 

interruptible tariff for industrial customers? 

I recommend that the Commission approve TEP’s proposed Rider 5-ISCC 

filed in Docket No. E-01933A-07-0402, but with the removal of the “shared 

savings factor” and subject to the modifications recommended by AECC as 

explained in Exhibit KCH-29. 

Why should the shared savings factor be removed? 

The economic premise behind the proposed interruptible tariff is that it 

would be tied to the market value of capacity purchased by TEP to serve 

customers. The “shared savings factor” proposed by TEP is simply an unjust 

diminution of the benefit that would be available to interruptible customers from 

participating in the program, such that program participants would be paid a 

fraction of the adjusted market value of the interruptible capacity. Such an 

approach to interruptible customers is unduly discriminatory relative to other 

suppliers of capacity. It would also be disadvantageous to non-participating retail 

customers, as TEP would wind up paying more for generation capacity in the 

market when interruptible capacity was available. There is no reason why 

customers who are providing capacity should be treated on a discriminatory basis 

relative to generation suppliers who are providing capacity. If the type of “shared 

savings factor” proposed by TEP is adopted, I believe the interruptible service 

program envisioned by Rider 5 would be certain to fail due to lack of participant 

interest. 

Does this conclude your direct testimony? 

Yes, it does. 
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Exhibit KCH-25 
Page 1 of 2 

AECC Recommended Base Power Rate Design 

LGS-TOU 1 
TEP AECC 

Current Rate (a) Proposed Rate (a) Recommended Rate (b) 
Summer On-Peak $0.059253 $0.038739 $0.050669 

Summer Off-peak $0.025299 $0.030187 $0.026679 
Winter On-Peak $0.036088 $0.034305 $0.032893 
Winter Off-peak $0.027799 $0.030599 $0.027092 

Summer Shoulder Peak $0.033588 

LLP-90N 
TEP AECC 

Current Rate (a) Proposed Rate (a) Recommended Rate (b) 
Summer On-Peak $0.041786 $0.034837 $0.045568 

Summer Shoulder Peak $0.041786 
$0.027146 $0.023985 Summer Off-peak $0.026872 

Winter On-Peak $0.027126 $0.030849 $0.029581 
Winter Off-peak $0.019542 $0.027517 $0.024356 

Supporting Schedules/Workpapers 
(a) 2012 TEP Proposed Rates (Revised) 
(b) TEP PPFAC DFD-8 & Schedule 1 of TEP's 2013 PPFAC Filing 
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AECC Recommended Base Power Rate Design 

Revenue Reconciliation for the LGS-TOU and LLP-90N Rate Classes 

I LGS-TOU I 
Proposed TEP (a) AECC 

Billing Determinants Proposed Revenues Recommended Revenues 
Summer On-Peak 48,988,303 $1,897,758 $2,482,188 
Summer Off-peak 49,196,404 $1,485,099 $1 ,3 12,5 16 

Winter On-Peak 40,905,653 $1,403,254 $1,345,510 
Winter Off-peak 77,700,944 $2,377,587 $2,105,082 

Total: 2 16,791,304 $7,163,697 $7,245,296 

LLP-90N 
Proposed TEP (a) AECC 

Billing Determinants Proposed Revenues Recommended Revenues 
Summer On-Peak 315,295,814 $10,983,960 $14,367,244 
Summer Off-peak 355,641,730 $9,654,250 $8,530,104 

Winter On-Peak 308,032,402 $9,502,492 $9,111,851 
Winter Off-peak 616,988,517 $16,977,673 $15,027,437 

Total: 1,595,958,463 $47,118,375 $47,036,636 

Summer On-Peak 
Summer Off-peak 

Winter On-Peak 
Winter Off-peak 

Total: 

Combined LGS-TOU and 90N Revenues 
TEP AECC 

Proposed Revenues Recommended Revenues 
$12,881,718 $1 6,849,432 
$11,139,349 $9,842,620 
$10,905,746 $10,457,361 
$19,355,260 $17,132,519 
$54,282,072 $54,281,932 

SuDDorting ScheduledWorkpaDers 
(a) 2012 TEP Proposed Rates (Revised) 
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Tucson Electric Power Company 

Original sheet No.: 302-2 
Superseding: 

BUNDLED STANDARD OFFER SERVICE CONSISTS OF THE FOLLOWING UNBUNDLED COMPONENTS: 

Customer Charges: 
Meter Services 
Meter Reading 
Billing & Collection 
Customer Delivery 

Demand Charges (JlkW) 

Demand Charges (in $kW) 
Summer 
Winter 

$ 277.50 per month 
$1,586.89 per month 
S 63.70 per month 
$ 271.91 per month 

$10.60 per kW 
$ 7.60 per kW 

Generation Capacity Charges (in $/kw) S 6.76 per kW 

Transmission (in $kw) $ 3.62perkW 
Transmission -Ancillary Services (in WW) 

System Control & Dispatch 
Reactive Supply and Voltage Control 
Regulation and Frequency Response 
Spinning Reserve Service 
Supplemental Reserve Service 

$0.0500 per kW 
$0.1 900 per kW 
$0.1900 per kW 
$0.5100 per kW 
$0.0600 per kW 

Energy Imbalance Service: current/y charged pursuant to the Company’s OAT.  

Energy Charges (SlkWh) 

Delivery Charges (in $/kWh) 
Summer On-peak 
Summer On-peak Excess Demand 
Winter Onpeak 
Winter Off9eak Excess Demand 

Fixed Must Run Charges (in $/kW) 

$0.0061 per kW 
$0.0051 per kW 
$0.0056 per kW 
$0.0046 per kW 

$0.0003 per kW 

Filed By: Kentton C. Grant 
Title: 
District: Entire Electric Service Area 

V i  President of Finance and Rates 

- 

Rate: LLP-SON 
Effective: Pending-Corrected-8-1 7-1 2 
Dedsion No.: 
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Excerpt from Proposed Rate Schedule LLP-14, Tariff Sheet 301-2 
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Tucson Electric Power Company 

Original Sheet No.: 301-2 
Superseding: 

BUNDLED STANDARD OFFER SERVICE CONSISTS OF THE FOLLOWING UNBUNDLED COMPONENTS: 

Customer Charaes: 
Meter Services 
Meter Reading 
Billing & Cdlectian 
Customer Delivery 

Total 

$ 477.35 per month 
$ 111.83permonth 
$ 487.16 per month 
$ 923.68 per month 
$2,000.00 per month 

Demand Charaes: 

Delivery Charge (in $kW) $10.18 per kW 
Generation Capacity Charges (in $/kv $8.2500 per kW 
Fixed Must-Run Charges (in $kW) $0.0016 per kWh 
Transmission (in$lkW) $2.0000 per kW 
Transmission Ancillary Services (in $kW) 

$0.0300 per kW 
$0.1100 per kW 
$0.1000 per kW 
$0.2800 per kW 
$0.0500 per kW 

System Control & Dispatch 
Reactive Supply and Voltage Control 
Regulation and Fre'quency Response 
Spinning Reserve Service 
Supplemental Reserve Service 
Energy Imbalance Senrice: currently charged pursuant to the Company's OATT. 

Enerav Cham es: 
Delivery Charges (in $/kWh) 

Summer 
Winter 

$0.0074 per kWh 
$0.0064 per kwh 

PPFAC In accordance with Rider 1 - PPFAC 

Filed By: Kentton C. Grant 
Tie: 
District: Entire Electric Service Area 

V i  President of Finance and Rates 
Rate: LLP-14 
Effective: Pending-Corrected-1 7-12 
Decision No.: 
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Exhibit KCH-2 8 
TEP’s Oct 26,2009 Interruptible Tariff Filing, Docket Nos. E- 

001933A-05-0605 & E-O1933A-04-0402 
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BEFORE THE ARIZONA CORPORATION COMMISSION 

COMMISSIONERS 
KRISTIN K. MAYES - CHAIRMAN 
GARY PIERCE 
PAUL NEWMAN 
SANDRA D. KENNEDY 
BOB STUMP 

IN THE MATTER OF THE FILING BY TUCSON 
ELECTRIC POWER COMPANY TO AMEND ) 
DECISION NO. 621 03. 1 

) DOCKET NO. E-O1933A-05-0650 

[N THE MATTER OF THE APPLICATION OF 
TUCSON ELECTRIC POWER COMPANY FOR 
THE ESTABLISHMENT OF JUST AND 1 
REASONABLE RATES AND CHARGES 1 
DESIGNED TO REALIZE A REASONABLE 1 
RATE OF RETURN ON THE FAIR VALUE OF ) 
ITS OPERATIONS THROUGHOUT THE STATE ) 
OF ARIZONA. 1 

) DOCKET NO. E-01933A-07-0402 
) NOTICE OF FILING 

Tucson Electric Power Company ("TEPI' or the "Company"), through undersigned 

counsel and pursuant to the Tucson Electric Power Company Proposed Rate Settlement 

Agreement, approved by Decision No. 70628 (December 1, 2008) ("2008 Settlement 

Agreement"), hereby files with the Arizona Corporation Commission ("Commission") two 

(2) Large Light and Power ("LLP") Intemptible tariffs. In support of its Application, TEP 

states as follows: 

I. TARIFFS. 

Section 18.1 of the 2008 Settlement Agreement requires TEP to file Partial 

Requirements, Interruptible, Demand Response, and Bill Estimation tariffs. TEP 

previously has filed Partial Requirements, Demand Response, and Bill Estimation tariffs. 

Pursuant to the Settlement Agreement, TEP has consulted with Commission Staff and 

Interested Stakeholders prior to filing this Application. TEP hereby files the required 

Interruptible tariffs applicable to Large Light and Power (LL&P) Customers, as provided 

below: 
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0 

0 

Rider-5 ISCC - Interruptible Service Capacity Constraint (Attachment “A”) 

Rider-6 CEP - Experimental Critical Event Pricing Rider (Attachment “B”) 

Rider-5 ISCC addresses interruptions prompted by anticipated capacity constraints on 

:he TEP system. The establishment of this interruptible program provides benefits to larger 

mstomers who are willing and able to reduce loads during periods of capacity constraints. 

This helps improve system reliability. Rider-6 CEP addresses interruptions prompted by 

xonomic considerations, and will provide participating customers an opportunity to receive a 

:ertain discount in exchange for a commitment to reduce purchases in periods declared 

xitical by TEP when the cost of supplying power is highest. The reduction in purchases 

during critical periods helps reduce the cost of electricity that is ultimately recovered through 

the Purchased Power and Fuel Adjustment Charge (“PPFAC”). 

TEP favors an “experimental” implementation of these programs, with the tariff sheets 

accordingly marked as “experimental.” This would recognize the need for periodic review of 

the program, and subject to the Commission’s approval, allow adjustments to the tariffs 

prices, terms, and conditions to help optimize the operation of the interruptible tariffs. 

[I CONCLUSION. 

TEP respectfully requests that the Commission approve its Rider-5 ISCC - Interruptible Service 

Capacity Constraint and Rider-6 CEP - Experimental Critical Event Pricing Rider. 

RESPECTFULLY SUBMITTED this &day of 2009. 

Tucson Electric Power Company 

UniSoGce Energy Services 
One South Church Avenue, Suite 200 
Tucson, Arizona 85701 

and 

2 
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Michael W. Patten 
Jason D. Gellman 
ROSHKA DEWULF & PATTEN, PLC. 
One Arizona Center 
400 East Van Buren Street, Suite 800 
Phoenix, Arizona 85004 

Attorneys for Tucson Electric Power Company 

Original and 15 copies of the foregoing 
filed this d6 dday of October, 2009 with: 

Docket Control 
Arizona Corporation Commission 
1200 West Washington Street 
Phoenix, Arizona 85007 

Day of October 2009 to: 
Copy of the foregoing emailed t h i d  d 

Brian Bozzo 
Utilities Division 
4rizona Corporation Commission 
1200 West Washington 
?hoenix, Arizona 85007 

lanet Wagner, Esq. 
Xobin Mitchell, Esq. 
X e f  Counsel, Legal Division 
kizona Corporation Commission 
1200 West Washington Street 
'hoenix, Arizona 85007 
wagner@,azcc .gov 
mitchell63azcc. ~ o v  

nfinicalaazcc. gov 

Steven Olea 
lirector, Utilities Division 
irizona Corporation Commission 
,200 West Washington 
'hoenix, Arizona 85007 

1SCOtt @,azcc - . gov 
'OSOriO@,aZCC.POV 

Ikeene@,azcc.gov 

Micheal Grant, Esq. 
Gallagher & Kennedy 
2575 East Camelback Road 
Phoenix, Arizona 85016 
mmg@,nkn et.com 
gyacluhto@arizonaic.org 

Peter Q. Nyce, Jr. 
General Attorney-Regulatory Office 
Department of Army 
901 North Stuart Street 
Arlington, Virginia 22203 
peter.nyce6ihwirmy.mil 

Dan Neidlinger 
Neidlinger & Associates 
3020 North 17" Drive 
Phoenix, Arizona 85015 
dneid@cox.net 

3 

mailto:Ikeene@,azcc.gov
mailto:gyacluhto@arizonaic.org
http://peter.nyce6ihwirmy.mil
mailto:dneid@cox.net
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Jane Rodda, esq. 
Administrative Law Judge 
Hearing Division 
Arizona Corporation Commission 
400 W. Congress 
Tucson, Arizona 85701 
jroddaaazcc. gov 

Daniel Pozefsky, Chief Counsel 
Residential Utility Consumer Office 
I 100 West Washington, Suite 220 
Phoenix, Arizona 85007 
dDozefskv@,azruco.Pov 
brigsbv@azruco.gov 
egamble@mruco. gov 

C. Webb Crockett 
Patrick J. Black 
FENNEMORE CRAIG, PC 
3003 North Central Avenue, Suite 2600 
Phoenix, Arizona 850 12-29 1 3 
wcrockett@fclaw. com 
pb I ack@, fclaw . com 
khiggins@,enerwstrat .com 

Timothy Hogan 
Arizona Center for Law 
in the Public Interest 
2092 East McDowell Road, Suite 153 

Phoenix, Arizona 85004 
thogan@aclr>i.org 

Jeff Schlegel 
SWEEP Arizona Representative 
1 167 West Samalayuca Dr. 
Tucson, Arizona 85704 

David Berry 
Western Resource Advocates 
P.O. Box 1064 
Scottsdale, Arizona 85252 
azbl uhill@,aol.com 

Michael L. Kurtz, Esq. 
Kurt J. Boehm, Esq. 
Boehm, Kurtz & Lowry 
36 East Seventh Street, Suite 15 10 
Cincinnati, Ohio 45202 
kboehemCGbkllawfirm.com 
mkurtznbkl law fi nn.com 

4 
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Nicholas J. Enoch 
Lubin & Enoch, PC 
349 North Fourth Avenue 
Phoenix, Arizona 85003 
Nicholas.enoch@azbar.org 

Lawrence Robertson 
P.O. Box 1448 
Tubac, Arizona 85646 
tubaclawver@,aol. com 

Thomas Mumaw 
Barbara A. Klemstine 
Arizona Public Service Company 
P.O. Box 53999, Station 9708 
Phoenix, Arizona 85072 
Barbara.klemstine@,aps.com 
Mehan. eJ-ableO.pinnaclewest. com 

Robert J. Metli 
Snell & Wilmer LLP 
One Arizona Center 
400 East Van Buren 
Phoenix, Arizona 85004 
Rmetlie@swlaw .corn 

Christopher Hitchcock 
Law Offices of Christopher Hitchcock 
P.O. Box AT 
Bisbee, Arizona 85603 
lawyers@bisbeelaw.com 

Cynthia Zwick 
1940 E. Luke Avenue 
Phoenix, Arizona 850 16 
czwick@.azcaa.org 

Greg Patterson 
Arizona Competitive Power Alliance 
91 6 West Adams, Suite 3 
Phoenix, Arizona 85007 
Gpatterson3 @cox.net 

William P. Sullivan 
Curtis, Goodwin, Sullivan 
Udal1 & Schwab, PLC 
501 East Thomas Road 
Phoenix, Arizona 85012 
wsullivan@,casuslaw.com 

mailto:brigsbv@azruco.gov
mailto:thogan@aclr>i.org
mailto:uhill@,aol.com
http://kboehemCGbkllawfirm.com
mailto:Nicholas.enoch@azbar.org
mailto:Barbara.klemstine@,aps.com
mailto:lawyers@bisbeelaw.com
mailto:czwick@.azcaa.org
mailto:cox.net
mailto:wsullivan@,casuslaw.com
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Rider4 ISCC 
erimental Interruptible Service Capacity Constraint 

that interruptions called under the provisions of this Rider-5, Interruptible Service Capacity Constraint 

Available to Customers receiving and qualifying for electric service under pricing plans applicable to service over 3,000 kW, and 
are willing to subscribe to at least 1,000 kW of interruptible load at a contiguous facility. 

1, CHARACTER OF SERVICE 
Must meet all service requirements for the Customers applicable Standard Offer priang plan. 

COMPANY'S ANNUAL POSTING OF AVAILABLE INTERRUPTIBLE CREDITS AND ASSOCIATED NOTICE REQUIREMENTS 
AND MAXIMUM HOURS OF INTERRUPTION 
The Company will post Market Based Capacity Price MBCP(defined below), and available InterruDtible Credits. bv Notice 
Requirementand Maximum Hours of Intermpion (Maximum Annual Durakn) for upcoming monks of May th&gh October of 
the calendar year by March 15 of the same calendar year. A sample Interruptible Credit Availability Matrix is shown below, 

The credits vary by Maximum Annual Duration and Notice Requirement. Typically, as Maximum Annual Duration Increases - 
other factors held constant - the Interruptible Credit increases; and as the Notice Requirement increases (e.g., from s 10 
minutes to S 30 minutes) - other factors held constant - the Interruptible Credit decreases. The Shared Savings Factor may 
also vary, and this will affect the Interruptible Credit. 

NOMINATION OF INTERRUPTIBLE LOAD BY CUSTOMER 
Nomination will occur before April 15 of the calendar year of each intemption season. Participating Customers shall designate 
the portion of their load that is Interruptible Load (in kW). A participating Customer also shall designate its choice for the Notice 
Requirement option and the Maximum Annual Duration option. A Customer may only choose from the available options posted 
by the Company. 

A single Notice Requirement option and a single Maximum Annual Duration option applies to all load nominated at a single 
servica point. A Customer may not split interruptible load at a single service point among multiple options. Customers with 
multiple service points may designate different Notice Requirement options and different Maximum Annual Duration options for 
different service points. If the Customer intends to interrupt a specific activity or function at its operation, the Customer should 
state this activity or function at the time Interruptible Load is nominated. The minimum nomination of interruptible load summed 
over a patticipating Customer's service points shall be 1,000 kW. 

INTERRUPTIBLE CREDIT 
Customers who elect servlce under this Rider-5 will receive a monthly Interruptible Credit. The credit will be an Interruptible 
Demand Charge Credit (in $kW) applied to the Customer's Interruptible Load in kW. The Demand Charge (kW) Credit will be 
applied to the monthly demand charge for the Customer's Standard Offer Pricing Pian otherwise appiicaMe under full 
requirements of service. 

Filed By: Raymond S. Heyman 
Title: 
District Entire Electric Servlce Area 

Senior Mce President, General Counsel 
Tariff No.: Rider-5 ISCC 
Effective: PENDING 
Page No.: 1 Of4 
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Rider4 ISCC 
erimental Interruptible Service Capacity Constraint 

Market Based Capacity Price (MBCP) 'A ' B ' C ' D * E F 

S 10 Minutes 
116% 
103% 
50% 

65% 
25% 

100% 

.. 
interruptible load. 

S 30 Minutes 
116% 
103% 
50% 

65% 
25% 
50% 

The 103% (+/-) Line Loss Factor above represents the avoidance of transmission line losses by displacing 
purchased capacity. 

The 50% Annualization Factor above represents an annualitation of the Demand Charge Credit. Applicable 
capacity is purchased over a six month summer time frame, while the Demand Charge Credit applies in all 
twelve months of the year. 

The Availability Weighting factor represents a discount applied to Interruptible Load to reflect its reduced 
availability under the terms of this Rider relative to purchased capacity. TEP recommends an Availability 
Weighting Factor based on the matrix below for the different hours per year. 

Shared Savings Factor: 
The 25% Shared Savings Factor awards one-fourth of the interruptible benefit to the Customer subject to 
interruption and the remaining three-fourths to other system customers. (The Shared Savings Facbr initially 
is set to 25% under this experimental tariff. A change in this factor requires Commission approval. A higher 
factor would award more benefit to the Interruptible Customer and less benefit to other customers and would 
provide a greater incentive for Customers to interrupt.) 

The Notice Factor of 100% is applicable to load that is interruptible with notice of Less Than or Equal to 10 
Minutes and equals 50% for longer notice requirements. 

SAMPLE INTERRUPTIBLE CREDIT AVAILABILITY MATRW. 

I 2 0 ~ 0 u r s ~ e r ~ e a r  I 20 Houn Per Year 
S 10 Mlnutes S 30 Minutes -1 

Note: Rates and nominated hours for current season will be posted by Company via the Internet on or before March 
15 of every year. 

Filed By: Raymond S. Heyman 
Title: 
District Entire E M c  Service Area 

Senior Vice President, General Counsel 
Tariff No.: Rider4 ISCC 

Page No.: 2 o f 4  
Effective: PENDING 
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The Market Based Capacity price (MBCP) reflects opportunity cost of capacity as revealed through the Company's resource 
procurement process. Resource prices are sensitive and confidential information based on competitive bids; however this 
information will be made available to the Commission Staff andlor an Independent Monitor(s) for review. The MBCP is a price 
applicable to six summer months only. 

PENALTY FOR FAILURE TO INTERRUPT 
Customers failing to interrupt contract interruptible load for any interruption event during the billing month forfeits the discount for 
that billing month. A second failure of the Customer to comply with any mandated interruption for capacity constraints may, in the 
Company's sole discretion, result in the Customer being removed from this Pricing Plan for up to a twenty-four month period. 

11 i t  

Additionally, a Customers failing to interrupt contract interruptible load for any interruption event shall purchase interruptible 
power taken during the event at a penalty price calculated as ten (10) times the incremental cost of power (higher of generated 
cost or market cost) taken in violation of the interruption order. The Customer's penalty payment shall be credited to the PPFAC. 

These penalties shall not apply in instances in which the failure to interrupt is due to the failure of the Company or its equipment 
to communicate or implement the interruption properly. 

RECOVERY OF PROGRAM COSTS 

ISCC Customers' bills will be credited on a demand basis ($/kW). Recovery of the credits - the cost of the interruptible 
resource under this Rider - shall be on an energy basis ($/kWh) through the Purchased Power and Fuel Adjustment Clause 
(PPFAC). The credits shall be treated in the same manner as any other prudent fuel I purchase power cost. 

TERMS AND CONDITIONS OF SERVICE 

The Customer must have sufficient load to qualify for Large Light & Power service (either Time-of-Use or Non-Timeaf- 
Use). 

The Customer must designate for each service point its choice for the Notice Requirement option among available 
posted options (typical options that may be available, at the Company's discretion: Less than or Equal to 10 Minutes 
OR Less Than or Equal to 30 Minutes.) 

Ten-Minute Notice Provision - Upon receiving an interruption notice, a Customer providing lnterrupfble Load at a 
subscribed service point shall reduce its load to a level no greater than its Firm Load. This reduction must occur within 
ten minutes or Customer will be subject to the Penalty for Failure to Interrupt 

Filed By: Raymond S. Heyman 
Title: 
District: Entire Electric Service Area 

Senior Vice President, General Counsel 
Rider-5 ISCC Tariff No.: 

Effective: PENDING 
Page No.: 3o f4  
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Rider4 ISCC 
perimental Interruptible Service Capacity Constraint 

te Notice Provision - Upon receiving an interruption notice, a Customer providing Interruptible Load at a 

hall contract for Interruptible Load (sum of all notice options at Customer‘s contiguous facility) of not 

7. 

10. 

A Customer receives 4 hours credit for any single interruption event to apply toward the Maximum Annual Duration, 
even if the duration of the event is less than 4 hours. 

The Company may call hw consecutive interruption events in calendar day (midnight to midnight). The maximum 
number of back-to-back interruption events over  an^ time period is two. For example, if the Company calls Event 1 
from 4 p.m. to 8 p.m. on Day 1, it may also call Event 2 starting at 8 p.m. on Day 1 and continuing for four hours to 
midnight. However, Company may not call another back-to-back third event staring at the beginning of Day 2 
(midnight) and continuing to 4 a.m. on Day 2. This would result in three consecutive back-to-back intemption events, 
which is not allowed hereunder. 

1 I. The maximum number of interruption events in any calendar day is three. 

12. The Customer will provide communication equipment (e.g., telephone line, paging, or wireless service, relays, RTU’s 
(remote transmitting units), meters, recorders, and related software and hardware infrastructure) necessary toamply 
with data requirements including verification. The Customer must furnish, install, own, and maintain all Company- 
approved equipment necessary for the Company to provide interruption notification to the Customer from its master 
control station. 

13. Company shall not be liable for any loss or damage caused by or resulting from any interruption of service. 

14. Nothing herein prevents the Company from interrupting service for emergency circumstances, determined in the 
Company’s sole discretion. Emergency interruptions shall not count as Interruption events for purposes of this Rider. 

15. The standard Rules and Regulations of the Company, as on file with the Arizona Corporation Commission, shall apply 
where not Inconsistent with this rate schedule. 

Filed By: Raymond S. Heyrnan 
Title: 
District: Entire Electric Service Area 

Senior vice President, General Counsel 
Tariff No.: Rider-5 iSCC 
Effective: PENDING 
Page No.: 4of4 
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Rider-6 CEP 
Experimental Critical Event Pricing Rider 

PURPOSE OF RIDER 
Customer shall m ’ v e  a discount to the Base Power Supply Charge@) under the pricing plan applicable to ail purchases at a specific delivery 
point, except during a Critical Event called by the Company, at which time a Critical Event Price shall apply to all delivery point purchases. 
Customers with multiple delivery points shall designate which points are subjed to Rider-6 CEP. 

The Company may call a Critical Event for any reason, including for ecOnomic considerations under this Rider-6 CEP. 

AVAllABlLlN 
Available to Customers receiving and qualifying for electric service under pricing plans applicable to service over 3,000 kW. The Customer 
must designate specific delivery point@) as subject to Rider4 CEP, with all load at the delivery point subject to this Rider-6 CEP. The 
Customer must also designate the total duration of Critical Events as either 20 hours (5 events) per year or 40 hours (10 events) per year. 

CHARACTER OF SERVICE 
Must meet all service requirements for the applicable priiing plan. 

CREDiTS 
Customers that elect service under this Rider-6 CEP will receive a credit to the Base Power Supply Charge for ail purchases at the delivery 
point, except for purchases during Critical Events. This credit shall be: 

For Customers choosing to limit the total duration of Critical Events to no more than 20 hours: 
0.31 mills per kwh ($0.00031 per kWh) 

For Customers choosing to limit the total duration of Critical Events to no more than 40 hours: 

(1 mill equals 1/10 cent.) 
0.55 mills per kWh ($0.00055 per kWh) 

CRITICAL EVENT PRICE 
Customer purchases during a Critical Event shall be subject to a surcharge to the Base Power Supply Charge for all purchases at the delivery 
point This surcharge shall be the greater of: 

a. $0.20 per kwh, or 
b. 125% of the incremental cost of power (higher of generated cost or market cost) during the Critical Event. 

Payments shall be credited to the Purchased Power and Fuel Adjustment Clause (“PPFAC’). 

RECOVERY OF PROGRAM COSTS 

Customers’ bills will be credited on an energy basis ($kwh) as described above. Recovery of the credits -the cost of the interruptible 
resource under this Rider - shall be on an energy basis ($kWh) through the PPFAC. The credits shall be treated in the same manner as 
any other prudent fuel I purchase power cost. 

TERMS AND CONDITIONS OF SERVICE 

1. The Customer must have sufficient load to qualify for Large Light 8 Power service (either Timed-Use or Non-Time-of- 
US?). 

Filed By: Raymond S. Heyman 
Title: 
District: Entire Electric Service Area 

Senior Vice President, General Counsel 
Tariff No.: Rider4 CEP 
Effective: DRAFT 
Page No.: 1 of2 



Exhibit KCH-28 
Page 12 of 12 

2. The Customer must designate for each Critical Event Pricing (CEP) service point either 20 hours or 40 hours for its choice 
of the total duration of Critical Events. 

3. A single choice of the total duration of Critical Events (either 20 hours (5 events) or 40 hours (10 events)) applies to all 
load at a single CEP service point. A Customer may not split load at a single CEP service point among multiple duration 
options. Customers with multiple CEP service points may designate different choices of the total duration of Critical Events 
for different service points. 

4. A single Critical Event is limited to no more than 4 hours in duration, 

5. The sum of the durations of all Critical Events (Maximum Annual Duration) shall be no more than 20 hours for the 5 event 
option, and 40 hours for the 10 event optiin. 

6. A Customer receives 4 hours credit for any single Critical Event to apply toward the Maximum Annual Duration, even if the 
duration of the event is less than 4 hours. 

7. At least four hours of prior notice shall be provided for each interruption event. 

8. The Customer will provide communication equipment (e.g., telephone line, paging, or wireless service, relays, RTU’s 
(remote transmitting units), meters, recorders, and related software and hardware infrastructure) necessary tocomply with 
data requirements including verification. The Customer must furnish, install, own, and maintain all Company-approved 
equipment necessary for the Company to provide interruption notification to the Customer from its master control station. 

9. Nothing herein prevents the Company from interrupting service for emergency circumstances, determined in the 
Company’s sole discretion. Emergency interruptions shall not count as interruption events for purposes of this Rider-6 
CEP. 

10. Company shall not be liable for any loss or damage caused by or resulting from any interruption of service. 

11. The standard Rules and Regulations of the Company, as on file with the Arizona Corporation Commission, shall apply 
where not inconsistent with this rate schedule. 

Filed By: Raymond S. Heyman 
Titie: 
District: Entire Electric Service Area 

Senior Vice President, General Counsel 
Tariff No.: Rider-6 CEP 
Effective: DRAFT 
Page No.: 2 of2 
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AECC SUPPLEMENTAL RESPONSE TO STAFF DATA REQUEST 

The Objection indicates that AECC opposes TEP’s proposed Rider-5 ISCC Shared 
Savings Factor (25%). Is this the only objection AECC has to TEP’s Rider-5 ISCC? If 
not, please describe in detail any other objections. 

Supplemental Response: 

AECC supplements its Response with additional information designated as (d), (e) and 
(0 below. 

No. While the Shared Savings Factor represents the most serious problem with TEP’s 
proposed Rider-5 ISCC, AECC also objects to the terms of several other provisions, as 
explained below. 

@ Penalty for Failure to Interrupt 
AECC agrees that it is necessary to have a material penalty for failure to interrupt; 
however, TEP’s proposed penalty of ten times the incremental cost of power is 
disproportionate to the size of demand credit that TEP is proposing, particularly in light 
of TEP’s proposed “shared savings factor.” Specifically, if a shared savings factor is 
adopted (which AECC opposes, as stated above), then the same “shared savings factor” 
should be applied to the penalty price. In addition, the “second failure” referenced in the 
text needs to be defined with respect to a time period, specifically 12 months. 

AECC recommended alternative language for first two paragraphs of “Penalty for Failure 
to Interrupt” section: 

PENALTY FOR FAILURE TO INTERRUPT 
Customers failing to interrupt contract interruptible load for any interruption event during 
the billing month forfeits the discount for that billing month. A second failure of the 
Customer to comply with any mandated interruption for capacity constraints within 
twelve (12) months of the first failure may, in the Company’s sole discretion, result in the 
Customer being removed from this Pricing Plan for up to a twenty-four month period. 

Additionally, a Customerls failing to interrupt contract interruptible load for any 
interruption event shall purchase interruptible power taken during the event at a penalty 
price calculated as ten (1 0) times the incremental cost of power (higher of generated cost 
or market cost) taken in violation of the interruption order multiplied by any Shared 
Savings Factor. The Customer’s penalty payment shall be credited to the PPFAC 

(bJ Maximum number of interruption events in any calendar day 
AECC recommends that a limit of two interruption events in any calendar day is more 
reasonable to encourage efficient program participation. AECC recommended alternative 
language: 
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1 1. The maximum number of interruption events in any calendar day is k. 

(iJ Communication equipment 
Proposed Term 12 lists examples of the type of communication equipment that may be 
necessary to comply with data requirements, including verification. AECC agrees that 
proper communication and data measurement is essential, but seeks clarification that: (1) 
TEP will not mandate the use of RTUs; and (2) currently-installed TOU meters are 
sufficient for data measurement purposes. 

Supplemental information: 

(dJ Nomination of Interruptible Load by Customer 

This provision addresses the customer’s designation of its Interruptible Load. There is 
nothing specifically objectionable in this section; however, it requires clarification. It is 
the experience of AECC’s members that an Interruptible Tariff is best implemented 
through the Interruptible Customer specifying in advance the amount of itsfirm load, and 
then responding to an interruptible event by shedding all load down to the firm level. 
Defined in this manner, all load above the firm level is interruptible. AECC recommends 
the following edit to the first paragraph of this section: 

Nomination will occur before April 15 of the calendar year of year interruption season. 
Participating Customers shall designate the portion of their load that is Firm Load (in 
kW), which shall not be subiect to interruption. All remaining load shall be Interruptible 
Load @-W). A Participating Customer shall also designate its choice for the Notice 
Requirement Option and the Maximum Annual Duration option. A Customer may only 
choose from the available options posted by the Company. 

(e’J Interruptible Credit 

Item (C) in this section provides that the demand charge will be annualized using a 50 
percent factor, Le., 6 months of capacity value will be spread over 12 months. AECC 
does not object to the logic of this concept, but suggests that an option be available that 
allows the full credit to be available for the 6 summer months (with zero credit for the 6 
non-summer months). 

Ifl Terms and Conditions of Service #14 

This provision gives TEP the right to interrupt service for emergency purposes. AECC 
recognizes that occasional system outages may be unavoidable. However, the provision, 
as drafted, appears unduly open-ended. For example, it does not appear reasonable that 
an emergency interruption would not count as an interruption event. Further, if an 
Interruptible Customer has been subject to its maximum number of interruptions per the 
tariff and an emergency event occurs, the tariff should provide that an Interruptible 
Customer in this situation will not be treated any differently than a non-interruptible 
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customer (i.e., subject to emergency interruptions on the same basis). AECC 
recommends the following change to provision 14: 

14. Nothing herein prevents the Company from interrupting service for emergency 
situations, determined in the Company’s sole discretion. Emergency interruptions shall 
i=& count as interruption events for purposes of this Rider. During an emergency 
situation, Interruptible Customers that have already been subiected to the Maximum 
Annual Duration of interruptions will be treated on a non-discriminatory basis relative to 
non-interruptible customers for the purposes of the Company’s determination whether to 
interrupt the Customer’s service. 
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